Southwest Power Pool
BOARD OF DIRECTORS/MEMBERS COMMITTEE MEETING
April 29, 2014
Skirvin Hotel, Oklahoma City, OK
•

AG E N D A

•

8:00 a.m. – 3:00 p.m. CDT
Board of Directors/Members Committee Meeting
1. Call to Order and Administrative Items .................................................................... Mr. Jim Eckelberger
2. Board Reports
a. President’s Report ............................................................................................... Mr. Nick Brown
i. Integrated Marketplace Update - Phase I............................................... Mr. Bruce Rew
ii. Phase II.............................................................................................. Ms. Barbara Sugg
iii. Corporate Governance Committee ........................................................Mr. Nick Brown
b. Regional State Committee Report ................................................ Commissioner Donna Nelson
c. Federal Energy Regulatory Commission Report ............................................ Mr. Patrick Clarey
d. Regional Entity Trustees Report......................................................................... Mr. John Meyer
e. Finance Committee Report............................................................................... Mr. Harry Skilton
f. Strategic Planning Committee ............................................................................. Mr. Ricky Bittle
3. Consent Agenda ....................................................................................................... Mr. Jim Eckelberger
a. Approve January 28, 2014 minutes
b. Markets and Operations Policy Committee
i. TWG: KCP&L Sponsored Upgrade
ii. MWG: MCRR200 FERC Compliance Filing
MPRR 144,165,171
iii. RTWG: TRR 118, 121, 122, 124
iv. Staff: Novation from ITC to MKEC
Assignment from AEP/PSO to OK Transco
c. Finance Committee
i. Annual Financial Audit
ii. Benefit Plan Funding
4. Oversight Committee Report ........................................................................................... Mr. Josh Martin
a. 2013 State of the Market Report ................................................................... Mr. Alan McQueen
b. Looking Forward Report .................................................................................... Mr. Craig Roach
c. Order 1000 Process ........................................................................................... Mr. Paul Suskie
5. Markets and Operations Policy Committee Report ....................................................... Mr. Rob Janssen
a. GWG: Criteria 12.1.5.3.g
b. Staff: HPILS
Project Tracking – Suspension of two NTCs

Relationship-Based • Member-Driven • Independence Through Diversity
Evolutionary vs. Revolutionary • Reliability & Economics Inseparable

6. Future Meetings ........................................................................................................ Mr. Jim Eckelberger
BOD - June 9-12 .......................................................... Little Rock
Oversight Committee Meeting
Board of Directors Workshop
Special Board of Directors/Members Committee Meeting & Special Meeting of Members
Strategic Planning Committee Meeting
Human Resources Committee Meeting
RET/RSC/BOD - July 28-29 ............................................... Omaha
RET/RSC/BOD - October 27-28 ................................... Little Rock
BOD - December 9........................................................ Little Rock

Executive Session

Relationship-Based • Member-Driven • Independence Through Diversity
Evolutionary vs. Revolutionary • Reliability & Economics Inseparable

Memorandum
To:
From:
Date:
RE:

SPP Officers / Directors / Managers
Sheri Dunn / Cindy Goodwin
April 22, 2014
March 2014 Financial Package

Attached are the March 2014 monthly financial reports.
1). Financial Commentary: FY Actual to Budget Variances

Page
1

2). Financial Overview: FY Actual by month compared to Budget and Prior Year

2

3). Income Statement Actual Results Overview: Current Month Actual compared to

4

Forecast, FY Actual compared to Budget and FY Actual compared to Prior Year

4). Balance Sheet: Current Month compared to Ending Prior Year

5

6). Capital Projects Summary: Project-to-Date and Remaining Forecast compared to

6

Total Capital Project Budget

7). Headcount Analysis: Forecast compared to Budget

8
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2014 Financial Commentary
March 31, 2014
(in thousands)

Summary
2014 FY
Forecast
Revenues
Expenses
Net Income/(Loss)

2014 FY
Budget

$165,100
202,555
($37,454)

$163,166
200,692
($37,526)

Fav/(Unfav)
Variance
$1,934
(1,863)
$72

1.2%
(0.9%)
0.2%

Revenue
2014 FY
Forecast
Tariff Administration Service
FERC Fees & Assessments
NERC ERO Regional Entity Rev
Miscellaneous Income
Contract Services Revenue
Annual Non-Load Dues
Total Revenue

$135,372
14,378
11,128
3,314
453
456
$165,100

2014 FY
Budget
$132,600
14,500
11,824
3,350
453
440
$163,166

Fav/(Unfav)
Variance
$2,772
(122)
(696)
(36)
0
16
$1,934

2.1%
(0.8%)
(5.9%)
(1.1%)
0.0%
3.6%
1.2%

9
In preparation of the 2014 budget for Tariff Administration Service revenues, SPP estimated network service billing determinants utilizing January August 2013 actual results, which were running 3% below 2012 actuals, and applied that same reduction to for the remaining September 10
December 2013 estimates. The SPP region realized a significant reversal of the trend for the September -December 2013 period, which results in
network service billing determinants more closely aligned with 2012 actual results.
Network Service (GWh)
Point-to-Point

2012 Actual
325,356
36,000

2014 Budget
307,106
41,094

2013 Actual
318,980
37,170

SPP expects to collect approximately $2,772 more than budgeted for Schedule 1A administrative fees during 2014.
NERC ERO Regional Entity revenue is based on Regional Entity (RE) budgeted expenditures and anticipated pass-thru expenses for SPP
resources outside the RE. The primary drivers of the unfavorable revenue variance relate to compensation and outside services. Although the
budget assumed the RE would be fully staffed at the beginning of the year, currently 5 of the 31 budgeted positions remain vacant (with 1 position
postponed to 2015). The services variance is related to fewer audit and hearings expenses during the first quarter.
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2014 Financial Commentary
March 31, 2014
(in thousands)

Expense
2014 FY
Forecast
Salary & Benefits
Assessments & Fees
Communications
Maintenance
Outside Services (Including RSC)
Administrative & Leases
Travel & Meetings
Depreciation & Amortization
Other Expenses
Total Expense

$81,292
15,375
3,936
15,453
14,831
4,777
2,987
52,546
11,357
$202,555

2014 FY
Budget
$82,247
15,300
3,916
15,866
14,640
4,858
3,112
49,718
11,035
$200,692

Fav/(Unfav)
Variance
$954
(75)
(20)
413
(191)
81
125
(2,828)
(321)
(1,863)

1.2%
(0.5%)
(0.5%)
2.6%
(1.3%)
1.7%
4.0%
(5.7%)
(2.9%)
(0.9%)

Pension and retiree healthcare funding was reduced in accordance to the Finance Committee funding recommendations and therefore contributes
to the favorable variance in Salaries & Benefits ($625). A higher vacancy rate (5% as compared to 2% in the budget) also results in expenses
trailing budget including base pay and associated per-employee benefits costs such as insurance and taxes $300. The budget assumed headcount
would be 597 beginning in January; however, 15 positions became vacant after the budget was finalized, which resulted in 2014 beginning
headcount of 569. As of March, 25 positions remain open. A slow start in scheduling outside training also favorably impacts the variance in
Continuing Education expense ($157). As a result of work efforts leading up to the Integrated Marketplace launch, premium pay for overtime
created an offset to the favorable variances ($126).
The Outside Services variance is related to various offsetting factors. A portion of the IM consulting contracts (included in the IM capital budget)
was actually related to post go-live support activities and therefore will be appropriately expensed for the remainder of the support contract
($740). Outside services trail budget across several departments, with the main drivers found in Regional Entity, Legal, and Internal Audit. The
Regional Entity variance relates to fewer audit and hearings expenses during the first quarter ($222). Year-to-date outside legal fees related to the
Integrated Market were lower than expected, but this decrease was partially offset by higher than anticipated expenses related to the MISO
contested docket (net $135 favorable Legal expense). Internal Audit expense trails budget as a result of restructuring the Type 1 audit. This
change resulted in part of the Type 1 audit items being included in the 2013 Readiness Assessment (resulting in $180 savings in 2014).
Travel & Meetings trail budget across most departments in immaterial amounts with the exception of the Regional Entity ($43) and Engineering
($25). This is partially due to lower headcount.
Depreciation for the Integrated Marketplace was budgeted to begin April 1st instead of March 1st and therefore results in an unfavorable variance in
depreciation expense.
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Southwest Power Pool
Monthly Overview
March 31, 2014
(in thousands)

Actual
Jan-14

Actual
Feb-14

Actual
Mar-14

Fcst
Apr-14

Fcst
May-14

Fcst
Jun-14

Fcst
Jul-14

Fcst
Aug-14

Fcst
Sep-14

Fcst
Oct-14

Fcst
Nov-14

Fcst
Dec-14

FY 2014
Forecast

FY 2014
Budget

Variance
Fav/(Unfav)

FY 2013 Variance
Actual Fav/(Unfav)

Income
Tariff Administrative Service
Fees & Assessments
Contract Services Revenue
Miscellaneous Income
Total Income

11,613
2,483
36
380
14,512

10,265
2,122
36
191
12,615

11,348
1,789
38
231
13,406

10,925
2,085
38
279
13,327

11,675
1,985
38
279
13,977

10,925
2,185
38
279
13,427

11,675
2,485
38
279
14,477

11,675
2,285
38
279
14,277

10,925
2,185
38
279
13,427

11,675
2,085
38
279
14,077

10,925
2,085
38
279
13,327

11,746 $135,372
2,185
25,962
38
453
279
3,314
14,248 165,100

132,600
26,764
453
3,350
163,166

$2,772
(802)
0
(36)
1,934

112,624
25,188
425
4,502
142,738

$22,748
774
28
(1,188)
22,362

Expense
Salary & Benefits
Employee Travel
Administrative
Assessments & Fees
Meetings
Communications
Leases
Maintenance
Services
Regional State Committee
Depreciation & Amortization
Total Expense

6,489
106
188
1,300
91
374
13
1,013
837
11
1,750
12,171

6,737
135
344
1,300
72
318
12
1,012
1,261
15
1,736
12,942

6,646
150
207
1,300
77
308
16
1,144
1,857
15
4,517
16,238

6,984
227
532
1,275
105
326
15
1,403
1,366
23
4,953
17,209

6,799
180
376
1,275
84
326
15
1,354
1,151
23
4,891
16,475

6,752
192
627
1,275
38
326
15
1,374
1,135
23
4,953
16,710

6,740
168
337
1,275
91
326
15
1,369
1,208
73
4,949
16,552

6,799
177
323
1,275
56
326
15
1,359
1,131
23
4,963
16,448

6,804
231
245
1,275
81
326
15
1,355
1,200
23
4,972
16,527

6,891
212
894
1,275
82
326
15
1,355
1,250
23
4,951
17,274

6,823
151
285
1,275
76
326
15
1,356
1,061
23
4,949
16,340

6,827
158
244
1,275
46
326
15
1,358
1,076
23
4,962
16,312

81,292
2,088
4,600
15,375
899
3,936
177
15,453
14,532
299
52,546
191,198

82,247
2,192
4,675
15,300
919
3,916
183
15,866
14,313
328
49,718
189,657

955
104
75
(75)
21
(20)
6
413
(219)
29
(2,828)
(1,541)

79,660
1,868
3,967
14,699
930
3,665
432
11,301
15,870
207
19,398
151,995

(1,632)
(221)
(633)
(676)
31
(271)
254
(4,153)
1,338
(92)
(33,148)
(39,203)

(41)
2
(837)
(875)

58
2
(886)
(826)

(41)
5
3
(841)
221
27
(627)

(1,047)
(1,047)

(1,049)
(1,049)

(1,047)
50
(997)

(1,028)
(1,028)

(1,028)
(1,028)

(1,026)
71
(955)

(1,007)
(1,007)

(1,005)
(1,005)

(1,007)
92
(914)

(41)
22
8
(11,806)
434
27
(11,357)

(12,195)
1,160
(11,035)

(41)
22
8
389
(725)
27
(321)

57
5,651
223
(10,540)
2,777
923
(910)

(57)
(41)
(5,629)
(215)
1,266
2,342
896
(1,438)

$1,465

($1,153)

($3,459)

($4,928)

($3,546)

($4,279)

($3,102)

($3,199)

($4,054)

($4,203)

($4,018)

($2,978) ($37,454)

($37,526)
(26,608,179)

$72

($10,168)

($27,287)

569
597
(28)

570
598
(28)

573
598
(25)

574
598
(24)

577
598
(21)

583
598
(15)

588
598
(10)

595
598
(3)

595
598
(3)

597
598
(1)

597
598
(1)

597
598
(1)

597
598
(1)

$3,193

$501

$2,076

$199

$1,569

($2,885)

$1,622

$1,688

($2,644)

$922

$1,055

($2,831)

$4,465

$0

$4,464

$4,549

($84)

Other Income/(Expense)
Gain or Loss on Sale of Fixed Asset
Bad Debt Expense
Other Income/Expense
Interest Income
Interest Expense
Capitalized Interest
Change in Valuation of Swap
Net Other Income (Expense)
Net Income (Loss)
2014 Headcount Forecast
2014 Headcount Budget
Over / (Under) Budget
NRR Over / (Under) Recovery
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Southwest Power Pool
Actual Results Overview
March 31, 2014
(in thousands)

Current Month Compared to Forecast
Mar-2014
Mar-2014
Variance
Actual
Forecast
Fav/(Unfav)
Expense
Salary & Benefits
Employee Travel
Administrative
Assessments & Fees
Meetings
Communications
Leases
Maintenance
Services
Regional State Committee
Depreciation & Amortization
Total Expense
Other Income/(Expense)
Gain or Loss on Sale of Fixed Asset
Bad Debt Expense
Other Income/Expense
Interest Income
Interest Expense
Capitalized Interest
Change in Valuation of Swap
Net Other Income (Expense)
Net Income (Loss)
Headcount

6,646
150
207
1,300
77
308
16
1,144
1,857
15
4,517
16,238

6,881
166
556
1,275
77
326
15
1,350
1,203
23
1,749
13,622

(41)
5
3
(841)
221
27
(627)

$235
16
349
(25)

YTD Actual Compared to YTD Budget
Mar-2014 Mar-2014
Variance
Actual
Budget
Fav/(Unfav)

YTD 2014 Compared to YTD 2013
Mar-2014
Mar-2013
Variance
Current Year Prior Year
Fav/(Unfav)

18
(0)
206
(654)
8
(2,768)
(2,616)

19,872
391
738
3,900
240
999
40
3,169
3,956
41
8,003
41,351

20,557
508
1,211
3,825
243
979
46
3,963
3,796
69
5,174
40,371

$684
117
472
(75)
2
(20)
6
793
(160)
29
(2,828)
(980)

19,872
391
738
3,900
240
999
40
3,169
3,956
41
8,003
41,351

19,140
466
1,037
4,086
204
865
221
2,723
3,216
4,653
36,611

($733)
75
298
186
(37)
(134)
181
(446)
(740)
(41)
(3,350)
(4,740)

(1,064)
946
(118)

(41)
5
3
223
(725)
27
(509)

(41)
22
8
(2,564)
221
27
(2,328)

(2,953)
946
(2,007)

(41)
22
8
389
(725)
27
(321)

(41)
22
8
(2,564)
221
27
(2,328)

84
88
(2,667)
800
231
(1,464)

(41)
(62)
(81)
103
(579)
(204)
(864)

($3,459)

($288)

($3,171)

($3,147)

($1,084)

($2,063)

($3,147)

($2,830)

($317)

573

573

-

573

598

(25)

573

566

7
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Southwest Power Pool
Balance Sheet
March 31, 2014
(in thousands)

3/31/2014
ASSETS
Current Assets
Cash & Equivalents
Restricted Cash Deposits
Accounts Receivable (net)
Other Current Assets
Total Current Assets

12/31/2013

Net Change

$57,282
112,229
29,013
13,159
$211,682

$34,874
76,713
24,134
6,966
$142,688

$22,408
35,516
4,879
6,192
$68,995

201,854
2,783
1,342

204,260
3,158
1,305

(2,406)
(375)
37

$417,661

$351,411

$66,250

$14,496
119,438
25,886
23,586
6,544
189,950

$15,954
76,714
22,998
29,038
5,919
150,622

(1,458)
42,725
2,888
(5,451)
625
39,328

Long Term Liabilities
US Bank 5.45% Senior Notes - 2016
US Bank Maumelle Mortgage - 2027
Campus 4.82% Senior Notes - 2042
Integrated Marketplace 3.55% Senior Note - 2024
Senior Notes - 2024
Senior Notes - 2025
Other Long Term Liabilities
Total Long Term Liabilities

7,500
3,495
62,695
63,000
92,500
37,000
5,564
271,754

9,000
3,547
62,964
64,750
95,000
6,426
241,687

(1,500)
(51)
(270)
(1,750)
(2,500)
37,000
(862)
30,067

Net Income
Members' Equity
Total Members' Equity

(3,147)
(40,896)
(44,043)

(10,168)
(30,728)
(40,896)

7,021
(10,168)
(3,147)

TOTAL LIABILITIES & EQUITY

$417,661

$351,411

$66,250

Total Fixed Assets
Total Other Assets
Investments
TOTAL ASSETS
LIABILITIES & EQUITY
Liabilities
Current Liabilities
Accounts Payable (net)
Customer Deposits
Current Maturities of LT Debt
Other Current Liabilities
Deferred Revenue
Total Current Liabilites
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Capital Project Dashboard
(in millions)

2014-2016 Total Project Budget vs. Forecast *
$140.0
$120.0

$115.2

$115.0

$100.0
$80.0
$60.0
$40.0

$21.8

$20.0

$21.9

$16.7

$16.5

$23.3

$23.3

$0.0
Integrated Marketplace
Go-Live

Phase II Projects

Carry Over and New
Projects

IT / Ops Foundation

* Includes prior year expenses (except for IT / Ops Foundation projects)
Total Budget

Total Project
Budget vs. Forecast
$177.0

$176.8

Total Forecast

Project-to-Date vs.
Remaining Forecast
$58.2

Project-to-Date
Remaining
Forecast

$118.6
Total Budget

Total Forecast
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Complete Project List
Total Project-to-Date and Remaining Forecast Compared to Budget
As of March 31, 2014
(in thousands)
Capital Project
Integrated Marketplace Go-Live
Phase II
Carry Over and New Projects
OPS DTS Upgrade to TTSE (2015)
Transmission Settlements Upgrade ETSE3.0 (2015)
Netezza Upgrade
EMS Upgrade
EMS Readiness
Data Center Migration
Aurea ESB Replacement
Project Server Upgrade
Miscellanous Facilities
Alstom ETS Foundation
QA ICCP Buildout
TAGIT Database Enhancement
Cost Allocation SQL Database
Engineering App Store
FERC Order 1000 Regional RFP
EIS Sunset
Rate Impact Automation (2015)
2013 Carryforward - Centralized Modeling Tool
2013 Carryforward - Credit Stacking
Carry Over and New Projects
IT / Ops Foundation *
IT Systems Foundation
IT Network Telecom
IT Applications Foundation
IT Ops Foundation
Operations Foundation
IT / Ops Foundation
Total Capitalized Project Expense

Total
Budget

Project-toDate Actual

Remaining
Forecast

Total
Forecast

Over/(Under)
Budget

$115,173

$112,728

$2,298

$115,026

($147)

$21,771

$2,355

$19,585

$21,940

$170

4,400
3,775
3,038
1,696
728
720
706
300
318
225
180
150
50
25
165
150
75
-

2,161
2
872
264
3
7
2

4,400
3,775
877
1,671
450
706
252
280
175
180
150
35
25
165
75
-

4,400
3,775
3,038
1,673
872
714
706
252
280
175
183
150
35
25
165
75
7
2

(0)
(23)
144
(6)
(48)
(38)
(50)
3
(15)
(150)
7
2

$16,700

$3,310

$13,216

$16,526

($174)

8,154
7,596
2,799
901
3,889

46
32
2
78

8,107
7,530
2,799
899
3,771

8,153
7,562
2,799
902
3,849

(1)
(34)
0
(40)

$23,339

$158

$23,106

$23,265

($75)

$176,983

$118,552

$58,205

$176,757

($226)

* IT / Operations foundation projects are reforecast during each budget cycle and do not include any carry-over funds. Project-to-Date reflects only 2014
year-to-date actual results for both IT and Ops foundation projects.

8 of 77

Page 8 of 8

Southwest Power Pool
Headcount Analysis
March 31, 2014
Current Month Actual vs. Budget
Actual
Budget
Over/(Under)
Mar-14
Mar-14
Budget
Administration
Officers
Accounting
Credit
Settlements
Administration

Full Year Forecast vs. Budget
FY 2014
FY 2014 Over/(Under)
Forecast
Budget
Budget

0
10
10
4
25
49

0
10
10
4
25
49

0
0
0
0
0
0

0
10
10
4
25
49

0
10
10
4
25
49

0
0
0
0
0
0

Corporate Services

30

29

1

30

29

1

Inter-Regional Affairs
Project Management
Training
Customer Service
Process Management
Internal Audit
Process Integrity

4
13
11
10
3
6
47

4
13
13
9
2
6
47

0
0
(2)
1
1
0
0

4
13
11
10
3
6
47

4
13
13
9
2
6
47

0
0
(2)
1
1
0
0

SPP Compliance
Communications
Market Monitoring
Compliance & Market Monitoring

11
3
14
28

13
3
14
30

(2)
0
0
(2)

12
4
14
30

13
3
14
30

(1)
1
0
0

SPP Regional Entity

26

31

(5)

30

31

(1)

Information Technology

139

144

(5)

144

144

0

6

6

0

6

6

0

Operations

153

157

(4)

157

157

0

Engineering Planning

40

41

(1)

43

41

2

Engineering Other

30

38

(8)

35

38

(3)

Regulatory Policy & General Counsel

25

26

(1)

26

26

0

573

598

(25)

597

598

(1)

Markets

TOTAL HEADCOUNT

* Regional Entity positon postponed to 2015.
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Corporate Metrics
1st Quarter 2014
April 21, 2014
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800

1.60%

700

1.40%

600

1.20%

500

1.00%

400

0.80%

300

0.60%

200

0.40%

100

0.20%

-

0.00%

Binding & Breached Time
Time in hours

Jan 13

Feb 13

Mar 13

Apr 13

May 13

Over Limit Time

Jun 13

Jul 13

Aug 13

Sep 13

% Tags/Schedules Curtailed

Transmission & Market Indicators

Hours

1a. Congestion

% Tags/ Schedules Curtailed (GWh)

Oct 13

Nov 13

Dec 13

Jan 14

Feb 14

Mar 14

2011

2012

2013

12 mo

Binding & Breached
Time

534

443

674

694

581

628

687

735

663

592

588

656

574

498

595

555

625

623

624

Over Limit Time

121

252

335

264

164

413

422

477

276

191

363

410

377

383

*

156

277

307

312

% Tags/ Schedules
Curtailed (GWh)

0.39% 0.18% 0.34% 0.95% 0.35% 0.34% 0.55% 0.72% 0.65% 0.32% 0.45% 0.83% 0.46% 0.20% 0.03%

0.62% 0.61% 0.51% 0.49%
Monthly Average

Average Monthly Binding &
800 Breached Time (hrs)

400

600

300

Average Monthly Over Limit
Time (hrs)

* not available at time of report publication

200

400

100
200
-

2011

2012

2013 12 mo

2011 2012 2013 12 mo
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Transmission & Market Indicators

300

1.20%

250

1.00%

200

0.80%

150

0.60%

100

0.40%

50

0.20%

-

0.00%

Market (Schedules) Curtailments

in GWh

Tag Curtailments

% Tags/Schedules Curtailed

GWh Curtailed

1b. Congestion - Curtailments

% Tags/Schedules Curtailed
2011

2012

2013

12 mo

Jan 13

Feb 13

Mar 13

Apr 13

May 13

Jun 13

Jul 13

Aug 13

Sep 13

Oct 13

Nov 13

Dec 13

Jan 14

Feb 14

Mar 14

Tag Curtailments

28.4

14.9

20.9

28.2

21.7

10.1

23.3

39.0

63.8

60.5

65.0

133.8

34.7

20.8

5.0

87

42

42

42

Market (Schedules)
Curtailments

66.8

24.2

56.4

177.6

59.2

78.6

137.3

172.7

103.7

13.9

36.3

79.3

85.9

27.1

*

67

105

84

81

TOTAL Curtailments

95.3

39.1

77.3

205.8

80.9

88.8

160.5

211.7

167.5

74.4

101.4

213.1

120.5

48.0

5.0

154

148

126

123

Total Tags/
Schedules

24,702 21,288 22,960 21,662 23,084 26,010 29,098 29,602 25,827 22,976 22,724 25,740 26,486 23,442 15,630

24,689 24,343 24,640 24,357

% Tags/ Schedules
Curtailed

0.39% 0.18% 0.34% 0.95% 0.35% 0.34% 0.55% 0.72% 0.65% 0.32% 0.45% 0.83% 0.46% 0.20% 0.03%

0.62% 0.61% 0.51% 0.49%

Tag Curtailments (GWh)
100

120

Market
Curtailments (GWh)

* no Market (Schedules) Curtailments in Integrated Marketplace

80
90
60
60

40

30

20
-

-

2011 2012 2013 12 mo

2011 2012 2013 12 mo
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1c. Congestion - TLR / CME Time
3,000

Transmission & Market Indicators

Hours in TLR / CME

2,000

1,000

0

Level 5B
in hours

Jan 13

Feb 13

Mar 13

Level 5A

Apr 13

May 13

Level 4

Jun 13

Jul 13

Level 3B

Aug 13

Sep 13

Oct 13

Level 3A

Nov 13

Dec 13

CME Time (loading >90%)

Jan 14

Feb 14

Mar 14

2011

2012

2013

12 mo

Level 3A

361

327

359

166

177

120

227

290

498

379

392

377

435

202

291

517

369

306

296

Level 3B

18

11

22

9

14

23

13

7

28

13

13

30

41

28

11

46

23

17

19

4

31

0

0

0

0

0

0

0

0

4

0

1

0

5

77

9

4

1

Level 5A

103

146

31

20

59

10

80

160

66

0

58

276

151

144

41

52

110

84

89

Level 5B

6

11

4

3

5

4

3

0

1

0

3

15

12

11

2

6

5

5

5

Total TLR Time

492

526

416

198

255

157

323

457

593

392

470

698

640

385

350

697

517

415

410

CME Time
(loading >90%)

2,206

1,519

2,147

2,474

1,791

2,969

2,682

2,961

2,370

2,284

2,151

2,660

2,143

1,839

2,208

1,315

2,276

2,351

2,378

Level 4

Monthly Average in Hours
Monthly Average Level 3
TLR (hrs)
1,200

100

Monthly Average Level 4
TLR (hrs)

80
800

60

Monthly Average Level 5
TLR (hrs)
120

2,000

80

1,500

40

500

20
-

2011

2012

2013 12 mo

-

CME Time (loading >
90%)
(hrs)

1,000

40

400

2,500

2011

2012

2013 12 mo

-

2011

2012

2013 12 mo

-

2011 2012 2013 12 mo
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1d. Congestion - Congested Intervals
100%

80%

60%

40%

Transmission & Market Indicators

20%

0%

Uncongested Intervals

Jan 13

Feb 13

Mar 13

Apr 13

May 13

Jun 13

Intervals with Binding Only

Jul 13

Aug 13

Sep 13

Oct 13

Intervals with a Breach

Nov 13

Dec 13

Jan 14

Feb 14

Mar 14

2011

2012

2013

12 mo

Uncongested
Intervals

28%

34%

9%

4%

22%

13%

8%

1%

8%

20%

18%

12%

23%

26%

30.8% 23.8% 14.5% 13.9%

Intervals with
Binding Only

68%

61%

83%

87%

73%

81%

86%

94%

86%

74%

72%

75%

65%

63%

63.8% 71.8% 79.2% 78.0%

3%

5%

8%

9%

5%

7%

6%

5%

6%

5%

9%

14%

12%

11%

Intervals with a
Breach

Uncongested Intervals

30%

100%

Intervals with Binding Only

10%

10%

80%

8%

60%

6%

40%

4%

20%

2%

0%
2011

2012

6.3%

8.0%

Intervals with a Breach

March 2014 data not available
at time of report publication.

20%

0%

4.4%

Average

Interval = 5 minutes
40%

5.4%

2013

12 mo

2011

2012

2013

12 mo

0%

2011

2012

2013

12 mo
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1f. Price Contour Map - 12 months (March 2013-February 2014)
0/2014 03:13:50 PM

VICXFRWAYSTE
PENMUNSTRCRA
PENMUN87TCRA
EASXFREASSTJ
SUBTEKFTCRAU

500 kV
345 kV

Transmission & Market Indicators

230 kV

HAYVINPOSKNO

NEORIVNEOBLC

OSGCANBUSDEA
TAHH59MUSFTS

GRAXFRSWEELK
SHAXFRELKXFR
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Transmission & Market Indicators

1g. Congestion - Flowgates - 12 months (March 2013-February 2014)
$50

50%

$40

40%

$30

30%

$20

20%

$10

10%

$0

0%

Avg Hourly Shadow Price ($/MWh)

Region

Texas Panhandle

Kansas City Omaha Corridor

Flowgate
Name

Flowgate Location (kV)

OSGCANBUSDEA

Osage Switch - Canyon East [SPS] [(115) ftlo
Bushland - Deaf Smith [SPS] (230)

1. Tuco Int. – Woodward 345 kV line (May 2014 - Balanced Portfolio)
2. Castro County Int. – Newhart 115 kV line (April 2015 - Regional Reliability)
3. Tuco Int. – Amoco – Hobbs 345 lines (Currently on hold – ITP10)

$4.57

10.3%

$4.42

1.5%

1.Bowers – Howard 115 kV line (June 2016 – ITPNT)
2. Grapevine Transformer (June 2014)
1. Elk City – Gracemont 345 kV line (March 2018 – ITP10)
2. Potter Co-Tolk 345 kV line (December 2018)

$16.35

7.7%

1. Iatan – Nashua 345 kV line (June 2015 - Balanced Portfolio)

$11.31

9.5%

1. Iatan – Nashua 345 kV line (June 2015 - Balanced Portfolio)

Sub 1226 - Tekamah (161) ftlo Fort Calhoun Raun (345) [OPPD/MEC]

$3.11

1.8%

No projects identified at time of report publication.

Victory Hill Xfmr (230/115) [NPPD} ftlo
Wayside-Stegall (230) [WAUE]

$6.11

5.0%

1. Victory Hill Transformer (December 2016)
2. Scottsbluff – Stegall 115 kV (June 2014)
1. Shipe Road – East Rogers 345 kV (June 2016 - Regional Reliability)

PENMUN87TCRA
Pentagon – Mund (115) [WR] ftlo 87th Street
PENMUNSTRCRA
– Craig (345) [WR-KCPL]
(see note below)

SE Kansas

NEORIVNEOBLC

Neosho-Riverton (161) [WR-EDE] ftlo
Neosho-Blackberry (345) [WR-AECI]

$4.30

3.2%

Central Kansas

HAYVINPOSKNO

Hayes - Vine (115) ftlo Postrock - Knoll (230)
[SECI-MIDW]

$3.64

0.8%

Tahlequah-Highway 59 (161) [GRDA-OGE]
ftlo Muskogee-Fort Smith (345) [OGE]

$3.05

0.9%

Eastern Oklahoma TAHH59MUSFTS

Projects Expected to Provide Some Positive Mitigation
(Estimated In Service Date – Upgrade Type)

36.7%

Grapevine Xfmr (230/115) [SPS] ftlo
Sweetwater – Elk City (230) [CSWS]
Shamrock Xfmr (115/69) [CSWS} ftlo Elk
SHAXFRELKXFR
City Xfmr (230/138) [WFEC]
Eastowne Xfmr (345/161) ftlo Eastowne-St.
EASXFREASSTJ
Joe (345) [GMOC]

Western Nebraska VICXFRWAYSTE

Avg Hourly
Total %
Shadow
Intervals
Price
($/MWh) Congested

$47.98

GRAXFRSWEELK

SUBTEKFTCRAU

Total % Intervals Congested

1. Hayes – Vine 115 kV Terminal (June 2015)
2. Hayes – Vine 115 kV Reconductor
1. Muskogee – Seminole 345kV (December 2013 - Balanced Portfolio)
2. Gore – Muskogee 161 kV (June 2018)
3. Gore – Sallisaw 161 kV (June 2018)

Note: PENMUN87TCRA replaced PENMUNSTRCRA on 4/1/13. Their history has been combined and is reflected as one entry on this table.
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2a. Regional Control Performance - CPS1 Compliance
20
18
16

12
10
8
6
4
2
0

<100%

BA's with a CPS1 value of <100% are non-compliant

CPS1
>150%
100%-150%
<100%

Jan 13

Feb 13

Mar 13

Apr 13

May 13

Jun 13

Jul 13

Aug 13

Sep 13

Oct 13

Nov 13

Dec 13

100%-150%

Jan 14

Feb 14

Mar 14

>150%

2010

2011

2012

2013

4

7

5

7

7

6

6

9

7

8

9

8

6

7

0

6

4

4

8

16

13

15

13

13

14

14

11

13

12

11

12

11

10

0

13

16

16

12

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

-

-

-

-

Average
20

Violation if any 1 Balancing Authority has an average over the 12 month period of less
than 100%.

16
# Balancing Authorities

Transmission & Market Indicators

# Balancing Authorities

14

Notes:
1. Three BAs (CLEC, LEPA, LAFA) became part of MISO with Entergy's
integration into MISO in December 2013.
2. March 1, 2014 all exisiting BAs became part of the Consolidated SPP BA.

12
8
4
-

2010

2011

<100%

2012

100%-150%

2013

>150%
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2b. Regional Control Performance - CPS2 Compliance
20
18
16

12
10
8
6
4
2
0

<90%

BA's with a CPS2 value of <90% are non-compliant

CPS2

90-95%

2011

2012

2013

0

17

17

17

15

4

0

2

3

3

5

0

0

0

Feb 13

Mar 13

Apr 13

May 13

Jun 13

Jul 13

Aug 13

Sep 13

Oct 13

Nov 13

Dec 13

Jan 14

Feb 14

18

17

15

15

13

12

14

14

15

15

17

18

12

13

90-95%

2

3

5

5

7

8

6

6

5

5

3

2

5

<90%

0

0

0

0

0

0

0

0

0

0

0

0

0

>95%

>95%

2010

Jan 13

Mar 14

-

-

-

Average
20
Violation if any 1 Balancing Authority has a violation in a 12 month period.
# Balancing Authorities

Transmission & Market Indicators

# Balancing Authorities

14

16

Notes:
1. Three BAs (CLEC, LEPA, LAFA) became part of MISO with Entergy's
integration into MISO in December 2013.
2. March 1, 2014 all exisiting BAs became part of the Consolidated SPP BA.

12
8
4
0

2010

2011

<90%

2012

90-95%

2013

>95%
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3a. Transmission Utilization - $
120

100

in millions $

80

60

20

0

Non-Firm PTP

Feb 13

Mar 13

Apr 13

May 13

Jun 13

Jul 13

Firm PTP

Aug 13

Sep 13

Oct 13

Network

Service (in MM $)

Jan 13

Network

77.07 84.17 85.12 84.09 88.07 91.14 98.99 93.14 93.13 89.49 89.01 91.84 92.01 101.86 104.32

Nov 13

Dec 13

Jan 14

Feb 14

Mar 14

2011

2012

2013

12 mo

66.16 77.17 88.77 93.09

Firm PTP

7.41

7.84

8.07

7.25

7.35

7.56

8.27

7.20

7.85

8.76

5.31

7.94 10.64

9.14

9.06

4.65

6.50

7.57

8.03

Non-Firm PTP

0.80

0.52

0.53

0.71

0.68

0.47

0.75

0.59

0.64

0.68

0.60

0.86

1.17

0.43

0.65

0.66

0.65

0.76

1.58

85.28 92.53 93.72 92.04 96.11 99.17 108.01 100.93 101.62 98.92 94.91 100.64 104.23 112.17 113.80

Total

71.46 84.33 96.99 101.88
Monthly Average

$120
$90
in millions

Transmission & Market Indicators

40

$60
$30
$0

2011

2012

Non-Firm PTP

2013
Firm PTP

12 mo
Network
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3d. Transmission Service Requests
1,000,000
Confirmed

Refused

GWh

800,000
600,000
400,000

2012

2013

Yearly

Monthly

Weekly

Daily

Hourly

Yearly

Monthly

Weekly

Daily

Hourly

Yearly

Monthly

Weekly

Daily

Hourly

Yearly

Monthly

Weekly

Daily

2011

2014 (first 3 months)

120,000
100,000
80,000
GWh

60,000
40,000

2011

Hourly
Daily
Weekly
Monthly
Yearly
Total

30,473
3,286
987
6,436
724,067
765,249

2012
Refused

9,525
19,098
4,723
54,967
62,545
150,858

Confirmed

26,973
1,795
520
5,503
792,533
827,324

8,733
13,676
5,796
107,103
104,685
239,993

Confirmed

28,986
1,045
772
9,021
793,821
833,645

Yearly

Monthly

Weekly

Daily

Hourly

Yearly

2013
2013

Refused

Monthly

Weekly

Daily

Hourly

Yearly

Monthly

2012

2011
Confirmed

Weekly

Daily

Hourly

Yearly

Monthly

Weekly

0

Daily

20,000
Hourly

Transmission & Market Indicators

0

Hourly

200,000

2014 (first 3 months)
2014 (first 3 months)

Refused

9,234
6,318
4,204
34,716
124,476
178,948

Confirmed

5,596
465
278
2,189
181,728
190,255

Refused

1,638
2,245
3,105
7,087
37,955
52,029
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$50

$10

$40

$8

$30

$6

$20

$4

$10

$2

$0

Mar
12

Apr
12

May Jun Jul 12 Aug Sep
12
12
12
12

Oct
12

Electricity (LIP)

in $

Monthly Avg
LIP ($/MWh)
PEPL Gas
Cost ($/MMBtu)

Jan 13

Feb 13

Mar 13

Apr 13

Nov
12

Dec
12

Jan
13

Feb
13

Mar
13

12 month avg LIP

May 13

Jun 13

Jul 13

Aug 13

Apr
13

May Jun Jul 13 Aug Sep
13
13
13
13

Gas (PEPL)

Sep 13

Oct 13

Nov 13

Oct
13

Nov
13

Dec
13

Jan
14

Feb
14

Mar
14

$0

12 month avg Gas

Dec 13

Jan 14

Feb 14

23.35

23.96

27.26

27.59

27.52

25.35

26.95

26.39

24.48

23.86

23.92

30.39

29.22

42.78

3.28

3.28

3.69

4.03

3.87

3.56

3.47

3.23

3.43

3.51

3.41

4.22

4.83

8.00

Mar 14
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Gas Cost (Panhandle Eastern Pipeline) $/MMBtu

Electricity Price (LIP) $/MWh

Transmission & Market Indicators

4c. EIS Prices

$60

$12

$50

$10

$40

$8

$30

$6

$20

$4

$10

$2

$0

$0

2007

2008

2009

2010

Monthly Avg LIP ($/MWh)

in $

Monthly Avg LIP
($/MWh)
PEPL Gas Cost
($/MMBtu)

2007

2008

2009

2010

2011

2012

2013

49.42

53.21

27.89

31.33

29.28

22.29

25.89

6.15

7.12

3.31

4.17

3.89

2.64

3.54

2011

2012

2013

PEPL Gas Cost ($/MMBtu)

Average
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Gas Cost (Panhandle Eastern Pipeline) $/MMBtu

Electricity Price (LIP) $/MWh

Transmission & Market Indicators

4d. EIS Prices - annual

5. Revenue Neutrality Uplift

$2,000

$0

-$1,000

-$2,000

-$3,000

-$4,000

in thousands $

Total Uplift

Jan 13

759

Feb 13

-669

Mar 13

-1,130

Apr 13

-610

May 13

-1,165

Jun 13

-381

Jul 13

265

Aug 13

828

Sep 13

-1,089

Oct 13

-2,282

Nov 13

-1,535

Dec 13

-546

Jan 14

-1,510

Feb 14

Mar 14

-3,350

2011

2012

2013

-2,398

-13,769

-7,463

12 mo
-11,375

Total
$4,000

in thousands $

Transmission & Market Indicators

in thousands $

$1,000

Revenue Neutrality Uplift (RNU) ensures settlement payments/receipts for each
hourly settlement interval equal zero.

$0

• Positive RNU - SPP receives insufficient revenue and collects from market participants.
• Negative RNU - SPP receives excess revenue, which must be credited back to

-$4,000

market participants.

-$8,000
-$12,000
-$16,000

2011

2012
-3000

2013
-3000 -3000

12 mo
-3000 -3000

-3000

-3000

-3000

-3000

-3000

-3000

-3000

-3000
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80%

30,000

60%

20,000

40%

10,000

20%

Mar 12 Apr 12 May 12 Jun 12 Jul 12 Aug 12 Sep 12 Oct 12 Nov 12 Dec 12 Jan 13 Feb 13 Mar 13 Apr 13 May 13 Jun 13 Jul 13 Aug 13 Sep 13 Oct 13 Nov 13 Dec 13 Jan 14 Feb 14 Mar 14

Dispatchable MW

Daily Average

Jan 13

Feb 13

Mar 13

Apr 13

May 13

Jun 13

Jul 13

Aug 13

Total Offered MW

Sep 13

Oct 13

Nov 13

% of Total Offered

40,000

0

0%

% of Total Offered

Dec 13

Jan 14

Feb 14

Mar 14

2010

2011

2012

12 mo

Dispatchable MW

13,613

12,903

12,455

11,360

12,351

16,077

17,028

16,991

15,443

12,102

12,350

14,396

14,588

14,155

11,221

12,738

13,693

14,258

Total Offered MW

30,762

28,789

27,415

26,215

28,411

35,764

38,706

38,976

34,699

27,950

28,831

32,259

32,740

32,043

33,917

32,079

31,781

32,418

% of Total Offered

44%

45%

45%

43%

43%

45%

44%

44%

45%

43%

43%

45%

45%

44%

33.1%

39.7%

43.1%

44.0%

Monthly Average
40,000

% of Total Offered
50%

MW (daily average)

Transmission & Market Indicators

MW (daily average)

6a. Market Liquidity - Offered and Dispatchable

30,000
40%
20,000

30%

10,000
0

20%
10%
Dispatchable MW
2010

Total Offered MW
2011

2012

12 mo

0%

2010

2011

2012

12 mo
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6b. Market Liquidity - Volume

80,000

$4,000

60,000

$3,000

40,000

$2,000

20,000

$1,000

Mar 12 Apr 12 May 12 Jun 12 Jul 12 Aug 12 Sep 12 Oct 12 Nov 12 Dec 12 Jan 13 Feb 13 Mar 13 Apr 13 May 13 Jun 13 Jul 13 Aug 13 Sep 13 Oct 13 Nov 13 Dec 13 Jan 14 Feb 14 Mar 14

Sales (MWh)
Average Daily

Jan 13

Feb 13

Mar 13

Apr 13

May 13

Jun 13

Jul 13

Aug 13

Sales ($000s)

$5,000

0

$0

Sales ($000's)
Sep 13

Oct 13

Nov 13

Dec 13

Jan 14

Feb 14

Mar 14

2011

2012

2013

12 mo

Sales (MWh)

70,856

65,433

61,724

69,420

68,504

88,415

82,315

84,023

77,024

64,210

67,634

74,713

75,710

71,884

60,380

73,795

72,856

74,896

Sales ($000's)

1,598

1,491

1,597

1,799

1,804

2,123

2,178

2,182

1,787

1,414

1,435

2,025

2,014

2,875

1,695

1,571

1,786

1,967

Monthly Average
2,000
Average Daily Sales ($000's)

75,000
Average Daily Sales (MWh)

Transmission & Market Indicators

Sales MWh

EIS Market Sales Volumes (average daily volume by month)
100,000

50,000

25,000

0

2011

2012

2013

12 mo

1,000

0

2011

2012

2013

12 mo
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7. SPP Admin Fee Performance
$0.40

$0.36

$ per MWh

$0.32

$0.28

$0.24

$0.20

Financial Metrics

$0.16

$0.12

2006

2007

2008

2009

Approved Admin Fee

$

EIA-411 Load Growth Forecast
Actual Load Growth

2007
$

258,556
$

Approved Admin Fee
Actual Net Revenue Required ($000's)
Actual Load (000's)
Actual NRR / Actual Load

45,688

$

0.177

52,819

2008
$

288,649
$

2012

0.183

61,462

$

$

0.197

56,478

2010
$

331,324
$

0.170

2014

Actual NRR / Actual Load

2009

312,496

2013

68,358

2011
$

333,458
$

0.205

78,368

2012
$

343,000
$

0.228

89,560

2013
$

353,453
$

0.253

121,800

$

0.337

0.190

0.190

0.170

0.195

0.210

0.255

0.315

0.00

0.00

0.00

0.00

0.00

0.00

0.00

0.00

48,613

$

0.170

47,998

$

301,098
$

0.159

58,081

$

296,135
$

0.196

59,837

$

328,175
$

0.182

63,497

$

331,610
$

0.191

80,841

$

341,438
$

0.237

-0.60%

1.80%

2.10%

2.40%

-1.00%

2.21%

7.19%

5.12%

-1.65%

10.82%

1.05%

2.96%

84,776

$

361,686
$

0.234

5.93%

2014
$

360,915

0.160

286,446
$

2011

Budgeted NRR / Budget Load

2006

Budgeted Net Revenue Required ($000s)
Budgeted Load (000's)
Budgeted NRR / Budget Load

2010

123,336

348,178
$

0.345

5.93%

0.381
0.381
0.00

$

357,535
$

132,608

132,242
355,306

$

0.372

-1.15%

Note: Budgeted 2013 figures cover the entire 2013 calendar year, while
actual 2013 figures cover the period through the date of this report.
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8. Budget Performance Monitor
Operating Expense Variance
$2,000

in thousands $

$0

Apr 13

May 13

Jun 13

Jul 13

Aug 13

Sep 13

Oct 13

Nov 13

Dec 13

Jan 14

Feb 14

Mar 14

-$2,000

Financial Metrics

-$4,000

-$6,000

-$8,000

Monthly Variance

in thousands $

Apr 13

May 13

Jun 13

Jul 13

Cumulative Variance

Aug 13

Sep 13

Oct 13

Nov 13

Dec 13

Jan 14

Feb 14

Mar 14

Budgeted Operating Expense

13,268

12,594

13,307

12,901

12,714

12,852

13,527

12,855

12,674

13,491

13,258

13,622

Actual Operating Expense

12,644

12,156

12,603

12,264

12,217

12,813

12,525

12,454

13,059

12,171

12,942

16,238

Monthly Variance:
Over Budget / (Under Budget)

(624)

(438)

(704)

(637)

(497)

(39)

(1,002)

(401)

12 month Cumulative Variance:
Over Budget / (Under Budget)

(624)

(1,062)

(1,766)

(2,403)

(2,900)

(2,939)

(3,941)

(4,342)

385
(3,957)

(1,320)

(316)

(5,277)

(5,593)

2,616
(2,977)

27 of 77

9. Financial Settlement Index
% of Late Transmission Payments

20%
15%
10%
5%

Apr 13

% Late Payments

May 13

15%
10%
5%

Jun 13

Jul 13

Aug 13

Sep 13

Oct 13

Dec 13

Jan 14

Feb 14

Mar 14

12 mo

$3,149

$8,217

$553

$338

$12

$192

$1,002

$2,525

$69

$332

$222

$20,169

$28,927

$27,753

$36,587

$30,260

$33,509

$33,570

$32,464

$31,938

$26,996

$31,455

$33,174

$37,083

$383,716

12%

11%

22%

2%

1%

0%

1%

3%

9%

0%

1%

1%

5%

$

May 13

-

Jun 13

$70 $

Jul 13

- $

Aug 13

- $

Sep 13

Oct 13

Nov 13

Dec 13

Jan 14

Feb 14

Mar 14

12 mo

-

$7

$192

$846

$80

$158

$19

$800

$2,172

$15,613

$15,996

$17,895

$17,430

$23,617

$18,276

$14,630

$12,307

$27,687

$23,007

$36,153

$59,324

$281,935

0%

0%

0%

0%

0%

0%

1%

7%

0%

1%

0%

1%

1%

Transmission Short Pays

$800

Nov 13

$3,558

Apr 13

% Late Payments

EIS Market Short Pays

$50
$40
in thousands

$600
in thousands

Financial Metrics

in thousands
Late Transmission
Payments
Total Transmission
Payments

$400
$200
$0

in thousands
Transmission Short
Pays
EIS Market Short
Pays

20%

0%

0%

in thousands
Late EIS Market
Payments
Total EIS Market
Payments

% of Late EIS Market Payments

25%
% of Total Payout

% of Total Payout

25%

$30
$20
$10
$0

Apr 13

May 13

Jun 13

Jul 13

Aug 13

Sep 13

Oct 13

Nov 13

Dec 13

Jan 14

Feb 14

Mar 14

12 mo

$

- $

- $

- $

- $

- $

- $

- $

- $

- $

- $

- $

-

$0

$

- $

- $

- $

- $

- $

- $

- $

- $

- $

- $

- $
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-

$0

10a. Financial Disputes Index - $ EIS Market
Settlement Dispute Statistics ($)

$400
$350
$300

$000's

$250
$200
$150
$100

Financial Metrics

$50
$0

Total Disputes
(Figures in
$000's)
Total Disputes

Jan 13

$121.4

Avg. Dispute
Size
Largest single
dispute

Feb 13

Mar 13

Apr 13

May 13

Jun 13

Jul 13

Largest single dispute

Aug 13

Sep 13

$5.4 $36.1 $33.2 $104.6 $10.8 $107.8 $27.0 $381.1
$2.4

Oct 13
$1,183.9

$1.4 $16.6 $21.1

Nov 13

Average Dispute Size

Dec 13

$71.4 $53.0

Jan 14
$328.6

$5.1 $10.6 $14.3

Feb 14

2011

Mar 14

$54.7 $20.3 $

$2.4

$0.2

$1.1

$3.3

$0.3

$4.1

$2.7

$35.2

$2.2

$7.2 $14.6 $28.6

$6.9

$0.3 $11.0 $68.2 $88.1 $22.6 $50.1 $130.0 $11.5

$1.3 $

2012

45.2 $
1.3 $

2013

12 mo

61.5 $ 178.0 $ 198.0
2.7 $

$5.6 $ 212.4 $ 231.8 $

5.7 $

88.1 $ 130.0

Monthly Average

$300

Monthly Average Amount in Dispute
($000's)

$10

Average Dispute Size ($000's)

$300

Largest Single Dispute ($000's)

* Annual maximum

$8
$200

$6

$200

$4
$100

$100
$2
$0

2011

2012

2013

12 mo

$0

2011

2012

2013

12 mo

$0

2011

2012

2013

12 mo

6.9
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*

10b. Financial Disputes Index - EIS Market
Settlement Dispute Statistics
150

75

100

50

75

50

25

Avg. Days Outstanding

# of Disputes and Resettlements

125

Financial Metrics

25

0

0

Avg Days Outstanding
(Figures in $000's)
# Disputes
# Resettlements
Avg Days Outstanding

# Disputes

# Resettlements

Mar 13

Apr 13

May 13

Jun 13

Jul 13

Aug 13

Sep 13

Oct 13

Nov 13

Dec 13

Jan 14

Feb 14

Mar 14

17
18
28

51
19
33

28
32
27

30
6
32

22
48
54

50
30
35

38
17
42

30
61
35

15
86
36

16
18
57

41
10
32

20
56
24

15
73
25

2011

38.1
8.6
27.3

2012

24.3
23.9
40.5

2013

27.3
29.5
38.4

12 mo

29.7
38.0
36.0

Monthly Average
Monthly Average of Active
Disputes

Average Monthly Resettlements

50

Average Days Outstanding

30
40

40
20

30
20

20

10
10

-

-

2011

2012

2013

12 mo

2011

2012

2013

12 mo

-

2011

2012

2013

12 mo
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10c. Financial Disputes Index - $ Intergrated Marketplace
Settlement Dispute Statistics ($)

$100

$80

$000's

$60

$40

Financial Metrics

$20

$0

Total Disputes
(Figures in
$000's)

Mar 14

Total Disputes

$80.8

Avg. Dispute
Size

$26.9

Largest single
dispute

$63.5

$300

Apr 14

May 14

Jun 14

Monthly Average Amount in Dispute
($000's)

Jul 14

Aug 14

Sep 14

Avg. Dispute Size

Oct 14

Nov 14

Dec 14

Largest single dispute

Jan 15

Feb 15

Mar 15

Apr 15

May 15

*

$10

Average Dispute Size ($000's)

$300

Largest Single Dispute ($000's)

* Annual maximum

$8
$200

$6

$200

$4
$100

$100
$2
$0

$0

$0
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10d. Financial Disputes Index Integrated Marketplace
30

5
4

20

3
2

10

1
-

-

# New Disputes

# Open Disputes

# New Disputes

# Disputes Pending Settlement

# Open Disputes

# Resettlements

5
4
3
2

Financial Metrics

1
-

Avg Days Outstanding

(Figures in $000's)

Mar 14

Avg Days Outstanding

May 14

Jun 14

Jul 14

Aug 14

Sep 14

Oct 14

Nov 14

Dec 14

Jan 15

Feb 15

Mar 15

28
18

# New Disputes
# Open Disputes
# Disputes Pending
Settlement
# Resettlements

Apr 14

3
4
Monthly Average

Monthly Average of Active
Disputes

Average Monthly Resettlements

Average Days Outstanding

30
40

40
20
20

50

30
20

10
10

-

-
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11a. Employee Turnover - monthly

Turnover Rate

Employee Turnover (monthly)
3.0%

600

2.5%

550

2.0%

500

1.5%

450

1.0%

400

0.5%

350

0.0%

Mar
12

Apr
12

May Jun Jul 12 Aug Sep
12
12
12
12

Oct
12

Nov Dec
12
12

Jan
13

Feb
13

Jan 13

Voluntary TO Rate
Involuntary TO Rate
Total Turnover
(# of employees)

Permanent
Employees

0.4%
0.0%

Feb 13

0.2%
0.0%

Mar 13

0.2%
0.0%

Apr 13

0.9%
0.0%

May 13

0.2%
0.0%

Apr
13

May Jun Jul 13 Aug Sep
13
13
13
13

Voluntary TO Rate
Jun 13

0.3%
0.0%

Jul 13

0.5%
0.0%

Aug 13

0.7%
0.0%

Oct
13

Nov Dec
13
13

Jan
14

Feb
14

Mar
14

300

# of Employees
Sep 13

0.7%
0.2%

Oct 13

0.5%
0.2%

Nov 13

0.5%
0.0%

Dec 13

0.4%
0.0%

Jan 14

0.2%
0.0%

2

1

1

5

1

2

3

4

5

4

3

2

1

563

564

565

566

569

573

575

576

576

571

568

569

571

Feb 14

0.0%
0.0%

Mar 14

0.4%
0.0%

571

2
571

Rolling 12-month Turnover Rate
10%
Turnover Rate

Learning & Growth

Involuntary TO Rate

Mar
13

8%
6%
4%
2%
0%
Mar 12 Apr 12 May 12 Jun 12 Jul 12 Aug 12 Sep 12 Oct 12 Nov 12 Dec 12 Jan 13 Feb 13 Mar 13 Apr 13 May 13 Jun 13 Jul 13 Aug 13 Sep 13 Oct 13 Nov 13 Dec 13 Jan 14 Feb 14 Mar 14

Jan 13

Rolling 12-month
Turnover Rate

5.5%

Feb 13

5.1%

Mar 13

5.1%

Apr 13

5.0%

May 13

5.0%

Jun 13

4.8%

Jul 13

5.0%

Aug 13

4.6%

Sep 13

5.3%

Oct 13

6.0%

Nov 13

5.6%

Dec 13

5.8%

Jan 14

5.6%

Feb 14

5.4%

Mar 14

5.6%
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11b. Employee Turnover - annual

12%

600

10%

500

8%

400

6%

300

4%

200

2%

100

0%

1998

1999

2000

2001

2002

2003

2004

2005

2006

2007

2008

Total Employees

Total Turnover
Total Employees
Turnover Ratio

2009

2010

2011

2012

2013

Total Employees

Turnover Rate (annualized)

Learning & Growth

Annual Turnover Ratio and Employee Count

-

2014

Turnover Ratio

1998

1999

2000

2001

2002

2003

2004

2005

2006

2007

2008

2009

2010

2011

2012

2013

2014

3

1

7

7

10

8

8

8

14

21

30

13

21

20

28

33

3

39

45

73

110

110

116

131

169

245

295

345

423

449

514

558

569

571

7.7%

2.2%

9.6%

6.4%

9.1%

6.9%

6.1%

4.7%

5.7%

7.1%

8.7%

3.1%

4.7%

3.9%

5.0%

5.8%

2.1%

Note 1: Total Turnover only includes voluntary and involuntary separations; retirements and interns are not used in the calculation.
Note 2: Turnover Ratio is annualized for the current year.
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12. Staffing Summary

80

Learning & Growth

Employees

60

40

20

0

Jan 13

Feb 13

Mar 13

Apr 13

May 13

Jun 13

Jul 13

Aug 13

Filled w/ External Hire

Sep 13

Oct 13

Nov 13

Filled w/ Internal Hire

Dec 13

Jan 14

Feb 14

Mar 14

Hired YTD

Jan 13

Feb 13

Mar 13

Apr 13

May 13

Jun 13

Jul 13

Aug 13

Sep 13

Oct 13

Nov 13

Dec 13

Jan 14

Feb 14

Mar 14

Filled w/ Internal Hire

4

1

-

2

-

1

3

2

1

3

5

-

-

4

1

Filled w/ External Hire

4

2

2

5

4

6

5

4

3

-

-

3

1

-

2

Hired YTD

8

11

13

20

24

31

39

45

49

52

57

60

1

5

8

2011

Filled w/ Internal Hire
Filled w/ External Hire
Hired YTD

78
78
156

2012

53
54
107

2013

22
38
60

2014

5
3
8
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13. SPP Regional Entity Compliance

Performance

Period End Open Caseload

Violations

300

300

200

200

100

100

0

0

2010

2009 2010 2011 2012 1Q '132Q '133Q '134Q '131Q '14

2011

2012

New

2010

2011

2012

2013

Processed

2Q 2014

1Q 2014

2Q 2014

3Q 2014

Dismissed

1Q 2013

2Q 2013

3Q 2013

4Q 2013

1Q 2014

Starting Caseload
New Violations

154
254

268
239

245
364

178
56

206
46

207
45

212
44

195
32

3Q 2014

2013

178
191

2014

195
32

Processed by SPP RE

117

187

331

19

35

33

47

34

134

34

Dismissed by SPP RE

23

75

83

9

10

7

14

11

40

11

Ending Caseload

268

245

195

206

207

212

195

182

195

182

Cumulative Violations

448

687

860

916

962

1,007

1,051

1,083
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Performance

14a. IT System Performance - Monthly Service Availability
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14b. IT System Performance - 12 month Service Availability

Performance

The below chart reflects only performance for the month of March 2014.
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14b. IT System Performance - 12 month Service Availability

Performance

The below chart reflects the rolling 12 month availability through 2/28/2014.
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15. Strategic Plan - Progress Dashboard

March 2014

Performance

No update
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16a. Studies - Aggregate - MW

32,000
2013-AG3
28,000

24,000
2013-AG3
2013-AG2

MW

20,000
2013-AG2
16,000

2013-AG1
2013-AG2

2012-AG3

Performance

12,000

2012-AG3

2013-AG1

2012-AG3
8,000
2012-AG2

2012-AG3

2012-AG2

2013-AG1

2012-AG1

4,000
2011-AG3
-

2011-AG3

2011-AG2
Completed
2011-AGP1

Completed
2011-AG2

1Q 13

2Q 13

(4,000)

2012-AG2

2012-AG1

2012-AG1

2011-AG3

2011-AGP1

1Q 13

2Q 13

3Q 13

Completed
2012-AG1

4Q 13

1Q 14

MW
3Q 13

4Q 13

1Q 14

In Progress

1Q 13

2Q 13

3Q 13

4Q 13

1Q 14

1,401

2011-AG2

452

2011-AG3

745

2012-AG1

TOTAL

2012-AG2

Completed
2011-AG3

MW
Completed

2012-AG3

1,700

1,401

452

-

745

1,700

2011-AG2

1,676

2011-AG3

3,040

2012-AG1
2012-AG2

4,756

2012-AG3

8,423

2013-AG1

2,869

1,519

2,834

2,834

2,834

4,655

1,840

8,323

5,434

5,189

3,581

3,563

1,483

5,974

14,855

14,757

2,889
17,971

20,416

2,309
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23,971

3,945

2013-AG2
2013-AG3
TOTAL

24,783

17,895

1,841

16b. Studies - Aggregate - Upgrade $

$2,000

$1,500
2012-AG3

Performance

$ (in millions)

2013-AG1
$1,000
2012-AG2

2012-AG3
2012-AG3

Completed
2011-AG2

2012-AG1

$500

2013-AG3
2013-AG1

2011-AG3
2012-AG2

2011-AG3

2012-AG1
2011-AG3

2011-AG2

$0

2013-AG3

2012-AG3

Completed
2011-AG2

2013-AG1
2012-AG3
2012-AG2
Completed
2012-AG1

4Q 13

1Q 14

2012-AG2
2012-AG1

Completed
2011-AG2

-$500
1Q 13

2Q 13

3Q 13

$ (in millions)
Completed
2011-AGP1

1Q 13
$

2Q 13

$ (in millions)

3Q 13

4Q 13

$

3.3

2011-AG3

$

22.0

2012-AG1

$

$

In Progress

1Q 13

2Q 13

3Q 13

4Q 13

1Q 14

-

2011-AG2

TOTAL

1Q 14

-

$

3.3

$

-

$

22.0

$

1.1

1.1

2011-AG2

$

56.9

2011-AG3

$

579.4

2012-AG1
2012-AG2

$

453.9

2012-AG3

$

579.7

2013-AG1

$

464.0

$

61.0

$

186.6

$

26.6

$

$

332.2

$

0.4

$

2.8

$

368.9

$

510.1

$

291.2

$

103.5

$

101.3

$

35.6

$

55.6

$

289.4

$

23.8

$

181.8

$

72.1

$

$

474.5

$

2013-AG2
2013-AG3
TOTAL

$ 1,669.9

$ 1,120.8

$ 1,219.2

51.4

36.0
379.6
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16c. Studies - Generation Interconnection - MW
Generation Interconnection MW - In Progress

15,000

MW

10,000

5,000

-

Performance

1Q 13

2Q 13

2009 Studies

3Q 13

2010 Studies

2011 Studies

4Q 13

2012 Studies

1Q 14

2013 Studies

2014 Studies

MW
In Progress

1Q 13

2Q 13

3Q 13

4Q 13

1Q 14

DISIS-2009-001

201

201

DISIS-2010-001

401

300

300

DISIS-2010-002

278

728

278

278

81

DISIS-2011-001

3,769

3,319

1,719

1,420

521

DISIS-2011-002

1,246

1,096

1,096

887

157

DISIS-2012-001

532

491

451

230

230

DISIS-2012-002

2,962

2,759

2,617

2,109

1,094

DISIS-2013-001

1,550

1,629

1,590

1,390

1,242

DISIS-2013-002

2,213

DISIS-2014-001
PISIS-2013-001

2,213
1,885

725

400

400

PISIS-2013-002

326

PISIS-2014-001

326
213

FCS-2013-003

200

200

150

FCS-2014-001

472

Pending Withdrawal

TOTAL

11,665

11,124

8,652

9,004

8,435
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Metrics Definitions
Transmission and Market Indicators
Two groups of metrics will be monitored to provide an overall health indication of the regional transmission system and market.
Reliability Performance Indicators, which focus on the actual operations of the transmission system and whether or not it was operated within

• expected limits and standards.

• Market Performance Indicators, which focus on the performance of the market in terms of overall volume, prices and level of participation.
The intent is to monitor the trends in these areas over time to identify any unexpected performance in an area. Specific performance targets may be
established in the future as experience is gained with the information.

Reliability Performance Indicators
This sub-group of metrics is designed to measure the operations of the transmission system from a reliability perspective.

• How much time was congested during the period. (see Congestion)
• How much energy was curtailed due to congestion? (see Congestion)
• Was the system operated in compliance with the relevant control performance standards? (see Regional Control Performance)
1a. Congestion
Time (in hours) during the month that flowgates were in Congested (Breached or Binding) and Over
• the Limit
• % of Schedules/Tags Curtailed
1b. Curtailments

• Tag Curtailments and Market (Schedules) Curtailments along with Total Tags and Schedules.

1.

Congestion

1c. TLR / CME Time
TLR Events by level (in hours)
Level 3 - curtailment of non-firm schedules and non-firm market flow
Level 4 – curtailment of all non-firm schedules and non-firm market flow (additional reconfiguration
of transmission allowed)
•
Level 5 - curtailment of all non-firm and some firm schedules and market flow
"A" Levels begin curtailing at the beginning of the next hour
"B" Levels begin curtailing immediately and lasts through the end of the next hour
• CME (Congestion Management Events) where loading is greater than 90% (in hours)
1d. Congested Intervals
Percent of intervals binding (flow = System Operating Limit [SOL]), breached (flow > SOL) and

• congested (either binding or breached) during the month.
1e. & 1f. Price Contour Map

Graphic representation of average monthly prices by load area for the last quarter and last 12 months.

• Flowgates appearing in the top ten by average shadow price impact in 1g. are identified on 1f.
1f. Congestion

• Congestion by flowgate by average hourly shadow price.
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Measures the aggregate performance to the NERC CPS (Control Performance Standards) of the Balancing
Authorities in the region. This indicator is set based on the number of BAs within region that are in
compliance with the NERC real time control performance standards (known as BAL-001 – Real Power
Balancing Control Performance and BAL-002 – Disturbance Control Performance).
CPS1 requires BAs to be in compliance for 100% of the periods measured within the month; and

2.

Regional Control Performance

• CPS2 requires BAs to be in compliance for 90% of the periods measured within the month.

For the CPS1 standard, each BA’s rolling 12 month performance is grouped into one of three

• performance bands (<100% [red], 100-150% [yellow], >150% [green]).

The number of BA’s whose CPS1 score falls into these bands is shown; with below 100% meaning

• non-compliant with the standard.

CPS2 performance is depicted in the appropriate bands (<90% [red], 90-95% [yellow], >95% [green])

• based on the monthly CPS2 score rather than a rolling 12 month average.
Market Performance Indicators

This sub-group of indicators provides a view of the effectiveness of the EIS market in the context of answering the following questions:

• What was the value of transmission services used in the month? (see Transmission Utilization)
• What was the average wholesale price paid in the region and what was its volatility? (see EIS Price and Price Range)
• How much Revenue Neutrality Uplift was generated during the month? (see Congestion Uplift)
• What was the level of available generation offered to the market and EIS related energy sales in the month? (see Market Liquidity)
Measures the volume of transmission service scheduled in the month in terms of the transmission service
revenues paid by both Network Customers and Point-to-Point customers.
The revenues paid by transmission customers are directly related to the amount of transactions

• scheduled on the transmission system and therefore provide a proxy as to the utilization of the
3.

Transmission Utilization
•

transmission system in the period.
Transmission service revenues will be reported as a simple sum of revenues paid for Network
Service, Firm Point-to-Point, and Non-Firm Point-to-Point transmission service.

Transmission service MWh will be reported as a simple sum of Network Service, Firm Point-to-Point,

• and Non-Firm Point-to-Point transmission service.
•
4.

Price and Price Ranges
•

Shows the EIS market prices (high, average and low) for each market participant within the footprint
on during the previous 12-month period as well as for the previous month. Also provides an SPPwide average price for the period reported. Volatility (measured as the coefficient of correlation, which
is average divided by the standard deviation) is shown for each market participant as well as SPP as
a whole. A higher volatility indicates more variability in prices.
Shows the SPP-wide monthly average EIS price and the Gas Cost at the Panhandle Eastern Pipeline
hub along with12-month rolling averages.
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Tracks amount of RNU (Revenue Neutrality Uplift) charged or credited to market participants during the
month. RNU ensures settlement payments/receipts for each hourly settlement interval equal zero.

5.

Revenue Neutrality Uplift

• Positive RNU - SPP receives insufficent revenue and collects from market participants.
• Negative RNU - SPP receives excess revenue, which must be credited back to market participants.
Measures the average daily MW offered and dispatchable to the EIS market (dispatchable generation); as
well as the average daily sales volume during the month in MWh and dollars.

6.

Market Liquidity

• Data is taken from the Resource Plans.
A “percent of total offered” is calculated using the dispatchable MW divided by the total offered MW.

• Although no specific performance targets have been set, the intent is to monitor the trend of this
index to identify significant deviations from average.

Financial Metrics
This group of metrics provides a view of the organization’s overall financial situation in terms of both the operating costs and settlement functions carried out.

7.

SPP Admin Fee Performance

Measures actual costs incurred by SPP on an annual basis and compares this to the approved Admin Fee
and Budgeted Net Revenue Requirement (NRR).

8.

Budget Performance Monitor

Measures the total actual operating expenses against the total budgeted operating expenses across the
organization.

9.

Financial Settlement Index

Metric measures the timeliness of the financial settlements for both transmission billing and EIS market
billing and provides a proxy for the strength of the organization’s cash flow.
Measures the number and value of disputes made with regard to the financial settlements of the markets.
The objective in this area is twofold: (1) minimize the time to clear disputes; and (2) minimize the total value
of dollars in dispute.

10.

Financial Disputes Index

•

The dollar amount for total disputes, the average dispute size and the largest single dispute is
tracked.

•

The number of disputes active during the month, as well as the average days outstanding for those
disputes is calculated. In addition, the number of resettlements during the month is tracked.
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Learning & Growth Metrics
These indicators provide insights into the organization’s success in maintaining and supporting its desired staffing levels and employee growth plans.
Measures both involuntary and voluntary turnover rates, along with number of employees in the organization.
Monthly turnover is charted on a rolling 12 month basis, while annual turnover ratio and number of
employees is provided for historical purposes.

11.

12.

Employee Turnover

Staffing

•

A turnover rate is calculated each month by dividing the total turnover for the month by the total
employee count at month-end. This monthly rate is then aggregated for the previous 12 months
giving a 12-month turnover rate. In order to observe the trend, this 12-month turnover rate is
calculated on a rolling basis for the last 25 months.

•

An annual turnover rate and the number of employees at year-end are both tracked for historical
purposes.

Measures the number of new hires during a month (positions filled) from internal transfers and external hires.
Also shows year-to-date new hire total.

Performance Metrics
The metrics in this group focus on NERC Compliance and IT System Availability.

13.

SPP RE Compliance

Measures SPP Regional Entity compliance of all NERC standards. Metrics track the active caseload, as well
as new possible violations and the disposition of reported violations.

14.

IT System Availability

Measures availability of SPP IT Systems.

15.

Strategic Plan Progress

Tracks status of elements of the SPP Strategic Plan.
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16.

Studies

Tracks status of Aggregate Studies and Generation Interconnection Studies by MW and upgrade costs
(Aggregate Studies only).
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Regulatory Update - Activity in Significant Dockets
First Quarter 2014
SPP Tariff/Governing Document Revisions
Docket Number
ER12-1179

Short Description
Submission of Tariff Revisions
to Implement SPP Integrated
Marketplace

ER13-1173

Revisions to Modify Certain
Aspects of the SPP Integrated
Marketplace

ER14-416
and
13-1181
(U.S. Court of Appeals)

Submission of Tariff Revisions
to Modify SPP Integrated
Marketplace
Nebraska Public Power District
(“NPPD”) v. Federal Energy
Regulatory Commission
(“FERC”) - Petition for Review
of Orders in FERC Docket
ER12-1179

Summary
On January 10, 2014, FERC issued an order accepting the tariff revisions establishing the Virtual Energy
Transaction Fee for virtual transactions in the Integrated Marketplace.
On January 14, 2014, FERC filed a Status Report, in U.S. Court of Appeals Case 13-1181, recommending
that the Court continue to hold this appeal in abeyance.
On January 22, 2014, SPP filed tariff revisions to incorporate for the Integrated Marketplace provisions
required by SPP's Order No. 745 compliance proceeding.
On January 24, 2014, FERC issued an order approving SPP's October 30, 2013 Compliance Filing to
revise the Offer of Settlement resolving the treatment of grandfathered agreements in SPP's Integrated
Marketplace.
On January 29, 2014, FERC issued an Order on Compliance Filing, conditionally accepting SPP's
November 2013 Compliance Filing, subject to an additional compliance filing. An effective date of
March 1, 2014 was granted.
On February 18, 2014, SPP submitted an informational filing attaching materials from the North
American Electric Reliability Corporation (“NERC”) confirming SPP's certification as the Balancing
Authority for the SPP Balancing Authority Area, effective March 1, 2014.
On February 20, 2014, FERC issued an order approving the Offer of Settlement and Settlement
Agreement filed on December 18, 2013, which resolved issues associated with Grandfathered Agreement
No. 494.
On February 25, 2014, SPP submitted its compliance filing in Docket No. ER14-416 in response to the
January 29, 2014 Order.
On February 26, 2014, FERC issued an order accepting SPP's December 27, 2013 Compliance Filing
containing the certification of readiness. The Commission also found that SPP has received the required
NERC certification to operate as a Balancing Authority, effective March 1, 2014. The Commission
approved the start-up and operation of the Integrated Marketplace effective March 1, 2014.
On February 26, 2014, SPP submitted its compliance filing in Docket Nos. ER12-1179 and ER13-1173 in
response to the January 29, 2014 Order.
On February 28, 2014, FERC issued an order accepting Addendum 1 to Attachment AF, the list of
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Regulatory Update - Activity in Significant Dockets
First Quarter 2014
SPP Tariff/Governing Document Revisions
Docket Number

Short Description

Summary
Frequently Constrained Areas for the start of the Integrated Marketplace, effective March 1, 2014.
On March 18, 2014, SPP submitted formal notice of termination of the Integrated Marketplace Reversion
Plan.
On April 1, 2014, FERC issued an Order Conditionally Accepting Compliance Filing. The Commission
conditionally accepted SPP's January 22, 2014 Compliance Filing incorporate for the Integrated
Marketplace provisions required by SPP's Order No. 745 compliance proceeding, effective March 1, 2014.
SPP's compliance filing is due on December 1, 2014.

ER12-2292

ER13-366

Submission of Tariff Revisions
to Attachment AE to Facilitate
the Systematic Rather than
Manual Curtailment of NonDispatchable Resources in the
Energy Imbalance Services
Market ("EIS Market") During
Period of Congestion
Submission of Tariff Revisions
to Comply with Order No. 1000
Regional Planning and Cost
Allocation Requirements

and
ER13-367

ER13-1292

Submission of Revisions to its
Membership Agreement to
Comply with Order No. 1000
Order No. 764 Compliance
Filing

On February 20, 2014, FERC issued an Order on Compliance and Granting Limited Waiver. The
Commission accepted the revised Tariff provisions and granted SPP's request for limited waiver.
An effective date of March 19, 2013 was granted.

On February 19, 2014, SPP filed an answer in response to various comments and protest submitted in
response to SPP's November 15, 2013 Compliance Filing.
SPP stated:
1) it has demonstrated that its revised Transmission Owner Selection Process is just and reasonable;
2) its proposed clarifications regarding the classification of "rebuild" facilities are just and reasonable;
3) the Commission should reject collateral attacks on the July 18, 2013 Order; and
4) it is appropriately administering its Integrated Transmission Planning Process pending implementation
of its Order No. 1000 Compliance.
On November 12, 2013, SPP submitted its Order No. 764 Compliance Filing to adopt language modifying
the scheduling requirements for transmission service.
An effective date of November 12, 2013 was requested for Sections 13.8 and 14.6 of the Energy
Imbalance Service Market Tariff and Attachment P. An effective date of March 1, 2014 was requested for
Sections 13.8 and 14.6 of the Integrated Marketplace Tariff.

ER13-1748

Order No. 755 Compliance
Filing to Adopt a Two-Part

On March 7, 2014, FERC issued a Deficiency Letter requiring additional information in order to process
the filing
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Regulatory Update - Activity in Significant Dockets
First Quarter 2014
SPP Tariff/Governing Document Revisions
Docket Number

ER13-1768
and
ER13-1769

ER13-1914

Short Description
Compensation Methodology for
Resources that Provide
Regulation-Up and RegulationDown Operating Reserve
Products in the SPP Integrated
Marketplace and Other Tariff
Language
Submission of Tariff Revisions
to Attachment AN to Incorporate
into the Tariff the Agreement
Between Southwest Power Pool,
Inc. and Southwest Power Pool
Balancing Authority Participants
Relating to the Implementation
of the Southwest Power Pool
Balancing Authority ("SPP BA
Agreement")
Submission of Tariff Revisions
to Clarify the Determination of
Credits and Distribution of
Credit Revenue for Creditable
Upgrades

ER13-1939

Submission of Tariff Revisions
to Comply with Order No. 1000
Interregional Coordination and
Cost Allocation Requirements

ER13-2164

Submission of Tariff Revisions
to Modify the Aggregate
Transmission Service Study
(“ATSS”) Process (Aggregate
Study Backlog Clearing Process
Tariff Revisions)
Compliance Filing to Implement
a Distribution Mechanism for
Unreserved Penalty Revenues

ER14-596

Summary
SPP filed its response to the Deficiency Letter on April 7, 2014.

On February 7, 2014, FERC issued an order accepting SPP's December 18, 2013 Compliance Filing,
effective March 1, 2014, as requested.
This order constitutes final agency action.

On January 6, 2014, SPP submitted its compliance filing in response to the December 6, 2013 Order.
On February 12, 2014, FERC issued an order accepting SPP's January 6, 2014 Compliance Filing,
effective September 8, 2013.
This order constitutes final agency action.
FERC action is pending.

On February 12, 2014, FERC issued an order accepting SPP's November 8, 2013 Compliance Filing,
effective October 12, 2013.
This order constitutes final agency action.

On January 14, 2014, FERC issued an order accepting the revisions to Section 13.7 of the Tariff to
incorporate a mechanism to distribute penalty revenues collected by SPP for unreserved use of firm
transmission service. An effective date of December 11, 2013 was granted.
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Regulatory Update - Activity in Significant Dockets
First Quarter 2014
SPP Tariff/Governing Document Revisions
Docket Number

Short Description

ER14-781

Submission of Tariff Revisions
to Modify the Generator
Interconnection Procedures

ER14-1204

Submission of Tariff Revisions
to Permit Market Participation
by the Western Area Power
Administration ("Western")

Summary
This order constitutes final agency action.
On February 4, 2014, SPP filed an answer in response to comments and protests filed in this proceeding.
On February 28, 2014, FERC issued a Deficiency Letter requiring additional information in order to
process the filing. SPP's response is due on April 14, 2014.
On January 29, 2014, SPP submitted tariff revisions necessary to permit Western to participate in SPP's
Integrated Marketplace. SPP requested that the Commission issue an order on this filing no later than
March 15, 2014, so as to permit Western notice of the Commission's determination in advance of its
intended April 1, 2014 participation. An effective date of March 30, 2014 was requested.
On March 14, 2014, FERC issued an order accepting SPP's tariff revisions necessary to permit Western to
participate in SPP's Integrated Marketplace. An effective date of March 30, 2014 was granted.

ER14-1357

ER14-1653

Submission of Tariff Revisions
regarding Credit Limits for
Transmission Congestion Rights
("TCRs")
Submission of Tariff Revisions
to Modify SPP Integrated
Marketplace

This order constitutes final agency action.
On February 24, 2014, SPP submitted tariff revisions necessary to correct an unintended consequence of
the current credit requirement calculations for transactions involving TCRs.
An effective date of May 1, 2014 was requested.
On April 3, 2014, SPP submitted tariff revisions to effectuate a general clean-up filing to comport the
Tariff with previous Commission orders, and to modify the Tariff as authorized by the SPP Board of
Directors.
Effective dates of March 1, 2014 and May 1, 2014 were requested.
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Regulatory Update - Activity in Significant Dockets
First Quarter 2014
Other Filings of Interest
Docket Number
EL11-34

Short Description
Midcontinent Independent
System Operator, Inc. ("MISO”)
Petition for Declaratory Order
Seeking Commission
Confirmation Regarding Section
5.2 of the Joint Operating
Agreement ("JOA") between
MISO and SPP

12-1158
(U.S. Court of Appeals)

Southwest Power Pool, Inc. v.
Federal Energy Regulatory
Commission (“FERC”)

EL14-21

SPP Complaint for an Order
Finding the Midcontinent
Independent System Operator,
Inc. ("MISO") is Violating the
Joint Operating Agreement
("JOA") between SPP and MISO
and the SPP Tariff and Requiring
MISO to Compensate SPP for
Use of SPP's Transmission
System (“SPP Complaint”)

ER14-1174

Unexecuted Firm Point-To-Point
Transmission Service Agreement
between SPP as Transmission
Provider and Midcontinent
Independent System Operator,
Inc. ("MISO") as Transmission
Customer

EL14-30

Midcontinent Independent
System Operator, Inc. ("MISO")
Complaint Regarding
Transmission Service Invoices

Summary
On January 28, 2014, in Docket No. EL14-21, SPP filed a Complaint and Request for Fast Track
Processing and Motion to Consolidate. SPP submitted the Complaint for an order finding that MISO is
violating the JOA between SPP and MISO and SPP's Tariff, requiring MISO to compensate SPP for use
of SPP's transmission system in accordance with the SPP Tariff. In the event the Commission does not so
find, SPP alternatively requests that the Commission find 1) that the JOA is no longer just, reasonable, and
not unduly discriminatory to the extent it does not provide a mechanism by which SPP may assess charges
for MISO's use of the SPP transmission system to integrate the former Energy Operating Companies; and
2) that the compensation mechanism set forth herein is the just, reasonable, and not unduly discriminatory
rate for MISO's use of the SPP transmission system. SPP requested that Docket Nos. ER14-1174, EL1134 and EL14-21 be consolidated.
On January 28, 2014, in Docket No. ER14-1174, SPP submitted an unexecuted service agreement for
Firm Point-To-Point Transmission Service between SPP as Transmission Provider and MISO as
Transmission Customer. SPP Service Agreement No. 2794. The purpose of this agreement is to assess
charges for MISO's use of SPP's Transmission System as a result of MISO's real-time energy transfers
between the MISO Midwest and MISO South regions. An effective date of January 29, 2014 was
requested.
On February 18, 2014, MISO filed a Complaint against SPP asking the Commission for an order directing
SPP to cease issuing invoices to MISO for alleged transmission service, including unreserved use
penalties, under the SPP Tariff. MISO requested that this Complaint be consolidated with SPP's Docket
Nos. EL14-21 and ER14-1174.
On March 28, 2014, FERC issued an Order on Remand and Complaints, Accepting and Suspending
Service Agreement, Consolidating Proceedings and Establishing Hearing and Settlement Judge
Procedures. The Service Agreement was accepted for filing, suspended for a nominal period, subject to
refund and hearing and settlement judge procedures. Hearing and settlement judge procedures were also
established on the SPP Complaint, MISO Complaint, and the SPP-MISO JOA Remand proceeding in
Docket No. EL11-34. Docket Nos. ER14-1174-000, EL14-21-000, EL14-30-000 and EL11-34-002 were
consolidated for purposes of settlement, hearing and discussion. The refund effective date in Docket No.
EL14-21-000 pursuant to Section 206(b) of the Federal Power Act will be January 29, 2014. The refund
effective date in Docket No. EL14-30-000 will be February 18, 2014.
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Regulatory Update - Activity in Significant Dockets
First Quarter 2014
Other Filings of Interest
Docket Number

Short Description
from SPP (“MISO Complaint”)

Summary

EL13-15

Southwestern Public Service
Company ("SPS") Complaint
Seeking a Finding that the Rates
in SPP Zone 11 are Unjust and
Unreasonable due to the
Inclusion of the Costs of
Facilities of Tri-County Electric
Cooperative, Inc. ("Tri-County")

On January 10, 2014, the Parties filed a Settlement Agreement and Offer of Settlement.

EL13-35

ER13-1937

ER14-794

Southwestern Public Service
Company ("SPS") Complaint
Requesting Establishment of a
January 1, 2013 Refund
Effective Date and a Finding
from the Commission that SPP
has Violated the Federal Power
Act by Implementing a 40%
Increase in the Tri-County
Electric Cooperative, Inc. ("TriCounty") Annual Transmission
Revenue Requirement
Joint Operating Agreement
("JOA") between SPP and the
Midcontinent Independent
System Operator, Inc. ("MISO")
to Comply with Interregional
Requirements of Order No. 1000
(SPP Rate Schedule FERC No.
9)
Submission of a Notice of
Cancellation of Comprehensive
Seams Agreement Between
Energy Services, Inc.
(“Entergy”) and the Southwest
Power Pool, Inc. (Rate Schedule
No. 12)

On March 25, 2014, FERC issued an order accepting the Settlement Agreement and Offer of Settlement
filed on January 10, 2014.
Consistent with section 3.5 of the Settlement, the Commission has deferred action on pending requests for
rehearing and clarification, unless the Settling Parties notify the Commission that action on these requests
is desired. After the final Settlement Tariff revisions are presented to the SPP Board of Directors, SPS
and the New Mexico Cooperatives are to withdraw their pending requests for rehearing or clarification.

FERC action is pending.

On February 12, 2014, FERC issued an order accepting the notice of termination of the Comprehensive
Seams Agreement between Entergy and SPP. An effective date of December 19, 2013 was granted.
This order constitutes final agency action.
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Regulatory Update - Activity in Significant Dockets
First Quarter 2014
Other Filings of Interest
Docket Number
ER14-1233
ER12-1401
ER12-1779

ER14-1407

ES14-12

Short Description
Submission of Notice of
Cancellation of "Agreement
between Southwest Power Pool,
Inc. and Entergy Services, Inc. to
Implement Principles Governing
Regional Planning in
Accordance with the Regional
Planning Requirements of the
Federal Energy Regulatory
Commission" (“Agreement”)
Amendments to Joint Operating
Agreement ("JOA") between
SPP and the Midcontinent
Independent System Operator,
Inc. ("MISO") to Account for
Import and Export Transactions
in the Market Flow Calculations
(SPP Rate Schedule FERC No.
9)
Application of Southwest Power
Pool, Inc. Under Section 204 of
the Federal Power Act for an
Order Authorizing the Issuance
of Securities

Summary
On January 31, 2014, in Docket No. ER14-1233, SPP submitted a Notice of Cancellation of the
Agreement, which was originally filed in Docket No. ER09-659. SPP also withdrew the compliance
filings associated with the Agreement in Docket Nos. ER12-1401 and ER12-1779.
On March 25, 2014, FERC issued an order accepting the Notice of Cancellation and the motions to
withdraw compliance filings. An effective date of December 19, 2013 was granted.
This order constitutes final agency action.

On March 3, 2014, SPP submitted amendments to the JOA between SPP and MISO. These amendments
will allow SPP and MISO to coordinate the methodologies employed by each Regional Transmission
Organizations to account for import and export transactions in the Market Flow calculations. An effective
date of June 1, 2014 was requested.
On April 8, 2014, SPP, MISO, and PJM filed an answer in response to comments and protests filed in this
proceeding.

On January 29, 2014, FERC issued an order authorizing SPP to issue long-term debt in the form of
secured or unsecured promissory notes in one or more series, in an aggregate amount not to exceed $70
million outstanding at any one time. This authorization is effective January 29, 2014, and terminates on
January 29, 2016. SPP must file a Report of Securities Issued no later than 30 days after debt is issued.
On April 9, 2014, SPP filed a Report of Securities Issued.
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Regulatory Update - Activity in Significant Dockets
First Quarter 2014
State Cases
Docket Number
Arkansas
10-011-U

Arkansas
13-041-U

Short Description
In the Matter of a Show Cause
Order Directed to Entergy
Arkansas, Inc. (“EAI”)
Regarding Its Continued
Membership in the Current
Entergy System Agreement, or
Any Successor Agreement
Thereto, and Regarding the
Future Operation and Control of
Its Transmission Assets
In the Matter of the Application
of Southwestern Electric Power
Company ("SWEPCO") for a
Certificate of Environmental
Compatibility and Public Need
("CECPN") for the Construction,
Ownership, Operation and
Maintenance of the Proposed
345 kV Transmission Line
Between the Shipe Road Station
and the Proposed Kings River
Station and Associated Facilities
to be Located in Benton, Carroll
and/or Madison and Washington
Counties, Arkansas

Summary
On January 2, 2014, Entergy Arkansas, Inc. and SPP filed an Update Regarding Seams Agreement. The
Seams Agreement is terminated due to EAI joining the Midcontinent Independent System Operator, Inc.

On January 17, 2014, the APSC issued Order No. 32, granting SWEPCO a CECPN to construct and
operate (1) a new 345 kV transmission line, from the Shipe Road station to the proposed Kings River
Station; and (2) a new 345 kV station on SWEPCO owned property located northwest of Berryville,
Carroll County, Arkansas.
On January 21, 2014, the APSC issued Order No. 33, an Errata Order correcting the first full paragraph on
page 103 and paragraph (f) on page 115 of Order No. 32.
On March 14, 2014, SWEPCO filed a Petition for Limited Rehearing of Order Nos. 32 and 33 and Motion
for Clarification of Order No. 32. SWEPCO requested that the Commission modify these orders and find:
1) that there was not sufficient finding that Route 33 was unreasonable and accordingly issue a CECPN
for this route; or
2) alternatively, that Route 33 is reasonable with modifications via the variance already authorized and
upon notice to the Parties and all potentially traversed landowners, reopen the Docket for the receipt of
further evidence concerning an amendment to the configuration of the route near the Pea Ridge National
Military Park; and
3) that it should clarify four provisions of Order No. 32.
On March 18, 2014, Save the Ozarks (“STO”) filed a Petition for Rehearing of Order No. 32. STO stated
that rehearing should be granted because the Commission's decision issuing a CECPN to SWEPCO for
Route 109 is arbitrary and unreasonable, is contrary to Arkansas and federal law, is contrary to the
Arkansas and Federal constitutional guarantees of due process, is not supported by substantial evidence,
and is unjust for all the reasons presented herein.
Parties filed responses to SWEPCO’s and STO’s petitions for rehearing.
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Regulatory Update - Activity in Significant Dockets
First Quarter 2014
State Cases
Docket Number

Short Description

Summary
On March 28, 2014, SPP filed its Response to STO’s Petition for Rehearing.

Arkansas
13-119-U

In the Matter of the Application
of Southwest Power Pool, Inc.
for Authority to Issue up to
$70,000,000 in Secured or
Unsecured Promissory Notes

On February 18, 2014, the APSC issued Order No. 1, approving SPP's Application for Authority to Issue
Indebtedness.

In the Matter of an Investigation
Into the Possible Methods of
Mitigating Identified Harmful
Effects of Entergy Joining the
Midcontinent Independent
System Operator, Inc. (“MISO”)
on non-MISO Missouri Utilities
and Their Ratepayers and
Maximizing the Benefits for
Missouri Utilities and Ratepayers
Along RTO and Cooperative
Seams
In the Matter of Southwestern
Public Service Company's
(“SPS”) Interim Report on its
Participation in the Southwest
Power Pool Regional
Transmission Organization
(“RTO”)

On January 3, 2014, the MoPSC issued an Order Setting Deadline for Responses. Responses to the
questions listed in the November 26, 2013 Order shall be filed no later than April 1, 2014.

Missouri
EW-2014-0156

New Mexico
13-00031-UT

On April 9, 2014, SPP filed its response to Order No. 1, attaching copies of its lending agreements and
specific terms of the issuances.

On March 17, 2014, The Empire District Electric Company, Kansas City Power & Light Company, and
KCP&L Greater Missouri Operations Company filed a Joint Motion to Extend Time for Filing.
On March 18, 2014, the MoPSC issued an Order Granting Joint Motion to Extend Time for Filing. The
deadline for filing comments is now July 1, 2014.

On January 31, 2014, the Parties filed an Unopposed Stipulation. Several parties filed testimony in
support of the Stipulation.
A hearing was held on March 6, 2014.
On April 4, 2014, the Parties filed a Proposed Certification of Unopposed Stipulation.
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Regulatory Outlook
FERC
AD14-8
FERC

Technical Conference begins at 9 AM Eastern to explore the impacts of recent cold weather events on
the RTOs/ISOs, and discuss actions taken to respond to those impacts (Notice of Technical Conference
issued on February 21, 2014)

4/1/2014

Authorization to issue $125 million in promissory notes expires (April 2, 2012 Letter Order)

4/2/2014

Authorization to issue $125 million in promissory notes expires (Order No. 2 issued April 12, 2012)

4/2/2014

SPP's response to Deficiency Letter is due (Letter dated March 7, 2014)

4/7/2014

ES12-20
State of Arkansas
12-009-U
FERC
ER13-1748
FERC
ER14-781
FERC
AD14-7
FERC
RM14-3
FERC
RM13-5
FERC

SPP's response to request for additional information is due (Deficiency Letter issued on February 28,
2014)

4/14/2014

Workshop to be held to obtain input on third-party provision of reactive supply and voltage control and
regulation and frequency response services (Notice of Workshop issued on February 20, 2014)

4/22/2014

Comments due in response to NOPR regarding Generator Relay Loadability and Revised Transmission
Relay Loadability Reliability Standards (Notice of Proposed Rulemaking issued on March 20, 2014)

4/28/2014

Technical Conference to be held on April 29, 2014 in order to discuss Critical Infrastructure Protection
Issues identified in Order No. 791 (Notice of Technical Conference issued on February 27, 2014)

4/29/2014

FERC Form 582 due

4/30/2014

Effective date of Order No. 796, Final Rule approving Generator Verification Reliability Standards (Order
No. 796 issued on March 20, 2014)

5/27/2014

10-1178
FERC
RM13-16

4/10/2014 3:25:50 PM

Page: 1

Regulatory Outlook
State of New Mexico
07-00390-UT
State of New Mexico
10-00143-UT
FERC

Southwestern Public Service Company to file its Annual Report on or before June 1 in relation to
participation in the SPP RTO (September 17, 2009 Uncontested Stipulation; February 2, 2010 Final
Order Approving Certification of Stipulation)

6/1/2014

Lea County Electric Cooperative, Inc. to file its Annual Report on or before June 1 in relation to
participation in the SPP RTO (October 1, 2010 Uncontested Stipulation; December 16, 2010 Final Order
Adopting Certification of Stipulation)

6/1/2014

SPP's Annual State of the Market Report due at FERC

6/1/2014

The North American Electric Reliability Corporation is to file proposed Reliability Standards for Physical
Security Measures (Order Directing Filing of Standards issued on March 7, 2014)

6/5/2014

Technical Conference to be held to discuss opportunities for increasing real-time and day-ahead market
efficiency through improved software (Notice of Technical Conference issued on March 28, 2014)

6/23/2014

Responses to questions listed in the November 26, 2013 Order are due (Order Granting Joint Motion to
Extend Time for Filing; Order Setting Deadline for Responses issued on January 3, 2014)

7/1/2014

Each public utility Transmission Provider to submit a compliance filing revising its Small Generator
Interconnection Procedures and Small Generator Interconnection Agreement or other document(s)
subject to the Commission's jurisdiction as necessary to demonstrate that it meets the requirements set
forth in Order No. 792 (Order No. 792 issued on November 22, 2013)

8/4/2014

10-1272
FERC
RD14-6
FERC
AD10-12
State of Missouri
EW-2014-0156
FERC
RM13-2

FERC
ER13-366
FERC
ER13-367

4/10/2014 3:25:50 PM

Order No. 1000 Compliance Filing due to incorporate a competitive component into SPP's Aggregate
Study Process (Notice of Extension of Time issued on October 24, 2013; Order on Compliance Filing
issued on July 18, 2013)

8/15/2014

Order No. 1000 Compliance Filing due to incorporate a competitive component into SPP's Aggregate
Study Process (Notice of Extension of Time issued on October 24, 2013; Order on Compliance Filing

8/15/2014

Page: 2

Regulatory Outlook
issued on July 18, 2013)
FERC
ER12-1179

4/10/2014 3:25:50 PM

SPP's Compliance Filing due 180 days after the commencement of the Integrated Marketplace to
establish long-term firm transmission rights pursuant to Order No. 681. Provided the Integrated
Marketplace is implemented on March 1, 2014, SPP's compliance filing will be due by August 28, 2014
(Order Conditionally Accepting Tariff Revisions to Establish Energy Markets issued October 18, 2014)

8/28/2014
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Integrated
Marketplace
Update
April 29, 2014
Bruce Rew, PE
BRew@spp.org 501.614.3214

SPP Integrated Marketplace Launch
• SPP’s Culture delivers as planned on March 1!!
• Big thanks to Market Participants and SPP Staff for
everyone’s hard work to make it a success
• First month has been a great success
– Systems meeting design targets for solution times
– High Market Participant engagement
– Settlements systems working with very few disputes

2
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Cold event of March 1 - 3, 2014
• Experienced third highest all-time winter peak
loading on March 3
• SPP Actions with Integrated Marketplace launch
– Additional staff and resources were on-site and
available to address concerns in preparation for the
weather and in real time
– Limited testing of unit commitment process during
market trials

– Experience was rapidly gained during first three days of
the market

• Preparations made to run conservatively
• Overall made it through cold event with no major
issues
3

SPP Winter Peak Loads
37000
36000
35000
34000
33000
32000
31000
30000
Jan 14, 2013

Jan 6, 2014

Feb 6, 2014

Mar 3, 2014
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Cold event of Action/lessons learned
• Generation outages or inability to start units were more
transparent based on the Consolidated BA
• Fuel issues
– Gas supplies were more constrained than previous events based on
lower temperatures forcing SPP resources set to depend on coal
supplies, and gas needs to start oil burners
– Wind forecasting was challenging providing greater uncertainty

• Planned outages introducing unnecessary BES risk were
delayed and SPP maintained required generation reserves
• SPP had good communications with neighboring systems

5
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Unit Commitment Improvement

7

Virtual Transactions in Day-Ahead Market

8

4

Day-Ahead and Real-Time Prices

9

Integrated Marketplace: new wind peak 6,612 MW on 3/18

10
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Integrated
Marketplace:
Phase II Program
Update
April 29, 2014
Barbara Sugg
Information Technology

Overall Program Health
Integrated Marketplace Program Health – 4/22/14
Indicators

Confidence
Level

Trend

Overall
Program

High



Scope

High



Comments

High



Budget

Medium



Monitoring potential support needed for
new environment.

Resource

Medium



Working through anticipated resource
collisions between Phase 1 support and
Phase 2 project efforts.

Schedule

Quality

High



Trend:





Improving
No change
Declining
(since last report)
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Phase II Projects
DEFERRALS (Phase I)
(LIVE TRACK)

REGULATION
COMPENSATION

LONG-TERM
CONGESTION RIGHTS
(LTCR)

ENVIRONMENT
BUILD-OUT

MARKET TO
MARKET (M2M)

PSEUDO-TIE OUT
ENHANCED
COMBINED CYCLE
(ECC)
3

Project Impacts
Training

Settlements

TCRs

Meter
Agents

Operations

Real-Time
Offers

Credit

Day-Ahead
Offers

Outages

Public Data

Settlement
Notifications

TCR UI/API

Business Process
Settlement
UI/API

Market
Notifications

EMS/ICCP

MMDD

Markets
UI/API

MCST

CROW

MP Facing Systems
Meter Agent

LSE

Financial
ONLY

Resource
Owner

MP Type
Phase II
Marketplace
Projects
Regulation
Compensation
Long-Term
Congestion Rights
Market to Market
Enhanced
Combined Cycle
Pseudo-Tie Out
Environment
Build-Out

TBD
TBD

Phase I Deferrals

TBD
No Impact
Low Impact
Medium Impact
High Impact
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Program Schedule - Overview
Jan

Feb

Mar

Apr

May

Jun

Program
Milestones

Jul

Aug

Sep

4

Environment
Build Out

Oct

Nov

Dec

Jan

Feb

Mar

5

MTE

Pseudo-Tie
Out

3

2

7

1

6

Long-Term
Congestion
Rights

2

1

6

3

7

3

Regulation
Compensation

1

6

7

2

Market to
Market

1

Enhanced
Combined
Cycle

7 Bus Prototype

Full Prototype

2

3

6

7

Assess Results

Today

Key:
Draft as of 4/2/14

1

Publish Design Specs

2

MP Training

3

MP Dev Complete

5

Connectivity Testing

6

MP Testing

7

Code Freeze

4

Publish Test Plan

5

Go Live

Program Schedule - Details
Phase II
Program Schedule

Pseudo Tie Out

Env
Build-Out

LTCR

RegComp

M2M

ECC

Program Milestones
Publish Test Plan (single)

7/1/2014

Connectivity Testing (MTE)

9/1-10/3/14

Project Milestones
Publish Design
Specifications

4/30/14

N/A

7/19/14

8/1/14

8/12/14

TBD

MP Training

5/16/14

N/A

9/2211/5/14

10/3112/16/14

12/5/14

TBD

MP Dev Complete

5/9/14

N/A

11/3/14

11/10/14

12/31/14

TBD

MP Testing

5/16-22/14

N/A

11/101/16/15

11/171/30/15

1/6-16/15

TBD

Code Freeze

5/23/14

N/A

1/17/15

2/1/15

2/1/15

TBD

Go-Live

6/12/14

7/31/14

2/1/15

3/1/15

3/1/15

TBD
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Project Updates – FERC Mandated
Project: LTCR

Phase: Analysis and Design

Confidence in Completion by 3/1/15: High

Accomplishments
• Reviewed detailed requirements
with vendors; SOWs in progress.
• Continued detailed project
estimation and planning.

Upcoming Tasks
• Continue work on detailed project
planning.
• Continue design activities for
iHedge system.

Issues / Risks
• None.

Project: RegComp

Phase: Analysis and Design

Confidence in Completion by 3/1/15: High

Accomplishments
• Completed detailed
requirements.
• Reviewed detailed requirements
with vendor to support beginning
of design effort.

Upcoming Tasks
• Continue detailed project planning
based on project design.
• Create additional MPRR for minor
language and calculation updates.

Issues / Risks
• Awaiting approval from SPP FERC filing.

Project: M2M

Phase: Analysis and Design

Confidence in Completion by 3/1/15: High

Accomplishments
• Completed high level
requirements .
• Drafted detailed requirements.
• Began design discussions.

Upcoming Tasks
• Complete design discussions with
MISO.
• Begin business process/desk
procedure documentation.
• Provide project overview / training
to SEAMS.

Issues / Risks
• Co-dependency of current (SPP/MISO) design on
existing (MISO/PJM) design.

7

Project Updates - Other
Project: Pseudo-Tie Out

Phase: Construction

Confidence in Completion by 3/1/15: High

Accomplishments
• Completed detailed
requirements and vendor impact
assessments.

Upcoming Tasks
• File MPRR 69 with FERC.
• Continue testing efforts.

Issues / Risks
• None.

Project: ECC

Phase: Analysis and Design

Confidence in Completion by 3/1/15: Low

Accomplishments
• Completed high level
requirements.
• Received prototype and began
proof of concept testing efforts.

Upcoming Tasks
• Complete detailed requirements.
• Test with Full-Bus Model at Alstom.
• Refine design based on POC results.
• Develop full project plan.

Issues / Risks
• Performance concerns with adding this major
functionality to MCE.
• Level of complexity of the solution.

Project: Env Build-Out

Phase: Analysis and Design

Confidence in Completion by 3/1/15: High

Accomplishments
• Hardware Ordered
• Completed High Level
Requirements & Proj Planning

Upcoming Tasks
• Procure hardware, and setup
environments at Alstom and SPP.
• Set up application software in new
environments.

Issues / Risks
• Incremental support needs for new
infrastructure.

Project: Required Phase I Deferrals and Compliance Items
Accomplishments
• Reviewed, analyzed and
prioritized list of deferrals.

Upcoming Tasks
• Developing a release forecast and
consolidating across different
business areas.
• Coordinate releases across
vendors.

Issues / Risks
• Scope creep.

8
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Q&A
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SPP RE Update to
Board of Directors
April 29, 2014
John Meyer
Chairman, SPP RE Trustees

FERC Requires Physical Security Standard
•

On 3/7/14, FERC Ordered NERC to develop physical
security standard within 90 days

•

NERC posted CIP-014-1 for comment through 4/24/14

•

SPP region represented on development teams
–

SPP RTO’s Robert Rhodes and KCPL’s John Breckenridge
on standard drafting team

–

SPP RE’s Steven Keller on Reliability Standard Audit
Worksheet team

2
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Other Major Topics
•

•

Reliability Assurance Initiatives (RAI)
–

Common Auditor Handbook complete

–

Self-Reporting pilot program results expected 2Q 2014

–

Risk-based registration initiative kicked off with
white paper published 4/9/14

Revised Bulk Electric System (BES) Definition effective
7/1/14
–

SPP RE expects Registered Entities’ lists of self-determined
BES changes early in the process
3

Vegetation Management Update
•

NERC 1Q 2014 Vegetation Management Report
–

No reportable contacts in SPP RE footprint

–

4th consecutive quarter with no reportable contacts

4
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NERC Facility Ratings Alert
SPP
High Priority
345 kV+
Medium Priority
230 kV – 345 kV
Low Priority
Below 230 kV

National

~420 discrepancies

7,966 discrepancies

99% remediated

88% remediated

~1,980 discrepancies

21,612 discrepancies

38% remediated

88% remediated

~3,630 discrepancies

21,249 discrepancies

24% remediated

34% remediated

Remediation to be completed within one year of discovery or end
of 2014, whichever is earlier, unless under an extension request
5

SPP RE Misoperation Report as of 4Q 2013

6
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Most Violated Standards
Based on rolling 12 months through 3/31/14 [Represents ~ 88% of total violations]
SPP
RE
Rank

NERC
12 Month
Rank *

Standard

1

1

CIP-007

2

10

3

2

4
5

Number of
Violations

Risk Factor

Systems Security Management

32

Medium

FAC-008

Facility Ratings (includes FAC-009)

21

Med./Lower

CIP-006

Physical Security - Critical Cyber Assets

20

Med./Lower

3

CIP-005

Electronic Security Perimeters

20

Medium

4

PRC-005

Protection System Maintenance

13

High/Lower

6

5

CIP-004

Personnel & Training

8

Med./Lower

7

6

CIP-002

Critical Cyber Asset Identification

6

High/Lower

8

7

CIP-003

Security Management Controls

5

Med./Lower

9

8

VAR-002

Network Voltage Schedules

5

Med./Lower

10

**

PRC-008

UFLS Relay Maintenance

4

Medium

*
**

Description

NERC Report Q4 2013
Not in NERC Rolling 12 month Top Ten
7

SPP RE Regional Events - 1Q 2014
•

Eight total events

•

Four did not meet NERC Event Analysis threshold

•

Four Category 1 Events were analyzed
– Three Category 1h Events - Loss of monitoring or control
at a control center
–

One Category 1a Event - Unexpected outage of three or
more BPS facilities contrary to design

8

4

Outreach
•

•

Upcoming Events
–

June 2, CIP V5 Training, Little Rock

–

June 3-4, CIP Workshop, Little Rock Agenda

–

June 4-5, RTO Compliance Forum, Little Rock

–

June 12, BES Definition and BESnet Tool Webinar

–

Sept. 30-Oct. 1, Fall Workshop, Oklahoma City

–

Oct. 1-2, RTO Compliance Forum, Oklahoma City

Materials posted:
–

CIP-002-5 BES Cyber System Identification Webinar

–

Summer Reliability Assessment Webinar

•

190 in-person/webinar attendees at Spring workshop

•

Online Video Library won award from International
Association of Business Communicators AR chapter

9
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Southwest Power Pool, Inc.
STRATEGIC PLANNING COMMITTEE
Report to the Board of Directors
April 29, 2014

Organizational Roster
The following persons are members of the Strategic Planning Committee:
Ricky Bittle
Phyllis Bernard
Jim Eckelberger
Les Evans
Bill Grant
Jon Hansen
Rob Janssen
Jake Langthorn
Venita McCellon-Allen
Harry Skilton
Michael Wise
Michael Desselle

Arkansas Electric Cooperative
Director
Director
Kansas Electric Power Cooperative
Xcel Energy
Omaha Public Power District
Dogwood Energy
Oklahoma Gas & Electric
American Electric Power
Director
Golden Spread Electric
Southwest Power Pool

Activity Update
Carl Monroe updated the SPC membership regarding strategic implementation matters associated with
the integration of WAPA, Basin and Heartland (Integrated Systems). He noted that ongoing efforts were
occurring in two stakeholder forums: Corporate Governance Committee and the Regional Tariff Working
Group. The CGC was reviewing for approval membership and bylaws recommendations including
withdrawal and penalty issues. Carl described the policy direction associated with tariff modifications
being developed associated with pricing zones, regional cost sharing and federal service
exemptions. Carl also noted that the Regional State Committee was concurrently reviewing cost
allocation policy issues. Harry Skilton moved and Rob Janssen seconded a motion to endorse the policy
direction on the entry of the IS into regional cost allocation and the Federal Service Exemption to for the
RTWG to implement the proposed tariff modifications. The motion was discussed and approved with one
entity (AEP) opposed because they were uncomfortable giving direction when preparation had not been
given that a vote on the matter would be considered.

Southwest Power Pool
BOARD OF DIRECTORS/MEMBERS COMMITTEE MEETING
Omni Hotel at Southpark, Austin, TX
January 28, 2014
- Summary of Action Items -

1. Approved Consent Agenda items:
a. Approve October 29, November 4, and December 10, 2013 minutes.
b. Approve Markets and Operations Policy Committee Recommendations:
i.
ii.
iii.
iv.
c.

ORWG/TWG: CRRs 008 and 010
RTWG: TRRs 100, 103, 113, 114, 116
MWG: MPRRs 150, 159, 161
Staff: STEP Report

Approve Corporate Governance Committee’s recommendation to approve organizational
group rosters.

2. Approved Markets and Operations Policy Committee’s recommendation that the Board of Directors
approve MPRR0155, modification of OOME Rules.
3. Approved Markets and Operations Policy Committee’s recommendation that the Board of Directors
approve the ITPNT Report with the condition that charts shared in the presentation are included in
the report.
4. Approved Markets and Operations Policy Committee’s recommendation that the Board of Directors
approve the re-evaluation and possible suspension of Chamber Springs to Farmington NTC and
further recommendations:
•

MOPC recommendation that further cost-benefit analysis including a long-term reliability needs
assessment be performed and completed by July 2014 to identify the best long-term solution.

•

MOPC recommendation that the BOD suspend the NTC during further evaluation if SPP Staff
determines that suspension does not significantly compromise the overall schedule.
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MINUTES NO. 157
Southwest Power Pool
BOARD OF DIRECTORS/MEMBERS COMMITTEE MEETING
Omni Hotel at Southpark, Austin, TX
January 28, 2014
Agenda Item 1 - Administrative Items
SPP Chair Mr. Jim Eckelberger called the meeting to order at 8:02 a.m. The following Board of
Directors/Members Committee members were in attendance or represented by proxy:
Mr. Larry Altenbaumer, director
Ms. Phyllis Bernard, director
Mr. Ricky Bittle, Arkansas Electric Cooperative
Mr. Julian Brix, director
Mr. Nick Brown, director
Mr. Phil Crissup, Oklahoma Gas and Electric
Mr. Mike Deggendorf, Kansas City Power and Light
Mr. Jim Foley, proxy for Mr. Mo Doghman, Omaha Public Power District
Mr. Jim Eckelberger, director
Mr. Kelly Harrison, Westar Energy
Mr. Rob Janssen, Dogwood Energy
Mr. Tom Kent, Nebraska Public Power District
Mr. Jeff Knottek, City Utilities of Springfield
Mr. Brett Kruse, Calpine Energy Services
Mr. Josh Martin, director
Mr. Dave Osburn, Oklahoma Municipal Power Authority
Mr. Harry Skilton, director
Mr. Kevin Smith, Tenaska
Mr. Stuart Solomon, American Electric Power
Mr. Noman Williams, Sunflower Electric Power Corporation
Mr. Mike Wise, Golden Spread Electric Cooperative
There were 106 persons in attendance either in person or via phone representing 30 members (Attendance
List - Attachment 1). Mr. Nick Brown reported proxies and a quorum was declared (Proxies - Attachment 2).
Mr. Eckelberger welcomed guests Mike Bardee (FERC), Chris Turner (SPA), Bob Harris (WAPA) and Mike
Risan (Basin) and thanked them for attending the meeting.
Agenda Item 2 – Board Reports
President’s Report
Mr. Nick Brown provided the President’s Report (President’s Report – Attachment 3). Mr. Brown stated that
SPP is poised and ready for the Integrated Marketplace Go-Live on March 1, 2014. SPP’s is the first market
to be on schedule and on budget. Mr. Brown stated that he felt this was due in part to the five elements of
SPP’s Value Proposition, which differentiates SPP from its competitors, developed by the Strategic Planning
Committee in 2003:
1. Relationship Based
2. Member Driven
3. Independence Through Diversity
4. Evolution vs. Revolution
5. Reliability and Economics Inseparable
2
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SPP Board of Directors/Members Committee Minutes
January 28, 2014
Mr. Brown thanked all for the great effort in the Integrated Marketplace initiative. He also noted that SPP is
waiting for a final order from FERC expected in the near future.
Mr. Brown called attention to the fact that Mr. Mike Palmer will retire from Empire District on February 28 and
thus from all SPP positions. He read and presented Mr. Palmer with a resolution thanking him for his many
efforts, service and support to SPP for over a decade (Resolution – Attachment 4).
Regional State Committee Report
RSC President Donna Nelson (PUCT) presented the Regional State Committee (RSC) report. Ms. Nelson
stated that the group held an educational session prior to the regular meeting, which covered the High
Priority Incremental Load Study (HPILS), an introduction to seams and the Integrated System (WAPA, Basin
and Heartland). During the regular RSC meeting, President Nelson stated that the group approved the
auditor costs for the 2013 Audit and filing 2013 taxes. The group heard reports regarding: Cost Allocation
Working Group (CAWG); Order 1000; Cost Allocation for Non-Order1000 Seams Projects; Integrated
Marketplace; ITPNT, ITP10 and the SPP Transmission Expansion Plan (STEP); HPILS; Integrated System;
Integration of Entergy into MISO; and the SPP Strategic Plan.
President Nelson stated that resolutions were read and presented to Commissioner Tom Wright (KCC) and
Commissioner Mike Siedschlag (NPRB) to thank them for their great contributions while serving on the RSC
and various task forces. January 27 marked their final meeting. The next RSC meeting will be in Oklahoma
City on April 28 and will mark the Tenth Anniversary of the RSC. Past members of the RSC will be invited to
the Monday night dinner.
Federal Energy Regulatory Commission Report
Mr. Patrick Clarey provided an update on recent FERC activities. In December, FERC directed staff to
participate in the PJM and MISO regional transmission operators’ (RTOs’) meetings to address seams
issues. The order acknowledges the time and effort of the RTOs and their stakeholders, and states that
staff’s participation in future meetings will help FERC monitor the RTOs’ progress on the market initiatives.
The order also establishes a new proceeding to reflect the broader scope of issues identified in the June and
September filings.
FERC and the Idaho Public Utilities Commission (Idaho PUC) signed a Memorandum of Agreement under
which they will dismiss their court claims related to interpretation and enforcement of the Public Utility
Regulatory Policies Act (PURPA).
In January, FERC proposed to adopt a new reliability standard intended to mitigate the impacts of
geomagnetic disturbances (GMDs) that can have potentially severe, widespread effects on reliable operation
of the nation’s Bulk-Power System. The proposal takes the first step in implementing a May 2013 final rule in
which FERC directed the North American Electric Reliability Corporation (NERC) to develop new mandatory
reliability standards to address GMD vulnerabilities, and it directed NERC to develop new standards in two
stages. This Notice of Proposed Rulemaking (NOPR) pertains to a standard offered by NERC to address
implementation of operating plans and operating procedures or processes to mitigate the effects of GMD.
The 4th Circuit Court of Appeals upheld a FERC Order granting certain transmission rate incentives for 11
transmission projects to a Virginia utility.
Regional Entity Trustees Report
Mr. John Meyer presented the Regional Entity Trustee report (RE Report – Attachment 5). The report
included updates on:
•

FERC’s approval of CIP Version 5, and transitioning directly to it from Version 3

•

Major short-term Reliability Assurance Initiatives (RAI)

•

Facility Ratings Alert Update

•

Vegetation Management Update
3
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•

CIP/693 Violations 2009-2013

•

Regional Standards Update

•

Most Violated Standards

•

Regional Relay Operational Performance-Success Rate

•

ERO Events

•

SPP RE Events

•

Outreach

Mr. Eckelberger asked that the System Protection and Control Working Group (SPCWG) and the Event
Analysis Working Group (EAWG) review misoperations of 160kV and below to see if the region could
achieve better results.
Oversight Committee Report
Mr. Josh Martin presented the Oversight Committee Report. The Committee met in Little Rock in December.
• The Committee heard quarterly reports from Internal Audit, Compliance, and Market Monitoring staff.
o

o

o

•
•
•
•

Internal Audit continues its regular audits, as well as its oversight role in the Integrated
Marketplace initiative. The group continues to focus on higher-risk areas, and particularly
those that intersect with the Integrated Marketplace initiative. SPP has engaged a new
Controls Audit firm (KPMG), which Internal Audit is managing/coordinating. There will be a
gap period for controls in the EIS market; Internal Audit will be providing the review and
reporting to the Board.
The primary focuses for the Compliance group have been: 1) response to SPP’s CIP audit
findings, working with SERC Enforcement through the process; 2) the group worked with
several other groups to prepare for the BA certification visit in November, which went very
well with the only pending items being those things that SPP could not yet demonstrate, but
will be able to in advance of go-live; 3) and participation in the NERC GridEx exercise.
Compliance Forums continue with the next one being held in February in Dallas. These
continue to be well-attended, and in further coordination with the Regional Entity to ensure
meaningful agendas for attendees.
The Market Monitoring Unit staff remains engaged in the Integrated Marketplace initiative,
developing the various new metrics that will be necessary to monitor the new markets.
FERC staff was at SPP during the quarter for an education session and a preliminary review
of the MMU staff’s processes. The MMU staff has also started on the 2013 Annual State of
the Market Report.

Internal Audit presented its Annual Audit Plan for final consideration.
The Committee will be considering engagement of a firm to review the MMU practices post go-live,
but not before 2015.
The Committee received an update on Order 1000, its specific role in the process and when that will
start.
The Committee approved engaging Boston Pacific in 2014 to prepare a Looking Forward Report as
they have in previous years. This contract has been finalized and the work initiated. There will be a
preliminary review of this report as well as the Annual State of the Market report prepared by the
MMU staff at the next meeting. Both of these reports will be presented at the April Board meeting.

The Oversight Committee’s next scheduled meeting is March 20 in Washington, DC.
Strategic Planning Committee Report
Mr. Ricky Bittle reported that the Strategic Planning Committee (SPC) was in the process of developing a
new Strategic Plan. Mr. Bittle encouraged all to be involved and to provide input preferably by the end of
March. A draft plan will be presented in June at the Board Educational Session.

4
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Finance Committee Report
Mr. Harry Skilton provided an update on the Finance Committee’s activities (FC Report – Attachment 6). Mr.
Skilton reported that Mr. Tom Dunn was completing a contract with Stephens for the Pension Fund
investment management. The Committee is negotiating financing for $70 million unsecured notes in the 4%
range. The group studied algorithms and approved modifications for MPRR 161. The impacts of MPRR 161
will be reviewed in six months. The next meeting of the Finance Committee will be March 7, 2014.
Agenda Item 3 – Consent Agenda
Mr. Eckelberger presented the following Consent Agenda items for approval (Consent Agenda – Attachment
6):
a. Approve October 29, November 4, and December 10, 2013 minutes.
b. Approve Markets and Operations Policy Committee Recommendations:
i.
ii.
iii.
iv.

ORWG/TWG: CRRs 008 and 010
RTWG: TRRs 100, 103, 113, 114, 116
MWG: MPRRs 150, 159, 161
TWG: 2014 ITPNT Report and Projects
2014 ITPNT Scope
v. Staff: STEP Report

c. Approve Corporate Governance Committee’s recommendation to approve organizational
group rosters.
Mr. Eckelberger asked for requests to remove any items from the Consent Agenda. Mr. Eckelberger
stated that he would remove the 2014 ITPNT report for further discussion. Hearing no other
requests, he then asked for a motion to approve. Mr. Larry Altenbaumer moved to approve the
Consent Agenda items; Mr. Josh Martin seconded the motion. The Members Committee voted in
unanimous approval. The Board voted; the motion passed.
It was pointed out that the 2014 ITPNT report would be part of the Market and Operations Policy Committee
report later in the meeting.
Agenda Item 4 – Markets and Operations Policy Committee Report
Mr. Rob Janssen provided the Markets and Operations Policy Committee report (MOPC Report –
Attachment 7). Mr. Janssen gave an overview of the following action items and recommendations for
approval:
MPRR 155 – Modification of OOME Rules
This modifies out-of merit energy (OOME) instructions language into categories: reliability issues and
emergency conditions. SPP will communicate reliability issues to a market participant (MP) by XML and
ICCP and an emergency condition via a phone call to the MP. Mr. Janssen asked that the Board of
Directors approve MOPC’s recommendation regarding MPRR 155. Mr. Julian Brix moved to approve
MPRR 155 modifications; Mr. Harry Skilton seconded the motion. The Members Committee voted in
unanimous approval. The Board voted; the motion passed.
Mr. Lanny Nickell provided background on ITPNT, which is a near-term reliability assessment performed
annually. The reliability needs are generally in the form of 1) transmission overloads or 2) voltage limit
violations, and are determined in accordance with NERC, SPP, and local requirements. Mr. Paul Suskie
presented 2014 ITPNT rate impact to the average residential ratepayers in SPP. Following discussion,
Mr. Julian Brix moved to approve the ITPNT Report with the condition that charts shared in the
presentation are included in the report. Mr. Harry Skilton seconded the motion. The Members
Committee voted in unanimous approval. The Board voted; the motion passed.
Mr. Janssen then presented the MOPC recommendation for the re-evaluation of Chamber Springs –
Farmington 161 kV rebuild. A Notification to Construct (NTC) was issued on February 20, 2013 to American
5
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Electric Power (AEP) for a Network Upgrade to rebuild the 161 kV line from Chamber Springs to Farmington.
With an updated cost estimate reflecting a 40.2% increase from the baseline estimate established for the
project, which exceeds the 20% increase causing a re-evaluation, the MOPC recommends:
•

MOPC recommends that further cost-benefit analysis including a long-term reliability needs
assessment be performed and completed by July 2014 to identify the best long-term solution.

•

MOPC also recommends the BOD suspend the NTC during further evaluation if SPP Staff
determines that suspension does not significantly compromise the overall schedule.

Mr. Larry Altenbaumer moved to approve MOPC’s recommendation regarding the Chamber Springs –
Farmington 161 kV rebuild; Ms. Phyllis Bernard seconded. The Members Committee voted in
unanimous approval. The Board voted; the motion passed.
Jim Eckelberger added some comments. He requested that in the future the ITPNT Report and Scope not
be included in the Consent Agenda to allow discussion. In regards to the STEP report, that we focus over
time on what we have done and are doing. In July Mr. Eckelberger requested that the Board receive a report
on ITP10, its success and are we getting there. He asked that during the Regional Cost Allocation Review
(RCAR) that if ITP10 is not a success, they begin to work on alternatives. Mr. Eckelberger felt trends and
cost should be tracked to see if this has worked and are we making progress. We need to check rate
components by company cumulatively through the benefit period. It was assured that the Rate Impact Task
Force (RITF) intended to look at ITP10, rate benefits and compare.
Agenda Item 5 – Integrated Marketplace Report
Mr. Bruce Rew provided the Integrated Market report (IM Report – Attachment 8). Mr. Rew gave an
executive summary of the IM activities and also addressed: Congestion Hedging, Parallel Operations,
Integrated Deployment Test Overview, Market Trials Phase Cutover and Go-Live Planning, and Program
Readiness and Outreach. Mr. Rew stated that the January 24 report contains Change Working Group’s
(CWG) and Staff’s recommendations for Go-Live. The Go-Live Team has a final call on January 31; the final
decision on February 26 provides for start of Day Ahead Market activities for the March 1 start and February
28 the final bids are put in. The Integrated Marketplace will commence on March 1 at midnight.
Agenda Item 6 – Future Meetings
Mr. Eckelberger reminded the group of the SPP Board of Directors future meetings (Future Meetings –
Attachment 9).
Adjournment
With no further business, Mr. Eckelberger thanked everyone for participating and adjourned the meeting to
Executive Session at 11:15 a.m.

Stacy Duckett, Corporate Secretary

Executive Session: The group received an update on the current issues with MISO and provided direction to
staff for moving forward.
The group also heard recommendations from the Human Resources Committee and staff regarding funding
of Performance Compensation; merit adjustments based on a recent salary survey; election of officers; and
executive compensation.
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Southwest Power Pool, Inc.
MARKETS AND OPERATIONS POLICY COMMITTEE
Recommendation to the Board of Directors
Sponsored Upgrade
April 29, 2014

Background
The 2012 ITP10 identified the need for the Eastowne transformer based upon economic analysis. This
study determined a 400/440 MVA 345/161kV transformer was needed January 1, 2020 for economic
benefit. No NTC was issued because the need date was outside the NTC window. This study assumed
the Iatan-Nashua 345 kV line would be in-service prior to the installation of the Eastowne transformer.
During the engineering design of the Iatan-Nashua 345 kV line, KCPL/GMO determined that the use of
the Alabama-Nashua161 kV right-of-way was preferred. KCPL/GMO retired the Alabama-Nashua161 kV
line in order to construct the Iatan-Nashua 345 kV line. KCPL/GMO desired to advance the Eastowne
345/161 kV transformer. SPP evaluated this advancement and determined that the Eastowne
transformer would overload for the contingency of St Joe-Eastowne 345 kV. KCPL/GMO developed a
post-contingency operating directive to address the Eastowne 345/161 kV overload. KCPL/GMO
completed the installation of the 400/440MVA 345/161 kV transformer in May 2013.
Analysis
At KCPL/GMO’s request, SPP Staff performed analysis to test the impacts of temporarily installing a
650/715 MVA 345/161 kV transformer as a SPP OATT Sponsored Upgrade at Eastowne in order to
relieve real-time pre-contingency constraints. The 2014 ITP Near-Term models were utilized with the
recommended upgrade of the 650/715 MVA 345/161 kV transformer included. The seasons evaluated
were 2014 light load, 2014 summer, and 2015 summer. Both scenarios zero and five were evaluated.
The 2019 light load and summer seasons were also evaluated to test the impact of the Iatan to Nashua
345 kV line being delayed beyond 2019 with the upgraded Eastowne transformer remaining in-service.
The upgrade of the Eastowne transformer caused no N-1 overloads or voltage issues in any of these
models.
To test the impact on transfers the 2014 ITP Near-Term 2014 summer scenario five case was used with
and without the Eastowne 345/161 kV transformer upgrade included. This transfer analysis determined
that the upgrade of the Eastowne transformer improved the transfer capability for several directions.
Recommendation
TWG recommends that MOPC endorse the temporary installation of the 650/715 MVA 345/161 kV
transformer at Eastowne as a Sponsored Upgrade.

Approved:

TWG

February 11, 2014

Vote Passed with one abstention. Nate Morris informed the group that Empire
District Electric supports the idea of alleviating the overloaded transformer,
however, due to the unknowns, specifically the impacts on the subsequent 161kV
system under higher flows with contingencies applied, EDE elected to abstain. In
addition, EDE would have rather had a defined horizon (e.g. – December 1,
2015) for the Iatan – Nashua line to be completed.
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MOPC

April 15-16, 2014

Recommendation placed on MOPC Consent Agenda. Vote passed unanimously.

Action Requested:

Approve Recommendation
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Eastowne Transformer
Upgrade Study
2/4/2014

Steady State Planning
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History
2012 ITP10 Identified need for Eastowne transformer
The 2012 ITP10 identified the need for the Eastowne transformer based upon economic analysis.
This study determined a 400/440 MVA 345/161k transformer was needed January 1, 2020. No NTC
was issued because the need date was outside the NTC window. This study assumed the IatanNashua 345 kV line would be in-service prior to the installation of the Eastowne transformer.
During the engineering design of the Iatan to Nashua 345 kV line, KCPL/GMO determined that the
use of the Alabama-Nashua 161 kV right-of-way was preferred. KCPL/GMO desired to advance the
Eastowne 345/161 kV transformer. SPP evaluated this advancement and determined that the new
Eastowne transformer would overload for the contingency of St Joe-Eastowne 345 kV. KCPL/GMO
developed a post-contingency operating directive to address the Eastowne 345/161 kV overload.
KCPL/GMO completed the installation of the 400/440MVA 345/161 kV transformer in May 2013.

Congestion
The Eastowne transformer has been a point of congestion in the SPP system. The EAXFREASST
(Eastowne transformer for the contingency of the Eastowne -St Joe 345 kV) is one of the one of the
most congested flowgates in the Kansas City-Omaha Corridor.
The congestion due to the Eastowne transformer has resulted in numerous transmission requests
being refused. The table below lists the number of request that were refused as a result of the
EAXFREASST flowgate from June 1through November 30, 2013.
Refusal for flowgate 5496 EASXFREASSTJ
Total

Hourly

MW Refused

Daily

MW Refused

June

0

July

496

496

21367

August

1326

1326

76617

September

139

135

6672

4

211

October

30

25

1333

5

208

November

168

166

9788

1

300

Weekly

MW Refused

1

75

Monthly

Eastowne Upgrade Request
KCPL/GMO seeks to sponsor an upgrade project for the Eastowne 345/161kV transformer (400
MVA), which is currently a constrained flowgate for outage of the Eastowne-St. Joe 345kV line.
KCPL/GMO has a spare 345/161kV transformer rated 650/715 MVA and would like to replace the
existing transformer temporarily from May 2014 to June 2015 (when Iatan-Nashua goes in service).
At that time the 400 MVA transformer will be put back in service.
Report Name
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This study of this proposed sponsored upgrade will be presented at the February TWG meeting.

Eastowne Location Map
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Evaluation of Request
Methodology
The 2014 ITP Near-Term models were used with the recommended upgrade. The seasons evaluated
were 2014 light load, 2014 summer, and 2015 summer. Both scenarios zero and five were
evaluated. The 2019 light load and summer seasons were also evaluated to test the impact of the
Iatan to Nashua 345 kV line being delayed with the upgrade Eastowne transformer remaining inservice.
To test the impact on transfers the 2014 ITP Near-Term 2014 summer scenario five case was used
with and without the Eastowne 345/161 kV transformer upgrade included. The analysis was
performed using MUST software while monitoring 100 kV and above facilities in SPP and 1st tier,
outaging single contingencies 100 kV and above in SPP and 1st tier, utilizing transfer direction in
flowgate assessment and a 3% distribution factor.

Study Findings
Contingency analysis (N-1)
The upgrade of the Eastowne transformer did not cause any additional facilities to load above their
facility ratings but did cause the next element expected to load up Eastowne-East 161 kV for the
outage of St. Joe-Eastowne 345 increased its loading from 296.8 MVA or 88.9% of its rating to
306.8 MVA or 91.6% of its rating in 2014 summer. In 2015 summer without the Iatan –Nashua 345
kV line before the Eastowne upgrade 315.6 MVA or 94.5% loaded to 325.7 MVA or 97.5% of its
rating. Using the 2019 summer scenario five case without the Iatan-Nashua 345 kV in-Service the
Eastowne-East 161 kV for the outage St. Joe-Eastowne 345 kV loaded to 312.5 MVA or 93.6% of
its rating.

Transfer analysis
With the Eastowne transformer upgrade there were 1073 Transfer pairs that were limited by the
Eastowne transformer that went from a negative FCITC to a positive FCITC ranging from .3 to
3157.9. There were 629 transfer pairs that had a negative FCITC difference which ranged from-.1
to-19.6. Those that had a difference between -2 to -19 had FCITC level between 4246 and 20766.
Although upgrading the Eastowne transformer does show an increase in FCITC for transfer paths in
the area it is possible that there will still be congestion on other facilities in the area.

Conclusion
The N-1 contingency analysis determined that the upgrade of the Eastowne transformer provided no
harm to the reliability of the SPP system. The transfer analysis determined that the upgrade of the
Eastowne transformer did improve the transfer capability for several transfer directions and has the
potential to allow some additional transmission requests to be approved.
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Southwest Power Pool, Inc.
Market and Operations Policy Committee
Recommendation to the Board of Directors
MCRR 200, MPRRs 144, 165 and 171
April 29, 2014

Organizational Roster
The following members represent the Market Working Group:
Richard Ross, AEP, Chairman
Gene Anderson, OMPA, Vice Chairman
Shawn McBroom, OGE
Lee Anderson, Lincoln Electric System
Amber Metzker, Xcel Energy
Neal Daney, KMEA
Jim Flucke, KCPL
Clifford Franklin, Westar Energy, Inc.
Matt Johnson, City Utilities, Springfield, MO
Chris Lyons, Constellation Energy Commodities Group
Rick McCord, EDE
Matt Moore, Golden Spread Electric Cooperative
Aaron Rome, Midwest Energy, Inc.
Ann Scott, Tenaska Power Services Co.
Marguerite Wagner, Edison Mission Energy
Ron Thompson, NPPD
Bruce Walkup, AECC
Rick Yanovich, OPPD
Debbie James, SPP, Secretary
Background
Please see the MPRR Recommendation Report for MCRRs 200, MPRRs 144, 165 and 171 that were included in
the MOPC April 15-16, 2014 background materials.
Analysis
Please see the MPRR Recommendation Report for MCRRs 200, MPRRs 144, 165 and 171 that were included in
the MOPC April 15-16, 2014 background materials.
Recommendation
The MOPC recommends that the BOD approve its request regarding Marketplace Protocol and Compliance
Revision Requests MCRR 200, MPRRs 144, 165 and 171.
Action Requested: Approval of MWG’s request on MCRR 200, MPRRs 144, 165 and 171.
APPROVED:

MOPC
April 15-16, 2014
MCRR 200, MPRR’s 144 & 165 Passed unanimously
MPRR 171 Passed with one abstention-ITC Great Plains

2 - MWG MPRR Recommendations to MOPC_20140415-16
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MCRR
Number

Description

MWG Meeting
Vote

RTWG Meeting
Vote

200

IM—January 29, 2014 Order
(Docket Nos. ER12-1179012 & ER13-1173)

2/21/2014 – Approved
CUS - Abstained

2/20/2014 –
Approved

MPRR 144

Demand Response
Resource Clarification

1/21/2014 –
Unanimously Approved

2/20/2014 –
Approved

MPRR 165

Pseudo-Tie Losses
Correction

2/11/2014 –
Unanimously Approved

2/20/2014 –
Approved

MPRR 171

LTCR Clarifications

3/18/2014 –
Unanimously Approved

3/26/2014 –
Approved with
modifications

2 - MWG MPRR Recommendations to MOPC_20140415-16

ORWG Meeting
Vote

2/13/2014 –
Approved with no
Reliability impact
3/6/2014 –
Approved with no
Reliability impact
4/3/2014 –
Approved with no
Reliability impact
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Marketplace Compliance Revision Request
MCRR
No.
Date

200
2/3/2014

Tariff Section(s)
Requiring Revision

MCRR Order
Reference
Sponsor

IM—January 29, 2014 Order
(Docket Nos. ER12-1179-012 & ER13-1173)
SPP Regulatory

Section No.: Various
Tariff Version: Accepted Tariff
(p23) Accordingly, we will require SPP to make a compliance filing due 30 days from the
date of this order that clarifies in its Tariff how buyers and sellers in load transfer and/or
bilateral contract arrangements will communicate arrangements with regard to must-offer
obligations. SPP should further explain how these arrangements will be confirmed and how
penalties for non-compliance will be assessed.
(p24) As mentioned previously, section 4.1(10)(d) currently refers to a resource commitment
status of “on an outage,” which does not include resources unavailable for economic
reasons. We find that the Tariff language is clear and that additional clarification is not
needed. However, we agree with TDU Intervenors that a resource commitment status of
“on an outage,” as currently specified in section 4.1(10)(d), is not appropriate within section
2.11.1.B(1). A market participant should not receive credit toward meeting its day-ahead
must-offer obligation if it offered a resource that is on an approved outage and unavailable
for commitment by SPP. Accordingly, we will require SPP to remove from section
2.11.1.B(1) of Attachment AE the reference to section 4.1(10)(d) of Attachment AE, in a
compliance filing due 30 days following the date of this order.

FERC Order
(Paragraph number
in parentheticals,
i.e. (p101) followed
by language from
matrix)

(p25) Additionally, we find that it is unclear why SPP has exempted resources with a
commitment status pursuant to section 4.1(10)(c) from being included in the day-ahead
must-offer requirement. Thus, we will require SPP, in a compliance filing due 30 days
following the issuance of this order, to include this commitment status within sections
2.11.1.A(3) and 2.11.1.B(1) of Attachment AE or, in the alternative, explain why it is not
appropriate to include this commitment status within day-ahead must-offer provisions.
(p26) To be consistent with other capitalized terms within Attachment AE, we will require
SPP, in a compliance filing due 30 days after the issuance of this order, either to: (1)
provide a definition for “Net Resource Capacity” in the definitions section of Attachment AE
(which may refer to section 2.11.1.A(4) in Attachment AE), or (2) un-capitalize the term
within section 2.11.1 of Attachment AE.
(p35) However, we will reject SPP’s proposed Tariff language in sections 2.15(1) and
2.15(2) that impose wind forecast data requirements “as specified in the Market Protocols”
because these data requirements would be subject to change by SPP unilaterally. The
Commission rejected similar Tariff language when addressing MISO’s Order No. 764
compliance filing. Accordingly, SPP is directed to submit a compliance filing within 30 days
of the date of this order to (1) replace the phrase “as specified in the Market Protocols” with
“as specified in the interconnection customer's interconnection agreement” in section
2.15(1); and (2) remove “the Market Protocols and” from section 2.15(2), so that it reads, in
part, “as specified in the interconnection customer’s interconnection agreement.”
(p65) Specifically, we direct SPP to revise the definitions in Attachment AE to include the
following definitions:
Local Reliability Issue: a local voltage or reliability condition necessitating a Local
Reliability Issue Commitment.
Local Reliability Issue Commitment: a Resource commitment in addition to, or in lieu

2a - MCRR 200_FERC Filing_Protocols
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of, commitments resulting from the Security Constrained Unit Commitment in the DayAhead or any Reliability Unit Commitment, in order to mitigate issues with Transmission
System voltage or other local reliability concerns. These Resource commitment
requirements are established prior to or during an Operating Day and are based on
projected local reliability requirements, operational considerations, and generation and
transmission outages. These commitments will be based on Operating Guides for
recurring local voltage and reliability requirements, but an Operating Guide is not
required prior to a Resource commitment being designated as a Local Reliability Issue
Commitment. Resource commitments to relieve a potential or actual Interconnection
Reliability Operating Limit violation will not be designated in this category.
(p67) Therefore, we direct SPP to remove all the references to section 4.5.2(3) from
sections 5.2.2 and 6.1.2.
(p67, n.85) SPP is directed to remove only the references to the section 4.5.2(3). It is to
retain the remaining explanations of the process that SPP will utilize, as shown in the
prescriptive changes in Appendix B.
(p69) Consistent with the revisions we are requiring above to the definition of Local
Reliability Issue Commitment, SPP must also revise provisions in Attachment AE of the
Tariff (e.g., section 5.2.2(4)) that limit the parties that can make manual commitments to
address Local Reliability Issues. We direct SPP to revise section 5.2.2(4), which currently
states that a manual commitment to address Local Reliability Issues may be made by the
local transmission operator (or by SPP at the request of the local transmission operator) to
state that SPP may make such commitments, too.
(p70) Sections 5.2.2(5) and 6.1.2(5) address circumstances in which SPP manually
commits a resource at the request of the local transmission operator to resolve a reliability
issue other than a Local Reliability Issue. Given the expansion of the definition of Local
Reliability Issue, it is unclear under what circumstances a local transmission operator would
make such a request and whether sections 5.2.2(5) and 6.1.2(5) are still necessary. We
direct SPP either to eliminate the sections or justify the language in sections 5.2.2(5) and
6.1.2(5). Similarly, section 6.2.4(5) addresses circumstances in which SPP manually
commits a resource at the request of the local transmission operator to resolve a reliability
issue other than a Local Emergency Condition. Given the changes required below for
6.2.4(6), it is unclear under what circumstances SPP would manually commit a resource at
the request of the local transmission operator when a Local Reliability Issue is not present.
It appears that section 6.2.4(6) may no longer be necessary given the expansion of the
definition of Local Reliability Issue. Thus, the Commission directs SPP in a compliance
filing due 30 days from the issuance of this order either to eliminate section 6.2.4(6) or
justify the language in the section.
(p71) We agree with SPP that there is no need for a local transmission operator to make a
manual commitment in the day-ahead RUC; therefore, we direct SPP to remove the local
transmission operator from section 5.2.2(6) as identified in Appendix B.
(p73) Additionally, we will require SPP to make further revisions in section 8.6.7.A(1) to
clarify when a local transmission operator may direct a manual commitment. This revision
is necessary to be consistent with the new definitions that SPP provided in this filing and the
revisions to those changes the Commission is ordering herein. Specifically, we will require
SPP to make the following change to section 8.6.7.A(1): “Resources committed to address
a Local Reliability Issue by the Transmission Provider at the request of a local transmission
operator or committed by a local transmission operator to address a Local Emergency
Condition,….”
(p74) However, SPP has not subjected section 4.5.2 of Attachment AE, Multi-Day Reliability
Assessment Analysis, to the discrimination review process in section 6.1.2.1 of Attachment
AE. We direct SPP to add to sections 4.5.2(3) and 4.5.2(4) the following: “Such manual
commitments shall be selected by the Transmission Provider in a non-discriminatory
manner, which will be verified by the Market Monitor through the process described under
2a - MCRR 200_FERC Filing_Protocols
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section 6.1.2.1 of this Attachment AE.” Additionally, we note that SPP added to section
6.1.2.1 of Attachment AE the words “or Real-Time Balancing Market” so that the process for
the Market Monitor to review whether the manual commitment is discriminatory will now be
done in the RUC process and real-time market. However, this modification does not reflect
that the review process is also applicable to the day-ahead market and, as discussed
above, the Multi-Day Reliability Assessment Analysis. Thus, SPP is directed to remove the
words “in the Reliability Unit Commitment processes or Real-Time Balancing Market” so
that the Market Monitor is not unreasonably limited to evaluate whether the manual
commitments made in the SPP region are discriminatory.
(p76) SPP has not complied with the Commission requirement to “apply identical factors to
SPP for assessing whether manual commitments made by SPP are discriminatory, as are
applied to local transmission operators,” and SPP has not explained these differences.
Therefore, we will direct SPP in a compliance filing due 30 days from the date of this order
to revise both lists of factors so that they are identical.
(p78) However, we find that SPP has not complied with the Commission’s directive to
explain the process for determining whether a manual commitment by a local transmission
operator is discriminatory. For example, the Tariff should include how the Market Monitor
will obtain the necessary information, timeframes for making a determination and
communicating its findings to market participants and, if necessary, to the Commission’s
Office of Enforcement. We direct SPP to submit in a compliance filing due 30 days from the
issuance of this order specific Tariff language regarding manual commitments made by a
local transmission operator, as explained herein.
(p81) As demonstrated by TDU Intervenors, units committed to address a Local Reliability
Issue could be in a different Settlement Area than where the Local Reliability Issue occurs.
SPP has not explained why it is just and reasonable to assign make whole payment costs to
the Settlement Area in which the manually committed unit is located, in the case where the
Local Reliability Issue arises in a different Settlement Area. Accordingly, to allocate costs
properly and build internal consistency within the Tariff, we will require SPP to revise section
8.6.7(B) of Attachment AE to allocate the costs of alleviating a Local Reliability Issue to the
Settlement Area in which the Local Reliability Issue arises in a compliance filing due 30
days after the issuance of this order.
(p82) In addition, several sub-sections in the section 5.2.2 (day-ahead RUC),
section 6.1.2 (intra-day RUC), and section 6.2.4 (OOME dispatch), reference the make
whole payment sections 8.6.5 and 8.6.7 of Attachment AE in the Tariff when discussing how
the payments are collected by SPP. We direct SPP to make the additional clarifying
changes, identified in Appendix B, to these sections to clarify how SPP collects the
payments.
(p91) However, we note the definition of Loss Pool is inconsistent with Attachment AE
sections 8.5.16 and 8.6.16. Specifically, sections 8.5.16 and 8.6.16 allocate over-collected
losses to Asset Owners, not Market Participants. Thus, we direct SPP in a compliance filing
due 30 days from the date of this order to remove the phrase “Market Participants” from the
definition of Loss Pool in Attachment AE, section 1.1, Definitions L.
(p102) However, we agree with Xcel that further clarification is needed to ensure that
customers with rollover rights between March 15 and June 1 that elect to not exercise their
rollover rights only receive ARRs until their contract expires. Thus, we will require SPP to
modify section 7.1.1 of Attachment AE to provide that, for a customer with rollover rights
between March 15 and June 1 that chooses not to exercise rollover rights, any ARRs
associated with that contract will revert to SPP effective on the date the contract terminates.
(p117) We agree with TDU Intervenors that, if the market startup is delayed, the March 1,
2014 cutoff date for determining which bilateral agreement are existing bilateral agreements
subject to the transition period also needs to be delayed to coincide with the new market
launch date. Thus, we direct SPP in a compliance filing due 30 days from the date of this
2a - MCRR 200_FERC Filing_Protocols
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order to replace “March 1, 2014” with the phrase “the start of the Integrated Marketplace.”
(p118) SPP’s proposed revisions to section 8.2 do not clarify that the requirement that both
the buyer and seller confirm the Bilateral Settlement Schedule is subject to an exception
where the Bilateral Settlement Schedule is associated with an existing bilateral agreement
under Section 8.2.1. Accordingly, we direct SPP in a compliance filing due 30 days from the
date of this order, to revise the third sentence of section 8.2 to read “Either the buyer or
seller may terminate the Bilateral Settlement Schedule at any time except when the Bilateral
Settlement Schedule is associated with an existing bilateral agreement under section 8.2.1
of this Attachment AE” as SPP indicated that it was willing to do.
(p119) SPP is correct in asserting that the Commission’s directive was to eliminate SPP’s
unilateral right to terminate a Bilateral Settlement Schedule and instead to require that any
termination follow the SPP’s existing Tariff procedures. However, on compliance, SPP
proposes revisions to this language rather than deleting it. We find that the revised
language provides SPP with the same right to terminate a Bilateral Settlement Schedule for
a defaulting party that the Commission previously rejected, adding only the clarification that
the default occurred under Attachment X. We find that SPP’s proposed revisions do not
comply with the September 2013 Order, as the revisions fail to protect a customer’s right to
cure the default before termination of service. Thus, we direct SPP in a compliance filing
due 30 days from the date of this order to delete the language allowing it to unilaterally
terminate a Bilateral Settlement Schedule in the event of default.
(p121) Finally, we find that section 2.2(11) of Attachment AE is unclear as to what obligation
the supplier is assuming regarding the “provision of energy and capacity.” Thus, we direct
SPP in a compliance filing due 30 days from the date of this order to modify the last
sentence of section 2.2(11) to read as follows: “For purposes of this section 2.2(11) of this
Attachment AE, the sale of firm power shall refer to power sales deliverable with firm
transmission service, with the supplier assuming the obligation to serve the buyer’s load
with to provide both capacity and energy.”
(p132) However, we find that a reference to section 4.5.3 of Attachment AE (Multi-Day
Reliability Assessment Results) also must be added because it includes the actual
commitment under the Multi-Day Reliability Assessment Process. Accordingly, we will
require SPP to revise section 3.1(3) of Attachment AF of its Tariff in its compliance filing due
within 30 days of the date of this order to add references to sections 4.5.2 and 5.1.2 of
Attachment AE as recommended by the Market Monitor, and to add a reference to section
4.5.3 of Attachment AE.
(p171) Accordingly, we agree with KCP&L and GMO that such opportunity costs should be
included in the determination of the mitigated offer, and we direct SPP to reinsert “fuel
supply limitations” in section 3.2D of Attachment AF as a potential opportunity cost in a
compliance filing due within 30 days of the date of this order.
(p171, n.174) Accordingly, the second criterion as revised will read “Physical equipment
limitations on the number of starts or run-hours as verified by the Market Monitoring Unit
and determined by reference to the manufacturer’s recommendation or bulletin, or a
documented restriction imposed by the applicable insurance carrier; or.”
(p172) With respect to SPP’s proposed Tariff revisions relating to prices associated with
run-time limitations in section 3.2D of Attachment AF, we find that SPP’s approach to
updating these factors is appropriate but should be referenced in the Tariff. Accordingly, we
will require SPP to submit, in a compliance filing due within 30 days of the date of this order,
Tariff revisions to include language in section 3.2D specifying that run-time hour restrictions
are to be updated as specified in the Market Protocols, with more frequent updating to occur
the fewer hours that remain available, consistent with the Market Protocols. Similarly, we
will require SPP to submit, in the compliance filing due within 30 days of the date of this
order, Tariff revisions in section 3.2D of Attachment AF to provide that the price forecast
model to be used in developing such opportunity costs will be determined by the Market
Monitor, and that formulas and instructions will be published in the Market Protocols as part
2a - MCRR 200_FERC Filing_Protocols
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of the Mitigated Offer Development Guidelines, and updated as needed by the Market
Monitor.
(p173) We find that SPP has not sufficiently addressed the opportunity costs that relate to
operating reserves. While cross-product opportunity costs (for example, the cost of
providing operating reserves rather than energy) are included in the market outcomes, there
may be inter-temporal opportunity costs associated with operating reserves. Accordingly,
we will require SPP, in the compliance filing due within 30 days of the date of this order, to
incorporate language in section 3.4 of Attachment AF providing that legitimate and verifiable
opportunity costs may be included in the operating reserve offer, and that such opportunity
costs will be evaluated by the Market Monitor, as is done for energy offers.
(p174) We will also require SPP to clarify in Tariff revisions to section 3.4 of Attachment AF
that opportunity costs for operating reserves measuring forgone energy or other types of
operating reserve production should not be included in mitigated offers. Further, we will
require SPP to address the price forecast for operating reserves in the determination of
opportunity costs providing that any price forecast will be developed by the Market Monitor.
In addition, we will require SPP to revise section 3.4 to provide that, with respect to intertemporal opportunity costs for operating reserves, any run-time limitations that are
applicable will be updated using the same processes established for energy offers set forth
in section 3.2D of Attachment AF.
(p175) We will also require SPP to submit, in the compliance filing due within 30 days of the
date of this order, revisions to its Tariff to replace the term “foregone” with the term
“forgone” in section 3.2D of Attachment AF.
(p187) However, we find that SPP has not set forth in section 3.4 of Attachment AF how it
will apply common factors or measures, such as any related to fuel costs, to operating
reserves. Accordingly, we will require SPP to submit, in a compliance filing due within 30
days of the date of this order, Tariff revisions to provide in section 3.4 of Attachment AF that
for fuel costs and opportunity costs tied to fuel, market participants must provide the Market
Monitor with an explanation of the market participant’s fuel cost policy, and must indicate
whether fuel purchases are subject to a fixed contract price and/or spot pricing and
specifying the contract price and/or referenced spot market prices.
(p188) Accordingly, we will require SPP to insert language into section 3.5 of Attachment
AF to specify that if the mitigated offer determined by the market participant and the Market
Monitor differ, that the mitigated offer of the Market Monitor is to be used, unless the market
participant disputes the level of the mitigated offer. However, the clarifying language must
specify that, if the market participant formally disputes the level of the mitigated offer, the
previously accepted mitigated offer will be used from the time at which the formal dispute is
made until the dispute is resolved.
(p190) We will require SPP to revise section 3.5 of Attachment AF to remove references to
changes in market prices associated with section 8.4 of Attachment AE. We will require
SPP to instead provide in section 3.5 that SPP will resolve mitigated offer disputes by
providing make whole payments, as necessary, to the market participant whose mitigated
offer was improperly determined by the Market Monitor. We will require SPP to make these
changes in its compliance filing due within 30 days of the date of this order.
(p191) We agree with Xcel that the costs that are to be used in the development of
mitigated offers, including fuel costs, opportunity costs, Variable Operating and
Maintenance costs, and start-up and no-load costs may be commercially sensitive.
However, these costs are found not only in the sections to which Xcel refers, but also in
sections 3.4, and 3.6 of Attachment AF. Accordingly, we will require SPP to clarify in
sections 3.2, 3.3, 3.4, 3.5 and 3.6 of Attachment AF that the cost data submitted under that
section for development of mitigated offers, including the additional opportunity cost data,
will be subject to the confidentiality provisions of section 11 of Attachment AE to the SPP
Tariff. We will require SPP to make these changes in its compliance filing due within 30
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days of the date of this order.
(p195) For these reasons, we will require SPP to remove the reference in section 4.6.1.a(3)
to section 3.6 of Attachment AF. In its place, we will require SPP to condition the reporting
of time-based or other offer parameters to circumstances where it appears that uneconomic
production is occurring or being facilitated by time-based or other (non-time and non-dollar)
offer parameters. We note that to the extent that the Market Monitor suspects, after
consultation with the market participant, that the market participant has violated the
Commission’s prohibition against market manipulation by engaging in uneconomic
production through its choice of physical offer parameters, the Market Monitor is required to
refer that behavior to the Commission’s Office of Enforcement, in accordance with the
requirements of Order No. 719. We will require SPP to insert the word “Distribution” in the
term “Resource-to-Load factor” in section 4.6.1a, so that it reads “Resource-to-LoadDistribution factor” as the term is used elsewhere in the Tariff.
(p199) In particular, the previous section 4.6.4.2(b) (which is now section 4.6.4.2(a)) refers
to the deleted section stating that “The transmission facility satisfies a condition in Section
4.6.4(d) or 4.6.4(e) of this Attachment AG and has been determined to have contributed to
the constraints, congestion or Local Reliability Issues as described in Section 4.6.4.2(a) of
this Attachment AG.” Accordingly, the Commission will require SPP to remove the
following phrase from the end of section 4.6.4(a) (previously 4.6.4(b)): “and has been
determined to have contributed to the constraints, congestion or Local Reliability Issues as
described in Section 4.6.4.2(a) of this Attachment AG.” We will require SPP to make this
revision in the compliance filing due within 30 days of the date of this order.
(p207) In particular, we agree with SPP that mitigation of non-dispatchable VERs for
economic withholding of the energy offer curve under Attachment AF is unnecessary,
because those resources are unable to set prices. Accordingly, we will require SPP to
submit, in the compliance filing due within 30 days of the date of this order, Tariff revisions
to provide in section 3.2 of Attachment AF that the mitigation of economic withholding for
energy offer curves will not be applied to non-dispatchable VERs, but that monitoring will
occur for energy offers of such resources. We note that, with this change, mitigation of nondispatchable VERs will continue to occur under sections 3.4 (Operating Reserve Offers) and
3.6 (Additional Mitigation Measures for Resource Offer Parameters) of Attachment AF, as
applicable.
(p208) We will conditionally accept SPP’s proposed language in section 3.2D of Attachment
AF that discusses the costs that may be included for VERs. However, we will require SPP
to submit Tariff revisions limiting the applicability of section 3.2D to dispatchable VERS,
rather than to VERs generally, in the compliance filing due within 30 days of the date of this
order.
(p218) It appears that the language limiting the application of monitoring for uneconomic
production in question was inadvertently placed in section in section 4.6.3 of Attachment
AF, which addresses metric and threshold specifications associated with price divergences
between the day-ahead and real-time markets. Accordingly, we will require SPP to submit,
in the compliance filing due within 30 days of the date of this order, Tariff revisions to
remove the sentence “The provisions of this Section 4.6.1 shall not apply to “Demand
Response Resources,” and we direct SPP to insert this sentence into section 4.6.1 of
Attachment AF such that it is the last sentence of that section.
(p222) For reasons discussed above, we will require SPP to submit, in the compliance filing
due within 30 days of the date of this order, Tariff revisions to remove the following
language: and at any electrically similar Settlement Location. An electrically similar
Settlement Location, for purposes of this section, is any Settlement Location with a shift
factor to a congested flowgate of the same sign and of a magnitude equal to or exceeding
that of a Settlement Location where the Market Monitor has determined that the Market
Participant’s Virtual Energy Bids or Virtual Energy Offers caused excessive Divergence
described under Section 4.6.3 of Attachment AG.
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(p223) We will require one minor revision in section 2.2(9) of Attachment AE. At the
beginning of the first sentence of this section, SPP should move the phrase “or wholesale”
between “retail” and “customer.”
(Appendix B to the Order also listed several prescriptive changes)

Description of
Changes

This MCRR includes all the changes necessary for compliance with FERC’s January 29,
2014 IM Order.

RTWG approves the proposed Tariff changes as implementing the September 20
compliance Order.
RTWG Review

Date of Vote: 2/20/2014 - Approved
Segment of Parties that voted No or Abstained:

Proposed Tariff Language Revision

ATTACHMENT AE
1.1

Definitions L

Local Emergency Condition
A condition or situation determined by the local transmission operator that is imminently likely to cause
a material adverse effect on the security of or damage to the local transmission operator’s facilities not
modeled by the Transmission Provider.

Local Reliability Issue
A[A1] local voltage or reliability condition necessitating a Local Reliability Issue Commitment A Local
Emergency Condition that requires either: (i) a Transmission Provider issued Resource commitment
made at the request of the local transmission operator; or (ii) a local transmission operator issued
Resource commitment. Such Resource commitment is issued in addition to commitments resulting from
the Security Constrained Unit Commitment in the Day-Ahead Market or any Reliability Unit
Commitment, in order to mitigate issues with local system voltage conditions or other Local Emergency
Conditions. Transmission Provider Resource commitment requirements for a Local Reliability Issue are
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established prior to or during an Operating Day and are based on projected local reliability requirements
developed in conjunction with local transmission operators, operational considerations, and generation
and transmission outages. Transmission Provider and local transmission operator commitments for a
Local Reliability Issue will be based on operating guides for recurring local system voltage conditions or
other recurring Local Emergency Conditions, but an operating guide is not required prior to a resource
commitment being designated as a voltage and local reliability commitment. Transmission Provider
Resource commitments to relieve a potential or actual interconnection reliability operating limit
violation will not be designated in this category.

L[A2]ocal Reliability Issue Commitment
A Resource commitment in addition to, or in lieu of, commitments resulting from the Security
Constrained Unit Commitment in the Day-Ahead or any Reliability Unit Commitment, in order to
mitigate issues with Transmission System voltage or other local reliability concerns. These Resource
commitment requirements are established prior to or during an Operating Day and are based on
projected local reliability requirements, operational considerations, and generation and transmission
outages.

These commitments will be based on Operating Guides for recurring local voltage and

reliability requirements, but an Operating Guide is not required prior to a Resource commitment being
designated as a Local Reliability Issue Commitment. Resource commitments to relieve a potential or
actual Interconnection Reliability Operating Limit violation will not be designated in this category.

Locational Marginal Price (“LMP”)
The price for Energy at a given Price Node which is equivalent to the marginal cost of serving demand
at the Price Node while meeting the Transmission Provider Operating Reserve requirements.

Loss Pool
A collection of either (i) Settlement Locations within a Settlement Area (a “Settlement Area Loss
Pool”), or (ii) all External Interfaces and Market Hubs located throughout the Transmission System,
that is used for the purpose of determining an[A3] Market Participants Asset Owner’s allocation of overcollected loss revenues in Sections 8.5.16 or 8.6.16 of Attachment AE.

2.2

Application and Asset Registration
(1)

Applications for a Market Participant to provide services in the Integrated Marketplace
must be submitted to the Transmission Provider prior to the expected date of participation
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consistent with Section 6.4 of the Market Protocols. Applications must conform to the
procedures specified in the Market Protocols and may be rejected if not complete. New
Market Participants will follow the timeframe as specified in Section 6.4 of the Market
Protocols in addition to the detailed model update timing requirements in Appendix E of
the Market Protocols.
(2)

As part of the application process, Market Participants must register all Resources and
load, including applicable load associated with Grandfathered Agreements (“GFAs”),
Non-Conforming Load and Demand Response Load with the Transmission Provider in
accordance with the registration process specified in the Market Protocols. As part of
Resource registration, Market Participants must specify whether settlement meter data
will be submitted on a gross basis or net basis, where gross meter data does not include
reductions for auxiliary load and net meter data is gross meter data reduced by auxiliary
load. Both Non-Conforming Load and Demand Response Load may only be associated
with a single Price Node except that Non-Conforming Load and Demand Response Load
may be associated with an aggregated Price Node that contains multiple electrically
equivalent Price Nodes. Non-participating embedded load and/or generation must either:
(i) register its load and/or generation in the Integrated Marketplace; or (ii) transfer its load
and/or generation to an external Balancing Authority.

(3)

Market Participants may elect to define a single Settlement Location that aggregates
multiple Meter Data Submittal Locations associated with their load assets.

Market

Participants may not aggregate multiple Resource Meter Data Submittal Locations into a
single Resource Settlement Location unless the Resources are at the same physical and
electrically equivalent injection point to the Transmission System.
(4)

In addition to the responsibilities described in Section 4.1.2 of this Attachment AE and
under the Market Protocols, Market Participants wishing to model each participant’s
share of a Jointly Owned Unit as a separate Resource must choose one of the two options
described below and provide the specified additional information. A Resource registered
as a combined cycle Resource may not register as a Jointly Owned Unit.
(a)

Individual Resource Option
Under the individual Resource option, each participant’s share is modeled
as a separate Resource for the purposes of commitment and dispatch and each
Resource may be committed independent of the other Resource shares. In order
to qualify for this option, each Market Participant must register its share and
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certify that it is greater than or equal to the minimum physical capacity operating
limit of the physical Jointly Owned Unit.
The operating owner’s Meter Agent will be the Meter Agent for that
Jointly Owned Unit unless each individual Jointly Owned Unit participant
registers a Meter Agent for its share of the Resource.
Unless otherwise agreed to by the Jointly Owned Unit participants, the
operating owner will be responsible for submitting the following data:
•

Jointly Owned Unit maximum physical capacity operating limit;

•

(b)

Jointly Owned Unit minimum physical capacity operating limit;
and
•
Maximum physical ten (10) minute response from an off-line state.
Combined Resource Option
Under the combined Resource option each participant’s share is modeled
and must be registered as a separate Resource.

Under this option, the

commitment decision is made assuming that all Resource shares must be
committed or none at all.

Once committed, each share is dispatched

independently. This option must be selected if the eligibility criteria stated under
the individual Resource option cannot be met.
The operating owner’s Meter Agent will be the Meter Agent for that
Jointly Owned Unit unless each individual Jointly Owned Unit participant
registers a Meter Agent for its share of the Resource.
Unless otherwise agreed to by the Jointly Owned Unit participants, the
operating owner will be responsible for submitting the following data:
•

Jointly Owned Unit maximum physical capacity operating limit;

•

Jointly Owned Unit minimum physical capacity operating limit;

•

Maximum physical ten (10) minute response from an off-line state;
and

•
(5)

Participant share percentage by Market Participant.

Market Participants may modify their registered assets in accordance with the asset
registration procedures specified in the Market Protocols.

(6)

All loads and all Resources, excluding Behind-The-Meter Generation less than 10
Megawatts (“MWs”), must register. Failure or refusal to register a Resource will result in
the Transmission Provider filing an unexecuted version of the service agreement as
specified in Attachment AH of this Tariff for that Resource with the Commission under
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the name of the generation interconnection customer under an interconnection agreement
with the Transmission Provider or the applicable Transmission Owner. In the case of a
Qualifying Facility exercising its rights under PURPA to deliver all of its net output to its
host utility, such registration will not require the Qualifying Facility to participate in the
Energy and Operating Reserve Markets or subject the Qualifying Facility to any charges
or payments related to the Energy and Operating Reserve Markets. Any Energy and
Operating Reserve Market charges or payments associated with the output of the
Qualifying Facility will be allocated to the Market Participant representing the host utility
purchasing the output of the Qualifying Facility under PURPA, and the Market
Participant will be provided the settlement data required to verify the settlement charges
and payments.
(7)

A Market Participant wishing to Offer an External Resource in the Energy and Operating
Reserve Markets will utilize an External Resource Pseudo-Tie in accordance with
Attachment AO. In addition to the responsibilities outlined in Attachment AO, the
Market Participant registering the External Resource will be responsible for registering
and performing all responsibilities that are required of Resources in the Energy and
Operating Reserve Markets.

(8)

A Market Participant wishing to offer Demand Response Load as a Demand Response
Resource in the Energy and Operating Reserve Markets must include in its application
and registration a certification that participation in the Energy and Operating Reserve
Markets by its Demand Response Resource is not precluded under the laws or regulations
of the relevant electric retail regulatory authority. Consistent with Section 2.8.1 of this
Attachment, an aggregator of retail customers wishing to offer Demand Response Load
in the form of a Demand Response Resource on behalf of one or more retail customers
must also include in its application and registration a certification that participation of
each retail customer is either: (1) not precluded by the laws or regulations of the relevant
electric retail regulatory authority if the customer is served by a utility that distributed
more than 4 million MWh in the previous fiscal year; or (2) affirmatively permitted by
the laws or regulations of the relevant electric retail regulatory authority if the customer is
served by a utility that distributed 4 million MWh or less in the previous fiscal year.
Demand Response Resources must meet all application, registration and technical
requirements applicable to the Energy and Operating Reserve Markets.

The

Transmission Provider is not responsible for interpreting the laws or regulations of a
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relevant electric retail regulatory authority and shall be required only to verify that the
Market Participant has included such a certification in its application materials. The
Transmission Provider is not liable or responsible for Market Participants participating in
the Energy and Operating Reserve Markets in violation of any law or regulation of a
relevant electric retail regulatory authority including state-approved retail tariff(s).
(9)

An aggregator or[A4] wholesale of retail or wholesale customers offering Demand
Response Load of one or more end-use retail customers or wholesale customers as a
Demand Response Resource in the Energy and Operating Reserve Markets must be a
Market Participant, satisfying all registration and certification requirements applicable to
Market Participants as well as certification consistent with Section 2.8 of this
Attachment, as required.

(10)

A wind-powered Variable Energy Resource with (1) an interconnection agreement
executed after May 21, 2011 or (2) an interconnection agreement executed on or prior to
May 21, 2011 and that commenced Commercial Operation on or after October 15, 2012
must register as a Dispatchable Variable Energy Resource. A wind-powered Variable
Energy Resource with an interconnection agreement executed on or prior to May 21,
2011 may register as a Dispatchable Variable Energy Resource if it is capable of being
incrementally dispatched by the Transmission Provider. Variable Energy Resources with
fuel sources other than wind may optionally register as a Dispatchable Variable Energy
Resource. Otherwise, Variable Energy Resources must register as Non-Dispatchable
Variable Energy Resources. A Qualifying Facility exercising its rights under PURPA to
deliver its net output to its host utility may register as a Non-Dispatchable Variable
Energy Resource or a Dispatchable Variable Energy Resource as described in the Market
Protocols.

Any Resource that has previously registered as a Dispatchable Variable

Energy Resource shall not subsequently register as a Non-Dispatchable Variable Energy
Resource.
(11)

A Market Participant that is selling firm power to the load asset under a bilateral contract
may, with the agreement of the buyer, register all or a portion of the buyer’s load as its
load asset. For purposes of this Section 2.2(11) of this Attachment AE, the sale of firm
power shall refer to power sales deliverable with firm transmission service, with the
supplier assuming the obligation to serve[A5] the buyer’s load with provide both capacity
and energy.

For[A6] the purposes of Section 2.11.1 of this Attachment AE, such

registration of the buyer’s load by the seller shall be accounted for by including such load
2a - MCRR 200_FERC Filing_Protocols

Page 12 of 90

28 of 286

in the seller’s Reported Load and not including such load in the buyer’s Reported Load,
as described under Section 2.11.A(1) of this Attachment AE, and such associated
bilateral contracts shall not be included in either the buyer’s or seller’s net resource
capacity described under Section 2.11.A(4) of this Attachment AE.
(12)

A Transmission Owner providing firm transmission service under a GFA eligible for
GFA Carve Out must request removal of congestion and marginal loss charges and
designate the GFA Responsible Entity within the timeframe set forth in Section 2.2 (1) of
Attachment AE.

(13)

A GFA Responsible Entity shall provide to the Transmission Provider the information
necessary to administer the GFA Carve Out. The required information shall include the
following:

2.11.1
A.

(a)

Resource Settlement Location;

(b)

Load Settlement Location;

(c)

The maximum MW capacity contracted under the GFA Carve Out;

(d)

The identification of the GFA in Attachment W; and

(e)

Any other information reasonably required by the Transmission Provider.

Day-Ahead Market
Each Market Participant must satisfy the must offer obligation for an Asset Owner as set forth in
Section 2.11.1(B) of this Attachment AE based on the following criteria:
(1)

A Market Participant’s load for an Asset Owner for purposes of this section shall be
equal to that Market Participant’s maximum hourly Reported Load for an Asset Owner
for the Operating Day.,

Such[A7] Asset Owner’s Reported Load shall include load

registered as described under Section 2.2(11) of this Attachment AE, where the buyer’s
Reported Load shall be reduced by the amount of the buyer’s load registered by the seller
and the seller’s Reported Load shall be increased by the amount of the buyer’s load
registered by the sellerincluding load that is registered by a Market Participant under
Section 2.2(11) of this Attachment AE.
(2)

A Market Participant’s daily Operating Reserve obligation for an Asset Owner shall be
equal to the sum of that Market Participant’s maximum daily Regulation-Up, RegulationDown and Contingency Reserve obligations for an Asset Owner as estimated by the
Transmission Provider in accordance with Section 3.1.4(3) of this Attachment AE.
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(3)

A Market Participant may satisfy this requirement by offering Resources for an Asset
Owner with a commitment status indicating either that the Market Participant is selfcommitting the Resource, or[A8] that the Resource may be committed by the Transmission
Provider, or the Resource may be committed by the Transmission Provider only to
alleviate an anticipated Emergency Condition or Local Reliability Issue, as specified in
Sections 4.1(10)(a) and 4.1(10)(b), and 4.1(10)(c) of the Attachment AE.

(4)

A Market Participant’s Nnet[A9] Rresource Ccapacity for an Asset Owner, for purposes of
this section shall include:
i.

Offered capacity by Resources identified in Section 2.11.1(A)(3) of Attachment
AE less the Operating Reserve obligation identified in Section 2.11.1(A)(2) of
Attachment AE; and

ii.

Firm power purchases less firm power sales, except that, if the seller has
registered the buyer’s load associated with a firm power sale as described in
Section 2.2(11) of this Attachment AE, such firm power sale shall not act to
increase the buyer’s net resource capacity or act to reduce the seller’s net resource
capacity. For purposes of this Section 2.11.1 of this Attachment AE firm power
purchases and firm power sales shall mean sales and purchases that are
deliverable with transmission service comparable to Firm Point-To-Point
Transmission Service or Firm Network Integration Transmission Service with the
supplier assuming the obligation to provide both capacity and energy.
Additionally, firm power purchases shall include an Asset owner’s share of a
Jointly Owned Unit to the extent that such shares have not been registered as
separate Resources either under Jointly Owned Unit individual Resource option or
the Jointly Owned Unit combined Resource option as described under Section
2.2(4) of this Attachment AE.
In[A10] order to verify firm power purchases and firm power sales, supporting
documentation must be provided to the Market Monitor upon request. Market
Participants have the option to input information regarding firm power purchases
and firm power sales into the Market Monitor website. If no information is input
into this website, the Market Monitor will contact the Market Participant for that
information. The Market Monitor may communicate with the counterparty to
confirm the firm purchase or sale and will include the transacted MWs to
calculate net resource capacity for both purchaser and seller. If one of the parties
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disputes the firm purchase or sale to the Market Monitor, then the firm purchase
or sale will not be used in the calculation of either the purchaser’s or seller’s net
resource capacity subject to any dispute resolution.
B.

A Market Participant’s compliance with the must offer obligation for an Asset Owner is as
follows:
(1)

A Market Participant that has offered all of its available Resources for an Asset Owner,
with a commitment status described in Sections 4.1(10)(a), 4.1(10)(b[A11]), and/or
4.1(10)(c) and/or 4.1(10)(d)[A12]of this Attachment AE, for an hour of the Operating Day
is deemed to be in compliance with the must offer requirement for that Asset Owner for
that hour regardless of its maximum hourly Reported Load and/or, Operating Reserve
obligation.

(2)

A Market Participant that does not meet the condition described in Section 2.11.1(B)(1)
of this Attachment AE for an Asset Owner for an hour of the Operating Day, but has
Nnet[A13] Rresource Ccapacity for that Asset Owner for that hour greater than or equal to
90% of its load for that Asset Owner as described in Section 2.11.1(A)(1) of this
Attachment AE is deemed to be in compliance for that Asset Owner with the must offer
requirement for that hour.

(3)

To the extent that a Market Participant does not meet the conditions described in either
Section 2.11.1(B)(1) or (2) for an Asset Owner, the Market Participant shall be deemed
noncompliant with the must offer requirement for that Asset Owner for that hour and will
be assessed a penalty for that hour as determined in Section 3.9 of Attachment AF of this
Tariff.

C.

Market Monitor shall monitor a Market Participant’s Load, Operating Reserve obligation,
offered Resources and Nnet[A14] Rresource Ccapacity, for an Asset Owner for each hour of the
Operating Day to determine whether the Market Participant has complied with the must offer
obligation set forth in Section 2.11.1(B).

2.15

Provision of Wind Forecast Data
(1)

Geographic data and wind turbine availability data for each wind-powered Variable
Energy Resource must be submitted to the Transmission Provider[A15] as specified in the
interconnection customer’s interconnection agreement as specified in the Market
Protocols.
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(2)

An interconnection customer with a wind-powered Variable Energy Resource that
executed an interconnection agreement on or after June 16, 2013 must submit, as
specified in the[A16] Market Protocols and the interconnection customer’s interconnection
agreement in accordance with Attachment V: (i) site-specific meteorological data
including temperature, wind speed, wind direction, relative humidity and atmospheric
pressure and (ii) site specific geographic data including location (latitude and longitude)
of the wind-powered Variable Energy Resource and location (latitude and longitude) and
height of the facility that will contain the equipment necessary to provide the
meteorological data for such resource. The Transmission Provider will accept such data
from interconnection customers with other wind-powered Variable Energy Resources
that executed an interconnection agreement prior to June 16, 2013 if provided by the
interconnection customer.

4.5.2

Multi-Day Reliability Assessment Analysis
Using the inputs described above, the Transmission Provider will perform a capacity
adequacy analysis for the upcoming Operating Day as follows:
(1)

The Transmission Provider will calculate a Transmission Provider system requirement
for each hour of the Operating Day as the sum of (a) Transmission Provider load forecast,
(b) fixed Interchange Transaction Bids, (c) Regulation-Up requirement and (d) the
Contingency Reserve requirement in each hour reduced by the wind Resource output
forecast;

(2)

The Transmission Provider will then calculate available Resource capacity in each hour
as the sum of (a) Maximum Emergency Capacity Operating Limit for Resources other
than long lead time Resources that are not on an approved Transmission Provider outage
as submitted as part of the Resource Offer and (b) fixed Import Interchange Transaction
Offers;

(3)

For each hour of the Operating Day, the Transmission Provider will then compare the
values calculated under (1) above and (2) above. If in any hour of the Operating Day, the
values calculated under (1) above exceed the values calculated under (2) above, the
Transmission Provider will commit available long lead time Resources on an economic
basis to eliminate the deficiency as follows:
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(a)

For each available long lead time Resource, the Transmission Provider will
calculate a commitment cost in dollars that is equal to:
(i)

The sum of 1) the Resources Start-Up Offer, 2) the Resource’s No-Load
Offer multiplied by the greater of the Resource’s Minimum Run Time (in
hours) or the number of hours the Resource would be committed ignoring
the Minimum Run Time, and 3) the Resources average cost to operate at
Minimum Economic Capacity Operating Limit, as calculated from the
Resource’s Energy Offer Curve, multiplied by the greater of the
Resource’s Minimum Run Time (in hours) or the number of hours the
Resource would be committed ignoring the Minimum Run Time.

(ii)

The Transmission Provider will then create a merit order list starting with
the least cost Resource based upon the commitment cost calculated in (i)
above.

The Transmission Provider will then select Resources for

commitment in merit order until sufficient capacity is committed to relieve
the anticipated capacity shortage with the objective of minimizing the total
capacity committed to meet the anticipated shortage at the lowest overall
commitment cost.
Such[A17] manual commitments shall be selected by the Transmission Provider in a nondiscriminatory manner, which will be verified by the Market Monitor through the process
described under Section 6.1.2.1 of this Attachment AE.
(4)

The Transmission Provider may also commit Resources to address Transmission System
related reliability problems[A18]. Such manual commitments shall be selected by the
Transmission Provider in a non-discriminatory manner, which will be verified by the
Market Monitor through the process described under Section 6.1.2.1 of this Attachment
AE.

5.2.2

Day-Ahead Reliability Unit Commitment Execution
The Transmission Provider will perform a capacity adequacy analysis for the upcoming
Operating Day using the SCUC algorithm with the objective of committing Resources to meet
the Transmission Provider load forecast, Export Interchange Transactions, Head-room
requirements, Floor-room requirements, and Operating Reserve requirements less Import
Interchange Transactions over the Operating Day such that commitment costs are minimized
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while adhering to Transmission System security constraints and the Resource operating
parameter constraints submitted as part of the RTBM Offers.
(1)

Commitment costs used in the SCUC are defined as Start-Up Offer, No-Load Offer and
incremental cost to operate at minimum output as defined in the submitted Energy Offer
Curve.

(2)

The SCUC algorithm will initially consider commitment of Resources not specified for
reliability only use as described in Section 4.1(10)(c) of this Attachment AE, up to the
Resources’ Maximum Economic Capacity Operating Limit or Maximum Regulation
Capacity Operating Limit if selected for Regulation-Up, and down to the Resources’
Minimum Economic Capacity Operating Limit or Minimum Regulation Capacity
Operating Limit if selected for Regulation-Down.
(a)

If this capacity plus Import Interchange Transactions is not sufficient on a systemwide basis to meet the Transmission Provider load forecast, Export Interchange
Transactions, Head-room requirements, and Operating Reserve requirements, the
SCUC algorithm will, in priority order: (1) Curtail non-firm fixed Export
Interchange Transaction Bids until the capacity shortage is eliminated; and (2)
Incorporate capacity up to Resources’ Maximum Emergency Capacity Operating
Limits and/or commit Resources designated as reliability only use, as described in
Section 4.1(10)(c) of this Attachment AE, on an economic basis until the capacity
shortage is eliminated while attempting to maintain the Regulation-Up
requirement.

(b)

If there is a capacity surplus on a system-wide basis calculated as the sum of selfcommitted capacity at minimum output, fixed Import Interchange Transactions,
Floor-room requirements, and the Regulation-Down requirements that is in excess
of the sum of the Transmission Provider load forecast and fixed Export
Interchange Transactions, the SCUC algorithm will, in priority order: (1) curtail
non-firm fixed Import Interchange Transaction Offers until the capacity surplus is
eliminated; (2) incorporate capacity down to Resources’ Minimum Emergency
Capacity Operating Limits until the capacity surplus is eliminated while
attempting to maintain the Regulation-Down requirement; (3) de-commit
Resources that were committed by the Transmission Provider in the Day-Ahead
Market that were not self-committed until the capacity surplus is eliminated; and
(4) de-commit self-committed Resources until the capacity surplus is eliminated.
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(3[A19]) To the extent that a particular security constraint impacting only the Transmission System
cannot be directly addressed within the SCUC algorithm and is not a Local Reliability
Issue, the Transmission Provider may manually commit Resources and/or decommit
Resources, including self-committed Resources to alleviate such a Transmission System
security constraint in accordance with its authority as Reliability Coordinator. Such
manual commitments shall be selected by the Transmission Provider in a nondiscriminatory manner, which will be verified by the Market Monitor through the process
described under Section 6.1.2.1 of this Attachment AE.

Additionally, such manual

commitments shall be selected by the Transmission Provider using the process described
under Section 4.5.2(3) of this Attachment AE to ensure that commitment costs are
minimized while adhering to Transmission System security constraints and the Resource
operating parameter constraints submitted as part of the RTBM Offers. The Rrecovery of
the compensation paid by the Transmission Provider for such committed Resources
received under Section 8.6.5 of this Attachment AE shall be collected by the
Transmission Provider regionally as described under Section 8.6.7(A) of this Attachment
AE.
(4[A20]) A Local Reliability Issue may arise during the Day-Ahead Reliability Unit Commitment
process.

Such Local Reliability Issues may require out of merit commitment,

decommitment, or dispatch instructions to be issued to one or more Resources to resolve
the reliability issue. In such cases, the Transmission Provider shall issue or the local
transmission operator shall request the Transmission Provider to issue such instructions
and any commitment by the Transmission Provider shall be based on the process set forth
in Section 4.5.2(3) of this Attachment AE. Such manual commitments shall be selected
by the Transmission Provider in a non-discriminatory manner, which will be verified by
the Market Monitor through the process described under Section 6.1.2.1 of this
Attachment AE. To the extent that the Transmission Provider, at the request of a local
transmission operator, issues instructions to a Resource to address a Local Reliability
Issue, such Resource shall be eligible for compensation in the same manner as any other
Resource. The Rrecovery of the compensation paid by the Transmission Provider for
such committed Resources received under Section 8.6.5 of this Attachment AE shall be
collected by the Transmission Provider locally as described under Section 8.6.7(B) of this
Attachment AE.
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(5)[A21]

In the event that the Transmission Provider issues instructions to a Resource at the

request of a local transmission operator to resolve a reliability issue other than a Local
Reliability Issue during the Day-Ahead Reliability Unit Commitment process, any
commitment by the Transmission Provider shall be based on the process set forth in
Section 4.5.2(3) of this Attachment AE. Such manual commitments shall be selected by
the Transmission Provider in a non-discriminatory manner, which will be verified by the
Market Monitor through the process described under Section 6.1.2.1 of this Attachment
AE. To the extent that the Transmission Provider, at the request of a local transmission
operator, manually commits a Resource to address a reliability issue other than a Local
Reliability Issue, such Resource shall be eligible for compensation in the same manner as
any other Resource. Recovery of compensation for such committed Resources received
under Section 8.6.5 of this Attachment AE shall be collected regionally as described
under Section 8.6.7(A) of this Attachment AE.
(65)[A22]

The Transmission Provider, local transmission operator, and Resource owners

shall develop operating guides to be applied to manual commitments made by the
Transmission Provider, including such commitments made at the request of the local
transmission operator or by the local transmission operator to relieve known and
recurring Local Reliability Issues in the Day-Ahead RUC. Such Resources will be
compensated in the same manner as any other Resource.

The Rrecovery of such

compensation paid by the Transmission Provider for such committed Resources received
under Section 8.6.5 of this Attachment AE shall be collected by the Transmission
Provider locally as described under Section 8.6.7(B) of this Attachment AE.

6.1.2

Intra-Day Reliability Unit Commitment Execution
Using the inputs described in Section 6.1.1, the Transmission Provider will perform a
capacity adequacy analysis using the SCUC algorithm with the objective of committing
Resources to meet the Transmission Provider’s load forecast, Export Interchange Transactions,
Head-room requirements, Floor-room requirements and Operating Reserve requirements less
Import Interchange Transactions over the Operating Day such that commitment costs are
minimized while adhering to Transmission System security constraints and the resource
operating parameter constraints submitted as part of the RTBM Offers.
(1)

Commitment costs used in the SCUC are defined as Start-Up Offer, No-Load Offer and
incremental cost to operate at minimum output as defined on the submitted Energy Offer
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Curve. Incremental Energy costs above minimum output and Operating Reserve Offers
are not considered by the SCUC in making commitment decisions.
(2)

The SCUC algorithm will initially consider commitment of Resources not specified for
reliability only use as described in Section 4.1(10)(c) of this Attachment AE, only
including capacity up to the Resources’ Maximum Economic Capacity Operating Limits
(or Maximum Regulation Capacity Operating Limits if selected for Regulation-Up) and
down to the Resources’ Minimum Economic Capacity Operating Limits (or Minimum
Regulation Capacity Operating Limits if selected for Regulation-Down).
(a)

If this capacity plus Import Interchange Transactions is not sufficient on a systemwide basis to meet the Transmission Provider’s load forecast, Export Interchange
Transactions, Head-room requirements, and Operating Reserve requirements, the
SCUC algorithm will, in priority order: (1) Curtail non-firm fixed Export
Interchange Transaction Bids until the capacity shortage is eliminated; and (2)
Incorporate capacity up to Resources’ Maximum Emergency Capacity Operating
Limits and/or commit Resources designated as reliability only use, as described in
Section 4.1(10)(c) of this Attachment AE, on an economic basis until the capacity
shortage is eliminated while attempting to maintain the Regulation-Up
requirement.

(b)

If there is a system-wide capacity surplus calculated as the sum of self-committed
capacity at minimum output, fixed Import Interchange Transactions, Floor-room
requirements and the Regulation-Down requirements that is in excess of the sum
of the Transmission Provider load forecast and fixed Export Interchange
Transaction, the Day-Ahead Market SCUC algorithm will, in priority order: (1)
Curtail non-firm fixed Import Interchange Transaction Offers until the capacity
surplus is eliminated; (2) Incorporate capacity down to Resources’ Minimum
Emergency Capacity Operating Limits until the capacity surplus is eliminated
while attempting to maintain the Regulation-Down requirement; (3) De-commit
Resources that were committed by the Transmission Provider in the Day-Ahead
Market that were not self-committed until the capacity surplus is eliminated; and
(4) De-commit self-committed Resources until the capacity surplus is eliminated.

(3)[A23] To the extent that a particular reliability issue impacting only the Transmission System
cannot be directly addressed within the SCUC algorithm and is not a Local Reliability
Issue, the Transmission Provider may manually commit Resources and/or decommit
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Resources, including self-committed Resources to alleviate such Transmission System
reliability issues. Such manual commitments shall be selected by the Transmission
Provider in a non-discriminatory manner, which will be verified by the Market Monitor
through the process described under Section 6.1.2.1 of this Attachment AE, using the
process described under Section 4.5.2(3) of this Attachment AE to. The Transmission
Provider shall ensure that commitment costs are minimized while adhering to
Transmission System security constraints and the Resource operating parameter
constraints submitted as part of the RTBM Offers. The Rrecovery of the compensation
paid by the Transmission Provider for such committed Resources received under Section
8.6.5 of this Attachment AE shall be collected by the Transmission Provider regionally as
described under Section 8.6.7(A) of this Attachment AE.
(4)[A24] A Local Reliability Issue may arise during the Intra-Day Reliability Unit Commitment
Process. Such Local Reliability Issue may require out of merit commitment,
decommitment, or dispatch instructions to be issued by the Transmission Provider to one
or more Resources to resolve the Local Reliability Issue. Time permitting, the local
transmission operator shall request the Transmission Provider to issue such instructions
and any commitment by the Transmission Provider shall be based on the process set forth
in Section 4.5.2(3) of this Attachment AE. Such manual commitments shall be selected
by the Transmission Provider in a non-discriminatory manner, which will be verified by
the Market Monitor through the process described under Section 6.1.2.1 of this
Attachment AE. To the extent that the Transmission Provider issues instructions to a
Resource at the request of a local transmission operator to resolve a Local Reliability
Issue, the Resource shall be eligible for compensation in the same manner as any other
Resource. The Rrecovery of the compensation paid by the Transmission Provider for
such committed Resources received under Section 8.6.5 of this Attachment AE shall be
collected by the Transmission Provider locally as described under Section 8.6.7(B) of this
Attachment AE. To the extent time does not permit, the local transmission operator may
issue such instructions to the Resource if the Local Reliability Issue is a Local
Emergency Condition. In such cases, the following shall take place:
(a)

If initial instructions are issued by a local transmission operator, the transmission
operator shall notify the Transmission Provider of the instructions given to the
Resource.
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(b)

The transmission operator and Transmission Provider will coordinate to ensure
subsequent instructions are provided by the Transmission Provider.

(c)

The transmission operator shall log such instructions, and shall notify the
Transmission Provider of such action. The Transmission Provider shall log such
instructions as manual commitment, decommitment, or OOME Dispatch
instruction, as appropriate, as if it gave such instruction to the Resource.

(d)

The Resource shall be eligible to receive the compensation for such instructions in
the same manner as if it had been committed by the Transmission Provider;
except that if the Market Monitor determines that the Resource selected in
response to such instructions was selected in a discriminatory manner and the
Resource was affiliated with the local transmission operator, such Resource shall
not be eligible to receive compensation under Section 8.6.5 of this Attachment
AE. Such determination shall be made by the Market Monitor using the standards
and procedures set forth in Section 6.1.2.1 of this Attachment AE. Recovery of
any compensation shall be collected by the Transmission Provider locally as
described under Section 8.6.7(B) of this Attachment AE.

(e)

The Transmission Provider, local transmission operator, and Resource owners
shall develop operating guides to be applied to manual commitments made by the
Transmission Provider including such commitments made at the request of the
local transmission operator or manual commitments made by the local
transmission operator during a Local Emergency Condition to relieve known and
recurring Local Reliability Issues in the Intra-Day RUC. Such Resources will be
compensated in the same manner as any other Resource. The Rrecovery of such
the compensation paid by the Transmission Provider received under Section 8.6.5
of this Attachment AE shall be collected by the Transmission Provider locally as
described under Section 8.6.7(B) of this Attachment AE.

(5)[A25] In the event that the Transmission Provider issues instructions to a Resource at the
request of a local transmission operator to resolve a reliability issue other than a Local
Reliability Issue during the Intra-Day Reliability Unit Commitment process, any
commitment by the Transmission Provider shall be based on the process set forth in
Section 4.5.2(3) of this Attachment AE. Such manual commitments shall be selected by
the Transmission Provider in a non-discriminatory manner, which will be verified by the
Market Monitor through the process described under Section 6.1.2.1 of this Attachment
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AE. To the extent that the Transmission Provider, at the request of a local transmission
operator, manually commits a Resource to address a reliability issue other than a Local
Reliability Issue, such Resource shall be eligible for compensation in the same manner as
any other Resource. Recovery of compensation for such committed Resources received
under Section 8.6.5 of this Attachment AE shall be collected regionally as described
under Section 8.6.7(A) of this Attachment AE.

6.1.2.1 Determination of Non-Discriminatory Manual Resource Selection
The Market Monitor shall verify that the process used by the Transmission
Provider and local transmission operator to manually select Resources in[A26] the
Reliability Unit Commitment processes or Real-Time Balancing Market in response to a
reliability issue was performed in a non-discriminatory manner. Such verification shall
be performed as follows:
(i)

The Market Monitor’s evaluation of whether the Transmission Provider’s
selection process was non-discriminatory shall consider the cost, any[A27]
affiliation with selected Resources, resource operating parameters, availability of
non-selected Resources relative to the selected Resources and any prior instances
where the Transmission Provider manually committed Resources to resolve the
same reliability issue. The Transmission Provider’s manual commitment of a
Resource to resolve a reliability issue shall be considered non-discriminatory if
the Resource selection was made without regard to ownership and the selected
Resource effectively and economically mitigated the reliability issue, as verified
by the Market Monitor.

(ii)

The Market Monitor’s evaluation of whether the local transmission operator’s
selection process was non-discriminatory shall consider the[A28] cost, any
affiliation with selected Resources, resource operating parameters, availability of
non-selected Resources relative to the selected Resources and any prior instances
where the local transmission operator committed Resources to resolve the same
Local Emergency Condition. The manual commitment of a Resource by a local
transmission operator to resolve a Local Emergency Condition shall be considered
non-discriminatory if the Resource selection was made without regard to
ownership and the selected Resource effectively mitigated the Local Emergency
Condition, as verified by the Market Monitor.
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(iii[A29])

The Market Monitor shall obtain the necessary information to perform the

verification from submitted Resource Offer parameters (cost, operating
parameters,

availability

of

non-selected

Resources),

Market

Participant

registration (Resource ownership, affiliation), and the Transmission Provider
and/or local transmission operator (prior commitments, other Resources
considered to resolve the reliability issue or Local Emergency Condition). The
Market Monitor shall perform such verification as soon as the necessary
information is available, but by no later than the day on which final Settlement
Statements are issued for the Operating Day in which the manual commitment
occurred, as set forth in Sections 8.0 and 10.1 of Attachment AE of this
Tariff[A30].
(ivii) When the Market Monitor determines that a Resource may have been selected in
a discriminatory manner pursuant to this Section 6.1.2.1, the Market Monitor shall
report such suspected discrimination to the Commission’s Office of Enforcement
or successor organization promptly upon completing the verification set forth in
this Section 6.1.2.1, and the Transmission Provider shall notify the local
transmission operator of the best practice should the situation arise again.

6.2.4

Out-of-Merit Energy Dispatch
The Transmission Provider may issue OOME dispatch directives to any on-line Resource
to resolve Emergency Conditions or a reliability issue that the market systems cannot resolve. In
addition, a local transmission operator may request the Transmission Provider to issue OOME
dispatch directives to applicable on-line Resources to resolve a reliability issue or may issue
OOME dispatch directives directly to resolve a Local Emergency Condition. Time permitting,
OOME dispatch directives will be issued by the Transmission Provider. The Transmission
Provider will make every effort to define and activate the appropriate constraints in RTBM
SCED within one (1) hour of the manual reconfiguration. If initial instructions are issued by the
local transmission operator, the local transmission operator shall coordinate with the
Transmission Provider to ensure subsequent instructions are provided by the Transmission
Provider.
When an OOME event occurs relating to a Local Emergency Condition, the local
transmission operator may, when necessary, issue Manual Dispatch Instructions directly to the
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affected Resources and notify the Transmission Provider that it has done so and the Transmission
Provider will take the following actions:
(1)

Notifications are immediately issued that an OOME has been initiated and the
Transmission Provider will issue Manual Dispatch Instructions at the MW level the
Resource is expected to produce until such time as the constraint can be resolved by
SCED through the RTBM.

(2)

For the current dispatch interval and all future dispatch intervals not yet dispatched by the
SCED, a Resource will receive Setpoint Instructions that are equal to the Manual
Dispatch MW Instruction for the duration of OOME.

(3)

The Transmission Provider will notify the Market Participant when the OOME event has
ended.

(4)[A31] To the extent that the OOME was initiated directly by a local transmission operator to
address a Local Emergency Condition, Market Participants shall be compensated for such
OOME events in accordance with Section 8.6.6 of this Attachment AE as if they had
been issued a Manual Dispatch Instruction by the Transmission Provider; except that if
the Market Monitor determines that the Resource selected pursuant to Section 6.2.4(4) of
this Attachment AE was selected by the local transmission operator in a discriminatory
manner and the Resource was affiliated with the local transmission operator, such
Resource shall not be eligible for compensation under Section 8.6.6 of this Attachment
AE.

Such determination shall be made using the same standards and procedures

prescribed for Resource selection in the Intra-Day Reliability Unit Commitment process,
as set forth in Section 6.1.2.1 of this Attachment AE.

The Rrecovery of any the

compensation paid by the Transmission Provider shall be collected by the Transmission
Provider locally as described under Section 8.6.7(B) of this Attachment AE.
(5[A32]) To the extent that the OOME was initiated by the Transmission Provider at the request of
a local transmission operator to address a reliability issue other than a Local Emergency
Condition, such Resources issued Manual Dispatch Instructions shall be selected by the
Transmission Provider in a non-discriminatory manner, which will be verified by the
Market Monitor through the process described under Section 6.1.2.1 of this Attachment
AE. In such event, Market Participants shall be compensated for OOME events in
accordance with Section 8.6.6 of this Attachment AE. Recovery of such compensation
shall be collected regionally as described under Section 8.6.7(A) of this Attachment AE.
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(65)

To the extent that the OOME was initiated by the Transmission Provider at the request of
a local transmission operator to address a Local Emergency ConditionReliability Issue,
such Resources issued Manual Dispatch Instructions shall be selected by the
Transmission Provider in a non-discriminatory manner, which will be verified by the
Market Monitor through the process described under Section 6.1.2.1 of this Attachment
AE. In such event, Market Participants shall be compensated for such OOME events in
accordance with Section 8.6.6 of this Attachment AE.

The Rrecovery of such the

compensation paid by the Transmission Provider shall be collected by the Transmission
Provider locally as described under Section 8.6.7(B) of this Attachment AE.
(76)

To the extent that the OOME was initiated by the Transmission Provider to address
Emergency Conditions or a reliability issue that the market systems could not resolve,
such Resources issued Manual Dispatch Instructions shall be selected by the
Transmission Provider in a non-discriminatory manner, which will be verified by the
Market Monitor through the process described under Section 6.1.2.1 of this Attachment
AE.

Recovery of compensation for Resources directly issued Manual Dispatch

Instructions by Transmission Provider that are received under Section 8.6.6 of this
Attachment AE shall be collected regionally under Section 8.8 of this Attachment AE.
(87)[A33]

The Transmission Provider, local transmission operator, and affected Resource

owners shall develop operating guides to be applied to OOMEs made by the
Transmission Provider including such commitments made at the request of the local
transmission operator to relieve known and recurring Local Reliability Issues or by the
local transmission operator to relieve known and recurring Local Emergency Conditions.
Such Resources will be compensated in the same manner as any other Resource that is
issued OOME directives.

The Rrecovery of such the compensation paid by the

Transmission Provider received under Section 8.6.6 of this Attachment AE shall be
collected by the Transmission Provider locally as described under Section 8.6.7(B) of this
Attachment AE.

In addition to the actions listed above, if a Manual Dispatch Instruction is issued in
response to an Emergency Condition, the Transmission Provider will post the Emergency
Condition on OASIS as soon as possible. The Transmission Provider shall displace the Manual
Dispatch Instruction with a market solution as soon as possible consistent with system safety and
reliability.
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7.1.1

Transmission Service Verification
In order for Eligible Entities to obtain candidate ARRs, the Transmission Provider must
first verify existing Transmission Service entitlements, including Transmission Service
entitlements that have been renewed in accordance with rollover rights since their initial term.
An Eligible Entity’s Transmission Service must span the entire monthly or seasonal period for
which ARRs are allocated to qualify for candidate ARRs in a particular month or season. For
Transmission Service with rollover rights whose deadline for providing notice of rollover occurs
after the annual ARR verification but before June 1, the Transmission Provider shall assume that
the rollover will occur and shall consider the Transmission Service entitlement to span the entire
allocation year, provided[A34], however, that, if rollover rights for such Transmission Service are
not exercised by the applicable deadline, any ARRs associated with such Transmission Service
shall revert to the Transmission Provider effective on the date such Transmission Service
terminates. The Transmission Provider will verify Eligible Entity existing Transmission Service
entitlements as follows:
(1)

The following will be performed prior to each annual ARR allocation for Eligible Entities
taking Network Integration Transmission Service or Firm Point-To-Point Transmission
Service under the Tariff:
(a)

The Transmission Provider will obtain source, sink and Reservation Capacity
information from the OASIS for each monthly and seasonal period for which
ARRs are allocated in which the Transmission Service spans the entire period, or
would if or when rolled over, for the current annual allocation;
(i)

For a Transmission Service reservation with a source inside the SPP
Balancing Authority Area that is not a specific Resource or Resource
Market Hub, the Transmission Provider will determine the load Settlement
Location that most electrically corresponds to the source on the
Transmission Service reservation that will be utilized as the source for
candidate ARRs.

(ii)

For a Transmission Service reservation with a source outside of the SPP
Balancing Authority Area, the interface between the Transmission
Provider and the first tier Balancing Authority Area associated with the
transmission reservation will be utilized as the source for candidate ARRs.

(iii)

For a Transmission Service reservation with a sink outside of the SPP
Balancing Authority Area, the interface between the Transmission
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Provider and the first tier Balancing Authority Area associated with the
transmission reservation will be utilized as the sink for candidate ARRs.
(b)

The Transmission Provider will provide this information to each Eligible Entity
for verification; and

(c)

Eligible Entities will notify the Transmission Provider within 2 weeks following
receipt of this information, identifying and correcting inaccurate data on the
OASIS. Otherwise, the Transmission Provider provided data will be considered
verified.

(2)

The following will be performed prior to each annual ARR allocation for the Eligible
Entity taking GFA service:
(a)

Each Transmission Owner shall register any GFA for which candidate ARRs are
to be provided to the Transmission Owner or the transmission customer under the
GFA on the Transmission Provider’s OASIS. The Transmission Owner must
provide the Transmission Provider with source, sink and Reservation Capacity
information for each GFA on the Transmission Provider’s OASIS by registering
each GFA with the Transmission Provider. The Transmission Provider will use
source, sink, and Reservation Capacity information from the GFA registration for
each monthly and seasonal period for which ARRs are allocated. If both parties
to the GFA are Market Participants with respect to the GFA load, then the parties
may jointly inform the Transmission Provider which Market Participant will be
allocated the candidate ARRs. If the parties to the GFA do not so inform the
Transmission Provider, or if only the Transmission Owner that sold the GFA
service is a Market Participant, then the Transmission Owner that sold the GFA
service will be allocated the candidate ARRs associated with the GFA.
(i)

For a GFA with a source inside the SPP Balancing Authority Area that is
not a specific Resource or Resource Market Hub, the Transmission
Provider will determine the load Settlement Location that most electrically
corresponds to the source on the Transmission Service reservation that
will be utilized as the source for candidate ARRs.

(ii)

For a GFA with a source outside of the SPP Balancing Authority Area, the
interface between the Transmission Provider and the first tier Balancing
Authority Area associated with the transmission reservation will be
utilized as the source for the candidate ARRs.
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(iii)

For a GFA with a sink outside of the SPP Balancing Authority Area, the
interface between the Transmission Provider and the first tier Balancing
Authority Area associated with the transmission reservation will be
utilized as the sink for the candidate ARRs.

(b)

If the transmission customer under the GFA is receiving the candidate ARRs, to
the extent that the transmission service specified in the GFA is identified as the
equivalent of SPP Network Integration Transmission Service, the transmission
customer under the GFA must provide the historical peak loads being served
under the GFA for the previous three years.

8.2

Bilateral Settlement Schedules and GFA Carve Outs
Market Participants may create Bilateral Settlement Schedules for Energy and Operating Reserve

obligations by registering and confirming the parameters of the agreement between buyer and seller as
described in the Market Protocols. Both the buyer and seller must confirm the Bilateral Settlement
Schedule except when the Bilateral Settlement Schedule is associated with an existing bilateral
agreement under Section 8.2.1 of this Attachment AE. Either the buyer or seller may terminate the
Bilateral Settlement Schedule at any time except[A35] when the Bilateral Settlement Schedule is
associated with an existing bilateral agreement under Section 8.2.1 of this Attachment AE. In addition,
the Transmission Provider may terminate the Bilateral Settlement Schedule if either party is in Default
[A36]pursuant

to Attachment X of this Tariff and the Transmission Provider will resettle with Market

Participants as if the Bilateral Settlement Schedule did not exist.
Market Participants may submit Bilateral Settlement Schedule quantities for Energy and
Operating Reserve obligation for use in the Day-Ahead Market and may submit Bilateral Settlement
Schedule quantities for Energy for use in the Real-Time Balancing Market up to four (4) days following
the applicable Operating Day for the initial settlement. New submittals and revisions to previously
submitted values may be submitted up to forty-four (44) days following the applicable Operating Day to
be included in the final settlement. Submittals not confirmed by both parties will not be included in any
settlement execution.
Transactions related to Bilateral Settlement Schedules for Energy must specify the Settlement
Location, the MW amount, the buyer, the seller and which market it applies to (Day-Ahead Market or
RTBM), and must be for the physical transfer of Energy, with title of the energy transferring from the
seller to the buyer at the Settlement Location specified for the transaction. Market Participants that
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submit Bilateral Settlement Schedules for Energy shall use reasonable efforts to limit the megawatt
hours of such transactions to amounts reflecting the expected load and other physical delivery
obligations of the buyer under the bilateral contract. The seller receives an increase in load obligation
equal to the specified MW amount and the buyer receives a reduction in load obligation equal to the
specified MW amount (the equivalent of a Resource settlement) at the specified Settlement Location.
Transactions related to Bilateral Settlement Schedules for Operating Reserve obligation must
specify the buyer, the seller, the Operating Reserve product, the MW obligation transfer and the Reserve
Zone within which the obligation transfer applies and must be for the physical transfer of energy
associated with the Operating Reserve product, with title of the Operating Reserve product transferring
from the seller to the buyer at the Reserve Zone specified for the transaction. The seller receives an
increase in Operating Reserve obligation equal to the specified MW and the buyer receives a
corresponding decrease in Operating Reserve obligation within the specified Reserve Zone.
8.2.1

Default Procedures for Pre-Existing Bilateral Contracts Transitioning to Integrated
Marketplace
The procedures established under this Section 8.2.1 of Attachment AE shall apply to bilateral

contracts entered into prior to[A37] March 1, 2014the start of the Integrated Marketplace, where the buyer
and seller have not agreed to the terms in the Bilateral Settlement Schedules corresponding to such preexisting bilateral contracts:
(1)

Upon request of the buyer, the Transmission Provider shall review and confirm that a
particular bilateral contract exists between the buyer and seller. The Transmission
Provider shall schedule a meeting between a designated senior representative of the buyer
and seller within 30 days of such a request. The Transmission Provider shall conduct
these discussions in accordance with Section 12 of the Tariff. Following confirmation,
the buyer may register and confirm a Bilateral Settlement Schedule representing the
parameters of the agreement. The Transmission Provider shall confirm that the buyer has
submitted Bilateral Settlement Schedule parameters that are consistent with those
specified in the bilateral contract;

(2)

Subsequent submission by either the buyer or the seller of Bilateral Settlement Schedules
for Energy and/or Operating Reserve associated with the registered Bilateral Settlement
Schedule in either the Day-Ahead Market and/or RTBM must be consistent with the
quantities specified in the bilateral contract. Only the buyer is required to confirm;

(3)

Only the buyer may terminate the Bilateral Settlement Schedule;
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(4)

The Settlement Location for Bilateral Settlement Schedules for Energy shall be the
source Settlement Location of the associated transmission service reservation as
described under Section 7.1.1(1)(a) of this Attachment AE, as applicable;

(5)

The Transmission Provider shall not be a party to Bilateral Settlement Schedules and
nothing in this Section 8.2.1 of Attachment AE shall impose on the Transmission
Provider any obligation regarding the settlement of financial rights and obligations
between the parties to Bilateral Settlement Schedules; and

(6)

Nothing in this Section 8.2.1 of Attachment AE shall alter the parties’ rights and
obligations under preexisting bilateral contracts, limit the right of either party to seek
enforcement of such rights and obligations, and/or limit a party’s right to obtain
appropriate relief, pursuant to Section 206 of the FPA or as otherwise in accordance with
the law.

8[A38].6.6 Real-Time Out-of-Merit Amount
An RTBM OOME payment will be made to each Asset Owner with a Resource that
receives a Transmission Provider Manual Dispatch Instruction that creates a cost to the Asset
Owner or that adversely impacts the Asset Owner’s Day-Ahead Market position for Energy
and/or Operating Reserve.

Resources issued a Manual Dispatch Instruction by a local

transmission operator that the Market Monitor determines were selected in a discriminatory
manner by the local transmission operator, as determined pursuant to Section 6.1.2.1 of this
Attachment AE, and such Resources were affiliated with the local transmission operator are not
eligible to receive a RTBM OOME payment. RTBM OOME payments made to Asset Owners
that received a Manual Dispatch Instruction to address a Local Reliability Issue including Local
Emergency Condition shall be recovered locally as described under Section 8.6.7(B). RTBM
OOME payments made to Asset Owners that received a Manual Dispatch Instruction to address
a reliability issue other than a Local Emergency Condition Reliability Issue shall be recovered
regionally under Section 8.8. The amount will be calculated on a Dispatch Interval basis as
follows:
(1)

If the Manual Dispatch Instruction is for Energy in the up direction and the Energy Offer
Curve cost associated with the Resource’s additional output attributable to its response
(“OOME MW”) is greater than the RTBM LMP, the Asset Owner will receive a payment
for the difference multiplied by the OOME MW. The payment shall be limited to the
amount necessary to compensate the Asset Owner for any under-recovery resulting from
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its Resource’s response to the Manual Dispatch Instruction.

The OOME MW is

calculated as the positive difference between (i) the lesser of the actual Resource output
or the Resource’s Manual Dispatch Instruction MW and (ii) the Resource’s economic
operating point. The Resource’s economic operating point is calculated as described
under Section 8.6.5(4)(d);
(2)

If the Manual Dispatch Instruction is for Energy in the down direction, including a
Resource de-commitment and the RTBM LMP is greater than the Day-Ahead Market
LMP, the Asset Owner will receive a payment equal to the difference multiplied by the
Resource’s reduction in output attributable to its response (“OOME MW”). The payment
shall be limited to the amount necessary to compensate the Asset Owner for any increase
in net settlement costs resulting from its response to the Manual Dispatch Instruction.
The OOME MW is calculated as the maximum of zero (0) or the difference between the
Resource’s Day-Ahead Market cleared Energy MW and the greater of (i) actual Resource
output or (ii) the Resource’s Manual Dispatch Instruction MW;

(3)

If the Manual Dispatch Instruction or a Resource de-commitment instruction, causes the
RTBM cleared amount of an Operating Reserve product to be less than the Day-Ahead
Market cleared amount of the corresponding Operating Reserve product and the RTBM
MCP is greater than the Day-Ahead Market MCP, the Asset Owner will receive a
payment for the difference multiplied by the OOME Operating Reserve MW.

The

OOME Operating Reserve MW is calculated as the maximum of zero (0) or the
difference between the Resource’s Day-Ahead Market cleared Operating Reserve MW
and the Resource’s RTBM cleared Operating Reserve MW.
(4)

To the extent that additional costs are incurred as a direct result of a Manual Dispatch
Instruction that are not addressed through the compensation mechanisms described in (1)
through (3) above, Asset Owners may request additional compensation through submittal
of actual cost documentation to the Transmission Provider. The Transmission Provider
will review the submitted documentation and confirm that the submitted information is
sufficient to document actual costs and that all or a portion of the actual costs are eligible
for recovery.
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8.6.7

Reliability Unit Commitment Make Whole Payment Distribution Amount
An RTBM system-wide and local charge will be calculated at each Settlement Location
for each Asset Owner for each hour in order to fund the payments made under Section 8.6.5.
The system-wide amount will be determined by multiplying an Asset Owner’s system-wide
distribution volume by a daily system-wide RUC make whole payment rate as described in
Section 8.6.7(A) of this Attachment AE. The local amount for each Settlement Area impacted
by a Local Reliability Issue will be determined by multiplying an Asset Owner’s local Settlement
Area distribution volume by a daily local Settlement Area RUC make whole payment rate as
described in Section 8.6.7(B) of this Attachment AE.
A.

The RUC System-Wide Make Whole Payment Distribution Amount shall be calculated
as follows:
The RUC System-Wide Make Whole Payment Distribution Amount =
[(RUC System-Wide Make Whole Payment Distribution Rate) *
(RUC System-Wide Make Whole Payment Distribution Volume)]
(1)

The RUC System-Wide Make Whole Payment Distribution Rate is the sum of all
make whole payments for the Operating Day as calculated under Section 8.6.5
excluding make whole payments made to Resources committed to address a Local
Reliability Issue by the Transmission Provider at the request of a local
transmission operator or committed by a local transmission operator to[A39]
address a Local Emergency Condition, divided by the sum of Asset Owners’ RUC
System-Wide Make Whole Payment Distribution Volumes for all Settlement
Locations for the entire Operating Day.

(2)

An Asset Owner’s RUC System-Wide Make Whole Payment Distribution
Volume at a Settlement Location for an hour is equal to the sum of following
values that are calculated for each Dispatch Interval within the hour:
(a)

The absolute value of the sum of actual Real-Time Settlement Location
deviations from Day-Ahead Market cleared amounts for load, virtual offer
transactions and interchange transactions except that, during any Dispatch
Interval in which the Transmission Provider has declared an Emergency
Condition due to a capacity shortage, Real-Time actual load deviations
from Day-Ahead Market cleared amounts shall be limited to deviations
associated with actual Real-Time load in excess of amounts cleared in the
Day-Ahead Market;
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(b)

For Resources cleared in the Day-Ahead Market, (a) the positive
difference between the RTBM Resource applicable minimum limits and
Day-Ahead Market Resource cleared Energy quantity; or (b) if the
Resource has cleared regulation in the RTBM and has not cleared
regulation in the Day-Ahead Market, the positive difference between (1)
the RTBM Resource regulation minimum limit and (2) the greater of the
Day-Ahead Market Resource cleared Energy quantity or the Resource’s
Day-Ahead Market regulation minimum limit, provided that:
(i)

The applicable RTBM Resource minimum limit is greater than the
comparable Day-Ahead Market Resource minimum limit by more
than the Resource’s Operating Tolerance; and

(ii)

The applicable RTBM Resource minimum limit is greater than the
Day-Ahead Market cleared Energy amount; and

(iii)

The Resource received a Dispatch Instruction less than or equal to
the RTBM applicable minimum limit for at least one Dispatch
Interval in the hour.

(c)

For Resources cleared in the Day-Ahead Market, (a) the positive
difference between the Resource Day-Ahead Market cleared Energy
quantity and the RTBM Resource applicable maximum limit; or (b) if the
Resource has cleared regulation in the RTBM and has not cleared
regulation in the Day-Ahead Market, the positive difference between (1)
the lesser of the Resource’s RTBM regulation maximum limit or the
Resource’s Day-Ahead Market Resource cleared Energy quantity and (2)
the Resource’s RTBM regulation maximum limit, provided that:
(i)

The applicable RTBM Resource maximum limit is less than the
comparable Resource maximum limit submitted for use in the
Day-Ahead Market by more than the Resource’s Operating
Tolerance; and

(ii)

The applicable RTBM Resource maximum limit is less than the
Day-Ahead Market cleared Energy amount; and

(iii)

The Resource received a Dispatch Instruction greater than or equal
to the RTBM applicable maximum limit for at least one Dispatch
Interval in the hour.
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(d)

For Resources cleared in the Day-Ahead Market, the Resource’s DayAhead Market cleared amount if that Resource is off-line in the RTBM
and if the Resource has not been de-committed by the Transmission
Provider;

(e)

For Resources that cleared in the Day-Ahead Market that are not able to
follow Dispatch Instructions, the absolute value of the difference between
a Resource’s actual output and the Resource’s economic operating point.
The Resource’s economic operating point is calculated as described under
Section 8.6.5(4)(d);

(f)

For Resources that were not offered in the Day-Ahead Market and that
self-committed following the close of the Day-Ahead Market, and for
Resources that were offered and not cleared in the Day-Ahead Market and
that self-committed the following the close of the Day-Ahead RUC, the
actual Resource output if the Resource received a Dispatch Instruction less
than or equal to the RTBM applicable minimum limit for at least one
Dispatch Interval in the hour;

(g)

A Resource’s economic operating point, as calculated as described under
Section 8.6.5(4)(d), for Resources that were committed following the close
of the Day-Ahead Market if that Resource is off-line in the RTBM and
that Resource was not de-committed by the Transmission Provider; and

(h)

The absolute value of a Resource’s URD if that Resource operated outside
of its Operating Tolerance and the Resource has not been exempted from
URD as described under Section 6.4.1.1 of this Attachment AE.

B.

RUC Local Settlement Area Make Whole Payment Distribution Amount shall be
calculated as follows:
RUC Local Settlement Area Make Whole Payment Distribution Amount =
[(RUC Local Settlement Area Make Whole Payment Distribution Rate) * (RUC Local
Settlement Area Make Whole Payment Distribution Volume)]
(1)

The[A40] RUC Local Settlement Area Make Whole Payment Distribution Rate is
the sum of all make whole payments for the Operating Day for a Settlement Area
as calculated under Sections 8.6.5 and 8.6.6 of this Attachment AE for Resources
committed within a Settlement Area by the Transmission Provider at the request
of a local transmission operator or by a local transmission operator to address a
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Local Reliability Issue in the Settlement Area, divided by the sum of Asset
Owners’ RUC Local Settlement Area Make Whole Payment Distribution
Volumes within the impacted Settlement Area for the entire Operating Day.
(2)

An Asset Owner’s RUC Local Settlement Area Make Whole Payment
Distribution Volume for the impacted Settlement Area for an hour is equal to that
Asset Owner’s Reported Load in that Settlement Area for that hour.
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ATTACHMENT AF
3.

Mitigation Measures for Economic Withholding – Market Power in Energy
and Operating Reserve
This section sets forth the market power mitigation measures that are applied in the Day-Ahead
Market, Reliability Unit Commitment processes and the Real-Time Balancing Energy Markets,
collectively referred to as the Energy and Operating Reserve Markets.
3.1

Local Market Power Test
A Resource satisfying at least one of the following conditions is determined to have local
market power:
(1)

The Resource is located in a Frequently Constrained Area, as described in Section
3.1.1, and one or more of the transmission constraints that define the Frequently
Constrained Area is binding or the Reserve Zone that defines the area is binding;

(2)

The Resource is not in a Frequently Constrained Area and
(a)

has a Resource-to-Load-Distribution factor less than or equal to negative
five percent (-5%) relative to a binding transmission constraint; or

(b)
(3)

is located in a binding Reserve Zone;

The Resource is manually committed by the Transmission Provider or selected for
commitment by a local transmission operator[A41] in the Day-Ahead or Intra-Day
RUC processes as described in Attachment AE, Sections 4[A42].5.2, 4.5.3, 5.1.2,
5.2.2(3), 5.2.2(4), 5.2.2(5), 6.1.2(3), 6.1.2(4), and 6.1.2(5).

3.1.1

Frequently Constrained Areas
A Frequently Constrained Area is an electrical area identified by the Market
Monitor that is defined by one or more binding transmission constraints or
binding Reserve Zone constraints that are expected to be binding for at least fivehundred (500) hours during a given twelve (12)-month period and within which
one (1) or more suppliers are pivotal. All Frequently Constrained Areas shall be
listed in Addendum 1 of this Attachment AF. Any new or modifications to
existing Frequently Constrained Areas are subject to prior Commission approval.
3.1.1.1 Pivotal Supplier Test
A supplier is pivotal when the energy output or provision of operating
reserves by any or some of its Resources jointly must be increased or
decreased to resolve the binding transmission constraint or binding
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Reserve Zone constraint during some or all hours.

This will be

determined utilizing transmission load flow cases or RTBM market cases
reflecting a variety of market conditions.
These load flow or market cases will be used to estimate: (i) the
generation shift factors for all relevant Resources and relevant resources
outside the SPP Balancing Authority Area relative to each potentially
constrained flowgate; (ii) the capability of all Resources to meet the
requirements of each binding Reserve Zone constraint; (iii) the base
loadings of Resources; (iv) the base allocation of Operating Reserves on
Resources; and (v) the base flows on each flowgate. A supplier is pivotal
when a binding transmission constraint or a binding Reserve Zone
constraint cannot be relieved by changing the base loadings for other
suppliers’ Resources.
3.1.1.2 Initial Designation of Frequently Constrained Areas
The Market Monitor will define and recommend the Frequently
Constrained Areas to the SPP Board of Directors prior to the start of the
Integrated Marketplace.
3.1.1.3 Changes to Frequently Constrained Area Designation
The Market Monitor shall reevaluate the Frequently Constrained Areas at
least annually or more frequently as the Market Monitor deems necessary.
The Transmission Provider may propose an area be designated or
undesignated as a Frequently Constrained Area if the Transmission
Provider believes that conditions have changed with respect to the binding
transmission constraint or binding Reserve Zone constraints that define the
Frequently Constrained Area. The Market Monitor shall evaluate any
proposed change and seek comments from the Market Participants before
recommending to designate, modify, or undesignate a Frequently
Constrained Area. Subject to any applicable confidentiality requirements,
the Market Monitor will provide any interested Market Participants with a
description of its supporting analysis to allow comment on the proposed
designation changes. The Market Monitor will recommend any changes
to the Frequently Constrained Areas to the SPP Board of Directors for
approval.
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3.2

Mitigation Measures for Energy Offer Curves
Mitigated Energy Offer Curves shall be submitted on a daily basis by the Market
Participant in accordance with the mitigated offer development guidelines in the Market
Protocols. The mitigated Energy Offer Curve may be updated up to 1100 hours on the
day before the Operating Day for use in the Day-Ahead Market. In the case a Resource is
not committed by the Day-Ahead Market, the mitigated Energy Offer Curve may be
updated until the Day-Ahead RUC begins. For Resources committed by the Day-Ahead
Market, the mitigated Energy Offer Curve submitted as of 1100 hours on the day before
the Operating Day will apply to the Day-Ahead Market on the day before the Operating
Day and the RTBM on the Operating Day; for all other Resources the mitigated Energy
Offer Curve submitted at the time the Day-Ahead RUC begins will apply to the DayAhead RUC on the day before the Operating Day, and the Intra-Day RUC processes and
the RTBM on the Operating Day.
A.

The Energy Offer Curve conduct thresholds are as follows:
(1)

For Resources with local market power as described in Section 3.1(4), the
conduct threshold is a 10% increase above the mitigated Energy Offer
Curve;

(2)

For Resources located in a Frequently Constrained Area and not subject to
Section 3.2(A)(1), the conduct threshold is a 17.5% increase above the
mitigated Energy Offer Curve;

(3)

For all other Resources the conduct threshold is a 25% increase above the
mitigated Energy Offer Curve.

B.

The Transmission Provider shall apply mitigation measures by replacing the
Energy Offer Curve with the mitigated Energy Offer Curve if:
(1)

The Resource’s Energy Offer Curve exceeds the mitigated Energy Offer
Curve by the applicable conduct threshold; and

(2)

The Resource has local market power as determined in Section 3.1; and

(3)

The Resource either:
(a)

Fails the Market Impact Test as described in Section 3.7, or

(b)

Has local market power as described in Section 3.1(4).

An Energy Offer below $25/MWh will not be subject to mitigation measures for
economic withholding.
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C.

The mitigated energy offer shall be the Resource’s short-run marginal cost of
producing energy as determined by the unit’s heat rate; fuel costs and the costs
related to fuel usage, such as transportation and emissions costs (“total fuel
related costs”); and Energy Offer Curve (“EOC”) variable operations and
maintenance costs (“VOM”) as detailed in the Market Protocols.

D.

Opportunity cost shall be an estimate of the Energy and Operating Reserve
Markets revenues net of short run marginal costs for the marginal foregone[A43]
run time during the timeframe when the Resource experiences the run-time
restrictions as detailed in the Market Protocols. The[A44] run-time restrictions
shall be updated as specified in the Market Protocols, with more frequent
updating to occur the fewer hours that remain available, consistent with the
Market Protocols. The Market Participant may include in the calculation of its
mitigated Energy Offer Curve an amount reflecting the resource-specific
opportunity costs expected to be incurred under the following circumstances:
(1)

Externally imposed environmental run-hour restrictions; or

(2)

Physical equipment limitations on the number of starts or run-hours, as
verified by the Market Monitoring Unit and determined by reference to the
manufacturer’s recommendation or bulletin, or a documented restriction
imposed by the applicable insurance carrier; or[A45]

(3)

Fuel Supply Limitations.

Resource specific opportunity costs are calculated by forecasting Locational
Marginal Prices based on futures contract prices for natural gas and the historical
relationship between the SPP system marginal Energy component of LMP and the
price of natural gas, as determined by the SPP Market Monitoring Unit. The[A46]
formulas and instructions in the price forecast model shall be determined by the
SPP Market Monitoring Unit and published in the Market Protocols as part of the
Mitigated Offer Development Guidelines, updated, as needed, by the SPP Market
Monitoring Unit.

Such forecasts of LMPs shall take into account historical

variability, and basis differentials affecting the Settlement Location at which the
Resource is located for the three-year period immediately preceding the period of
time in which the Resource is bound by the referenced restrictions, and shall
subtract therefrom the forecasted costs to generate energy at the Settlement
Location at which the Resource is located, as specified in more detail in Appendix
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G of the Market Protocols. If the difference between the forecasted Locational
Marginal Prices and forecasted costs to generate energy is negative, the resulting
opportunity cost shall be zero. The Market Monitoring Unit will verify all Market
Participants’ opportunity cost calculations for consistency and accuracy. When
the Market Monitoring Unit determines that the market price for any period was
not competitive, it will adjust the LMP forecasting process used in the opportunity
cost calculations to ensure that forecasted LMPs do not reflect non-competitive
market conditions.
The following formula shall apply to all mitigated Energy Offer Curves:
Mitigated Energy Offer ($/MWh) = HeatRate (mmBtu/MWh) *
Performance Factor * Total Fuel Related Costs ($/mmBtu) + EOC VOM
($/MWh) + Opportunity Costs ($/MWh)

The Market Participant shall submit heat rate curves, descriptions of how spot
fuel prices and/or contract prices are used to calculate fuel costs, variable fuel
transportation and handling costs, emissions costs, and VOM to the Market
Monitoring Unit. All cost data and cost calculation descriptions are subject to the
review and approval of the SPP Market Monitoring Unit to ensure reasonableness
and consistency across Market Participants. The information will be sufficient for
replication of the mitigated Energy Offer Curve and shall include, among other
data, the following information:
(1)

For fuel costs, Market Participants shall provide the Market Monitoring
Unit with an explanation of the Market Participants’ fuel cost policy,
indicating whether fuel purchases are subject to a fixed contract price
and/or spot pricing and specifying the contract price and/or referenced
spot market prices. Any included fuel transportation and handling costs
must be short-run marginal costs only, exclusive of fixed costs.

(2)

For emissions costs, Market Participants shall report the emissions rate of
each of their units and indicate the applicable emissions allowance cost.

(3)

For VOM costs, Market Participants shall submit VOM costs, calculated
in adherence with the Appendix G of the Market Protocols, reflecting
short-run marginal costs, exclusive of fixed costs.
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Further details associated with the development, validation, and updating of these
costs are included in Appendix G of the Market Protocols.
For Demand Response Resources utilizing Behind-The-Meter Generation, the
mitigated Energy Offer Curve shall be developed in the same manner as any other
generating Resource as described above.

For Demand Response Resources

utilizing load reduction, the mitigated Energy Offer Curve shall reflect the
quantifiable opportunity costs associated with the reduction, net of related
offsetting increases in usage.
For Dispatchable[A47] Variable Energy Resources, the mitigated Energy Offer
Curve may include, but shall not exceed, any quantifiable costs that vary by MWh
output, including short-run incremental VOM. Mitigation[A48] will not apply to
Non-Dispatchable Variable Energy Resources in the Real-Time Balancing
Market; monitoring for Energy Offers for Non-Dispatchable Variable Energy
Resources will occur.
E.

In the event that the Transmission Provider requests that a Resource remain online
past their commitment period by the Day-Ahead Market or a RUC process, the
Market Participant may submit an updated mitigated energy offer curve that
reflects the procurement of higher cost fuel. Intra-day changes to the mitigated
energy offer curve must follow the mitigated offer development guidelines in the
Market Protocols and will be validated by the Market Monitor.

F[A49]. In all cases under this Section 3.2, cost data submitted for the development of
mitigated offers, including additional opportunity cost data, shall be subject to the
confidentiality provisions set forth in Section 11 of Attachment AE of this Tariff.
3.3

Mitigation Measures for Start-Up Offers and No-Load Offers
A mitigated Start-Up Offer and a mitigated No-Load Offer shall be submitted daily by
the Market Participant in accordance with the mitigated offer development guidelines in
the Market Protocols. The mitigated Start-Up and No-Load Offers may be updated up to
1100 hours on the day before the Operating Day for use in the Day-Ahead Market. In the
case a Resource is not committed by the Day-Ahead Market, the Start-Up and No-Load
Offers may be updated until the Day-Ahead RUC begins. The mitigated Start-Up and
No-Load Offers submitted at the time the Day-Ahead RUC begins will apply to the DayAhead RUC on the day before the Operating Day and the Intra-Day RUC on the
Operating Day.
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A.

The Start-Up and No-Load Offer conduct thresholds are as follows:
(1)

For Resources with local market power as described in Section 3.1(4), the
conduct threshold is a 10% increase above the mitigated Start-Up or
mitigated No-Load Offer, as applicable;

(2)

For all other Resources the conduct threshold is a 25% increase above the
mitigated Start-Up or mitigated No-Load Offer, as applicable.

B.

The Transmission Provider shall apply mitigation measures by replacing the StartUp or No-Load Offer with the applicable mitigated Start-Up or No-Load Offer if:
(1)

The Resource’s Start-Up or No-Load Offer exceeds the mitigated Start-Up
or mitigated No-Load Offer, as applicable, by the applicable conduct
threshold; and

C.

(2)

The Resource has local market power as determined in Section 3.1; and

(3)

The Resource either:
(a)

Fails the Market Impact Test as described in Section 3.7, or

(b)

Has local market power as described in Section 3.1(4).

The mitigated Start-Up Offer shall represent the cost per start as determined from
start fuel usage and the costs related to that fuel usage, Performance Factor cost of
electricity for station use to start (“Station Service”), maintenance costs attributed
to starts, and additional labor costs, if required above normal station staffing
levels. The following formula shall apply to all mitigated Start-Up Offers:
Mitigated Start-Up Offer ($/Start) = [Start Fuel (mmBtu/Start) *
Total Fuel Related Costs ($/mmBtu) * Performance Factor] + [Station
Service (MWh/Start) *
Station Service Rate ($/MWh)] + Start VOM ($/Start) + Start Additional
Labor Cost ($/Start)
The mitigated Start-Up Offer for Demand Response resources shall be the cost to
shut down or curtail load for a given period, which varies with the number of
deployments rather than the amount of response, and/or the start cost of BehindThe-Meter Generation utilizing the mitigated Start-Up Offer calculation
applicable to other generation Resources as defined above.
The mitigated Start-Up Offer for Variable Energy Resources shall be zero.
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D.

The mitigated No-Load Offer shall be the hourly fixed cost required to create a
monotonically increasing mitigated Energy Offer Curve. It shall be calculated
according to either of two methods:
(1)

No-Load Fuel Approach
Mitigated No-Load Offer ($/hour) = No Load Fuel (mmBtu/hour) *
Performance Factor * (No-Load VOM ($/mmBtu) +
Total Fuel Related Cost ($/mmBtu)

(2)

No-Load Cost Approach
Mitigated No-Load Offer ($/hour) =
(Heat Input at Minimum Economic Capacity Operating Limit
(mmBtu) * Performance Factor *
(Total Fuel Related Cost ($/mmBtu) + No Load VOM ($/mmBtu)
))–
(Incremental Cost up to Minimum Economic Capacity Operating
Limit ($/MWh) * Minimum Economic Capacity Operating Limit
(MW) )
The mitigated No-Load Offer for Demand Response Resources utilizing
Behind-The-Meter Generation shall adhere to the same definition above as a
generating Resource.

For Demand Response Resources utilizing load

reduction, the mitigated No-Load Offer shall not exceed the quantifiable
ongoing hourly costs associated with load reduction.
The mitigated No-Load Offer for Variable Energy Resources shall be zero.
E.

The Market Participant shall submit all inputs used in calculating mitigated StartUp and mitigated No-Load Offers to permit the Market Monitor to verify
submitted offers. Required information includes: heat rate curves, descriptions of
how spot fuel prices and/or contract prices are used to calculate fuel costs,
variable fuel transportation and handling costs, emissions costs, and VOM. All
cost data and cost calculation descriptions are subject to the review and approval
of the SPP Market Monitoring Unit to ensure reasonableness and consistency
across Market Participants. Information to be provided by the Market Participant
shall include the following:
(1)

For fuel costs, Market Participants shall provide the Market Monitoring
Unit with an explanation of the Market Participants’ fuel cost policy,
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indicating whether fuel purchases are subject to a fixed contract price
and/or spot pricing and specifying the contract price and/or referenced
spot market prices. Any included fuel transportation and handling costs
must be short-run marginal costs only, exclusive of fixed costs.
(2)

For emissions costs, Market Participants shall report the emissions rate of
each of their units and indicate the applicable emissions allowance cost.

(3)

For VOM costs, Market Participants shall submit VOM costs reflecting
short-run marginal costs, exclusive of fixed costs.

Further details associated with the development, validation and updating of these
costs are included in Appendix G of the Market Protocols.
F[A50]. In all cases under this Section 3.3, cost data submitted for the development of
mitigated offers, including additional opportunity cost data, shall be subject to the
confidentiality provisions set forth in Section 11 of Attachment AE of this Tariff.
3.4

Mitigation Measures for Operating Reserve Offers
A mitigated offer for each Operating Reserve product shall be submitted daily by the
Market Participant in accordance with the mitigated offer development guidelines in the
Market Protocols. The mitigated Operating Reserve Offers may be updated up to 1100
hours on the day before the Operating Day for use in the Day-Ahead Market. In the case
a Resource is not committed by the Day-Ahead Market, the mitigated Operating Reserve
Offers may be updated until the Day-Ahead RUC begins. For Resources committed by
the Day-Ahead Market, the mitigated Operating Reserve Offers submitted as of 1100
hours on the day before the Operating Day will apply to the Day-Ahead Market on the
day before the Operating Day and the RTBM on the Operating Day; for all other
Resources, the mitigated Operating Reserve Offers submitted at the time the Day-Ahead
RUC begins will apply to the RTBM on the Operating Day.
A.

The offer conduct thresholds for each of the Operating Reserve products are as
follows:
(1)

For Resources with local market power as described in Section 3.1(4), the
conduct threshold is a 10% increase above the mitigated offer for the
applicable Operating Reserve Offer;

(2)

For all other Resources, the conduct threshold is a 25% increase above the
mitigated offer for the applicable Operating Reserve Offer.
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B.

Any Operating Reserve Offer exceeding the applicable threshold, except offers
below $10/MWh, will be deemed excessive. The Transmission Provider shall
apply mitigation measures by replacing the Operating Reserve Offer with the
applicable mitigated Operating Reserve Offer if:
(1)

The Resource’s Operating Reserve Offer exceeds the applicable mitigated
offer by the conduct threshold; and

(2)

The Resource has local market power as determined in Section 3.1; and

(3)

The Resource either:
(a) Fails the Market Impact Test as described in Section 3.7, or
(b) Has local market power as described in Section 3.1(4).

C.

The mitigated Spinning Reserve Offer shall be equal to zero for Resources other
than combustion turbines, reciprocating engines and hydro Resources operating as
a synchronous condenser. No known incremental costs are incurred for providing
Spinning Reserves from other resource types.
Total mitigated Spinning Reserve Offer for combustion turbines, reciprocating
engines and hydro Resources operating as a synchronous condenser shall not
exceed any additional fuel related costs, maintenance costs and power
consumption costs necessary for the Resource to be prepared for deployment of
Spinning Reserve:
Mitigated Spinning Reserve Offer ($/MW) ≤
(Additional Fuel Cost($/Hr) + Additional Maintenance Cost
($/Hr) + Condensing Power Cost ($/Hr) ) /
Spinning Reserve MW

The mitigated Supplemental Reserve Offer shall not exceed labor costs necessary for the
Resource to be prepared for deployment of Supplemental Reserve:
Mitigated Supplemental Reserve Offer ($/MW) <
Additional Labor Cost($) / Average Supplemental Reserve MW
D.

The mitigated Regulation-Up Offer shall not exceed the sum of the cost increase
due to:
(1)

the heat rate increase during non-steady state operation,

(2)

increase in VOM due to non-steady state operation,

(3)

uncompensated costs, as described in the Market Protocols:
Mitigated Regulation-Up Offer ($/MW) <
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Cost Increase due to Heat Rate Increase during non-steady state operation
($/MW) +
Cost Increase in VOM ($/MW) + Uncompensated Cost ($/MW)
E.

The mitigated Regulation-Down Offer shall not exceed the sum of the cost
increase due to:
(1)

the heat rate increase during non-steady state operation,

(2)

increase in VOM due to non-steady state operation,

(3)

uncompensated costs, as described in the Market Protocols:
Mitigated Regulation-Down Offer ($/MW) <
Cost Increase due to Heat Rate Increase during non-steady state operation
($/MW) +
Cost Increase in VOM ($/MW) + Uncompensated Cost ($/MW)

Further details associated with the development of the exact costs in the formulas
above are included in the Market Protocols.
F.[A51] The Market Participant may include in the calculation of its mitigated Operating
Reserve Offer an amount reflecting the Resource-specific opportunity costs if the
Market Participant is able to demonstrate to the satisfaction of the SPP Market
Monitoring Unit that such costs are legitimate and verifiable and not otherwise
included in market outcomes.

To the extent such costs include run-time

restrictions, such run-time restrictions shall be updated as specified in the Market
Protocols, with more frequent updating to occur the fewer hours that remain
available, consistent with the Market Protocols. The formulas and instructions in
the price forecast model for any such opportunity costs shall be determined by the
SPP Market Monitoring Unit and published in the Market Protocols as part of the
Mitigated Offer Development Guidelines, updated, as needed, by the SPP Market
Monitoring Unit. Opportunity costs for mitigated Operating Reserve Offers shall
not include Energy and Operating Reserve Markets revenues associated with
forgone Energy or other types of Operating Reserve production to the extent that
such costs are included in market outcomes.
G.[A52] All cost data and cost calculation descriptions are subject to the review and
approval of the SPP Market Monitoring Unit to ensure reasonableness and
consistency across Market Participants. The information will be sufficient for
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replication of the mitigated Operating Reserve Offers and shall include, among
other data, the following information:
(1) For fuel costs, Market Participants shall provide the Market Monitoring Unit
with an explanation of the Market Participants’ fuel cost policy, indicating
whether fuel purchases are subject to a fixed contract price and/or spot pricing
and specifying the contract price and/or referenced spot market prices. Any
included fuel transportation and handling costs must be short-run marginal
costs only, exclusive of fixed costs.
(2) For emissions costs, Market Participants shall report the emissions rate of
each of their units and indicate the applicable emissions allowance cost.
(3) For VOM costs, Market Participants shall submit VOM costs, calculated in
adherence with the Appendix G of the Market Protocols, reflecting short-run
marginal costs, exclusive of fixed costs.
GH.[A53]

In all cases under this Section 3.4, cost data submitted for the development

of mitigated offers, including additional opportunity cost data, shall be subject to
the confidentiality provisions set forth in Section 11 of Attachment AE of this
Tariff.

3.5

Validation of Mitigated Resource Offer Parameters
The Market Monitor shall review the costs included in each mitigated Resource Offer in

order to ensure that the Market Participant has correctly applied the formulas and definitions in
Sections 3.2, 3.3, 3.4 and the Market Protocols and that the level of the mitigated offer is
otherwise acceptable. If[A54] the mitigated offer determined by the Market Monitor and the
Market Participant differ, the mitigated offer calculated by the Market Monitor shall be used. If
a Market Participant submits a dispute over its mitigated offer, the previously approved mitigated
offer shall be used from[A55] the time the dispute is submitted until the dispute is resolved. The
procedures for submitting and processing disputes related to mitigated offers shall be those
specified in the Market Protocols. The Transmission Provider shall remedy mitigated offer
disputes resolved in favor of the Market Participant by performing[A56] price corrections and
resettlements as described in Section 8.4 of Attachment AE of this Tariff and the Market
Protocolsproviding make whole payments, as necessary, to the Market Participant whose
mitigated offer was improperly determined by the Market Monitor.
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Each Market Participant is obligated to provide to the Market Monitor any cost data
necessary to allow the Market Monitor to validate its mitigated Resource Offer.
The Market Monitor shall keep such data confidential[A57], and all cost data submitted
under this Section 3.5 shall be subject to the confidentiality provisions set forth in Section 11 of
Attachment AE of this Tariff.

The Market Monitor shall develop and maintain on the

Transmission Provider’s website the mechanism and procedures to allow Market Participants to
submit such cost data.
3.6

Additional Mitigation Measures for Resource Offer Parameters
The mitigation measures in this section apply to all Resource Offer parameters expressed

in units other than dollars and will only apply in the presence of local market power as described
in Section 3.1 of this Attachment AF. A reference level for each applicable Resource Offer
parameter that reflects the physical capability of the Resource shall be determined prior to the
start of the Energy and Operating Reserve Markets by one or both of the following methods: (i)
the reference levels will be determined through consultation between the Market Participant and
the Market Monitor; and/or (ii) the reference levels will be based on averages of Resource Offer
parameters from similar Resources. This methodology for setting reference levels for Offer
parameters shall apply to all Resources at the start of the Energy and Operating Reserve Markets
and to all Resources that register subsequent to the start of the Energy and Operating Reserve
Markets. The Transmission Provider’s output forecast for a wind-powered Variable Energy
Resource shall be used as the reference maximum output limit for the wind-powered Variable
Energy Resource.
The following thresholds shall be used by the Transmission Provider to identify Resource
Offers that may warrant mitigation and shall be determined with respect to the corresponding
reference level:
Time-based Resource Offer parameters: An increase of three (3) hours, or an increase of
six (6) hours in total for multiple time-based Resource Offer parameters.
Resource Offer parameters expressed in units other than time or dollars: One hundred
percent (100%) increase for Resource Offer parameters that are minimum values, or a fifty
percent (50%) decrease for Resource Offer parameters that are maximum values.
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Minimum Economic Capacity Operating Limit threshold for Resources manually
committed in accordance with Attachment AE, Sections 5.2.2(3), 6.1.2(3), and 6.1.2(4) of this
Tariff: twenty-five percent (25%) increase.
In the case that a Resource Offer fails the thresholds described above, the Market
Monitor shall determine the impact on prices or make whole payments. If an impact exceeds the
LMP, MCP or make whole payment thresholds in Section 3.7, the Market Monitor will initiate a
discussion with the Market Participant concerning an explanation of the parameter changes. The
Market Monitor will inform the Transmission Provider of any potential issue.

If the

Transmission Provider, in consultation with the Market Monitor, concludes that the Market
Participant has demonstrated the validity of the submitted Resource Offer parameter, no further
action will be taken.

If not, the Transmission Provider shall replace the Resource Offer

parameter with the corresponding reference level. Mitigation measures will remain in place until
such time that the Market Participant demonstrates the validity of the Resource Offer parameter
or the Market Participant notifies the Market Monitor that the Resource Offer parameter has been
changed to a value that is within the tolerance range as described above, and the Market Monitor
has verified that this change has occurred. In the event that the Market Participant submits a
dispute, the mitigation measure will remain in place until the resolution of the dispute.
[A58]In all cases under this Section 3.6, cost data submitted for the development of
mitigated offers, including additional opportunity cost data, shall be subject to the confidentiality
provisions set forth in Section 11 of Attachment AE of this Tariff.

3.7

Market Impact Test
The Transmission Provider will apply the following market impact test in the Day-Ahead

Market, Day-Ahead RUC, Intra-Day RUC and Real-Time Balancing Market in the event the
conditions described in Section 3.1 are satisfied:
After an initial market solution is computed with no mitigation measures in place, a
second market solution, called the mitigated market solution, will be computed with the
appropriate mitigation measures applied. If an LMP or MCP at a Settlement Location from the
initial market solution exceeds the corresponding price from the mitigated market solution by the
applicable impact test threshold, or a make whole payment for any Resource from the initial
market solution exceeds the corresponding make whole payment from the mitigated market
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solution by make whole payment impact test threshold, then the mitigated market solution will
be used for dispatch, commitment, and settlement purposes.
The impact test thresholds are as follows: At market start, the LMP impact threshold is
five dollars ($5) per megawatt hour, the MCP impact threshold is five dollars ($5) per megawatt
hour, and the make whole payment impact threshold is five dollars ($5) per megawatt hour. At
the beginning of each six (6) month period after the market start, the LMP and MCP impact
thresholds will be increased ten dollars ($10) per megawatt hour and the make whole payment
impact threshold will be increased by ten dollars ($10) per megawatt hour unless the Market
Monitor finds market behavior that warrants keeping the threshold constant for the next six (6)
months. The periodic increases will continue until the LMP impact threshold is twenty-five
dollars ($25) per megawatt hour, the MCP impact threshold is twenty-five dollars ($25) per
megawatt hour, and the make whole payment impact threshold is twenty-five dollars ($25) per
megawatt hour.
3.8

Mitigation Exceptions
A.

The Market Monitor shall, as soon as practicable and if warranted in light of the
information available to the Market Monitor, contact a Market Participant to
request an explanation of its actions in cases when an impact threshold in Section
3.7 of this Attachment AF is exceeded and the Market Participant’s offer
exceeded the mitigated offer by more than the relevant conduct threshold, as
specified in Section 3.2, 3.3, or 3.4 of this Attachment AF.

B.

If a Market Participant anticipates submitting an offer that will exceed the
mitigated offer by more than the relevant conduct threshold, it may contact the
Market Monitor to provide an explanation of the changes in its offer. If the
Market Participant’s pre-offer explanation indicates to the Market Monitor that
the questioned behavior is consistent with competitive behavior, the Transmission
Provider will not impose mitigation with respect to that offer unless and until
circumstances are deemed to warrant it, and the Transmission Provider or the
Market Monitor so notifies the Market Participant.

In circumstances where,

following a Market Participant’s pre-offer explanation, both the conduct and
impact thresholds are violated but no mitigation is imposed, the Market Monitor
will record such instances and will report such instances to the Commission’s
Office of Enforcement, or its successor organization, every three months during
the first year of Integrated Marketplace operations, and yearly thereafter. To the
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extent that the report contains sensitive data, the Market Monitor should include
any such data in a non-public version of the report.
3.9

Sanctions for Noncompliance with the Day-Ahead Market Must Offer Requirement
A.

In the case that a Market Participant is found to be noncompliant for an Asset
Owner as determined by the conditions set forth in Section 2.11.1 of Attachment
AE, the Market Participant shall be assessed a penalty for that Asset Owner by the
Transmission Provider for each megawatt of withheld capacity below the 10%
tolerance band. The penalty amount shall be equal to the Day-Ahead Market
LMP associated with the withheld capacity.

B.

The Market Monitor will monitor for, and report to the Commission’s Office of
Enforcement, or its successor organization, manipulative behavior associated with
Day-Ahead Offers, including (but not limited to) monitoring load-serving Market
Participants who do not offer enough net resource capacity to meet their
maximum hourly Reported Load. The Market Monitor will also report to the
Commission’s Office of Enforcement or its successor organization any locational
problems, such as deliverability issues, associated with load-serving Market
Participants’ offers in the Day-Ahead Market, any identified efforts by Market
Participants to raise prices in the RTBM by limiting Day-Ahead Offers, and the
effects of any such efforts upon make whole payments.

4.

Mitigation Measures for Virtual Energy Bids and Virtual Energy Offers
If a determination is made, as specified in Section 4.6.3 of Attachment AG, that excessive
divergence exists and the divergence is the result of the Virtual Energy Bids or Virtual Energy
Offers of one or more Market Participants, the Transmission Provider shall impose mitigation
measures.

The mitigation measures will restrict the Market Participants that caused the

divergence from submitting any Virtual Energy Bids or Virtual Energy Offers at the Settlement
Locations where the Market Participant’s Virtual Energy Bids or Virtual Energy Offers caused
the excessive divergence and[A59] at any electrically similar Settlement Location. An electrically
similar Settlement Location, for purposes of this section, is any Settlement Location with a shift
factor to a congested flowgate of the same sign and of a magnitude equal to or exceeding that of
a Settlement Location where the Market Monitor has determined that the Market Participant’s
Virtual Energy Bids or Virtual Energy Offers caused excessive divergence, as described under
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Section 4.6.3 of Attachment AG. The mitigation measures shall be imposed for a period of three
(3) months after which time the restriction will no longer apply.
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ATTACHMENT AG
4.

Market Monitoring
4.1

Markets to be Monitored
The Market Monitor will monitor Markets and Services. The Market Monitor will not
monitor bilateral energy, transmission or capacity markets and services not administered,
coordinated or facilitated by SPP, except to assess the effect of these markets and
services on Markets and Services, or the effects of Markets and Services on these
unmonitored markets.

Similarly, the Market Monitor will not monitor the energy,

transmission or capacity markets and services in regions adjacent to the SPP Region
except to assess the effect of these markets and services on Markets and Services, or the
effects of Markets and Services on these adjacent markets.
4.2

Market Monitoring Scope
The Market Monitor will implement the Plan. The markets will require continuous
monitoring by the Market Monitor. The Market Monitor will monitor Markets and
Services by reviewing and analyzing market data and information including, but not
limited to:
(a)

Resource registration data;

(b)

Resource Offer data including non-price related offer parameters required for use
in either the Day-Ahead Market, Reliability Unit Commitment process and/or
Real-Time Balancing Market;

(c)

Demand Bids for the purchase of Energy in the Day-Ahead Market;

(d)

Virtual Energy Bids for the purchase of Energy in the Day-Ahead Market and
Virtual Energy Offers for the sale of Energy in the Day-Ahead Energy Market;

(e)

Export Interchange Transaction Bids and Import Interchange Transaction Offers
for the purchase and sale of Energy in the Day-Ahead Market and the Real-Time
Balancing Market;

(f)

Actual commitment and dispatch of Resources, including but not limited to
Resource MW capability and output, MVAR capability and output, status, and
outages;

(g)

Locational Marginal Prices and zonal Market Clearing Prices at all Settlement
Locations in or affecting any of Markets and Services;
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(h)

SPP Balancing Authority Area data, including but not limited to demand, area
control error, Net Scheduled Interchange, actual total net interchange, and
forecasts of operating reserves and peak demand;

(i)

Conditions or events both inside and outside the SPP Balancing Authority Area
affecting the supply and demand for, and the quantity and price of, products or
services sold or to be sold in Markets and Services;

(j)

Information regarding transmission services and rights, including the estimating
and posting of Available Transfer Capability (“ATC”) or Available Flowgate
Capability (“AFC”), administration of this Tariff, the operation and maintenance
of the transmission system, any auctions or other markets for transmission rights,
and the reservation and scheduling of transmission service;

(k)

Information regarding the nature and extent of transmission congestion in the
region and, to the extent practicable, transmission congestion on any other system
that affects Markets and Services, including but not limited to causes of, costs of
and charges for transmission congestion, transmission facility loading, MVA
capability, line status and outages;

(l)

Settlement data for the Markets and Services;

(m)

Any information regarding collusive or other anticompetitive or inefficient
behavior in or affecting any of Markets and Services; and

(n)

Generation resource operating cost data for estimating resource incremental cost,
including fuel input costs, heat rates where applicable, start-up fuel requirements,
environmental costs and variable operating and maintenance expenses.

(o)

Logs of transmission service requests and Generation Interconnection Requests
along with the disposition of each request and the explanation of any refused
requests: and

(p)

Any additional Resource and transmission facility outage data not otherwise
provided for in this Section 4.2.

(q)

GFA Carve Out Schedules.

4.2.1

Additional Market Monitor Duties
(a)

In addition to the monitoring of market Data and Information, the Market
Monitor may communicate with SPP Staff and Market Participants at any
time for the purpose of monitoring and assessing market conditions.
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(b)

The Market Monitor shall evaluate the effectiveness of Markets and
Services in signaling the need for investment in new generation,
transmission or demand response infrastructure and report on its findings at
least annually.

4.3

Referrals to the Commission
(a)

The Market Monitor shall report suspected market violations, as defined in 18
CFR 35.28(b)(8), to FERC’s Office of Enforcement (or its successor
organization) staff in accordance with the FERC’s reporting protocols for referrals
by market monitors as specified in 18 C.F.R. § 35.28(g)(3)(iv) in a timely manner.
Any such reports by the Market Monitor to FERC Staff shall be on a confidential
basis, and all information and documents included in such reports will not be
released to any other party except to the extent FERC directs or authorizes such
release, unless such information and documents are already in the public domain.

4.4

Monitoring for Potential Integrated Marketplace Manipulation
The Market Monitor will monitor for potential instances of market manipulation in the
Integrated Marketplace.

Such actions or transactions that are without a legitimate

business purpose and that are intended to or foreseeably could manipulate market prices
(including actions resulting in excessive day-ahead clearing prices), market conditions, or
market rules for electric energy or electric products are prohibited. As listed by the
FERC, prohibited behavior includes (a) wash trades, (b) submission of false data, (c)
actions to cause artificial congestion and (d) collusive acts.

The Market Monitor will

report any market manipulation in the Integrated Marketplace in a timely manner.
4.5

Monitoring for Potential Transmission Market Power Activities
The Market Monitor shall monitor Markets and Services for the exercise of transmission
market power by reviewing and analyzing data and information related to the availability
of transmission facilities that impact access to services under this Tariff. The Market
Monitor will monitor for activities particularly with respect to the withholding of
transmission facilities or transmission capacity, including activities such as but not
limited to, the following:
(a)

Physical withholding by Transmission Owners by providing improper information
related to the availability of transmission, such as information related to the
capability or other modeling data used by SPP for use in system operations;
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(b)

Economic withholding by Transmission Owners through the use of methods and
data for estimating costs of interconnection and system upgrades that is not
comparable for affiliates and non-affiliates;

(c)

Unavailability of transmission facilities through planned and unplanned
maintenance outages that routinely exceed historical baselines; and

(d)

Withholding of transmission capacity through excess reservations that are not
actually used.

The Market Monitor shall refer any perceived market design flaws and recommended
Tariff language changes to the Commission’s Office of Energy Market Regulation (or its
successor office/organization).

In addition, the Market Monitor shall refer any

instance(s) of the suspected exercise of transmission market power directly to the
Commission’s Office of Enforcement (or its successor organization) utilizing the
protocols for referrals to the Commission for suspected instances of the exercise of
market power that may be part of a suspected market violation, such as manipulation, in
accordance with 18 C.F.R. § 35.28(g)(3)(iv). Where appropriate, the Market Monitor
shall also provide the FERC with an estimate of damages equal to (i) the effect on prices
multiplied by (ii) the affected energy produced by the Transmission/Generation Owner.
The Market Monitor may also request the FERC to impose additional sanctions and
penalties, which may consist of a fixed dollar amount based on each instance, or an
amount up to (i) the effect on prices multiplied by (ii) the affected energy produced by
Market Participants other than the Transmission/Generation Owner. All such referrals by
the Market Monitor to FERC will be on a confidential basis, and all information and
documents included in such reports will not be released to any other party except to the
extent FERC directs or authorizes such release.
4.6

Monitoring for Market Participant Behavior Possibly Warranting Mitigation
The Market Monitor shall monitor Markets and Services for potential abuse associated
with the following categories of Market Participant behavior: (1) economic withholding;
(2) uneconomic production; (3) physical withholding; (4) uneconomic Virtual Bids and
Virtual Offers; and (5) gaming related to GFA Carve Out Schedules. The mitigation
measures for each of the behaviors identified in items (1) through (4) of this paragraph
are described in Attachment AF. When the Market Monitor determines that there is
sufficient credible information about a specific abusive practice, the issue will be referred
to the Commission’s Office of Enforcement (or its successor organization). Nothing in
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this section shall limit the Market Monitor’s obligation to refer other suspected market
violations to the Commission’s Office of Enforcement, even where suspected behavior
does not fall explicitly within the abovementioned categories or descriptions.
4.6.1

Uneconomic Production
The Market Monitor will monitor for cases where uneconomic production by a
Resource causes congestion on transmission facilities or price separation between
Reserve Zones that is not justified by reliability concerns. The[A60] provisions of
this Section 4.6.1 shall not apply to Demand Response Resources.
(a)

Potential uneconomic production will be indicated, and subject to further
analysis as described in (b) of this Section 4.6.1, when the Resource has a
positive Resource-to-Load Distribution[A61] Factor and any of the
following conditions are met:
(1)

a Resource is identified with an incremental energy offer price less
than 50 percent of the applicable reference level; or

(2)

a Resource is determined to be generating outside of its Operating
Tolerance; or[A62]

(3[A63]) a Resource is subject to a time-based or other resource offer
parameter (non-time and non-dollar based) that violates any of the
thresholds specified in Section 3.6 of Attachment AF.
(b)

For any Resource meeting the conditions described in (a) of this Section
4.6.1, the Market Monitor shall determine whether: (i) the MW impact
from uneconomic production associated with such Resource is
exacerbating the transmission congestion or binding a Reserve Zone; and
(ii) the uneconomic production is not obviously justified by reliability or
other operational concerns.

The Market Monitor will conduct evaluations as specified above and other related
assessments to determine if there is sufficient credible information to justify
referral to the Commission.

The[A64] Market Monitor will report to the

Commission’s Office of Enforcement, or its successor organization, when it
appears that uneconomic production is occurring or being facilitated by timebased or other (non-time and non-dollar) offer parameters.
4.6.2

Monitoring for Virtual Energy Bids and Virtual Energy Offers
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The Market Monitor will monitor the level of divergence between the Day-Ahead
Market LMPs and the Real-Time Balancing Market LMPs. Section 4.6.3 defines
the monitoring metric and thresholds to be used in determining the existence of
excessive LMP divergence. In the case that there is excessive LMP divergence,
the Market Monitor will determine if the LMP divergence is attributable to the
Virtual Energy Bid and Virtual Energy Offer behavior of one or more Market
Participants. If the Market Monitor identifies one or more Market Participants as
having caused the excessive LMP divergence through Virtual Energy Bid and
Virtual Energy Offer behavior, then the Transmission Provider shall impose
mitigation measures described in Section 4.0 of Attachment AF.
4.6.3

Metric and Threshold Specifications
The Market Monitor will compute the hourly LMP deviation between the DayAhead Market and Real-Time Balancing Market using the following formula:
[(LMP RTBM / LMP DA Market ) – 1] * 100. The average hourly LMP deviation is
computed over a rolling four (4) week period or any other period that the Market
Monitor determines is appropriate. If the four (4) week rolling average is below
negative ten percent (-10%) or in excess of ten percent (10%), then the divergence
is considered excessive and additional analysis is required[A65]. The provisions of
this Section 4.6.1 shall not apply to Demand Response Resources.

4.6.4

Physical Withholding
The Market Monitor will monitor for physical withholding of capacity from the
Energy and Operating Reserve Markets, and unavailability of facilities. Physical
withholding and unavailability of facilities may include:
(a)

Declaring that a Resource has been derated, forced out of service or
otherwise been made unavailable for technical reasons that are untrue or
that cannot be verified;

(b)

Refusing to provide offers or schedules for a Resource when it would
otherwise have been in the economic interest to do so without market
power;

(c)

Operating a Resource in real-time to produce an output level that is less
than the dispatch instruction;

(d)

Derating a transmission facility for technical reasons that are not true or
verifiable;
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(e)

Operating a transmission facility in a manner that is not economic and that
causes a binding transmission constraint or binding reserve zone or local
reliability issue; and

(f)

Declaring that the capability of Resources to provide Energy or Operating
Reserves is reduced for reasons that are not true or verifiable.

Market Participants will not be deemed to be physically withholding if they are
following the directions of the SPP Balancing Authority, Reliability Coordinator,
or applicable reliability standards. In addition, Market Participants will not be
determined to have physically withheld if they are selling into another market at a
higher price.
4.6.4.1 Thresholds for Identifying Physical Withholding of Resource
Capacity
4.6.4.1.1 A Market Participant is deemed to be physically withholding
capacity in a Frequently Constrained Area if all of the following
conditions exist:
(a)

One or more of the transmission constraints or Reserve
Zone constraints that define the Frequently Constrained
Area are binding; and

(b)

The Market Participant controls or owns a Resource located
in the Frequently Constrained Area that satisfies condition
4.6.4(a), 4.6.4(b), 4.6.4(c), or 4.6.4(f) of this Attachment
AG.

4.6.4.1.2 A Market Participant is deemed to be physically withholding
capacity in an area not designated as a Frequently Constrained
Area if all of the following conditions exist:
(a)

One or more transmission constraints are binding or a
Reserve Zone is binding; and

(b)

The Resource(s) meets either of the following criteria (1) or
(2);
(1)

Such Resource(s) satisfy one of the conditions in
Sections 4.6.4(a), 4.6.4(b), or 4.6.4(f) of this
Attachment AG and the total withheld capacity
exceeds the lower of 5 percent of the total capability
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owned or controlled by the Market Participant or
200 MW; or
(2)

Where the real-time output of each such Resource is
less than the Resource’s Operating Tolerance
defined in Attachment AE, Section 6.4.1 of this
Tariff and the Resource is not exempt from
Uninstructed Resource Deviation under Attachment
AE, Section 6.4.1.1 of this Tariff.

4.6.4.2 Thresholds for Screening of Potential Physical Withholding of
Transmission Facilities
A transmission facility fails the physical withholding screen if either of the
following conditions is met:
(a)

The transmission facility satisfies a condition in Section
4.6.4(d) or 4.6.4(e) of this Attachment AG[A66] and has
been determined to have contributed to the constraints,
congestion or Local Reliability Issues as described in
Section 4.6.4.2(a) of this Attachment AG; or

(b)

The Market Monitor identifies a pattern of scheduling
outages resulting in increased market costs compared to an
alternative and lower cost impact outage schedule.

4.6.4.3 Sanctions
The Market Monitor will record instances where Market Participants have
failed the screens in Sections 4.6.4.1 and 4.6.4.2 of this Attachment AG and
notify the Commission’s Office of Enforcement, or successor organization, of
such behavior. In the event the Market Monitor determines there is credible
evidence of a market violation, the Market Monitor shall make a referral to the
Commission as described in Section 4.3 of this Attachment AG.
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Date of Vote: 2/21/2014 – Approved
MWG Review

Segment of Parties that voted No or Abstained:
CUS - Abstained
Date of Vote: 4/3/2014 – Approved

ORWG Review

Segment of Parties that voted No or Abstained:
CUS - Abstained

Proposed Protocols Language Revision

Protocols
Paragraphs not included in Protocols:
P65 and P91 – Definitions point to the Tariff
P35, P76, P78, P119, P121, P172, P175, and P223 – These paragraphs are not in the Protocols. There is
no corresponding language in the Protocols or the Protocols already cover this language.
4.2.1.1

Day-Ahead Market

(A) Each Market Participant with registered load must satisfy the must offer obligation for each
Asset Owner associated with that registered load as set forth in Section 4.2.1.1 based on the
following criteria:
(1)

A Market Participant’s load for an Asset Owner for purposes of this section shall be equal
to the Market Participant’s maximum hourly Reported Load for that Asset Owner for the
Operating Day. When[MCB67] an Asset Owner selling power under a bilateral contract has
registered the load of the Asset Owner that is buying power under the bilateral contract as
described under Section 6.2.8, the buyer’s Reported Load shall be reduced by the amount
of the buyer’s load registered by the seller and the seller’s Reported Load shall be increased
by the amount of the buyer’s load registered by the seller.

(2)

A Market Participant’s daily Operating Reserve obligation for an Asset Owner shall be
equal to the sum of that Market Participant’s maximum daily Regulation-Up, RegulationDown and Contingency Reserve obligation for that Asset Owner as calculated by SPP as
described in Section 4.1.3(4).

(3)

Resources submitted with a Commitment Status of Market, or Self or Reliability may be
used to satisfy this requirement.

(4)

A load-serving Market Participant’s Nn[MCB68]et Rresource Ccapacity, for an Asset Owner
for purposes of this section shall include:
(a)

Offered capacity by Resources identified in (3) above less the Operating Reserve
obligation identified in (2) above; and
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(b)

Firm Power purchases less the Firm Power sales,[JG69] except that, if the seller has
registered the buyer’s load associated with a firm power sale, such firm power sale
shall not act to increase the buyer’s net resource capacity or act to reduce the seller’s
net resource capacity.
(i)

For purposes of this Section 4.2.1.1, firm power purchases and firm power
sales shall mean sales and purchases that are deliverable with service
comparable to Firm Point-To-Point Transmission Service or Firm Network
Integration Transmission Service with the supplier assuming the obligation
to provide both capacity and energy. Additionally, firm power purchases
shall include an Asset Owner’s share of a Jointly Owned Unit to the extent
that such shares have not been registered as separate Resources either under
the JOU Individual Resource Option or the JOU Combined Resource Option
as described under Section 4.2.2.5.4.

In order to verify firm power

purchases and firm power sales, supporting documentation must be provided
to the Market Monitor upon request. Market Participants have the option to
input information regarding firm power purchases and firm power sales into
the Market Monitor website. If no information is input into this website, the
Market Monitor will contact the Market Participant for that information.
The Market Monitor will may [MCB70]confirm the firm purchase or sale with
the counterparty and will include the transacted MWs to calculate
Nn[MCB71]et Rresource Ccapacity for both purchaser and seller. If one of the
parties disputefails to confirm[MCB72] the firm purchase or sale to the Market
Monitor, then the firm purchase or sale will not be used in the calculation of
either the purchaser’s or seller’s Nn[MCB73]et Rresource Ccapacity subject to
any dispute resolution[MCB74].
(B) A Market Participant’s compliance with the must-offer obligation for an Asset Owner is as
follows:
(1)

A Market Participant that has offered all of its available Resources for an Asset Owner with
a Commitment Status of Market, Self, or O[JG75]utage Reliability for an hour of the
Operating Day is deemed to be compliant with the must-offer requirement for that Asset
Owner for that hour regardless of its maximum hourly Reported Load and/or Operating
Reserve obligation.
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(a)

A Market Participant that does not have any registered Resources for an Asset Owner
has met the must-offer requirement for that Asset Owner because it does not have any
Resources with a Commitment Status of e[JG76]ither Reliability or Not Participating
for that Asset Owner.

(2)

A Market Participant that does not meet the condition described in (B)(1) above for an
Asset Owner for an hour of the Operating Day, but has N[JG77]net Rresource Ccapacity for
that Asset Owner for that hour greater than or equal to 90% of its load for that Asset
Owner, as described in (A)(1) above, is deemed to be compliant with the must-offer
requirement for that Asset Owner for that hour.

(3)

To the extent a Market Participant does not meet the conditions for an Asset Owner
described in either Section (B)(1) and (2), the Market Participant shall be deemed
noncompliant with the must-offer requirement for that Asset Owner for that hour and will
be assessed a penalty for that Asset Owner for that hour as described in Section 4.2.1.1.1.

(4)

Resources used as the source of a GFA Carve Out must be offered, if available, with a
sufficient capacity to cover the GFA Carve Out Schedule. GFA Carve Out treatment is
only available to the extent that the Resources are offered into the DA Market using a
cCommitment Statustreatment of “Market”, or “Self.” or[JG78] Reliability. To the extent the
source is external, an Import Interchange Transaction must be submitted in the DA Market
with a sufficient capacity to cover the GFA Carve Out Schedule.

(C) The Market Monitor shall monitor a Market Participant’s load, Operating Reserve obligation,
offered Resources and Nnet Rresource Ccapacity, for an Asset Owner for each hour of the
Operating Day to determine whether the Market Participant has complied with the must offer
obligation for that Asset Owner set forth in Section 4.2.1.1 B.
4.2.1.1.1

Penalty Calculation

For each hour of the Operating Day that a Market Participant is found to be noncompliant as determined
by the conditions set forth in Sections 4.2.1.1 B, that Market Participant shall be assessed a penalty. The
penalty amount and the distribution of penalty revenues shall be determined as follows:
(1)

An Asset Owner’s penalty amount in each hour is calculated by multiplying the Asset Owner’s
Must-Offer Penalty MW by the maximum of zero or the Asset Owner’s Must-Offer Penalty
LMP for that hour.
(a) Asset Owner Must-Offer Penalty MW is equal to the minimum of (i) the Asset Owner
Shortage MW or (ii) the Asset Owner Not Offered MW;
(i)
Asset Owner Shortage MW is calculated as the difference between:
(1) 90% of the Market Participant’s load for an Asset Owner as described in
4.2.1.1A.(1); and
(2) The Market Participant’s Nnet Rresource Ccapacity for an Asset Owner as
described in 4.2.1.1 A(3).
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(ii)

(2)

4.2.6.2

Asset Owner Not Offered MW is calculated as the sum of the reference levels for
the Maximum Economic Capability Operating Limit, as determined by the
process in Section 8.2.2.7, less derate MW amounts approved and recorded in the
outage scheduler tool for the Market Participant’s Resources for that Asset Owner
with a Commitment Status of Reliability or[JG79] Not Participating.
(b) The Must-Offer Penalty LMP is calculated as the weighted average of the Day-Ahead
LMP for the Market Participant’s Resources for that Asset Owner with a Commitment
Status of Reliability or Not Participating, where the weights for the calculation are the
corresponding Not Offered MWs.
In any hour in which must-offer penalty revenues are collected, such revenues shall be
distributed to Market Participants for an Asset Owner on a pro-rata basis for that Asset Owner’s
Resources that were offered in compliance with the must-offer requirement in Section 4.2.1.1.
The pro-rata share shall be equal to the ratio of (i) each compliant Asset Owner load, as
described in 4.2.1.1 for that hour to (ii) the sum of all compliant Asset Owner loads for that
hour.
Multi-Day Reliability Assessment Analysis

Using the inputs described above, SPP performs a capacity adequacy analysis for the upcoming
Operating Day as follows:
(1)

SPP calculates an SPP system requirement for each hour of the Operating Day as the sum of (a)
Mid-Term Load Forecast, (b) Fixed Interchange Transaction Bids, (c) Regulation-Up
requirement and (d) the Contingency Reserve requirement in each hour reduced by the Wind
Resource output forecast;

(2)

SPP then calculates available Resource capacity in each hour as the sum of (a) Maximum
Emergency Capacity Operating Limit for Resources other than Long-Lead-Time Resources that
are not on an approved SPP outage as submitted as part of the Resource Offer and (b) Fixed
Import Interchange Transaction Offers;

(3)

For each hour of the Operating Day, SPP then compares the values calculated under (1) above
and (2) above. If in any hour of the Operating Day, the values calculated under (1) above exceed
the values calculated under (2) above, SPP will commit available Long-Lead-Time Resources on
an economic basis to eliminate the deficiency as follows:
(a)

For each available Long-Lead Time Resource, SPP calculates a commitment cost in
dollars that is equal to:
(i)

The sum of 1) the Resources Start-Up Offer, 2) the Resource’s No-Load Offer
multiplied by the greater of the Resource’s Minimum Run Time (in Hours) or the
number of hours the Resource would be committed ignoring the Minimum Run
Time, and 3) the Resources average cost to operate at Minimum Economic
Capacity Operating Limit, as calculated from the Resource’s Energy Offer Curve,
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multiplied by the greater of the Resource’s Minimum Run Time (in Hours) or the
number of hours the Resource would be committed ignoring the Minimum Run
Time.
(ii)

SPP then creates a merit order list starting with the least cost Resource bases upon
the commitment cost calculated in (i) above. SPP then selects Resources for
commitment in merit order until sufficient capacity is committed to relieve the
anticipated capacity shortage with the objective of minimizing the total capacity
committed to meet the anticipated shortage at the lowest overall commitment cost.

S[A80]uch manual commitments shall be selected by the SPP in a non-discriminatory manner,
which will be verified by the Market Monitor through the process described under Section
6.1.2.1 of Attachment AE to the Tariff.
(4)

4.3.2.2

SPP may also commit Resources to address Transmission System related reliability problems.
S[A81]uch manual commitments shall be selected by the SPP in a non-discriminatory manner,
which will be verified by the Market Monitor through the process described under Section
6.1.2.1 of Attachment AE to the Tariff.
Day-Ahead RUC Execution

Using the inputs described above, SPP performs a capacity adequacy analysis for the upcoming
Operating Day using the SCUC algorithm. The capacity adequacy analysis provides advisory
information to the SPP Operators.
(1)

The objective of the SCUC is to commit Resources to meet the SPP Mid-Term Load Forecast,
Export Interchange Transactions, Head-room requirements, Floor-room requirements and
Operating Reserve requirements less Import Interchange Transactions over the Operating Day
such that commitment costs are minimized while adhering to transmission system security
constraints and the resource operating parameter constraints submitted as part of the RTBM
Offers;

(2)

Commitment costs are defined as Start-Up Offer, No-Load Offer and incremental cost to operate
at minimum output as defined in the submitted Energy Offer Curve. Incremental Energy costs
above minimum output and Operating Reserve Offers are not considered by the RUC SCUC in
making commitment decisions;

(3)

The SCUC algorithm will initially consider commitment of Resources with a Commit Status of
Market or Self only including capacity up to the Resources’ Maximum Economic Capacity
Operating Limit (or Maximum Regulation Capacity Operating Limit if selected for RegulationUp and /or Regulation-Down) and down to the Resources Minimum Economic Capacity
Operating Limit (or Minimum Regulation Capacity Operating Limit if selected for RegulationDown and/or Regulation-Up).
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(a)

If this capacity plus Import Interchange Transactions is not sufficient to meet the systemwide SPP Mid-Term Load Forecast, Export Interchange Transactions, Head-room
requirements and Operating Reserve requirements, the SCUC algorithm study will, in
priority order: (1) curtail non-firm Export Interchange Transactions until the capacity
shortage is eliminated; (2) incorporate capacity up to Resources’ Maximum Emergency
Capacity Operating Limit and/or commit Resources’ with a Commit Status of Reliability
on an economic basis until the capacity shortage is eliminated while attempting to
maintain the Regulation-Up requirement to the extent possible.

(b)

If the sum of Self-Committed capacity at minimum output, Import Interchange
Transactions, the Floor-room requirement and the system-wide Regulation-Down
requirement is in excess of the sum of the SPP system-wide Mid-Term Load Forecast and
Export Interchange Transactions, the RUC SCUC algorithm study will, in priority order:
(1) curtail non-firm fixed Import Interchange Transactions until the capacity surplus is
eliminated; (2) incorporate capacity down to Resources’ Minimum Emergency Capacity
Operating Limit on an economic basis until the capacity surplus is eliminated while
attempting to maintain the Regulation-Down requirement to the extent possible; (3) decommit Resources that were committed in the DA Market with a Commit Status of
Market until the capacity surplus in eliminated; and (4) de-commit Self-Committed
Resources until the capacity surplus in eliminated.
(i)

(c)

If there is a transmission constraint within a Reserve Zone occurring
simultaneously with a Reserve Zone excess capacity event, SCUC may commit
additional Resources and/or de-commit Resources to relieve the constraints
provided that any commitment changes do not aggravate the excess capacity
situation.

To[A82] the extent that a particular Transmission System reliability issue cannot be
directly addressed within the SCUC algorithm and is not a Local Reliability Issue, SPP
may manually commit Resources, including Resources with a Commit Status of
Reliability, and de-commit Resources, including Resources with a Commit Status of Self,
to alleviate such reliability issues in accordance with its authority as Reliability
Coordinator. Such manual commitments shall be selected by the Transmission Provider
in a non-discriminatory manner, as determined by the Market Monitor through the
process described under Section 6.1.2.1 of Attachment AE to the Tariff, using the process
described under Section 4.2.6.2(3) Additionally, such manual commitments shall be
selected by the Transmission Provider such that commitment costs are minimized while
adhering to Transmission System security constraints and the Resource operating
parameter constraints submitted as part of the RTBM Offers. The Rrecovery of any
compensation paid by the Transmission Provider under Section 4.5.9.8 to such committed
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Resources shall be collected by the Transmission Provider regionally as described under
Section 4.5.9.10.
(d)

A[A83] Local Reliability Issue may arise within the operating area of a local transmission
operator. Such Local Reliability Issues may require out of merit commitment,
decommitment or dispatch instructions to be issued to one or more Resources to resolve
the Local Reliability Issue. In such cases, the Transmission Provider shall issue or the
local transmission operator shall request SPP to issue such instructions and the
Transmission Provider shall commit the most applicable Resource using the same process
it would use to manually commit a Resource without the request of a local transmission
operator. To the extent that SPP commits a Resource to address a Local Reliability Issue
at the request of a local transmission operator such Resource shall be eligible for
compensation in the same manner as any other Resource. The Rrecovery of such
compensation paid by the Transmission Provider shall be collected locally as described
under Section 4.5.9.10.

(d)

In[A84] the event that SPP issues instructions to a Resource at the request of a local
transmission operator to resolve a reliability issue other than a Local Reliability Issue
during the Day-Ahead Reliability Unit Commitment process, any commitment by the
Transmission Provider shall be based on the process set forth in Section 4.2.6.2(3). Such
manual commitments shall be selected by SPP in a non-discriminatory manner, which
will be verified by the Market Monitor through the process described under Section
6.1.2.1 of Attachment AE of the Tariff. To the extent that SPP, at the request of a local
transmission operator, manually commits a Resource to address reliability issue other
than a Local Reliability Issue, such Resource shall be eligible for compensation in the
same manner as any other Resource. Recovery of compensation for such committed
Resources received under Section 4.5.9.8 shall be collected regionally as described under
Section 4.5.9.10.
SPP[A85], the local transmission operator, and Resource owners shall develop operating
guides to be applied to manual commitments made by SPP, including such commitments
made at the request of the local transmission operator or by the local transmission
operator to relieve known and recurring Local Reliability Issues in the Day-Ahead RUC.
Such Resources will be compensated in the same manner as any other Resource. The
Rrecovery of such compensation paid by the Transmission Provider for such committed
Resourcesreceived under Section 4.5.9.8 shall be collected by the Transmission Provider
locally as described under Section 4.5.9.10.

(e)

Any curtailment of schedules, use of Reliability Status Resources or use of Emergency operating limits
by the RUC algorithms will only be advisory information to the SPP RUC Operators. Day-Ahead RUC
and Intra-Day RUC Operators will determine which of these options should be acted on and when as
described in the Day-Ahead and Intra-Day RUC Results sections.
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4.4.1.2

Intra-Day RUC Execution

Using the inputs described above, SPP performs a capacity adequacy analysis for the upcoming
Operating Day and throughout the Operating Day using a SCUC algorithm. The capacity adequacy
analysis provides advisory information to the SPP Operators.
(1)

The objective of the SCUC is to commit Resources to meet the SPP Mid-Term Load Forecast,
Export Interchange Transactions, Head-room requirements, Floor-room requirements and
Operating Reserve requirements less Import Interchange Transactions over the Operating Day
such that commitment costs are minimized while adhering to transmission system security
constraints and the resource operating parameter constraints submitted as part of the RTBM
Offers;

(2)

Commitment costs are defined as Start-Up Offer, No-Load Offer and incremental cost to operate
at minimum output as defined on the submitted Energy Offer Curve. Incremental Energy costs
above minimum output and Operating Reserve Offers are not considered by the RUC SCUC in
making commitment decisions;

(3)

The SCUC algorithm will initially consider commitment of Resources with a Commit Status of
Market or Self only including capacity up to the Resources’ Maximum Economic Capacity
Operating Limit (or Maximum Regulation Capacity Operating Limit if selected for RegulationUp and/or Regulation-Down) and down to the Resources Minimum Economic Capacity
Operating Limit (or Minimum Regulation Capacity Operating Limit if selected for RegulationDown and/or Regulation-Up).
(a)

If this capacity plus Import Interchange Transactions is not sufficient to meet the systemwide SPP Mid-Term Load Forecast, Export Interchange Transactions, Head-room
requirements and Operating Reserve requirements, the SCUC algorithm study will, in
priority order: (1) curtail non-firm Export Interchange Transactions until the capacity
shortage is eliminated; (2) incorporate capacity up to Resources’ Maximum Emergency
Capacity Operating Limit and/or commit Resources’ with a Commit Status of Reliability
on an economic basis until the capacity shortage is eliminated while attempting to
maintain the Regulation-Up requirement to the extent possible.

(b)

If the sum of Self-Committed capacity at minimum output, Import Interchange
Transactions, Floor-room requirements
and the system-wide Regulation-Down
requirement is in excess of the sum of the SPP system-wide Mid-Term Load Forecast and
Export Interchange Transactions, the SCUC algorithm study will, in priority order: (1)
curtail non-firm fixed Import Interchange Transactions until the capacity surplus is
eliminated; (2) incorporate capacity down to Resources’ Minimum Emergency Capacity
Operating Limit on an economic basis until the capacity surplus is eliminated while
attempting to maintain the Regulation-Down requirement to the extent possible; (3) decommit Resources that were committed in the DA Market with a Commit Status of
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Market until the capacity surplus is eliminated; and (4) de-commit Self-Committed
Resources that were committed following the Day-Ahead RUC process until the capacity
surplus is eliminated.
(i)

If there is a transmission constraint within a Reserve Zone occurring
simultaneously with a Reserve Zone excess capacity event, RUC may commit
additional Resources to relieve the constraints provided that the additional
commitment does not aggravate the excess capacity situation.

(c)

To[MCB86] the extent that a particular reliability issue impacting only the Transmission
System cannot be directly addressed within the SCUC algorithm and is not a Local
Reliability Issue, SPP may manually commit Resources, including Resources with a
Commit Status of Reliability, and de-commit Resources, including Resources with a
Commit Status of Self, to alleviate such Transmission System reliability issues. Such
manual commitments shall be selected in a non-discriminatory manner, as determined by
the Market Monitor through the process described under Section 6.1.2.1 of Attachment
AE to the Tariff., using the process described under Section 4.2.6.2 Additionally, such
manual commitments shall be selected by the Transmission Provider such that
commitment costs are minimized while adhering to Transmission System security
constraints and the Resource operating parameter constraints submitted as part of the
RTBM Offers. The Rrecovery of the compensation paid by the Transmission Provider
for such committed Resources received under Section 4.5.9.8 shall be collected by the
Transmission Provider regionally as described under Section 4.5.9.10.

(d)

A[MCB87] Local Reliability Issue may arise that may require out of merit commitment,
decommitment or dispatch instructions to be issued by the Transmission Provider to one
or more Resources to resolve the Local Reliability Issue. Time permitting, the local
transmission operator shall request SPP to issue such instructions and any commitment
by SPP shall be based on the process set forth in Section 4.2.6.2(3). Such manual
commitments shall be selected by SPP in a non-discriminatory manner, which will be
verified by the Market Monitor through the process described under Section 6.1.2.1 of
Attachment AE to the Tariff. To the extent SPP issues instructions to a Resource at the
request of a local transmission operator to resolve a Local Reliability Issue, the Resource
shall be eligible for compensation in the same manner as any other Resource. The
Rrecovery of the compensation paid by the Transmission Provider for such committed
Resources received under Section 4.5.9.8 shall be collected by the Transmission Provider
locally as described under Section 4.5.9.10. To the extent time does not permit, the local
transmission operator may issue such instructions to the Resource in accordance with its
authorities as a reliability entity if the Local Reliability Issue is a Local Emergency
Condition. In such cases, the following shall take place:
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(i)

If initial instructions are issued by a local transmission operator, the Transmission
Operator shall notify SPP of the instructions given to the Resource.

(ii)

The Transmission Operator and SPP will coordinate to ensure subsequent
instructions are provided by SPP.

(iii) SPP shall log such instructions as manual commitment, decommitment or Out-ofMerit Dispatch instruction, as appropriate, as if it gave such instruction to the
Resource.
(iv) The Resource shall be eligible to receive the compensation for such instructions in
the same manner as if it had been committed by SPP, except that, if the Market
Monitor determines that the Resource was selected in a discriminatory manner
and the Resource was an affiliated Resource, such Resource shall not be eligible
to receive compensation under Section 4.5.9.8. For purposes of making such
determination by the Market Monitor, the standards and procedures applicable to
Resource selection in the Intra-Day Reliability Unit Commitment process as
described in Section 6.1.2.1 of Attachment AE to the Tariff, shall apply.
Recovery of any compensation shall be collected by the Transmission Provider
locally as described under Section 4.5.9.10.
(v)

(e)

SPP, the local transmission operator, and Resource owners shall develop
operating guides to be applied to manual commitments made by SPP including
such commitments made at the request of the local transmission operator or
manual commitments made by the local transmission operator during a Local
Emergency Condition to relieve known and recurring Local Reliability Issues in
the Intra-Day RUC. Such Resources will be compensated in the same manner as
any other Resource. The Rrecovery of such the compensation paid by the
Transmission Provider received under Section 4.5.9.8 shall be collected by the
Transmission Provider locally as described under Section 4.5.9.10.

In[MCB88] the event that SPP commits a Resource at the request of a local transmission
operator to resolve an issue other than a Local Reliability Issue, any commitment by SPP
shall be based on the process set forth in Section 4.2.6.2(3). Such manual commitments
shall be selected by SPP in a non-discriminatory manner, which will be verified by the
Market Monitor through the process described under Section 6.1.2.1 of Attachment AE to
the Tariff. To the extent that SPP, at the request of a local transmission operator,
manually commits a Resource to address reliability issue other than a Local Reliability
Issue, such Resource shall be eligible for compensation in the same manner as any other
Resource. Recovery of compensation for such committed Resources received under
Section 4.5.9.8 shall be collected regionally as described under Section 4.5.9.10.
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4.4.2.5

Out-of-Merit Energy (OOME) Dispatch

SPP may issue reliability directives via a Manual Dispatch Instruction to any on-line Resource to resolve
a reliability issue the market system cannot resolve (referred to in the system as OOME, or out-of-merit
energy) or to resolve an Emergency Condition. In addition, a local transmission operator may request
SPP to issue OOME dispatch directives to applicable on-line Resources to resolve a reliability issue or
may issue OOME dispatch directives directly to resolve a Local Emergency Condition. Time
permitting, OOME dispatch directives will be issued by SPP. In such an event, a Resource will receive
Setpoint Instructions via ICCP (and XML as backup) from SPP that include a Manual Dispatch
Instruction for the duration of the reliability directive or may receive a Manual Dispatch Instruction
directly from a local transmission operator. The Manual Dispatch Instructions will specify the MW
level the Resource is expected to produce until such time as the constraint can be resolved by SCED
through the RTBM. Such MW levels may include (i) dispatch below a Resource’s Minimum Economic
Capacity Operating Limit down to Minimum Normal Capacity Operating Limit or Minimum Emergency
Capacity Operating Limit as system conditions warrant or (ii) dispatch above a Resource’s Maximum
Economic Capacity Operating Limit up to Maximum Normal Capacity Operating Limit or Maximum
Emergency Capacity Operating Limit as system conditions warrant. While the OOME instruction is
active, the resource minimum and maximum limits will be treated as though they are equal to the
OOME instruction. The resource will not be eligible to clear reserve products during an OOME event.
SPP will make every effort to define and activate the appropriate constraint.
(1)

(2)

When an OOME event occurs relating to a Local Emergency Condition, the local transmission
operator may, when necessary, issue Manual Dispatch instructions directly to the affected
Resource(s) and will notify SPP that it has done so, and SPP will ensure that the following
occurs:
(a)

Notifications are immediately issued that an OOME has been initiated and the MW level
the resource is supposed to produce;

(b)

Setpoint Instructions and Economic/Emergency Minimum and Economic/Emergency
Maximum Limits for the current dispatch interval are immediately adjusted to the OOME
MW level that has been issued;

(c)

Setpoint Instructions for future intervals and Economic/Emergency Minimum and
Economic/Emergency Maximum limits not yet dispatched will be set to the OOME MW
level that has been issued; and

(d)

SPP notifies the Market Participant when the OOME event had ended;

To the extent that the OOME was initiated directly by a local transmission operator to address a
Local Emergency Condition, Market Participants shall be compensated for such OOME events
in accordance with Section 4.5.9.9 as if they had been issued a Manual Dispatch Instruction by
SPP; except that if the Market Monitor determines that the Resource selected pursuant to Section
4.4.2.5(1) was selected by the local transmission operator in a discriminatory manner and the
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Resource was affiliated with the local transmission operator, such Resource shall not be eligible
for compensation under Section 4.5.9.9. Such determination shall be made using the same
standards and procedures prescribed for Resource selection in the Intra-Day Reliability Unit
Commitment process, as set forth in Section 6.1.2.1 of Attachment AE to the Tariff. Recovery
of any compensation shall be collected locally as described under Section 4.5.9.9.
(3) To[A89] the extent that the OOME was initiated by SPP at the request of a local transmission
operator to address a reliability issue other than a Local Emergency Condition, such Resources
issued Manual Dispatch Instructions shall be selected by SPP in a non-discriminatory manner,
which will be verified by the Market Monitor through the process described under Section
6.1.2.1 of Attachment AE to the Tariff. In such event, Market Participants shall be compensated
for OOME events in accordance with Section 4.5.9.9. Recovery of such compensation shall be
collected regionally as described under Section 4.5.9.9.
(4) T[A90]o the extent that the OOME was initiated by the Transmission Provider at the request of a
local transmission operator to address a Local Emergency ConditionReliability Issue, such
Resources issued Manual Dispatch Instructions shall be selected by SPP in a non-discriminatory
manner, which will be verified by the Market Monitor through the process described under
Section 6.1.2.1 of Attachment AE to the Tariff. In such event, Market Participants shall be
compensated for such OOME events in accordance with Section 4.5.9.9. The Rrecovery of such
the compensation paid by the Transmission Provider shall be collected by the Transmission
Provider locally as described under Section 4.5.9.9.
(5) To[A91] the extent that the OOME was initiated by the Transmission Provider to address
Emergency Conditions or a reliability issue that the market systems could not resolve, such
Resources issued Manual Dispatch Instructions shall be selected by SPP in a non-discriminatory
manner, which will be verified by the Market Monitor through the process described under
Section 6.1.2.1 of Attachment AE to the Tariff. Recovery of compensation for Resources
directly issued Manual Dispatch Instructions by SPP that are received under Section 4.5.9.9 of
this Attachment AE shall be collected regionally under Section 4.5.12.
(6) S[A92]PP, the local transmission operator, and affected Resource owners shall develop operating
guides to be applied to OOMEs made by SPP including such commitments made at the request
of the local transmission operator to relieve known and recurring Local Reliability Issues or by
the local transmission operator to relieve known and recurring Local Emergency Conditions.
Such Resources will be compensated in the same manner as any other Resource that is issued
OOME directives. The Rrecovery of such the compensation paid by the Transmission Provider
received under Section 4.5.9.9 shall be collected by the Transmission Provider locally as
described under Section 4.5.9.9.
In addition to the actions listed above, if the OOME event is issued to resolve an Emergency Condition,
SPP will declare the Emergency Condition as soon as possible, post it on the SPP OASIS, and displace
manual dispatch with a market solution as soon as possible consistent with system safety and reliability.
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4.5.3

Bilateral Settlement Schedules

Market Participants may create Bilateral Settlement Schedules for Energy and Operating Reserve
obligation by registering and confirming the parameters of the agreement between buyer and seller such
as the Schedule ID, Settlement Location, Reserve Zone, maximum allowable hourly quantity, market
product, submitting party, auto-confirmation option and the effective & termination dates. Once this
“header” information is validated and entered into the system by SPP, hourly quantities submitted
reference the Schedule ID in order to be associated with all the parameters required for settlement
calculations. In the event that either party no longer consents to participate in the Bilateral Settlement
Schedule, the “header” information may be ended in advance of the original termination date effectively
preventing further submittal of hourly quantities. In addition, if SPP encounters recurring settlement
dispute activity relating to the use of the auto-confirmation option, SPP may remove that option from the
header information for that Bilateral Settlement Schedule.
Market Participants may submit Bilateral Settlement Schedule quantities for Energy and Operating
Reserve obligation up to four (4) days following the applicable Operating Day for the Initial settlement.
New submittals and revisions to previously submitted values may be submitted up to 44 days following
the applicable Operating Day to be included in the Final settlement. The submittal timeline is subject to
acceleration around holidays (see Section 4.5.14). Auto-confirmation applies to only the first submittal
per Operating Day and must occur prior to the cutoff for the Initial settlement. Submittals 1) for
agreements not using the auto-confirmation option, 2) beyond the cutoff date for the Initial settlement or
3) which update previous submittals must all be explicitly confirmed by the submitting party and
counterparty except when the Bilateral Settlement Schedule is associated with an existing bilateral
agreement under Section 4.5.3.1[A93]. Submittals not confirmed by both parties will not be included in
any settlement execution.
Transactions related to Bilateral Settlement Schedules for Energy must specify the Settlement Location,
the MW amount, the buyer, the seller and which market it applies to (DA Market or RTBM) and must
be for the physical transfer of Energy with title of the energy transferring from the seller to the buyer at
the Settlement Location specified for the transaction. Market Participants that submit Bilateral
Settlement Schedules for Energy shall use reasonable efforts to limit megawatt hours of such
transactions to amounts reflecting the expected load and other physical obligations of the buyer under
the bilateral contract. The seller receives an increase in load obligation equal to the specified MW
amount and the buyer receives a reduction in load obligation equal to the specified MW amount (the
equivalent of a Resource settlement) at the specified Settlement Location.
Transactions related to Bilateral Settlement Schedules for Operating Reserve obligation must specify the
buyer, the seller, the Operating Reserve product, the MW obligation transfer and the Reserve Zone
within which the obligation transfer applies and must be for the physical transfer of energy associated
with the Operating Reserve product with title of the Operating Reserve product transferring from the
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seller to the buyer at the Reserve Zone specified for the transaction (Operating Reserve Bilateral
Settlement Schedules only apply to Day-Ahead Market cost allocation). The seller receives an increase
in Operating Reserve obligation equal to the specified MW and the buyer receives a corresponding
decrease in Operating Reserve obligation within the specified Reserve Zone.
4.5.3.1

Transition Mechanism for Pre-Existing Bilateral Contracts

To the extent that Market Participants are parties to bilateral contracts entered into prior to March 1,
2014 the start of the Integrated Marketplace[A94], the rules specified under Section 8.2.1 of Attachment
AE to the Tariff shall apply regarding submittal of Bilateral Settlement Schedules that are associated
with such bilateral contracts.
4.5.9.9

Real-Time Out-Of-Merit Amount

(1) An[MCB95] RTBM credit or charge 1 will be made to each Market Participant with a Resource that
passes a primary Contingency Reserve deployment test as described under Section 6.1.11.1(3)(b)(i)
and/or otherwise receives a Manual Dispatch Instruction from SPP or a local transmission operator
that creates a cost to the Asset Owner or that adversely impacts the Asset Owner’s DA Market
position and/or if a Market Participant must buy back its DA Market position for any Operating
Reserve product at a RTBM MCP that is greater than that product’s DA Market MCP. Resources
issued Manual Dispatch Instructions by or at the request of a local transmission operator in order to
solve a Local Emergency Condition or a Local Reliability Issue are eligible for out-of-merit credits
as defined in this Section unless selection of the Resource by the local transmission operator was
performed in a discriminatory manner as determined by the MMU and the Resource was an
affiliated Resource; however, a manual process is employed for the calculation of the out-of-merit
credits and they will appear in the Miscellaneous Amount charge type defined in Section 4.5.11.
The cost allocation of out-of-merit credits associated with Manual Dispatch Instructions issued by or
at the request of a local transmission operator to address a Local Emergency Condition will be
determined hourly by multiplying an Asset Owner’s RTBM actual load in the impacted Settlement
Area by a rate determined by the dividing the daily sum of all out-of-merit credits applicable to the
associated with Local Emergency Conditions in theimpacted Settlement Area by the daily sum of all
Asset Owners’ RTBM actual load in the impacted Settlement Area. A manual process is also
employed for these calculations and the charges will appear in the Miscellaneous Amount charge
type defined in Section 4.5.11. Out-of-merit credits associated with Manual Dispatch Instructions
issued directly by SPP or at the request of a local transmission operator to address an Emergency
Condition reliability issue other than a Local Reliability Issue[A96] will be recovered under Section
4.5.12. The amount will be calculated on a Dispatch Interval basis under the following conditions:

1

Note that this charge type will almost always produce a credit. The charge is included here for the rare occasion when a
charge may be produced as a result of a data error and/or a resettlement.
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(a)

If the Manual Dispatch Instruction is for Energy in the up direction and the Energy Offer
Curve cost associated with the Out-Of-Merit-Energy (OOME) MW is greater than the
RTBM LMP, the Asset Owner will receive a credit equal to the difference multiplied by
the OOME MW. The OOME MW is calculated as Max (0, or the difference between (i)
the absolute value of the actual Resource output and (ii) the Resource’s Desired
Dispatch). To the extent that the absolute value of actual Resource output exceeds the
Resource’s Manual Dispatch Instruction, a manual adjustment shall be performed to the
OOME MW to ensure that the OOME MW is equal to Max (0, or the difference between
(i) the lesser of the absolute value of actual Resource output or the Resource’s Manual
Dispatch Instruction and (ii) the Resource’s Desired Dispatch;

(b)

If the Manual Dispatch Instruction is for Energy in the down direction, including a
Resource de-commitment and the RTBM LMP is greater than the DA Market LMP, the
Asset Owner will receive a credit for the difference multiplied by the OOME MW. The
OOME MW is calculated as Max (0, or the difference between the absolute value of the
Resource’s DA Market cleared Energy MW and the absolute value of the actual Resource
output). To the extent that the absolute value of actual Resource output is less than the
Resource’s Manual Dispatch Instruction, a manual adjustment shall be performed to the
OOME MW to ensure that the OOME MW is equal to Max (0, or the difference between
(i) the absolute value of the Resource’s DA Market cleared Energy MW and (ii) the
greater of the absolute value of actual Resource output or the Resource’s Manual
Dispatch Instruction; and/or

(c)

If the Manual Dispatch Instruction or a Resource de-commitment instruction, causes the
RTBM cleared amount of an Operating Reserve product to be less than the DA Market
cleared amount of the corresponding Operating Reserve product and the RTBM MCP is
greater than the DA Market MCP, the Asset Owner will receive a credit for the difference
multiplied by the Out-Of-Merit-Operating Reserve (OOMOR) MW. The OOMOR MW
is calculated as Max (0, or the difference between the Resource’s DA Market cleared
Operating Reserve MW and the Resource’s RTBM cleared Operating Reserve MW).

The settlement system is designed to flag conditions where manual adjustments are necessary to ensure
that payments are limited to under-recovery. When they are identified, the Asset Owner will receive
both a credit in the Real-Time Out-Of-Merit charge type and the adjustment charge in the Miscellaneous
charge type. To the extent that additional costs are incurred as a direct result of a Manual Dispatch
Instruction through the compensation mechanisms described above, Market Participants may request
additional compensation through submittal of actual cost documentation to SPP. SPP will review the
submitted documentation and confirm that the submitted information is sufficient to document actual
costs and that all or a portion of the actual costs are eligible for recovery.
The amount to each Asset Owner (AO) for each eligible Resource Settlement Location for each
Dispatch Interval is calculated as follows:
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4.5.9.10

RUC Make-Whole-Payment Distribution Amount

(1) An RTBM system-wide charge or credit 2 will be calculated at each Settlement Location for each
Asset Owner for each hour in order to fund the payments made under Section 4.5.9.8 to Resources
committed by SPP, either directly or at the request of a local Transmission Operator to resolve a
regional reliability issue. This system-wide amount will be determined by multiplying the systemwide Asset Owner deviations by a daily system-wide RTBM MWP rate. Additionally, a local
charge will be calculated for Asset Owners within each Settlement Area in order to fund the
payments made under Section 4.5.9.8 to Resources committed by SPP at the request of a local
transmission operator or committed by a local transmission operator to solve a Local Reliability
Issue or committed by a local transmission operator to address a Local Emergency Condition[A97].
The local hourly amount will be determined by multiplying an Asset Owner’s RTBM actual load in
the Settlement Area by a rate determined by dividing (i) the daily sum of all RUC make-wholepayments made under Section 4.5.9.8 to Resources committed to address a Local Reliability Issue or
Local Emergency Condition in the i[A98]mpacted Settlement Area by (ii) the daily sum of all Asset
Owners’ RTBM actual load in the impacted Settlement Area. A manual process is employed for the
calculations and the charges will appear in the Miscellaneous Amount charge type defined in Section
4.5.11.

5.1.1

Transmission Service Verification

In order for Eligible Entities to obtain candidate ARRs, SPP must first verify existing transmission
service entitlements, including transmission service entitlements which have been renewed in
accordance with rollover rights since their initial term. In order to qualify for candidate ARRs in a
particular month and/or season, an Eligible Entity’s transmission service must span the entire monthly or
seasonal period within the applicable year. For Transmission Service with rollover rights whose
deadline for providing notice of rollover occurs after the annual ARR verification but before June 1, the
Transmission Provider shall assume that the rollover will occur and shall consider the Transmission
Service entitlement to span the entire allocation year,[A99] provided, however, that, if rollover rights for
such Transmission Service are not exercised by the applicable deadline, any ARRs associated with such
Transmission Service shall revert to the Transmission Provider effective on the date such Transmission
Service terminates. SPP will verify Eligible Entity existing transmission service entitlements as follows:
(1)

For Eligible Entities taking Network Integration Transmission Service (NITS) and/or Firm PointTo-Point Transmission Service (FPTP) under the SPP Tariff:
(a)

SPP will obtain source, sink and Reserved Capacity information from the SPP OASIS for
each monthly and seasonal period for the applicable year in which the transmission
service spans the entire period, or would if or when rolled over;

2

Note that this charge type will almost always produce a charge. The credit is included here for the rare occasion when a
credit may be produced as a result of a data error and/or a resettlement.
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(2)

(3)

(b)

For a TSR with a source inside the SPP Market that is not a specific Resource or
Resource Hub, the load Settlement Location that most closely corresponds to the source
on the reservation will be utilized as the source for candidate ARRs. Eligible Entities
may create Resource specific TSRs that represent their current TSRs using the process
described under Section 5.1.1.1;

(c)

For a TSR with a source outside of the SPP Market, the interface associated with the
Balancing Authority of the source will be utilized as the source;

(d)

SPP will provide this information to each Eligible Entity for verification;

(e)

Eligible Entities will notify SPP within two (2) weeks following receipt of this
information identifying and correcting inaccurate data. Otherwise, the SPP provided data
will be considered verified.

For Eligible Entities taking GFA service without Carve Out treatment:
(a)

If the transmission customer under the GFA desires to nominate ARRs associated with
the GFA sources and sinks identified in the Grandfathered Agreement, the GFA Parties
must register such GFA with SPP and provide sources, sinks and reserved capacity
information. SPP will obtain source, sink and reservation capacity information from the
GFA registration for each monthly and seasonal period for the applicable year in which
the transmission service spans the entire period;

(b)

For a GFA with a source inside the SPP Market that is not a specific Resource or
Resource Hub, the load Settlement Location that most closely corresponds to the source
on the reservation will be utilized as the source for candidate ARRs;

(c)

For a GFA with a source outside of the SPP Market, the interface associated with the
Balancing Authority of the source will be utilized as the source for candidate ARRs;

(d)

For a GFA with a sink outside of the SPP Market, the interface associated with the
Balancing Authority of the sink will be utilized as the sink;

(e)

In addition, the parties to the GFA must agree that the transmission customer under the
GFA is eligible to nominate the ARRs associated with the GFA and both parties must
confirm such with SPP. To the extent that the transmission service specified in the GFA
is identified as the equivalent of SPP NITS, the transmission customer under the GFA
must provide the historical non-coincident peak loads (“GFA Annual Peak Load”) being
served under the GFA for the previous three years.

For entities that have been granted GFA Carve Out treatment:
(a)

GFAs with GFA Carve Out treatment are not eligible for candidate ARRs;

(b)

The parties to the GFA must register the GFA with SPP, identify the GFA Responsible
Entity, and provide source, sink and reserved capacity information. SPP will obtain
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source, sink and reserved capacity information from the GFA registration for each
monthly and seasonal period for the applicable year in which the transmission service
spans the entire period;
(c)

To the extent that the transmission service specified in the GFA Carve Out is identified as
the equivalent of SPP NITS, the transmission customer under the GFA must provide the
historical non-coincident annual peak loads (“GFA Annual Peak Load”) being served
under the GFA for the previous three years.

6.2.8 Load Transfers Relating to Bilateral Contracts
A Market Participant that is selling firm power to another Market Participant under a bilateral contract
may, with the agreement of the buyer, register all or a portion of the buyer’s load as its load asset as
described under Section 2.2(11) of Attachment AE to the Tariff. For[A100] the purposes of Section
4.2.1.1, such registration of the buyer’s load by the seller shall be accounted for by including such load
in the seller’s Reported Load and not including such load in the buyer’s Reported Load, as described
under Section 4.2.1.1(A)(1), and such associated bilateral contracts shall not be included in either the
buyer’s or seller’s net resource capacity described under Section 4.2.1.1(A)(4).
8.2.2.3

Mitigation Measures for Energy Offer Curves

(1)

Mitigated energy offer curves shall be submitted on a daily basis by the Market Participant in
accordance with the Mitigated Offer Development Guidelines. The mitigated energy offer curve
may be updated up to 1100 hours on the day before the Operating Day for use in the DA Market.
In the case a Resource is not committed by the DA Market, the mitigated energy offer curve may
be updated until the Day-Ahead RUC process begins. For Resources committed by the DA
Market, the mitigated energy offer curve submitted as of 1100 hours on the day before the
Operating Day will apply to the DA Market on the day before the Operating Day and the RTBM
on the Operating day; for all other Resources the mitigated energy offer submitted at the time the
Day-Ahead RUC process begins will apply to the Day-Ahead RUC process on the day before the
Operating Day, and the Intra-Day RUC processes and the RTBM on the Operating Day.

(2)

The Energy Offer Curve conduct thresholds are as follows:
(a)

For Resources with local market power as described in Section 8.2.2.6(4), the threshold is
a 10% increase above the Mitigated Energy Offer Curve;

(b)

For Resources located in a Frequently Constrained Area and not subject to the threshold
in Section 8.2.2.3(1), the threshold is a 17.5% increase above the Mitigated Energy Offer
Curve.

(c)

For all other Resources the threshold is a 25% increase above the Mitigated Energy Offer
Curve.
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(3)

The Transmission Provider shall apply mitigation measures by replacing the Energy Offer Curve
with the Mitigated Energy Offer Curve if:
(a)
(b)
(c)

The Resource’s Energy Offer Curve exceeds the Mitigated Energy Offer Curve by the
applicable conduct threshold; and
The Resource has local market power as determined in Section 8.2.2.6; and
The Resource either:
(i)
Fails the Market Impact Test as described in Section 8.2.2.8, or
(ii)
Has local market power as described in Section 8.2.2.6(4).

An Energy Offer below $25/MWh will not be subject to mitigation measures for economic
withholding.
(4)

The Mitigated Energy Offer Curve shall be the resource’s short-run marginal cost of producing
energy as determined by the unit’s heat rate, fuel costs and the costs related to fuel usage, such as
transportation and emissions costs (“total fuel related costs”), and variable operations and
maintenance costs (VOM) as detailed in the Mitigated Offer Development Guidelines. The
formula for Mitigated Energy Offer Curves can be found in Appendix G Section 2.5.

(6)

Opportunity costs may be reflected in the total fuel related costs and/or the VOM under the
following circumstances:

(7)

(a)
Externally imposed environmental run-hour restrictions; or
(b)
Physical equipment limitations on the number of starts or run-hours; or
(c)
Fuel supply limitations.
The Market Participant shall submit heat rates and the methods for determining fuel costs, fuel
related costs including emissions costs, opportunity costs, and variable operation and
maintenance costs to the Market Monitoring Unit.

The information will be sufficient for

replication of the Mitigated Energy Offer Curve. and[MCB101] shall include, among other data, the
following information:
(a)

For fuel costs, Market Participants shall provide the Market Monitoring Unit with
an explanation of the Market Participants’ fuel cost policy, indicating whether
fuel purchases are subject to a fixed contract price and/or spot pricing and
specifying the contract price and/or referenced spot market prices. Any included
fuel transportation and handling costs must be short-run marginal costs only,
exclusive of fixed costs.

(b)

For emissions costs, Market Participants shall report the emissions rate of each of
their units and indicate the applicable emissions allowance cost.
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(c)

For VOM costs, Market Participants shall submit VOM costs, calculated in
adherence with the Appendix G of the Market Protocols, reflecting short-run
marginal costs, exclusive of fixed costs.

Further details associated with the development and validation of these costs are included in
SPP’s Mitigated Offer Development Guidelines.
(8)

For Demand Response Resources with behind the meter generation the Mitigated Energy Offer
Curve shall be developed in the same manner, described above, as any other generating
Resource. For load response Demand Response Resources, the mitigated Energy Offer Curve
shall reflect the quantifiable opportunity costs associated with the reduction, net of related
offsetting increases in usage.

(9)

For Dispatchable[A102] Variable Energy Resources, the mitigated Energy Offer Curve may
include, but shall not exceed, any quantifiable costs that vary by MWh output, including shortrun incremental VOM. Mitigation[A103] will not apply to Non-Dispatchable Variable Energy
Resources in the Real-Time Balancing Market; monitoring for Energy Offers for NonDispatchable Variable Energy Resources will occur.

(10)

Intra-day changes to the Mitigated Energy Offer Curve are allowed under the following
conditions:
(a)

(b)

The Market Participant incurs higher fuel procurement costs due to a request by the
Transmission Provider for a Resource to remain online past the scheduled commitment
period by the DA Market or a RUC process; or
A Resource must switch fuels due to unforeseen operating conditions;

Intra-day changes to the Mitigation Energy Offer Curve must follow the Mitigated Offer
Development Guidelines and will be validated by the Market Monitor.
(11)

8.2.2.4
(1)

[A104]In all cases under this Section 8.2.2.3, cost data submitted for the development of
mitigated offers, including additional opportunity cost data, shall be subject to the confidentiality
provisions set forth in Section 11 of Attachment AE to the Tariff.
Mitigation Measures for Start-Up and No-Load Offers
A Mitigated Start-up Offer and a Mitigated No-load Offer shall be submitted daily by the Market
Participant in accordance with the Mitigated Offer Development Guidelines. The Mitigated
Start-up and No-load Offers may be updated up to 1100 hours on the day before the Operating
Day for use in the DA Market. In the case a Resource in not committed by the DA Market, the
Mitigated Start-up and No-load Offers may be updated until the Day-Ahead RUC process
begins. The Mitigated Start-up and No-load Offers submitted at the time the Day-Ahead RUC
process begins will apply to the Day-Ahead RUC process on the day before the Operating Day
and the Intra-Day RUC processes on the Operating Day.
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(2)

The Start-Up and No-Load Offer conduct thresholds are as follows:
(a)

For Resources with local market power as described in Section 8.2.2.6(4), the threshold is
a 10% increase above the mitigated offer for the applicable offer;

(b)

For all other Resources the threshold is a 25% increase above the mitigated offer for the
applicable offer.

(3)

The Transmission Provider shall apply mitigation measures by replacing the Start-Up or NoLoad Offer with the applicable Mitigated Start-up or mitigated No-load Offer if:
(a)
(b)
(c)

The Resource’s Start-Up or No-Load Offer exceeds the mitigated offer by the applicable
threshold; and
The Resource has local market power as determined in Section 8.2.2.6; and
The Resource fails the Market Impact Test as described in Section 8.2.2.8, or the
Resource has local market power as described in Section 8.2.2.6(4).

(4)

The mitigated Start-Up Offer shall represent the cost per start as determined from start fuel usage
and the costs related to that fuel usage, electrical costs (station service), maintenance costs
attributed to starts, and additional labor costs, if required above normal station manning levels.
The formula for mitigated Start-Up Offers can be found in Appendix G Section 2.6.:

(5)

The mitigated Start-Up Offer for Demand Response resources shall be the cost to shut down or
curtail load for a given period, which does not vary with output, or the start cost of a behind the
meter generator.

(6)

The mitigated Start-Up Offer for Variable Energy Resources shall be zero.[MCB105]

(7)

The mitigated No-Load Offer shall be the hourly fixed cost required to create a monotonically
increasing mitigated Energy Offer Curve. It shall be calculated according to either of two
methods found in Appendix G Section 2.7 which are No-Load Fuel Approach and No-Load Cost
Approach.

(8)

The Mitigated No-Load Offer for behind the meter Demand Response resources shall adhere to
the same definition above as a generating Resource. For load response Demand Response
Resources, the Mitigated No-Load Offer shall not exceed the quantifiable ongoing hourly costs
associated with manufacturing process changes associated with a reduction in load consumption.

(9)

The mitigated No-Load Offer for Variable Energy Resources shall be zero.[MCB106]

(10)

The Market Participant shall submit documentation of the method for calculating mitigated StartUp and mitigated No-Load Offers that is adequate to permit the MMU to verify submitted offers.
Further details associated with the development of these costs are included in SPP’s Mitigated
Offer Development Guidelines.
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(11)

In[MCB107] all cases under this Section 8.2.2.4, cost data submitted for the development of
mitigated offers, including additional opportunity cost data, shall be subject to the confidentiality
provisions set forth in Section 11 of Attachment AE to the Tariff.

8.2.2.5

Mitigation Measures for Operating Reserve Offers

(1)

A mitigated offer for each Operating Reserve product shall be submitted daily by the Market
Participant in accordance with the Mitigated Offer Development Guidelines. The mitigated
operating reserve offers may be updated up to 1100 hours on the day before the Operating Day
for use in the DA Market. In the case a Resource is not committed by the DA Market, the
mitigated operating reserve offers may be updated until the Day-Ahead RUC process begins. For
Resources committed by the DA Market, the mitigated operating reserve offers submitted as of
1100 hours on the day before the Operating Day will apply to the DA Market on the day before
the Operating Day and the RTBM on the Operating Day; for all other Resources, the mitigated
operating reserve offers submitted at the time the Day-Ahead RUC process begins will apply to
the RTBM on the Operating Day.

(2)

The offer conduct thresholds for each of the Operating Reserve products are as follows:
(a)

For Resources with local market power as described in Section 8.2.2.6(4), the threshold is
a 10% increase above the mitigated offer for the applicable Operating Reserve Offer;

(b)

For all other Resources the threshold is a 25% increase above the mitigated offer for the
applicable Operating Reserve Offer.

(3)

Any Operating Reserve Offer exceeding the applicable threshold, except offers below $10/MW,
will be deemed excessive.

(4)

The Transmission Provider shall apply mitigation measures by replacing the relevant Operating
Reserve Offer with the applicable mitigated operating reserve offer if:
(a)
(b)
(c)

(5)

The Resource’s Operating Reserve Offer exceeds the mitigated offer by the applicable
conduct threshold and;
The Resource has local market power as determined in Section 8.2.2.6; and
The Resource either:
(i)
Fails the Market Impact Test as described in Section 8.2.2.8, or
(ii)
Has local market power as described in Section 8.2.2.6(4).

The mitigated Spinning Reserve Offer shall be equal to zero for Resources other than CTs and
Hydro Resource with synchronous condenser capability. No known incremental costs are
incurred for providing Spinning Reserves from other resource types. Mitigated Spinning
Reserve Offers for CTs and Hydro Resources with synchronous condenser capability are
calculated as described in Appendix G, Sections 6 and 7.
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(6)

The mitigated Supplemental Reserve Offer shall not exceed any fuel related costs and labor costs
necessary for the unit to be prepared for deployment. The formula for mitigated Supplemental
Reserve Offer can be found in Appendix G Section 2.9.

(7)

The mitigated Regulation-Up Offer and Regulation-Down Offer shall not exceed the sum of the
cost increase due to:
(a)

The heat rate increase during non-steady state operation;

(b)

The cost increase in variable operations and maintenance costs due to non-steady state
operation; and

(c)

Uncompensated costs

The formula for mitigated Regulation-Up and Regulation-Down Offers can be found in
Appendix G Section 2.10
The mitigated Regulation-Down Offer shall not exceed the sum of the cost increase due to:
The heat rate increase during non-steady state operation;
The cost increase in variable operations and maintenance costs due to non-steady state operation;
and
Uncompensated costs limit:
(8)

Further details associated with the development of the exact costs specified in the formulas
above are included in Appendix GSPP’s Mitigated Offer Development Guidelines.

(9)

T[A108]he Market Participant may include in the calculation of its mitigated Operating Reserve
Offer an amount reflecting the Resource-specific opportunity costs if the Market Participant is
able to demonstrate to the satisfaction of the SPP Market Monitoring Unit that such costs are
legitimate and verifiable and not otherwise included in market outcomes. To the extent such
costs include run-time restrictions, such run-time restrictions shall be updated at least
weekly[MCB109] with more frequent updating to occur the fewer hours that remain available. The
formulas and instructions in the price forecast model for any such opportunity costs shall be
determined by the SPP Market Monitoring Unit and published in Appendix G as part of the
Mitigated Offer Development Guidelines, updated, as needed, by the SPP Market Monitoring
Unit. Opportunity costs for mitigated Operating Reserve Offers shall not include Energy and
Operating Reserve Markets revenues associated with forgone Energy or other types of Operating
Reserve production to the extent that such costs are included in market outcomes.

(10)

[A110]All

cost data and cost calculation descriptions are subject to the review and approval of the
SPP Market Monitoring Unit to ensure reasonableness and consistency across Market
Participants. The information will be sufficient for replication of the mitigated Operating
Reserve Offers and shall include, among other data, the following information:
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(a)

For fuel costs, Market Participants shall provide the Market Monitoring Unit with an
explanation of the Market Participants’ fuel cost policy, indicating whether fuel
purchases are subject to a fixed contract price and/or spot pricing and specifying the
contract price and/or referenced spot market prices. Any included fuel transportation and
handling costs must be short-run marginal costs only, exclusive of fixed costs.

(b)

For emissions costs, Market Participants shall report the emissions rate of each of their
units and indicate the applicable emissions allowance cost.

(c)

For VOM costs, Market Participants shall submit VOM costs, calculated in adherence
with the Appendix G of the Market Protocols, reflecting short-run marginal costs,
exclusive of fixed costs.

(11)

In[MCB111] all cases under this Section 8.2.2.5, cost data submitted for the development of
mitigated offers, including additional opportunity cost data, shall be subject to the
confidentiality provisions set forth in Section 11 of Attachment AE to the Tariff.

8.2.2.6

Local Market Power Test

A Resource satisfying at least one of the following conditions is determined to have local market power:
1) The Resource is located in a Frequently Constrained Area, as described in Section 8.2.2.6.1,
and one or more of the transmission constraints that define the Frequently Constrained Area
is binding or the Reserve Zone that defines the area is binding;
2) The Resource is not in a Frequently Constrained Area and
a. Has a Resource-to-Load-Distribution factor less than or equal to negative five
percent (-5%) relative to a binding transmission constraint; or
b. Is located in a binding Reserve Zone;
3) The Resource is manually committed by the Transmission Provider or selected for
commitment by a local transmission operator i[A112]n the Multi Day Reliability Assessment
process, Day-Ahead Market, Day-Ahead RUC process or Intra-Day RUC process as
described in Sections 4.2.6.2, 4.2.6.3, 4.3.1.2, 4.3.2.2(3)(c)–(e), and 4.4.1.2(3)(c)-(d).
A list of all Resources subject to mitigation shall be electronically posted at the www.SPP.org website
for each transmission constraint. Further, SPP shall provide through the Portal, to parties with access to
information regarding each Resource, the list of transmission constraints and the Resource-to-LoadDistribution Factor, for the Resource with respect to each transmission constraint, that are less than or
equal to negative 5% for each Resource.
RLDF values will be reassessed at least once a year. RLDF values will also be reviewed and revised if
needed when there are significant changes to the transmission grid within or affecting the SPP Energy
and Operating Reserve Markets area.
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8.2.2.7
Additional Mitigation Measures for Resource Offer Parameters
Competitive outcomes can also be distorted by submitting offers that do not reflect the physical
capabilities of Resources. The mitigation measures in this section are intended to provide the
Transmission Provider with the means to mitigate the effects of physical parameter offers that are
inconsistent with competitive conduct. The mitigation measures in this section apply to all Offer
parameters in Section 4.2.2.1 expressed in units other than dollars and will only apply in the presence of
local market power as described in Section 8.2.2.6.
A reference level for each Offer parameter that reflects the physical capability of the Resource shall be
determined prior to the start of the Market by one or a combination of the following methods: (i) the
reference levels will be determined through consultation with the Market Participant and the Market
Monitor; (ii) the reference levels will be based on averages of Offer parameters from similar resources.
This methodology for setting reference levels for Offer parameters shall apply to all Resources at the
start of the market and to all new Resources that join the Market subsequent to the start of the Market.
The Transmission Provider’s output forecast for a wind-powered Variable Energy Resource shall be
used as the reference maximum output limit for the wind-powered Variable Energy Resource.[MCB113]
The following thresholds shall be used by the Transmission Provider to identify Resource Offers that
may warrant mitigation and shall be determined with respect to the corresponding reference level:
Time-based Offer parameters: An increase of three (3) hours, or an increase of six (6) hours in
total for multiple time-based Offer parameters.
Offer parameters expressed in units other than time or dollars: A 100 percent increase for
Offer parameters that are minimum values, or a 50 percent decrease for Offer parameters that
are maximum values.
Minimum Economic Capacity Operating Limit threshold for Resources manually committed
by the Transmission Provider or selected for commitment by a local transmission operator as
described in Sections 4.2.6.2, 4.3.2.2(3)(c), and 4.4.1.2(3)(c)-(d): a 25 percent increase.
In the case that a Resource Offer fails the thresholds described above, the Market Monitor shall
determine the impact on prices or make-whole payments. If an impact exceeds the LMP, MCP, or make
whole payment thresholds in Section 8.2.2.8, the Market Monitor will initiate a discussion with the
Market Participant concerning an explanation of the parameter changes. The Market Monitor will
inform the Transmission Provider of any potential issue. If the Transmission Provider, in consultation
with the Market Monitor, concludes that the Market Participant has demonstrated the validity of the
submitted Resource Offer parameter, no further action will be taken. If not, the Transmission Provider
shall replace the Resource Offer parameter with the corresponding reference level. Mitigation measures
will remain in place until such time that the Market Participant demonstrates the validity of the Resource
Offer parameter or the Market Participant notifies the Market Monitor that the Resource Offer parameter
has been changed to a value that is within the applicable threshold range, and the Market Monitor has
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verified that this change has occurred. In the event that the Market Participant submits a dispute, the
mitigation measure will remain in place until the resolution of the dispute.
8.2.2.9

Mitigated Offer Development Guidelines

A Mitigated Offer Development Subgroup of the Market Working Group, in coordination with the
Market Monitor and the Transmission Provider, shall develop and maintain Mitigated Offer
Development Guidelines in Appendix G, describing the standards for determining cost components for
products and services provided to the SPP market that are subject to mitigation. The Mitigated Resource
Offer Parameters, as defined in Sections 8.2.2.3, 8.2.2.4, and 8.2.2.5, are intended to capture the shortrun marginal cost, including the appropriate application of opportunity costs, of providing each service
to the SPP Energy and Operating Reserve Markets. The Mitigated Offer Development Guidelines shall
describe all relevant cost components for defining Mitigated Start-Up Offers, Mitigated No-Load Offers,
Mitigated Energy Offer Curves, and Mitigated Operating Reserve Offers, by resource-type.
Exceptions to the Mitigated Offer Development Guidelines may be submitted to the Market Monitor.
The Market Monitor shall respond with a resolution to such a request within 15 calendar days of receipt.
The Market Monitor shall review the costs included in the mitigated Resource Offer Parameters of a
Resource in order to ensure that the Market Participant has correctly applied the definitions in Sections
8.2.2.3, 8.2.2.4, and 8.2.2.5 and the Mitigated Offer Development Guidelines and that the level of the
mitigated offer is otherwise acceptable. If[A114] the mitigated offer determined by the Market Monitor
and the Market Participant differ, the mitigated offer calculated by the Market Monitor shall be used. If
a Market Participant submits a dispute over its mitigated offer, the previously approved mitigated offer
shall be used from the time the dispute is submitted until the dispute is resolved. SPP shall remedy
mitigated offer disputes resolved in favor of the Market Participant by performing[A115] price corrections
and resettlements as described in Section 8.4 of Attachment AE of this Tariff and the Market
Protocolsproviding make whole payments, as necessary, to the Market Participant whose mitigated offer
was improperly determined by the Market Monitor.
The Market Monitor shall gather and keep confidential detailed data on the costs of generation of
electric power transmitted in the SPP Region in order to assist the performance of its duties under the
SPP Tariff. To achieve this objective, the Market Monitoring Unit shall maintain on its website a
mechanism that allows Market Participants to conveniently and confidentially submit such data. In
addition the Market Monitoring Unit shall develop a manual in consultation with stakeholders that
describes the nature of and procedure for data collection. Market Participants registering a Resource or
otherwise subject to a commitment to provide service to SPP shall provide data to the Market
Monitoring Unit.

8.2.3

Uneconomic Production

The Market Monitor will monitor for cases where uneconomic production by an Asset Owner’s
Resources causes congestion on transmission constraints or between Reserve Zones that is not justified
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by reliability concerns. The provisions of this Section 8.2.3 will not apply to Demand Response
Resources.[A116]
(1)

Potential uneconomic production will be indicated, and subject to further analysis as described in
Section 8.2.3(2), when the Resource has a positive Resource-to-Load Distribution[A117] Factor
and any of the following conditions are met:
(a)

a Resource is identified with an incremental energy offer price less than 50 percent of the
applicable reference level; or

(b)

a Resource is determined to be generating outside of its Operating Tolerance; or

(c)

a[A118] Resource is subject to a time-based or other resource offer parameter (non-time
and non-dollar based) that violates any of the thresholds specified in Section 8.2.2.7.

(2)

For any Resource meeting the conditions described in Section 8.2.3(1), the Market Monitor shall
determine whether: (i) the MW impact from uneconomic production associated with such
Resource is exacerbating the transmission congestion or binding a Reserve Zone; and (ii) the
uneconomic production is not obviously justified by reliability or other operational concerns.

The Market Monitor will conduct evaluations as specified in (a) to (c) and other related assessments to
determine if there is sufficient credible information to justify referral to the Commission. T[A119]he
Market Monitor will report to the Commission’s Office of Enforcement, or its successor organization,
when it appears that uneconomic production is occurring or being facilitated by time-based or other
(non-time and non-dollar) offer parameters.

8.2.4

Measures and Mitigation for Virtual Energy Bids and Offers

The Market Monitor will monitor the level of divergence between the DA Market LMP and the RTBM
LMP. This section defines the monitoring metric and thresholds, as well as the mitigation measures to
be imposed by the Transmission Provider when the Virtual Energy Bids or Offers of one or more
Market Participants are shown to have caused excessive LMP divergence.
8.2.4.1

Metric and Threshold Specifications

The Market Monitor will compute the hourly LMP deviation between the DA Market and RTBM using
the following formula: (LMP RTBM / LMP DA Market ) – 1. The average hourly LMP deviation is computed
over a rolling four week period or any other period length that the Market Monitor determines is
appropriate to achieve the desired purpose. If the four week rolling average is below negative 10% or in
excess of 10%, then the divergence is considered excessive and additional studies are required.
8.2.4.2

Excessive Divergence and Mitigation Measures

If a determination is made that excessive divergence exists and the divergence is the result of the Virtual
Energy Bids or Offers of one or more Market Participants, then mitigation measures shall be imposed by
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the Transmission Provider. The mitigation measures will restrict the Market Participants that caused the
divergence from submitting any Virtual Energy Bids or Offers at the settlement locations where the
Market Participant’s Virtual Energy Bids or Offers caused the excessive divergence and at any
electrically similar settlement locations. An electrically similar Settlement Location, for purposes of this
section, is any Settlement Location with a shift factor to a congested flowgate of the same sign and of a
magnitude equal to or exceeding that of a Settlement Location where the Market Monitor has
determined that the Market Participant’s Virtual Energy Bids or Virtual Energy Offers caused excessive
divergence, as described under Section 8.2.4.1. [A120]The mitigation measures shall be imposed for a
period of three months at which time the restriction will no longer apply.
8.2.6.2

Thresholds for Identifying Physical Withholding of Transmission Facilities

A transmission facility shall be deemed physically withheld if the following conditions hold:
(1)

Either of (a) or (b) hold:
(a)

The Market Monitor identifies a pattern of scheduling outages resulting in increased
market costs compared to an alternative and lower cost impact outage schedule;

(b)

A Resource is manually committed by the Transmission Provider or selected for
commitment by a local transmission operator as described in Sections 4.2.6.2,
4.3.2.2(3)(c), and 4.4.1.2(3)(c)-(d); andThe transmission facility satisfies a condition in
Section 8.2.6(4) or 8.2.6(5)[A121]

Appendix G
11.1.3

Non-Regulatory Opportunity Cost: Fuel Limitations

Fuel Limitations [MCB122]are eligible for Non-Regulatory Opportunity Costs for a fuel supply limitation,
for up to one year, resulting from an event of force majeure.
Force Majeure is defined as: Any cause beyond the control of the affected Interconnection Party or
Construction Party, including but not restricted to, acts of God, flood, drought, earthquake, storm, fire,
lightning, epidemic, war, riot, civil disturbance or disobedience, labor dispute, labor or material
shortage, sabotage, acts of public enemy, explosions, orders, regulations or restrictions imposed by
governmental, military, or lawfully established civilian authorities, which, in any of the foregoing cases,
by exercise of due diligence such party could not reasonably have been expected to avoid, and which, by
the exercise of due diligence, it has been unable to overcome. Force Majeure does not include (i) a
failure of performance that is due to an affected party’s own negligence or intentional wrongdoing; (ii)
any removable or remediable causes (other than settlement of a strike or labor dispute) which an affected
party fails to remove or remedy within a reasonable time; or (iii) economic hardship of an affected party.
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Proposed Protocol Language Revision

4.2.2.5.1 Dispatchable Demand Response Resource
The following special modeling rules apply to a DDR Resource.
(1)

A DDR Resource is a special type of Resource created to model demand reduction
associated with controllable load and/or a behind-the-meter generator that is dispatchable
on a 5-minute basis;

(2)

A DDR Resource is modeled in the Commercial Model the same as any other Resource
with a defined Settlement Location and associated PNode or APNode[MPRR88.1] that
corresponds to the associated Demand Response Load PNode or APNode[MPRR88.2]
definition;

(3)

A DDR Resource is also included in the SPP Network Model as a generator;

(4)

A DDR Resource must have a corresponding Demand Response Load (DRL);

(5)

The Demand Response Load for a DDR Resource must have telemetering installed;

(6)

The Market Participant must submit the real-time value of the Demand Response Load to
SPP via SCADA on a 10-second basis;

(7)

A DDR Resource may select one of two options for reporting of the actual DDR
Resource output: Submitted Resource Production Option or the Calculated Resource
Production Option.
(a)

Submitted Resource Production Option - For DDR Resources that are utilizing
strictly behind-the-meter Generation to provide the response or DDR Resources
where the retail provider is offering the Resource under an agreed upon Retail
Tariff provision that includes near real-time measurement and verification terms,
the amount of the response provided may be sent directly to SPP via ICCP and
will represent the real-time resource production.
(i)

The Market Participant must determine the real-time resource production
and submit the value to SPP via SCADA on a 10-second basis.

(ii)

After-the-fact integrated meter values will be submitted directly by the
Meter Agent for the DDR Resource.
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(b)

Calculated Resource Production Option - SPP will calculate the real-time
resource output for operational dispatch and actual Resource output for
settlements.
(i)

Market Participants must submit Aa baseline hourly load profile must be
submitted for the DRL prior to the hour for which the DDR Resource has
been committed that represents the forecast consumption for the hour
assuming no load reduction. Such hourly baseline shall be submitted and
calculated in accordance with Attachment AE to the Tariff. In addition,
SPP may adjust the submitted hourly baseline as described in Attachment
AE to the Tariff.

(ii)

At the start of the Operating Hour for which a DDR Resource is
committed, SPP will take a snapshot of the SCADA demand MW
consumption of the Demand Response Load.

(iii) The Real-Time Resource output for operational dispatch in the Dispatch
Interval will be calculated as the maximum of zero or the difference
between (1) and (2) below.: If the baseline hourly load profile of the DRL
was not submitted, the snapshot of the DRL SCADA will be used for the
value in (1).
(1)

1) tThe Minimum of the baseline hourly load profile of the DRL
submitted under (i) aboveHourly Load Profile of the DRL, or the
Snapshot snapshot of the DRL SCADA demand MW consumption
described in (ii) above.interval prior to Deployment). and

(1)(2)

2) tThe Real-Time SCADA value for the DRL.

(iii)(iv)
The actual Resource output for use in settlements in the Dispatch
Interval will be calculated as [MPRR106.3]described under Section 4.5.9.1(1).
The actual metered value for the DRL in the Dispatch Interval is either
directly submitted by the Meter Agent if 5-minute metering is available or,
is calculated by SPP based upon the hourly metered value submitted and
the profiling method described under Section 4.5.8.21.
Exhibit 4-7 shows how a DDR Resource’s Real-Time output for
operational dispatch would be calculated within an Operating Hour using
the Calculated Resource Production Option.
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Exhibit 4-1: Calculated DDR Output
Interval

1
2
3
4
5
6
7
8
9
10
11
12

Net
Telemetered
Value of
DRL
(1)
38
40
42
33
32
30
22
24
16
25
23
30

Hourly Load
Profile
(2)

Telemetered
Value prior to
Deployment
(3)

DDR Resource
Production
(4) = Min(2,3)
– (1)

70
70
70
70
70
70
70
70
70
70
70
70

68
68
68
68
68
68
68
68
68
68
68
68

30
28
26
35
36
38
46
44
52
43
45
38

4.2.2.5.2 Block Demand Response Resource
The following special modeling rules apply to a BDR Resource.
(1)

A BDR Resource is a special type of Resource created to model demand reduction that is
not dispatchable on a 5-minute basis but can be committed and dispatched in hourly
blocks;

(2)

A BDR Resource is modeled in the Commercial Model the same as any other Resource
with a defined Settlement Location and associated PNode or APNode[MPRR88.4] that
corresponds to the associated Demand Response Load PNode or APNode[MPRR88.5]
definition;

(3)

A BDR Resource is not included in the SPP Network Model as a Resource;

(4)

A BDR Resource must also have a corresponding Demand Response Load (DRL);

(5)

The DRL must have telemetering installed and have the real-time Load consumption at
the DRL sent to SPP SCADA via ICCP on a 10-second scan rate;

(6)

All BDR Resources will use the Calculated Resource Production Option to determine the
amount of Real-Time Resource Production and Actual Resource Production. Therefore,
the following information requirements apply:
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(a)

Market Participants must submit Ana baseline hourly load profile must be
submitted for the DRL prior to the hour for which the BDR Resource has been
committed that represents the forecast DRL consumption for the hour assuming
no load reduction. Such hourly baseline shall be submitted and calculated in
accordance with Attachment AE to the Tariff. In addition, SPP may adjust the
submitted hourly baseline as described in Attachment AE to the Tariff.;

(b)

The interval prior to the first interval for which a BDR Resource is committed and
deployed, SPP will take a snapshot of the SCADA demand MW consumption of
the DRL.

(c)

The Real-Time Resource output for operational dispatch in the Dispatch Interval
will be calculated as the maximum of zero or the difference between (i) and (ii)
below. If the baseline hourly load profile of the DRL was not submitted, the
snapshot of the DRL SCADA will be used for the value in (i) below.
(i)

1) tThe Minimum of (the baseline Hourly hourly Load load Profile profile
of the DRL as submitted under (a) above or the Snapshot snapshot of the
DRL SCADA demand MW consumption as described under (b) above
interval prior to Deployment). and

(i)(ii) 2) tThe Real-Time SCADA value for the DRL.
(c)(d)
The actual Resource output for use in settlements in the Dispatch Interval
will be calculated as [MPRR106.6]described under Section 4.5.9.1(1).
(7)

There are also operational differences that apply to BDR Resources as follows:
(a)

A BDR Resource will only use two operating limits: Minimum Economic
Capacity Operating Limit and Maximum Economic Capacity Operating Limit.
The Minimum Economic Capacity Operating Limit represents the MW amount of
demand reduction associated with the first price block identified in the Energy
Offer Curve. The Maximum Economic Capacity Limit will represent the
maximum amount of demand reduction that can be achieved.

(b)

In the RTBM, if the BDR Resource is committed and dispatched in the DA
Market or RUC, the BDR Resource Minimum Economic Capacity Operating
Limit will be increased to match the dispatched amount and either Spinning
Reserve or Supplemental Reserve will be allowed to clear above minimum output
if the BDR Resource is a Spin Qualified Resource. Spinning Reserve clearing
will be based upon submitted Ramp-Rate Up curve for the BDR Resource, the
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submitted Spinning Reserve Offer, the Supplemental Reserve Offer and the BDR
Resource’s Maximum Economic Capacity Operating Limit.
(c)

4.5.9.1
(1)

Other than the restriction on submittal of operating limits as stated in (a) above, a
BDR Resource may submit Offers that include any of the Offer parameters listed
under Sections 4.2.2.1 and 4.2.2.2.

Real-Time Asset Energy Amount
The Real-Time Asset Energy Amount can be either a credit to an Asset Owner or a
charge to an Asset Owner and is calculated on a net basis at each Settlement Location for:
(a)

the difference between actual metered supply MWh amounts in a Dispatch
Interval and cleared Resource Offers in the DA Market;

(b)

the difference between actual metered demand MWh amounts in a Dispatch
Interval and all cleared Demand Bids in the DA Market; and

(c)

Real-Time Bilateral Settlement Schedules for Energy in a Dispatch Interval.

The net amount to each Asset Owner (AO) for each Settlement Location in a Dispatch
Interval is calculated as follows:
#RtEnergy5minAmt a, s, i = RtLmp5minPrc s, i
* [ (RtBillMtr5minQty a, s, i - DaClrdHrlyQty a, s, h )

-

∑

RtEnFinHrlyQty

a, s, t, h

] / 12

t

Where,
(a)

The 5-minute billable meter determinant at the Settlement Location level is the
sum of the 5-minute billable meter determinants at the Meter Data Submittal
Location level as shown in the formula below. Most Settlement Locations will be
comprised of only one Meter Data Submittal Location, but in certain cases a
single Settlement Location will represent multiple Meter Data Submittal
Locations, each of which is in a separate Settlement Area. Since the calibration
function must be performed within Settlement Area boundaries, it is done before
summing the data to the Settlement Location level. The 5-minute determinants
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are expressed in terms of levelized MW at both the Settlement Location and
Meter Data Submittal Location level.
RtBillMtr5minQty a, s, i =

∑

RtMlBillMtr5minQty a, ml, i

ml

(b)

The 5-minute billable meter determinant at the Meter Data Submittal Location
level is the sum of the 5-minute adjusted meter determinant and the 5-minute
calibration meter determinants at the Meter Data Submittal Location level as
shown in the formula below. Both 5-minute determinants are expressed in terms
of levelized MW.
RtMlBillMtr5minQty

a, ml, i

=

RtAdjMtr5minQty a, ml, i + RtCalMtr5minQty
(c)

a, ml, i

For Resource and load assets, the 5-minute adjusted meter determinant is a
hierarchal selection among 1) 5-minute submitted actual meter reading, 2)
profiled hourly submitted actual meter reading and 3) default 5-minute state
estimator value. Registration will determine whether 5-minute or hourly meter
submittals are permitted – it will not allow both for any given period. Under the
Marginal Loss approach, it is assumed that meter submissions, with the exception
of those with a “top-down load” relationship to the Settlement Area – generally
those for which a top-down calculation is used – are net of transmission losses.
Losses will be backed out of load submittals for the “top-down load”.
For Demand Response Resources, the hierarchy is the same for submitted data,
but instead of defaulting to the State Estimator data, the Resource output is
calculated as the maximum of zero or the difference between (i) and (ii) below. If
the baseline hourly load profile of the DRL was not submitted, the State Estimator
snapshot will be used for this value in (i) below.
(i)

a) tThe minimum of i)(1) the hourly baseline load profile of the DRL
submitted for the Demand Response Load, andor ii)(2) the State Estimator
snapshot for the Demand Response Load for the 5 minute interval
immediately preceding the first dispatch interval (i = -1) in which the
Demand Response Resource is dispatched (for a BDR, this is the dispatch
interval immediately preceding the hour in which the BDR was
committed. For a DDR, it is the dispatch interval immediately preceding
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the first dispatch interval in which the DDR receives a dispatch instruction
greater than zero.)[WRC7] and
(ii) b) tThe Adjusted Meter Quantity for the DRL for each 5 minute interval.
Registration will determine whether meter submittals are permitted or if the
Demand Response resource must rely solely on the calculated resource output.
For loads in which a Demand Response R[MPRR77.8]esource is imbedded
within a Settlement Location, the response is added to the load meter data
“grossing-up” the MW to avoid introducing deviation between DA Market
cleared Energy and the billable meter quantity[MPRR77.9]. 5-minute adjusted
meter, state estimator, SCADA and gross-up determinants are expressed in
terms of levelized MW and both hourly and 5-minute submitted actual
determinants are in terms of MWh. The formula for the 5-minute adjusted
meter determinant is shown below.
IF EXISTS { RtActMtr5minQty

a, ml, i

} THEN

#RtAdjMtr5minQty a, ml, i =
RtActMtr5minQty a, ml, i * 12 + RtLoadGrossUp5minQty

a, s, [MPRR77.10] ml, i

- {IF TOPDOWNLOAD(ml) THEN RtSELoss5minQty sa, i , ELSE 0 }
ELSE
IF EXISTS { RtActMtrHrlyQty

a, ml, h

} THEN

#RtAdjMtr5minQty a, ml, i = RtSE5minQty
+ { ( RtActMtrHrlyQty

a, ml, h

a, ml, i

- ∑ RtSE5minQty a, ml, i / 12)
i

* {IF (

∑

ABS (RtSE5minQty a, ml, i ) > 0 THEN [ABS (RtSE5minQty a, ml,

i

i)

/

∑

ABS ( RtSE5minQty a, ml, i ) ], ELSE 1 } * 12 }

i

+ RtLoadGrossUp5minQty a, s, [MPRR77.11] ml, i
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- { IF TOPDOWNLOAD(ml) THEN RtSELoss5minQty sa, i , ELSE 0 }
ELSE
IF { DRR } THEN
#RtAdjMtr5minQty a, ml, i =
MAX [( MIN ( RtBaseLineHrlyQty a, ml(drl) , h , RtSE5minQty a, ml(drl),

i = -1

)

– RtAdjMtr5minQty a, ml(drl), i ) , 0 ] * (-1)
ELSE
#RtAdjMtr5minQty a, ml, i =
RtSE5minQty a, ml, i + RtLoadGrossUp5minQty

a, s, [MPRR77.12] ml, i

(c)(d)
The 5-minute load gross-up determinant is the inverse of the 5-minute
adjusted meter determinant for the Demand Response resource which is behind
the meter of the load. The 5-minute load gross-up determinant is expressed in
terms of levelized MW. The formula for the 5-minute load gross-up determinant
is shown below.
RtLoadGrossUp5minQty a, s, [MPRR77.13] ml, i =

∑

RtAdjMtr5minQty a, ml(drr), i * (-1)

ml (drr )

(d)(e)
The 5-minute calibration meter determinant is the hourly quantity, profiled
by State Estimator data into 5-minute intervals as shown in the formula below.
The 5-minute calibration meter determinant is expressed in terms of levelized
MW. The formula for the 5-minute calibration meter determinant is shown below.
#RtCalMtr5minQty a, ml, i = RtSE5minQty

+ { (RtCalMtrHrlyQty a, ml, h -

∑

a, ml, i

RtSE5minQty a, ml, i / 12)

i
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* [ ABS(RtSE5minQty

)/

a, ml, i

∑

ABS(RtSE5minQty a, ml, i ) ] * 12 }

i

(e)(f) The hourly calibration meter determinant is the weighted distribution of
Settlement Area residual among load in the Settlement Area. The hourly
calibration meter determinant is expressed in terms of levelized MW. The
formula for the hourly calibration meter determinant is shown below.
#RtCalMtrHrlyQty

a, ml, h

= RtResMtrHrlyQty

sa, h

* [ MAX ( RtAdjMtrHrlyQty a, ml, h , 0 )

/

∑

MAX ( RtAdjMtrHrlyQty

a, ml, h

,0)]

ml

(f)(g) The hourly adjusted meter determinant is the sum of the 5-minute adjusted meter
determinant divided by 12. The hourly adjusted meter determinant is expressed in
terms of levelized MW. The formula for the hourly adjusted meter determinant is
shown below.
#RtAdjMtrHrlyQty a, ml, h =

∑

RtAdjMtr5minQty a, ml, i / 12

i

(g)(h)
The hourly residual load determinant is the net difference between
generation & load, interchange and losses per Settlement Area. Hourly Net
Actual Interchange is derived as the sum of the hourly metering submitted for
aggregate ties between interconnected Settlement Areas. Missing tie values are
assumed to be 0. The hourly residual determinant is expressed in terms of
levelized MW. The formula for the hourly residual load determinant is shown
below.
RtResMtrHrlyQty sa, h = (

∑ ∑
a

+ RtSaNetActIchngHrlyQty

RtAdjMtrHrlyQty sa ,a, ml, h

ml

sa, h

+

∑

RtSELoss5minQty sa, i / 12) * (-1)

i

(2)

For each Asset Owner, an hourly amount is calculated at each Settlement Location. The
amount is calculated as follows:
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∑

RtEnergyHrlyAmt a, s, h =

RtEnergy5minAmt a, s, i

i

(3)

For each Asset Owner, a daily amount is calculated at each Settlement Location. The
amount is calculated as follows:
RtEnergyDlyAmt a, s, d =

∑

RtEnergyHrlyAmt a, s, h

h

(4)

For each Asset Owner associated with Market Participant m, a daily amount is calculated.
The daily amount is calculated as follows:
RtEnergyAoAmt a, m, d =

∑

RtEnergyDlyAmt a, s, d

s

(5)

For each Market Participant, a daily amount is calculated representing the sum of Asset
Owner amounts associated with that Market Participant. The daily amount is calculated
as follows:
RtEnergyMpAmt m, d =

∑

RtEnergyAoAmt a, m, d

a

(6)

For FERC Electric Quarterly Reporting (EQR) purposes, SPP calculates net Dispatch
Interval sales volume in excess of DA Market amounts and associated prices and
calculates net Dispatch Interval purchases when Real-Time sales volume less than DA
Market sales volume and associated prices that are associated with this Charge Type for
each Asset Owner as follows:
(a)

#EqrRtAssetEnergy5minQty a, s, i =
Max ( 0, -1 * [ (RtBillMtr5minQty a, s, i - DaClrdHrlyQty
-

∑

RtEnFinHrlyQty

a, s, t, h

a, s, h

)

a, s, h

)

] / 12)

t

+
{ IF #EqrDaAssetEnergyHrlyQty

a, s, h

> 0 THEN

Min ( 0, -1 * [ (RtBillMtr5minQty a, s, i - DaClrdHrlyQty
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-

∑

RtEnFinHrlyQty

a, s, t, h

] / 12) }

t

(b)

IF #EqrRtAssetEnergy5minQty a, s, i < > 0
THEN
#EqrRtAssetEnergy5minPrc a, s, i = RtLmp5minPrc s, i
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The above variables are defined as follows:
Variable

Unit

Settlement
Interval

Definition

$

Dispatch
Interval

$/MW

Dispatch
Interval

DaClrdHrlyQty a, s, h

MWh

Hour

RtBillMtr5minQty a, s, i

MW

Dispatch
Interval

RtActMtr5minQty a, ml, i

MWh

Dispatch
Interval

RtActMtrHrlyQty a, ml, h

MWh

Hour

RtMlBillMtr5minQty

MW

Dispatch
Interval

Real-Time Energy Amount per AO per Settlement Location per
Dispatch Interval - The amount to AO a for deviations between RealTime actual Energy amounts and net cleared energy offers and bids at
Settlement Location s for the Dispatch Interval.
Real-Time LMP - The RTBM LMP at Settlement Location s for
Dispatch Interval i.
Day-Ahead Cleared Energy Quantity per AO per Settlement Location
per Hour in the DA Market – The value described under Section
4.5.8.1.
Real-Time Billing Meter Quantity per AO per Settlement Location per
Dispatch Interval - The Dispatch Interval metered quantities for AO a
Resources and load at Settlement Location s in Dispatch Interval i used
by SPP for settlement purposes.
Real-Time Actual Meter Quantity per AO per Meter Data Submittal
Location per Dispatch Interval - The Dispatch Interval metered
quantity, in MWh, for AO a’s Resources and load directly submitted by
the Market Participant.
Real-Time Actual Meter Quantity per AO per Meter Data Submittal
Location per Hour - The hourly metered quantity, in MWh, for AO a’s
Resources and load directly submitted by the Market Participant.
Real-Time Billing Meter Quantity per AO per Meter Data Submittal
Location per Dispatch Interval - The Dispatch Interval
RtAdjMtr5minQty a, ml, i quantities adjusted to account for calibration
Energy for AO a load at Meter Location ml in Dispatch Interval i.
Real-Time Calibration Meter Quantity per AO per Meter Data
Submittal Location per Dispatch Interval - The Dispatch Interval
calibration quantities calculated by SPP for AO a at load at Meter Data
Submittal Location ml in Dispatch Interval i.
Real-Time Calibration Meter Quantity per AO per Meter Settlement
Location per Hour- The Dispatch Interval calibration Energy quantities
calculated by SPP for AO a at load at Meter Data Submittal Location
ml in Hour h.

RtEnergy5minAmt

RtLmp5minPrc

a, s, i

s, i

a, ml, i

RtCalMtr5minQty

a, ml, i

MW

Dispatch
Interval

RtCalMtrHrlyQty

a, ml, h

MWh

Hour
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Variable

Unit

Settlement
Interval

Definition

MW

Dispatch
Interval

MW

Dispatch
Interval

RtBaseLineHrlyQty a, ml(drl) , h

MWh

Hour

RtSELoss5minQty

sa, i

MW

Dispatch
Interval

RtResMtrHrlyQty

sa, h

MWh

Hour

MWh

Hour

RtAdjMtr5minQty a, ml, i

MW

Dispatch
Interval

RtAdjMtrHrlyQty

MWh

Hour

MWh

Hour

Real-Time Load Gross Up per AO per Meter Settlement Location per
Dispatch Interval - The Dispatch Interval load gross up associated
with a Demand Response Reserve for AO a at load Meter Data
Submittal Location ml associated with Settlement Location s
[MPRR77.15]in Dispatch Interval i.
Real-Time State Estimator Quantity per AO per Meter Data Submittal
Location per Dispatch Interval - The Dispatch Interval State Estimator
value for AO a at Meter Data Submittal Location ml in Dispatch
Interval i.
Real-Time Base Line Load Quantity per AO per Demand Response
Load Meter Data Submittal Location per Hour – The estimated
consumption value associated with AO a’s Demand Response Load as
submitted prior to Operating Hour h.
Real-Time State Estimator Losses per AO per Settlement Area per
Dispatch Interval - The Dispatch Interval State Estimator total losses
value for Settlement Area sa in Dispatch Interval i.
Real-Time Residual Load per Settlement Area per Hour - The hourly
Residual Load for Settlement Area sa in Hour h.
Real-Time Net Actual Interchange per Settlement Area per Hour - The
sum of hourly actual interchange values submitted for Settlement Area
sa in Hour h.
Real-Time Adjusted Actual Meter Quantity per AO per Meter Data
Submittal Location per Dispatch Interval - The Dispatch Interval
metered quantity, in MW, for AO a’s Resources and load calculated by
SPP to account for load adjustments related to Demand Response
Resources and to calculate a default value if RtActMtrHrlyQty a, ml, h
or RtActMtr5minQty a, ml, i is not submitted.
Real-Time Adjusted Actual Meter Quantity per AO per Meter Data
Submittal Location per Hour - The hourly metered quantity, in MWh,
for AO a’s Resources and load calculated by SPP to account for load
adjustments related to Demand Response Resources and to calculate a
default value if RtActMtrHrlyQty a, ml, h or RtActMtr5minQty a, ml, i
is not submitted.
Real-Time Asset Bilateral Settlement Schedule for Energy per AO per

RtLoadGrossUp5minQty

a,

s, [MPRR77.14] ml, i

RtSE5minQty

a, ml, i

RtSaNetActIchngHrlyQty

RtEnFinHrlyQty

sa, h

a, ml, h

a, s, t, h
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Variable

Unit

Settlement
Interval

$

Hour

RtEnergyDlyAmt a, s, d

$

Operating
Day

RtEnergyAoAmt

$

Operating
Day

$

Operating
Day

RtEnergyHrlyAmt

a, s, h

a, m, d

RtEnergyMpAmt m, d

EqrRtAssetEnergy5minQty

a, s, i

MWh

Dispatch
Interval

EqrRtAssetEnergy5minPrc

a, s, i

$/MWh

Dispatch
Interval
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Definition

Settlement Location per Transaction per Hour - The amount specified
by the buyer AO and seller AO in an RTBM Bilateral Settlement
Schedule for Energy at Asset Settlement Location s, for transaction t,
for the Hour. The buyer AO amount is a positive value and the seller
AO amount is a negative value.
Real-Time Energy Amount per AO per Settlement Location per Hour The amount to AO a for deviations between Real-Time actual Energy
amounts and net cleared energy offers and bids at Settlement Location
s for the Hour.
Real-Time Energy Amount per AO per Settlement Location per
Operating Day - The amount to AO a for deviations between RealTime actual Energy amounts and net cleared energy offers and bids at
Settlement Location s for the Operating Day.
Real-Time Energy Amount per AO per Operating Day - The amount to
AO a associated with Market Participant m for deviations between
Real-Time actual Energy amounts and net cleared energy offers and
bids for the Operating Day.
Real-Time Energy Amount per MP per Operating Day - The amount to
MP m for deviations between Real-Time actual Energy amounts and
net cleared energy offers and bids for the Operating Day.
Real-Time Electric Quarterly Reporting net Asset Energy Transactions
per AO per Settlement Location per Dispatch Interval– AO a’s RTBM
Energy sale at Resource Settlement Location s in excess of the amount
cleared Day-Ahead, net of Bilateral Settlement Schedules, in Dispatch
Interval i or AO a’s RTBM Energy purchase at Resource Settlement
Location s created when the actual Real-Time output is less than the
amount cleared Day-Ahead, net of Financial Schedules, in Dispatch
Interval i, for use by AO a in reporting such sales/purchases to FERC
in accordance with FERC EQR requirements.
Real-Time Electric Quarterly Reporting net Asset Energy Transactions
Prices per AO per Settlement Location per Dispatch Interval – AO a’s
prices associated with non-zero EqrRtAssetEnergy5minQty a, s, i
quantities in Dispatch Interval i for use by AO a in reporting such sales
to FERC in accordance with FERC EQR requirements.
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Variable

a
h
i
s
t

ml(drr)
ml(drl)

sa
ml
d
M
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Unit

Settlement
Interval

Definition

none
none
none
none
none

none
none
none
none
none

none
none
none
none
none
none

none
none
none
none
none
none

An Asset Owner.
An Hour.
A Dispatch Interval.
A Settlement Location.
A single tagged Interchange Transaction, a single virtual energy
transaction, a single Bilateral Settlement Schedule, a single contracted
Operating Reserve transaction, a single TCR instrument, a single ARR
award or a single Reserve Sharing Event transaction.
A Demand Response Resource Meter Data Submittal Location.
A Demand Response Load Meter Data Submittal Location.
A Settlement Area.
A Meter Data Submittal Location.
An Operating Day.
A Market Participant.
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Proposed Tariff Language Revision
Attachment AE

4.1.2.1

Demand Response Resources
(1)

Dispatchable Demand Response Resource - A Dispatchable Demand Response Resource
is modeled in the Commercial Model the same as any other Resource, except that the
Settlement Location associated with the Dispatchable Demand Response Resource must
contain the Price Node, or aggregated Price Node as described in Section 2.2(2) of this
Attachment AE, associated with the Demand Response Load. The Market Participant
must submit the Real-Time value of the Demand Response Load to the Transmission
Provider via telemetering that meets the technical requirements specified in the Market
Protocols. A Dispatchable Demand Response Resource may select one of two options
for reporting of the actual Dispatchable Demand Response Resource output:
(a)

Submitted Resource production option:
The Dispatchable Demand Response Resource output is sent directly to the
Transmission Provider by the Market Participant via telemetering for Real-Time
operational purposes and the Meter Agent submits either five (5) minute or hourly
actual output values to the Transmission Provider for use in settlements. The
submitted Resource production option is only allowed for Demand Response
Resources that are: (1) utilizing strictly Behind-The-Meter Generation to provide
the response and are utilizing Real-Time metering capable of reporting both the
Behind-The-Meter Generation output and the load; (2) Demand Response
Resources where the Market Participant is offering the Resource under a retail
tariff provision that includes near Real-Time measurement and verification terms
that are compliant with the Business Practices for Measurement and Verification
of Wholesale Electricity Demand Response of the North American Energy
Standards Board, incorporated by reference in the Commission’s Regulations, 18
C.F.R. § 38.2(a)(12); or (3) Demand Response Load utilizing near Real-Time
measurement and verification capability that is compliant with the Business
Practices for Measurement and Verification of Wholesale Electricity Demand
Response of the North American Energy Standards Board, incorporated by
reference in the Commission’s Regulations, 18 C.F.R. § 38.2(a)(12).

(b)

Calculated Resource production option:
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(i)

For each Dispatch Interval in each hour in which the Demand Response
Resource has been committed, the Demand Response Resource output for
Real-Time operational purposes is calculated by the Transmission
Provider as the greater of zero (0) or the difference between:
•

The lesser of the Real-Time consumption of the Demand Response
Load associated with the Demand Response Resource in the
Dispatch

Interval

immediately

preceding

initial

commitmentdeployment of the Demand Response Resource or the
hourly baseline as described in (3) below for the hour, and
•

The actual value of the associated Demand Response Load
received via telemetering.

(ii)

For each Dispatch Interval in each hour in which the Demand Response
Resource has been committed, the Demand Response Resource output for
settlement purposes is calculated by the Transmission Provider as the
maximum of zero (0) or the difference between:
•

The lesser of the Real-Time consumption of the Demand Response
Load associated with the Demand Response Resource in the
Dispatch

Interval

immediately

preceding

initial

commitmentdeployment of the Demand Response Resource or the
hourly baseline as described in (3) below for the hour, and
•

The actual value of the associated Demand Response Load
received from the Meter Agent either on a five (5) minute basis or
an hourly basis.

(2)

Block Demand Response Resource – A Block Demand Response Resource is modeled in
the Commercial Model the same as any other Resource except that the Settlement
Location associated with the Block Demand Response Resource must contain the Price
Node, or aggregated Price Node as described in Section 2.2(2) of this Attachment AE,
associated with the Demand Response Load. The Market Participant must submit the
Real-Time value of the Demand Response Load to the Transmission Provider via
telemetering that meets the technical requirements specified in the Market Protocols. All
Block Demand Response Resources will use the calculated Resource production option,
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described in Section 4.1.2.1(1)(b) above, to determine the amount of Real-Time Resource
production and actual Resource production.
(a)

If the Block Demand Response Resource is committed and dispatched in the DayAhead Market, Day-Ahead RUC or Intra-Day RUC, the Block Demand Response
Resource’s Minimum Economic Capacity Operating Limit will be increased in
the RTBM to match the dispatched amount. Spinning Reserve or Supplemental
Reserve will be allowed to clear above minimum output if the Block Demand
Response Resource is a Spin Qualified Resource and Supplemental Reserve will
be allowed to clear above minimum output if the Block Demand Response
Resource is a Supplemental Qualified Resource.

(b)

Spinning Reserve and/or Supplemental Reserve clearing will be based upon
submitted ramp rates for the Block Demand Response Resource, the submitted
Spinning Reserve Offer, the Supplemental Reserve Offer and the Block Demand
Response Resource’s Maximum Economic Capacity Operating Limit.

(3)

Hourly Baseline
(a)

The Market Participant must submit an hourly baseline for the Demand Response
Load indicating the level of energy consumption expected at that location in
MWh if the Demand Response Resource is not dispatched. The baseline must
cover, at a minimum, all hours the Resource is submitting Offers for in the Energy
and Operating Reserve Markets. This baseline must be submitted by 1100 hours
on the day prior to the Operating Day and may be updated up to thirty (30)
minutes in advance of the operating hour. The baseline should be based on the
average of the hourly integrated Demand Response Load for the same hours in the
last 30 calendar days when the Resource was not dispatched, adjusted by the
Market Participant as necessary to account for changes in the expected level of
energy consumption by the Demand Response Load.

(b)

If there have been deviations in hourly integrated metered load from the hourly
baseline during periods when the Resource was not dispatched the hourly baseline
will be adjusted as follows by the Transmission Provider prior to the calculation
of the Demand Response Load. If the average of the hourly deviation between
integrated metered load and submitted hourly baseline for the hours in the last
thirty (30) calendar days when the Resource was not dispatched is more than five
percent (5%) below the hourly baseline, the hourly baseline will be adjusted by

2b - MPRR 144 Recommendation Report

2/20/2014

Page 20 of 21

126 of 286

the average deviation. The Transmission Provider will perform this assessment
each day and notify the Market Participant of any adjustment.
(c)

If the hourly baseline has not been submitted, the Transmission Provider shall set
the hourly baseline equal to the Real-Time consumption of the Demand Response
Load associated with the Demand Response Resource in the Dispatch Interval
immediately preceding initial commitment of the Demand Response Resource.

Proposed Criteria Language Revision
N/A
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EIS Market
Integrated Marketplace

PRR Recommendation Report
PRR
No.

Marketplace-PRR165

Timeline

PRR
Pseudo-Tie Losses Correction
Title
Normal
Expedited

Provide explanation if Expedited and/or Urgent Action is selected: This MPRR is
Expedited to go to the April MOPC.
Approve

Recommendation Action

Reject

Require additional information
Defer

Refer

Yes – If yes, estimated cost:
Impact Analysis Required
Protocol Section(s)
Requiring Revision
Type of Revision
Timeline

Revision Description

Urgent Action

No

SPP Staff will complete this section.
Section No.: 4.5.9.20
Title: Real-Time Over-Collected Losses Distribution Amount
Protocol Version: 17.0
Correction/Clean-Up

Clarification

Design Enhancement

Design Change

Go-Live
Post Go-Live
The MWG has previously approved an approach to rebating RTBM Over-Collected
Losses that included Resources and load pseudo-tied out of the SPP footprint,
given that they are payers of marginal losses. Since there is no market asset
associated with Resources or load pseudo-tied out of SPP, some modifications of
the formulae were required to achieve this and were included in MPRR 69.
However, the recent FERC order required comprehensive changes to the
methodology for rebating Over-Collected Losses, which were documented in
MCRR 116. Resources or load pseudo-tied out of SPP included in the rebates
have to be adjusted for in order to satisfy the policy so that they continue to
participate in the distribution of the Over-Collection. Specifically:
1) Section 4.5.9.20 (b.4) Addition of the hash symbol in (b.4) restores the rounding
of the bill determinant to its desired precision
2) Section 4.5.9.20 (b.4) Addition of the term SltoLp5minMap, the Loss Pool
mapping determinant, is required to associate pseudo-tied flow to appropriate
Loss Pool
3) Section 4.5.9.20 Removal of “/12” in (b.5) and (b.8) in MPRR 158 was incorrect
it is reinstated here.
4) Section 4.5.9.20 (c.1) Inclusion of the bill determinant for MW associated with
Resources and load pseudo-tied out of the SPP footprint is necessary to facilitate
the distribution of funds to the parties paying marginal losses for pseudo-tied flow.
This term is filtered by the total over-collection determinant, RtIncrOclHrlyAmt, to
prevent allocation of an under-collection to pseudo-tie MW, which can’t be hedged
in the Day-Ahead Market and are therefore always exposed in RTBM.
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Yes – Section No: (Include a summary of impact and/or specific changes)
Tariff Implications or
Changes

Amount; Section 8.6.16; Real-Time Over-Collected Losses Distribution Amount
No
Yes – Section No: (Include a summary of impact and/or specific changes)

Criteria Impact or Changes
No
Date of Vote: 2/11/2014
MWG Review
PRR Recommendation

Vote: Unanimously Approved

Opposed: N/A
Abstained: N/A

RTWG Review

Date of Vote: 2/20/2014

Vote: Approved

ORWG Review

Date of Vote: 3/6/2014

Vote: Approved with no Reliability impacts

MOPC Recommendation

Date of Vote:

Vote:

Board Review

Date of Vote:

Vote:

Date

2/4/2014

Name
E-mail Address
Company
Phone Number

Sponsor
Micha Bailey
mcbailey@spp.org
Southwest Power Pool
501.688.2522

Proposed Protocol Language Revision

4.5.9.20

Real-Time Over-Collected Losses Distribution Amount

(1) The Marginal Losses Component of the RTBM LMP that results from the economic market
solution which considers the cost of marginal losses, congestion costs and incremental
Energy costs creates an over collection (or under collection as a result of the Real-Time
deviation accounting) related to payment for losses (“RTBM Over-Collected Losses”) that
must be accounted for. A RTBM credit or charge is calculated for each hour at each
Settlement Location for which an Asset Owner has a net RTBM Energy withdrawal in a Loss
Pool [MCRR116.1]that contributed positively to the over collection or under collection or paid a
charge for Real-Time Pseudo-Tie Losses at the Settlement Location of the Sink of the
Pseudo-Tie path for use of the SPP Transmission system. Each Loss Pool’s contribution to
the RTBM Over-Collected Losses is calculated based upon the Settlement Locations
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contained within the Loss Pool. There are two types of Loss Pools: (a) Loss Pools defined by
all Settlement Locations within a Settlement Area (“Settlement Area Loss Pool”); and (b) a
single Loss Pool defined by all Hub and External Interface Settlement Locations (“SystemWide Loss Pool”). Injection/withdrawal amounts associated with Settlement Locations
spanning multiple Settlement Area Loss Pools are allocated pro rata using the billable
metering values submitted at the associated Meter Data Submittal Locations. A loss rebate
factor is calculated for each withdrawal Settlement Location as the sum of i) the difference
between the Marginal Loss Component at a withdrawal Settlement Location and the injection
weighted average Marginal Loss Component for the Loss Pool, multiplied by the net RTBM
Energy withdrawal at that Settlement Location and ii) the sum of charges for Real-Time
Pseudo-Tie Losses at the Settlement Location of the Sink of the pseudo-tie path. The
injection weighted average MLC for the Loss Pool is calculated assuming that injection in
the Loss Pool first serves withdrawal in the Loss Pool and then goes to meet the withdrawal
in Loss Pools which do not have sufficient injection to meet all withdrawal. The sum of the
Settlement Location loss rebate factors (positive value only, negative values are ignored) is a
measure of that Loss Pool’s payment for losses on a marginal basis. The Loss Pool sum of
the Settlement Location loss rebate factors are then normalized to allocate a pro-rata portion
of the total over collection or under collection in the hour to each Loss Pool. Within a Loss
Pool, each Asset Owner is allocated a portion of the Loss Pool subtotal at each Settlement
Location based on a ratio share of its net RTBM Market Energy withdrawal to that of the
Loss Pool in total. The amount is calculated as follows:
#RtOclDistHrlyAmt a, s, lp, h =
RtAoSlLpLrsHrlyFct a, s, lp, h *
RtNormLpRbtHrlyFct

lp, h

* RtIncrOclHrlyAmt h * (-1)

RtIncrOclHrlyAmt h =

∑

RtIncrOcl5minAmt i

Where,
(a)

i

(a.1)

#RtIncrOcl5minAmt i =

∑ ∑
a

[ ( RtLmp5minPrc s, i – RtMcc5minPrc s, i )

s
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* ( ( RtBillMtr5minQty
–

a, s, i

∑

DaClrdVHrlyQty

∑

RtImpExp5minQty

– DaClrdHrlyQty a, s,

h

)

a, s, h, t

t

+

a, s, i, t

t

–

∑

DaImpExp5minQty a, s, i, t ) ] / 12

t

+ RtNetInadvertentSpp5minAmt i + RtPseudoTieLossSpp5minAmt i
(a.2)

RtPseudoTieLossSpp5minAmt i =

∑ ∑ ∑
a

(b)

source

RtPseudoTieLoss5minAmt a, source, sink, i

sin k

IF RtSppRbtHrlyFct h = 0
THEN
RtNormLpRbtHrlyFct lp, h = 0
ELSE
#[MPRR158.2]RtNormLpRbtHrlyFct lp, h =
Max ( 0, RtLpRbtHrlyFct lp, h ) / RtSppRbtHrlyFct h

(b.1)

RtSppRbtHrlyFct h =

∑

RtLpRbtHrlyFct lp, h

lp

(b.2)

RtLpRbtHrlyFct lp, h =

∑

Max ( 0, RtSlRbtHrlyFct s, lp, h )

s

(b.3) RtSlRbtHrlyFct

s, lp, h

=

∑

RtSlRbt5minFct

s, lp, i

i

(b.4)

#RtSlRbt5minFct

s, lp, i

= { [ RtLpIntSupply5minFct lp, i

* ( RtMlc5minPrc s, i – RtLpIwaMlc5minPrc lp, i )
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+ ( 1 – RtLpIntSupply5minFct lp, i )
* (RtMlc5minPrc s, i – RtSppIwaMlc5minPrc i ) ]
* RtSlWdr5minQty

}

s, lp, i

∑

+ SltoLp5minMap s, lp, i *

RtPseudoTieLoss5minAmt a, source, sink (s), i

source

(b.5)

RtSlWdr5minQty s, lp, i =
Max ( 0,

∑

SltoLp5minMap

s, lp, i

* ( RtBillMtr5minQty

a, s, i

a

– DaClrdHrlyQty

a, s, h

∑

–

DaClrdVHrlyQty

a, s, h, t

t

+

∑

RtImpExp5minQty

a, s, i, t

– ∑ DaImpExp5minQty

a, s, i, t

* (1 – RsgCrdFlg t )

t

) ) /12[CD3]/ 12[MPRR158.4]

t

(b.6)

RtLpWdr5minQty lp, i =

∑

RtSlWdr5minQty s, lp, i

s

(b.7)

IF RtLpWdr5minQty lp, i = 0
THEN
RtLpIntSupply5minFct lp, i = 0
ELSE
RtLpIntSupply5minFct lp, i =
Min [ 1, RtLpInj5minQty lp, i / RtLpWdr5minQty lp, i ]
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(b.8)

RtSlInj5minQty s, lp, i = (–1)
* { Min ( 0,

∑

SltoLp5minMap

s, lp, i

*

a

[ RtBillMtr5minQty a, s,
–

– DaClrdHrlyQty

i

∑

DaClrdVHrlyQty

∑

RtImpExp5minQty

∑

DaImpExp5minQty a, s,

a, s, h

a, s, h, t

t

+

* (1 – RsgCrdFlg t )

a, s, i, t

t

–

i, t

] ) } /12[CD5]/ 12[MPRR158.6]

t

(b.9)

RtLpInj5minQty lp, i =

∑

RtSlInj5minQty s, lp, i

s

(b.10) IF RtLpInj5minQty lp, i = 0
THEN
RtLpExtSupply5minFct lp, i = 0
ELSE
RtLpExtSupply5minFct lp, i =
Max [ 0, ( 1 – (RtLpWdr5minQty lp, i
/ RtLpInj5minQty lp, i ) ) ]
(b.11) IF RtLpInj5minQty lp, i = 0
THEN
RtLpIwaMlc5minPrc lp, i = 0
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ELSE
RtLpIwaMlc5minPrc lp, i =

∑

[RtSlInj5minQty s, lp, i * RtMlc5minPrc s, i ]

s

/ RtLpInj5minQty lp, i

(b.12) RtSppIwaMlc5minPrc i =

∑

[ RtLpExtSupply5minFct lp, i

lp

*

∑

( RtSlInj5minQty s, lp, i

∑

[ RtLpExtSupply5minFct lp, i * RtLpInj5minQty lp, i ]

a, s, lp, i

* RtMlc5minPrc s, i ) ]

s

/

lp

(c)

RtAoSlLpLrsHrlyFct a, s, lp, h =
RtAoSlWdrHrlyQty a, s, lp, h / RtAoLpWdrHrlyQty lp, h

(c.1)

RtAoSlWdrHrlyQty a, s, lp, h =

∑

[MPRR158.7]Max

( 0, SltoLp5minMap

s, lp, i

*{

∑

[MPRR158.8][

(

i

i

RtBillMtr5minQty a, s, i
– DaClrdHrlyQty
+

∑

a, s, h

RtImpExp5minQty a, s, i, t * (1 – RsgCrdFlg t )

t

– ∑ DaImpExp5minQty a, s, i, t + (IF RtIncrOclHrlyAmt h < 0
t

THEN 0
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ELSE 1) *

∑

source

RtPseudoTie5minQty

a, source, sink(s), i

) / 12

[MPRR158.9]]

∑

-

RtEnFinHrlyQty a, s, h, t -

t

∑

RtNEnFinHrlyQty a, s, h, t }

t

/12[MPRR158.10] )
(c.2) RtAoLpWdrHrlyQty lp, h =

∑ ∑
a

RtAoSlWdrHrlyQty a, s, lp, h

s

(2) For each Asset Owner, a daily amount is calculated at each Settlement Location. The daily
amount is calculated as follows:
RtOclDistDlyAmt a, s, lp, d =

∑

RtOclDistHrlyAmt

a, s, lp, h

h

(3) For each Asset Owner associated with Market Participant m, a daily amount is calculated.
The daily amount is calculated as follows:
RtOclDistAoAmt a, m, d =

∑∑
s

RtOclDistDlyAmt a, s, lp, d

lp

(4) For each Market Participant, a daily amount is calculated representing the sum of Asset
Owner amounts associated with that Market Participant. The daily amount is calculated as
follows:
RtOclDistMpAmt m, d =

∑

RtOclDistAoAmt a, m, d

a
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The above variables are defined as follows:
Variable

Unit

Settlement
Interval

Definition

$

Hour

$

Dispatch
Interval

RtPseudoTie5minQty a, source, sink, i

MW

Dispatch
Interval

RtPseudoTieLoss5minAmt a, source,

$

Dispatch
Interval

Real-Time Over Collected Losses Distribution Amount per
AO per Settlement Location in Loss Pool lp per Hour - The
amount to AO a for AO a’s share of total over/under
collection due to marginal losses at Settlement Location s in
Loss Pool lp for the Hour.
Real-Time SPP Total Pseudo-Tie Losses Amount per
Dispatch Interval - The total amount for losses on PseudoTies in Dispatch Interval i.
Real-Time Pseudo-Tie Quantity per Asset Owner per sourcesink path per Dispatch Interval – The value described under
Section 4.5.9.26.
Real-Time Pseudo-Tie Losses Amount per Asset Owner per
source-sink path per Dispatch Interval - The value described
under 4.5.9.27 for AO a on path source to sink in Dispatch
Interval i. For the purpose of its inclusion in the calculation of the

RtOclDistHrlyAmt

a, s, lp, h

RtPseudoTieLossSpp5minAmt

i

sink,(s), i

Loss Rebate Factor the sink (s) notation is an indication that value is
collected at the sink Settlement Location.

none

Hour

RtSlRbtHrlyFct s, lp, h

$

Hour

RtSlRbt5minFct

$

Dispatch
Interval

RtSppRbtHrlyFct h

$

Hour

RtLpRbtHrlyFct lp, h

$

Hour

RtNormLpRbtHrlyFct

lp, h

s, lp, i
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Real-Time Normalized Loss Rebate Factor per Loss Pool per
Hour – The percentage of RtIncrOclHrlyAmt h allocated to
Loss Pool lp for the Hour.
Real-Time Loss Rebate Factor per Settlement Location per
Loss Pool per Hour – The sum of RtSlRbt5minFct s, lp, i at
Settlement Location s in Loss Pool lp for the Hour.
Real-Time Loss Rebate Factor per Settlement Location per
Loss Pool per Dispatch Interval– The amount of marginal
loss dollars calculated at Settlement Location s in Loss Pool
lp for the Dispatch Interval.
Real-Time Loss Rebate Factor per Hour – The SPP total of
RtLpRbtHrlyFct lp, h for the Hour.
Real-Time Loss Rebate Factor per Loss Pool per Hour – The
amount of marginal loss dollars collected in Loss Pool lp for
the Hour.
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Variable

Unit

Settlement
Interval

Definition

RtIncrOclHrlyAmt h

$

Hour

RtIncrOcl5minAmt i

$

Dispatch
Interval

RtLpIntSupply5minFct lp, i

none

Dispatch
Interval

RtLpExtSupply5minFct lp, i

none

Dispatch
Interval

RtLpIwaMlc5minPrc lp, i

$/MWh

Dispatch
Interval

RtSppIwaMlc5minPrc i

$/MWh

Dispatch
Interval

RtLpInj5minQty , lp, i

MW

Dispatch
Interval

RtSlInj5minQty s, lp, i

MWh

Dispatch
Interval

RtLpWdr5minQty

MW

Dispatch
Interval

Real-Time Incremental Over Collected Losses Amount per
Hour – The sum of RtIncrOcl5minAmt i for the Hour.
Real-Time Incremental Over Collected Losses Amount per
Dispatch Interval – The amount of over/under collection in
the RTBM due to marginal losses for the Dispatch Interval.
Real-Time Loss Pool Internal Supply Factor per Loss Pool
per Dispatch Interval – A ratio indicating the percentage of
Loss Pool lp’s net withdrawals that are being served by net
RTBM Energy injections inside of Loss Pool lp in Dispatch
Interval i.
Real-Time Loss Pool External Supply Factor per Loss Pool
per Dispatch Interval – A ratio indicating the percentage of
Loss Pool lp’s net RTBM Energy injections that are in excess
of Loss Pool lp’s net RTBM Energy withdrawals in Dispatch
Interval i.
Real-Time Loss Pool Injection Weighted Average Marginal
Loss Component per Loss Pool per Dispatch Interval - The
weighted average RtMlc5minPrc s, i for all net RTBM
Energy injections in loss pool lp in Dispatch Interval i.
Real-Time SPP Injection Weighted Average Marginal Loss
Component per Dispatch Interval - The weighted average of
RtMlc5minPrc s, i for all loss pool net RTBM Energy
injections in excess of loss pool net RTBM Energy
withdrawals in Dispatch Interval i.
Real-Time Net Injection Quantity per Loss Pool per Dispatch
Interval – The net RTBM Energy injection quantity in Loss
pool lp in Dispatch Interval i.
Real-Time Net Injection Quantity per Settlement Location per
Loss Pool per Dispatch Interval – Settlement Location s’s net
RTBM Energy injection quantity in Loss pool lp in Dispatch
Interval i.
Real-Time Net Withdrawal Quantity per Settlement Location
per Loss Pool per Dispatch Interval – The net RTBM Energy
withdrawal quantity in Loss pool lp in Dispatch Interval i.

lp, i
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Variable

Unit

Settlement
Interval

RtAoSlLpLrsHrlyFct a, s, lp, h
None

Hour

RtAoSlWdrHrlyQty a, s, lp, h

MWh

Hour

RtAoLpWdrHrlyQty lp, h

MWh

Hour

RtSlWdr5minQty s, lp, i

MWh

Dispatch
Interval

SltoLp5minMap s, lp, i

None

Dispatch
Interval
Dispatch
Interval
Dispatch
Interval

RtLmp5minPrc

s, i

$/MWh

RtMcc5minPrc

s, i

$/MWh

RtMlc5minPrc s, i

RtEnFinHrlyQty

a, s, t, h

2c -MPRR 165 Recommendation Report
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Dispatch
Interval

MWh

Hour
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Definition

Real-Time Loss Pool Load Ratio Share per AO per Settlement
Location per Loss Pool per Hour – The ratio of AO a’s The
net RTBM Energy withdrawal at Settlement Location s to the
total The net RTBM Energy withdrawals in Loss pool lp in
Hour h.
Real-Time Net Market Energy Asset Owner Withdrawal per
AO per Settlement Location per Loss Pool per Hour – The
positive value of the sum of the difference between AO a’s
RTBM Energy and its DA Market Energy instruments at
Settlement Location s in Loss pool lp in Hour h.
Real-Time Net Market Energy Withdrawal per Loss Pool per
Hour – The sum of net RTBM Energy Asset Owner
withdrawal in Loss pool lp in Hour h.
Real-Time Net Withdrawal Quantity per Settlement Location
per Loss Pool per Dispatch Interval – Settlement Location s’s
net RTBM Energy withdrawal quantity in Loss Pool lp in
Dispatch Interval i.
Settlement Location to Loss Pool Map per Settlement
Location per Loss Pool per Dispatch Interval - The portion of
injection or withdrawal at Settlement Location s associated
with Loss Pool lp for Dispatch Interval i.
Real-Time LMP – The value described under Section 4.5.9.1
at Settlement Location s for Dispatch Interval i.
Real-Time Marginal Congestion Component of Real-Time
LMP – The Marginal Congestion Component of Real-Time
LMP at Settlement Location s for Dispatch Interval i.
Real-Time Marginal Losses Component of Real-Time LMP –
The Marginal Losses Component of the Real-Time LMP at
Settlement Location s for Dispatch Interval i.
Bilateral Settlement Schedule for Energy per AO per
Settlement Location per Transaction per Hour - The value
described under Section 4.5.9.1 for AO a at Settlement
Location s for Hour h.
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Variable

Unit

Settlement
Interval

Definition

MWh

Hour

MWh

Hour

h, t

MWh

Hour

DaImpExp5minQty

a, s, i, t

MW

Dispatch
Interval

RtImpExp5minQty

a, s, i, t

MW

Dispatch
Interval

none

none

Non-Asset Bilateral Settlement Schedule for Energy per AO
per Settlement Location per Transaction per Hour - The
value described under Section 4.5.9.2 for AO a at Settlement
Location s for Hour h.
Day-Ahead Cleared Energy Quantity per AO per Settlement
Location per Hour in the DA Market – The value described
under Section 4.5.8.1 for AO a at Settlement Location s for
Hour h.
Day-Ahead Cleared Virtual Energy Quantity per AO per
Settlement Location per Transaction per Hour in the DA
Market – The value described under Section 4.5.8.3 for AO a
at Settlement Location s in for transaction t for Hour h.
Day-Ahead Interchange Transaction Quantity per AO per
Settlement Location per Transaction per Dispatch Interval –
The value described under Section 4.5.8.2 for AO a at
Settlement Location s in for transaction t for Dispatch
Interval i.
Real-Time Interchange Transaction Quantity per AO per
Settlement Location per Transaction per Dispatch Interval –
The value described under Section 4.5.9.2 for AO a at
Settlement Location s in for transaction t for Dispatch Interval
i.
Reserve Sharing Group Contingency Reserve Deployment
Flag per Event – The value described under Section 4.5.8.8.

MW

Dispatch
Interval

MW$

Dispatch
Interval

RtNEnFinHrlyQty

DaClrdHrlyQty

a, s, t, h

a, s, h

DaClrdVHrlyQty a, s,

RsgCrdFlg t

(Not Available on Settlement
Statement)
RtBillMtr5minQty

a, s, i

RtNetInadvertentSpp5minAmt
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Real-Time Billing Meter Quantity per AO per Settlement
Location per Dispatch Interval - The value described under
Section 4.5.9.1 for AO a at Settlement Location s in for
Dispatch Interval i.
Real-Time SPP Net Inadvertent Energy Amount per Dispatch
Interval – The value calculated under Section 4.5.12.
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Variable

RtOclDistDlyAmt

a, s, lp, d

Unit

Settlement
Interval

Definition

$

Operating
Day

Real-Time Over Collected Losses Distribution Amount per
AO per Settlement Location per Loss Pool Operating Day The amount to AO a for AO a’s share of total over/under
collection due to marginal losses at Settlement Location s in
Loss Pool lp for the Operating Day.
Real-Time Over Collected Losses Distribution Amount per
AO per Operating Day- The amount to AO a associated with
Market Participant m for AO a’s share of total over/under
collection due to marginal losses for the Operating Day.
Real-Time Over Collected Losses Distribution Amount per
MP per Operating Day- The amount to MP m for MP m’s
share of total over/under collection due to marginal losses for
the Operating Day.
An Asset Owner.
A Settlement Location.
An Hour.
A Dispatch Interval.
A single tagged Interchange Transaction, a single virtual
energy transaction, a single Bilateral Settlement Schedule, a
single contracted Operating Reserve transaction, a single TCR
instrument, a single ARR award or a single Reserve Sharing
Event transaction.
An Operating Day.
A Loss Pool.
A Market Participant.

RtOclDistAoAmt

a, m, d

$

Operating
Day

RtOclDistMpAmt

m, d

$

Operating
Day

a
s
h
i
t

none
none
none
none
none

none
none
none
none
none

d
lp
m

none
none
none

none
none
none
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Proposed Tariff Language Revision

Attachment AE
8.6.16

Real-Time Over-Collected Losses Distribution Amount
The MLC of the RTBM LMP creates an over collection of funds (or under collection of
funds as a result of the Real-Time deviation accounting) related to the payment for losses
(“RTBM Over-Collected Losses”) that must be refunded (or charged) as described below.
(1)

A payment or charge for the portion of such RTBM Over-Collected Losses allocable to
each Asset Owner (“Real-Time Over-Collected Losses Distribution Amount”) shall be
calculated for each hour at each Settlement Location for which an Asset Owner has a net
RTBM Energy withdrawal within a Loss Pool, provided that such withdrawal does not
include Energy associated with cleared Day-Ahead Market Virtual Energy Bids and
Virtual Energy Offers, and such Loss Pool contributed positively to the RTBM OverCollected Losses or were charged for Real-Time pseudo-tie losses at the Settlement
Location of the Sink of the pseudo-tie path for use of the SPP Transmission system
[MPRR69.11]according

(a)

to the following calculations:

Each Loss Pool’s contribution to the RTBM Over-Collected Losses is calculated
based on transactional activity in that Loss Pool where such transactional activity
shall include: actual Resource Energy, actual load consumption, RTBM Import
Interchange Transactions, RTBM Export Interchange Transactions, cleared DayAhead Market Virtual Energy Bids and cleared Day-Ahead Market Virtual
Energy Offers.

(b)

A “Real-Time Loss Pool loss rebate factor” is calculated hourly for each Loss
Pool. The Real-Time Loss Pool loss rebate factor is equal to the sum of the
positive loss rebate factors calculated in the RTBM at each withdrawal Settlement
Location in the Loss Pool (the “Real-Time Withdrawal Settlement Location loss
rebate factor”). Real-Time Withdrawal Settlement Location loss rebate factors
are calculated hourly as the sum of i) the [MPRR69.12]difference between the RealTime MLC at a withdrawal Settlement Location in the Loss Pool and the injection
weighted average Real-Time MLC for the Loss Pool, multiplied by the
withdrawal quantity at that withdrawal Settlement Location and ii) the sum of
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charges for Real-Time pseudo-tie losses at the Settlement Location of the Sink of
the pseudo-tie path[MPRR69.13] in the Loss Pool.
(i)

For any Settlement Location that is contained within more than one
Settlement Area Loss Pool, any injections or withdrawals associated with
such Settlement Location shall be allocated pro rata to the applicable
Settlement Area Loss Pools based upon actual submitted real-time meter
values for the Meter Data Submittal Locations contained within each
applicable Settlement Area Loss Pool.

(ii)

The total withdrawal quantity at a Settlement Location is calculated as the
positive value of the sum of: (i) the difference between actual Resource
outputs and cleared Day-Ahead Market Resource Offers; (ii) the
difference between actual load consumption and cleared Day-Ahead
Market Demand Bids; (iii) the difference between RTBM scheduled
Import Interchange Transactions and Day-Ahead Market cleared Import
Interchange Transaction Offers; (iv) the difference between RTBM
scheduled Export Interchange Transactions and Day-Ahead Market
cleared Export Interchange Transaction Bids; (v) cleared Day-Ahead
Market Virtual Energy Bids multiplied by (-1); and (vi) cleared DayAhead Market Virtual Energy Offers multiplied by (-1), at that Settlement
Location.

(c)

The injection weighted average Real-Time MLC for a Loss Pool is calculated
assuming that net RTBM injection in a Loss Pool first serves net RTBM
withdrawals in the Loss Pool and then goes to meet the net RTBM withdrawal in
Loss Pools that do not have sufficient Net RTBM injections to meet all net RTBM
withdrawals.

(d)

A Real-Time Loss Pool Unitized Loss Rebate Factor is calculated for each Loss
Pool and is equal to that Real-Time Loss Pool loss rebate factor, as calculated in
subsection (1)(b) above, divided by the sum of all Real-Time Loss Pool loss
rebate factors.

(2)

A Real-Time over-collected losses distribution amount shall be calculated hourly for each
Asset Owner for each Loss Pool and withdrawal Settlement Location within each Loss
Pool as follows:
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Asset Owner Settlement Location Real-Time Over-Collected Losses Distribution
Amount =
[(Real-Time Loss Pool Unitized Loss Rebate Factor) * (Real-Time Over-Collected
Losses Amount) * Asset Owner Settlement Location Withdrawal in Loss Pool / Total
Asset Owner Settlement Location Withdrawals in Loss Pool] * (-1)
(a)

The Real-Time Over-Collected Losses Amount in an hour is equal to the sum for
all Settlement Locations of [(Day-Ahead LMP – Day-Ahead MCC)] * the
difference between actual Energy and Day-Ahead Market cleared Energy MW at
each Settlement Location plus the sum of the loss chargeses[WRC14] for all
Resources or loads that are pseudo-tied out of the SPP Balancing
Authority[WRC15].

(b)

The Asset Owner Settlement Location Withdrawal in Loss Pool is equal to the
positive value of the sum for that Asset Owner at that Settlement Location in that
Loss Pool of: (i) the difference between actual Resource outputs and cleared DayAhead Market Resource Offers; (ii) the difference between actual load
consumption and cleared Day-Ahead Market Demand Bids; (iii) the difference
between RTBM scheduled Import Interchange Transactions and Day-Ahead
Market cleared Import Interchange Transaction Offers; (iv) the difference
between RTBM scheduled Export Interchange Transactions and Day-Ahead
Market cleared Export Interchange Transaction Bids; and (v) RTBM Bilateral
Settlement Schedules and (vi) Real-Time quantity at the sink Settlement Location
for Resources or loads pseudo-tied out of the SPP Balancing Authority if the
value calculated under 8.6.16(2)(a) is an over-collection, otherwise this quantity
shall be equal to zero.

(c)

Real-Time Loss Pool Unitized Loss Rebate Factor is the factor calculated as
described in subsection (1)(d) above.

Proposed Criteria Language Revision
N/A
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PRR Recommendation Report
PRR
No.

171

Timeline

PRR
LTCR Clarifications
Title
Normal
Expedited

Provide explanation if Expedited and/or Urgent Action is selected:
Approve

Recommendation Action

Reject

Require additional information
Defer
Rating – Ranking

Rating-Ranking

Refer
Rating: 1 – FERC Compliance

–

3 – Member Request

Yes – If yes, estimated cost:
Impact Analysis Required

Protocol Section(s)
Requiring Revision

Type of Revision

Revision Description

Urgent Action

2 – Defect
4 – Other

No

SPP Staff will complete this section.
Section No.: 3.2; 5; 5.1.1; 5.1.2; 5.2.6; 5.3.3; 5.3.4; 5.4.1; 5.4.4; 5.5.2; 5.5.3;
5.6.3;
Title: Transmission Congestion Rights Markets; Transmission Congestion Rights
Markets Process; Transmission Service Verification; Candidate LTCRs/ARRs;
LTCR Selections and Awards; Simultaneous Feasibility; Annual ARR Awards;
TCR Bid and Offer Submittal; Annual TCR Awards; Monthly ARR Nominations;
Simultaneous Feasibility; Monthly TCR Auction Clearing and Simultaneous
Feasibility;
Protocol Version: 19.1
Correction/Clean-Up

Clarification

Design Enhancement

Design Change

These changes preserve the original intent of the MPRR 138 design by directly
converting awarded LTCRs into TCRs prior to the ARR Annual Allocation. These
TCRs are then directly modeled as fixed injections and withdrawals as an input
into both the Annual ARR Allocation and Annual TCR Auction. This change
ensures that LTCRs holder receive their LTCRs at zero cost and allows the
associated TCRs to be resold in the Annual TCR Auction.
Changes are also included that clarify that total LTCR selection is limited to a
maximum amount.
Yes – Section No: (Include a summary of impact and/or specific changes)

Tariff Implications or
Changes

Attachment AE Section 1.1 Definitions; 7.0 Transmission Congestion Rights
Markets; 7.1.1 Transmission Service Verification; 7.1.2 Candidate Long-Term
Congestion Rights/Auction Revenue Rights; 7.1.3 Auction Revenue Right
Nomination Cap; 7.2 Annual Long-Term Congestion Right Allocation; 7.2.4 LTCR
Selection and Awards; 7.3.3 Annual Auction Revenue Right Awards; 7.4 Annual
Transmission Congestion Right Auction; 7.4.3 Annual Transmission Congestion
Right Auction Clearing and Simultaneous Feasibility; 7.6.3 Monthly Auction
Revenue Right Nominations;
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No

Yes – Section No: (Include a summary of impact and/or specific changes)
Criteria Impact or Changes
No
Date of Vote: 3/18/2014
MWG Review
PRR Recommendation

Vote: Unanimously Approved

Opposed: N/A
Abstained: N/A
Date of Vote: 3/26/2014

Vote: Approved with modifications

ORWG Review

Abstained: NPPD
Date of Vote: 4/3/2014

Vote: Approved with no Reliability impact

CAWG Review

Date of Vote: 4/2/2014

Vote: Approved

MOPC Recommendation

Date of Vote:

Vote:

RSC Review

Date of Vote:

Vote:

Board Review

Date of Vote:

Vote:

Date

3/12/2014

Name
E-mail Address
Company
Phone Number

Sponsor
Debbie James
djames@spp.org
Southwest Power Pool
501.614.3577

RTWG Review

Comment Author
Date
Comment Description

Comment Status

Comment Author
Date
Comment Description

Comments Received
Micha Bailey on behalf of MWG
3/18/2014
Language was added to Section 5.3.3(2). This new language helps clarify what
happens to TCRs associated with LTCRs that have not been surrendered.
Language was added to Section 5.5.2 for Monthly ARR Nominations. This new
language clarifies how the nomination process is currently working now.
The MPRR was approved as modified in these comments. The approved
language is reflected in this recommendation report.
Comments Received
Brenda Fricano on behalf of RWTG
3/26/2014
Section 5 Transmission Congestion Rights Markets Process of the Protocols had
some language left in it that allowed an ARR associated with LTCR to be
converted into TCRs and then sold in the same auction. The ARR process cannot
support a buy and a sell in the same auction. This language was removed.
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RTWG made some corrections to Attachment AE. RTWG restructured Section
7.2.4 LTCR Selection and Awards (4) and created (5). RTWG restructured Section
7.6.3 Monthly Auction Revenue Right Nominations into the four different products
instead of one paragraph.
Comment Status

Proposed Protocol Language Revision

3.2

Transmission Congestion Rights Markets

The structure of the TCR Markets includes allocation of Long-Term Congestion Rights (LTCRs)
to Eligible Entities and annual and monthly nomination and allocation of [MPRR138.1]Auction
Revenue Rights (ARRs) to Eligible Entities followed by annual and monthly TCR Auctions.
Eligible Entities for ARRs[MPRR138.2] include Transmission Customers with firm SPP transmission
service and entities with firm non-SPP transmission service (commonly referred to as a
“grandfathered agreement or GFA”) into, out of, within or through the SPP Region that have
identified such service during the annual LTCR/[MPRR138.3]ARR verification process. Eligible
Entities for LTCRs include Transmission Customers with qualifying firm SPP transmission
service and entities with qualifying firm non-SPP transmission service (commonly referred to as
a “grandfathered agreement or GFA”) into, out of, within and through the SPP Region that have
identified such qualifying service during the annual LTCR/ARR verification process.
[MPRR138.4]Entities with firm non-SPP transmission service (GFA) must agree between the parties
as to which party is eligible to nominate LTCRs and/or [MPRR138.5]ARRs. Additionally, Eligible
Entities may request NITS, GFA NITS, FPTP and/or GFA FPTP Candidate ARRs for firm
transmission service confirmed following completion of the annual TCR auction.
Key features of the annual LTCR allocation process include:
(1)

Eligible Entities are awarded LTCRs that apply to the entire TCR year. Load Serving
Entities (LSEs) are awarded LTCRs prior to consideration of LTCR awards for Eligible
Entities that are not LSEs. Candidate LTCRs are only associated with eligible long-term
firm transmission service with rollover rights;

(2)

All Candidate LTCRs are modeled in order to determine simultaneous feasibility of the
Candidate LTCRs. LTCRs are only awarded up to the selected amount of simultaneously
feasible Candidate LTCRs;
a.

Candidate LTCRs are evaluated for simultaneous feasibility for flows in the
prevailing direction only with no simultaneous consideration of LTCR flows in
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the opposite direction (i.e. counterflow is not considered in the feasibility
analysis);
b.

(3)

(4)

50% of the SPP transmission system capability is available for allocation;

Awarded LTCRs are of the obligation type which means that the TCRs associated with
the awarded LTCR could result in a payment or charge to the TCR holder in the DayAhead Market settlement of TCRs;
a.

Once awarded, the awarded LTCRs are guaranteed in subsequent years as long as
the associated long-term firm SPP transmission service reservation remains in
effect;

b.

Awarded LTCRs may be surrendered in subsequent years at the Market
Participant's request;

Awarded LTCRs are initially ARRs which will automatically be self-directly converted
to TCRs prior to the annual ARR allocation for the current allocation year. in the annual
ARR allocation process.[MPRR138.6]

Key features of the annual ARR allocation process include:
(1)

Eligible Entities nominate candidate ARRs separately for On-Peak and Off-Peak periods
each month and season of the annual period in a three-round process;

(2)

Nominated candidate ARRs are awarded up to the amount that is simultaneously feasible;

(3)

100% of the SPP transmission system capability is available for allocation;
a. All awarded LTCRs are directly converted to TCRs and are accounted for prior to
assessing nominated ARR feasibility;
b. Awarded ARRs are of the obligation type which means that the awarded ARR
could result in a payment or charge to the ARR holder. Awarded LTCRs are
converted to ARRs and included in the total ARR awards for settlement
purposes;[MPRR138.7]

(4)

Holders of ARRs receive positive or negative revenue resulting from the annual and
monthly TCR auctions, including those ARRs that were self-converted to TCRs. ARRs
associated with LTCRs are automatically self-converted into TCRs for settlement
purposes. [MPRR138.8]Positive auction revenue results when the sink Auction Clearing Price
(ACP) is greater than the source ACP for a given ARR. Negative revenue results when
the sink ACP is less than the source ACP, in other words, a counterflow ARR.
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(a)

For the annual TCR auction, the amount of ARRs eligible to receive auction
revenues is equal to the greater of ARRs [MPRR138.9]self-converted to
[MPRR138.10]TCRs or the amount of ARRs awarded multiplied by the following
percentages: June – 100%; July through September, 90%; and Fall, Winter,
Spring – 60%.

(b)

For the monthly TCR auction for the months of July through September, the
amount of ARRs eligible to receive auction revenues is equal to the amount of
ARRs awarded in the monthly[MPRR138.11]ARR allocation process plus: the lesser
of (i) 10% of the annual ARR award or (ii) the difference between the annual
ARR award and the amount of self-converted TCRs in the annual TCR auction;

(c)

For the monthly TCR auction for the months of October through May, the amount
of ARRs eligible to receive auction revenues is equal to the amount of ARRs
awarded in the monthly [MPRR138.12]ARR allocation process plus: the lesser of (i)
40% of the annual ARR award or (ii) the difference between the annual ARR
award and the amount of self-converted TCRs in the annual TCR auction.

Key features of the annual TCR auction include:
(1)

Any Market Participant that meets the applicable credit requirements may submit TCR
Bids to purchase and/or TCR Offers to sell [MPRR138.13]separately for On-Peak and OffPeak periods in the annual TCR auction for each month and season[MPRR138.14] in the
annual period;
(a)

ARRs resulting from LTCRs are automatically self-converted into TCRs prior
to auction clearing and are modeled as fixed injections/withdrawals. These
TCRs directly converted from LTCRs may be offered for sale in the annual or
monthly TCR auction process;[MPRR138.15]

(2)

TCRs are of the obligation type which means that the awarded TCR could result in a
payment or charge to the TCR holder in the DA Market settlement;

(3)

The annual TCR auction is a single round process for the month of June that makes 100%
of the available SPP transmission system capability available, is a single round process
for the months of July, August and September that makes 90% of the available SPP
transmission system capability available and is a single round process for the Fall, Winter
and Spring seasons that makes 60% of the available SPP transmission system capability
available;
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(4)

Market Participants who have TCR bids cleared in the annual TCR auction will be
charged (or get paid in the case of a counter-flow TCR) based on the amount of TCR
MWs cleared and the annual TCR auction clearing prices associated with the source and
sink of the purchased [MPRR138.16]TCR;

(5)

Market Participants who have TCR offers cleared in the annual TCR auction will be paid
(or get charged in the case of a counter-flow TCR) based on the amount of TCR MWs
cleared and the annual TCR auction clearing prices associated with the source and sink of
the TCR sold; [MPRR138.17]

(6)

Market Participants holding ARRs not associated with LTCRs [MPRR138.18]may selfconvert their ARRs into TCRs for the applicable period subject to simultaneous
feasibility. TCRs from self-converted ARRs, including TCRs self-converted from ARRs
associated with LTCRs, are included as awarded TCRs.[MPRR138.19]

Key features of the monthly ARR allocation include:
(1)

SPP verifies new firm transmission service reservations [MPRR138.20]and performs a
monthly ARR allocation process beginning five days prior to the applicable monthly
TCR auction process.
(a)

Eligible Entities may nominate candidate ARRs from their verified NITS
Candidate ARRs not to exceed the difference between their NITS ARR
Nomination Cap and those ARRs awarded in the annual ARR allocation
process[MPRR138.21];

(b)

Eligible Entities may nominate candidate ARRs from their verified FPTP
Candidate ARRs not to exceed the difference between their FPTP Nomination
Cap and those ARRs awarded in the annual ARR allocation processes[MPRR138.22];

(c)

Eligible Entities may nominate candidate ARRs from their verified GFA NITS
Candidate ARRs not to exceed the difference between their GFA NITS
Nomination Cap and those ARRs awarded in the annual ARR allocation process;

(d)

Eligible Entities may nominate candidate ARRs from their verified GFA FPTP
Candidate ARRs not to exceed the difference between their GFA FPTP
Nomination Cap and those ARRs awarded in the annual ARR allocation process;

(e)

Nominated candidate ARRs are awarded up to the amount that is simultaneously
feasible;
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(f)

All TCRs previously awarded in the Annual TCR Auction Process and all
remaining ARRs not accounted for in the Annual TCR Auction Process for the
applicable month are modeled as fixed injections at the specified sources and
fixed withdrawals at the specified sinks prior to assessing nominated candidate
ARR feasibility.

(2)

Awarded ARRs are of the obligation type which means that the awarded ARR could
result in a payment or charge to the ARR holder; and

(3)

100% of the SPP transmission system capability is available for allocation.

Key features of the monthly TCR[MPRR138.23] auction include:
(1)

The monthly TCR auction process allows any Market Participants that have met the
applicable credit requirements to submit TCR Bids to purchase additional TCRs or TCR
Offers to sell currently held TCRs in a single-round process for the months of July,
August and September and in a two-round process for the months of October through
May;

(2)

100% of the SPP transmission system capability is made available; and

(3)

Market Participants may self-convert their remaining ARRs (including ARRs remaining
from the annual TCR auction process and ARRs awarded in the monthly [MPRR138.24]ARR
allocation process) into TCRs for the applicable period subject to simultaneous
feasibility.

Exhibit 3-3 provides an overview of the TCR Markets structure.
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Exhibit 3-1: Overview of TCR Markets Structure

TCs identify
and confirm NITS and
Firm PTP
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Nominate
Annual ARRs
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Submit Bids to
Buy TCRs

Verification

Annual ARR
Awards

Annual TCR
Auction

Receive
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ARRs
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Cleared Bids Pay
Award MW Cleared Offers are Paid Monthly Auction
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TCR Market
Settlements

Incremental
ARR Award
MW

Cleared Bids Pay
Cleared Offers are Paid

DA Market
Settlements

The TCR Markets are operated in parallel with the timeline depicted in Exhibit 3-2 to ensure the
Market Participants are able to obtain TCRs prior to DA Market operation. A representative
timeline for the TCR Market processes is shown in Exhibit 3-4.
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Exhibit 3-2: LTCR/[MPRR138.25]ARR Allocation/TCR Auction Processes Timeline

4/5 - 4/23
Annual ARR
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5/3 - 5/23
Annual
TCR Auction

6/1 - 9/30
Annual ARR Awards
And TCR
Auction Awards
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And TCR
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ARR Allocation / TCR Auctions
1
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3

4

5

7
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9
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11

12

1
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12/15

4

5
5/31

Monthly TCR
Auction Awards
Month to Month
On-Peak and Off-Peak
7/1 - 5/31

TCR Monthly
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Repeats for
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Month
6/8 - 6/18

MP Verification of
Transmission Entitlements
2/14 - 3/15

5/25 - 6/5
Incremental ARR
Allocation and
Awards. Repeats
Each Month as
Needed

The Energy and Operating Reserve Markets processes are described in detail in Section 4 and the
TCR Markets processes are described in detail in Section 5.

5.

Transmission Congestion Rights Markets Process

The annual [MPRR138.26]TCR Markets Process includes an annual LTCR allocation process, an
annual and monthly [MPRR138.27]ARR allocation process and annual and monthly TCR Auctions.
LTCRs are multi-year instruments, ARRs are annual, monthly or seasonal instruments, and
[MPRR138.28]TCRs are monthly and seasonal financial instruments whose values are determined as
part of the DA Market settlement based on the MW amount of the TCR (including LTCRs
converted to TCRs) [MPRR138.29]and the DA Market differential of the Marginal Congestion
Component of LMP between specified sinks and sources. TCRs are of the obligation type which
means they can result in a credit or a charge. They provide a financial hedge against congestion
costs in the DA Market as long as the MCC of the TCR sink Settlement Location is greater than
the MCC of the TCR source Settlement Location. If the MCC at the TCR sink Settlement
Location is less than the MCC of the TCR source Settlement Location, the TCR holder is
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charged (this type of TCR is commonly referred to as a “Counter-Flow TCR”). Awarded LTCRs
are directly converted into TCRs prior to the annual ARR allocation for the current allocation
year.
Auction Revenue Rights (ARRs) are obtained by Eligible Entities during the annual ARR
allocation process and/or monthly ARR allocation process. LTCRs are automatically converted
into ARRs and TCRs for modeling and settlement purposes. [MPRR138.30]Holders of ARRs are
entitled to receive the Annual and Monthly TCR Auction revenues associated with awarded TCR
Bids. However, ARRs are of the obligation type which means they can result in the holder
receiving a portion of the TCR auction revenues or contributing to the TCR auction revenues.
ARRs associated with LTCRs are automatically converted into TCRs which may be sold in the
annual and Monthly TCR auctions.[MPRR138.31]
TCRs are obtained by Market Participants through the annual LTCR allocation and the Annual
and Monthly TCR Auctions. Optionally, ARR holders may convert their ARRs into TCRs in the
Annual and Monthly TCR Auctions and either hold the TCRs or offer these TCRs for sale in the
auctions.
The TCR Markets Process is subject to review by the Market Monitor, consistent with
Attachment AG of the SPP OATT.
There are 8[MPRR138.32] key steps associated with obtaining an LTCR or[MPRR138.33] TCR and/or
offering an awarded LTCR or [MPRR138.34]TCR for sale.
(1)

Annual LTCR/[MPRR138.35]ARR Verification Process;

(2)

Annual LTCR Allocation Process;[MPRR138.36]

(3)

Annual ARR Allocation Process;

(4)

Annual TCR Auction Process;

(5)

Monthly ARR Allocation Process;

(6)

Monthly TCR Auction Process;

(7)

ARR Allocation and TCR Auction Settlements; and

(8)

TCR Secondary Markets.

Exhibit 5-1 provides an overall representative timeline related to the LTCR Allocation,
[MPRR138.37]ARR Allocation and TCR Auction processes and Exhibit 5-2 provides additional
details related to auction timing and available transmission system capability of the TCR Auction
processes.
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Exhibit 5-1: LTCR/[MPRR138.38]ARR Allocation and [MPRR138.39]TCR Auction Processes
Timeline
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Exhibit 5-2: TCR Auction Processes Summary

Auction
Auction
Month
Type
May
Annual
(System Capability %)
Jun
Monthly
(System Capability %)
Jul
Monthly
(System Capability %)
Aug
Monthly
(System Capability %)
Sep
Monthly
(System Capability %)
Oct
Monthly
(System Capability %)
Nov
Monthly
(System Capability %)
Dec
Monthly
(System Capability %)
Jan
Monthly
(System Capability %)
Feb
Monthly
(System Capability %)
Mar
Monthly
(System Capability %)
Apr
Monthly
(System Capability %)

TCR Award Periods
Jun
(100)
Jul
(100)
Aug
(100)
Sep
(100)
Oct
(100)
Nov
(100)
Dec
(100)
Jan
(100)
Feb
(100)
Mar
(100)
Apr
(100)
May
(100)

Jul
(90)

Aug
(90)

Sep
(90)

Fall 1
(60)

Winter 2
(60)

Spring 3
(60)

TCR
Products
On-Peak/
Off-Peak
On-Peak/
Off-Peak
On-Peak/
Off-Peak
On-Peak/
Off-Peak
On-Peak/
Off-Peak
On-Peak/
Off-Peak
On-Peak/
Off-Peak
On-Peak/
Off-Peak
On-Peak/
Off-Peak
On-Peak/
Off-Peak
On-Peak/
Off-Peak
On-Peak/
Off-Peak

Auction
Rounds
1

Total
Auctions
14

1

2

1

2

1

2

2

4

2

4

2

4

2

4

2

4

2

4

2

4

2

4

1

October and November
December, January, February, March
3
April and May
2

2d - MPRR 171 Recommendation Report

4/3/2014

Page 12 of 39
155 of 286

Key process and design assumptions of each of these eight (8[MPRR138.40]) key steps are described
in the following sub-sections.
5.1.1

Transmission Service Verification

In order for Eligible Entities to obtain candidate LTCRs and/or [MPRR138.41]ARRs, SPP must first
verify existing transmission service entitlements, including transmission service entitlements
which have been renewed in accordance with rollover rights since their initial term. In order to
qualify for candidate LTCRs, an Eligible Entity’s firm transmission service must contain rollover
rights and must span the entire allocation year. [MPRR138.42]In order to qualify for candidate ARRs
in a particular month and/or season, an Eligible Entity’s transmission service must span the
entire monthly or seasonal period within the applicable allocation [MPRR138.43]year. For
Transmission Service with rollover rights whose deadline for providing notice of rollover occurs
after the annual LTCR/ARR verification but before June 1, the Transmission Provider shall
assume that the rollover will occur and shall consider the Transmission Service entitlement to
span the entire allocation year, provided, however, that, if rollover rights for such Transmission
Service are not exercised by the applicable deadline, any ARRs, TCRs, or LTCRs associated
with such Transmission Service shall revert to the Transmission Provider effective on the date
such Transmission Service terminates. SPP will verify each [MPRR138.44]Eligible Entity's existing
transmission service entitlements as follows:
(1)

For Eligible Entities taking Network Integration Transmission Service (NITS) and/or
Firm Point-To-Point Transmission Service (FPTP) under the SPP Tariff:
(a)

SPP will obtain source, sink and Reserved Capacity information from the SPP
OASIS for each monthly and seasonal period for the applicable year in which the
transmission service spans the entire period for ARR purposes and for the annual
period for the applicable year for LTCR purposes[MPRR138.45], or would if or when
rolled over;

(b)

Eligible Entities taking NITS with rollover rights shall be considered an LSE for
purposes of LTCR allocation;

(c)

Eligible Entities taking FPTP service with rollover rights shall not be considered
an LSE for that service unless the Eligible Entity provides an attestation to SPP
confirming that the Eligible Entity is an LSE as defined in Attachment AE of the
Tariff for such service;[MPRR138.46]

(d)

For a TSR with a source inside the SPP Market that is not a specific Resource or
Resource Hub, the load Settlement Location that most closely corresponds to the
source on the reservation will be utilized as the source for candidate LTCRs
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and/or [MPRR138.47]ARRs. Eligible Entities may create Resource specific TSRs that
represent their current TSRs using the process described under Section 5.1.1.1;

(2)

(e)

For a TSR with a source outside of the SPP Market, the Interface Settlement
Location [MPRR138.48]associated with the Balancing Authority of the source will be
utilized as the source for candidate LTCRs and/or ARRs[MPRR138.49];

(f)

For a TSR with a sink outside of the SPP Market, the Interface Settlement
Location associated with the Balancing Authority of the sink will be utilized as
the source for candidate LTCRs and/or ARRs;[MPRR138.50]

(g)

SPP will provide this information to each Eligible Entity for verification;

(h)

Eligible Entities will notify SPP within two (2) weeks following receipt of this
information identifying and correcting inaccurate data. Otherwise, the SPP
provided data will be considered verified.

For Eligible Entities taking GFA service without Carve Out treatment:
(a)

If the transmission customer under the GFA desires to nominate ARRs associated
with the GFA sources and sinks identified in the Grandfathered Agreement, the
GFA Parties must register such GFA with SPP and provide sources, sinks and
reserved capacity information. SPP will obtain source, sink and reservation
capacity information from the GFA registration for each monthly and seasonal
period for the applicable year in which the transmission service spans the entire
period;

(b)

Eligible Entities taking the equivalent of SPP NITS with rollover rights shall be
considered an LSE for purposes of LTCR allocation;

(c)

Eligible Entities taking the equivalent of SPP FPTP service with rollover rights
shall not be considered an LSE for that service unless the Eligible Entity provides
an attestation to SPP confirming that the Eligible Entity is an LSE as defined in
Attachment AE of the Tariff for such service;[MPRR138.51]

(d)

For a GFA with a source inside the SPP Market that is not a specific Resource or
Resource Hub, the load Settlement Location that most closely corresponds to the
source on the reservation will be utilized as the source for candidate LTCRs
and/or [MPRR138.52]ARRs;

(e)

For a GFA with a source outside of the SPP Market, the interface associated with
the Balancing Authority of the source will be utilized as the source for candidate
LTCRs and/or [MPRR138.53]ARRs;
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(3)

(f)

For a GFA with a sink outside of the SPP Market, the interface associated with
the Balancing Authority of the sink will be utilized as the sink for candidate
LTCRs and/or ARRs[MPRR138.54];

(g)

In addition, the parties to the GFA must agree that the transmission customer
under the GFA is eligible to nominate the LTCRs and/or [MPRR138.55]ARRs
associated with the GFA and both parties must confirm such with SPP. To the
extent that the transmission service specified in the GFA is identified as the
equivalent of SPP NITS, the transmission customer under the GFA must provide
the historical non-coincident peak loads (“GFA Annual Peak Load”) being served
under the GFA for the previous three years.

For entities that have been granted GFA Carve Out treatment:
(a)

GFAs with GFA Carve Out treatment are not eligible for candidate ARRs;

(b)

The parties to the GFA must register the GFA with SPP, identify the GFA
Responsible Entity, and provide source, sink and reserved capacity information.
SPP will obtain source, sink and reserved capacity information from the GFA
registration for each monthly and seasonal period for the applicable year in which
the transmission service spans the entire period;

(c)

To the extent that the transmission service specified in the GFA Carve Out is
identified as the equivalent of SPP NITS, the transmission customer under the
GFA must provide the historical non-coincident annual peak loads (“GFA Annual
Peak Load”) being served under the GFA for the previous three years.

5.1.2

Candidate LTCRs/[MPRR138.56]ARRs

Following verification of Eligible Entity transmission service, candidate LTCRs and
[MPRR138.57]ARRs associated with such transmission service are assigned as follows:
(1)

For each Eligible Entity with NITS, the Eligible Entity’s NITS Candidate LTCRs and/or
[MPRR138.58]ARRs from a specific source is equal to the source Reserved Capacity.
a.

An Eligible Entity may select [MPRR138.59]NITS Candidate LTCRs[MPRR138.60], as
described under Section 5.2.6[MPRR138.61] from a specific source to one or more
sinks up to the amount of its available [MPRR138.62]NITS Candidate LTCRs
[MPRR138.63]associated with the source such that the total of such selections does not
exceed the lesser of the sum of NITS Candidate LTCRs or the limit described
under Section 5.1.3(1)(b) for that Eligible Entity ;

b.

An Eligible Entity may nominate NITS Candidate ARRs, as described under
Section 5.3.1 from a specific source to one or more sinks up to the amount of its
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NITS Candidate ARRs associated with the source subject to the total nomination
limit described under Section 5.1.3.[MPRR138.64]
(2)

(3)

(4)

For each Eligible Entity with FPTP service, the Eligible Entity’s FPTP Candidate LTCRs
and/or [MPRR138.65]ARRs for a specific source and sink is equal to the Reserved Capacity
associated with that source and sink.
a.

An Eligible Entity may select [MPRR138.66]FPTP Candidate LTCRs[MPRR138.67], as
described under Section 5.2.6[MPRR138.68], for this specific source and sink up to the
amount of its available [MPRR138.69]FPTP Candidate LTCRs such that the total of
such selections does not exceed the total FPTP Candidate LTCRs available for
that Eligible Entity.

b.

An Eligible Entity may nominate FPTP Candidate ARRs, as described under
Section 5.3.1, for this specific source and sink up to the amount of its FPTP
Candidate ARRs subject to the total nomination limit described under Section
5.1.3[MPRR138.70]

For each Eligible Entity with equivalent NITS GFA service, the Eligible Entity’s GFA
NITS Candidate LTCRs and/or [MPRR138.71]ARRs from a specific source is equal to the
source Reserved Capacity.
a.

An Eligible Entity may select [MPRR138.72]GFA NITS Candidate LTCRs[MPRR138.73],
as described under Section 5.2.6[MPRR138.74], from a specific source to one or more
sinks up to the amount of its available [MPRR138.75]GFA NITS Candidate LTCRs
such that the total of such selections does not exceed the lesser of the sum of GFA
NITS Candidate LTCRs or the limit described under Section 5.1.3(3)(b) for that
Eligible Entity;

b.

An Eligible Entity may nominate GFA NITS Candidate ARRs, as described under
Section 5.3.1, for this specific source and sink up to the amount of its GFA NITS
Candidate ARRs subject to the total nomination limit described under Section
5.1.3;[MPRR138.76]

For each Eligible Entity with equivalent FPTP GFA service, the Eligible Entity’s GFA
FPTP Candidate LTCRs and/or [MPRR138.77]ARRs for a specific source and sink is equal to
the Reserved Capacity associated with that source and sink.
a.

An Eligible Entity may select [MPRR138.78]GFA FPTP Candidate LTCRs[MPRR138.79],
as described under Section 5.2.6[MPRR138.80], for this specific source and sink up to
the amount of its available [MPRR138.81]GFA FPTP Candidate LTCRs such that the
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total of such selections does not exceed the total GFA FPTP Candidate LTCRs
available for that Eligible Entity.
b.

5.2.6

An Eligible Entity may nominate GFA FPTP Candidate ARRs, as described under
Section 5.3.1, for this specific source and sink up to the amount of its GFA FPTP
Candidate ARRs subject to the total nomination limit described under Section
5.1.3.[MPRR138.82]

LTCR Selections and Awards

(1)

All previously awarded LTCRs associated with qualified transmission service as verified
under Section 5.1.1 and which were not surrendered, as described under Section 5.2.1,
are automatically awarded as LTCRs for the current allocation year.

(2)

Additional available candidate LTCRs are selected and awarded in a single-round
process. Eligible Entities may select:

(3)

(a)

Available LTCRs from their NITS Candidate LTCRs as described under Section
5.2.3 or Section 5.2.5, less any previously awarded LTCRs plus any surrendered
LTCRs associated with NITS Candidate LTCRs;

(b)

Available LTCRs from their FPTP Candidate LTCRs as described under Section
5.2.3 or Section 5.2.5, less any previously awarded LTCRs plus any surrendered
LTCRs associated with FPTP Candidate LTCRs;

(c)

Available LTCRs from their GFA NITS Candidate LTCRs as described under
Section 5.2.3 or Section 5.2.5, less any previously awarded LTCRs plus any
surrendered LTCRs associated with GFA NITS Candidate LTCRs;

(d)

Available LTCRs from their GFA FPTP Candidate LTCRs as described under
Section 5.2.3 or Section 5.2.5, less any previously awarded LTCRs plus any
surrendered LTCRs associated with GFA FPTP Candidate LTCRs;

Eligible Entities must submit the following information in order to select LTCRs:
(a)

Source (valid candidate LTCR source Settlement Location);

(b)

Sink (valid candidate LTCR sink Settlement Location);

(c)

Selected LTCR MW (total LTCR MW nominated from a source Settlement
Location cannot exceed the source candidate available LTCR MW as previously
determined under Section 5.2.3 or Section 5.2.5, less previously awarded LTCRs
plus surrendered LTCRs);
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(4)

5.3.3

All selected LTCRs are automatically awarded, and these awarded LTCRs and those
awarded as described under (1) above are directly converted to TCRs prior to the Annual
ARR Allocation Process for the current allocation year.
Simultaneous Feasibility

A simultaneous feasibility test (SFT) [MPRR138.83]is performed in each round to ensure that the
nominated candidate ARRs, with nominated candidate ARR MW modeled as generation
injection at the source and a corresponding load withdrawal at the sink, do not violate any
normal transmission line thermal ratings under normal system conditions and do not violate
short-term Emergency transmission line thermal ratings following a single contingency (N-1
contingency analysis). The SFT is performed consistent with the transmission system loading
analysis that is performed as part the Security Constrained Economic Dispatch process in the DA
Market and includes consideration of the impact of Parallel Flow. 100% of the SPP Residual
Transmission System Capability, as defined under Section 5.2.2(2), is made available during the
analysis.[MPRR138.84]
(1)

(2)

The SPP Transmission System topology used in the SFT is the most up-to-date Network
Model for all allocation periods, updated for planned maintenance outages.
(a)

For withdrawals at Settlement Locations containing more than one PNode, SPP
will distribute the Settlement Location withdrawal down to the PNode level using
load distribution percentages from the peak hour of the corresponding most recent
historical period (i.e. June, July, August, September, Fall, Winter and Spring).
These load distribution percentages are calculated using the methodology
described under Section 4.1.2.1.6.

(b)

For injections at Market Hubs, SPP will distribute the hub injection down to the
PNode level on a pro-rata basis using the weighting factors defined when the hub
is created.

(c)

For GFA Carve Outs that will be nominated, an injection at the source and a
corresponding withdrawal at the sink will be included in the Annual ARR
Allocation Process and will be subject to SFT. The capacity used in the allocation
will be the maximum allowable nomination as defined in section 5.2.2.

All previously awarded TCRs associated with LTCRs that have not been surrendered are
modeled as fixed injections/withdrawals. To the extent that these fixed injections and
withdrawals are not feasible, SPP will increase the ratings of the applicable transmission
lines to ensure feasibility. SPP will report back to the MWG when and which
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transmission line ratings had to be adjusted, and the magnitude of each adjustment, to
ensure feasibility.
[MPRR138.85]Every

six (6) months for the first two (2) years after implementation of the Integrated
Marketplace, SPP will analyze the net funding of TCRs through the Day-Ahead Market and
report to the MWG. In the event the cumulative funding is at or below 90% or above 100%,
MWG may approve an additional adjustment of all subsequent monthly auctions and the month
of June in the annual auction of the normal and emergency ratings of all flowgates and monitored
transmission system elements in (2) above.
5.3.4

Annual ARR Awards

All LTCR awards are automatically converted to ARR awards which are then automatically selfconverted to TCRs in the Annual TCR Auction. [MPRR138.86]If all of the nominated candidate
ARRs are confirmed feasible, all nominated candidate ARRs are awarded. If the nominated
candidate ARRs are not feasible, the amount of nominated candidate ARRs to be awarded will
be reduced using a weighted least squares method. The weighted least squares method
minimizes the least squares deviation from the nominated candidate ARR MW weighted by the
reciprocal of the nominations resulting in a higher percentage ARR reduction for those
nominations having the greatest impact on the constraints. ARR reductions associated with
nominations that have an equal impact on the constraints are reduced by the same percentage.
5.4.1

TCR Bid and Offer[MPRR138.87] Submittal

(1)

Any Market Participant that has satisfied the applicable credit requirements may
participate in the Annual TCR Auction;

(2)

Market Participants holding ARRs may elect to self-convert all or a portion of those
ARRs into TCRs with the same source and sink by specifying the Self-Convert option as
part of the TCR Bid submittal. All ARRs associated with LTCRs are automatically
converted to TCRs prior to the start of the Annual TCR Auction and these TCRs will be
considered Self-Converted ARRs for the purposes of settlement. These Directly
converted TCRs from LTCRs can then be offered for sale in the Annual TCR
Auction.[MPRR138.88]

(3)

For each month and season included in the Annual TCR Auction period, Market
Participants may submit TCR Bids and TCR Offers [MPRR138.89]in 0.1 MW increments
separately, for On-Peak and Off-Peak periods (8 separate transmission system models
created representing each month in an annual auction period and on-peak and off-peak
periods within each month and 6 separate transmission system models created
representing each season in an annual auction period and on-peak and off-peak periods
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within each season). The following information is submitted for a TCR Bid or a TCR
Offer[MPRR138.90]:
(a)

Source (any valid Settlement Location);

(b)

Sink (any valid Settlement Location);

(c)

Class (on-peak or off-peak);

(d)

Period (month or season);

(e)

Type (Bid, [MPRR138.91]Self-Convert, Offer[MPRR138.92]);

(f)

TCR MW;

(g)

TCR Price ($/MW);
(i)

TCR Bids and Offers [MPRR138.93]cannot exceed $100,000/MW-Month;

(ii)

TCR Bids and Offers
Month).

[MPRR138.94]cannot

be less than ($100,000/MW-

(4)

For each TCR Round, a Market Participant is limited to a maximum combined submittal
of 2000 TCR Bids and/or TCR Offers [MPRR138.95]for each Asset Owner it represents.

(5)

Market Participants may not submit offers to buy TCRs between Settlement Locations
that are collocated and electrically equivalent.

5.4.4

Annual TCR Awards

Simultaneously feasible TCRs are awarded based upon the TCR Bid prices such that the total
TCR auction value is maximized. TCRs associated with LTCRs result from ARRs that
automatically become Self-Converted TCRs for settlement purposes.[MPRR138.96] Self-Converted
TCRs not associated with LTCRs [MPRR138.97]are evaluated simultaneously with submitted TCR
Bids and Offers[MPRR138.98]. In the event there is a tie during the SFT, the competing bids and
offers[MPRR138.99] will be awarded pro rata based on their impact(s) to the constraint(s). Auction
Clearing Prices (ACP) are calculated for each Settlement Location using the formula for the
K

Marginal Congestion Component as described under Section 4.5.4.1.2 (MCC i = - (

∑

Sens ik *

k =1

SP k )).
For example, if we assume a 3 bus system (Bus A, B and C) and Bus A is the Reference Bus, we
can calculate the ACP at Bus B as follows:
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Transmission Line B-C is at its limit with a Shadow Price = $40/MW
Transmission Line A-C is at its limit with a Shadow Price = $30/MW
Transmission Line A-B is not at its limit (Shadow Price = $0/MW)
Shift Factor for Bus B on Line B-C is 30%
Shift Factor for Bus B on Line A-C is -80%
Then ACP at Bus B is equal to - [($40/MW * .3) + ($30/MW * (-.8))] = $12/MW
A similar calculation is performed for Bus C based on Bus C Shift Factors. The ACP at Bus A is
equal to zero since Bus A is the Reference Bus.
5.5.2

Monthly ARR Nominations

Five (5) days prior to the start of each applicable Monthly TCR Auction Process, Eligible
Entities may nominate in a single round process (i) NITS Candidate ARRs in 0.1 MW
increments along specific source to sink paths that total to no more than the difference between
(1) their NITS Nomination Cap and (2) the sum of (a) awarded ARRs associated with NITS
Candidate ARRs and (b) directly converted TCRs from awarded LTCRs associated with NITS
Candidate LTCRs awarded in the Annual annual ARR Allocation allocation
processes[MPRR138.100]; (ii) FPTP Candidate ARRs in 0.1 MW increments along specific source to
sink paths that total to no more than the difference between (1) their FPTP Nomination Cap and
(2) the sum of (a) awarded ARRs associated with FPTP Candidate ARRs and (b) directly
converted TCRs from awarded LTCRs associated with FPTP Candidate LTCRs
[MPRR138.101]awarded in the Annual annual ARR Allocation allocation processes; (iii) GFA NITS
Candidate ARRs in .1 MW increments along specific source to sink paths that total to no more
than the difference between (1) their GFA NITS Nomination Cap and (2) the sum of (a) awarded
ARRs associated with GFA NITS Candidate ARRs and (b) directly converted TCRs from
awarded LTCRs associated with GFA NITS Candidate LTCRs [MPRR138.102]awarded in the Annual
annual ARR Allocation allocation processes; and/or (iv) GFA FPTP Candidate ARRs in 0.1 MW
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increments along specific source to sink paths that total to no more than the difference between
(1) their GFA FPTP Nomination Cap and (2) the sum of (a) awarded ARRs associated with GFA
FPTP Candidate ARRs and (b) directly converted TCRs from awarded LTCRs associated with
GFA FPTP Candidate LTCRs [MPRR138.103]awarded in the Annual annual ARR Allocation
allocation processes. Nominations occur separately for On-Peak and Off-Peak periods. Eligible
Entities submit the following information:
(1)

Source (valid candidate ARR source Settlement Location);

(2)

Sink (valid candidate ARR sink Settlement Location);

(3)

Class (on-peak or off-peak);

(4)

ARR MW.
(a)

5.5.3

The total ARR MW nominated from a source Settlement Location cannot exceed
the source candidate ARRs less previously awarded source ARRs[MPRR138.104].

Simultaneous Feasibility

The SFT to assess feasibility of nominated monthly candidate ARRs is performed as described
under Section 5.3.3[MPRR138.105] with the following adjustments:
(1)

The SPP Transmission System model used in the SFT will be the same model to be used
in the upcoming Monthly TCR Auction Process which will include the most up-to-date
Network Model, including planned maintenance outages, and updated Parallel Flow
assumptions;
(a)

(2)

For withdrawals at sink Settlement Locations containing more than one PNode,
SPP will distribute the Settlement Location withdrawal down to the PNode level
using load distribution percentages from the peak hour of the corresponding most
recent historical period (i.e. June for the month of July). These load distribution
percentages are calculated using the methodology described under Section
4.1.2.1.6.

LTCRs awarded in the Annual LTCR Allocation process are not modeled as fixed
injections/withdrawals as they have already been accounted for as part of the Annual
TCR Auction process and are included as TCRs as described under (4) below;[MPRR138.106]

(3)(2)
100% of the Residual SPP Transmission System Capability is made
available; and
(4)(3)
All TCRs previously awarded in the Annual TCR Auction Process,
directly converted TCRs fromassociated with LTCRs that were awarded,[MPRR138.107] and
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all remaining ARRs not accounted for in the Annual TCR Auction Process (as defined
under Section 5.4), and[MPRR138.108] for the applicable month are modeled as fixed
injections at the specified sources and fixed withdrawals at the specified sinks. To the
extent that these fixed injections and withdrawals are not feasible, SPP will increase the
ratings of the applicable transmission lines to ensure feasibility prior to assessing monthly
ARR feasibility. SPP will report back to the MWG on a quarterly basis regarding the
number of times that transmission line ratings had to be adjusted to ensure feasibility.
5.6.3

Monthly TCR Auction Clearing and Simultaneous Feasibility

The Auction is performed using a Linear Program algorithm to maximize the total TCR auction
value while ensuring that the cleared TCRs are also simultaneously feasible:
(1)

(2)

The SPP Transmission System topology used in the SFT will be the most up-to-date
Network Model, including planned maintenance outages, for the auction month;
(a)

For withdrawals at Settlement Locations containing more than one PNode, SPP
will distribute the Settlement Location withdrawal down to the PNode level using
load distribution percentages from the peak hour of the corresponding most recent
historical period (i.e. June for the month of July). These load distribution
percentages are calculated using the methodology described under Section
4.1.2.1.6.

(b)

For injections at Market Hubs, SPP will distribute the hub injection down to the
PNode level on a pro-rata basis using the weighting factors defined when the hub
is created.

The SFT is performed as described under Section 5.5.3 except that LTCRs awarded in the
Annual LTCR Allocation process are not modeled as fixed injections/withdrawals since
they have already been awarded as self-converted TCRs. [MPRR138.109]TCR Bid MWs
are[MPRR138.110] modeled as an injection at the source and a corresponding withdrawal at
the sink. TCR Offers associated with the sale of existing TCRs are modeled as injections
at the sink and withdrawals at the source. Residual SPP Transmission System Capability
includes the most up to date Parallel Flow assumptions.
(a)

For Round 1, all TCRs awarded in the Annual TCR Auction for the month are
modeled as fixed injections and withdrawals. To the extent that the fixed
injections and withdrawals representing TCRs awarded in the Annual TCR
Auction are not feasible, SPP will increase the ratings of the applicable
transmission lines to ensure feasibility prior to the Round 1 auction. SPP will
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report back to the MWG on a quarterly basis regarding the number of times that
that transmission line ratings had to be adjusted to ensure feasibility;
(b)

For Round 2, all TCRs previously awarded for the month are modeled as fixed
injections and withdrawals prior to clearing the TCR Bids and Offers.
Proposed Tariff Language Revision

Attachment AE
1.1

Definitions A

Auction Revenue Right (“ARR”)
A right, awarded during the annual Auction Revenue Right allocation process and the monthly
Auction Revenue Right allocation process, which entitles the holder to a share of the auction
revenues generated in the applicable Transmission Congestion Rights auction(s), except for
rights associated with LTCRs which are automatically converted to TCRs, and entitles the
holder to self-convert the Auction Revenue Right to a Transmission Congestion Right.

7.0

Transmission Congestion Rights Markets
The TCR Markets process includes an annual LTCR allocation, an annual ARR
allocation, annual and monthly TCR auctions and a monthly ARR allocation in
accordance with the timelines specified in the Market Protocols. The TCR Markets
process is subject to review by the Market Monitor consistent with Attachment AG of
this Tariff.

LTCRs are obtained by Eligible Entities during the annual LTCR

allocation. ARRs are obtained by Eligible Entities during the annual ARR allocation or
the monthly ARR allocation. TCRs are obtained by Market Participants through the
annual LTCR allocation and the annual and monthly TCR auctions.
There are eight (8) key processes associated with LTCRs, ARRs and TCRs:
(1)

Annual LTCR/ARR verification;

(2)

Annual LTCR allocation;

(3)

Annual ARR allocation;

(4)

Annual TCR auction;
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(5)

Monthly ARR allocation;

(6)

Monthly TCR auction;

(7)

ARR allocation and TCR auction settlements; and

(8)

TCR secondary markets.
Table 7-1 in Section 7.3.2 of this Attachment AE provides additional details

related to auction timing and Transmission System capability available for the TCR
auctions.
(b) Except as otherwise provided in this Section 7.0.b (ii), an entity taking firm transmission
service under a GFA Carve Out will not be eligible to participate in the TCR Markets for the
MW capacity associated with the GFA Carve Out.
(i)

The MW capacity associated with each GFA Carve Out shall be included in the
Transmission Provider’s ARR allocation and TCR auction processes in a manner
that reflects the transmission service pursuant to the GFA Carve Out, provided,
however, that (Aa) Ccandidate ARRs associated with the GFA Carve Out service
shall not be nominated for a product period if, based upon the twelve preceding
months for which congestion data is available, such ARR, had it been converted
to a TCR, would have resulted in a net charge to the holder of the TCR over that
product period, and (Bb) until twelve months of Integrated Marketplace data are
available, the Transmission Provider shall use relevant data from both the EIS
Market and the Integrated Marketplace to estimate whether the result would have
been a net charge to the TCR holder.

(ii)

On an annual basis, the GFA Responsible Entity may elect, in writing, to cancel
the GFA Carve Out treatment and will be eligible to participate in the TCR
Markets pursuant to Section 7.0 of Attachment AE. The conversion of GFA Carve
Out to the TCR Market is irrevocable.

7.1.1

Transmission Service Verification
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In order for Eligible Entities to obtain candidate LTCRs and/or ARRs, the
Transmission Provider must first verify existing transmission service entitlements,
including transmission service entitlements that have been renewed in accordance with
rollover rights since their initial term. An Eligible Entity’s Transmission Service must
span the entire monthly or seasonal period for which ARRs are allocated to qualify for
candidate ARRs in a particular month or season. An Eligible Entity’s transmission
service must span the entire annual period for which LTCRs are allocated and must
have rollover rights to qualify for candidate LTCRs. For Transmission Service with
rollover rights whose deadline for providing notice of rollover occurs after the annual
LTCR/ARR verification but before June 1, the Transmission Provider shall assume that
the rollover will occur and shall consider the Transmission Service entitlement to span
the entire allocation year, provided, however, that, if rollover rights for such
Transmission Service are not exercised by the applicable deadline, any ARRs, TCRs, or
LTCRs associated with such Transmission Service shall revert to the Transmission
Provider effective on the date such Transmission Service terminates. The Transmission
Provider will verify Eligible Entity existing Transmission Service entitlements as
follows:
(1)

The following will be performed prior to each annual LTCR and ARR allocation
for Eligible Entities taking Network Integration Transmission Service or Firm
Point-To-Point Transmission Service under the Tariff:
(a)

The Transmission Provider will obtain source, sink and Reservation
Capacity information from the OASIS for each monthly and seasonal
period for which ARRs are allocated in which the transmission service
spans the entire period, or would if or when rolled over, for the current
annual allocation and for the annual period for which LTCRs are
allocated in which the transmission service spans the entire year;
(i)

For a transmission service reservation with a source inside the SPP
Balancing Authority Area that is not a specific Resource or
Resource Market Hub, the Transmission Provider will determine
the load Settlement Location that most electrically corresponds to
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the source on the transmission service reservation that will be
utilized as the source for candidate LTCRs and/or ARRs.
(ii)

For a transmission service reservation with a source outside of the
SPP Balancing Authority Area, the interface between the
Transmission Provider and the first tier Balancing Authority Area
associated with the transmission reservation will be utilized as the
source for candidate LTCRs and/or ARRs.

(iii)

For a transmission service reservation with a sink outside of the
SPP Balancing Authority Area, the interface between the
Transmission Provider and the first tier Balancing Authority Area
associated with the transmission reservation will be utilized as the
sink for candidate LTCRs and/or ARRs.

(iv)

Eligible Entities taking Network Integration Transmission
Service with rollover rights under this Tariff shall be
considered to have met the definition of Load Serving Entity
for purposes of LTCR allocation;

(v)

Eligible Entities taking Firm Point-To-Point Transmission
Service with rollover rights under this Tariff shall not be
considered a Load Serving Entity for LTCR allocation
purposes unless the Eligible Entity provides an attestation to
the Transmission Provider confirming that the Eligible Entity
is a Load Serving Entity as defined in this Attachment AE;

(b)

The Transmission Provider will provide this information to each Eligible
Entity for verification; and

(c)

Eligible Entities will notify the Transmission Provider within 2 weeks
following receipt of this information, identifying and correcting inaccurate
data on the OASIS. Otherwise, the Transmission Provider provided data
will be considered verified.

(2)

The following will be performed prior to each annual LTCR and ARR allocation
for the Eligible Entity taking GFA service:
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(a)

Each Transmission Owner shall register any GFA for which candidate
LTCRs and/or ARRs are to be provided to the Transmission Owner or
the transmission customer under the GFA on the Transmission Provider’s
OASIS.

The Transmission Owner must provide the Transmission

Provider with source, sink and Reservation Capacity information for each
GFA on the Transmission Provider’s OASIS by registering each GFA
with the Transmission Provider.

The Transmission Provider will use

source, sink, and Reservation Capacity information from the GFA
registration for each monthly and seasonal period for which ARRs are
allocated and the annual period for which LTCRs are allocated. If
both parties to the GFA are Market Participants with respect to the GFA
load, then the parties may jointly inform the Transmission Provider which
Market Participant will be allocated the candidate LTCRs and/or ARRs.
If the parties to the GFA do not so inform the Transmission Provider, or if
only the Transmission Owner that sold the GFA service is a Market
Participant, then the Transmission Owner that sold the GFA service will
be allocated the candidate LTCRs and/or ARRs associated with the GFA.
(i)

For a GFA with a source inside the SPP Balancing Authority Area
that is not a specific Resource or Resource Market Hub, the
Transmission Provider will determine the load Settlement Location
that most electrically corresponds to the source on the
Transmission Service reservation that will be utilized as the source
for candidate LTCRs and/or ARRs.

(ii)

For a GFA with a source outside of the SPP Balancing Authority
Area, the interface between the Transmission Provider and the first
tier Balancing Authority Area associated with the transmission
reservation will be utilized as the source for the candidate LTCRs
and/or ARRs.

(iii)

For a GFA with a sink outside of the SPP Balancing Authority
Area, the interface between the Transmission Provider and the first
tier Balancing Authority Area associated with the transmission
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reservation will be utilized as the sink for the candidate LTCRs
and/or ARRs.
(iv)

An Eligible Entity under a GFA taking the equivalent of
Network Integration Transmission Service with rollover rights
shall be considered to have met the definition of Load Serving
Entity for purposes of LTCR allocation;

(v)

An Eligible Entity under a GFA taking the equivalent of Firm PointTo-Point Transmission Service with rollover rights shall not be
considered a Load Serving Entity for the purposes of LTCR
allocation unless the Eligible Entity provides an attestation to the
Transmission Provider confirming that the Eligible Entity is an Load
Serving Entity as defined in this Attachment AE;

(b)

If the transmission customer under the GFA is receiving the candidate
ARRs, to the extent that the transmission service specified in the GFA is
identified as the equivalent of SPP Network Integration Transmission
Service, the transmission customer under the GFA must provide the
historical peak loads being served under the GFA for the previous three
years.

7.1.2

Candidate Long-Term Congestion Rights/Auction Revenue Rights
Following verification of an Eligible Entity transmission service, candidate
LTCRs and/or ARRs associated with such transmission service are assigned as follows:
(1)

For each Eligible Entity with Network Integration Transmission Service, the
Eligible Entity’s Network Integration Transmission Service Candidate LTCRs
and/or Ccandidate ARRs from a specific source is equal to the source
Reservation Capacity.
(a)

An Eligible Entity may select Network Integration Transmission Service
Candidate LTCRs, as described in Section 7.2.4 of this Attachment AE
from a specific source to one or more sinks up to the amount of its
available Network Integration Transmission Service Candidate LTCRs
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associated with the source such that the total of such selections does not
exceed the lesser of: i) the sum of Network Integration Transmission
Service Candidate LTCRs or ii) the limit described under Section
7.1.3(1)(b) for that Eligible Entity.
(b)

An Eligible Entity may nominate Network Integration Transmission
Service Candidate ARRs, as described in Section 7.3.1 of this
Attachment AE from a specific source to one or more sinks up to the
amount of its Network Integration Transmission Service Candidate
ARRs associated with the source subject to the total nomination cap
described in Section 7.1.3 of this Attachment AE.

(2)

For each Eligible Entity with Firm Point-To-Point Transmission Service, the
Eligible Entity’s Firm Point-To-Point Candidate LTCRs and/or ARRs for a
specific source and sink is equal to the Reservation Capacity associated with that
source and sink.
(a)

An Eligible Entity may select Firm Point-To-Point Candidate LTCRs, as
described in Section 7.2 of this Attachment AE, for this specific source
and sink up to the amount of its available Firm Point-To-Point Candidate
LTCRs such that the total of such selections does not exceed the total
Firm Point-To-Point Candidate LTCRs available for that Eligible Entity.

(b)

Firm Point-To-Point Candidate ARRs may be nominated by an
Eligible Entity, as described in Section 7.3.1 of this Attachment AE,
for this specific source and sink up to the amount of its Firm PointTo-Point Candidate ARRs subject to the total nomination cap
described in Section 7.1.3 of this Attachment AE.

(3)

For each Eligible Entity with equivalent Network Integration Transmission
Service GFA service, the Eligible Entity’s Grandfathered Agreement Network
Integration Transmission Service Candidate LTCRs and/or ARRs from a
specific source is equal to the source Reservation Capacity.
(a)

An Eligible Entity may select Grandfathered Agreement Network
Integration Transmission Service Candidate LTCRs, as described in
Section 7.2 of this Attachment AE, from a specific source to one or more
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sinks up to the amount of its available Grandfathered Agreement Network
Integration Transmission Service Candidate LTCRs such that the total of
such selections does not exceed the lesser of: i) the sum of Grandfathered
Agreement Network Integration Transmission Service Candidate LTCRs
or ii) the limit described under Section 7.1.3(3)(b) for that Eligible Entity.
(b)

An Eligible Entity may nominate Grandfathered Agreement Network
Integration Transmission Service Candidate ARRs, as described in
Section 7.3.1 of this Attachment AE, from a specific source to one or
more sinks up to the amount of its Grandfathered Agreement
Network Integration Transmission Service Candidate ARRs subject
to the total nomination cap described in Section 7.1.3 of this
Attachment AE.

(4)

For each Eligible Entity with equivalent Firm Point-To-Point GFA service, the
Eligible Entity’s Grandfathered Agreement Firm Point-To-Point Candidate
LTCRs and/or ARRs for a specific source and sink is equal to the Reservation
Capacity associated with that source and sink.
(a)

An Eligible Entity may select Grandfathered Agreement Firm Point-ToPoint Candidate LTCRs, as described in Section 7.2 of this Attachment
AE, for this specific source and sink up to the amount of its available
Grandfathered Agreement Firm Point-To-Point Candidate LTCRs such
that the total of such selections does not exceed the total Grandfathered
Agreement Firm Point-To-Point Candidate LTCRs available for that
Eligible Entity.

(b)

An Eligible Entity may nominate Grandfathered Agreement Firm
Point-To-Point Candidate ARRs, as described in Section 7.3.1 of this
Attachment AE, for this specific source and sink up to the amount of
its Grandfathered Agreement Firm Point-To-Point Candidate ARRs
subject to the total nomination cap described in Section 7.1.3 of this
Attachment AE.

7.1.3

Auction Revenue Right Nomination Cap
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An Eligible Entity’s ARR Nomination Cap will be as follows:
(1)

For Network Integration Transmission Customers, the Network Integration
Transmission Service ARR Nomination Cap for a particular month or season is
equal to the lesser of (a) the sum of Network Integration Transmission Service
Candidate ARRs and Network Integration Transmission Service Candidate
LTCRs for that particular month or season as calculated in Section 7.1.2 of this
Attachment AE and any additional Network Integration Transmission Service
Candidate ARRs for that particular month or season as calculated in Section 7.5.1
of this Attachment AE or (b) One hundred and three percent (103%) of the
average of that customer’s three most recent annual peak Network Loads. This
value will be adjusted by the Transmission Provider as required to account for
wholesale load shifts between Transmission Customers. In addition, candidate
LTCRs and awarded LTCRs shall be transferred by the Transmission
Provider as applicable to account for wholesale load shifts between
Transmission Customers.

(2)

For Firm Point-To-Point Transmission Customers, the Firm Point-To-Point ARR
Nomination Cap is equal to the sum of Firm Point-To-Point Candidate ARRs and
Firm Point-To-Point Candidate LTCRs as calculated in Section 7.1.2 of this
Attachment AE and any additional Firm Point-To-Point Candidate ARRs as
calculated in Section 7.5.1 of this Attachment AE.

(3)

For GFA customers taking the equivalent of SPP Network Integration
Transmission Service, the Grandfathered Agreement Network Integration
Transmission Service ARR Nomination Cap for that particular month or season is
equal to the lesser of (a) the sum of Grandfathered Agreement Network
Integration Transmission Service Candidate ARRs and Grandfathered
Agreement Network Integration Transmission Service Candidate LTCRs for
that particular month or season as calculated in Section 7.1.2 of this Attachment
AE and any additional Grandfathered Agreement Network Integration
Transmission Service Candidate ARRs for that particular month or season as
calculated in Section 7.5.1 of this Attachment AE or (b) One hundred and three
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percent (103%) of the average of that GFA customer’s three most recent annual
peak Network Loads.
(4)

For GFA customers taking the equivalent of SPP Firm Point-To-Point, the
Grandfathered Agreement Firm Point-To-Point ARR Nomination Cap is equal to
the sum of Grandfathered Agreement Firm Point-To-Point Candidate ARRs and
Grandfathered Agreement Firm Point-To-Point Candidate LTCRs as
calculated in Section 7.1.2 of this Attachment AE and any additional
Grandfathered Agreement Firm Point-To-Point Candidate ARRs as calculated in
Section 7.5.1 of this Attachment AE.

(5)

An Eligible Entity’s ARR Nomination Cap is equal the sum of its Network
Integration Transmission Service ARR Nomination Cap, Firm Point-To-Point
ARR

Nomination

Cap,

Grandfathered

Agreement

Network

Integration

Transmission Service ARR Nomination Cap and Grandfathered Agreement Firm
Point-To-Point ARR Nomination Cap.

2d - MPRR 171 Recommendation Report

4/3/2014

Page 33 of 39

176 of 286

7.2

Annual Long-Term Congestion Right Allocation
Eligible Entities may select the candidate LTCRs that they wish to receive up
to their available LTCRs. The portion of the selected candidate ARRs are awarded
to each Eligible Entity during the LTCR annual allocation. Available Ccandidate
LTCRs are evaluated on an annual basis in a two-step process; (i) Ccandidate
LTCRs associated with Eligible Entities that are Load Serving Entities are
evaluated in accordance with Section 7.2.2 and (ii) remaining Ccandidate LTCRs
associated with Eligible Entities that are not Load Serving Entities are then
evaluated in accordance with Section 7.2.3.
The Transmission Provider shall make available fifty percent (50%) of the
projected maximum Transmission System capability for the purpose of LTCR
allocation in the annual LTCR allocation process. No later than five (5) days prior
to the start of the annual LTCR allocation process, the Transmission Provider shall
post the Transmission System network topology, including the corresponding
impacts from Parallel Flow, used to determine the projected maximum
Transmission System capability that will be used in the upcoming allocation.

7.2.4

LTCR Selection and Awards
(1)

All previously awarded LTCRs are automatically awarded as LTCRs for the
current allocation year; provided that such LTCRs meet the criteria
specified in Section 7.1.1 of this Attachment AE; or were not surrendered as
described under Section 7.2.1 of this Attachment AE.

(2)

Additional LTCRs are selected and awarded in a single-round process.
Eligible Entities may select:
(a)

Available LTCRs from its Network Integration Transmission Service
Candidate LTCRs, less any previously awarded LTCRs plus any
surrendered LTCRs associated with Network Integration
Transmission Service Candidate LTCRs;
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(b)

Available LTCRs from its Firm Point-To-Point Candidate LTCRs,
less any previously awarded LTCRs plus any surrendered LTCRs
associated with Firm Point-To-Point Candidate LTCRs;

(c)

Available LTCRs from its Grandfathered Agreement Network
Integration Transmission Service Candidate LTCRs as described
under Section 7.1.2 of this Attachment AE, less any previously
awarded LTCRs plus any surrendered LTCRs associated with
Grandfathered Agreement Network Integration Transmission Service
Candidate LTCRs; and/or

(d)

Available LTCRs from its Grandfathered Agreement Firm Point-ToPoint Candidate LTCRs as described under Section 7.1.2 of this
Attachment AE, less any previously awarded LTCRs plus any
surrendered LTCRs associated with Grandfathered Agreement Firm
Point-To-Point Candidate LTCRs;

(3)

Eligible Entities shall submit the following information in order to select
LTCRs that were not previously awarded:
(a)

Source (valid candidate LTCR source Settlement Location);

(b)

Sink (valid candidate LTCR sink Settlement Location);

(c)

LTCR MW (total LTCR MW selected from a source Settlement
Location cannot exceed the source candidate available LTCR MW as
previously determined under Section 7.2.2 or Section 7.2.3. less
previously awarded LTCRs plus surrendered LTCRs);

(4)

All selected LTCRs selected in accordance with Section 7.2.4(3) are
automatically awarded; and

(5)

All awarded LTCRs are directly converted to TCRs prior to the annual ARR
allocation for the current allocation year.

7.3.3

Annual Auction Revenue Right Awards
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A Simultaneous Feasibility Test is performed in each round of the ARR allocation
to determine the amount of nominated ARRs to be awarded.

The Simultaneous

Feasibility Test is performed using the most current Network Model including planned
transmission outages for the corresponding ARR allocation period.

For the

Simultaneous Feasibility Test, a nominated candidate ARR is modeled as a generation
injection at the source and a corresponding load withdrawal at the sink. All directly
converted TCRs from awarded LTCRs are modeled as fixed injections and
withdrawals and are aoutmatically awarded as ARRs.
If the nominated candidate ARRs are not feasible, the amount of nominated
candidate ARRs to be awarded will be reduced using a weighted least squares method.
The weighted least squares method minimizes the sum of the squared deviations between
the actual ARR amounts and the nominated ARR amounts, weighted by the reciprocal of
the nominated ARR amounts, which results in a higher percentage ARR reduction for
those nominations having the greatest impact on the constraints.

ARR reductions

associated with nominations that have an equal impact on the constraints are reduced by
the same percentage.
Every six (6) months for the first two (2) years after implementation of the
Integrated Marketplace, the Transmission Provider will analyze the net funding of TCRs
through the Day-Ahead Market. In the event the cumulative funding is at or below 90%
or above 100%, the Transmission Provider may approve an additional adjustment of all
subsequent monthly auctions and the month of June in the annual auction of the normal
and emergency ratings of all flowgates and monitored transmission system elements.

7.4

Annual Transmission Congestion Right Auction
Market Participants may obtain TCRs by purchasing them in the annual TCR
auction or through conversion of ARRs into TCRs. LTCRs awarded as ARRs as
described under Section 7.3.3 are automatically converted to TCRs which the holder
may offer for sale in the auction.

The percentages of the Transmission System

capability made available during the annual TCR auction are listed in Table 7-1 in
Section 7.4.2 of this Attachment AE. TCRs in the annual auction are auctioned in a
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single round process for all months and seasons.

If there are any changes to the

transmission system topology or Parallel Flow data after the conclusion of Annual ARR
Allocation Process, the Transmission Provider will post such changes no later than three
(3) Business Days prior to the start of the Annual TCR Auction Process.

7.4.3

Annual Transmission Congestion Right Auction Clearing and Simultaneous
Feasibility
The auction is performed with an objective of maximizing the total TCR auction
value while ensuring that the cleared TCRs are also simultaneously feasible.

A

Simultaneous Feasibility Test is performed in each round.
The Simultaneous Feasibility Test is performed using the most up to date
Network Model including planned transmission outages for the corresponding ARR
allocation period. For the Simultaneous Feasibility Test:
(1)

TCR submittals of both the self-convert type and Bid type are modeled as
a generation injection at the source and a corresponding load withdrawal
at the sink.

(2)

TCR submittals of the Offer type are modeled as a generation
injection at the sink and a corresponding load withdrawal at the
source; and

(3)

Directly converted TCRs from ARRs associated with LTCRs are
automatically converted into awarded TCRs, are modeled as fixed
injections and withdrawals, and such TCRs are treated as selfconverted TCRs for settlement purposes.

7.6.3

Monthly Auction Revenue Right Nominations
Five (5) days prior to the start of the monthly TCR auction, Eligible Entities may
nominate in a single round:
(i)

Network Integration Transmission Service Candidate ARRs in 0.1 MW
increments along specific source to sink paths that totals no more than the
difference between (1) their Network Integration Transmission Service
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ARR Nomination Cap and (2) the sum of (a) awarded ARRs associated
with Network Integration Transmission Service Candidate ARRs and (b)
directly converted TCRs from awarded LTCRs associated with Network
Integration Transmission Service Candidate LTCRs awarded in the
annual ARR allocation processes;
(ii)

Firm Point-To-Point Candidate ARRs in 0.1 MW increments along
specific source to sink paths that totals no more than the difference
between (1) their Firm Point-To-Point ARR Nomination Cap and (2) the
sum of (a) awarded ARRs associated with Firm Point-To-Point Candidate
ARRs and (b) directly converted TCRs from awarded LTCRs associated
with Firm Point-To-Point Candidate LTCRs awarded in the annual
ARR allocation processes;

(iii)

Grandfathered Agreement Network Integration Transmission Service
Candidate ARRs in 0.1 MW increments along specific source to sink paths
that totals no more than the difference between (1) their Grandfathered
Agreement Network Integration Transmission Service ARR Nomination
Cap and (2) the sum of (a) awarded ARRs associated with Grandfathered
Agreement Network Integration Transmission Service Candidate ARRs
and (b) directly converted TCRs from awarded LTCRs associated with
Grandfathered Agreement Network Integration Transmission Service
Candidate LTCRs awarded in the annual ARR allocation processes; and

(iv)

Grandfathered Agreement Firm Point-To-Point Candidate ARRs in 0.1
MW increments along specific source to sink paths that totals no more
than the difference between (1) their Grandfathered Agreement Firm
Point-To-Point ARR Nomination Cap and (2) the sum of (a) awarded
ARRs associated with Grandfathered Agreement Firm Point-To-Point
Candidate ARRs and (b) directly converted TCRs from awarded LTCRs
associated with Grandfathered Agreement Firm Point-To-Point
Candidate LTCRs awarded in the annual ARR allocation processes.

Nominations occur separately for On-Peak and Off-Peak periods.

Eligible Entities

submit the following information:
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(i1)

Source: valid candidate ARR source Settlement Location;

(2ii)

Sink: valid candidate ARR sink Settlement Location;

(3iii) Class: On-Peak or Off-Peak; and
(4iv)

ARR MW:
(a)

The total ARR MW nominated from a source Settlement Location
cannot exceed the source candidate ARRs less previously
awarded source ARRs.

Proposed Criteria Language Revision
N/A
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Southwest Power Pool, Inc.
Market and Operations Policy Committee
Recommendation to the Board of Directors
TRRs 118, 121, 122 and 124 (Consent Agenda)
April 29, 2014

Organizational Roster
The following persons are members of the Regional Tariff Working Group:
Dennis Reed, WR (Chair)
Richard Andrysik, LES
Bill Dowling, Midwest Energy
Luke Haner, OPPD
Tom Hestermann, Sunflower
Rob Janssen, Dogwood
David Kays, OGE (Vice Chair)
Lloyd Kolb, Golden Spread
Tom Littleton, OMPA
Bernie Liu, Xcel

Paul Malone, NPPD
Walt Cecil, MoPSC
Robert Pennybaker, AEP
Neil Rowland, KMEA
Robert Shields, AECC
Keith Tynes, ETEC
John Varnell, Tenaska
Bary Warren, EDE
Mitch Williams, WFEC
Brenda Fricano, SPP (Staff Secretary)

Background
Please see the TRR Recommendation Reports for TRRs 118, 121, 122 and 124 that were included in the
MOPC April 15 - 16, 2014 background materials.
Analysis
Please see the TRR Recommendation Reports for TRRs 118, 121, 122 and 124 that were included in the
MOPC April 15 - 16, 2014 background materials.
Recommendation
The MOPC recommends that the BOD approve its request regarding Tariff Revision Requests 118, 121,
122 and 124.
Action Requested: Approval of RTWG’s request on TRRs 118, 121, 122 and 124.

Document4
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APPROVED:

MOPC

April 15-16, 2014

Passed unanimously

TRR
Number

Description

RTWG Meeting Vote
January 23, 2014

118

121

122

124

Document4

Tariff revisions to remove transitional language in
Section 2.2 and the evergreen clause in Attachment F.
If the Day-Ahead Market does not solve for a given
Operating Day, then the LMP, MLC and MCP will be
null. The revisions in TRR 121 change the LMP, MLC
and MCP to zero if the Day-Ahead Market does not
solve.
The Tariff revisions add a minor edit to the discussion
of the confidentiality of DPPs. This language clarifies
the original intent of the language.
The Tariff and Market Protocols do not reflect invoicing
consistency with regard to payment due dates from
Market Participants and SPP payments to the Market
Participants for credits. The revisions in TRR 124 will
ensure the Tariff and Market Protocols provide
consistency.

Approved with one
Abstention (NPPD)
February 20, 2014
Approved unanimously
March 26, 2014
Approved unanimously

March 26, 2014
Approved unanimously
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Tariff Revision Request (TRR)

TRR Number

118

Cross Reference Number

TRR
Title

Section 2.2 and Attachment F changes

MPRR

BRR

Other (Specify) ___________

Sponsor
Name
E-mail Address
Company
Phone Number
Date

Tariff Section(s) Requiring
Revision

Steve Purdy
spurdy@spp.org
SPP
501-614-3315

Section 2.2 and NITSA changes
Normal

Urgent

Requested Resolution
Provide explanation if Urgent is selected:

Revision Description

Remove transitional language in Section 2.2 and evergreen clause in NITSA
(Attachment F)

Reason for Revision

To add clarity to these provisions

Stakeholder Approval
Required
(Record date and outcome
of vote; N/A for those
stakeholders not required)

RTWG— 1/23/2014 – Approved with no opposition and one abstention
(NPPD)
MWG—
BPWG—(N/A)
TWG—(N/A)
ORWG—(N/A)
Other (specify)—(N/A)
MOPC—
Board of Directors—
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Yes—(Include any comments from the review)
Legal Review Completed
No
Yes—Section No.: (Include a summary of impact and/or specific changes)
Market Protocols
Implications or Changes
No
Yes—Section No.: (Include a summary of impact and/or specific changes)
Business Practices
Implications or Changes

Developing a new business practice
No
Yes—Section No.: (Include a summary of impact and/or specific changes)

Criteria Implications or
Changes
No
Other Corporate Documents
Implications or Changes
(i.e., SPP Bylaws,
Membership Agreement,
etc.)

Yes—Section No.: (Include a summary of impact and/or specific changes)

No
Yes—(Include a summary of impact and/or specific changes)

Credit Implications
No
Yes
Impact Analysis Required
No

Proposed Tariff Language Revision (Redlined)

2.2

Reservation Priority For Existing Firm Service Customers:
Existing firm service customers (wholesale requirements and transmission-only,
with a contract term of five years or more, and retail) of the Transmission Owner(s) or
Transmission Provider have the right to continue to take transmission service from the
Transmission Provider when the contract expires, rolls over or is renewed. This
Page 2 of 8
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transmission reservation priority is independent of whether the existing customer
continues to purchase capacity and energy from the Transmission Owner(s) or elects to
purchase capacity and energy from another supplier. The existing customer must notify
the Transmission Provider no later than one year prior to the end of the term of its firm
transmission contract that it is exercising its transmission reservation priority; otherwise
it shall forfeit the transmission reservation priority associated with the contract. If at the
time of this notification, the Transmission Provider's Transmission System cannot
accommodate all of the requests for transmission service, the existing firm service
customer must agree to accept a contract term at least equal to a competing request by
any new Eligible Customer and to pay the current just and reasonable rate, as approved
by the Commission, for such service; provided that, the firm service customer shall have
the right of first refusal at the end of such service only if the new contract is for five years
or more. The existing firm service customer must provide notice to the Transmission
Provider whether it will exercise its right of first refusal no less that than one year prior to
the expiration date of this transmission service agreement. This transmission reservation
priority for existing firm service customers is an ongoing right that may be exercised in
the manner specified above at the end of all firm contract terms of five years or longer.
Service agreements subject to a right of first refusal entered into prior to August 11, 2008
or associated with a transmission service request received prior to July 13, 2007, unless
terminated, will become subject to the five year/one year requirement on the first rollover
date after August 11, 2008; provided that, the one-year notice requirement shall apply to
such service agreements with five years or more left in their terms as of August 11, 2008.
This reservation priority only applies to the facilities of the Transmission Owner(s) where
such facility costs have been included as part of the firm service rates that the firm
service customer has been paying. If competing existing firm service requirements
customers apply for service that cannot be fully provided, the priority rights will be
ranked in accordance with first-come, first-served principles. If firm service customers
tie, then the capacity for which they receive priority rights under this Tariff shall be
apportioned on a pro rata basis.
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ATTACHMENT F
Service Agreement For Network Integration Transmission Service
This Network Integration Transmission Service Agreement ("Service Agreement") is entered
into this ____ day of __________, ____, by and between _______________ ("Network Customer"), and
Southwest Power Pool, Inc. ("Transmission Provider"). The Network Customer and Transmission
Provider shall be referred to individually as “Party” and collectively as "Parties."
WHEREAS, the Transmission Provider has determined that the Network Customer has made a
valid request for Network Integration Transmission Service in accordance with the Transmission
Provider’s Open Access Transmission Tariff ("Tariff") filed with the Federal Energy Regulatory
Commission ("Commission") as it may from time to time be amended;
WHEREAS, the Transmission Provider administers Network Integration Transmission Service
for Transmission Owners within the SPP Region and acts as agent for the Transmission Owners in
providing service under the Tariff;
WHEREAS, the Network Customer has represented that it is an Eligible Customer under the
Tariff; and
WHEREAS, the Parties intend that capitalized terms used herein shall have the same meaning as
in the Tariff.
NOW, THEREFORE, in consideration of the mutual covenants and agreements herein, the
Parties agree as follows:
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1.0

The Transmission Provider agrees during the term of this Service Agreement, as it may be
amended from time to time, to provide Network Integration Transmission Service in accordance
with the Tariff to enable delivery of power and energy from the Network Customer’s Network
Resources that the Network Customer has committed to meet its load.

2.0

The Network Customer agrees to take and pay for Network Integration Transmission Service in
accordance with the provisions of Parts I, III and V of the Tariff and this Service Agreement with
attached specifications.

3.0

The terms and conditions of such Network Integration Transmission Service shall be governed
by the Tariff, as in effect at the time this Service Agreement is executed by the Network
Customer, or as the Tariff is thereafter amended or by its successor tariff, if any. The Tariff, as it
currently exists, or as it is hereafter amended, is incorporated in this Service Agreement by
reference. In the case of any conflict between this Service Agreement and the Tariff, the Tariff
shall control. The Network Customer has been determined by the Transmission Provider to have
a Completed Application for Network Integration Transmission Service under the Tariff. The
completed specifications are based on the information provided in the Completed Application
and are incorporated herein and made a part hereof as Attachment 1.

4.0

Service under this Service Agreement shall commence on such date as it is permitted to become
effective by the Commission. This Service Agreement shall be effective through
__________________. Thereafter, it will continue from year to year unless terminated by tThe
Network Customer or the Transmission Provider can terminate the Service Agreement by giving
the other one-year advance written notice or by the mutual written consent of the Transmission
Provider and Network Customer. Upon termination, the Network Customer remains responsible
for any outstanding charges including all costs incurred and apportioned or assigned to the
Network Customer under this Service Agreement.

5.0

The Transmission Provider and Network Customer have executed a Network Operating
Agreement as required by the Tariff.
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6.0

Any notice or request made to or by either Party regarding this Service Agreement shall be made
to the representative of the other Party as indicated below. Such representative and address for
notices or requests may be changed from time to time by notice by one Party or the other.
Southwest Power Pool, Inc. (Transmission Provider):
_____________________________________
201 Worthen Drive
Little Rock, AR 72223-4936

_

_

Email Address:

_

_

Phone Number:

_

_

Network Customer:
_____________________________________
_____________________________________
_____________________________________

7.0

Email Address:

_

_

Phone Number:

_

_

This Service Agreement shall not be assigned by either Party without the prior written consent of
the other Party, which consent shall not be unreasonably withheld. However, either Party may,
without the need for consent from the other, transfer or assign this Service Agreement to any
person succeeding to all or substantially all of the assets of such Party. However, the assignee
shall be bound by the terms and conditions of this Service Agreement.

8.0

Nothing contained herein shall be construed as affecting in any way the Transmission Provider’s
or a Transmission Owner’s right to unilaterally make application to the Federal Energy
Regulatory Commission, or other regulatory agency having jurisdiction, for any change in the
Tariff or this Service Agreement under Section 205 of the Federal Power Act, or other applicable
statute, and any rules and regulations promulgated thereunder; or the Network Customer's rights
under the Federal Power Act and rules and regulations promulgated thereunder.
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9.0

By signing below, the Network Customer verifies that all information submitted to the
Transmission Provider to provide service under the Tariff is complete, valid and accurate, and
the Transmission Provider may rely upon such information to fulfill its responsibilities under the
Tariff.
IN WITNESS WHEREOF, the Parties have caused this Service Agreement to be executed by

their respective authorized officials.

TRANSMISSION PROVIDER

NETWORK CUSTOMER

Signature

Signature

Printed Name

Printed Name

Title

Title

Date

Date

Proposed Market Protocols Language Revision (Redlined)

Proposed Business Practices Language Revision (Redlined)
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Proposed Criteria Language Revision (Redlined)

Proposed Revisions to Other Corporate Documents (Redlined)
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Tariff Revision Request (TRR)

TRR Number

121

Cross Reference Number

TRR
Title

Day-Ahead not solving Clarification

MPRR 157

BRR

Other (Specify) ___________

Sponsor
Name
E-mail Address
Company
Phone Number
Date

Tariff Section(s) Requiring
Revision

Sherry Hamilton
shamilton@spp.org
Southwest Power Pool
501-614-3962
2/10/2014

Attachment AE Section 8.3
Normal

Urgent

Requested Resolution
Provide explanation if Urgent is selected:

Revision Description

In the event that the Day-Ahead Market does not solve, the Day-Ahead LMP,
MLC, and MCP will be set to zero.

Reason for Revision

If the Day-Ahead Market does not solve for a given Operating Day, then the LMP,
MLC and MCP will be null. This TRR changes the LMP, MLC, and MCP to zero if
the Day-Ahead Market does not solve. Language needs to be added to Section
8.3 of Attachment AE to reflect alignment with Protocols, Section 7.1.1 in MPRR
157 that was passed unanimously by MWG on 1/21/2014

Stakeholder Approval
Required
(Record date and outcome
of vote; N/A for those
stakeholders not required)

RTWG— 2-20-2014 – Approved (Consent Agenda)
MWG—
BPWG—(N/A)
TWG—(N/A)
ORWG—(N/A)
Other (specify)—(N/A)
MOPC—
Board of Directors—
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Yes—(Include any comments from the review)
Legal Review Completed
No
Yes—Section No.: (Include a summary of impact and/or specific changes)
Market Protocols
Implications or Changes
No
Yes—Section No.: (Include a summary of impact and/or specific changes)
Business Practices
Implications or Changes
No
Yes—Section No.: (Include a summary of impact and/or specific changes)
Criteria Implications or
Changes
No
Other Corporate Documents
Implications or Changes
(i.e., SPP Bylaws,
Membership Agreement,
etc.)

Yes—Section No.: (Include a summary of impact and/or specific changes)

No
Yes—(Include a summary of impact and/or specific changes)

Credit Implications
No
Yes
Impact Analysis Required
No

Proposed Tariff Language Revision (Redlined)

8.3

Calculation of Locational Marginal Prices, Locational Marginal Price Components, and
Market Clearing Prices
An LMP shall be calculated for each Meter Settlement Location for the Day-Ahead
Market and RTBM and shall be calculated as the price at that location based on the SCED and
Operating Reserve clearing, the Dispatchable Resource Energy Offer Curve, Operating Reserve
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Offer prices and Resource characteristics submitted by Market Participants and data from the
State Estimator. The following rules will be used in calculating the LMPs:
(1)

LMPs are calculated by the Transmission Provider for each hour in the Day-Ahead
Market and each Dispatch Interval in the RTBM as part of the SCED solution described
under Section 6.2.2 of this Attachment AE.

In performing these calculations,

Dispatchable Resources will be eligible to set the LMP under the following conditions:
(a)

The Dispatchable Resource must be operating below its maximum capacity limit;

(b)

The Dispatchable Resource must be operating above its minimum capacity limit;
and

(c)

The Dispatchable Resource output must not be ramp rate constrained such that the
Dispatchable Resource cannot achieve the optimal desired dispatch point under
the economic dispatch.

(2)

The Transmission Provider shall calculate LMPs, MCCs and MLCs for use in settlement
as follows:
(a)

An LMP, MCC and MLC shall be calculated for each Meter Settlement Location
for each hour in the Day-Ahead Market and for every Dispatch Interval in the
RTBM.

(b)

The LMP, MCC and MLC for a load Settlement Location or a Demand Response
Load location with multiple Meter Settlement Locations for an hour within the
Day-Ahead Market or a Dispatch Interval within the RTBM shall be equal to the
load weighted average of LMPs calculated for Meter Settlement Locations
aggregated to that Settlement Location or Demand Response Load location for
that hour or Dispatch Interval. The load weights utilized in this calculation for the
Day-Ahead Market shall be based upon a historical Real-Time load calculated at
each Meter Settlement Location by the State Estimator and for the RTBM shall be
based upon the actual Real-Time load calculated at each Meter Settlement
Location by the State Estimator in that Dispatch Interval.

(c)

The LMP, MCC and MLC for a Resource Settlement Location for an hour in the
Day-Ahead Market and for a Dispatch Interval in the RTBM shall equal the LMP,
MCC and MLC calculated for that Settlement Location for the Resource or, in the
case of a Block Demand Response Resource, the LMP, MCC and MLC calculated
at the associated Demand Response Load location.
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(d)

The LMP, MCC and MLC for a Market Hub Settlement Location for an hour
within the Day-Ahead Market or a Dispatch Interval within the RTBM shall be
equal to the weighted average of LMPs, MCCs and MLCs calculated for Price
Nodes within the Market Hub aggregated to that Market Hub Settlement Location
for that hour or Dispatch Interval. The weights utilized in this calculation for the
Day-Ahead Market shall be determined by the Transmission Provider, in
consultation with Market Participants, at the time the Market Hub is created.

(e)

The LMP, MCC and MLC for an External Interface Settlement Location for an
hour within the Day-Ahead Market or a Dispatch Interval within the RTBM shall
be equal to the weighted average of LMPs, MCCs and MLCs calculated for Price
Nodes within the External Interface aggregated to that External Interface
Settlement Location for that hour or Dispatch Interval. The weights utilized in
this calculation for the Day-Ahead Market and RTBM shall be determined by the
Transmission Provider at the time the External Interface is created.

(3)

If there is insufficient capacity to meet the Energy requirements on a system-wide basis,
Energy requirements are reduced to meet available capacity and LMPs are calculated as
described under Section 8.3.1.

(4)

In the event a failure of the Day-Ahead Market systems results in the loss of the ability to
clear the Day-Ahead Market in a timely manner, the TCR charge type described under
Section 8.5.11 shall continue to be settled as part of the Day-Ahead Market settlement
using the MCCs calculated for the corresponding Operating Day for the RTBM and the
congestion revenue collected as part of the RTBM settlement. TCR uplift calculated
under Section 8.5.12 shall be set equal to zero and the differences between amounts paid
under Section 8.5.11 and available real-time congestion revenue shall be accounted for
under Section 8.8. In the event a failure of the Day-Ahead Market systems results in the
loss of the ability to clear the Day-Ahead Market, the Transmission Provider will set the
Day-Ahead Market LMP, MLC, and MCP to zero.

(5)

In the event a system-wide failure of the RTBM systems results in a loss of the ability to
calculate LMPs, RTBM Energy will continue to be settled financially under this Tariff
based upon estimated LMPs. The Transmission Provider shall notify Market Participants
if RTBM Energy is to be settled using estimated prices.
(a)

If the failure of the RTBM systems occurs for twelve (12) Dispatch Intervals or
less, the estimated LMPs and LMP components shall be the most recently
Page 4 of 6

196 of 286

calculated LMPs, MCCs, and MLCs for each affected Settlement Location and
shall be utilized for settlement purposes for each of the Dispatch Intervals in
which LMP pricing data is missing.
(b)

If the failure of the RTBM systems occurs for more than twelve (12) Dispatch
Intervals, the Transmission Provider shall calculate LMPs, MCCs, and MLCs for
the RTBM using mitigated Offers in a manner that reflects, as closely as
practicable, the LMPs, MCCs, and MLCs that would have resulted but for the
RTBM systems failure and shall use such LMPs, MCCs, and MLCs for settlement
purposes for each of the Dispatch Intervals in which LMP pricing data is missing.
To the extent that the Transmission Provider is unable to calculate RTBM LMPs,
MCCs, MLCs, and MCPs, the Transmission Provider shall use the LMPs, MCCs,
MLCs, and MCPs generated in the Day-Ahead Market for RTBM settlement.

(6)

If for any reason a portion of generation and load within the SPP Balancing Authority
Area becomes isolated from the rest of the SPP Balancing Authority Area (“Island”), the
Transmission Provider shall calculate LMPs, MCCs, and MLCs for the RTBM within the
Island using mitigated Offers for Resources within the Island in a manner that reflects, as
closely as practicable, the LMPs, MCCs, and MLCs within the Island that would have
resulted as if the RTBM systems had calculated the values, and shall use such LMPs,
MCCs, and MLCs for settlement purposes within the Island for each of the Dispatch
Intervals.

Proposed Market Protocols Language Revision (Redlined)
FOR INFORMATIONAL PURPOSES ONLY:
SECTION 7.1.1 DAY-AHEAD MARKET SYSTEM OUTAGES (PASSED BY MWG 1/21/2014);

7.1.1

Day-Ahead Market System Outages

In the event that SPP is not able to solve the Day-Ahead Market resulting in no Day-Ahead Market
MCCs being produced for use in TCR settlement, SPP will use Real-Time Balancing Market MCCs and
Real-Time Balancing Market congestion dollars to settle TCRs. Settlement of TCRs will still occur as
part of the Day-Ahead Market settlement. In the event that SPP is not able to solve the Day-Ahead
Market, The Day-Ahead Market LMP, MLC, and MCP will be set to zero. Day-Ahead Market MCCs
will be replaced by hourly Real-Time Balancing Market MCCs for the purposes of calculating the TCR
Funding Amount described under Section 4.5.8.14. Resulting charges calculated under the TCR Daily
Uplift Amount described under Section 4.5.8.15 will be reversed and included as a miscellaneous
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adjustment and included under the Revenue Neutrality Uplift Amount described under Section 4.5.13.
This charge reversal will allow any RTBM congestion revenue excess or shortfall amounts to be
accounted for within the Revenue Neutrality Uplift Amount.
For a Resource Settlement Location, the hourly substitute Day-Ahead MCC will be equal to the
Resource output weighted average of the Dispatch Interval MCCs for that Settlement Location in the
hour. For a load Settlement Location, the hourly substitute Day-Ahead MCC will be equal to the load
consumption weighted average of the Dispatch Interval MCCs for that Settlement Location in the hour.
For an Interface or a Market Hub Settlement Location, the hourly substitute Day-Ahead MCCs will be
equal to the average of the Dispatch Interval MCCs at that Settlement Location in the hour.
Day-Ahead Market Settlement of physical and virtual Energy, Operating Reserve and Bilateral
Settlement Schedules will not be performed. Settlement of physical Energy and Operating Reserve will
occur in the RTBM only and the Day-Ahead RUC process will be performed assuming that there are no
Day-Ahead Market commitments available.

Proposed Business Practices Language Revision (Redlined)
N/A
Proposed Criteria Language Revision (Redlined)
N/A
Proposed Revisions to Other Corporate Documents (Redlined)
N/A
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Tariff Revision Request (TRR)

TRR Number

122

Cross Reference Number

TRR
Title

Clarify Intent of DPP Confidentiality Language

MPRR

BRR

Other (Specify) ___________

Sponsor
Name
E-mail Address
Company
Phone Number
Date

Tariff Section(s) Requiring
Revision

Brett Hooton
bhooton@spp.org
Southwest Power Pool, Inc.
501-688-1684
03/10/2014

Attachment O, Section III.8.b.iv
Normal

Urgent

Requested Resolution
Provide explanation if Urgent is selected:

Revision Description

This revision adds a minor edit to the discussion of the confidentiality of DPPs.

Reason for Revision

The current language is unclear. The revised language clarifies the original intent
of the language.

Stakeholder Approval
Required
(Record date and outcome
of vote; N/A for those
stakeholders not required)

RTWG— Approved – 3/26/2014
MWG— (N/A)
BPWG—(N/A)
TWG—(N/A)
ORWG—(N/A)
Other (specify)—(N/A)
MOPC—
Board of Directors—
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Yes—(Include any comments from the review)
Legal Review Completed

Language was drafted by SPP legal.
No
Yes—Section No.: (Include a summary of impact and/or specific changes)

Market Protocols
Implications or Changes
No
Yes—Section No.: (Include a summary of impact and/or specific changes)
Business Practices
Implications or Changes
No
Yes—Section No.: (Include a summary of impact and/or specific changes)
Criteria Implications or
Changes
No
Other Corporate Documents
Implications or Changes
(i.e., SPP Bylaws,
Membership Agreement,
etc.)

Yes—Section No.: (Include a summary of impact and/or specific changes)

No
Yes—(Include a summary of impact and/or specific changes)

Credit Implications
No
Yes
Impact Analysis Required
No

Proposed Tariff Language Revision (Redlined)

Attachment O Section III.8.b.iv
The Transmission Provider shall hold all DPPs in confidence until the thirty (30) day
transmission planning response window has closed. Subsequent to the close of the transmission
planning response window, information contained in a DPP shall be disclosed to stakeholders
only as the Transmission Provider determines it is necessary for the review of the DPP during the
planning process andor for documentation of the reason(s) why the DPP was or was not chosen
in the current ITP assessment. The remaining information in the DPP will remain confidential.
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Proposed Market Protocols Language Revision (Redlined)
N/A

Proposed Business Practices Language Revision (Redlined)
N/A

Proposed Criteria Language Revision (Redlined)
N/A

Proposed Revisions to Other Corporate Documents (Redlined)

N/A
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Tariff Revision Request (TRR)

TRR Number

124

Cross Reference Number

TRR
Title

Invoice Timeline Consistency

MPRR

BRR

Other (Specify) ___________

Sponsor
Name
E-mail Address
Company
Phone Number
Date

Tariff Section(s) Requiring
Revision

Sherry Hamilton
shamilton@spp.org
Southwest Power Pool
501-614-3962
3/18/2014

Attachment AE Section 10.2 Invoices
Normal

Urgent

Requested Resolution
Provide explanation if Urgent is selected:

Revision Description

To implement invoicing consistency in the Tariff and the Market Protocols with
regard to Market Participant payment due dates and SPP’s payment to the
Market Participant for credits, within the Integrated Marketplace.

Reason for Revision

The Tariff and Market Protocols do not reflect invoicing consistency with regard to
payment due dates from Market Participants and SPP payments to the Market
Participants for credits. This change will ensure that the Tariff and Market
Protocols (Section 4.5.16.1) provide consistency.

Stakeholder Approval
Required
(Record date and outcome
of vote; N/A for those
stakeholders not required)

RTWG—Approved – 03/26/2014
MWG—
BPWG—(N/A)
TWG—(N/A)
ORWG—(N/A)
Other (specify)—(N/A)
MOPC—
Board of Directors—
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Yes—(Include any comments from the review)
Legal Review Completed
No
Yes—Section No.: (Include a summary of impact and/or specific changes)
Market Protocols
Implications or Changes
No
Yes—Section No.: (Include a summary of impact and/or specific changes)
Business Practices
Implications or Changes
No
Yes—Section No.: (Include a summary of impact and/or specific changes)
Criteria Implications or
Changes
No
Other Corporate Documents
Implications or Changes
(i.e., SPP Bylaws,
Membership Agreement,
etc.)

Yes—Section No.: (Include a summary of impact and/or specific changes)

No
Yes—(Include a summary of impact and/or specific changes)

Credit Implications
No
Yes
Impact Analysis Required
No

Proposed Tariff Language Revision (Redlined)

10.2 Invoices
(1) The Transmission Provider shall issue an invoice detailing all charges and payments
specified in Section 8 of this Attachment AE on a weekly basis in accordance with the
invoice issue dates specified in the Market Protocols.
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(2) The Transmission Provider shall make payments to the Market Participant for any net credit
shown on the invoice and the Market Participant shall make payment to the Transmission
Provider for any net charge shown or the invoice, including disputed amounts. Resolution
of disputed amounts shall be shown as an adjustment on future invoices.
(3) Market Participants shall make payment to the Transmission Provider that is equal to the net
charge shown on the invoice by no later than 5:00 PM on the 3rd4th business day
following the day the invoice was issued.
(4) The Transmission Provider shall make payment to the Market Participant that is equal to the
net credit shown on the invoice by no later than 5:00 PM on the 56th business day
following the day the invoice was issued subject to the procedures specified under
Section V of Attachment L.
(5) All payments to the Market Participant and all payments to the Transmission Provider shall
be made by electronic funds transfer in U.S. dollars.

Proposed Market Protocols Language Revision (Redlined)

Proposed Business Practices Language Revision (Redlined)

Proposed Criteria Language Revision (Redlined)
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Proposed Revisions to Other Corporate Documents (Redlined)
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Southwest Power Pool, Inc.
MARKETS AND OPERATIONS POLICY COMMITTEE
Recommendation to the Board of Directors
Novation of ITC to Mid-Kansas Electric Company (MKEC)
April 29, 2014

Background
ITC proposes to novate the metering equipment at the new 345 kV Thistle Substation to Mid-Kansas.
•

In 2011, Mid-Kansas novated NTC 20102, Project 945 to ITC
o
o

•

345 kV double circuit line from Spearville – Clark County – Thistle – Wichita
Novation Agreement approved by FERC in Docket No. ER11-3451 in June 2011

July 2011 SPP issued NTC 200162 to ITC

Mid-Kansas Electric Company, LLC (MKEC), is owned by six Members comprised of five rural electric
cooperatives and one wholly owned subsidiary of a rural electric cooperative serving 33 counties in
central and western Kansas.
Per Attachment O, Section VI.6 of the SPP Open Access Transmission Tariff:
“At any time, a Designated Transmission Owner may elect to arrange for another entity or another
existing Transmission Owner to build and own all or part of the project in its place subject to the
qualifications in Subsections i, ii, iii, and iv above.”
Per SPP Business Practice 7070, a novation is defined as:
“A novation is the release of the original DTO’s obligation to ensure that a project is built. After the DTO’s
assignment of the right to build and the approval and execution of a novation, the new TO will have the
right and obligation to build the project.”
Analysis
SPP staff performed a due diligence review of the proposed novation. Staff’s findings were summarized
in three primary areas:
1) Financing Assumptions
2) Cost to SPP Customers
3) Project Development, Operations, and Maintenance
•

Capital cost of project essentially the same for Mid-Kansas and as for ITC.

•

Approximately $190K savings to Transmission Customers over 40 years in current-year dollars
(2.5% straight line depreciation, 8% discount rate).

•

Mid-Kansas will own, operate, and maintain the identified metering equipment. Mid-Kansas was
selected as the potential DTO because the location of the assets resides within the service
territory of their retail members.
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All applications before the Federal Energy Regulatory Commission and the Kansas Corporation
Commission have been granted. ITC and Mid-Kansas entered into a Stipulation and Agreement and a
Second Stipulation and Agreement filed with and approved by the Kansas Corporation Commission in
Docket Nos. 08-ITCE-936-COC, 08-ITC-937-COC, 08-ITCE-938-COC and 08- PWTE-1022-COC.
Likewise, ITC Great Plains has been granted approval of a siting application under Docket No. 11-ITCE644-MIS and issued a certificate for the instant project under Docket No. 12-ITCE-222-COC.
Conclusion to the MOPC
During the MOPC meeting on April16, 2014, Bill Grant (Xcel Energy) made a motion, seconded by John
Olsen (KGE Westar) to endorse Mid-Kansas on its proposed novation as presented. The motion passed
with one opposed: Kansas Power Pool
Action Requested
It is requested the SPP Board of Directors approve the novation of the metering equipment from ITC to
Mid-Kansas.

APPROVED:

MOPC

April 15-16, 2014

Passed unanimously with one abstention-Kansas Power Pool
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Novation of NTC 200162– Thistle Metering
Information Provided by Mid-Kansas pursuant to SPP Business Practice 7070
April 1, 2014
3.1.1
The SPP Board shall approve Novations conditioned only on the four specific criteria already
identified in the SPP Tariff. Those criteria are:
a. The Entity’s having obtained all state regulatory authority necessary to construct, own
and operate transmission facilities within the state(s) where the project is located.
See attached file “2007 Adoption Notice KCC Docket No. 06-MKEE-524-ACQ”
b. The Entity’s meeting the creditworthiness requirements of the Transmission Provider
See attached files “14-MKEE-253-DRC Order Affirming Mid-Kansas’ Election to
Deregulate” and “SPP Letters of Credit” current letters of credit pledged to the
Southwest Power Pool. Mid-Kansas Electric Company, LLC (Mid-Kansas) filed its
deregulation notice with the Kansas Corporation Commission and the Commission
entered its order affirming January 7, 2014. This order allows Mid-Kansas members to
set generation rates without KCC jurisdiction, regulation, supervision and control.
Mid-Kansas is a Transmission Owner and customer that participates in the integrated
marketplace as a single consolidated market participant with Sunflower Electric Power
Corporation. Currently, the single market participant (representing both Mid-Kansas
and Sunflower) has secured credit of $7 million and unsecured credit of $1.5 million,
which demonstrates the entity’s ability to meet the creditworthy requirements of this
section.
c. The Entity’s having signed, or capability and willingness to sign, the SPP Membership
Agreement as a Transmission Owner upon the selection of its proposal to construct and
own the project
See attached file “Mid-Kansas Membership Agreement with SPP (2007)”
d. The Entity’s meeting such other technical, financial and managerial qualifications as are
specified in the Transmission Provider’s business practices
“Mid-Kansas has the necessary capability to construct, operate and manage
transmission assets in the state of Kansas. As a certified Transmission Owning member
of the Southwest Power Pool, Mid-Kansas has provided transmission services and
maintenance to its transmission assets since 2007. Mid-Kansas continues to demonstrate
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capability to construct, operate, maintain and manage transmission assets by being the
Designated Transmission Owner for 10 separate NTCs representing multiple component
transmission projects since 2008.”
Noman Williams
Vice President Transmission Policy
Mid-Kansas Electric Company, LLC
3.1.2
a. The identification of the project proposed to be novated
The Thistle Substation Metering equipment for the Project pursuant to SPP-NTC-200162 (the
original NTC was issued by SPP to Mid-Kansas for the Project (SPP-NTC-20102) and then
novated to ITC in the 2011 Novation Agreement to ITCGP. SPP subsequently issued SPP-NTC200162 for the Project). Specifically, ITC is requesting to novate the equipment at Thistle
Substation associated with the metering of the four interconnections to Prairie Wind, the owner
of the four transmission lines. The metering equipment includes twelve (12) current
transformers, twelve (12) potential transformers, two metering panels, RTU (remote terminal
unit) and telecommunications equipment required to provide real-time data located inside ITC’s
control building, and associated equipment such as strands, cable wire and telecommunications
equipment (collectively, the “Metering Equipment”). The estimated project capital cost is $1.45
million.
b. The identification of the Transmission Owner making the novation
ITC Great Plains, LLC
c. The identification of the entity receiving the novation
Mid-Kansas Electric Company, LLC
d. The identification and status of pertinent matters before FERC or state commissions related to
the project including the novation (this shall include the status of any certification proceeding,
approvals, etc.)
All applications before the Federal Energy Regulatory Commission and the Kansas Corporation
Commission have been granted. ITC and Mid-Kansas entered into a Stipulation and Agreement
and a Second Stipulation and Agreement filed with and approved by the Kansas Corporation
Commission in Docket Nos. 08-ITCE-936-COC, 08-ITC-937-COC, 08-ITCE-938-COC and 08PWTE-1022-COC. Likewise, ITC Great Plains has been granted approval of a siting application
under Docket No. 11-ITCE-644-MIS and issued a certificate for the instant project under Docket
No. 12-ITCE-222-COC.
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e.
ITC Great Plains
i. Actual or Projected
debt/equity ratios:
ii. Actual or Projected cost of
capital:
iii. Actual or Projected return
on equity or applicable
measure:
iv. Actual or Proposed type and
amount of construction
financing costs, i.e. Interest
Rate, AFUDC or CWIP:

40/60

Mid-Kansas Electric
Company
90/10

7.97%

7.52%

12.16%

Applicable Measure: MKEC
is allowed recovery based
upon a 1.53 MFI
AFUDC: Assuming costs are
incurred for 6 months before
project is in service, the
estimated cost is $60,000

CWIP in rate base. Assuming
costs are incurred 6 month
before project is placed in
service, the estimated CWIP in
rate base cost is $75,000.

v. S&P and Moody’s credit
rating:

S&P: A- Corporate
Moody’s: Baa1

vi. Estimated Net Plant
Carrying Charge (NPCC) or
ATRR for the life of the
project after it is placed inservice:

The estimated ATRR impact
assuming all V-Plan plant has
been in-service for 13 months
is $170,000.

No formal credit rating;
however, lending institutions
have assigned MKEC with
an NAIC-2 Designation
The estimated ATRR impact
assuming all plant has been
in-service for 13 months is
$150,000

vii.
An explanation describing the difference in ATRR:
The difference in the ATRR is primarily a function of the variation of the two formula rate
constructs and the inputs to the formula rates, including G&A, O&M, and ROE.
f. A comparative analysis as to whether novation changes the ROE, weighted cost of capital, and
overall costs for the project, whether any performance guarantees between the parties exists and
whether any consideration between the parties is included in the ATRR
No material changes.
g. Whether the Novating Party will own, operate and maintain the facility; and Detail on what
process was used in selecting the potential DTO
Mid-Kansas will own, operate and maintain the identified metering equipment. Mid-Kansas was
selected as the potential DTO because the location of the assets resides within the service
territory of their retail members.
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Mid-Kansas Membership Agreement
with SPP (2007)
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14-MKEE-253-DRC Order Affirming
Mid-Kansas’ Election to Deregulate
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THE STATE CORPORATION COMMISSION
OF THE STATE OF KANSAS
Before Commissioners:

Mark Sievers, Chairman
Thomas E. Wright
Shari Feist Albrecht

In the Matter of the Election of Mid-Kansas
Electric Company, LLC to Deregulate
Pursuant to K.S.A. 66-104d(c)(4).

)
)
)

Docket No. 14-MKEE-253-DRC

ORDER AFFIRMING MID-KANSAS ELECTRIC COMPANY, LLC'S
ELECTION TO DEREGULATE
This matter comes before the State Corporation Commission of the State of Kansas
(Commission) for consideration and determination. Having reviewed the pleadings and record,
the Commission finds and concludes as follows:
1.

On November 22, 2013, Mid-Kansas Electric Company, LLC (Mid-Kansas) filed

its Deregulation Notice with the Commission that the Members of Mid-Kansas have approved
by the affirmative vote of not less than a majority of the Members to exempt Mid-Kansas from
the jurisdiction, regulation, supervision, and control of the Commission pursuant to K.S.A. 66104d. 1
2.

On November 27, 2013, Mid-Kansas filed its Certification of Election Results

(Certification). 2 In the Certification, Mid-Kansas's Secretary stated that the Board of Directors
resolved to hold·a Special Meeting concerning the issue of deregulation on August 16, 2013, the
Members were given notice of the Special Meeting on August 19, 2013, and the Special
Meeting was held on September 20, 2013. 3 At the Special Meeting, the Members considered
the proposition to exempt Mid-Kansas from the jurisdiction, regulation, supervision, and control

1

Deregulation Notice of Mid-Kansas Electric Company, LLC, (November 22, 2013).
Certification of Election Results, (November 27, 2013).
3 Id.
2
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of the Commission. 4 Also, the Members have received the ballots pertaining to the question of
whether or not Mid-Kansas should exempt itself from the Commission's regulations, rules, and
procedures. 5 Since receiving the ballots, the Members by an affirmative vote of not less than a
majority approved the proposition for deregulation. 6
3.

K.S.A. 66-104d(b) permits an electric cooperative that would otherwise be under

the Commission's jurisdiction to elect to be exempt from the jurisdiction, regulation,
supervision, and control of the Commission, provided that the directives contained in subsection
(c) of K.S.A. 66-104d are followed. 7 Subsection (c) requires the board of trustees to call a
meeting 8 which shall be held not less than 21 nor more than 45 days after notice of the meeting
is given. 9 If the majority of the members voting do indeed vote for deregulation, then the
cooperative shall notify the Commission of the election in writing within 10 days. 10 K.S.A. 66104d(f) enumerates circumstances under which an electric cooperative, notwithstanding its
election to deregulate, remains subject to the continuing jurisdiction of the Commission. 11 A
deregulated cooperative may also be subject to Commission jurisdiction under K.S.A. 66104d(g) and (j). 12
4.

The Commission finds that notice of the Special Meeting was properly given to

the Members, the Special Meeting was held within 21 days and 45 days after the notice, a
majority of the Members voted for deregulation, and Mid-Kansas provided notice of the

4

Id
Id
6
Id
7
K.S.A. 66-104d(b ).
8
K.S.A. 66-104d(c)(l).
9
K.S.A. 66-104d(c)(2).
10
K.S.A. 66-104d(c)(4).
11
K.S.A. 66-104d(t).
12
K.S.A. 66-104d(g) and (j).
5

2
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election to the Commission within 10 days of the vote. Thus, the Commission affirms MidKansas's Deregulation Notice.
IT IS, THEREFORE, BY THE COMMISSION ORDERED THAT:
A.

The Commission affirms Mid-Kansas is exempt from the jurisdiction, regulation,

superv1s10n, and control of the Commission, subject to the Commission's continuing
jurisdiction under K.S.A. 66-104d(t) and any Commission jurisdiction which may arise under
K.S.A. 66-104d(g) and G).
B.

The parties have fifteen days, plus three days if service of this order is by mail,

from the date this Order was served in which to petition the Commission for reconsideration. 13
C.

The Commission retains jurisdiction over the subject matter and parties for the

purpose of entering such further orders as it deems necessary.
BY THE COMMISSION IT IS SO ORDERED.

Sievers, Chairman; Wright, Commissioner; Albrecht, Commissioner.
Dated:

JAN 0 7 2014

~~AILEQ_Dl;~n·~A
OR~D:R
l::

11;i

~f'.l\

:..;

LU

1·t

Kim Christiansen
Executive Director
MLS

13

K.S.A. 66-l 18b; K.S.A. 2013 Supp. 77-529(a)(l).
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DATE

IN RE: DOCKET NO. 14-MKEE-253-DRC

JAN 0 7 2014

PLEASE FORWARD THE ATTACHED DOCUMENT (S) ISSUED IN THE ABOVE-REFERENCED DOCKET
TO THE FOLLOWING:
NO.
CERT.
COPIES

NAME AND ADDRESS

NO.
PLAIN·
COPIES

RAY BERGMEIER, LITIGATION COUNSEL
KANSAS CORPORATION COMMISSION
1500 SW ARROWHEAD RD
TOPEKA, KS 66604-4027
***Hand Delivered***
STUARTS. LOWRY, PRESIDENT AND CEO
MID-KANSAS ELECTRIC COMPANY, LLC
301W13TH ST
PO BOX 980
HAYS, KS 67601

, • ·1

ORDER MAILED Ji-\[\

0 8 zn~,,
U l'-i'

day of
, 20
, it caused a true and correct
The Docket Room hereby certified that on this
copy of the attached ORDER to be deposited intne United States Mail, postage prepaid, and addressed to the above
persons.
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SPP Letters of Credit
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2007 Adoption Notice
KCC Docket No. 06-MKEE-524-ACQ
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KANSAS
CORPORATION

COMMISSION

KATHLEEN SEBELIUS, GOVERNOR
BRIAN J. MOLINE, chair
ROBERT E. KREHBIEL, commissioner
MICHAEL C. MOFFET, commissioner

Utilities Division

April 3, 2007
In the Matter of the Joint Application of Aquila, Inc., d/b/a Aquila
Networks - WPK ("WPK") and Mid-Kansas Electric Company, LLC

("MKEC"),Joint Applicants, for an Order Approving the Transfer to
MKEC of WPK's Certificates of Convenience and Franchises with

Respect to All of WPK's Kansas Electric Business, Including Its
Generation, Transmission and Local Distribution Facilities Located in
the State of Kansas, and for Other Related Relief.In the Matter of the

06-MKEE-524-ACQ

Joint Applicationof Aquila, Inc., d/b/a Aquila Networks - WPK
("WPK") and Mid-Kansas Electric Company, LLC ("MKEC"), Joint
Applicants, for an OrderApproving the Transfer to MKEC of WPK's
Certificates of Convenience and Franchises with Respect to All of
WPK's Kansas Electric Business, Including Its Generation,
Transmission and Local Distribution Facilities Located in the State of

Kansas, and for Other Related Relief.

Thomas K. Hestermann, Mgr. Reg. Relations
SEP Corporation
dba Sunflower Electric Power Corporation
301 West 13th
P.O. Box 1020

HaysKS 67601
Dear Mr. Hestermann:

Enclosed herewith is one copy of the above-captioned filing, which was approved by this
Commission on March 29,2007.

Sincerely,

)4l>-'^'/^
Donald A. Low

u

Director

GDD:ram
Enc.
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ADOPTION NOTICE

Effective April 1,2007, Mid-Kansas Electric Company, LLC ("MKEC*) will acquire all of
the Aquila Inc d/b/a Aquila Networks -WPK ("WPK") generation, transmission, and local
distribution facilities located in Kansas and WPK will also transfer its certificate of

convenience and franchises to MKEC pursuant to the Commissions Order Adopting
Stipulation and Agreement in Docket No. G6-MKEE-524-ACQ dated February 23, 2007.

Pursuant to the Stipulation and Agreement as adopted by the Commission, Mid-Kansas
Electric Company, LLC hereby adopts, ratifies and makes its own in every respect as if
the same had been originally filed by it, ail tariffs, schedules, and rules and regulations of

Aquila, Inc. d/b/a Aquila Networks -WPK filed with and approved by the Commission
before March 31, 2007.

0fr-NKEE-52*-flCQ
Approved

Kansas- Corporation Comavissicf?
March 29, 2007
/S/ Susan K. Duffy

Commission File Number

FILED
THE STATE CORPORATION COMMISSION
OF KANSAS

By

Secretary
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Southwest Power Pool, Inc.
MARKETS AND OPERATIONS POLICY COMMITTEE
Recommendation to the Board of Directors
Assignment from AEP to AEP Oklahoma Transmission Company
April 29, 2014

Background
AEP proposes to assign Project ID 30346 from NTC 200167 to its affiliate AEP Oklahoma Transmission
Company (AEP OTC).
AEP OTC is a wholly-owned subsidiary of AEP Transmission Company, LLC, which is a wholly-owned
subsidiary of AEP.
Per Attachment O, Section VI.6 of the SPP Open Access Transmission Tariff:
“At any time, a Designated Transmission Owner may elect to arrange for another entity or another
existing Transmission Owner to build and own all or part of the project in its place subject to the
qualifications in Subsections i, ii, iii, and iv above.”
Per SPP Business Practice 7070, a novation is defined as:
“A novation is the release of the original DTO’s obligation to ensure that a project is built. After the DTO’s
assignment of the right to build and the approval and execution of a novation, the new TO will have the
right and obligation to build the project.”
Analysis
Quanta Technologies was retained to perform a due diligence review of the proposed novation. Quanta’s
findings were summarized in three primary areas:
1) Financing Assumptions
2) Cost to SPP Customers
3) Project Development, Operations, and Maintenance
•

Capital cost of project essentially the same for AEP OTC and as for AEP.

•

Approximately $864,236 savings to Transmission Customers over 40 years in current-year dollars
o

•

Savings due to lower long-term debt costs

AEP OTC will use the same staff to construct, operate, and maintain the assets as if AEP
developed the projects.

Conclusion to the MOPC
During the MOPC meeting on April16, 2014, Barry Warren (Empire District) made a motion, seconded by
Bill Grant (Xcel Energy) to endorse AEP on its proposed assignment as presented. The motion passed
with one opposed: Kansas Power Pool

227 of 286

Action Requested
It is requested the SPP Board of Directors approve the AEP proposed assignment of Project ID 30346
from NTC 200167 to its affiliate AEP Oklahoma Transmission Company.

APPROVED:

MOPC

April 15-16, 2014

Passed with one opposed-Kansas Power Pool
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Quanta Technology
4020 Westchase Blvd, Suite 300
Raleigh, NC 27607

Donald J. Morrow, P. E.
Partner & SVP Corporate Strategy
919 334 3023 Office
610-757-1722 fax

April 3, 2014
Mr. Dan Jones
Lead Regulatory Engineer
Southwest Power Pool, Inc.
201 Worthen Drive
Little Rock, AR 72223
Dear Mr. Jones,
Subject: AEP Oklahoma Transmission Company Due Diligence Review
This letter presents the results of the due diligence review of AEP Oklahoma Transmission
Company, Inc. (“OK Transco”) conducted by Donald J. Morrow of Quanta Technology, LLC
(“Quanta Technology”).
The purpose of the due diligence review was to provide insights to Southwest Power Pool, Inc.
(“SPP”) in evaluating the ability of OK Transco to be assigned Project ID 30346 which is part of
SPP’s Notification to Construct (“NTC”) SPP-NTC-200167. Project ID 30346 is also referred to
as Network Upgrade ID 50438 which is an upgrade of the Cornville 138 kV bus to breaker-anda-half configuration in preparation for the 138 kV line conversion to Lindsay Water (Flood)
Substation for regional reliability. The assignment includes the line re-terminations required for
the existing OK Transco Lindsay Water Flood to Cornville 138 kV transmission line at the
Cornville Substation. SPP had originally issued the NTC to American Electric Power (“AEP”)
on April 9, 2012.
This review was performed to satisfy the requirements established by SPP’s Business Practice
7070 regarding assignment of NTCs to an affiliate.

Due Diligence Process
Quanta Technology followed the process specified in Work Order 3 under the Master Services
Agreement dated August 31, 2012, between Quanta Technology and SPP. Since the due
diligence review process for assignments is the same as that for novations, Quanta Technology
followed the process used for the Transource Missouri, LLC due diligence review completed in
October 2014. A description of the process is included as Attachment A.

Document Review
SPP provided 9 documents to Quanta Technology at the start of the review. We also submitted
two data requests to OK Transco. OK Transco provided 19 documents in response. The data
requests are shown in Attachment B.
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Table 1 lists the documents reviewed. Documents 1 through 9 were provided by SPP,
documents 10 through 28 were provided by OK Transco.
Table 1: Documents Reviewed

Document
No.
1

Date
Received
3/11/2014

Document Name

2

3/11/2014

3

3/11/2014

SPP-NTC-200167 and SPP-NTC-200183 response dated 6/26/12
Attachment 2
FERC Docket No. ER10-355-000 Attachment 3

4

3/11/2014

FERC Docket Nos. ER10-355-000 & ER10-355-001 Attachment 4

5

3/11/2014

6

3/11/2014

7

3/11/2014

8

3/11/2014

9

3/11/2014

10

3/25/2014

11

3/25/2014

State of Oklahoma Certificate of Incorporation for AEP Oklahoma
Transmission Company Inc. Attachment 5
Application of AEP Oklahoma Transmission Company, Inc to be in
Compliance with OAC 165:35-43-4(b) Dated October 15, 2013
Attachment 6
Attachment 8 to Assignment request showing signatures of AEP and SPP
management
Worksheet F - Oklahoma Transmission Company - Calculation of
"projected" ARR for SPP Base Plan Upgrade Projects dated 2/28/14
Attachment 9
AEP Transmission LLC (AEPTCo) Project Selection Guideline dated
November 19,2009 Attachment 10
Request for SPP Board of Directors approval of Assignment of a
transmission Project pursuant to SPP OATT Attachment O and BP 7070
Request for Approval of Project Assignment Dated February 28, 2014

12

3/25/2014

13

3/25/2014

In the Matter of the Application of AEP Oklahoma Transmission
Company, Inc. For a Certificate of Authority Permitting it to Issue
Secured Notes, Senior Unsecured Notes and/or Unsecured Promissory
Notes in a Principal Amount of $200,000,000
FERC Docket Nos. ER10-355-000 & ER10-355-001 Attachment 4

14

3/25/2014

Attachment 9.xlsx providing calculation and comparison of ATRR

15

3/25/2014

16

3/25/2014

Request for Approval of Project Assignment Dated February 28, 2014 &
Web Link
Request for SPP Board of Directors approval of Assignment of a
transmission Project pursuant to SPP OATT Attachment O and BP 7070

SPP-NTC-200167 dated April 9, 2012 Attachment 1
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17

3/25/2014

18

3/25/2014

19

3/25/2014

Attachment 11.xlsx – The current SCERT for the Cornville Substation
voltage upgrade & ROW.
Attachment 12.xlsx – The current SCERT for the Cornville Substation
breaker-and-a-half scheme.
AEP Supplemental Safety Terms & Conditions

20

3/25/2014

Example Safety Directive

21

3/25/2014

Example Safety Directive

22

3/25/2014

Example of Contractor Material Handling Requirements

23

3/25/2014

Example of Contractor Material Handling Requirements

24

3/25/2014

AEP Safety and Health Manual

25

3/25/2014

Historical Safety Statistics

26

3/26/2014

AEP Operational Structure

27

3/28/2014

ATRR Quanta Data Request #2 Response.xls

28

3/29/2014

ATRR Quanta Data Request #2 Response_revised version.xls

Observations from Document Review

The documents provided by OK Transco show that  OK Transco is legally incorporated in the State of Oklahoma (Document No. 5)
 OK Transco has an approved FERC Section 205 filing (Document Nos. 3 and 4)
 OK Transco has been authorized by Oklahoma Corporation Commission to issue debt up
to $200M (Document No. 12)
 OK Transco started operations in 2010 and has invested approximately $242M in
transmission assets within SPP since that time (Document No. 16).
 OK Transco utilizes the same AEP Service Company employees that PSO and the other
AEP Operating Companies to plan, design, construction, operate and maintain its
facilities. (Document No. 16)
 OK Transco has adopted AEP’s safety program which will be used for constructing,
operating and maintaining the project. (Document Nos. 19, 20, 21, 22, 23, 24 and 25).
 The 138kV line upgrade will use single circuit, steel structures with 1272 ACSR and
designed with a “heavy” NESC loading zone assumption (Document No. 17).
 The Cornville 138kV breaker-and-a-half scheme will be built on property adjacent to the
Cornville substation (Document No. 18).
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Financial Review

Note: Quanta Technology is a technology consulting firm whose expertise is in engineering,
operations, maintenance and management of electric transmission and distribution facilities. We
do not represent ourselves as experts in accounting, finance or tax law. Therefore, this review
should not be construed as an opinion on the appropriateness of any tax benefits claimed,
consistency of OK Transco’s accounting practices with GAAP or the appropriateness of the cost
of short-term and long-term debt used by OK Transco in the analysis. We have limited our
review to the calculation of ATRR and have focused on the formulas used in the calculation, the
completeness of the data inputs, consistency of that data with publically available records (e.g.,
FERC authorized ROE), and the differences between the organization receiving the NTC and the
organization receiving the assignment of the NTC.
Quanta Technology’s financial review focused primarily on the spreadsheet titled “ATRR
Quanta Data Request #2 Response_revised version.xls” (Document No. 28).
FERC has authorized a base Return on Equity (“ROE”) of 10.7% for OK Transco, which is the
same as the AEP Operating Companies, including Public Service of Oklahoma (“PSO”). FERC
has also granted a 50 point basis adder for RTO membership, again applicable to both OK
Transco and PSO. The total ROE is, therefore, the same ROE of 11.2%.
Due to differences in the cost of long-term debt, the Weighted Average Cost of Capital of OK
Transco is 7.98% vs 8.35% for PSO.
Table 2 compares the financial assumptions between OK Transco and PSO.
Table 2: Financial Comparison Table

Item

OK Transco

PSO

Base ROE
RTO Membership
WACC
AFUDC or CWIP in Rate Base

10.7%
50 basis points
7.98%
AFUDC

10.7%
50 basis points
8.35%
AFUDC

OK Transco indicated that the O&M cost estimate, A&G cost estimate and tax estimates are the
same as if PSO retained the NTC. They also indicated that OK Transco will use AFUDC
treatment and indicated that AFUDC would have been used by PSO if it had retained the NTC.
Quanta Technology noted that losses were not included in the O&M cost estimate.
Cost to Customers

Quanta Technology used the information provided by OK Transco to evaluate the impact on the
cost to SPP members for the Projects. Quanta Technology spot checked formulas used in the
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spreadsheet and found one error of minor impact in the original spreadsheet provided in response
to data request #2. This finding was discussed with OK Transmission and a revision was
provided by OK Transco with a correction.
The data provided by OK Transco shows that the annual cost to SPP customers is expected to be
less than if PSO retained the Projects. The sole reason for this decrease is that WACC is lower
for OK Transco than for PSO.
To calculate the cost (savings) to SPP customers, Quanta Technology looked at the difference in
the annual cost and calculated a sum of year-of-occurrence total savings of $830,127 over a 40
year period.
Quanta Technology also discounted the year-of-occurrence savings by the standard 8% SPP
discount rate (i.e., the average discount rate used by SPP’s members). If the costs were
discounted back to 2014, we calculated the discounted savings as $347,053for SPP’s members.

OK Transco Interview
An interview of the OK Transco executive team was conducted via conference call on March 28,
2014. SPP participated in the call as an observer. Table 3 lists the participants.
Table 3: Conference Call Participants

Name
Donald Morrow
Dan Jones
Terri Gallup
Adam Hickman
Nancy Roby
Raja Sundararajan

Organization
Quanta Technology
SPP
AEP Transmission Company & part of
AEP Service Company
AEP Service Company
AEP Transmission Company & AEP
Service Company
AEP Service Company & AEP
Transmission Company

Title
Partner & SVP Corporate Strategy
Lead Regulatory Engineer
Manager of Transmission Asset
Strategy
Business Development
Business Development
VP Asset Strategy

A summary of the interview follows. A copy of Quanta Technology’s notes from the interview
is provided as Attachment C.
Financing and Cost to Customers

OK Transco indicated that was no FERC 203 filing required since they did not take over existing
assets. Ok Transco just develops new assets so only a FERC 205 filing was made.
OK Transco indicated that interest rates were lower than for PSO since the risk profile is more
easily understood by debt issuers than the risk profile is for vertically integrated utilities which
have exposure to weather variations in revenue.
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OK Transco indicated that approval by the Corporation Commission of Oklahoma to issue
secured notes was the key authorization needed to own transmission assets in the state.
OK Transco verified that AFUDC treatment would be used by OK Transco.
Staffing Levels

OK Transco indicated that the exact same staff would be used to construct, operate and maintain
the assets as if PSO developed the projects. These employees are AEP staff working either for
the AEP Service Company or for PSO.
Engineering

OK Transco verified that the same engineering staff would be used.
Permitting

OK Transco verified that the same permitting staff and contractors would be used.
ROW Acquisition

OK Transco verified that the same ROW staff and contractors would be used.
Procurement

OK Transco verified that the same procurement staff would be used.
Project Management

OK Transco verified that the same project management staff and contractors would be used.
Construction

OK Transco verified that the same construction contractors would be used.
Commissioning

OK Transco verified that the same commissioning staff and contractors would be used.
Technology Content

OK Transco indicated that the project design will not be impacted by the assignment.
Operations

OK Transco verified that the same operations staff and contractors would be used.
Maintenance

OK Transco verified that the same maintenance staff and contractors would be used.
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Findings
Due Diligence Findings with Respect to Financing Assumptions
It is the opinion of Quanta Technology that the O&M and A&G costs are the same for OK
Transco as for PSO.
 In forming this opinion, Quanta Technology notes that same staff from the AEP Service
Company and the AEP Operating Companies will be used to plan, design, construct,
operating and maintain the projects.
It is the opinion of Quanta Technology that the capital costs of the projects are not impacted by
the assignment.
 In forming this opinion, Quanta Technology notes that that same staff from the AEP
Service Company and the AEP Operating Companies will be used to plan, design,
construct, operating and maintain the projects. In addition, the same procurement
contracts and outside contractors will be used.
It is the opinion of Quanta Technology that it is reasonable to assume the tax costs would be the
same for OK Transco as for PSO
 In forming this opinion, Quanta Technology notes that the capital cost should be the same
for OK Transco as for PSO.
 We also note that the same tax laws would apply.
It is the opinion of Quanta Technology that the WACC for OK Transco would be less than for
PSO.
 In forming this opinion, Quanta Technology notes that the authorized ROE is the same
for OK Transco as for PSO. We also note that cost of debt is less for OK Transco than
for PSO.
Due Diligence Finding with Respect to Cost to SPP Customers
Is the opinion of Quanta Technology that OK Transco’s calculation of ATRR’s is valid. This
calculation shows that the cost to SPP Customers is lower after assignment of the projects.
 In forming this opinion, Quanta Technology calculated the sum of year-of-occurrence
total savings as $830,129 over a 40 year period. We also calculated the discounted
savings as $347,053 for SPP’s members.
Due Diligence Finding with Respect to Project Development, Operations and Maintenance
It is the opinion of Quanta Technology that the approach chosen by OK Transco to develop,
operate and maintain the projects is equivalent to that which would be used by PSO.
 In forming this opinion, Quanta Technology notes that that same staff from the AEP
Service Company and the AEP Operating Companies will be used to plan, design,
construct, operating and maintain the projects. In addition, the same procurement
contracts and outside contractors will also be used.
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 In forming this opinion, Quanta Technology notes that OK Transco uses the same AEP
safety policies, practices, and procedures as PSO.

Note: Because of the various complications and external factors that enter into the successful
development of transmission projects (e.g., legal challenges to regulatory approval, difficulty in
securing easements, supply chain issues, etc.), this opinion constitutes neither a warrantee nor a
guarantee on the part of Quanta Technology that OK Transco will actually develop, successfully
operate and/or adequately maintain the Projects. Rather, these opinions are rendered based upon
demonstration at the time of this review that OK Transco has taken an approach that is
equivalent to that which would be used by PSO.

SME Qualifications
The resume for Donald J. Morrow is provided as Attachment D to this report.
If there are any questions or comments on this report summarizing the findings from the due
diligence review of OK Transco, please contact me at 919-334-3023.

Respectfully Submitted,

Donald J. Morrow, P. E.
Partner & SVP Corporate Strategy
Quanta Technology, LLC.
Attachments
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ATTACHMENT A

SPP Qualification Process for Novation Agreements
April 1, 2009
Revised September 16, 2013

Introduction
Note: This document was revised to reflect additional requirements to be included in the
qualification review that were identified in SPP’s Business Practices, updated on August 7, 2013.
This document provides guidance to SPP when considering approval of a Novation Agreement.
A Novation Agreement applies when a Designated Transmission Owner (original “DTO”) has
been issued a Notification to Construct (“NTC”) for a transmission facility, but the party wishes
to transfer the responsibility to build and/or own this facility to another party (“Candidate”).
Before approval of the Novation Agreement, SPP should qualify the candidate organization as
being capable of adequately performing the transferred responsibility for the facility. The
qualification process of a Candidate described herein is consistent with the most recent versions
of the SPP Membership Agreement, Attachment O of the SPP OATT and SPP’s Business
Practices.
For the qualification process, SPP should consider three phases in the life of a project. The
phases are:
1. Financing Phase (Test ability to raise sufficient funds from qualified parties to finance
the construction project and compare the cost of customers for the Candidate with
estimated cost of customers for the original DTO.)
2. Development Phase (Test ability to execute engineering, permitting, environmental
strategies, real-estate acquisition, procurement, project management, construction, and
commissioning of the project.)
3. Operational Phase (Test ability to provide on-going operation and maintenance of the
project.)

Suggested Criteria
The following tables provide guidance in judging the qualifications of Candidate in key areas
related to the three phases in the life of the project.
In general, for item 1 below the legal right for an organization to incorporate and engage in
commercial activities is a necessary condition to determine if a Candidate may be qualified.
Also, the ability to raise financing should be tested and verified.
In general, for items 2 and 3 below a Candidate has three options. Perform the duties internally,
contract with outside parties to execute, or some combination of the two. A Candidate should be
able to describe how it plans to proceed with the project using one of these options.
SPP Matter ID: 14-4728
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Item 1 – Financing and Rate Analysis Phase:
Item
Organizational Viability

Capital Financing

Cost to Customers

Tests
 Articles of Incorporation exist and
have been registered
 Certificate of Public Convenience
granted for applicable states
 Favorable regulatory rulings related
to transmission construction
authorization and/or operation if
necessary
 FERC 203 Filing has been made
 FERC 205 Filing has been made
 Evidence of previous bond
issuances
 Capital budgeting and cash flow
forecasting processes exist
 Credit rating of BBB or better
 Perform a NPCC and a CWIP
analysis (As indicated by SPP, this
factor does significantly affect the
rate impact analysis over the life of
a transmission project. During the
performance of this analysis,
Consultant will work closely with
SPP staff to assess this aspect of the
review.)
 Compare total cost of Project for
Candidate vs original DTO
 Compare financing costs for
Candidate vs original DTO
 Compare FERC incentives
 Compare lifetime costs to
customers
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Item 2 – Development Phase:
Item
Engineering

Permitting

Environmental

ROW
Acquisition

Internal Tests
 Relevant previous experience
(notes 1 & 2)
 Sufficiency of staff (note 3) to
cover breadth of detailed
engineering required
 Professional Engineering
License for supervisory
engineer
 Existence of engineering
standards
 Relevant previous experience
(notes 1 & 2)
 Environmental and regulatory
expertise on staff at state &
federal level
 Demonstrated understanding
of overall application process
and its impact on critical path
for the project
 Attorney’s on staff with
relevant experience with
CPCN or equivalent state
regulatory filings
 (Local relations? – Discuss
with David and/or Les)
 Environmental Permits
identified and applied for
 Environmental Plan for
project developed
 Relevant previous experience
(notes 1 & 2)
 Easements for ROW
(transferrable from initial
party?)
 On-going process for dealing
with land owners
 Attorney’s with expertise in
drafting & filing easements &
condemnation
 Certified real estate agents on
staff
 Public ROW franchises

External Tests
 Contracts in place with
qualified firms

 Contracts in place with
qualified firms

 Contracts in place with
qualified firms
 Contracts in place with
qualified firms
 Easements transferred from
previous initial party
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Item
Procurement

Project
Management

Construction

Commissioning

Technology
Content

Internal Tests
 Relevant previous experience
(notes 1 & 2)
 Demonstrated understanding
of key equipment providers,
procurement timeline, and
impacts on critical path
 Procurement systems in place
(HW, SW, PO forms, etc.)
 Sufficiency of staff (note 3)
 Contracts with critical
vendors in place
 Relevant previous experience
(notes 1 & 2)
 Systems in place to track
tasks on the project,
resources, progress, expenses,
cost forecasts, cash flows, and
critical path
 Sufficiency of staff (note 3)
 Relevant previous experience
(notes 1 & 2)
 Sufficiency of staff (notes 3 &
4)
 Ownership of equipment such
as cranes, bucket trucks,
trenchers, helicopters, or
contracts for their lease
 Presence of safety program
 Crew training program
 Relevant previous experience
(notes 1 & 2)
 Sufficiency of staff (notes 3 &
4)
 Pre-existing testing
procedures
 Established criteria for
judging acceptance
 Consistent with NTC issued
by SPP
 Type of construction
(material, loading, etc.)
compared with Original DTO
 Estimated life of plant
 Losses

External Tests
 EPC contract(s) in place
with qualified firms
 Contracts in place with
qualified firms

 Some level of monitoring
should be performed internal
to Candidate Organization
 Embedded in construction
contracts
 Project management
contracts in place with
qualified firms
 Contracts in place with
qualified firms
 Project update processes

 Process in place for internal
sign off and designating
equipment in-service and
“used & useful”
 Contracts in place with
qualified firms
 n/a
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Item 3 – Operations Phase:
Item
Operations

Maintenance

Internal Tests
 Relevant previous experience
(notes 1 & 2)
 Sufficient staff (notes 3 & 4)
 24 hour control center
operation
 24 hour field coverage with
qualified field staff (note 5)
 SCADA system with key
points monitored (breaker
status & line flows)
 Established storm/outage
response plan
 Articulated safety program
with clearly defined tagging
and clearance procedures
covering both internal
personal and contractors
 Safety record exists &
comparison to industry
 Presence of a NERC and SPP
standards compliance process
 Compliance history
 Relevant previous experience
(notes 1 & 2)
 Sufficient staff (notes 3 & 4)
 Qualified field staff (note 5)
 Ownership of equipment such
as cranes, bucket trucks,
trenchers, helicopters, or
contracts in place for their
lease
 Presence of safety program
 On-going training program
for crews
 Written maintenance program
 Able to articulate testing
criteria for items monitored
 Presence of a NERC and SPP
standards compliance process
 Compliance history

External Tests
 Contracts in place with
qualified firms
 Regular reporting of
activities provided
 Outage Response times
tracked

 Contracts in place with
qualified firms
 Regular reporting of
activities provided
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Table Notes:
1. “Relevant experience” means experience designing, constructing, operating and
maintaining similar voltage transmission facilities. As an example, an IPP would not
have relevant experience if its previous assets were only generation facilities.
2. “Experience” means having performed relevant work either at the Candidate or at
previous organizations.
3. “Sufficiency” means both having staff with the breadth of experience to cover all aspects
of the work and enough staff to adequately perform the work.
4. Construction for EHV transmission is rarely performed internally in the US.
5. “Qualified field staff” means labor that has received appropriate, regular, and on-going
safety and skills training necessary to execute the work required. Typically, field staff
should progress through an apprentice oriented job progression.

Suggested Qualification Process:
The suggested qualification process for Candidates before approval of a Novation Agreement is
based upon the establishment of a “Reasonable Professional” standard. The tables above provide
guidance in the issues and suggest tests to use to determine if a Candidate satisfies this
Reasonable Professional standard. The assessment of the Candidate should be conducted by a
subject matter expert(s) in the area of transmission development, operations and maintenance.
1. Review formation documents of Candidate (focus is on item 1)
a. Articles of incorporation
b. State authorizations of Convenience and Authority
c. FERC Filings – 203, 205, and 206
2. Conduct an interview with an officer of Candidate to cover the following items (focus is
on items 2 & 3):
a. Discussion of Candidate’s plans for addressing the issues in the table
b. Describe staffing levels, plans and capability for internal groups performing either
all or a portion of the tasks
c. Describe the safety program and manual for the organization, with a special
emphasis on field safety
d. Identify key contracts in place to cover any of the above items, including provider
of outside services
e. Identify major external partners
i. Attorneys
ii. Detail Engineering
iii. ROW acquisition
iv. Equipment procurement
v. Project Management
vi. Construction Management
vii. Construction Contractors
viii. Environmental
SPP Matter ID: 14-4728
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f.
g.
h.
i.
j.

Discuss procurement methods and expectations
Describe real-estate acquisition process
Describe understanding of project timeline & critical path
Describe equipment owned and leased by Candidate
Describe NERC & RRO compliance history and corporate compliance program
and/or process
k. Describe the metrics used to track project development, operations and
maintenance
l. Describe training programs in place at the organization
3. Contract reviews (focus is on items 2 & 3):
a. Contract(s) exists
b. Contract(s) cover appropriate time periods for the facility in question
c. Contract(s) covers key areas identified in the tables above that are not covered
internal to the Candidate Organization
d. Contract(s) includes reporting and feedback to provide a measure of control over
external partner
e. Contract(s) include NERC & RRO standards compliance expectations (applicable
to O&M phase)
f. Contract(s) include response time requirements and/or expectations for outages
(applicable to O&M phase)
g. Contract(s) contain appropriate incentives to ensure personal safety and Bulk
Electric System reliability
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Attachment B
Data Requests sent 3/24/14 & 3/27/14
1

Clear identification of the projects being assigned from Public Service of Oklahoma to AEP Oklahoma Transmission Company.

2
3

Letter from AEP (or Public Service of Oklahoma) requesting SPP’s approval for the assignment of those projects.
Some formal document that clearly shows that AEP Oklahoma Transmission Company is a wholly owned subsidiary of AEP
Transmission Company L.L.C.
Some form of documentation that establishes the FERC authorized rate of return for AEP’s OPCOs in the SPP footprint.
An unlocked spreadsheet used to create Worksheet F – OKLAHOMA TRANSMISSION COMPANY – Calculation of “Projected” ARR
for SPP Base Plan Upgrade Projects. I’m looking for the spreadsheet used as the basis to create Attachment 9.

4

5

6

7

8
9
10
11
12
13
14

SPP had provided me with a series of documents that were labelled Attachment 1, Attachment 2, Attachment 3, Attachment 4,
Attachment 5, Attachment 6, Attachment 8, Attachment 9, and Attachment 10
a. However, the document that these were attached to was not provided. Please provide the main document.
b. Attachment 7 was missing. Please provide Attachment 7.
Plans for or contracts to provide the following
a. Engineering services
b. Permitting/ROW Acquisition services
c. Material Procurement
d. Project/Construction Management services
e. Construction services
f. Commissioning services
g. System Operation services
h. Field operation/response services
i. Maintenance services
Most recent “Standardized Cost Estimate Reporting Template” (SCERT) identified in BP 7060, Section 9. Per that BP, there should
be one submitted by Public Service of Oklahoma before the NCT was issued. There may be an updated one after the NCT was
issued.
Description of Safety Program – internal and for contractors
Safety record of AEP Oklahoma Transmission Company or the company that will provide field operation & maintenance services
Design Characteristics of the facilities (wood, steel, tower type, conductor type, insulators, etc.)
Estimated total owing cost
Estimated losses on the facilities
Estimate of useful life of the facilities
Please provide an updated spreadsheet for the ATRR and NPCC comparisons that show ROR, cost of debt, O&M, A&G and Tax
values for both AEP OK Transmission Company and Public Service of Oklahoma. The updated spreadsheet should show the
equations used to calculate the ARR values for the 40 year (or 50 year) life of the asset.
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Attachment C

AEP Oklahoma Transmission Company
Due Diligence Review
3/26/14 Interview Notes
Donald J. Morrow

Background
This document presents a summary of Quanta Technology’s notes during the interview session
of AEP Oklahoma Transmission Company conducted during the due diligence review for the
Assignment of Project ID: 30346 which is part of SPP-NTC-200167. Project ID 30346 is
Network Upgrade ID 50438 to upgrade the Cornville 138 kV bus to breaker-and-a-half
configuration in preparation for the 138 kV line conversion to Lindsay Water (Flood) Substation
for regional reliability. This includes the line re-terminations required for the existing OK
Transco Lindsay Water Flood to Cornville 138 kV transmission line at the Cornville Substation.
. This interview was conducted via conference call on March 26, 2014 between 11:30 am and
1:30 pm EDT.

Participants
The following table shows the participants in the Q&A:
Name

Organization

Title

Donald Morrow

Quanta Technology

Partner & SVP Corporate
Strategy

Dan Jones

SPP

Lead Regulatory Engineer

Terri Gallup

AEP Transmission Company &
part of AEP Service Company

Manager of Transmission
Asset Strategy

Adam Hickman

AEP Service Company

Business Development

Nancy Roby

AEP Transmission Company &
AEP Service Company

Business Development

Raja Sundararajan

AEP Service Company & AEP
Transmission Company

VP Asset Strategy

For this interview, the AEP employees are speaking on behalf of AEP Transmission Company,
the parent company of AEP Oklahoma Transmission Company.

1
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Attachment C

AEP Oklahoma Transmission Company
Due Diligence Review
3/26/14 Interview Notes
Donald J. Morrow

Interview Notes

Item 1 – Financing and Rate Analysis Phase:
Item
Organizational Viability

Tests




Capital Financing







Articles of Incorporation exist
and have been registered
Certificate of Public
Convenience granted for
applicable states
Favorable regulatory rulings
related to transmission
construction authorization
and/or operation if necessary
FERC 203 Filing has been
made
FERC 205 Filing has been
made
Evidence of previous bond
issuances
Capital budgeting and cash
flow forecasting processes
exist
Credit rating of BBB or better

Notes from Q&A

















Oklahoma Company
Been in business since
2009
Over $242M in assets
Approval from OCC to
issue debt instruments

Yes, a 205 has been filed
No 203 is required since
only new assets are being
developed.
All AEP transcos are
wholly owned under AEP
transmission company LLC
AEP Transco llc is the
financing company and
raises funds for all transcos
and passes the costs of
rates through
OCC has authorized AEP
OK to issue debt to AEP
Transco
OCC is the key since don’t
need to be a utility.
Not publicly rated were
issued into private market.
Most recent issuance is that
transmission-only business
risk profile is more
identifiable to debt issuers
At some point

2
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AEP Oklahoma Transmission Company
Due Diligence Review
3/26/14 Interview Notes
Donald J. Morrow

Item
Cost to Customers

Tests







Perform a NPCC and a CWIP
analysis (As indicated by SPP,
this factor does significantly
affect the rate impact analysis
over the life of a transmission
project. During the
performance of this analysis,
Consultant will work closely
with SPP staff to assess this
aspect of the review.)
Compare total cost of Project
for Candidate vs original DTO
Compare financing costs for
Candidate vs original DTO
Compare FERC incentives
Compare lifetime costs to
customers

Notes from Q&A







Input data provided in
memo to SPP
O&M and Tax are the same
in both cases
Both companies do file for
their OATT. Did a midyear 2013, then added this
investment
Existing ATRR, then
calculated the
Will use AFUDC

3
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AEP Oklahoma Transmission Company
Due Diligence Review
3/26/14 Interview Notes
Donald J. Morrow

Item 2 – Development Phase:
Item
Engineering

Internal Tests






Permitting










Environmental




External Tests

Relevant previous
experience (notes 1 &
2)
Sufficiency of staff
(note 3) to cover
breadth of detailed
engineering required
Professional
Engineering License
for supervisory
engineer
Existence of
engineering standards
Relevant previous
experience (notes 1 &
2)
Environmental and
regulatory expertise on
staff at state & federal
level
Demonstrated
understanding of
overall application
process and its impact
on critical path for the
project
Attorney’s on staff
with relevant
experience with CPCN
or equivalent state
regulatory filings
(Local relations? –
Discuss with David
and/or Les)
Environmental Permits
identified and applied
for
Environmental Plan
for project developed

Notes from Q&A



Contracts in place
with qualified
firms



They will use the
same resources as
PSO



Contracts in place
with qualified
firms



Same resources as
PSO



Contracts in place
with qualified
firms



Same resources as
PSO

4
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AEP Oklahoma Transmission Company
Due Diligence Review
3/26/14 Interview Notes
Donald J. Morrow
Item
ROW Acquisition

Internal Tests







Procurement







Project
Management






External Tests


Relevant previous
experience (notes 1 &
2)
Easements for ROW
(transferrable from
initial party?)
On-going process for
dealing with land
owners
Attorney’s with
expertise in drafting &
filing easements &
condemnation
Certified real estate
agents on staff
Public ROW
franchises
Relevant previous
experience (notes 1 &
2)
Demonstrated
understanding of key
equipment providers,
procurement timeline,
and impacts on critical
path
Procurement systems
in place (HW, SW, PO
forms, etc.)
Sufficiency of staff
(note 3)
Contracts with critical
vendors in place
Relevant previous
experience (notes 1 &
2)
Systems in place to
track tasks on the
project, resources,
progress, expenses,
cost forecasts, cash
flows, and critical path
Sufficiency of staff
(note 3)











Notes from Q&A

Contracts in place
with qualified
firms
Easements
transferred from
previous initial
party



Same resources as
PSO.

EPC contract(s) in
place with
qualified firms
Contracts in place
with qualified
firms



Same resources as
PSO.

Some level of
monitoring should
be performed
internal to
Candidate
Organization
Embedded in
construction
contracts
Project
management
contracts in place
with qualified
firms



Same resources ,
but it was noted
that project
management may
be outsourced.

5
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AEP Oklahoma Transmission Company
Due Diligence Review
3/26/14 Interview Notes
Donald J. Morrow
Item
Construction

Internal Tests






Commissioning







Technology
Content







External Tests

Relevant previous
experience (notes 1 &
2)
Sufficiency of staff
(notes 3 & 4)
Ownership of
equipment such as
cranes, bucket trucks,
trenchers, helicopters,
or contracts for their
lease
Presence of safety
program
Crew training program
Relevant previous
experience (notes 1 &
2)
Sufficiency of staff
(notes 3 & 4)
Pre-existing testing
procedures
Established criteria for
judging acceptance



Consistent with NTC
issued by SPP
Type of construction
(material, loading,
etc.) compared with
Original DTO
Estimated life of plant
Losses









Notes from Q&A

Contracts in place
with qualified
firms
Project update
processes



The same
contractors would
be used .

Process in place
for internal sign
off and
designating
equipment inservice and “used
& useful”
Contracts in place
with qualified
firms
n/a



Same resources as
PSO.



Technology
content will not
change due to
assignment.

6
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AEP Oklahoma Transmission Company
Due Diligence Review
3/26/14 Interview Notes
Donald J. Morrow

Item 3 – Operations Phase:
Item
Operations

Internal Tests













External Tests


Relevant previous
experience (notes 1 & 2)
Sufficient staff (notes 3
& 4)
24 hour control center
operation
24 hour field coverage
with qualified field staff
(note 5)
SCADA system with
key points monitored
(breaker status & line
flows)
Established storm/outage
response plan
Articulated safety
program with clearly
defined tagging and
clearance procedures
covering both internal
personal and contractors
Safety record exists &
comparison to industry
Presence of a NERC and
SPP standards
compliance process
Compliance history




Contracts in place
with qualified firms
Regular reporting of
activities provided
Outage Response
times tracked

Notes from Q&A


Same resources as
PSO.

7
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AEP Oklahoma Transmission Company
Due Diligence Review
3/26/14 Interview Notes
Donald J. Morrow

Item
Maintenance

Internal Tests












External Tests


Relevant previous
experience (notes 1 & 2)
Sufficient staff (notes 3
& 4)
Qualified field staff
(note 5)
Ownership of equipment
such as cranes, bucket
trucks, trenchers,
helicopters, or contracts
in place for their lease
Presence of safety
program
On-going training
program for crews
Written maintenance
program
Able to articulate testing
criteria for items
monitored
Presence of a NERC and
SPP standards
compliance process
Compliance history



Contracts in place
with qualified firms
Regular reporting of
activities provided

Notes from Q&A


Same resources as
PSO.

Table Notes:
1. “Relevant experience” means experience designing, constructing, operating and
maintaining similar voltage transmission facilities. As an example, an IPP would not
have relevant experience if its previous assets were only generation facilities.
2. “Experience” means having performed relevant work either at the Candidate or at
previous organizations.
3. “Sufficiency” means both having staff with the breadth of experience to cover all aspects
of the work and enough staff to adequately perform the work.
4. Construction for EHV transmission is rarely performed internally in the US.
5. “Qualified field staff” means labor that has received appropriate, regular, and on-going
safety and skills training necessary to execute the work required. Typically, field staff
should progress through an apprentice oriented job progression.

8
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AEP Oklahoma Transmission Company
Due Diligence Review
3/26/14 Interview Notes
Donald J. Morrow

Additional Notes
1. Review formation documents of Candidate (focus is on item 1)
a. Articles of incorporation
b. State authorizations of Convenience and Authority
c. FERC Filings – 203, 205, and 206
2. Conduct an interview with an officer of Candidate to cover the following items (focus is
on items 2 & 3):
a. Discussion of Candidate’s plans for addressing the issues in the table
b. Describe staffing levels, plans and capability for internal groups performing either
all or a portion of the tasks - No difference are anticipated in the staffing levels
between AEP OK vs PSO
c. Describe the safety program and manual for the organization, with a special
emphasis on field safety d. Identify key contracts in place to cover any of the above items, including provider
of outside services
e. Identify major external partners– All external partners are through the service
company, therefore they are the exact same.
i. Attorneys
ii. Detail Engineering
iii. ROW acquisition
iv. Equipment procurement
v. Project Management
vi. Construction Management
vii. Construction Contractors
viii. Environmental
f. Discuss procurement methods and expectations
g. Describe real-estate acquisition process
h. Describe understanding of project timeline & critical path – No changes.
i. Describe equipment owned and leased by Candidate
j. Describe NERC & RRO compliance history and corporate compliance program
and/or process
k. Describe the metrics used to track project development, operations and
maintenance – Managed through AEP Service Company
l. Describe training programs in place at the organization
3. Contract reviews (focus is on items 2 & 3):
a. Contract(s) exists
b. Contract(s) cover appropriate time periods for the facility in question

9
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AEP Oklahoma Transmission Company
Due Diligence Review
3/26/14 Interview Notes
Donald J. Morrow

c. Contract(s) covers key areas identified in the tables above that are not covered
internal to the Candidate Organization
d. Contract(s) includes reporting and feedback to provide a measure of control over
external partner
e. Contract(s) include NERC & RRO standards compliance expectations (applicable
to O&M phase)
f. Contract(s) include response time requirements and/or expectations for outages
(applicable to O&M phase)
g. Contract(s) contain appropriate incentives to ensure personal safety and Bulk
Electric System reliability

10
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Attachment D

Donald J. Morrow, PE
Donald J. Morrow, P. E. Partner & SVP Corporate Strategy. During the course of
his career, Don has held a wide range of technical and management
responsibilities in the areas of system planning, control area operations,
transmission operations, energy trading, maintenance scheduling, operator
training, protection, distribution operations, energy management systems, and
natural gas dispatch. Don originally joined Quanta Technology to start the
Transmission consulting practice and oversaw its growth to become the largest
team within Quanta Technology. In his current role at Quanta Technology he
continues to provide consulting to transmission clients. Prior to joining Quanta Technology, he was
Director of Operations at American Transmission Company (“ATC”). In that role, Don was charged with the
formation of the system operations department for the startup of ATC on 1/1/2001. He was responsible for
the successful operation of two control centers overseeing operations in Wisconsin, Iowa and the upper
peninsula of Michigan. While at ATC, Don also served as Director of System Planning & Protection ATC.
In this role, Don was responsible for the development and justification of an annual capital budget of over
$300M and a ten year capital budget of over $3B.

Areas of Expertise
 System Planning
 System Operations
 Transmission Development
 NERC and RRO Reliability Standards Compliance

Experience and Background
 31 years of experience in the electric power industry ........................................................ 1982 – 2013
 Director System Planning and Protection, American Transmission Co. ............................. 2004 – 2006
 Director System Operation, American Transmission Co. .................................................. 2000 – 2004
 Senior Director System Operations Center, Madison Gas and Electric ............................ 1992 – 2000
 Engineer (various levels), Madison Gas and Electric ........................................................ 1982 – 1992

Accomplishments and Industry Recognition
 Member IEEE
 Former Member of various NERC & MRO Committees
 Principal author of “Future Vision: The Challenge of Effective Transmission Planning” published in
IEEE PES Magazine
 Registered Professional Engineer in Wisconsin & Arkansas

Education
 BSEE – University of Wisconsin, Madison
 MBA – University of Wisconsin, Madison
Don can be contacted at dmorrow@quanta-technology.com
Quanta Technology LLC
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Southwest Power Pool, Inc.
FINANCE COMMITTEE
Report to the Board of Directors
April 29, 2014

2013 Financial Audit Acceptance
Organizational Roster
The following persons are members of the Finance Committee:
Harry Skilton
Larry Altenbaumer
Coleen Wells
Mike Wise
Sandra Bennett
Kelly Harrison

Director
Director
Kansas Electric Power Coop
Golden Spread Electric Coop
Southwestern Electric Power Company
Westar Energy

Background
SPP annually engages a Certified Public Accounting firm to audit its financial statements and accounting
controls. The SPP Finance Committee at its July 11, 2013 meeting approved the engagement of BKD,
LLC to perform an audit of SPP’s 2013 financial results.
Analysis
BKD, LLC has completed and published its audit of SPP’s 2013 financial results. The Finance
Committee, at its April 1, 2014 meeting met with representatives of BKD, LLC and discussed their
findings, specifically focusing on: 1) adequacy of SPP’s accounting policies and procedures, 2) adequacy
of internal control procedures and the extent tested, and 3) any areas of weakness or concern that SPP
should address going forward.
Recommendation
The Finance Committee recommends the SPP Board of Directors accept in its entirety the 2013 audit
report and findings of BKD, LLC.
Approved:

Finance Committee

Action Requested:

Approve Recommendation

April 1, 2014
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Southwest Power Pool, Inc.
Independent Auditor’s Report and Financial Statements
December 31, 2013 and 2012
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Southwest Power Pool, Inc.
December 31, 2013 and 2012
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Independent Auditor’s Report

Board of Directors
Southwest Power Pool, Inc.
Little Rock, Arkansas

We have audited the accompanying financial statements of Southwest Power Pool, Inc., which comprise
the balance sheets as of December 31, 2013 and 2012, and the related statements of operations, changes in
members’ deficit and cash flows for the years then ended, and the related notes to the financial
statements.
Management’s Responsibility for the Financial Statements
Management is responsible for the preparation and fair presentation of these financial statements in
accordance with accounting principles generally accepted in the United States of America; this includes
the design, implementation and maintenance of internal control relevant to the preparation and fair
presentation of financial statements that are free from material misstatement, whether due to fraud or
error.
Auditor’s Responsibility
Our responsibility is to express an opinion on these financial statements based on our audits. We
conducted our audits in accordance with auditing standards generally accepted in the United States of
America. Those standards require that we plan and perform the audit to obtain reasonable assurance
about whether the financial statements are free from material misstatement.
An audit involves performing procedures to obtain audit evidence about the amounts and disclosures in
the financial statements. The procedures selected depend on the auditor’s judgment, including the
assessment of the risks of material misstatement of the financial statements, whether due to fraud or error.
In making those risk assessments, the auditor considers internal control relevant to the entity’s preparation
and fair presentation of the financial statements in order to design audit procedures that are appropriate in
the circumstances, but not for the purpose of expressing an opinion on the effectiveness of the entity’s
internal control. Accordingly, we express no such opinion. An audit also includes evaluating the
appropriateness of accounting policies used and the reasonableness of significant accounting estimates
made by management, as well as evaluating the overall presentation of the financial statements.
We believe that the audit evidence we have obtained is sufficient and appropriate to provide a basis for
our audit opinion.
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Board of Directors
Southwest Power Pool, Inc.
Page 2

Opinion
In our opinion, the financial statements referred to above present fairly, in all material respects, the
financial position of Southwest Power Pool, Inc. as of December 31, 2013 and 2012, and the results of its
operations and its cash flows for the years then ended in accordance with accounting principles generally
accepted in the United States of America.

Little Rock, Arkansas
April 7, 2014
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Southwest Power Pool, Inc.
Balance Sheets
(In Thousands)
December 31, 2013 and 2012

Assets
2013

Current Assets
Cash and cash equivalents
Restricted cash deposits
Accounts receivable
Prepaid expenses and other

$

Total current assets

Property and Equipment, at Cost
Land
Building
Furniture and fixtures
Equipment and machinery
Leasehold improvements
Software
Software in development

Less accumulated depreciation and amortization

Other Assets, Net
$

See Notes to Financial Statements

34,874
76,713
24,134
6,967

2012

$

95,693
43,743
17,923
5,412

142,688

162,771

4,812
66,225
10,026
29,364
106,003
106,895

4,812
67,378
9,891
35,343
588
81,344
76,539

323,325
119,065

275,895
102,143

204,260

173,752

4,463

2,997

351,411

$

339,520
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Liabilities and Members’ Deficit
2013

Current Liabilities
Accounts payable
Customer deposits
Current maturities of long-term debt (Note 3)
Accrued expenses
Deferred revenue

$

Total current liabilities
Long-term Debt (Note 3)

Other Long-term Liabilities

Members’ Deficit

$

15,953
76,713
22,998
29,039
5,919

2012

$

9,831
43,913
12,700
28,741
6,286

150,622

101,471

235,260

258,258

6,425

10,519

(40,896)

(30,728)

351,411

$

339,520
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3

Southwest Power Pool, Inc.
Statements of Operations
(In Thousands)
Years Ended December 31, 2013 and 2012

2013

Operating Income
Tariff fees and member assessments
Other member services

$

Operating Expenses
Salaries and benefits
Employee travel
Administrative
Regulatory assessment
Meetings
Communications system
Leases
Maintenance
Consulting services
Depreciation and amortization

137,811
4,926

2012

$

118,808
29,111

142,737

147,919

79,661
1,868
3,967
14,699
930
3,666
432
11,300
16,077
19,398

72,262
2,245
3,720
14,977
983
4,020
1,690
8,288
15,160
16,590

151,998

139,935

Operating (Loss) Income

(9,261)

7,984

Other Income (Expense)
Interest income
Interest expense
Change in fair market value of interest rate swaps
Other expense

223
(7,763)
923
258

149
(6,398)
674
(214)

(6,359)

(5,789)

(15,620)

2,195

5,452

(3,501)

(Loss) Income Before Change in
Funded Status of Employee Benefit Plans
Change in Funded Status of Employee Benefit Plans
Net Loss

See Notes to Financial Statements

$

(10,168) $

(1,306)
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4

Southwest Power Pool, Inc.
Statements of Members’ Deficit
(In Thousands)
Years Ended December 31, 2013 and 2012

2013

Balance, Beginning of Year

$

Net loss
Balance, End of Year

See Notes to Financial Statements

(30,728) $
(10,168)

$

(40,896) $

2012

(29,422)
(1,306)
(30,728)
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Southwest Power Pool, Inc.
Statements of Cash Flows
(In Thousands)
Years Ended December 31, 2013 and 2012

2013

Operating Activities
Net loss
Items not requiring cash
Depreciation and amortization
Change in funded status of employee benefit plans
Loss on disposal of fixed assets
Change in fair market value of interest rate swaps
Changes in assets and liabilities
Accounts receivable
Prepaid expenses and other
Other assets
Accounts payable
Accrued expenses
Other long-term liabilities

$

Net cash provided by operating activities
Investing Activities
Acquisition of property and equipment
Net cash used in investing activities
Financing Activities
Repayments of long-term debt
Issuance of long-term debt
Net cash (used in) provided by financing activities
(Decrease) Increase in Cash and Cash Equivalents
Cash and Cash Equivalents, Beginning of Year
Cash and Cash Equivalents, End of Year

2012

(10,168) $

(1,306)

19,398
(5,452)
2
(923)

16,590
3,501
264
(674)

(6,211)
(1,555)
(674)
6,122
(70)
1,230

(2,023)
1,224
(180)
(7,985)
1,836
229

1,699

11,476

(49,818)

(78,340)

(49,818)

(78,340)

(12,700)
-

(11,206)
100,000

(12,700)

88,794

(60,819)

21,930

95,693

73,763

$

34,874

$

95,693

$

7,932

$

6,261

Supplemental Cash Flow Information
Interest paid (net of interest capitalized of $2,777 and $2,723
in 2013 and 2012, respectively)

See Notes to Financial Statements
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Southwest Power Pool, Inc.
Notes to Financial Statements
December 31, 2013 and 2012

Note 1:

Nature of Operations and Summary of Significant Accounting Policies

Nature of Operations
Southwest Power Pool, Inc. (the Company) is a not-for-profit entity formed in 1941 and
incorporated in 1994. The Company is a Federal Energy Regulatory Commission (FERC)approved regional transmission organization (RTO) serving more than six million ultimate
customers across all or parts of nine states. The Company’s membership consists of investorowned utilities, municipal systems, generation and transmission cooperatives, state authorities,
independent power producers, contract participants, power marketers and independent transmission
companies.
Major services provided by the Company to its members and customers include tariff
administration, electric reliability coordination, regional transmission scheduling, energy imbalance
service (EIS) market operations and regional transmission expansion planning.
The Company also serves as the Regional Entity (RE) for its region. The primary responsibility of
the RE is the enforcement of North American Electric Reliability Corporation (NERC)-approved
reliability standards for users, owners and operators of the bulk power system within the region.
Use of Estimates
The preparation of financial statements in conformity with accounting principles generally
accepted in the United States of America requires management to make estimates and assumptions
that affect the reported amounts of assets and liabilities and disclosure of contingent assets and
liabilities at the date of the financial statements and the reported amounts of revenues and expenses
during the reporting period. Actual results could differ from those estimates.
Cash and Cash Equivalents and Deposits (in Thousands)
The Company considers all highly liquid interest-earning investments with stated maturities and
coupon rate reset dates of no more than three months to be cash equivalents. At
December 31, 2013 and 2012, the Company’s cash and cash equivalents, including restricted
deposits, are invested primarily in money market funds, mutual funds and repurchase agreements.
These investments are typically revalued to the market each day and, in the case of repurchase
agreements, are collateralized by U.S. government and federal agency securities. The Company’s
cash and cash equivalents consist primarily of funds accumulated for general operating purposes.
Restricted cash deposits consist primarily of customer security deposits, amounts deposited for
engineering studies and funds held in escrow for disputed invoices.
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Southwest Power Pool, Inc.
Notes to Financial Statements
December 31, 2013 and 2012

Income Taxes
The Company is exempt from income taxes under Section 501c(6) of the Internal Revenue Code
and a similar provision of state law. However, the Company is subject to federal income tax on
any unrelated business taxable income.
The Company files tax returns in the U.S. federal jurisdiction. With a few exceptions, the
Company is no longer subject to U.S. federal examinations by tax authorities for years before 2010.
Accounts Receivable
Accounts receivable are stated at the amount billed to members, customers and others plus any
accrued and unpaid interest. The Company provides an allowance for doubtful accounts, when
necessary, which is based upon a review of outstanding receivables, historical collection
information and existing economic conditions. Accounts that are unpaid after the due date bear
interest at a rate set by FERC. Interest continues to accrue until the account is paid or deemed
uncollectible.
Property and Equipment (in Thousands)
Property and equipment are recorded at cost and depreciated on a straight-line basis over the
estimated useful life of each asset. The estimated useful lives are as follows:
Building
Building improvements
Furniture and fixtures
Vehicles
Equipment and machinery
Software
Leasehold improvements

20 years
Shorter of useful life or remaining
life of building
5 years
5 years
3 years
3 years
Shorter of useful life or lease term

The Company capitalizes interest cost incurred on funds used to construct property, plant and
equipment. The capitalized interest is recorded as part of the asset to which it relates and is
amortized over the asset’s estimated useful life. Interest cost capitalized was $2,777 and $2,723 in
2013 and 2012, respectively.
The Company capitalizes development costs, including interest, for internal use software costs.
These costs are included in software in development. Management of the Company is of the
opinion that all costs capitalized in association with the software in development are fully
recoverable over the anticipated life of the asset.
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Southwest Power Pool, Inc.
Notes to Financial Statements
December 31, 2013 and 2012

Long-lived Asset Impairment (in Thousands)
The Company evaluates the recoverability of the carrying value of long-lived assets whenever
events or circumstances indicate the carrying amount may not be recoverable. If a long-lived asset
is tested for recoverability and the undiscounted estimated future cash flows expected to result
from the use and eventual disposition of the asset is less than the carrying amount of the asset, the
asset cost is adjusted to fair value and an impairment loss is recognized as the amount by which the
carrying amount of a long-lived asset exceeds it fair value.
No asset impairment was recognized during the years ended December 31, 2013 and 2012.
Revenue Recognition
Revenues, consisting of member assessments, tariff administrative fees, contract services and
miscellaneous revenues are recognized when earned, and expenses are recognized when incurred.
Customer Deposits
Customers may be required to make deposits with the Company prior to the performance of
transmission services and engineering studies. These amounts are typically held for the duration of
the service and applied to the customer’s final invoice. An offsetting liability equal to the deposit
balance is recorded in current liabilities. Funds held in escrow related to disputed invoices are also
recorded as a customer deposit under current liabilities.
Tariff Fees and Member Assessments (in Thousands)
An administrative charge is applied to all transmission service under the Company’s tariff to cover
the expenses related to the administration of the tariff. The charge is calculated in accordance with
the terms of the Company’s Open Access Transmission Tariff. The administrative rate used for the
calculation is established by the board of directors.
Members are assessed monthly based on their prior year average 12-month peak demand multiplied
by the total hours in a month and by the monthly assessment rate as established by the board. A
member’s monthly assessment is offset dollar for dollar for qualifying tariff administrative fees
collected from a member in any given assessment period.
The Company collects a membership fee from each member annually. The amount of the
membership fee is established by the board of directors of the Company. For 2013 and 2012, all
members paid a $6 membership fee.
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The Company also bills transmission customers and transmission owners a charge under
Schedule 12 on all energy delivered under point-to-point transmission service and network
integration transmission service. This provides a mechanism for recovering from transmission
customers and transmission owners the annual charges the Company pays to FERC. The rate is
developed by FERC in the prior calendar year and applied to energy transmitted in the second prior
calendar year.
Deferred Revenue
Revenues for contract services received in advance are recognized over the periods to which the
revenues relate.
Other Member Services
The Company provides reliability, tariff administration and scheduling for non-members on a
contract basis. The Company also provides engineering study services for long-term transmission
service and generation interconnection studies.
Withdrawing Members
Members wishing to withdraw their membership from the Company must provide 24 months
written notice and are responsible for their portion of the Company’s existing obligations as
defined in the bylaws, which include unpaid membership fees, any assessments imposed prior to
the effective withdrawal date, any costs or expenses imposed upon the Company as a direct
consequence of the member’s withdrawal, and the member’s share of long-term obligations and
related interest.
Concentration of Credit Risk
The Company is exposed to credit risk primarily through accounts receivable and uninsured cash
balances. During 2013 and 2012, the Company maintained cash balances, including transaction
accounts and short-term investment accounts that are not insured by the Federal Deposit Insurance
Corporation. The Company’s transaction accounts exceeded federal insurance limits by $9,758 at
December 31, 2013. The Company’s investment accounts were primarily invested in highly liquid
short-term investments such as money market funds, mutual funds and repurchase agreements.
The Company also requires the financial institutions holding its cash balances to be rated A or
better by nationally recognized rating agencies.
Because the Company considers all accounts receivable to be highly probable of collection, an
allowance for doubtful accounts is currently not maintained. The Company requires its customers
to meet certain minimum standards of financial condition and creditworthiness to receive
unsecured credit from the Company. If these standards cannot be met by a counterparty, the
Company requires the posting of defined financial security instruments to cover potential liabilities.
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Note 2:

Line of Credit (In Thousands)

The Company has a $30,000 revolving line of credit expiring in 2016. At December 31, 2013 and
2012, no amounts were borrowed against this line. The agreement has a variable interest rate equal
to the London Interbank Offered Rate (LIBOR) plus a credit margin. The Company’s line of credit
requires compliance with certain financial and non-financial covenants as well as periodic
reporting requirements. The Company was in compliance with the covenant and reporting
requirements throughout and at December 31, 2013.

Note 3:

Long-term Debt and Interest Rate Swaps (in Thousands)

Long-term Debt
2013

Variable Rate Term Note due 2027 (A)
Variable Rate Term Note due 2014 (B)
5.45% Senior Notes due 2016 (C)
4.82% Series 2010-A Senior Notes due 2042 (D)
4.82% Series 2010-B Senior Notes due 2042 (E)
3.55% Series 2010-C Senior Notes due 2024 (F)
3.00% Series 2012-D-1 Senior Notes due 2024 (G)
3.25% Series 2012-D-2 Senior Notes due 2024 (H)

$

Less current maturities

3,752
5,500
15,000
29,541
34,465
70,000
50,000
50,000
258,258

2012

$

22,998
$

235,260

3,958
11,000
21,000
30,000
35,000
70,000
50,000
50,000
270,958
12,700

$

258,258

(A)

Due February 1, 2027; principal and interest are payable quarterly based on a 25-year
amortization. Payments commenced on May 1, 2007. The interest rate adjusts monthly
based on the London Interbank Offered Rate (LIBOR) plus 0.85%. The note is secured by a
first mortgage on the Company’s operation facility.

(B)

Due December 25, 2014; interest is payable monthly and principal is payable quarterly based
on a seven-year amortization. Payments commenced on March 25, 2008. The interest rate
adjusts monthly based on the London Interbank Offered Rate (LIBOR) plus 0.30%. The
note is unsecured.

(C)

Due July 23, 2016; principal and interest are payable quarterly based on a seven-year
amortization. Payments commenced on September 30, 2011. The interest rate is fixed at
5.45%. The note is unsecured.
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(D)

Due December 30, 2042; principal and interest are payable quarterly based on a 32-year
amortization. Principal payments commenced on March 30, 2013. The interest rate is fixed
at 4.82%. The note is unsecured.

(E)

Due December 30, 2042; principal and interest are payable quarterly based on a 32-year
amortization. Principal payments commenced on March 30, 2013. The interest rate is fixed
at 4.82%. The note is unsecured.

(F)

Due March 30, 2024; principal and interest are payable quarterly based on 13-year
amortization. Principal payments commence on June 30, 2014. The interest rate is fixed at
3.55%. The note is unsecured.

(G)

Due March 30, 2024; principal and interest are payable quarterly based on 10-year
amortization. Principal payments commence on June 30, 2014. The interest rate is fixed at
3.00%. The note is unsecured.

(H)

Due September 30, 2024; principal and interest are payable quarterly based on 10-year
amortization. Principal payments commence on December 30, 2014. The interest rate is
fixed at 3.25%. The note is unsecured.

Aggregate annual maturities of long term debt at December 31, 2013, are:
2014
2015
2016
2017
2018
Thereafter

$

22,998
24,299
21,353
18,410
18,469
152,729

$

258,258

Certain of the Company’s term notes require compliance with financial and non-financial
covenants, as well as periodic reporting requirements. The Company was in compliance with the
covenant and reporting requirements throughout and at December 31, 2013.
Variable-to-Fixed Interest Rate Swap
As a strategy to maintain acceptable levels of exposure to the risk of changes in future cash flows
due to interest rate fluctuations, the Company entered into an interest rate swap agreement on
September 15, 2006, with U.S. Bank National Association. The agreement provides for the
Company to receive interest from the counterparty at LIBOR and to pay interest to the counterparty
at a fixed rate of 5.51% on notional amounts of $3,723 and $3,927 at December 31, 2013 and 2012,
respectively. Under the agreement, the Company pays or receives the net interest amount
quarterly, with the quarterly settlements included in interest expense. The swap was established to
hedge interest rate risk on its floating rate debt obligation (Loan A).
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The Company entered into another interest rate swap agreement on August 23, 2007, with U.S.
Bank National Association. The agreement provides for the Company to receive interest from the
counterparty at LIBOR and to pay interest to the counterparty at a fixed rate of 5.31% on notional
amounts of $5,500 and $11,000 at December 31, 2013 and 2012, respectively. Under the
agreement, the Company pays or receives the net interest amount monthly, with the monthly
settlements included in interest expense. The swap was established to hedge interest rate risk on its
floating rate debt obligation (Loan B).
The table below presents certain information regarding the Company’s interest rate swap
agreements.

Fair value of interest rate swap agreements
Balance sheet location of fair value amounts
Gain recognized in statement of operations
Location of gain recognized in statement of operations

Note 4:

2013

2012

$
934
Other Long-term
Liabilities
$
923
Change in Fair
Market Value of
Interest Rate
Swaps

$
1,857
Other Long-term
Liabilities
$
674
Change in Fair
Market Value of
Interest Rate
Swaps

Operating Leases (In Thousands)

The Company has noncancellable operating leases for certain office equipment which expire at
various times through 2015. The lease for office space expired in early 2013. The Company
incurred lease expense related to these operating leases of $432 and $1,690 in 2013 and 2012,
respectively.
Future minimum lease payments at December 31, 2013, were:
2014
2015

Note 5:

$

139
69

$

208

Employee Benefit Plans (in Thousands)

Pension and Other Postretirement Benefit Plans
The Company has a noncontributory defined benefit pension plan covering all employees meeting
eligibility requirements. The Company’s funding policy is to make the minimum annual
contribution that is required by applicable regulations, plus such amounts as the Company may
determine to be appropriate from time to time. The Company expects to contribute approximately
$3,660 to the plan in 2014.
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The Company has a noncontributory defined benefit postretirement health care plan covering
eligible retirees, including those retiring between the ages of 55–65 and hired prior to
January 1, 1996. Employees hired after June 1, 2006, are not eligible to participate in the defined
postretirement health care plan. The Company’s funding policy is to make the minimum annual
contribution that is required by applicable regulations, plus such amounts as the Company may
determine to be appropriate from time to time. The Company expects to contribute approximately
$410 to the plan in 2014.
The Company uses a December 31 measurement date for the plans. Information about the plans’
funded status is as follows:
Postretirement
Health Care Benefits

Pension Benefits
2013

2012

Benefit obligation
Fair value of plan assets

$ 44,090
41,157

$ 38,014
31,295

$

7,995
9,657

$

7,353
7,963

Funded status

$

$

$

1,662

$

610

(2,933)

2013

(6,719)

2012

Amounts recognized in the balance sheets:
Postretirement
Health Care Benefits

Pension Benefits
2013

Noncurrent assets

$

Noncurrent liabilities

2012

-

$

(2,933)
$

(2,933)

2013

-

$

1,662

(6,719)
$

(6,719)

2012

$

610

$

1,662

$

610

Amounts recognized in members’ equity not yet recognized as components of net periodic benefit
cost as of December 31, 2013, consist of:
Pension Benefits

Net (gain)/loss
Prior service credit
Transition obligation

Postretirement
Health Care Benefits

$

5,401
(21)
115

$

(1,664)
31

$

5,495

$

(1,633)
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The accumulated benefit obligation for the defined benefit pension plan was $34,673 and $29,577
at December 31, 2013 and 2012, respectively.
Other significant balances and costs are:
Postretirement
Health Care Benefits
2013
2012

Pension Benefits
2013
2012

Employer contributions
Benefits paid
Benefit costs

$

4,010
256
4,625

$

3,892
177
3,643

$

540
35
542

$

469
26
469

The following amounts have been recognized in the statements of operations for the year ended
December 31, 2013:
Pension Benefits

Amounts arising during the
period
Net gain
Amounts recognized as
components of net periodic
benefit cost of the period
Net loss
Net prior service credit
Net transition obligation

$

Postretirement
Health Care Benefits

4,031

$

352
1
16

1,049

4

The estimated net loss, prior service cost and transition obligation for the defined benefit pension
plan that will be amortized from members’ equity into net period benefit cost over the next fiscal
year are $58, $1 and $16, respectively. The estimated net gain, prior service cost, and net
obligation for the defined benefit postretirement health care plan that will be amortized from
members’ equity into net periodic benefit cost over the next fiscal year are $37, $0, and $4,
respectively.
Weighted-average assumptions used to determine benefit obligations and costs:
Pension Benefits
2013
2012

Postretirement
Health Care Benefits
2013
2012

Discount rate benefit obligation

5.5%

5.5%

5.5%

5.5%

Expected return on plan assets

7.0%

7.0%

7.0%

7.0%

Rate of compensation increase

4.0%

4.0%

-

-
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The Company has estimated the long-term rate of return on plan assets based primarily on
historical returns on plan assets, adjusted for changes in target portfolio allocations and recent
changes in long-term interest rates based on publicly available information.
For measurement purposes, a 10% annual rate of increase in the per capita cost of covered health
care benefits was assumed for 2013 and 2012. The rate was assumed to decrease gradually to 5%
by the year 2019 and remain at that level thereafter.
On December 8, 2003, the Medicare Prescription Drug, Improvement and Modernization Act of
2003 (the Act) was signed into law. The Act introduces a prescription drug benefit under Medicare
Part D, as well as a federal subsidy to sponsors of retiree health care benefit plans that provide
benefits at least actuarially equivalent to Medicare Part D. The Company has not determined
whether its plan provides benefits that are actuarially equivalent to Medicare Part D.
Financial Accounting Standards Board Staff Position 106-2, Accounting and Disclosure
Requirements Related to the Medicare Prescription Drug, Improvement and Modernization Act of
2003, subsequently incorporated into FASB Accounting Standards Codification (ASC) 715-60,
requires federal subsidies, if any, attributable to past service to be accounted for as an actuarial gain
and federal subsidies, if any, attributable to current service to be accounted for as a reduction of net
periodic benefit cost. The measures of projected benefit obligation and periodic benefit costs do
not reflect any amounts associated with the subsidy because the Company has been unable to
conclude whether the benefits provided by the plan are actuarially equivalent to Medicare Part D.
The effect of adopting the provisions of ASC 715-60, if and when the Company makes such a
determination, is not expected to be material.
The following benefit payments, which reflect expected future service, as appropriate, are expected
to be paid as of December 31:

Pension Benefits

2014
2015
2016
2017
2018
2019–2023

$

452
612
712
841
1,045
8,380

Postretirement
Health Care
Benefits

$

78
128
159
197
249
1,801
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The Company’s investment strategy is based on an expectation that equity securities will
outperform fixed income securities over the long-term. Accordingly, the composition of the
Company’s plan assets is broadly characterized as a 70/30 allocation between equity and fixed
income securities. The strategy utilizes indexed and actively managed mutual fund instruments as
well as direct investment in individual equity and fixed income securities. Investments in the plans
must adhere to the Investment Policy Statement developed by the Company. The Investment
Policy Statement limits investments in foreign securities to 20% of the total fair value of plan
assets. The Investment Policy Statement is reviewed annually. At December 31, 2013 and 2012,
plan assets by category are as follows:
Pension Plan
Assets
2013

Fixed income securities
Equity securities
Cash and equivalents

2012

Postretirement
Health Care Plan
Assets
2013

2012

17%
76
7

14%
72
14

24%
72
4

29%
65
6

100%

100%

100%

100%

Pension and Other Postretirement Plan Assets
Following is a description of the valuation methodologies used for the pension and postretirement
plan assets measured at fair value on a recurring basis and recognized in the accompanying balance
sheets, as well as the general classification of the assets pursuant to the valuation hierarchy.
Where quoted market prices are available in an active market, plan assets are classified within
Level 1 of the valuation hierarchy. Level 1 plan assets include cash, money market accounts,
mutual funds and common stock. If quoted market prices are not available, then fair values are
estimated by using pricing models, quoted prices of plan assets with similar characteristics or
discounted cash flows. Level 2 plan assets include foreign company stock, corporate debt
obligations, foreign corporate debt obligations, government securities and foreign government
securities. In certain cases where Level 1 or Level 2 inputs are not available, plan assets are
classified within Level 3 of the hierarchy. At December 31, 2013 and 2012, the Company does not
hold any plan assets valued using Level 3 inputs.
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The fair values of the Company’s pension plan assets at December 31, 2013, by asset category are
as follows:
Fair Value Measurements Using

Total Fair
Value

Asset Category

Cash
Money market mutual funds
Mutual funds
Foreign large blend
Mid cap value
Mid cap growth
Small cap growth
Large growth
Common stock
Industrial materials
Consumer goods
Financial Services
Energy
Healthcare services
Hardware
Business services
Foreign company stock
Industrial materials
Hardware
Business services
Energy
Financial services
Corporate debt obligations
Foreign corporate debt
obligations
Government securities
Foreign government securities
Total

$

$

5
874

Quoted Prices
in Active
Significant
Markets for
Other
Significant
Identical
Observable Unobservable
Assets
Inputs
Inputs
(Level 1)
(Level 2)
(Level 3)

$

5
874

$

-

$

-

996
1,741
6,699
1,780
6,172

996
1,741
6,699
1,780
6,172

-

-

1,602
1,217
474
2,707
2,297
728
211

1,602
1,217
474
2,707
2,297
728
211

-

-

878
628
124
2,822
327
5,298

-

878
628
124
2,822
327
5,298

-

930
2,000
647

-

930
2,000
647

-

41,157

$

27,503

$

13,654

$

-
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The fair values of the Company’s pension plan assets at December 31, 2012, by asset category are
as follows:
Fair Value Measurements Using

Total Fair
Value

Asset Category

Cash
Money market mutual funds
Mutual funds
Foreign large blend
Mid cap value
Mid cap growth
Small cap growth
Large growth
Common stock
Industrial materials
Consumer goods
Financial Services
Energy
Healthcare services
Hardware
Business services
Foreign company stock
Industrial materials
Hardware
Business services
Energy
Financial services
Corporate debt obligations
Foreign corporate debt
obligations
Government securities
Foreign government securities
Total

$

$

5
657

Quoted Prices
in Active
Significant
Markets for
Other
Significant
Identical
Observable Unobservable
Assets
Inputs
Inputs
(Level 1)
(Level 2)
(Level 3)

$

5
657

$

-

$

-

734
1,189
4,734
1,215
4,099

734
1,189
4,734
1,215
4,099

-

-

1,300
978
550
1,941
1,566
21
293

1,300
978
550
1,941
1,566
21
293

-

-

666
834
133
1,956
289
2,729

-

666
834
133
1,956
289
2,729

-

1,134
3,826
446

-

1,134
3,826
446

-

31,295

$

19,282

$

12,013

$

-
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The fair value of the Company’s other postretirement benefit plan assets at December 31, 2013, by
asset category are as follows:
Fair Value Measurements

Asset Category

Cash
Money market mutual funds
Mutual funds
Equities
Foreign large blend
Foreign large growth
Large cap blend
Mid cap value
Mid cap growth
Small cap value
Real estate
Emerging markets
Commodities
Fixed income
Bond funds
Inflation protected
Common stock
Industrial materials
Consumer goods and
services
Financial services
Energy
Healthcare services
Hardware
Business services
Software
Telecommunications
Media
Utilities
Foreign company stock
Business services
Total

Total

$

$

6
382

Quoted Prices
in Active
Markets for
Identical
Assets
(Level 1)

$

6
382

472
436
658
373
433
412
498
368
333

472
436
658
373
433
412
498
368
333

1,961
323

1,961
323

351

Significant
Other
Observable
Inputs
(Level 2)

$

-

Significant
Unobservable
Inputs
(Level 3)

$

-

-

-

-

-

351

-

-

781
467
261
384
52
277
80
108
109
94

781
467
261
384
52
277
80
108
109
94

-

-

38

-

38

-

9,657

$

9,619

$

38

$

-
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The fair value of the Company’s other postretirement benefit plan assets at December 31, 2012, by
asset category are as follows:
Fair Value Measurements

Asset Category

Cash
Money market mutual funds
Mutual funds
Equities
Foreign large blend
Foreign large growth
Mid cap growth
Small cap value
Real estate
Emerging markets
Commodities
Fixed income
Bond funds
Inflation protected
Common stock
Industrial materials
Consumer goods and
services
Financial services
Energy
Healthcare services
Hardware
Business services
Software
Telecommunications
Media
Utilities
Foreign company stock
Business services
Financial services
Energy
Total

Total

$

$

3
455

Quoted Prices
in Active
Significant
Markets for
Other
Significant
Identical
Observable Unobservable
Assets
Inputs
Inputs
(Level 1)
(Level 2)
(Level 3)

$

3
455

$

-

$

-

392
390
615
312
367
214
292

392
390
615
312
367
214
292

-

2,028
292

2,028
292

-

301

301

-

-

631
314
223
316
41
194
77
92
71
93

631
314
223
316
41
194
77
92
71
93

-

-

135
64
51

-

135
64
51

-

7,963

$

7,713

$

250

-

$

-
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Defined Contribution Plans
The Company has a 401(k) defined contribution plan covering substantially all employees. The
Company contributes funds to the plan on behalf of plan participants equal to 75% of the
participants’ elective deferrals up to 6% of deferred compensation. Contributions to the plan were
$2,334 and $2,157 for 2013 and 2012, respectively.
The Company has a 457(b) non-qualified tax-deferred compensation plan. This plan is an
unfunded plan maintained for the purpose of providing deferred compensation for a select group of
management or highly-compensated employees and, therefore, is intended to be exempt from the
participation, vesting, funding and fiduciary requirements of Title I of ERISA. Accumulated
contributions and earnings of $1,305 and $968 are recorded in other long-term liabilities at
December 31, 2013 and 2012, respectively. The Company also offers a 457(f) non-qualified taxdeferred compensation plan to a select group of executive management. The 457(f) plan is
intended to be exempt from the participation, vesting, funding and fiduciary requirements of Title I
of ERISA and serves to further supplement benefits lost due to IRS limits on compensation and
benefits. Accrued benefits of $1,253 and $975 are recorded in other long-term liabilities for the
457(f) plan participants at December 31, 2013 and 2012, respectively.

Note 6:

Related Party Transactions (in Thousands)

General disbursements of the Company are apportioned to members based on the formula
described in the bylaws of the Company (see Note 1). The Company’s receivables from members
totaled $17,571 and $9,587 as of December 31, 2013 and 2012, respectively. The Company
recognized revenues of $128,486 and $110,707, including assessments and tariff administrative
fees, from members for the years ended December 31, 2013 and 2012, respectively.
The Southwest Power Pool Regional State Committee (RSC) was incorporated on April 7, 2004, in
the State of Arkansas. The RSC is comprised of commissioners from public service commissions
or equivalent, having regulatory authority over Company members. FERC, in its
February 20, 2004, order regarding the Company’s RTO application, stated, “the RSC should have
primary responsibility for determining regional proposals and the transition process for funding of
regional transmission enhancements, rate structure for a regional access charge and allocation of
transmission rights.” The RSC prepares budgets annually for the expected costs of its operations.
This budget is submitted to the Company’s board of directors for approval. The Company includes
in its annual budget funds sufficient to cover 100% of the operating costs of the RSC. During 2013
and 2012, the Company incurred $226 and $455, respectively, in expenses attributable to RSC
operations. Management of the Company expects such expenditures for 2014 to be approximately
$328.
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Note 7:

Open Access Transmission and EIS Market Operations (In Thousands)

The Company provides short- and long-term firm and non-firm point-to-point transmission services
and network integration transmission service across 15 providers in nine states. The Company is
responsible for the billing of the transmission customers for the respective services and the
remittance of the subsequent collections to the transmission owner on a monthly basis. Billings for
these transmission services are not included in the statements of operations. The Company
receives a fee for facilitating the transmission process, which is recorded as tariff fees in the
Company’s statements of operations. For the years ended December 31, 2013 and 2012, the
Company billed transmission customers $1,290,757 and $1,118,542, respectively. For the years
ended December 31, 2013 and 2012, the Company remitted to transmission owners $1,171,133 and
$1,016,886, respectively. At December 31, 2013 and 2012, the Company was due to collect from
customers and remit to owners transmission service charges of $101,106 and $85,613, respectively.
The Company’s EIS market is a wholesale market that operates under a tariff approved by FERC
and is consistent with the mandate of the FERC Order No. 2000, which requires RTOs to provide
real-time energy imbalance services and market monitoring functions. Weekly settlements of
market participants’ energy transactions are not reflected in the Company’s statements of
operations since they do not represent revenues or expenses of the Company, as the Company
merely acts as an intermediary in the settlement process. In this role, the Company receives and
disburses funds to/from market participants on a weekly basis.

Note 8:

Commitments and Contingencies (in Thousands)

Litigation and Regulatory Matters
In 2011, a suit was filed against the Company claiming a violation of the Arkansas Minimum Wage
Act for overtime hours. While the Company believes it has meritorious defenses against the suit,
the ultimate resolution of the matter could result in a loss to the Company. An estimate of loss
cannot be made at this time.
The Company is engaged in various regulatory proceedings at both the federal and state levels.
The Company is also subject to claims and lawsuits that arise primarily in the ordinary course of
business. It is the opinion of management that the disposition or ultimate resolution of such
proceedings, claims and lawsuits will not have a material adverse effect on the financial position,
results of operations and cash flows of the Company.
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Note 9:

Disclosures About Fair Value of Financial Instruments (in Thousands)

ASC Topic 820, Fair Value Measurements, defines fair value as the price that would be received to
sell an asset or paid to transfer a liability in an orderly transaction between market participants at
the measurement date. Topic 820 also specifies a fair value hierarchy, which requires an entity to
maximize the use of observable inputs and minimize the use of unobservable inputs when
measuring fair value. The standard describes three levels of inputs that may be used to measure
fair value:
Level 1

Quoted prices in active markets for identical assets or liabilities

Level 2

Observable inputs other than Level 1 prices, such as quoted prices for similar assets
or liabilities; quoted prices in markets that are not active; or other inputs that are
observable or can be corroborated by observable market data for substantially the
full term of the assets or liabilities

Level 3

Unobservable inputs that are supported by little or no market activity and are
significant to the fair value of the assets or liabilities

Following is a description of the valuation methodologies used for assets and liabilities measured at
fair value on a recurring basis and recognized in the accompanying balance sheets, as well as the
general classification of such assets and liabilities pursuant to the valuation hierarchy.
Interest Rate Swap Agreements
The fair value is estimated using forward-looking interest rate curves and discounted cash flows
that are observable or that can be corroborated by observable market data and, therefore, are
classified within Level 2 of the valuation hierarchy. At December 31, 2013 and 2012, the fair
value measurement of the interest rate swaps as recognized in the accompanying balance sheets
was a liability of $934 and $1,857, respectively.
Cash Equivalents
The fair value of money market mutual funds included in cash equivalents are estimated using
quoted prices in active markets for identical assets or liabilities. At December 31, 2013 and 2012,
the fair value measurement of the cash equivalents as recognized in the accompanying balance
sheets was $13,856 and $13,413, respectively.
The Company has no assets or liabilities measured and recognized in the accompanying balance
sheets on a nonrecurring basis.
The following methods were used to estimate the fair value of all other financial instruments
recognized in the accompanying balance sheets at amounts other than fair value.
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Notes to Financial Statements
December 31, 2013 and 2012

Restricted Cash Deposits
For these short-term instruments, the carrying amount is a reasonable estimate of fair value.
Customer Deposits
The carrying amount is a reasonable estimate of fair value.
Long-term Debt
Fair value is estimated based on the borrowing rates currently available to the Company for bank
loans with similar terms and maturities.
The following table presents estimated fair values of the Company’s financial instruments at
December 31, 2013 and 2012.
2013
Carrying
Amount

2012
Fair
Value

Carrying
Amount

Fair
Value

Financial assets
Cash and cash equivalents
Restricted cash deposits

$
$

34,874 $
76,713 $

34,874
76,713

$
$

95,693 $
43,743 $

95,693
43,743

Financial liabilities
Customer deposits
Long-term debt
Swap agreements

$
$
$

76,713 $
258,258 $
934 $

76,713
264,200
934

$
$
$

43,913 $
270,958 $
1,857 $

43,913
274,518
1,857

Note 10: Subsequent Events (in Thousands)
On March 10, 2014, the Company obtained a $33,000 senior unsecured term note facility. This
facility will initially be undrawn but will allow the Company to obtain advances as needed during a
two year draw period, after which it will convert into an amortizing term loan with escalating
principal payments through 2023. Interest will be payable monthly at a floating rate.
Additionally, on March 21, 2014, the Company issued $37,000 in funding related to the 2014
Series E Senior Note due December 30, 2025. This note bears a 3.80% fixed rate interest with
quarterly interest payments commencing on June 30, 2014 and principal payments commencing on
March 30, 2024. This note is unsecured.
Subsequent events have been evaluated through the date of the Independent Auditor’s Report,
which is the date the financial statements were available to be issued.
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FINANCE COMMITTEE
Recommendation to the Board of Directors
April 29, 2014

2014 Defined Benefit Pension Plan and Retiree Healthcare Plan Funding
(all $ amounts expressed in millions)

Organizational Roster
The following persons are members of the Finance Committee:
Harry Skilton
Larry Altenbaumer
Colleen Wells
Mike Wise
Sandra Bennett
Kelly Harrison

Director
Director
Kansas Electric Power Coop
Golden Spread Electric Coop
American Electric Power
Westar Energy

Background
The SPP Finance Committee is charged with reviewing reports from the plan’s actuary, establishing funding policies,
and recommending annual funding levels for the plans to the SPP Board of Directors. SPP engaged Osborn,
Carreiro & Associates (“the Actuary”) to prepare actuarial valuation reports of the SPP Defined Benefit Retirement
Plan and SPP Post-retirement Benefits Plan as of January 1, 2014.

Analysis
SPP Defined Benefit Retirement Plan
The report identifies 2014 accounting expense for this plan as well as minimum and maximum contributions for the
plan. The Actuary determined 2014’s minimum contribution level to be $3.40 and maximum suggested level to be
$3.66. SPP’s 2014 budget anticipated contributions to the defined benefit pension plan of $4.20.
The schedule below illustrates the historical funding of the SPP Defined Benefit Retirement Plan:
2010

2011

2012

2013

2014

Maximum Contribution (tax deductible)

$7.27

$9.21

$16.88

$25.59

32.11

Minimum Contribution
Actuary Suggested Contribution
Actual Contribution

0
3.17
3.12

2.23
3.13
3.13

1.33
3.89
3.89

2.33
4.01
4.01

3.40
3.66

Projected Benefit Obligation (PBO)
Accumulated Benefit Obligation (ABO)
Fair Value of Plan Assets
Discount Rate 1

$23.86
18.10
23.54
6.75%

$28.92
22.32
25.26
6.50%

38.01
29.58
31.30
6.25%

44.09
34.67
41.16
5.50%

Plan Assets vs. PBO
Plan Assets vs. ABO
Total Participants
Benefits Paid

-$0.32
5.76
517
$0.13

-$3.66
2.95
583
$0.14

-$6.71
1.72
643
$0.18

-$2.93
6.49
672
$0.26

5.50%

1

Based on the Corporate Bond Yield Curve prescribed by the U.S. Treasury Department and reflect the twenty four month average of investment
grade corporate bonds with maturities of greater than 15 years all as defined in Section 102, Title I of the Pension Protection Act of 2006.
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SPP Defined Benefit Retirement Plan Fund Status as of December 31, 2013
The fund had total assets of $41.16 versus an Accumulated Benefit Obligation of $34.67, Projected Benefit Obligation
of $44.09 and termination value of approximately $38.00. The Actuary estimates participants active on January 1,
2013 will accrue $3.4 in benefits during fiscal year 2014. Finally, the value of the early retirement feature of the
Defined Benefit Retirement Plan is estimated to be $5.00.

SPP Post-retirement Benefits Plan
In 1995, the Board of Directors approved retiree medical coverage for all SPP employees who retire at their Normal
Retirement Date as defined in the SPP Defined Benefit Retirement Plan. The Board also awarded benefits under this
plan to those employees of record on January 1, 1996 who retire between the ages of 55 - 65. The SPP Board acted
in 2006 to limit benefits from this plan to only those employees hired prior to June 1, 2006. As of January 1, 2014
SPP had 133 active employees covered by this plan and 7 retirees.
The Actuary estimated 2014 net periodic post retirement benefit cost to be $0.41. This computation is based on a
5.50% discount rate, and a 7% investment return on plan assets, and retirement at age 65. The health care cost
trend was assumed to increase 10% next year, 9% the year after and so on down to 5% and remain there thereafter.
SPP’s 2014 budget allocates $0.55 in funding for post retirement benefits. SPP has used the net periodic postretirement benefit cost as a proxy for determining the amount of contribution to the plan annually.
2010

2011

2012

2013

2014

Actual Contribution
Pension Cost

$0.63
0.63

$0.51
0.51

$0.45
0.45

0.54
0.54

0.41

Accumulated Benefit Obligation (ABO)
Fair Value of Plan Assets
Funded Status vs. ABO

$4.64
5.23
$0.59

$5.30
6.44
$1.14

$5.95
6.75
$0.80

$7.35
7.96
$0.61

8.00
9.66
$1.66

Plan Participants – Active
Plan Participants – Retired

158
2

149
4

146
5

133
7

Recommendation
Approve 2014 funding of the SPP Post-retirement Benefits Plan at $0.41.
Approve 2014 funding of the SPP Retirement plan at $3.66.

Approved:

Finance Committee

Action Requested:

Approve Recommendation

April 1, 2014
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Disclaimer

The data and analysis in this report are provided for informational purposes only and shall not be
considered or relied upon as market advice or market settlement data. All analysis and opinions
contained in this report are solely those of the SPP Market Monitoring Unit (MMU), the independent
market monitor for Southwest Power Pool, Inc. (“SPP”). The MMU and SPP makes no
representations or warranties of any kind, express or implied, with respect to the accuracy or
adequacy of the information contained herein. The MMU and SPP shall have no liability to
recipients of this information or third parties for the consequences that may arise from errors or
discrepancies in this information, for recipients’ or third parties’ reliance upon such information, or
for any claim, loss or damage of any kind or nature whatsoever arising out of or in connection with:
(i)
the deficiency or inadequacy of this information for any purpose, whether or
not known or disclosed to the authors
(ii)
any error or discrepancy in this information
(iii) the use of this information
(iv)
any loss of business or other consequential loss or damage whether or not
resulting from any of the foregoing
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Executive Summary
A. Purpose
The Market Monitoring Unit (MMU) is the independent market monitor for the Southwest Power
Pool (SPP) Regional Transmission Organization (RTO) and is responsible for providing an annual
report of electricity market conditions to the SPP Board of Directors, the Federal Energy Regulatory
Commission (FERC), the SPP Regional State Committee, and other interested stakeholders. FERC
requires State of the Market Reports from all RTO and Independent System Operator MMUs. This
report fulfills that obligation.
B. Overview of the SPP Footprint
SPP Energy Imbalance Service (EIS) Market added two new Market Participants in 2013. Capacity
increased 4.6% to 74,390 MW and reserve margin was at 47%. A reserve margin of this size has
positive implications for both reliability and for mitigation of the potential exercise of market power.
Capacity additions during 2013 totaled 1,791 MW with the majority in the form of small gas plants
that were previously behind the meter and new wind farms.
Demand for electricity was slightly higher in 2013 than the previous year although the summer peak
load was lower. Market system coincident peak load in 2013 was 45,256 MW occurring on August
30, approximately 4% lower than the peak load in 2012. The SPP load factor in 2013 was 58.2%, up
from 55.2% in the previous year. According to the weather analysis, summer temperature patterns in
2013 were close to normal and winter patterns were colder than normal. This is in contrast to the
summer temperatures in 2011 and 2012 that were significantly above normal.
During 2013, the majority of the SPP energy production continued to come from coal-fired plants.
Gas power plant production decreased from 26% in 2012 to 20% in 2013 of the total system energy
production due to the higher gas prices, lower summer peak load and increase wind generation.
Wind generation increased substantially in 2013, from 8% of the total generation to about 11%.
Record generation from this type of capacity was 6,467 MW on October 10, 2013. Wind energy as a
percent of load reached a maximum of 33.4% on April 6, up from 27.3% in 2012. Because wind
generation is three times more volatile than load, wind generation of this magnitude has a significant
impact on transmission congestion management.
C. EIS Market Performance
The energy purchased and sold through the SPP EIS Market was approximately 26.6 million MWh,
a slight decrease from the previous year. However, settlements increased by 13% to about 675
million dollars due to higher average market prices.
SPP electric price remains highly correlated with natural gas prices. The average Panhandle Eastern
natural gas price was $3.6/MMBtu in 2013, up from $2.6/MMBtu in 2012. The SPP electric price
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increased to $25.9/MWh in 2013 from $22.3/MWh in 2012. SPP prices are generally lower than the
system prices in neighboring RTOs and this continued to be the case in 2013. In 2013 the yearly
average for Electric Reliability Council of Texas (ERCOT) was $30.6/MWh and the Midcontinent
Independent System Operator (MISO) price was $31.4/MWh. SPP price volatility was also lower
than ERCOT and MISO.
Price differentials between SPP Market Participants were higher in 2013 than in 2012 but less than
prior years. Again, 2012 was an unusual year because of the very low gas prices. While the SPP
average regional price was $25.9/MWh, average Market Participant prices ranged from a low of
$22.3/MWh to a high of $28.6/MWh. These price differences reflect transmission congestion in the
SPP footprint. If no congestion existed in the SPP region, the prices at all points would be identical.
Using a relatively simplistic investment calculation it appears that SPP EIS Market prices would
have supported a new coal power plant investment in 2013. This is not the case for either combined
cycle or combustion turbine power plants. This does not necessarily mean there is sufficient
justification for the construction a new coal plant or that there is no rationale for investment in new
combined cycle or combustion turbine generation. Regulatory requirements, reliability demands,
shifts in generation technology, fuel supply and price forecasts, and load growth patterns are a few of
the numerous non-electricity price factors that impact new generation construction decisions.
SPP was a net exporter more than 90% of the time in 2013. Periods during which SPP was a net
importer mainly occur in summer months when load was high. The highest net hourly export was
1,986 MWh and the highest net import was 716 MWh. During the highest 10% of load periods, SPP
was a net importer 57% of the time. During the lowest 75% of the load periods, SPP was a net
exporter more than 95% of the time.
Estimated EIS Market production benefits for 2013 were strong. Benefits were estimated to be $182
million, an increase from $167 million in 2012. Benefits to coal plant asset owners increased in 2013
because of the increasing differential between coal and gas prices and shows up in the higher net
revenue category, about 37% higher than estimated for 2012. Gas asset owner benefits increased
about $14 million with the increase distributed evenly in the net savings for simple cycle units and
combined cycle units. Benefits accruing to wind assets decreased slightly despite increases in the
volume of wind generation and electric prices. This appears to be the result of increased bilateral
sales represented by wind schedules and less reliance on the EIS Market.
Common market power measures, such as Herfindahl-Hirschman Index (HHI) indicate that the SPP
market continues to be competitive and is becoming less concentrated with the addition of new
Market Participants in 2013. The MMU monitors for market manipulation by using various metrics
including economic withholding, physical withholding, and uneconomic production screens.
Overall, the MMU found no evidence of market power abuse or manipulation during 2013.
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D. Energy Delivery
Total 2013 transmission owner revenue was approximately $1,171 million. This is a 15% increase
from $1,017 million in 2012. Transmission owner revenue has been increasing for many years.
Growth in transmission revenue is caused by increases in transmission rates, the addition of new
members and associated transmission lines, and higher utilization of the transmission system.
Transmission congestion by most measures declined dramatically in the first five years of the SPP
EIS market, 2007 through 2011. Breached intervals declined from about 7.5% of all intervals to just
over 4%. Cost of congestion measured by Congestion Revenue and System Redispatch Payments
both declined by about 50% during that period. SPP implementation of better congestion
management procedures and Market Participants’ increased unit flexibility parameters are some of
the factors that resulted in a decline in congestion on the SPP system.
This trend changed in 2012 and 2013 with breached intervals increasing to about 6% of total
intervals in 2012 and about 7% in 2013. System Redispatch Payments increased about 45% in 2013
over 2012 while Congestion Revenue remained flat. This increased congestion appears to be the
result of a dramatic increase in wind generation, increased utilization of the transmission system,
increased line outage resulting from new transmission investments, and an increase in external
impacts from adjacent systems. Major new transmission investments with commercial operation
dates starting in mid-2014 should have a significant positive impact on congestion resulting in a
reversal of this trend.
Transmission curtailments are another aspect of congestion where transmission service is reduced in
response to a transmission capacity shortage as a result of system reliability conditions. Both firm
and non-firm curtailments declined in 2013 from 2012 while firm curtailments were higher than
what was experienced in 2011. Overall, firm curtailments are relatively low at only 0.05% of total
scheduled energy. This is an indication of effective congestion management where the market is
providing efficient congestion relief thereby minimizing the need for transmission operator
intervention requesting curtailments.
The Texas Panhandle and Omaha-Kansas City corridors continue to be the most constrained areas in
the SPP system. Limited transfer capability across the Panhandle area restricts the movement of low
cost energy from the north to load centers to the south and resulting in heavy congestion and
significant price divergence across the region. The Omaha-Kansas City corridor is impacted by the
large amount of low cost generation to the north and the limited transfer capability to the rest of the
SPP market. The other major factor is external impacts caused by flows from outside the SPP
system. An unexpected factor affecting the Kansas City area in 2013 was the change in congestion
caused by the installation of the Eastowne transformer. This new element is an incremental step in
the process of addressing congestion in the Kansas City area. This change has resulted in localized
congestion in the south to north directions. A second upgrade to this limiting element is scheduled
for mid-spring 2014, which should mitigate some of the unexpected impacts of the initial
transformer.
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As a Regional Transmission Organization, SPP has a responsibility to develop transmission
expansion plans that will ensure both the long and short-term reliability of the system, as well as
ensure that the system is cost effective. A number of large transmission lines were under
construction during 2013 though no new lines entered service during that period of time. One line
did enter service late in 2012 that appears to have relieved some of the congestion between western
Nebraska and the balance of the EIS Market. The most prominent projects scheduled to be
completed in 2014 are the Spearville to Thistle to Woodward to Tuco set of 345 kV lines. These
projects are expected to provide significant additional capacity to the Texas Panhandle corridor there
by reducing congestion in the area. The Iatan to Nashua 345 kV line is scheduled to be completed in
mid-2015 and should reduce congestion in the Omaha-Kansas City corridor.
SPP has developed several Transmission Expansion Plans in past years and 2013 was no exception.
The 2014 SPP Transmission Expansion Plan (STEP), published in January 2014, highlights many
key areas of transmission development and provides an outline of forecast capital outlays necessary
to ensure that the transmission system remains adequate for both current and future needs. The 2014
plan provides details on projects that impact future development of the SPP transmission grid. Ten
distinct areas of transmission planning are discussed in the report, each of which are critical to
meeting mandates of either the 2013 SPP Strategic Plan or the nine planning principles in FERC
Order 890 and 1000.
The 2014 STEP consists of 386 transmission upgrades throughout the SPP region with a total cost of
$6.2 billion dollars. Costs are shown below by project type:
$99 million for Generation Interconnection projects
$86 million for Transmission Service projects
$535 million for Balanced Portfolio projects
$1.38 billion for High Priority projects
$4.13 billion for ITP projects
Potential investments to reduce congestion on highly constrained flowgates are continually being
evaluated through the STEP process. For more details see the 2014 SPP Transmission Expansion
Plan Report.
E. Conclusions
The overall market performance was strong in 2013 continuing a long stretch of increasingly
effective market rules, vigorous participation by resource owners, and substantial market benefits.
Significant near term concerns with regard to SPP markets appear to be appropriately addressed by
SPP. However, one long standing concern continues to be the seams problem along the SPP eastern
border, which has intensified with Entergy joining MISO in December 2013. SPP continues to
pursue solutions to this issue.
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I.

Overview of SPP Market Footprint

To ensure a consistent methodology, exhibits in this report have been formulated using only the EIS
Market footprint unless otherwise expressly stated. Historical data has been provided where
applicable to illustrate trends across time.
A. Brief Overview of SPP
SPP is a RTO authorized by the Federal Energy Regulatory Commission (FERC) with a mandate to
ensure reliable power supplies, adequate transmission infrastructure, and competitive wholesale
electricity prices. SPP was granted RTO status by FERC in 2004. SPP is one of nine Independent
System Operators/RTOs and one of eight NERC Regional Entities in North America. SPP provides
many services to its members including reliability coordination, tariff administration, regional
scheduling, reserve sharing, transmission expansion planning, training, and market operations. This
report focuses on 2013 EIS Market.
In 2007, SPP launched a real-time EIS Market, comprised of participants that agreed to operate
under the SPP Tariff and Market Protocols. The market does not include all SPP members, only
those that have agreed to the above terms and provisions. The Market Participants’ respective areas
collectively form the EIS Market footprint. Unless otherwise stated, the EIS Market footprint is used
for the exhibits in this report.
EIS Market ended on February 28, 2014 and the Integrated Marketplace started on March 1, 2014.
The EIS Market was a real time nodal market with security constrained dispatch. The Integrated
Marketplace is a full Day-Ahead Market with Transmission Congestion Rights and virtual trading, a
Reliability Unit Commitment process, a Real-Time Balancing Market, and a price-based Operating
Reserves market.

SPP 2013 State of the Market Report

13 of 218

12

Southwest Power Pool, Inc.

SPP Location
SPP is located in the southwest portion of the Eastern Interconnection. It is bordered by the
Midcontinent ISO (MISO) to the north and east and the Electric Reliability Council of Texas
(ERCOT) to the south. SPP also shares borders with the Western Electricity Coordinating Council
(WECC) and the SERC Reliability Corporation (SERC). Figure I.1 shows the operating regions of
ten ISOs and RTOs in the United States and Canada.
Figure I.1 ISO RTO Operating Regions
AESO
MISO

IESO

ISO-NE
NYISO
CAISO

PJM
SPP

ERCOT

Source: IRC ISO/RTO Council
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SPP Membership
At the end of 2013, SPP had 70 members in nine states that serve load, provide generation, and own
or use transmission facilities. SPP members include cooperatives, municipals, state agencies,
independent transmission companies, investor-owned utilities, independent power producers, and
power marketers. For a list of all SPP members, visit SPP.org/About/Members.
Figure I.2 Members as of December 31, 2013
State Agencies
Cooperatives
4

Municipals

13
11

11

Marketers

12

9

Investor-Owned Utilities

10

Independent
Power
Producers /
Wholesale
Generators

Independent
Transmission
Companies

Note: SPP Reliability Footprint
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SPP Balancing Authorities
The SPP EIS market footprint is comprised of 17 Balancing Authorities, which are operated by
investor-owned utilities, cooperatives, municipals, and state agencies. A Balancing Authority is
responsible for managing the minute-to-minute supply and demand for electricity within a specific
territory. A rough graphical approximation of these Balancing Authorities is depicted in Figure I.3.
Figure I.3 Map of SPP Balancing Authorities
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B. Capacity in SPP
Installed Capacity
Figure I.4 depicts the EIS Market installed generating capacity1 by Balancing Authorities at the peak
load day for 2013. The peak day was chosen because capacity is most relevant when load is at its
highest. Total generating capacity in the SPP EIS Market region was 74,390 MW, a 4.6% increase
over 2012.
Figure I.4 Installed Generation Capacity by Balancing Authority for 2013
Balancing Authority
CSWS
OKGE
SPS
WR
KCPL
NPPD
OPPD
MPS
EDE
WFEC
GRDA
SECI
SPRM
LES
KACY
INDN
Total

American Electric Power West
OG&E Electric Services
Southwestern Public Service
Westar Energy
Kansas City Power and Light
The Energy Authority Nebraska Public Power District
Omaha Public Power District
KCP&L Greater Missouri Operations
Empire District Electric
Western Farmers Electric Cooperatives
Grand River Dam Authority
Sunflower Electric Power
City Utilities of Springfield
Lincoln Electric System
Kansas City Board of Public Utilities
Independence Power and Light

Capacity
(MW)
17,573
10,795
9,345
9,270
6,577
4,214
3,806
2,934
2,141
1,893
1,465
1,456
1,057
757
711
396
74,390

Capacity
(%)
24%
15%
13%
12%
9%
6%
5%
4%
3%
3%
2%
2%
1%
1%
1%
1%

Note: Capacity is based on name plate rating
Resource Margin
The region’s resource margin is the amount of extra system capacity available after peak load has
been served. It is calculated by comparing total annual generating capacity to peak demand (system
capacity less peak load divided by peak load). For this analysis system capacity is based on unit
name plate rating. In 20132, the SPP resource margin was 47%, as shown in Figure I.5, which was
nearly four times the Annual Planning Capacity Requirement of 12%. Wind nameplate capacity
value is discounted by 95% when used in calculating the resource margin. This is the reason the

1

Installed capacity is calculated as the sum of nameplate rating of all the resources registered in the SPP
EIS Market.
2
Figure I.5 differs from figure I.4 by counting only 5% of wind capacity. The 5% wind capacity factor
was used in this analysis to be consistent with ITP Year 20 Assessment methodology as approved by SPP
Economic Studies Working Group on 19 January, 2010.
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capacity values shown in Figure I.5 are lower than the value shown in Figure I.4. Higher capacity
combined with lower peak load contributed to a resource margin increase from 36% in 2012. This
resource margin has positive implications for both reliability and for mitigation of the potential
exercise of market power within the market.
Figure I.5 Resource Margin by Year for 2008 – 2013
Year
2008
2009
2010
2011
2012
2013

Capacity
Peak Load
(MW)
49,561
58,223
61,570
63,367
64,053
66,668

36,538
39,622
45,373
47,989
47,142
45,256

Resource
Margin
36%
47%
36%
32%
36%
47%

Capacity Additions in 2013
Figure I.6 shows the total amount of installed capacity by fuel type that was added to the SPP market
in 2013. These additions came from two sources: generation from new Market Participants and the
construction of new generation by the existing members. Most of the capacity increase was small
coal and gas units that were previously behind the meter and are now registered market resources.
New capacity from wind was 648 MW, significantly less than the 3,091 MW additions in 2012. SPP
also had 564 MW of capacity retirement during 2013, most of which was small coal and gas units.
For reporting purposes, capacity additions were counted at the end of the calendar year.
Figure I.6 Capacity Additions by Fuel Type for 2013
Fuel Type
Coal
Gas
Oil
Wind
Other
Total
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Figure I.7 shows the location, fuel type, and relative size of the resources that registered in the
market during 2013. The largest single resource addition (250 MW) was a wind farm in western
Kansas.
Figure I.7 Capacity Additions Detail
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Capacity by Age
Figure I.8 illustrates that, overall, SPP has an aging generation fleet. About 50% of SPP’s fleet is
over 30 years old. In particular, about 80% of coal capacity and 40% of gas capacity are older than
30 years. The national average retirement age of coal-fired generation is 48 years. A number of coal
generation units have been or could be retrofitted with emission controls to comply with EPA
regulations. Investments like this sometimes include efficiency improvements which could
significantly extend the economic useful life of the plants well beyond the normal retirement point.
Figure I.8 SPP Capacity by Age of Resource
40,000

80,000

35,000

70,000

30,000

60,000

MW

25,000

50,000

20,000

40,000
15,000
30,000
10,000
20,000

5,000

10,000

0
GAS

COAL

0 to 30
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C. Electricity Demand and Energy in SPP
The SPP EIS Market is comprised of Market Participants who are responsible for load and/or
resources, but are all served by SPP. One way to evaluate load is to review peak system demand
statistics over an extended period of time. The market footprint can and has changed over time as
participants are added or removed. In the last three years, there have been only minor changes in
SPP’s market footprint. The peak MW value reviewed in this section is described as coincident peak,
representing total dispatch across all balancing authorities that occurred during a particular market
interval. The peak experienced during a particular year or season may be affected by events such as
unusually hot or cold weather in addition to daily and seasonal load patterns.
System Peak Demand
The SPP system coincident peak demand in 2013 was 45,256 MW on August 30, a decrease of
approximately 4% from 2012. Figure I.9 shows a month-by-month comparison of monthly peak day
demand for the last three years. Summer monthly peaks in 2013 were lower than in 2012 but peaks
in the fourth quarter were higher than 2012. SPP load factor in 2013 was 58.2%, an increase from
55.2% in 2012. The load factor increase was driven by both a lower peak demand and a slight
increase in energy.
Figure I.9 Monthly Peak Electric Energy Demand for 2011 – 2013
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Market Participant Demand and Energy for Load
Figure I.10 depicts 2013 total energy consumption, the percent of energy consumption attributable to
a Market Participant, and Market Participants’ peak loads. The largest four participants account for
over half of the total system load, which is expected since SPP is primarily comprised of legacy
vertically-integrated utilities, which tend to be quite large.
Figure I.10 Market Participant Energy Usage
2013 Energy Percent of 2012 Energy
Consumed
System
Consumed
(GWh)
Total
(GWh)
AMERICAN ELECTRIC POWER
43,828
19.0%
43,322
OKLAHOMA GAS AND ELECTRIC
29,965
13.0%
29,685
SOUTHWESTERN PUBLIC SERVICE COMPANY
27,202
11.8%
27,577
WESTAR ENERGY (WAS WESTERN RESOURCES)
24,187
10.5%
24,876
KANSAS CITY POWER AND LIGHT, CO
16,048
7.0%
16,298
THE ENERGY AUTHORITY, NPPD
13,923
6.0%
14,407
OMAHA PUBLIC POWER DISTRICT
12,249
5.3%
12,153
KANSAS CITY POWER & LIGHT GMOC
8,841
3.8%
8,746
WESTERN FARMERS ELECTRIC COOPERATIVE
8,632
3.7%
7,991
GOLDEN SPREAD ELECTRIC COOPERATIVE INC.
5,944
2.6%
5,085
SUNFLOWER ELECTRIC POWER CORPORATION
5,631
2.4%
5,572
EMPIRE DISTRICT ELECTRIC CO., THE
5,306
2.3%
5,219
GRAND RIVER DAM AUTHORITY
4,925
2.1%
4,808
ARKANSAS ELECTRIC COOPERATIVE CORPORATION
3,571
1.5%
3,645
LINCOLN ELECTRIC SYSTEM MARKETING
3,532
1.5%
3,483
THE ENERGY AUTHORITY, CU
3,314
1.4%
3,352
OKLAHOMA MUNICIPAL POWER AUTHORITY
2,529
1.1%
2,656
KANSAS CITY BOARD OF PUBLIC UTILITIES
2,426
1.1%
2,465
KANSAS POWER POOL
2,011
0.9%
2,137
MIDWEST ENERGY INC.
1,547
0.7%
1,545
TENASKA POWER SERVICE CO.
1,125
0.5%
94
MISSOURI JOINT MUNICIPAL ELECTRICAL UTILITY
COMMISSION
1,067
0.5%
CITY OF INDEPENDENCE
1,066
0.5%
1,119
MUNICIPAL ENERGY AGENCY OF NEBRASKA
807
0.3%
761
BASIN ELECTRIC POWER COOPERATIVE
797
0.3%
958
KANSAS MUNICIPAL ENERGY AGENCY
373
0.2%
18
City OF CHANUTE
32
0.0%
System Total
230,879
227,972
Market Participant Name
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19.0%
13.0%
12.1%
10.9%
7.1%
6.3%
5.3%
3.8%
3.5%
2.2%
2.4%
2.3%
2.1%
1.6%
1.5%
1.5%
1.2%
1.1%
0.9%
0.7%
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SPP System Demand and Energy
Figure I.11 shows the monthly system energy consumption numbers. Total SPP system energy
consumption in 2013 increased slightly from 2012. Although summer consumption was not as high
as 2012, the majority of the remaining months had higher load.
Figure I.11 Monthly System Energy Consumption for 2011 – 2013
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Figure I.12 presents the average minimum and maximum daily demand for each month for 2011
through 2013. Minimum and maximum daily peak values for 2013 were both higher than in 2012.
The difference between the minimum and maximum daily demand decreased by 5% from 2012 to
2013.
The highest daily spread between minimum and maximum load was 14,956 MW, which occurred in
August. This is expected because of the high demand during the summer season driven by the daily
cyclical pattern of air conditioning load.
Figure I.12 Daily Minimum and Maximum Electric Energy Demand
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Load Duration Curve
Figure I.13 depicts load duration curves for 2011 to 2013. These load duration curves display hourly
loads from the highest to the lowest for each year. The shape of the curves is typical for a summerpeaking system such as SPP.
In 2013 the total system peak load hour was 45,256 MW and the minimum was 17,729 MW.
Comparing annual load duration curves shows differentiation between cases of extreme loading
events and more general increases in system demand. If only the extremes are higher than the
previous year, short-term loading events are likely the reason. However, if the entire load curve is
higher than the previous year, it indicates that total system demand has increased. Reference
percentage lines indicate a slight increase of load in 2013 for the lower 75% load levels. The one
difference to note is lower peak loads for 2013 compared to 2011 and 2012. This implies a different
weather pattern during the summer peak period which is covered in the next section.
Figure I.13 Electric Load Duration Curve for 2010 – 2012
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Heating and Cooling Degree Days
Heating and cooling end-use demand accounts for 40% of all electrical energy used in the United
States. This explains why changes in weather patterns from year to year have a significant impact on
electricity demand. One way to evaluate this impact is to calculate heating degree days (HDD) and
cooling degree days (CDD). These values can then be used to estimate energy consumption
assuming weather patterns were normal.
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In order to determine HDD and CDD for SPP, five representative locations3 in the SPP market were
chosen to calculate system daily average temperatures 4 . In this report, the base temperature
separating heating and cooling periods is 65 degrees Fahrenheit. If the average temperature of a day
is 75 degrees Fahrenheit, there would be 10 cooling degree days (75-65). If a day’s average
temperature is 50 degrees Fahrenheit, there would be 15 heating degree days (65-50). Using
statistical tools, the estimated load impact of a single CDD was determined to be 3,081 MW
compared to 446 MW for HDD. The impact of a single CDD on load is significantly higher than
HDD as expected because of the higher saturation of electric cooling than electric heating. HDD
values were adjusted to reflect load impact differences.
Figure I.14 illustrates fewer cooling degree days in 2013 than the previous two years and is reflected
in the lower peak load level in 2013.
Figure I.14 Monthly Heating Degree Days and Cooling Degree Days

4,000

30,000

3,500

25,000
3,000
20,000

2,000

15,000

Load (GWh)

Degree Days

2,500

1,500
10,000
1,000
5,000
500

2011
HDD

CDD

Dec

Oct

Nov

Sep

Jul

Aug

Jun

Apr

May

Mar

Jan

2012

Feb

Dec

Oct

Nov

Sep

Jul

Aug

Jun

Apr

May

Mar

Jan

Feb

Dec

Oct

Nov

Sep

Jul

Aug

Jun

Apr

May

Mar

Jan

-

Feb

-

2013
Load Consumption

3

Amarillo TX, Topeka KS, Oklahoma City OK, Tulsa OK and Lincoln NE.
Daily average temperature is calculated as the average of the daily lowest and highest temperatures.
The source of the temperature is NOAA.
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Figure I.15 shows the numbers of HDD, CDD and load levels in 2011, 2012, 2013 compared to a
normal year. Normal temperatures are defined as a 30 year average by National Oceanic and
Atmospheric Administration (NOAA). Normal load was derived from a regression analysis and
normal temperatures.
2013 was a mild summer, resulting in fewer cooling degree days. Summer temperatures in 2013
were close to that of a normal year. However, fall/winter 2013 was colder than normal and had more
heating degree days than the previous two years. Therefore, load in 2013 was lower in summer
months and higher in winter months than a normal year.

Figure I.15 Yearly Degree Days and Loads Compared with a Normal Year
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D. Electricity Supply in SPP
Generation by Fuel Type
An analysis of fuel types utilized in the SPP EIS Market is useful in understanding pricing as well as
the potential impact of environmental and additional regulatory requirements on the SPP system.
Information on fuel types and fleet characteristics is also useful in understanding market dynamics
regarding congestion management, price volatility, and overall market efficiency.
Figure I.16 depicts 2013 generation percentage in the SPP EIS Market by fuel type5. Generation
from gas has decreased from 26% in 2012 to 20% in 2013. The significant increase in gas prices in
2013 was a major factor in the shift away from gas generation. Coal market share increased 2% from
the level in 2012 to 62% of all generation. Wind generation increased from 8% of the total
generation in 2012 to 11% in 2013.
The usual seasonal fluctuations can be identified in the chart below. When loads increase above a
certain level as experienced in the SPP footprint during the summer period, coal units supply a
smaller percent of the higher load. This is because more coal units are running at maximum capacity
thereby unable to increase generation. Gas generation, which is generally at a higher cost than coal,
is then used to meet the balance of the load. This is reflected in the higher gas generation
percentages in the summer months.
Figure I.16 Percent Generation by Fuel Type
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Generation on the Margin
The system marginal price is calculated as the price of the next MW available after the total system
demand was met. The LIP is the system marginal price plus any congestion charges associated with
the pricing node. Figure I.17 illustrates which fuel was on the margin in SPP, thus setting market
prices. For a generator to set the system marginal price, the resource must be: (a) in “available”
status, (b) not at the resource plan minimum or maximum, and (c) not ramp limited.
As highlighted in Figure I.16, generation from coal-fired resources was responsible for about 62% of
all generation in SPP. Because coal resources in the SPP region are predominantly base load units,
they set price less than their overall percent of generation. Also, coal plants have some mechanical
limitations that reduce operation flexibility as compared to other fuel types such as certain gas units.

Figure I.17 Generation on the Margin

Typically, coal is on the margin more often in low load months, while gas is on the margin more
often in high load months. Natural gas units in the SPP region are normally used for load following,
and historically been on the margin more than coal. During 2013, percentage of natural gas on the
margin has decreased by more than 5%, from 53.5% in 2012 to 48.0% in 2013. Lower summer load,
higher wind generation, and higher gas prices are some of the factors causing the decrease. Coal was
on the margin 51% of the time, a significant increase from the 2012 level of 46%. A notable
development in 2013 was that the “Other” category set marginal prices about 1% of the time
comparing to near zero level in previous years. This increase was mainly contributed by wind
resources being in “available” status.
Coal on the margin has been increasing steadily over the last five years from a low of about 30% in
2009 to the current level of over 51%. There are long-term factors driving this change. Firstly,
market participants have increased the flexibility of their coal plant offers reflecting their confidence
SPP 2013 State of the Market Report

29 of 218

28

Southwest Power Pool, Inc.

in the SPP Market. Secondly, the increase in wind generation as a low cost generator is displacing
the highest cost fuel which is natural gas. This intern moves coal up the supply curve increasing the
time coal is on the margin. Wind generation has increased from about 4% of total generation in
2009 to an average of 11% in 2013.
Supply Stack at Peak Hour
The yearly peak load occurred on August 30, 2013 at hour ending 17:00. Figure I.18 compiled offers
from all generation resources online during the peak hour. Online resources in a status other than
“available” or “quick start” were assumed to have an offer of zero. The vertical line represents the
load level in the peak hour. The market price produced by the EIS Market was $45/MWh; the supply
and demand curve in the chart intersects at $31/MWh which reflects the price under the perfect
conditions, such as no congestion in the system, no ramp limitation, no forced outage, and precise
dispatch following.

Figure I.18 Supply Curve by Fuel during the 2013 Peak Hour
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Implied Heat Rate
A useful way of assessing the relative impact of a region’s scarcity pricing is to study the Implied
Heat Rate. The implied heat rate is the ratio of the natural gas price to the system’s electricity price.
If the price of natural gas was $4.50/MMBtu, and the LIP was $40.00/MWh, the implied heat rate
would be (40.00/4.5) = 8.888 MMBtu/MWh (8888 Btu/KWh). This implied heat rate shows the
relative efficiency required of a generator to convert gas to electricity and cover the variable costs of
production, given system prices.
Figure I.19 shows the monthly implied heat rate for 2012 and 2013. The chart shows a general
decrease from 2012. The high summer rates were mainly caused by the fact that electric prices
increase significantly in the summer but gas prices remain stable. Usually the more electric prices
are set by coal generation, the lower the implied heat rate will be. This effect is very strong when
gas and coal price differences are large and diminishes as the two prices approach parity. For
systems like SPP where coal generation sets electric price as often as 47% of the time, this cross fuel
impact on implied heat rate can be significant. The increase in implied heat rate in 2012 shown in the
annual value of Figure I.19 is directly related to very low gas prices. With gas prices back to more
normal level in 2013, implied heat rate values are more in line with historical values.
Figure I.19 Implied Heat Rate
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Generation Interconnection
SPP is responsible for performing engineering studies to determine if the interconnection of new
generation within the SPP footprint is feasible and to identify any transmission development that
would be necessary to facilitate the proposed generation. Types of engineering studies include:
 Feasibility
 Preliminary Interconnection System Impact Study (PISIS)
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Definitive Interconnection System Impact Study (DSIS)
Facility (descriptions provided below)

The MWs of capacity included in the proposed generation interconnection requests necessitating
engineering studies is displayed in Figure I.20. Included in this figure are interconnection
agreements in the process of being created, those under construction, those already completed, and
those in which work has been suspended.
Figure I.20 Generation Interconnection Requests by Category (MW)
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A brief description of the study types and interconnection categories is provided below.
 Feasibility Study Stage – Initial assessment of the practicality and cost involved in adding
generation to the SPP transmission system.
 PISIS – More detailed analysis of the proposed interconnection with cost allocations for
necessary transmission upgrades (if any)
 DISIS - More detailed analysis of the proposed interconnection with cost allocations for
necessary transmission upgrades (if any), and system response modeling with updated
interconnection parameters
 Facility Study Stage – Final analysis of proposed interconnection including detailed cost
planning data, complete analysis of system integration impacts highlighting necessary
upgrades.
 Interconnection Agreement (IA) Pending – The Customer, SPP and the Transmission
Operator are in the process of negotiating aspects of the Generation Interconnection
Agreement
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 Interconnection Agreement Fully Executed/On Schedule – A generation interconnection
agreement has been executed and the construction of the facility as outlined in the
agreement is under way
 Interconnection Agreement Fully Executed/On Suspension - A generation interconnection
agreement has been executed and the construction of the facility as outlined in the
agreement has been suspended
Sorting requests in the generation interconnection queue by fuel type and summing the capacity
yields Figure I.21. As can be seen in the figure, wind accounts for the vast majority of proposed
generation interconnection, over 25,000 MW. Development of wind generation in the SPP region is
going to continue and the proper integration of wind generation is fundamental to maintaining the
reliability of the SPP system. Additional wind impact analysis follows in the next section.
Figure I.21 Generation Interconnection Requests by Fuel Type (MW)
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E. Growing Impact of Wind on SPP System
Wind Capacity and Generation
The SPP region has a high potential for wind generation given wind patterns in many areas of the
footprint. Federal incentives and state renewable portfolio standards are additional factors that have
resulted in significant wind investment in the SPP footprint over the last five years. The wind speed
map below shows an abundance of locations with a high potential for wind development in SPP. In
2012, SPP saw an influx of wind resources due to the expected expiration of that federal tax credits
at the end of the year. However, congress extended the wind energy tax credit in early 2013. With
the restored certainty, SPP continues to see an increase of wind capacity but at a slower pace.
Figure I.22 US Wind Speed Map
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Figure I.23 depicts monthly capacity and total generation from wind facilities for the previous two
years and annual values for the last five years. Total registered wind capacity at the end of 2013 was
8,405 MW, an 8% increase from 2012. Wind generation continues to increase but lags capacity
added because capacity values are based on the resource registration date, which may precede actual
unit startup by several months. Wind generation fluctuates seasonally, where summer is usually the
low wind season and spring and fall are the high wind seasons.
Figure I.23 Wind Capacity and Generation
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Figure I.24 compares the wind capacity factor to load percentiles. Capacity factor is a ratio of the
actual to potential output of generators over a period of time. The potential output is assumed to be
the maximum at full nameplate capacity for the entire time period in question. SPP area is similar to
most US regions in that there is an inverse relationship between wind production and load.
Generally, as load increases wind production decreases. This counter-cyclical pattern results from
wind production patterns where the highest production is during fall and spring periods and during
the night time periods. Both times are when electricity demand is generally low.
The five years shown in the graphic below illustrate the wind to load relationship for the SPP
market. The peak hour values across years vary significantly because the sample size for each year is
only one. All the other periods contain a larger sample size thereby showing a more consistent value
across time. The very different values of 5% for the 2013 peak hour and 25% for 2010 do illustrate
the high variability of wind production.
Figure I.24 Wind Capacity Factor Compared to Load Percentiles 2009 – 2013
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Wind Impact on the System
Wind generation increased from 8% of the total generation in 2012 to 12% in 2013. The highest
level of wind generation, 6,467 MW, occurred in the market footprint on October 10, 2013. Wind as
a percent of load reached a maximum value of 33.4% on April 6. This magnitude of wind is causing
operational issues with regard to managing transmission congestion and resolution of ramp
constraints. Figure I.25 shows the annual average and the hourly maximum wind generation as a
percent of load for the last seven years illustrating a dramatic increase since the start of the EIS
Market in 2007.
In 2013 wind units were the generation source for up to 33% of total load in the EIS Market.
Because of the high volatility and limited controllability of wind generation, levels this high have a
comparable impact on system as all of load. This is because wind is three times more volatile than
load.
Figure I.25 Wind Generation as a Percent of Load

Year
2007
2008
2009
2010
2011
2012
2013

Avg Wind Generation as a
Percent of Load
2.7%
3.6%
4.6%
5.1%
6.5%
8.3%
11.6%
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Figure I.26 shows duration curves which represent wind generation as a percent of load for years
2012 and 2013. The significant shift up in the curve for 2013 shows wind’s increasing contribution
to serving load all year long.

Figure I.26 Duration Curve by Interval - Wind as a Percent of Load
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Wind Integration
There are a number of issues in dealing with substantial wind capacity. One is managing the impact
of production volatility. Wind energy output varies by season and by time of day. This variability is
estimated to be about three times more than load when measured on an hour to hour basis.
Moreover, wind is counter-cyclical to load, as load increases both seasonally and daily wind
production typically declines. All these factors create challenges for grid operators to balance total
generation to total load and to manage congestion.
In 2013 SPP Operations focused on implementing processes and procedures to automate curtailment
of Non-Dispatchable Resources (NDR) for the EIS Market. Substantial effort was also placed on
developing processes and procedures for managing Dispatchable Variable Energy Resources
(DVER) and Non-Dispatchable Variable Energy Resources (NDVER) in the SPP Integrated
Marketplace.
Protocol revisions PRR240/242 were implemented in March 2013 which allowed for a more
systematic approach to curtailment of a subset of NDRs based on impacts and transmission service
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priority. NDRs that have an interconnection agreement executed on or prior to May 21, 2011 and
operated commercially prior to October 15, 2012 were exempt from this curtailment process though
still subject to manual directives. These dates are in line with those used in the Integrated
Marketplace. This implementation provided a more systematic approach to NDR curtailments and
maintaining transmission rights of the resource though it was still not part of the economic solution.
The solution for curtailment of DVERs in the Integrated Marketplace appear to be more effective
though NDVER curtailments (OOME) will still require SPP Operations to make decisions that are
outside the economic solution.
The increase in transmission capability serving wind producing regions starting in 2014 will help
address concerns related to high wind production. This increased capability will directly reduce
localized congestion creating a more integrated system with higher diversity and greater flexibility in
managing high levels of wind production.
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II. EIS Market Performance
A. EIS Market Overview
The SPP EIS Market began operating on February 1, 2007, and settles real-time imbalances between
generation and load. The EIS Market is comprised of participants that have agreed to operate under
the SPP Tariff, Market Protocols, and other governing documents. There are 17 Balancing
Authorities and 48 Market Participants in the Market footprint. A list of all SPP Market Participants
is found at SPP.org>About>Fast Facts>Footprints. Unless otherwise stated, the SPP EIS Market
footprint is the reference area for this report.

B. Market Sales and Purchases
A sale in the EIS Market is made when either a resource generates more than was scheduled, or a
load consumes less than was scheduled. A purchase is made when a resource generates less than was
scheduled or a load consumes more than what was scheduled. Figure II.1 and Figure II.2 show the
total volume of EIS sales and purchases that occurred in the SPP region in 2012 and 2013. These
figures show that Market Participants sold and purchased less MWh in the EIS Market in 2013
compared to 2012. Market Participants sold and purchased approximately 26.6 million MWh in
2013 versus 27.1 million in 2012. An important aspect of pricing information is that the total
magnitude of dollars for purchases and sales is driven by the marginal cost of energy in the SPP
region and the volume of energy, MWh. As the price of energy changes so does the EIS total cost of
energy. Because of this relationship, a change in dollars received by Market Participants may not
reflect any actual increase or decrease in overall market activity, but instead may reflect a change in
the market price in the SPP area.
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During 2013, SPP market participants received approximately $675 million for sales from the EIS
Market and paid approximately $676 million for purchases (Figure II.2). These numbers were higher
than the market settlement values in 2012. Less MWh were sold and purchased in the Market though
more money was settled through the Market. This higher dollar value reflects the higher market
prices in 2013 primarily the results of higher natural gas prices.
Figure II.1 Electricity Sales in the EIS Market by Month for 2012– 2013

Month
Jan
Feb
Mar
Apr
May
Jun
Jul
Aug
Sep
Oct
Nov
Dec
Total

2012
2013
MWh Sold by Market Dollars Received by
MWh Sold by Market Dollars Received by
Participants (in
Market Participants (in Participants (in
Market Participants (in
Millions)
millions)
millions)
millions)
2.22
2.00
2.39
2.12
2.10
2.36
2.58
2.59
2.15
2.04
2.11
2.35
27.02

45.63
42.10
45.87
41.47
45.67
50.03
68.33
64.06
46.62
48.15
48.90
50.25
597.07

2.20
1.83
1.91
2.08
2.12
2.65
2.55
2.60
2.31
1.99
2.03
2.32
26.60

50.34
42.35
49.50
59.51
56.39
65.41
67.74
68.22
56.29
45.45
46.48
67.37
675.05

Figure II.2 Electricity Purchases in the EIS Market by Month for 2012 – 2013

Month
Jan
Feb
Mar
Apr
May
Jun
Jul
Aug
Sep
Oct
Nov
Dec
Total

MWh Purchased by
Market Participants
(in millions)
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2012
2013
Dollars Received by
MWh Purchased by
Dollars Received by
Market Participants (in Market Participants (in Market Participants (in
millions)
millions)
millions)

2.22
2.02
2.41
2.18
2.11
2.37
2.57
2.58
2.12
2.04
2.14
2.35
27.11

46.62
42.61
46.42
41.88
45.32
50.25
68.85
64.30
47.22
46.88
49.23
50.34
599.93

2.18
1.83
1.91
2.10
2.12
2.63
2.54
2.59
2.33
2.01
2.04
2.29
26.57

49.32
42.89
50.38
59.05
57.21
65.14
66.64
66.61
56.65
47.48
47.58
67.05
676.02
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C. Market Prices
Regional Price Comparison
A useful measure of basic market competitiveness is the comparison of prices between SPP and its
neighboring regions. If prices in neighboring regions are generally in line with prices in the SPP
region, then basic market operations are yielding similar results. It is not realistic to expect prices to
be identical across the regions, as market structures vary, resource fleet technologies and fuel mixes
are different, and fuel supply costs are dissimilar. For this review, SPP prices are compared to prices
in the MISO and the ERCOT, the two electric wholesale markets adjacent to SPP.
Figure II.3 shows 2013 monthly and yearly system average prices for SPP, MISO and ERCOT. In
general, the SPP monthly system prices were lower than other regions 6 for the last three years. Some
of the drivers for the low EIS Market prices include relative proximity to inexpensive Powder River
Basin coal, substantial low cost capacity consisting of coal, wind, and nuclear, and a high reserve
margin.
Figure II.3 Regional Monthly and Yearly Prices Comparison
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Another useful means of comparing prices across regions is to review overall price stability. The
volatility shown in Figure II.4 represents the average volatility for the system-wide hourly prices.
The volatility is calculated by dividing the standard deviation of hourly regional prices by the mean

6

SPP market prices don’t include the loss component while MISO and ERCOT do.
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of the hourly regional prices, which yields the coefficient of variation. This value represents the
relative movement of prices across time. If volatility is high, prices tend to spread out across the
ranges. If volatility is low, prices tend to concentrate near the system average, or near the mean of
the price distribution curve. Volatilities in MISO and ERCOT have decreased in 2013 from 2012,
while SPP volatility has increased slightly. However, the magnitude of volatility in SPP is still
significantly lower than the other two markets.
Figure II.4 Regional Electricity Price Volatility Comparison for 2009 – 2013
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Electric and Natural Gas Price Comparison
Figure II.5 shows the monthly average price for natural gas sold at the Panhandle Eastern gas price
hub and the SPP monthly average price for 2012-2013. Gas prices are closely correlated with
average system prices in the SPP region. This is to be expected since gas units are often the
marginal resource that set the market price. In 2013, gas prices fluctuated in a range from a low of
$3.23 per MMBtu in August to a high of $4.19 per MMBtu in December. The average annual price
of gas increased from $2.63 in 2012 to $3.57 in 2013, a change of 36%.
Electric prices follow a similar patter but change only about half as much as natural gas prices. This
can be seen in both the monthly and the annual numbers. The relationship between gas prices and
electric prices is driven by what fuel type generation is on the margin and there by setting electric
market price. In 2013 gas was on the margin about 50% of the time, as discussed above. Coal
prices are relatively stable compared to gas price there by moderating the volatility of electric prices
because coal plants are setting market price about half the time.
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Price Duration Curve
A final look at system prices is illustrated in Figure II.6, a price duration curve arranging all hourly
prices for each year from the highest to the lowest. There were 27 hours in 2011 with market prices
over $100/MWh. The number dropped to 8 hours in 2012 and increased slightly to 12 hours in 2013.
The entire price duration curve in 2013 is higher than that of 2012, indicating an overall prices
increase. This was primarily driven by the higher natural gas prices in 2013. The highest system
average hourly price in 2013 was $196, about the same as that experienced in 2012 at $195, but less
than the $378 price experienced in 2011. These relatively low peak prices and limited hours above
$100 illustrate minimal scarcity events over the last three years.

Figure II.6 Annual Price Duration Curve – 2011 through 2013
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Market Participant Price Comparisons
While pricing comparisons between SPP and its neighboring regions show the relative consistency
of the regional markets, it does not represent price volatility experienced by individual participants
within the region. To better understand the intricacies of price changes across the SPP region, it is
necessary to illustrate price variances at the individual Market Participant level. The remaining
metrics in this section provide the analytic framework to review this issue.
Figure II.7 illustrates annual average prices for SPP’s Load Serving Entities using load weighted
settlement prices. The prices in 2013 for all Load Serving Entities were higher than that experienced
in 2012. In 2013, the Southwestern Public Service (SPS) area experienced the highest average prices
of $28.6/MWh, while the Sunflower Electric Power (SECI) area experienced the lowest average
prices of $22.3/MWh. Prices for these two participants represent the SPP region’s extremes for
2013. The driver of the relative price differences is congestion costs applied to Market Participants’
respective areas. With SPS and SECI being adjacent to each other and experiencing the two pricing
extremes is illustrative of the intensity of the congestion in that region of the SPP market.
Figure II.7 Average Annual Price by Market Participant
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Price Volatility
The previous section discussion of Market Participants average prices provided a high level
assessment of price conformity. Another useful perspective is to review price volatility for
individual participants. Figure II.8 delineates Market Participants’ volatility using load settlement
prices. High levels of volatility present long-run problems and may discourage open participation in
the SPP EIS Market.
The majority of the Market Participants experienced a small increase in price volatility for 2013
mostly driven by higher energy price, which raised the dollar impact of congestion. Other factors
include transmission outages, new transmission investments, and the increase in wind generation.
The regions with the highest volatility continue to be Nebraska and western Kansas.
Figure II.8 Annual Price Volatility by Market Participant
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Re-pricing in EIS Market
Interval prices from the Market Operations System may be revised if there is a software problem or a
data input error. There were very few hours of significant correction in 2013 as was the case in
previous years. The most significant re-priced event was on 6/26/2013, which accounted for about
30% of the yearly total impact. This incident was caused by a Market Participant’s ICCP link that
lead to a total loss of SCADA and backup SCADA with this Market Participant. The incident
caused a change in the EIS deployment resulting in a breached flowgate state significantly effecting
market prices.
Figure II.9 details the percentage of hours per year that were re-priced in 2009-2013. Approximately
3% of all hours were re-priced in 2013, a decrease from 4.6% in 2012. Although the number of the
re-priced hours decreased, the dollar value increased. In 2013, only 0.2% of EIS Market settlement
value was changed as a result of re-pricing. This continued low level of re-pricing indicates a high
level of price certainty, which is an important aspect of an efficient and effective market.

Figure II.9 Percent of Re-priced Hours and Dollar Impact

Number of
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Annual
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456
295
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408
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2013 Price Contour Map
A final look at prices is provided in Figure II.10 and Figure II.11, price contour maps for 2012 and
2013 respectively. Calculations for these graphics were derived by averaging prices at each pricing
node for the year. Blue areas indicate relatively low annual average prices and the yellow to red
shades indicate higher prices.
Comparing 2012 and 2013 maps indicate that Nebraska prices are starting to converge with the
balance of the market. The distinct price divergence at the Kansas/Nebraska state line is not present
in the 2013 map. The graphics also show an increase in congestion in the Kansas City area and in
the Texas Panhandle area. The new pattern is likely caused by several factors: new transmission
investments, higher gas prices, increased wind generation to highlight a few, and changes in external
impacts on the Kansas City - Omaha corridor. These issues are discussed in more detail in the
congestion section of this report.
Several existing patterns continued in 2013. Western Kansas, western Oklahoma and the northern
part of the Texas Panhandle had the lowest prices due to abundant wind generation and limited
export capability. The southern part of the Texas Panhandle had the highest prices in the footprint
because of limited import capability.
Figure II.10 Price Contour Map for 2012
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Figure II.11 Price Contour Map for 2013
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D. Revenue Neutrality Uplift
SPP is required by its tariff to remain revenue neutral in the markets it operates. The total dollars
paid to Market Participants for a given hour must equal the amount collected from Market
Participants. Market conditions may result in instances in which there is a difference between net
values either paid or collected by SPP. When this occurs, SPP must either uplift the deficiency to all
Market Participants or distribute the over-collection back to Market Participants by including an
adder in the hourly settlement price.
There are five components to Revenue Neutrality Uplift (RNU):
(a) Energy Imbalance Service (EIS) payments,
(b) Self-provided losses (SP loss),
(c) Over-scheduling charges (O/S),
(d) Under-scheduling charges (U/S), and
(e) Uninstructed deviation charges (UD).
Positive numerical results represent an over-collection by SPP and a payment to Market Participants.
Negative numerical results represent an under-collection by SPP and require a payment to SPP from
Market Participants. EIS results may be either positive or negative; SPP may either under or over
collect depending on market results. Self-provided losses may also be positive or negative,
depending on the nature of the market solution. Over-scheduling charges, under-scheduling charges,
and uninstructed deviation charges are always paid by Market Participants, which means they will
always be negative as can be seen in the chart below, Figure II.12.
EIS payments are calculated as EIS volume in MWh multiplied by the appropriate price at the
settlement location (LIP). EIS volume is the difference between the metered MW value and the
scheduled MW value. The LIP used is the appropriate settlement location LIP. For a given operating
hour, the EIS component is the net of all sales and purchases. If SPP collects less revenue from
Market Participants than it paid out, the EIS component of RNU is positive. Positive RNU is an
indicator that SPP has a revenue shortfall and must collect additional revenue from Market
Participants to remain revenue neutral. If SPP collects more revenue than it paid, the EIS component
of RNU is negative and SPP has a surplus, which must be distributed back to Market Participants in
order to remain revenue neutral.
Transmission losses are a reality of the electrical grid and must be accounted for when considering
power flows throughout the SPP region. Losses associated with transactions wholly within the SPP
region are already accounted for using the SPP EIS Market. Losses associated with transactions that
source from a non-SPP region and sink into SPP are also accounted for using the SPP EIS Market.
Losses from transactions that source or sink outside of SPP are accounted for using an alternate
method to the SPP EIS Market.
There are two ways Market Participants may handle losses for the aforementioned transactions. They
may settle these losses financially, or they may self-provide the loss amount. Financial settlement of
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losses requires the Market Participant to pay for all loss costs associated with the transaction. If a
Market Participant chooses to self-provide for its losses, the Market Participant assigns a Designated
Balancing Authority, which is billed the loss amount times the LIP. The Transmission Owners are
then compensated for the loss costs as a result of the transaction based on their LIP prices and the
Transmission Owner Loss Matrix (posted on the Open Access Same-time Information System). If
these amounts are not equal, RNU is necessary for SPP to remain revenue neutral.
Over scheduling happens when a Market Participant schedules more load than actually occurs in its
area in an attempt to profit from price differentials between its resource and load LIP values. Under
scheduling happens when a Market Participant schedules less load than actually occurs to profit from
price differentials between its load and resource LIP values. To mitigate under scheduling, SPP’s
market software looks for instances in which a Market Participant’s actual load exceeds its
scheduled load by 4% or 2 MW, whichever is greater. Additionally, the Market Participant must
have a LIP value at its load settlement location that is less than the LIP value at its generators. If
these conditions are met, the software automatically calculates the total amount to be disgorged from
the Market Participant. The over scheduling logic works in much the same way. If the Market
Participant’s actual load is greater than the scheduled load by 4% or 2 MW, whichever is greater,
and LIP at the generators is less than LIP at the load, the Market Participant is subject to
disgorgement of any undue revenue.
The Over and Under Scheduling charges outlined above were established to automatically mitigate
instances of either over or under scheduling. These charges are levied against the Market
Participants meeting the listed criteria and are distributed to all Market Participants according to the
established RNU procedures. Under and over scheduling penalties are shown in the following RNU
table as negative values because they are penalties levied against Market Participants and require
payment from the same.
Uninstructed Deviation (UD) is the difference between a Market Participant resource’s dispatch
instruction and actual output for a given interval. Market Participants are expected to operate their
resources within an allowable tolerance range. Deviation from this range can cause adverse market
impacts, as the market must adjust to resources not being where they were instructed.
The tolerance range for a resource is set at 10% above and below the dispatch instruction, limited to
a lower limit of 5 MW, and an upper limit of 25 MW. Up and Down Regulation is then added to the
tolerance range to determine a total allowable deviation range for the resource.
Deviation outside the total allowable deviation range is charged against the Market Participant. If the
deviation is between zero and 25 MW, the charge is (MW deviation amount * LIP * 10%). If the
deviation is greater than 25 MW, the charge is the sum of the previous calculation for 25 MW plus
(deviation in excess of 25 MW * LIP * 25%). The absolute value of the interval deviation as
calculated previously is then averaged across the hour for each resource. This yields the hourly
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uninstructed deviation total. Uninstructed deviation charges are levied against Market Participants
and represent a payment required from the participant to SPP in the RNU chart.
RNU Results
Figure II.12 shows the RNU values for each month in 2012 and 2013 by component. The EIS
component of RNU represents approximately 80% of total RNU for 2013. Positive RNU results in
SPP applying an uplift procedure to collect additional dollars to remain revenue neutral. Negative
RNU results in SPP distributing excess revenue back to Market Participants.
Figure II.12 includes both the net and absolute value of the RNU. For net RNU, positive uplift in a
given hour may offset negative uplift from a different hour resulting in the “netting out” of hourly
impacts for the monthly total. The net RNU shows a decreasing trend in 2013. The absolute RNU
shows the total magnitude of all RNU charges that occurred during the month. During 2012 and
2013, monthly absolute RNU fluctuated in a four million dollar range. The exception appears to be
December when the absolute RNU increased to about five million dollars. This may be the result of
unusually cold weather.

Figure II.12 Components of RNU by Month for 2011 and 2012
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All-in Price
Figure II.13 shows the all-in price by month for 2012 and 2013. The all-in price is the load-weighted
SPP average price adjusted for net RNU. The net RNU adjustment is the total RNU divided by total
EIS MWh. The largest negative RNU adjustment was -1.1/MWh in October 2013, an approximately
4.7% adjustment to the system average price. The magnitude of RNU adjustments is relatively low
and consistent with what would be expected for an effective market.
Figure II.13 All-In Price by Month for 2012 and 2013
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E. Revenue Adequacy
An important concept behind the wholesale electric market is the notion that it provides economic
signals to encourage long term investments when existing resources are insufficient to meet system
demand. This section focuses on full cost recovery for three technology types: scrubbed coal,
advanced gas combined cycle, and advanced combustion turbine, which represent the most common
generation capacity in the SPP region. “Net Revenue” calculation was used in this analysis to
evaluate whether market prices support new generator construction. If the Net Revenue is higher
than the Annual Revenue Requirement the investment would be deemed profitable.
Critical to the theory of full cost recovery is the baseline selection mechanism which determines the
investment cost of new generation. To reduce the complexity of the process, several simplifying
assumptions were made and where possible, data from the Electricity Market Module published by
the Energy Information Administration7 was used. Key assumptions from the Electricity Market
Module can be found in Figure II.14.
Figure II.14 Key Assumptions in Revenue Adequacy Formulation
Descriptor

Scrubbed Coal

Advanced Gas/Oil
Combined cycle

Advanced
Combustion Turbine

Size (MW)
Total Overnight Cost ($/kW)
Variable O & M ($/MWh)
Fixed O & M ($/kW-yr)
Heat rate (Btu/kWhr)

1,300
2,844
4.25
29.67
8,800

400
1,003
3.11
14.62
6,430

210
666
9.87
6.70
9,750

Figure II.15 shows the net revenue requirement and the potential revenue the SPP market would
provide for the representative set of new generation facilities. The differences between the net
revenue requirement and the annual market revenue determine if an investment in a new generating
facility is plausible. The annual revenue requirement includes an assumed 10% return on equity.
Among the three generator types, only scrubbed coal shows the potential to fully recover costs for
new investments given SPP system marginal prices in 2013. The revenue of an advanced gas/oil
combined cycle and advanced combustion turbine units both fell short of the annual revenue
requirement. However, this does not mean there is no rationale for investment in new combined
cycle or combustion power plants. Regulatory requirements, reliability demands, shifts in generation
technology emphasis, and loading patterns may require new generation investments. What may be

7

”Assumptions to the Annual Energy Outlook 2013”---Electricity Market Module
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inferred is that generation additions from independent entrants based purely on economic incentives
may not be warranted at this time for these two technologies.
Figure II.15 Revenue Adequacy Results
Marginal Cost Net Revenue from Annual Revenue
Able to Recover
($/MWh) SPP Market ($/Year)
Requirement
Scrubbed Coal
9.53
188,073,249
177,992,100
Yes
Adv Gas/Oil Combined Cycle
26.07
11,547,104
21,143,467
No
Adv Combustion Turbine
44.68
592,258
6,675,900
No
Technology

Some SPP Market Participants experienced higher prices than others due to localized congestion.
Prices for specific Market Participants were used to calculate revenue adequacy values to determine
if congestion changed the results. Figure II.16 summarizes the revenue adequacy results for those
Market Participants. Full recovery for advanced gas/oil combined cycle and advanced combustion
turbine generation were not possible for any Market Participants. Prices for several Market
Participants were high enough to generate needed revenue to cover the cost of a scrubbed coal
generation investment.
Figure II.16 Revenue Adequacy Results for Select Market Participants

Selected Participant

Scrubbed
Coal

AEP
KCPL
NPPD
OGE
SPS
WR

185,517,293

174,226,312
175,291,077
185,401,255
204,413,157
168,848,498
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Net Revenue from SPP Market ($/Year)
Adv Gas/Oil
Adv
Able to
Able to
Able to
Combined
Combustion
Recover
Recover
Recover
Cycle
Turbine
Yes
11,088,967
No
618,136
No
No
9,817,172
No
531,000
No
No
13,185,150
No
1,611,722
No
Yes
14,879,415
No
536,060
No
Yes
15,019,099
No
713,248
No
No
8,253,526
No
430,512
No
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F. Imports & Exports
Figure II.17 examines the amount of time, on an hourly basis, that SPP was either a net exporter or
net importer. SPP was a net exporter over 90% of the time in 2013, the highest level in the last five
years. The pattern shown in the chart below is typical for SPP market with net exports decreasing in
summer time.
Figure II.17 Net Import and Export Interval Percentage
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Figure II.18 is a load duration curve divided in quartiles with net exporter and importer percentages
superimposed on the chart. During the highest 10% of load, SPP was a net importer 57% of the time,
compared to 92% in 2012. As we discussed before, summer load in 2013 was lower than 2012. The
lower the load, the less time that SPP was likely to be a net importer. As load level decreased, SPP
exporting time increased. During the lowest 75% of the load, SPP was a net exporter 95% of the
time.
Figure II.18 Imports and Exports Trend for 2013
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The magnitude of net imports and exports is shown in figure II.19. The highest daily average net
export was 1,986 MWh while the highest daily average net import was 716 MWh.
Figure II.19 Daily Average NSI for 2013
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G. Market Participation
Settling imbalances in the EIS Market is mandatory and automatic. However, the level of
participation in the SPP EIS Market is voluntary. Market Participants individually decide how to
best manage their resources through appropriate scheduling, resource offers, and resource control
parameters. Specifically, Market Participants may modify the control parameters of their resources
by changing any or all of the following: dispatchable range, resource minimums, resource
maximums, ramp rates, price offers, resource status, etc. Market Participants also engage with the
market as they set schedules to manage price risk. The following charts and descriptions depict some
key components of the resource parameters.
Dispatchable Range
Dispatchable range is a measure of the difference between the economic minimum and maximum for
a resource. If a unit has a 500 MW maximum and a 100 MW minimum output level, the dispatchable
range is 400 MW. If a resource is allocated Spinning or Up/Down Regulation service, the total
dispatchable range would be decreased by the amount of the service. Limiting the dispatchable range
of resources diminishes the EIS Market benefits generally and reduces market value to the specific
resource. Reduced dispatchable range also increases incidences of extreme pricing events because
the market would not be able to respond to the sudden market condition changes.
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Figure II.20 represents the monthly dispatchable range of available resources for 2012 and 2013 as
well as annual values for the last six years. There was a noticeable upward trend in the total
dispatchable range available to the SPP system in the last three years. Dispatchable range was at the
highest in 2013 since the market start. This upward trend is a positive development and a significant
contribution to a more flexible and efficient market.
Figure II.20 Dispatchable Range of Available Resources
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Ramp Rates
Ramp rates play a key role in EIS Market operations because they establish how quickly units can
respond to changes in load and address congestion problems. As load increases or decreases, units
must move accordingly to maintain the proper balance between supply and demand. Also, when
flowgates are fully loaded or overloaded, units must be re-dispatched to prevent damage to
transmission assets. If ramp rates are too low, the market cannot respond quickly enough to manage
system changes and ramp deficiencies will occur. Deficiencies result in price spikes and increase
overall price volatility.
Figure II.21 shows the monthly and yearly number of intervals with a ramp deficiency. Up ramp
deficiency intervals and down ramp deficiency intervals both increased slightly in 2013. The highest
number of up-ramp deficiencies occurred in April. The highest number of down-ramp deficiencies
occurred in June. Variability of load and wind output, generation outages, and import and export
changes contributed to these deficiency intervals. The annual graph shows the number of ramp
deficiencies overall to be down dramatically since the start of the market.
Figure II.21 Ramp Deficiency Intervals
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Ramp and Capacity
A composite view of ramp in the SPP EIS Market can be seen in Figure II.22, which shows ramp
available to the system as normalized by available capacity. The normalized system ramp decreased
slightly in 2013, but was still significantly higher than the early years of the EIS market. The cyclical
nature of available ramp is shown in the monthly values. Available ramp is usually highest in
summer because more gas units are on line to meet summer peak requirements and this capacity
generally has a higher ramping.
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Figure II.22 Ramp and Average Online Capacity
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Resource Utilization by Status
A Market Participant can modify the manner in which a resource functions in the market by
selecting a specific status type. Available is the only status type which allows the market to fully
utilize a resource by changing the resource output and allowing it to set system price. Available
status units are essential to the market in that these units are used to resolve congestion and alleviate
other operational constraints. Available units are also central to achieving least cost market dispatch
solutions. Resources using a status other than Available cannot be directed to move by the market
system. Other status types include: Manual, Self-scheduled, Unavailable, and Supplemental.




Manual status was discontinued in late February 2011 and replaced with the following
options: Exigent Conditions, Intermittent, Qualifying Facility, Quick Start, Shut Down, Start
Up and Testing. Resources in these statuses cannot set price and are dispatched to the last
known output level.
Self-scheduled resources are dispatched according to their sum of schedules for that resource.
Market Participants essentially pre-determine an output level, regardless of overall market
conditions. Dispatch levels for these resources can be changed by the RTO Reliability desk
through the TLR schedule curtailment process.
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Unavailable status indicates the resource is offline and not available for use by either the
market or the Market Participant.
Supplemental status indicates the resource is offline but available to come online within ten
minutes.

Figure II.23 illustrates generation from resources operating in various status types. Generation from
market available resources was down slightly from 80% in 2012 level to about 77% in 2013. The use
of manual statuses, startup, shutdown, and testing, and self-scheduled continue to be low. The use of
intermittent status has increased dramatically from the beginning of the market and was the only
status to increase in 2013, from 8.6% in 2012 to 11.5%.
Figure II.23 Generation by Status Type
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H. Market Competitiveness Assessment
Herfindahl-Hirschman Index for Market Participant Capacity
Herfindahl-Hirschman Index (HHI) is a common measure of competitiveness used to identify
relative levels of market concentration. The U.S. Department of Justice is a predominant user of the
HHI as part of its approval process for mergers or acquisitions. A market with a HHI at or under
1,000 is traditionally considered to be competitive and/or un-concentrated. A HHI between 1,000
and 1,800 indicates moderate concentration and raising some concerns but can be reasonably
competitive. A HHI over 1,800 is said to indicate a highly concentrated market and is unlikely to be
competitive. In the case of electric markets, a higher level of 2,500 is accepted as an upper threshold
level.
The system wide HHI analysis discussed in this section is only relevant when the market is
uncongested. When there is congestion in the market, limited transmission capacity restricts
competition resulting in significant localized market power.
Figure II.24 shows the HHI for 2009-2013 calculated from total generation capacity shares. The HHI
has declined as more Market Participants have been added to the EIS Market footprint. HHI values
at this level indicate that no individual Market Participant can dominate the market and that the
overall market is competitive. This does not preclude the possibility of localized market power
concerns, but does indicate that an individual participant is unlikely to successfully manipulate the
system by withholding capacity under non-congested conditions.
Figure II.24 HHI Market Participant Capacity
Herfindahl-Hirschman Index
2009
970
2010
954
2011
916
2012
858
2013
797
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Herfindahl-Hirschman Index for Uncommitted Capacity
Figure II.25 shows the HHI for 2009-2013 for uncommitted capacity by Market Participants.
Uncommitted capacity is calculated as the installed capacity at the summer peak plus market
participant’s net purchase minus the maximum load obligation. In the case of an independent power
producer, the entire capacity is considered uncommitted. As can be seen in the figure, the HHI
values generally trend downward across time as more participants join the EIS Market. The HHI in
2013 was similar to that of 2012. As with the HHI results for Market Participant capacity, the HHI
for Uncommitted Capacity suggests that an individual Market Participant is unlikely to successfully
manipulate the system.
Figure II.25 HHI Uncommitted Capacity
Herfindahl-Hirschman Index
2009
883
2010
810
2011
674
2012
680
2013
684

The Market Participant Capacity and Uncommitted Capacity calculations of the HHI yield similar
results. HHI values since the start of the EIS market have been close to or under the 1,000 threshold
indicating a very competitive market under non congested conditions.
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Wholesale Uncommitted Capacity
The wholesale market capacity metric is a measurement of the uncommitted capacity in the market
held by each market participant. FERC uses this measure as one of the screens for Market Based
Rates authorization. If a market participant has control of less than 20% of the total uncommitted
capacity, then they pass this market power test.
The uncommitted capacity is the market capacity remaining after subtracting any capacity that is
committed to serving contracted load. For the purposes of this calculation contracted load is defined
as that serving franchise load obligations. Firm sales to other parties are normally included in this
calculation but not included here because this information is not readily available. Figure II.26,
Uncommitted Capacity Market Shares in 2013, clearly highlights the limited impact attributable to
individual market participants. Moreover, as no individual market participant exceeds the 20%
threshold of uncommitted capacity, the likelihood of successful market power manipulation was low.
Figure II.26 Uncommitted Capacity Market Shares 2013
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I. Market Power Monitoring and Mitigation
The MMU is directly charged by FERC with monitoring and reporting three types of potential
market power abuse occurrences: Economic Withholding, Physical Withholding and Uneconomic
Overproduction. The MMU monitors the impact of the mitigation system to detect possible market
behavior issues and also conducts monitoring through the development and implementation of
screening procedures and market behavior analysis tools that search out potential market power
abuse. Given the result of active monitoring for market power abuse and the minimal impact on
prices by the offer cap system as discussed below, there is little evidence market power abuse is a
problem in the SPP EIS Market.
Economic Withholding
Economic withholding is defined as actions taken by a seller that maintains prices above competitive
levels through the systematic reduction of output by providing offers above marginal cost. An entity
exercising withholding experiences a reduction in sales but higher profits from inflated market
prices. Economic withholding is addressing in the SPP EIS Market through active intervention in
market through an offer cap system and by daily monitoring by the MMU.
The SPP offer cap is an automated system in which offers are capped when a set of conditions are
met. The specific conditions are:
(a) Congestion is present in the system,
(b) Resources are in a position to wield potential market power as measured by their Generator to
Load Distribution Factor being greater in magnitude than 5%
(c) Capping of a specific resource results in the capping of all affiliated resource
A second type of offer cap required by FERC establishes an absolute maximum offer regardless of
market conditions. This limits the value of submitted offers and often referred to as the “safety net
cap”. The current value is $1,000 for this cap. Neither the safety net cap nor SPP offer caps limit the
price any market participant may receive. Prices are set through the use of the System Pricing and
Dispatch model, which may yield prices greater than any individual capped offer.
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Figure II.27 shows when the SPP offer cap was in effect and how often the cap actually affected
prices for the previous three years. The SPP offer cap impacts prices when:
1) An offer is greater than the SPP offer cap,
2) The LIP is greater than the SPP offer cap,
3) The LIP is less than the original offer, and
4) There is a non-zero imbalance volume (EIS energy was sold/bought at the LIP)
Without all four conditions present, EIS prices are not affected. Figure II.26 indicates the SPP offer
caps rarely affected prices, only one month in 2013.
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Figure II.27 Effect of SPP Offer Caps in 2011 – 2013
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The System Marginal Prices and corresponding LIPs are derived from the offer curves submitted by
the Market Participants. Because these offer curves are the principal drivers of overall system prices,
it is necessary to carefully monitor participant offers to identify the outliers and mitigate potentially
abusive offer submissions. The principal concern is that a Market Participant may submit offers that
are substantially higher than what is appropriate, causing the market clearing price to increase above
what is warranted. The EIS Market employs an “offer cap” to mitigate potential Economic
Withholding. The RTO is responsible for managing the offer cap systems to mitigate potential
Economic Withholding.
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Physical Withholding
The most common form of physical withholding is to falsely declare generation outages. Generation
outages typically fall into two categories, forced and planned. Forced outages occur when a
generator is unable to function at full capacity due to an unforeseen circumstance, or it has otherwise
been rendered inoperative. Planned outages occur when the owner schedules and SPP approves a
generator or associated facility to be out for maintenance.
Figure II.28 shows monthly forced and planned generation outage rates for the past two years. Also
included is the yearly average planned and forced outage rate. Outage rate is the percentage of the
capacity that is in an outage compared to the total market capacity. Only full outages are included in
the calculation.
Outages typically follow a seasonal pattern, with increased planned outages in spring and fall and
increased forced outages during summer and winter peaks. Forced outages increase along with the
increased utilization of units during high demand summer and winter peak periods as would be
expected.
The annual outage rate based on records from the outage reporting tool decreased in 2013 over 2012.
We didn’t include numbers from earlier years because SPP implemented a new outage reporting tool
(Control Room Operation’s Window) in late 2011. Only outage numbers in 2012 and 2013 are from
the same database and therefore directly comparable. The most noticeable change was that the
summer time planned outage rates in 2013 were much lower than in 2012, 3.8% compare to 7.8%.
Overall, the SPP market generation outage rate was at a reasonable level comparing with other
Markets.
Figure II.28 Generation Outages Rate by Status
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Uneconomic Production
Uneconomic production refers to resources that are producing power when its cost of production is
higher than the market price. This is considered a problem when two additional conditions are met.
First, the unit is not ramp limited or at minimum capacity. Second, there is congestion affecting the
resource. Cases of interest are when Market Participants lose money on the exporting side of the
congestion while collecting unreasonable profits on the importing side. Units in either Available or
Self-Schedule status could potentially cause problems by creating or increasing congestion which in
turn causes price distortions. Other types of conduct identified and monitored include:
 Higher than normal Resource minimums
 Unusually low downward ramp rate offers
 Offers below expected true marginal cost
In 2013 there were a small number of periods when uneconomically production was identified. Each
case was evaluated and all issues were resolved.

Behavior Studies
The MMU conducted numerous behavior studies and inquiries during 2013. The areas covered were
physical withholding, economic withholding, uneconomic overproduction, operation efficiency,
wind generation impact, transmission reservation and scheduling practice, as well as other
miscellaneous cases.
Some studies raised market power concerns; some studies revealed questionable market behaviors;
some studies indicated new market trends; others exposed inefficient operation guidelines and
market rules. MMU shared these findings and results when appropriate and relevant with FERC, the
SPP Board of Directors, Market Working Group, relevant RTO staff, Market Participants, and other
interested stakeholders.
Given the result of this analysis and continuous review of other market power screens, there is little
evidence of any market power abuse in the SPP EIS Market.
J. Production Benefit Estimates
An estimate of production benefits for the EIS Market shows savings increased from $167 million in
2012 to $182 million in 2013. Factors accounting for this increase were higher natural gas and
electricity prices and Market Participants’ continued increase in EIS Market participation. These
results indicate the market is efficient and providing effective price signals.
Figure II.29 illustrates benefits by fuel type and primary mover technology. Net Revenue is defined
as benefits to low cost generation resulting from market imbalance times the difference between
marginal cost and LIP. When imbalance is positive (selling) net revenue is positive and when
imbalance is negative (buying) net revenue is negative. Net Savings is defined as benefits to high
cost generation resulting from imbalance times the difference between marginal cost and LIP. When
imbalance is negative (buying) net savings are positive and when imbalance is positive (selling) net
savings are negative.
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Benefits to coal plant asset owners increased in 2013 because of the increasing differential between
coal and gas prices. This shows up as higher net revenue, about 37% higher than estimated for 2012.
Gas asset owner benefits increased about $14 million with the increase evenly distributed in the net
savings for simple cycle units and combined cycle units. Benefits accruing to wind assets decreased
slightly due to increased wind scheduling8 despite increases in the volume of generation and electric
prices.
Figure II.29 Production Benefits for 2013
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EIS Market Performance Conclusion
All indications are that the SPP market was competitive and efficient in 2013. Broad metrics like
HHI indicate the EIS Market was un-concentrated. Larger dispatchable range and fewer planned
outages during summer time enhanced market efficiency. Market benefits have increased
significantly in 2013. The offer cap impact metric showing that the offer cap system had virtually no
impact on prices is another indication of a very competitive market. Time periods and regions
experiencing congestion were none-the-less monitored closely for localized market power through
Economic Withholding, Physical Withholding and Uneconomic Overproduction screens followed by
behaviors studies and investigations.

8

According to the formula used to calculate production benefits, higher level of scheduling
decreases EIS benefits.
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III. Energy Delivery
A. Transmission System
Transmission System Characteristics
Six primary transmission voltages are used in the SPP region: 69 kV, 115 kV, 138 kV, 161 kV, 230
kV, and 345 kV. Transmission owners in the SPP region use differing voltage levels as the backbone
of their respective systems. 345 kV is the predominant voltage for much of SPP’s eastern portion.
230 kV is the backbone voltage in much of the western part of the region, most notably in the
Southwestern Public Service area. Regardless of the voltage, most of the SPP region uses the 69 kV
as the cutoff for step-down between transmission and distribution systems. Figure III.1 shows the
major transmission elements in the SPP region.

Figure III.1 Major Transmission System Elements in the SPP Region
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Transmission project developers in the SPP region continue to make progress in constructing
substantial transmission lines and other infrastructure. Projects close to completion that hold the
most promise of relieving congestion in the SPP market are as follow:
 Tuco to Woodward 345 KV line has an expected in-service date of June 2014. This project
will provide import capability to the highly congested load area in the southwest area of the
market that has experienced high prices. This project will also providing export capacity to
the congested generation area in the Southwest Kansas – Oklahoma – Texas Panhandle
region that has experienced low prices. This region has been the most congested area in the
SPP footprint for most of the last five to six years.
 Spearville to Thistle to Woodward set of 345 KV lines has an expected in-service date of
December 2014. These lines will also serve the generation pocket of Southwest Kansas –
Oklahoma – Texas Panhandle area helping to address the limited export capacity for
generation in this area.
 Iatan to Nashua 345 KV line has an expected in-service date of June 2015. This project will
help alleviate congestion in the Kansas City area.
Inter-grid Connection Points
In addition to the alternating current grid, there are six direct current (DC) ties with other
interconnections. These DC ties serve as interconnection points to other grids by converting power
through AC-DC-AC interfaces. Two unique characteristics of this type of interface are its
controllability and stability. Energy transfers are known, easily identifiable, and tightly controlled. A
list of the DC ties is provided in Figure III.2.
Two of the DC ties connect the SPP region with the ERCOT area: ERCOT East and ERCOT North.
Four DC ties connect the SPP region to the Western Electricity Coordinating Council area: Lamar,
Eddy County, Blackwater, and Sidney. Tie capability is also depicted in Figure III.2.
Figure III.2 DC Tie Transmission Capability
DC Tie Name Transmission Capability (MW)
ERCOT East
600
ERCOT North
210
Lamar
210
Eddy County
200
Blackwater
200
Sidney
200
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B. Transmission Service
The SPP Regional Transmission Organization is obligated by FERC to manage and regulate the flow
of energy across the transmission system within its territory. SPP member companies have agreed to
allow SPP to administer their component transmission systems and place these transmission facilities
under provisions of the SPP Open Access Transmission Tariff. The Tariff contains regulations that
describe how transmission owners are paid for use of the transmission system, as well as rules
pertaining to use of the transmission system itself.
Participants who want to use the transmission system must follow specific provisions outlined in
SPP’s Tariff, Market Protocols, and Business Practices. Market Participants work with SPP to ensure
the maximum amount of transmission service requests are approved, while maintaining system
reliability and security. Changes in demand patterns via transmission system flows can indicate
larger economic shifts or the need for transmission system modifications. The following metrics
illustrate these types of change.
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Transmission Owner Revenue
Members that own transmission elements in the SPP system are entitled to revenues from use of
those elements as facilitated by SPP. Figure III.3 shows total yearly revenue generated from use of
the transmission system since 2006. The revenue continued to grow in 2013. Total 2013 revenue was
approximately $1,171 million, a 15% jump from $1,017 million in 2012. Growth in transmission
revenue is due to an increase in transmission rates. Transmission rates have been increasing in SPP
in recent years due to increases in Annual Transmission Revenue Requirement. As base plan
projects receive a Notice-To-Construct, the cost of these new transmission upgrades plus a
reasonable return must be recovered through transmission service rates.
Figure III.3 Annual Transmission Owner Revenue
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Transmission Service Request Approval Rate
Transmission Service Requests (TSRs) are made by a Participant for transmission service over SPP
designated facilities. A request can be for either short-term or long-term service over a defined path
for a specific megawatt amount. SPP evaluates each request and determines if it can be
accommodated, then approves or denies the request accordingly. TSR approval rates and volumes
are examined below.
Figure III.4 depicts the monthly and annual number of TSRs and approval rates, (number of requests
approved/total number of requests). This is a measure of SPP transmission system availability. The
number of TSRs submitted increased by 13% in 2013 and the approval rate increased from 67% in
2012 to 72% in 2013.
Figure III.4 SPP Transmission Availability
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Transmission Service Request Volume
TSRs vary in capacity requested and duration, so it is important to look at both through a review of a
volume measure combining these two elements. TSR Volume is calculated as capacity requested
multiplied by the duration. Figure III.5 shows the volume of approved and refused TSRs by service
increments. The yearly requests account for about 95% of the total volume. The volume of approved
TSRs increased and refused TSRs decreased in 2013. The majority of the “daily” and “monthly”
TSRs were refused due to failed Available Transmission Capacity evaluation.
Figure III.5 Transmission Service Requests Volume
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C. Transmission Congestion
Transmission Congestion Market Impact
Ideally, the transmission system would be robust enough to allow the transfer of all economical
energy to supply demand eliminating congestion. However, building such a grid would be extremely
expensive and costs would exceed benefits for the interconnected system.
Transmission congestion exists on all interconnected grids. There are two measurements to assess
the magnitude of congestion on the system. The first is Congestion Revenue, which is the difference
between what is collected from loads and what is paid out to generators. This is the revenue that is
used to compensate TCR (Transmission Congestion Rights) holders in the Integrated Marketplace.
The second is System Redispatch Payment, which is the production cost reduction that would occur
if increased energy transfer across congested paths were allowed.
Congestion Revenue was highest in 2008 and lowest in 2009 with little change between 2012 and
2013. Higher congestion prices were offset by less congestion on the system, resulting in stable
congestion revenue. System Redispatch Payments were in steep decline from 2007 to 2011 as a
result of higher level of participation by our members, more efficient congestion management
procedures implemented by SPP operations, and more transmission investments. System Redispatch
Payments increased significantly in 2013. Some potential causes related to congestion impacts are
generation and transmission outages, loop flow, and more intermittent generation.
Figure III.6 Congestion Revenue & System Redispatch Payment
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Flowgate Congestion by Time
An important consideration in analyzing overall market health is to study the transmission system
congestion levels across the footprint and across time. Flowgates are used to monitor the
transmission system in real-time to ensure reliability and maintain maximum efficiency. A flowgate
is a transmission element or combination of elements representing a section of the transmission
system over which energy flows are monitored and controlled. SPP monitors and controls flow over
these flowgates to manage congestion.
Figure III.7 shows the percentage of on-peak, off-peak, and total intervals in which there was at least
one congested flowgate. In 2013, at least one flowgate was congested an average of 85% of the time,
a slight decrease from 2012. Transmission congestion is an indication that the transmission system
is fully utilized for a specific corridor. High levels of congestion with significant price impacts could
identify areas where additional transmission development would be beneficial or signal temporary
conditions that are caused by transmission or generation outages. Sustained congestion indicates
that new transmission investments would facilitate efficient transfer of lower cost energy.

Figure III.7 Percent Congestion by Time Status
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Breached and Binding Flowgates
Another way to analyze transmission congestion is to study the total incidence of intervals in which
a flowgate was either breached or binding. A breached condition is one in which the load on the
flowgate exceeds the allowable limit. A binding flowgate is one in which flow over the element has
reached but not exceeded its allowable limit.
Figure III.8 shows the total percent of intervals by month and year in which a flowgate was
breached. The declining number of breaches between 2007 and 2011 was driven by SPP
implementation of improved congestion management procedures and Market Participant’s increased
unit flexibility. This trend reversed in 2012 and 2013 as new problems emerged. Issues driving this
change include: increasing wind generation, line outages related to transmission upgrades, and
unaccounted flows from adjacent systems. The increase in breached periods is a concern since it
causes an increase in price spikes and reduces dispatch efficiency. The number of breached
conditions is likely to decline as significant new transmission investments are completed in 2014 and
2015.
Figure III.8 Percent of Intervals with Breached Flowgates
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Figure III.9 displays the total percent of intervals by month and year in which a flowgate was
binding. Binding flowgates compared to breached flowgates are less of a concern in that binding
intervals indicates that the market is using re-dispatched capacity to manage the congestion while
minimizing the cost of the constraint. A breached flowgate on the other hand indicates that the
system does not have any capability to redispatch generation capacity to manage congestion. The
percent of binding flowgates stayed at a high level in 2013.

Figure III.9 Percent of Intervals with Binding Flowgates
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Constrained Flowgates by Shadow Price
Figure III.10 details the most congested transmission corridors and their associated flowgates in the
SPP footprint. Shadow prices reflect the intensity of congestion on the pathway represented by the
flowgate. Binding status has a modest impact on shadow price and breached status has a large
impact on the shadow prices and the delivered price of market electricity near each respective
flowgate. The figure includes a list of transmission projects that are proposed or under construction
that will help alleviate the congestion. SPP Transmission Planning reports posted on the SPP web
page provide detailed information on each of the individual projects.
Higher shadow prices in 2013 were caused in part by increased gas prices and resulting higher
electric prices. The Texas Panhandle corridor continues to be the most congested area with the
Osage Switch – Canyon East flowgate continuing to experience the highest shadow price: $44.13
during 2013, up from $12.16 in 2012. Limited import capability and low cost power north of the
constraint continue to be the key factors driving this congestion. Some congestion relief is expected
with the completion of Tuco to Woodward 345 kV line in mid-2014 and the Castro County to
Newhart 115 kV in 2015.
The Omaha-Kansas City corridor is the second most congested area and is represented by three
flowgates. This corridor is impacted by the large amount of low cost generation to the north and the
limited transfer capability to move that power to the rest of the SPP market. Unaccounted for flow
from outside the SPP system is another major factor. Historically this flow has been from the north
to the south. The Eastowne Transformer flowgate was created to manage congestion that appeared in
that Kansas City area when the transformer was installed in mid-2013. The shadow price for this
flowgate was the second highest even though it only existed for half the year.
The remaining flowgates in the top-ten list are located in western Nebraska, eastern Oklahoma, and
Tulsa areas and all have relatively low annual shadow price values.
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Figure III.10 Principal Congested Flowgates by Area

Region

Texas
Panhandle

Flowgate Name

OSGCANBUSDEA

Osage Switch - Canyon
East (115) ftlo Bushland Deaf Smith (230) [SPS]

$44.13

36.7%

GRAXFRSWEELK

Grapevine Xfmr
(230/115) [SPS] ftlo
Sweetwater – Elk City
(230) [WFEC]

$5.97

5.0%

 Bowers – Howard 115 kV line (June
2016 – ITPNT)
 Grapevine Transformer (June 2014)

SHAXFRELKXFR

Shamrock Xfmr (115/69)
[CSWS} ftlo Elk City
Xfmr (230/138) [WFEC]

EASXFREASSTJ

Western
Nebraska

Eastern
Oklahoma

Tulsa
Area

Projects Expected to Provide Some
Positive Mitigation
(Estimated In Service Date –
Upgrade Type)
 Tuco Int. – Woodward 345 kV line
(May 2014 - Balanced Portfolio)
 Castro County Int. – Newhart 115 kV
line (April 2015 - Regional
Reliability)
 Tuco Int. – Amoco – Hobbs 345 lines
(Currently on hold – ITP10)

SPSNORTH_STH

Kansas
City –
Omaha
Corridor

Flowgate Location (kV)

Average
Total %
Hourly
Intervals
Shadow
(Breached
Price
or Binding)
($/MWh)

5 element PTDF flowgate
north to south through
west Texas
Eastowne Xfmr
(345/161) ftlo EastowneSt. Joe (345) [GMOC]

$2.76

1.5%

$2.71

10.5%

$13.15

7.7%

 Iatan – Nashua 345 kV (June 2015 Balanced Portfolio)

8.8%

 Tap existing Swissvale –
Stilwell 345 kV line at West Gardner
(in service December 2012)
 Iatan – Nashua 345 kV (June 2015 Balanced Portfolio)

PENMUN87TCRA
PENMUNSTRCRA
(see note below)

Pentagon – Mund (115)
[WR] ftlo 87th Street –
Craig (345) [WR-KCPL]

SUBTEKFTCRAU

Sub 1226 - Tekamah
(161) ftlo Fort Calhoun Raun (345) [OPPD/MEC]

$2.70

0.5%

VICXFRWAYSTE

Victory Hill Xfmr
(230/115) [NPPD} ftlo
Wayside-Stegall (230)
[WAUE]

$3.23

0.8%

TAHH59MUSFTS

Tahlequah-Highway 59
(161) [GRDA-OGE] ftlo
Muskogee-Fort Smith
(345) [OGE]

$3.05

0.9%

$2.70

1.7%

Okmulgee – Henryetta
OKMHENOKMKEL (138) ftlo Okmulgee –
Kelco (138) [CSWS]

 Elk City – Gracemont 345 kV line
(March 2018 – ITP10)
 Potter Co. – Tolk 345 kV line
(December 2018)
 Randall County Interchange –
Amarillo South Interchange 230 kV
line (May 2013)

$12.73

 SUBTEKFTCRAU is a reciprocal
coordinated flowgate with MISO.
There are planned projects to provide
positive mitigation
 Victory Hill Transformer (December
2016)
 Scottsbluff – Stegall 115 kV (June
2014)
 Muskogee – Seminole 345kV
(December 2013 - Balanced
Portfolio)
 Gore – Muskogee 161 kV (June
2018)
 Gore – Sallisaw 161 kV (June 2018)
 Muskogee – Seminole 345kV
(December 2013 - Balanced
Portfolio)

Note: PENMUN87TCRA replaced PENMUNSTRCRA on 4/1/13. Their history has been combined
and is reflected as one entry on this table.
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Transmission Curtailments
Transmission curtailments are a reduction in firm or non-firm transmission service in response to a
system reliability concern. SPP EIS Market utilizes two types of transmission curtailment
mechanisms: NERC Interchange Distribution Calculator (IDC) curtailments and SPP Curtailment
Adjustment Tool (CAT) curtailments. NERC IDC Curtailments affect tagged Interchange
Transactions (tags) that leave or enter SPP Market footprint, tagged Interchange Transactions from
Self-Dispatched units, other Tagged Transactions external to SPP and Network and Native Load
(NNL) external to SPP market footprint. SPP CAT Curtailments/Adjustments affect tagged
Interchange Transactions from units that are not Self-Dispatched (Inter Control Area), intra-BA
Schedules from Market-Dispatched units (NLS or tagged), and intra-BA Schedules from SelfDispatched units (NLS or tagged).
Curtailments can occur when either Transmission Loading Relief (TLR) or Congestion Management
Event (CME) is issued. The IDC curtailments can only occur when TLRs are issued, but the CAT
curtailments can occur from TLRs and/or CME are issued. Both types curtail non-firm transmission
services before firm transmission services.
For the purpose of this review, CAT curtailments are not limited to SPP flowgates. This includes
curtailments on any flowgate defined in SPP EMS and MOS. The impact of non-SPP flowgates on
CAT curtailments is expected to be low. The amount of IDC curtailments includes curtailments for
TLR’s issued by SPP and not the curtailments of SPP Members due to TLRs issued by other
Reliability Coordinators. The total volume of tags/schedules in MOS does not include the parallel
tags from other entities curtailed by IDC for SPP TLR events.
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Figure III.11 shows the yearly firm and non-firm curtailments (GWh) normalized as a percent of
total tags and schedules. Non-firm curtailments account for the majority of the GWh curtailed. Total
amount curtailed has decreased 13.5% from the previous year with non-firm curtailments decreasing
by 5.7% and firm curtailments decreasing by 41%.
Figure III.11 Total Curtailments by Year
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Firm curtailments are an indication that congestion is severe. Figure III.12 shows the yearly firm
curtailments (GWh) over the past several years, normalized as a percent of total TAGs and
schedules. The chart reveals that firm curtailments have decreased 41% from 2012. This is similar to
what was experienced between 2009 and 2011 when firm curtailments dropped almost 40% each
year compared to the 150% increase in 2012. Fewer firm curtailments indicate that fewer firm
customers were subjected to congestion prices.
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Figure III.12 Firm Curtailments by Year
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D. Transmission Outages
Transmission elements experience outages for a number of reasons. Outages may be the result of
maintenance or some other scheduled unavailability, or may be caused by unforeseen circumstances
such as storm damage, accidents, fires, and equipment malfunction.
Transmission Outage Days
Figure III.13 shows total transmission outage days for 2012and 2013. A transmission outage day is
the total number of days in which a transmission element is out of service. For instance, if two
transmission elements are out of service for one week, the number of transmission outage days
would be {(2 elements X 7 days outage) = 14 transmission outage days}.
Between 2012 and 2013, the number of transmission outage days decreased. Numbers from earlier
years are not included in this analysis because SPP implemented a new outage reporting tool
(Control Room Operation’s Window) in late 2011. Data for earlier years are not from the same
database and therefore not directly comparable. Similar to generation outages, transmission outages
follow a seasonal pattern. More planned outages are taken in the shoulder months and fewer planned
outages are taken during summer peak months. Forced outages are random; therefore there is no
typical pattern. Planned transmission outage days decreased by 17% while forced transmission
outages increased by 21% in 2013.
Figure III.13 Total Transmission Outage Days for 2012 and 2013
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E. Transmission Investment
SPP as a Regional Transmission Organization has a responsibility to develop transmission expansion
plans that will ensure both the long and short-term reliability of the system, as well as ensure that the
system is cost effective and adequately robust. SPP has developed several Transmission Expansion
Plans in past years; 2013 was no exception. The 2014 SPP Transmission Expansion Plan highlights
many key areas of transmission development and provides an outline of forecast capital outlays
necessary to ensure that the transmission system remains adequate for both current and future needs.
The 2013 SPP Transmission Expansion Plan (STEP), published in January 2014, summarized 2013
activities that impact future development of the SPP transmission grid. Ten distinct areas of
transmission planning are discussed in the report, each of which are critical to meeting mandates of
either the 2013 SPP Strategic Plan or the nine planning principles in FERC Order 890 and 1000.
These areas are:
Transmission Services
Generation Interconnection
Balanced Portfolio
High Priority Studies
Sponsored Upgrades
Sub-region Planning
Transmission Congestion and Top Flowgates
Interregional Coordination
Project Tracking
The 2014 STEP consists of 386 transmission upgrades throughout the SPP region with a total cost of
$6.2 billion dollars. Costs were allocated by project type:
$99 million for Generation Interconnection projects
$86 million for Transmission Service projects
$535 million for Balanced Portfolio projects
$1.38 billion for High Priority projects
$4.13 billion for ITP projects
Potential investments to reduce congestion on highly constrained flowgates are continually being
evaluated through the STEP process. For more details see the 2014 SPP Transmission Expansion
Plan Report that is posted on the SPP web page.
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IV.

Market Developments

The following issues are related to the SPP market but not directly represented by other metrics. This
section highlights noteworthy events, macro trends and significant market changes that have effected
or may affect the SPP region.
A. Natural Gas Development
Natural gas supplies in the U.S. continue to expand as shale gas reserves are developed. Shale
development is the primary reason total imports of energy declined in 2013 to the lowest level in
more than two decades. Most of this decline is due to the increase in domestic crude oil production.
In 2013 oil production grew 15%. Natural gas production continues to expand but at a much lower
rate, about 1% in 2013 as compared to 5% in 2012 and 7% in 2011.
The dramatic increase in natural gas production and proven reserves associated with shale
formations is having a lesser impact on the SPP electric market than on the industry as a whole. The
very low average annual gas prices of $2.64 per MMBtu in 2012 resulted in some displacement of
coal by natural gas. This impact was short lived as natural gas prices increased to an average of
$3.58 per MMBtu in 2013. Because most coal supplies in the SPP region originate in the low cost
Powder River Basin, gas price need to be in the $2.00 range before gas generation begins to directly
displace coal generation. This actually occurred during late spring and early summer in 2012
resulting in the lowest level of coal generation as a percent of total generation since the start of the
EIS Market.
With gas prices increasing about 34% in 2013, gas and coal shares of total generation returned to
more normal historical levels. Coal generation increased to about 62% of total SPP generation in
2013 from a historic low of about 60% in 2012, though less than 64% experienced in 2011. Gas
generation decreased from 26% in 2012 to 20% of total generation in 2013. The dramatic increase in
wind production appears to be displacing simple cycle gas generation more than gas combine cycle
or coal generation.
The most likely impact of relatively low gas prices and the dramatic increase in proven reserves will
be on long-term decisions to build new generation. The substantial proven natural gas reserves will
reduce the risk of fuel supply disruptions and long term price volatility for combine cycle and simple
cycle gas turbine generation. The reduced supply risk along with lower capital cost requirement and
lower environmental risk are factors that are going to favor gas generation investment for the
foreseeable future. This outlook with regard to gas generation investments is not likely to influence
investments in new generation in the near term because of the relatively high reserve margin in the
SPP region. Generation investments other than wind plants are likely to be very limited.
Investments in transmission infrastructure that are reducing congestion are also reducing the
incentive for new generation projects.
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B. SPP Seams Issue
SPP continued to focus on the eastern border of the SPP footprint specifically the December 19,
2013 integration of the Entergy utilities into the Midcontinent Independent System Operator (MISO)
because of the concern of additional external impacts. This integration could eventually result in an
additional 4,000 MW of transfer between the MISO Midwest and South areas resulting in increased
flows across SPP and other neighboring areas. To allow a transitional period for MISO and
neighboring areas (Joint Parties) to gain experience with changing flow patterns, a temporary seams
agreement was developed known as the Operations Reliability Coordination Agreement (ORCA.)
Parties in this agreement are:
 Associated Electric Cooperative Inc.
 Louisville Gas and Electric Company
 Midcontinent Independent System Operator
 PowerSouth Energy Cooperative
 Southern Company
 Southwest Power Pool
 Tennessee Valley Authority
Key aspects of the ORCA include a phased-in approach allowing increasing flow between the MISO
Midwest and South areas and developing methodology for measuring this flow between areas known
as the Dispatch Flow Limit.
Phase 1: Dispatch Flow Limit = 2000MW through April 19, 2014 (1500MW during times of
congestion)
Phase 2: Dispatch Flow Limit set with two day ahead process through October 1, 2014
Phase 3: Dispatch Flow Limit set with one day ahead process through April 1, 2015
All phases are subject to completion of testing and validation as outlined in the ORCA.
In addition to the development of this reliability agreement, debate continued through 2013 on the
appropriate transmission rights obtained by MISO to transfer above its base transmission capacity of
1000MW between the Midwest and South regions. On December 3, 2013, the United States Court of
Appeals for the District of Columbia Circuit vacated and remanded FERC’s 2011 order pertaining to
Section 5.2 of the MISO-SPP Joint Operating Agreement which MISO argues allows the sharing of
transmission paths between SPP and MISO which would allow for transfers to exceed 1000MW.
SPP maintains that use of the system above the 1000MW transmission capacity is subject to
compensation under a Service Agreement. The integration on December 19 has seen Dispatch Flow
Limits reported by MISO to be in excess of their obtained 1000MW transmission rights for which
SPP expects compensation for the intentional flow. FERC ruled in early 2014 that four related
dockets regarding the SPP-MISO dispute will be consolidated for FERC settlement decisions or at
hearing before a FERC Administrative Law Judge.
SPP and MISO issued a Memorandum of Understanding in October 2013 to establish a process for
the 2011 Alternative Dispute Resolution regarding Market Flow calculations. The main focus was to
address the methodologies used to account for import and export transactions which were contingent
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upon similar requirements being incorporated into the MISO-PJM JOA. All three RTOs discussed
these changes to Market Flow calculations by introducing consistency between Market Flow, Firm
Flow Entitlement, and Interchange Distribution Calculator calculations. The changes to the pertinent
JOAs will be filed to be effective 1 June 2014; however, there are remaining differences in
methodologies amongst the RTOs. MISO and PJM will change to a Marginal Zone method for
modeling of transactions for all the aforementioned calculations while SPP will remain with the
Point of Receipt/Point of Delivery concept.
In June 2013, SPP and MISO filed revisions to the JOA to reflect market-to-market (M2M) terms
and conditions. Many aspects of the SPP-MISO M2M are modeled after the MISO-PJM M2M. SPP
and MISO began coordinating efforts on M2M in 2013 and have a scheduled implementation date of
March 1, 2015. SPP also continued coordination with adjacent areas in the development of Tariff
language regarding FERC Order 1000’s transmission planning and cost allocation. Also announced
in November 2013 was the Integrated System’s recommendation to pursue formal negotiations to
join SPP. The Integrated System consists of the Upper Great Plains Region of Western Area Power
Administration, Heartland Consumers Power District, and Basin Electric Power Cooperative.
C. Access to Market Information
Previous ASOM report pointed out the benefits of SPP providing more information to Market
Participants. Transparency is important since it is one of the theoretical conditions required for a
free market to be efficient. Buyers and sellers must have a high level of trust and thereby confidence
in the market in order for them to actively participate in the market. SPP has made significant strides
in expanding market data available to Market Participants as part of the Integrated Marketplace
startup. The new market is not the focuses of this report but it is worth noting that there are
substantial amount of Integrated Marketplace data now available. The data is accessible at
SPP.org/Integrated Marketplace/Public.
E. Integrated Marketplace Design – Phase II
With the successful launch of the Integrated Marketplace, SPP has begun the process to incorporate
additional features into the Marketplace design, some required by FERC and others at the request of
members. This section will provide a brief description of the new design features that will have
direct impacts on market efficiency.
Market-to-Market: A Market-to-Market process is scheduled for implementation by March 1,
2015. The process is governed by a joint operating agreement between SPP and the Mid-Continent
ISO (MISO). The process allows for one RTO to relieve the congestion on the other’s system and be
compensated for the congestion relief. For example, if MISO is experiencing congestion on a
transmission facility and an analysis shows that it is more economical for SPP generators to provide
congestion relief, then through the Market-to-Market process, the SPP generators will be redispatched to provide congestion relief and in this example, MISO will compensate SPP generators
for providing the relief. This process will allow for more efficient congestion relief on the seams and
should also contribute to the convergence of the energy prices at the seams.
SPP 2013 State of the Market Report

91 of 218

90

Southwest Power Pool, Inc.

Regulation Compensation: SPP will implement a new pricing mechanism for the procurement of
regulation. This change is to comply with FERC Order 755. The new pricing mechanism will
incorporate performance measures that account for generators’ differences in ramping capabilities as
well as the ability to accurately respond to regulation deployment. This change will provide better
price signals and improve the efficiency of the regulation market.
Long-Term Congestion Rights: Long-Term Congestion Rights (LTCR) will be implemented in
October 2014. This is in response to FERC Order 681. Long-Term Congestion Rights are used to
hedge long-term supply arrangements. The term length of a Long-Term Congestion Right can range
from one year to the length of service for a corresponding transmission service reservation. This
compliments the standard Transmission Congestion Right which has durations of one year or less.
Long-Term Congestion Rights will reduce congestion cost uncertainty and incentivize long-term
power supply arrangements.
Enhance Combined Cycle: The enhanced combined cycle logic will allow the SPP commitment
process to consider multiple combined cycle configurations and choose the configuration that is
most efficient. Additionally, the new logic will model the cost of transitioning between
configurations which will incorporate more flexibility to the commitment process. For example, an
optimal commitment of a combined cycle generator may call for one configuration for a first part of
a commitment period, and then a transition to a second configuration for the remaining hours of
commitment. This change will lead to more efficient commitment of combined cycle generators.
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V.

2013 Conclusions and Concerns

Market Participation
Market Participants continued a long stretch of increasing participation in the SPP wholesale electric
market. Self-Dispatch status continues to hover around 1%, down from about 15% when the market
started. Manual status (start up, shut down, test, etc.) continues to be at about half the level
experienced during the first few years of this market. Ramp rate and dispatchable range offers
continue a positive long term trend of increasing. All of these activities increase the responsiveness
of the market in managing congestion and increase the efficiency of the market. SPP continues to
add Market Participants to the rolls as well. These are all positive indications that the market is
effective, efficient and provides incentives for increased participation in the EIS Market.
Market Structure
The EIS Market continues to be highly competitive with measures indicating low levels of market
concentration. The very low impact of the offer caps on prices is an additional indication that the
market is very competitive. A resource margin in the 47% range also indicates that there is reduced
risk of the possibility of abusive practices. These positive indicators in no way diminish the
obligation for diligent market monitoring.
Market Performance
The increase in estimated production benefits for 2013 continues to indicate strong market
performance. The increase was 9% above 2012 to about $186 million. Low levels of Revenue
Neutrality Uplift and very low financial impact of re-pricing are other indications that the market is
effective and that prices are reliable. Market Participants received payments based on prices that
were very close to what was indicated when production was committed to the market.
Price volatility across the SPP footprint increased slightly in 2013 as compared to 2012 but remains
at a level significantly less than most prior years. The Nebraska area continues to be more volatile
than the rest of the market with the western Kansas region now experiencing the most price
volatility. This is consistent with other trends in the market mostly driven by the significant increase
in wind generation in the western-central part of the market footprint. SPP price volatility continues
to be significantly less than that experienced in adjacent markets when measured on an hourly
system price. This price stability creates confidence in the market and encourages higher levels of
market participation improving overall market performance. Continued market price stability is
contrary in some ways to other metrics that indicate congestion is increasing such as the increase in
breached interval and the increase in flowgate shadow prices.
Concerns
Highly Congested Areas – Congestion in the Kansas City corridor is as persistent as it is complex.
Historic prevailing flow in this transmission corridor is from north to south driven by low cost
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production in Nebraska in the form of coal generation using low cost Powder River Basin coal, base
load nuclear power, and hydro. The economic optimum flow of this low cost power at times
exceeds the capacity of the transmission system. As stated in previous reports, this corridor is also
impacted by unaccounted for flow from outside the SPP Market Footprint. This flow from adjacent
regions has been predominantly from the north to the south. In 2013 the external impact has been
more variable. Most of the time the external flow was from the north but for a substantial amount of
time the flow was from south to north. The magnitude continues to be high causing significant
impacts. As reported in previous years, high levels of unaccounted flow on a congested corridor can
result in inequities when curtailments are required. Entergy joining MISO market in late 2013 and
the installation of the Eastowne Transformer in mid-2013 are adding to the complexity and intensity
of congestion in the Kansas City area.
The Texas Panhandle area continues to be the most congested region of the SPP footprint. This
poses a concern considering the concentration of generation ownership in a high priced area and
reduced efficiencies resulting from high levels of congestion. The level of congestion in this
corridor increased substantially in 2013 as reflected in the flowgate shadow prices. The Osage
Switch – Canyon East flowgate annual average shadow price was $44 compared to the next highest
level of $13 for the East Town Transformer flowgate in the Kansas City area. Several 345 KV
transmission lines currently under construction will begin serving the Panhandle region in 2014.
The new lines will provide much needed import capability into the southwest region of the market
footprint and at the same time provide export capability to the wind producing region of western
Kansas and the Panhandle region.
Transmission corridors that are frequently constrained have an adverse impact beyond increasing
overall cost of production and causing price divergence across the congested flowgate. Congestion
can actually be a barrier to accessing the diversity in the market reducing operational flexibility.
When the only generation unit with available ramp capability for meeting load change is behind a
congested flowgate, the result may be a ramp shortage. Highly constrained flowgates have had a
detrimental impact by causing more frequent price spikes which are sometimes driven by ramp
breaches. The new transmission investments in the Oklahoma/Texas Panhandle region of the SPP
market will have a significant positive impact by making the SPP market more fully integrated.
Nowhere is this more important than in the Texas Panhandle area.
Wind Generation - Wind production continued to increase dramatically in 2013 accounting for
12% of total annual generation and at times 33% of generation for a specific hour. This level of
generation from a source that is more volatile than load and less controllable than conventional
generation capacity is having adverse impacts on the system. This is highlighted by the fact that in
some years wind production at system peak is at 34% wind nameplate capacity and other years it is
at 5%.
A number of corrective actions were implemented in 2013 and some are close to being implemented
to help address concerns about wind generation. In 2013 SPP Operations implemented new
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processes and procedures that resulted in fewer generation reduction directives even though wind
generation increased from 2012. Implementation of market rules in 2013 that require Variable
Energy Resources that were commercially operational after October 2012 to be dispatchable was
also an important step. Establishing SPP as the consolidated balancing authority for the entire
market footprint as part of the Integrate Marketplace implementation was also another important step
by increasing the diversity across the region and reducing the local impact of wind. As mentioned
earlier, the new transmission investments with a commercial operations date of md-2014 will
improve overall market operations by reducing the barriers to accessing market diversity.
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Definitions of Select Terms
Alternating Current - the movement of electric charge that periodically reverses direction
Balancing Authority- The responsible entity that integrates resource plans, maintains loadinterchange-generation balance, and supports Interconnection frequency
British thermal unit - amount of heat required to raise the temperature of 1 pound of water by 1
degree Fahrenheit
Congestion Management Event - process by which the market recognizes flowgate limits and
dispatches resources accordingly, used chiefly when no curtailable transactions in the IDC are
present
Direct Current - the movement of unidirectional electric charge
Energy Imbalance Service - the real time balancing between scheduled generation and load
Energy Imbalance Service Market - the overall market structure surrounding the provision of EIS
Flowgate - A designated point on the transmission system which serves as a monitoring point for
energy flows, and through which the interchange distribution calculator calculates the power flow
interchange transactions
Generator to Load Distribution Factor - a numerical representation of the relative impact a
generator has on a flowgate. If a GLDF is .1, for any 100MW change in output there is a
corresponding effect on the flowgate of 10MW
Giga-Watt hour - 1 thousand MWH or A measure of electrical energy equal to an accumulation of
1,000,000,000 watts in a one hour period
Independent System Operator - Responsible for coordinating, monitoring and controlling the
operation of the electric system within its territory
Kilovolt – 1,000 volts
Locational Imbalance Price - The point specific price that results from the market operations
system
MM (mm) - Equivalent Roman numeral representation of one thousand thousand, or 1,000,000
Market Operating System - The SPP system that creates Locational Imbalance Price (LIP) and
deployment instructions for participating resources
Market Participant - As defined in the SPP Tariff
Mega-watt - an instantaneous measure of electrical energy equal to 1,000,000 Watts
Mega-watt hour - A measure of electrical energy equal to an accumulation of 1,000,000 watts in a
one hour period
Open Access Transmission Tariff - SPP’s transmission tariff as posted on SPP’s website
Revenue Neutrality Uplift - Process used to ensure that SPP remains revenue neutral in every
market interval by either adding a surcharge or distributing money back to participants
Regional Transmission Organization - Organization responsible for moving electricity over large
areas, commonly at higher voltages and over larger areas than covered by an ISO
Transmission Loading Relief - A process used to reduce loading on lines which are at risk for an
overload
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Common Acronyms
Acronym
AC
AECC
AECI
AEPW
AFC
BA
BTU
CLEC
CME
CT
DC
DISIS
DOE
EHV
EIA
EIS
EMDE
ENTR
ERCOT
FERC
GLDF
GRDA
GWH
HHI
IA
INDN
IOU
IPP
ISO
KACY
KCPL
GMOC
kV
LAFA
LEPA
LES
LIP
LNG

Term
Alternating current
Arkansas Electric Cooperative Corporation
Associated Electric Cooperative Inc.
American Electric Power
Annual Fixed Cost
Balancing Authority
British thermal unit
Cleco Power LLC
Congestion management event
Combustion Turbine
Direct Current
Definitive Interconnection System Impact Study
Department of Energy
Extra High Voltage
Energy Information Administration
Energy Imbalance Service
Empire District Electric Co.
Entergy, Incorporated
Electric Reliability Council of Texas
Federal Energy Regulatory Commission
Generator to Load Distribution Factor
Grand River Dam Authority
Giga-Watt hour
Herfindahl-Hirschman Index
Interconnection Agreement
City Power & Light, Independence, Missouri
Investor-Owned Utility
Independent Power Producer
Independent System Operator
Board of Public Utilities, Kansas City, Kansas
Kansas City Power & Light
Greater Missouri Operations Company
Kilovolt (1,000 volts)
City of Lafayette, Louisiana
Louisiana Energy & Power Authority
Lincoln Electric System
Locational Imbalance Price
Liquefied Natural Gas
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Continued from previous
(Acronym
Term)
MIDW
Midwest Energy, Inc.
MISO
Midwest Independent Transmission System Operator
MKEC
Mid-Kansas Electric Company
MM
Thousand thousand
MMBtu
Thousand Thousand British Thermal Units (1,000,000 Btu)
MMU
Market Monitoring Unit
MOS
Market Operating System
MP
Market Participant
MPS
Missouri Public Service
MRO
Midwest Reliability Organization
MW
Megawatt (1,000,000 watts)
MWh
Megawatt Hour
NERC
North American Electric Reliability Corporation
NPPD
Nebraska Public Power District
O&M
Operation and Maintenance
OASIS
Open Access Same-time Information System
OATT
Open Access Transmission Tariff
O/S
Over-Scheduling
OKGE
Oklahoma Gas & Electric
OMPA
Oklahoma Municipal Power Authority
OPPD
Omaha Public Power District
PISIS
Preliminary Interconnection System Impact Study
RE
Regional Entity
RNU
Revenue Neutrality Uplift
RTO
Regional Transmission Organization
SERC
SERC Reliability Corporation
SMP
System Marginal Price
SPP
Southwest Power Pool, Inc.
SPS
Southwestern Public Service Company
SECI
Sunflower Electric Power Corporation
SWPA
Southwestern Power Administration
TLR
Transmission Loading Relief
TRE
Texas Regional Entity
UD
Uninstructed Deviation
U/S
Under-Scheduling
VRL
Violation Relaxation Limit
WAPA
Western Area Power Administration
WECC
Western Electricity Coordinating Council
WERE
Westar Energy, Incorporated
WFEC
Western Farmers Electric Cooperative
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Executive Summary

I.

T

his is the fourth year in which Boston Pacific Company, Inc. (Boston Pacific) has
prepared a separate Annual Looking Forward Report for the Southwest Power
Pool (SPP) Board of Directors. As with its predecessors, this report is intended to
contribute to the longer-term strategic planning by the board. To that end, we focus on broad
market and regulatory events that (1) potentially could have a significant impact on SPP’s
markets and/or (2) could require the board’s special attention.
Boston Pacific very much appreciates the input to and guidance for this report provided
by the board’s Oversight Committee.

A. The Shale Gas Revolution (An Update)
The shale gas revolution is important to the SPP Board because the price of natural gas is
typically the principal determinant of SPP energy market prices. So far, the revolution has
benefited ratepayers by keeping prices low. A key question for the board is whether the shale
gas revolution will continue benefiting SPP ratepayers and how long that benefit will last. The
overall message here is that the shale gas revolution is alive and well in terms of production and
reserves, but that the price for natural gas may rise more than previously forecast. Still, the
board should maintain a healthy skepticism when looking at the output of computer models,
1
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which did not predict the rise of the shale gas revolution and may be similarly unreliable in
predicting its fall.
We focused on four foundational aspects of the ongoing shale gas revolution in our 2013
report: 1) the anticipated production of and prices for shale gas, and the share of electricity
production attributed to natural gas-fired generation; 2) the impact shale gas is forecast to have
on the American economy; 3) an assessment of environmental concerns related to shale gas
extraction; and 4) the potential for U.S. exports of liquefied natural gas (LNG). In this year’s
report, we provide updates to these four topics using forecasts from the Energy Information
Agency (EIA) and the U.S. Geological Survey (USGS), as well as reports from IHS Global
(IHS) and Ceres. We also introduce a fifth topic with a discussion of increased regulation by
various levels of government regarding shale gas production, especially as it relates to
environmental concerns.
As to the shale gas revolution being alive and well, note first that EIA forecasts natural
gas will provide 38 percent of America’s primary energy production in 2040, up from 31 percent
in EIA’s forecast a year ago. Moreover, 80 percent of the total will come from unconventional
sources and two-thirds of that will be from shale gas. In addition, the USGS increased its
estimate of shale gas resources by 10 percent in 2013 as compared to 2012. So, yes, based on
such reports, the revolution is alive and well.
As to prices, the EIA forecasts that the prices of natural gas in the near-term will be
higher than previously forecast due to rapid demand growth and a gradual increase in exports. In
2020 and 2030, the price in real terms is forecast to be $4.38/MMBtu and $6.03/MMBtu,
approximately 6 percent and 10 percent higher than last year’s forecast, respectively. Note that
EIA forecasts natural gas prices rising by a compound rate of 2.83 percent per year over the 2013
to 2040 period in real terms – that is, over and above economy-wide inflation. Note, too, that
recent events in the Northeast show that, despite abundant resources, natural gas prices are still
volatile; the recent “polar vortexes” increased spot gas prices in New York to more than
$100/MMBtu.
Turning to shale gas’s impact on the economy, in last year’s report we focused on the
substantial economic benefits from the production of shale gas, or the “upstream” part of the
business. In this year’s report we turn to IHS’s “A Manufacturing Renaissance,” the most recent
report in the firm’s series on economic impacts of the shale gas revolution, to explore the
downstream benefits. IHS finds that the shale gas revolution continues to benefit the U.S.
economy based on examples of new downstream industrial factories opening due to cheaper
natural gas prices, including a $1.7 billion facility by Dow Chemical in Louisiana and a $16 to
$21 billion plant by Sasol in Texas. In addition, IHS forecast increased production for various
industrial sectors due specifically to abundant and cheaper natural gas.
EPA continues to work on its major drinking water study that we discussed in some detail
in last year’s report; a draft release is scheduled for late 2014. Given that, we turn to another
aspect of water concerns in shale gas extraction – Ceres’ recent report analyzes hydraulic
fracturing and regional water supplies. Ceres finds that, “75 percent of [shale oil and gas] wells
2
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are located in regions with medium of higher baseline water stress levels.”1 Ceres states,
“[g]iven projected sharp increases in production in the coming years and the potentially intense
nature of local water demands, competition and conflicts over water should be a growing
concern for companies, policy makers, and investors.”2
We reviewed reports released this past year that analyze possible seismic issues with
hydraulic fracturing processes. Current data indicate that the actual drilling is not a source of
concern, but that wastewater injection may be the source of surface-felt seismic activity. We
also briefly reviewed regulatory efforts at various government levels that could ultimately affect
how hydraulic fracturing is conducted in the U.S. These efforts include methane emissions
regulations in Colorado, the first of their kind on a state level in the nation. Colorado’s
regulations require devices to be installed that capture 95 percent of both volatile organic
compounds and methane emissions.
Finally, we conclude with updates to the U.S.’s efforts to increase LNG exports.
Currently, the U.S. is a net importer of natural gas. EIA predicts the U.S. will become a net
exporter of LNG by 2016. Further, by 2018, the U.S. will become a net exporter of natural gas
in total. As further evidence of interest in exports, note that the U.S. has approved permits for 32
of the 37 applications for LNG exports to Free Trade Agreement (FTA) nations.
B. EPA’s Continued Environmental Campaign
This chapter reviews the status of major Environmental Protection Agency (EPA)
regulations that affect the electricity sector, the so-called “campaign on coal.” These regulations
target greenhouse gas (GHG) emissions from new and existing units, emissions of ozone and
fine particulates, emissions of mercury and other heavy metals, cooling water intake structures,
and coal combustion residuals. EPA has entered into a new phase with these regulations.
Instead of identifying additional targets for regulation, work that was essentially completed in
President Obama’s first term, EPA is now focused on finalizing and implementing regulations
before the end of the president’s second term in order to secure the progress that it believes it has
already made.
The most influential of these regulations are likely to be those targeting GHG emissions.
Two such regulations are in development. Regulations on GHG emissions from new power
plants have already been proposed and are being finalized. These regulations set a federal
emissions limit for new coal-fired power plants of 1,100 lbs. CO2/MWh, which would prohibit
the construction of conventional coal plants that do not use carbon capture and sequestration
(CCS) technology. EPA plans to propose regulations on existing power plants by June 1, 2014.
These regulations occur under a different part of the Clean Air Act (CAA), so EPA will create
guidelines under which states will set emissions standards. Little is known for sure about the
form that these regulations will take, other than that EPA has stated that they will be less strict
1

Monika Freyman and Ryan Salmon, Hydraulic Fracturing & Water Stress: Growing Competitive Pressures for
Water, Ceres, May 2013, 5.
2
Ibid., 3.
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than the regulations on new power plants and that EPA will consider the existing energy mix of
each state. These regulations could be either “source-based,” targeting emissions at each plant,
or “system-based,” which would target a broader range of actions, perhaps even a cap-and-trade
program, that would reduce emissions.
Other than the on-going development of regulations on GHG emissions, the major
developments this past year have involved the inevitable legal challenges that come with EPA
finalizing regulations. Since December 2013, at least three major court cases on EPA regulations
have been heard; one decision has been made in favor of EPA while rulings on the other two
cases are forthcoming. Additionally, potential legal challenges have already been raised with
respect to EPA’s two greenhouse gas regulations, described above, that are still under
development. It is not clear how all of these cases will turn out, but some challenges to EPA’s
regulations may slow the implementation of regulations or invalidate particular parts of
regulations. Importantly, however, at the moment, it appears that the basic legal frameworks that
provide EPA with the authority to regulate greenhouse gas emissions and other pollutants remain
firmly in place.
We conclude with an update on U.S. greenhouse gas emissions. These emissions,
especially in the electricity sector, peaked in 2007 and have since declined through 2012.3 As we
have stated in past Looking Forward Reports, it remains likely that the 2020 target for U.S.
greenhouse gas emissions set by the Obama administration will be met. At the same time, there
has been increased uncertainty this past year about the level of GHG emissions from natural gas
production and transport. Several studies have suggested that more methane, a potent
greenhouse gas, is emitted from natural gas production and transport than is currently estimated
by the EPA. This has raised questions in the media and in Congress about the life-cycle
emissions of natural gas-fired generation and how they compare to that from coal-fired
generation. If natural gas-fired generation is responsible for more GHG emissions than is
currently thought, it could lose its place as the favored “bridge fuel” to a low-carbon future and
face increased regulation. However, analyses indicate that this outcome is unlikely. Even if
these new studies are true, natural gas-fired generation will likely retain its place as a lowercarbon alternative to coal-fired generation.

C. Decentralization of the Grid and the Changing Utility Business Model
The board has likely heard a lot recently about distributed generation, decentralization,
and a changing utility business model. Headlines, articles, and conference panels abound with
titles such as “Utilities Headed for a Cliff?” and “Distributed Energy Resources: Policy
Implications of Decentralization.” We go beyond the headlines to get more detailed information.
For our purposes, decentralized technologies include small generators of all technologies
connected to distribution system, cogeneration, energy storage, smart meter technology, and
microgrids. These technologies are already having an impact on the operation of the electric
3

The most recent available data is from 2012.
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power grid and are projected to play a greater role going forward. In the extreme, decentralized
technologies could represent a competitive threat to the existing, centralized power grid; some
suggest the grid could be relegated to backing up distributed resources. Distributed generation
already has a significant foothold in the U.S., with approximately 12 million distributed
generation units with a total capacity of about 200 GW, 84 GW of which is cogeneration.4 North
America also has a current total microgrid capacity of 992 MW.5 However, to put these figures
in perspective, the U.S.’s current centralized generation capacity totals approximately 1,000
GW.6
At this point, there is no definitive answer to whether and to what extent distributed
technologies will represent a head-on competitive threat to the existing utility network model.
We present some credible studies on the matter, including a recent report by the Electric Power
Research Institute (EPRI), which suggests that decentralized technologies and the grid are
complements, not competitors. EPRI suggests that distributed energy customers derive
significant value from the grid, including reliability benefits and access to the marketplace; and
that the grid enjoys benefits from the integration of distributed energy resources, too, including
reliability benefits, better environmental performance, and avoided transmission investments. It
appears, too, that decentralized technology is already impacting transmission planning. Synapse
Energy Economics, for example, issued a report that contains claims that ISO New England fails
to account for distributed generation capacity in its analysis of grid needs and that will result in
New England ratepayers paying for transmission expansion projects that are not needed. EPRI,
too, echoes the theme of planning the grid in conjunction with distributed technologies. SPP, of
course, already includes distributed generation in its transmission planning.
Lastly, as SPP considers distributed resources in its planning, it should also be aware of
an emerging topic in states that offer net metering, which some claim provides subsidies to
distributed generation customers at the expense of non-distributed generation customers. Some
states are considering potential “monthly grid user fees” for distributed generation customers, in
which distributed generation customers pay a fee for access to grid services. We look at one
example – Arizona Public Service Company – that recently received state authority to charge its
customers with PV installations $0.70/kWh (roughly $4.90/month) for access to the grid.7 SPP
will want to pay attention to developments in grid access charges because, in net metering states
where grid access charges are low or zero, distributed generation penetration may be high, and
could have a larger impact on the networks in those areas.
4

U.S. Department of Energy, The Potential Benefits of Distributed Generation and Rate-Related Issues that May
Impede Their Expansion: A Study Pursuant to Section 1817 of the Energy Policy Act of 2005, February 2007, ii.
5
Peter Asmus, Alexander Lauderbaugh and Mackinnon Lawrence, “Executive Summary,” Market Data:
Microgrids: Forecasts for Commercial/Industrial, Community/Utility, Campus/Institutional, Military, and Remote
Microgrids: 2013-2020, Navigant Research, Q1 2013, 3.
6
Electric Power Research Institute, The Integrated Grid: Realizing the Full Value of Central and Distributed
Energy Resources, February 2014, 8.
7
Arizona Public Service Company, “Arizona Corporation Commission Sets New Direction for Net Metering
Policy,” APS website, last modified November 14, 2013,
http://www.aps.com/en/ourcompany/news/latestnews/Pages/arizona-corporation-commission-sets-new-directionfor-net-metering-policy.aspx.
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D. Fundamental Changes in Transmission Planning
One of SPP’s most important functions is planning and expanding the transmission grid.
In an update to a topic introduced in last year’s report, we look to three emerging events that
could impact transmission planning going forward. Two of these events are about opening
transmission expansion to competition – the goal of which is to produce a cheaper, better
transmission grid. The third event is being billed as the possible emergence of a disruptive
competitor to the grid.
The first event comes from the Federal Energy Regulatory Commission’s (FERC) now 3year-old Order No. 1000. In requiring transmission planners to remove the right of first refusal
from their tariffs, FERC took a positive step toward opening transmission to competition the way
the Public Utilities Regulatory Policies Act (PURPA) opened generation to competition in 1978.8
Also, with this directive, FERC has made transmission planners – like SPP – the arbiter of
competing transmission proposals from incumbent and non-incumbent developers. As we detail
in the body of the report, we think that the impact of FERC’s directives may be limited for now.
Adding transmission to the grid is more difficult than adding new generation to the grid because
transmission additions have a system-wide, complex impact that makes evaluation difficult.
Incumbent transmission owners may be judged to have an advantage – for now – over nonincumbent developers; we have already seen an example in California of such an outcome for a
new line in Pacific Gas & Electric Company’s (PG&E) territory. Also, in selecting winners, SPP
and others could face challenges from losing bidders, especially since transmission project
evaluation cannot be boiled down to a simple “price only” solicitation and often relies on some
level of subjectivity.
The second event also involves improving the grid by encouraging more competition.
Merchant transmission has long been an option for non-incumbent investment in the grid.
However, while many projects have been proposed in recent years, few have been completed – a
testament to the long and difficult road faced by merchant developers. In 2013, FERC sought to
make that road an easier one by introducing new flexibility to the rates, terms, and conditions
merchant developers can negotiate with their customers. FERC’s action should create efficient
incentives for customers that could speed up the process for merchant developers. However,
some of merchant transmission’s most fundamental challenges – finding willing, creditworthy
customers, siting, etc. – remain outside the realm of FERC’s jurisdictional tools.
The third event we discuss is the challenge faced by transmission planners to incorporate
a new set of resources (e.g., distributed generation) into transmission plans. Decentralization and
distributed generation, as we discuss in Chapter III, have elements of a game-changing advance
akin to the new competition to land lines brought by cellular phones in the telecommunications
industry. The presumption is that decentralized power could allow customers to sidestep the grid
altogether. However, according to an ICF International (ICF) study on the issue, distributed
resources can help complement the grid by offsetting or deferring some transmission investment
if coordinated planning is used. We note examples from Vermont, New Hampshire and Maine
8

Craig R. Roach, Ph.D. et al., Southwest Power Pool Annual Looking Forward Report, Boston Pacific Company,
Inc., April 23, 2013, 34-35.
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raised by ICF. As noted above, there is no consensus regarding if and when distributed
generation will represent a competitive threat to the existing network model, but, for now, it is
important to integrate distributed generation into transmission planning processes.

E. A Possible Rise in Retail Rates
In last year’s Looking Forward Report, we noted that conditions driving monthly
electricity bills could be worsening, which could mean higher electricity costs for SPP
ratepayers.9 We explained that electricity bills had enjoyed “favorable conditions” in recent
years but that going forward, conditions were likely to change. This may matter to SPP because
higher electricity rates can affect demand and, thereby, SPP’s planning. Further, to the extent
that transmission costs drive higher rates, SPP may anticipate pushback from customers who pay
those costs.
Specifically, we explained that a prolonged period of low natural gas prices, low interest
rates, and limited capital expenditures by utilities had helped keep bills down. Going forward,
we noted that (1) rising natural gas prices; (2) higher interest rates; (3) increases in utility capital
expenditures to upgrade the grid; (4) increases in utility capital expenditures to comply with
environmental regulations; and (5) underfunded liabilities in the form of pension obligations
could all contribute to higher retail rates. We explained, too, that demand for electricity was
expected to stay largely flat, but that monthly bills could increase nonetheless.
This year, our purpose was to check in on the status of retail electricity rates and bills by
looking at anecdotal data and forecasts for rates, bills, and variables that can drive electricity
costs. Generally, as explained in more detail in the body of the report, the evidence suggests a
mixed picture for electricity rates and by no means reveals a nationwide trend to higher rates and
monthly bills. The forecasts for some variables that drive utility costs continue to suggest an
upcoming rise in rates and bills. For example, natural gas prices are expected by EIA to have an
implied compound annual growth of 2.83 percent in real terms through 2040.10 However,
aggregate retail rate and bill data and forecasts indicate only modest increases to date. The
average residential bill in January 2013 increased 1.45 percent from the year prior,11 and U.S.
residential rates increased by 2.9 percent12 from 2012 to 2013. Going forward, EIA forecasts
only modest growth in average residential rates, including a rise in 2014 of 0.9 percent from
9

Ibid., 43-50.
U.S. Energy Information Administration, “Oil and Gas Supply, Reference case,” AEO2014 Early Release
Overview Interactive Table Viewer, accessed April 16, 2014,
http://www.eia.gov/oiaf/aeo/tablebrowser/#release=AEO2014ER&subject=8-AEO2014ER&table=14AEO2014ER&region=0-0&cases=ref2014er-d102413a. Percentage (2.83) calculated by Boston Pacific.
11
Percent increase (1.45 percent) calculated by Boston Pacific using data from Edison Electric Institute, Typical
Bills and Average Rates Report for Winter 2013, cited in Florida Power & Light, “Residential Bills lower than
national average,” 2012; Edison Electric Institute, Typical Bills and Average Rates Report for Winter 2012, cited in
Florida Power & Light, “Residential customer bills 25 percent below the national average,” 2013.
12
Percent increase calculated by Boston Pacific using data from U.S. Energy Information Administration, “Average
Retail Price of Electricity to Ultimate Customers by End-Use Sector, by State, November 2013 and 2012 (Centers
per Kilowathour),” Electric Power Monthly, January 21, 2014, table 5.6.A.
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2013 levels, another 1.7 percent in 2015, and by a total of 14.7 percent in 2040 from 2013 levels,
all in real terms.13
Additionally, we provide four anecdotal examples of utilities seeking or projecting rises
in retail rates and, potentially, monthly bills. Again, while this by no means indicates a wider
trend of rising rates, our purpose was to check up on real utilities across the U.S. to see if there
are any instances of significant rate changes.

F. Long-Term Demand Shock: Electric Vehicles
As a backdrop to this year’s chapter on electric vehicles (EV), it is useful to look back at
our previous reports’ findings and conclusions regarding electric vehicles. In the first annual
Looking Forward Report, we concluded that the potential for a demand shock in SPP, from a
nationwide adoption of 1 million EVs, was remote. Since then, we have been on the lookout for
evidence that would suggest otherwise. In the subsequent two years, we evaluated anecdotal
evidence, including advances in technology, changes in the economics of EVs, sales updates, and
the Chinese EV industry; we found no reason to change our viewpoint in either report.
In reassessing the issue for the 2014 report, the dramatic growth in Tesla Motor’s stock
price caught our eye. In less than a year, Tesla’s stock price has risen from $51 to $245 per
share, representing a 380 percent increase in less than a year.14 For a company that solely
produces EVs, one might say that its investors are betting on substantial growth in EV sales. If
we look at overall sales for EVs, data appears to confirm such growth. Annual EV sales grew 83
percent from 2012 to 2013.15
However, other data points provide a mixed picture. First, if we use the Obama
administration’s goal of having 1 million EVs on the road by 2015 as a benchmark for where
EVs should be to support “advanced technology vehicle manufacturing and adoption in the U.S.
…,”16 EVs are a long way off from the necessary pace – another 820,000 EVs would need to be
sold this year. In fact, the EIA tells us that this goal will not be achieved until 2021 or 2022.17

13

Percent increase calculated by Boston Pacific using data from U.S. Energy Information Administration,
“Electricity Supply, Disposition, Prices, and Emissions, Reference Case,” AEO2014 Early Release Overview
Interactive Table Viewer, accessed April 18, 2014,
http://www.eia.gov/oiaf/aeo/tablebrowser/#release=AEO2014ER&subject=6-AEO2014ER&table=8AEO2014ER&region=0-0&cases=ref2014er-d102413a.
14
NASDAQ, “Tesla Historical Stock Prices,” NASDAQ website, accessed April 1, 2014,
http://www.nasdaq.com/symbol/tsla/historical.
15
Electric Drive Transport Association, “Electric Drive Sales Dashboard: Cumulative U.S. Plug-In Vehicle Sales,”
EDTA website, accessed April 18, 2014, http://www.electricdrive.org/index.php?ht=d/sp/i/20952/pid/20952.
16
Office of the Vice President, “Vice President Biden Announces Plan to Put One Million Advanced Technology
Vehicles on the Road by 2015,” the White House website, last modified January 26, 2011,
http://www.whitehouse.gov/the-press-office/2011/01/26/vice-president-biden-announces-plan-put-one-millionadvanced-technology-.
17
U.S. Energy Information Administration, “Light-Duty Vehicle Sales by Technology Type, United States,
Reference Case,” AEO2014 Early Release Overview Interactive Table Viewer, accessed April 16, 2014,
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Additionally, the EIA forecasts that EVs will represent less than 2 percent of total vehicles in
2040, and that 78 percent of total vehicles will still run on gasoline.18 Other data on market
penetration and sales comparisons also indicate stiff competition from both hybrid electric and
gasoline internal combustion engine (ICE) vehicles.
We also examined other factors such as fuel efficiency, policy, and technology to see
what may be contributing to a less favorable outlook for EVs. Regarding fuel efficiency, by
2040, the EIA estimates that EVs will continue to extend their lead over other vehicle types in
fuel efficiency. However, gasoline ICE vehicles will experience the greatest percentage increase
in fuel efficiency.19 The current policy environment remains favorable for EVs with mandates
and subsidies from federal and state governments that call for higher efficiency vehicles and
provide tax credits for EVs. However, when we evaluated the current state of EV technology,
we found that EVs are still beset by range anxiety issues. Currently, range anxiety stems from
two primary issues: battery performance and infrastructure. A safety issue has been raised with
claims that that the leading battery technology (lithium-ion) for EVs is susceptible to catching on
fire. We note, however, that other battery alternatives with different chemistries are being
explored that do not carry the same fire risks of lithium-ion (Li-ion) batteries.
Based on the status of the EV industry, we reaffirm our conclusion from the 2011 Annual
Looking Forward Report that the emergence of EVs is not expected to have a major impact on
SPP in the foreseeable future.20

G. An Introduction to Energy Storage
Recently, there has been substantial discussion about energy storage in the media, as well
as in the investment, utility, and regulatory communities. That discussion indicates some
momentum for energy storage projects. California is seen as the place where energy storage may
achieve a foothold with an estimated $3 billion in contracts for new projects.21 Investment and
industry executives have both acknowledged that energy storage will become a reality in the near
future with battery storage being a primary focus. With this new, emerging momentum, we
thought it might be helpful to present an overview of energy storage, covering formative policy,
leading technologies, and the applications that energy storage may fill. We thought this primer
might help if the board begins to see proposals for storage, especially in the context of SPP’s
new ancillary services markets.
With respect to formative policy, two major policy actions that have taken place over the
past few years are seen as key drivers for growth in energy storage. First, FERC has recently
http://www.eia.gov/oiaf/aeo/tablebrowser/#release=AEO2014ER&subject=0-AEO2014ER&table=48AEO2014ER&region=1-0&cases=ref2014er-d102413a.
18
Ibid.
19
Ibid.
20
Craig R. Roach, Ph.D. et al., Southwest Power Pool Annual Looking Forward Report, Boston Pacific Company,
Inc., April 15, 2011, 35.
21
Cassandra Sweet and Rebecca Smith, “For Storing Electricity, Utilities Push New Technologies,” Wall Street
Journal, February 27, 2014.
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issued three orders that create new opportunities for grid energy storage. Second, last year,
California adopted the nation’s first energy storage mandate. The mandate requires California’s
three major regulated utilities to have a combined 1,325 MW of grid energy storage procured by
2020 that will help support investment of new projects.22
With respect to leading technologies, currently there is a wide range of energy storage
technologies being considered for commercial use. We focus on six leading technologies that
are either mature or have deployed projects that are currently operating at a grid-scale with
capacities greater than 1 MW. These technologies include pumped hydro storage, compressed
air energy storage, three types of battery storage, and flywheel energy storage. We discuss the
status and operational characteristics of each technology.
With respect to applications, there is a wide range of grid services that energy storage
systems may provide. However, many of these grid services are already provided by existing
grid resources, including generation, transmission, distribution, demand response, distributed
generation, or a combination thereof. We believe the value of energy storage lies in its unique
capability to deliver greater speed and accuracy for regulation and frequency response services.
Energy storage can be two times more effective than conventional fossil-fueled generation in
providing these services. While advances continue to be made in energy storage technologies, it
is still too early to tell how competitive energy storage will be compared to existing grid
resources.

H. Anticipating New Science and Technology
Most can agree that long-term strategic planning for the electricity business must
anticipate the potential for new (often-disruptive) science and technology to emerge. To wit,
most of the topics addressed in this report involve new technologies that have or may have major
impacts on the electricity market, in general, and on SPP markets, in particular. However, most
can also agree that the standard quantitative models do not do a good job at anticipating new
technology. The best (or worst) example is the failure of those models to predict the shale gas
revolution. A more qualitative, yet disciplined approach is needed.
Top historians such as Thomas P. Hughes and Richard F. Hirsch give at least two guiding
principles for this qualitative approach. First, new technology does not arrive unexpectedly,
which gives some hope that new technology can be anticipated. Second, new technology is not
all (or even primarily) about science and engineering because government policy, law,
economics, business strategy, and culture all collude to shape an industry, which shows how
complex it is to anticipate new technology. Given this, the heart of this qualitative approach
must involve weaving together all the many factors that drive new technology – here, that
approach is termed “strategic storytelling.”

22

Decision Adopting Energy Storage Procurement Framework and Design Program, Decision 13-10-040, Before the
Public Utilities Commission of California, October 17, 2013, 2.
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Rather than define the approach in abstract, it is best just to jump into three varied
applications. The first application attempts to find parallels between the development of two
very different technologies – nuclear power and wind power. One parallel is that support for
each technology was justified primarily by one overarching goal, respectively. For nuclear
power, it was to win the Cold War by showing the technological superiority of capitalism. For
wind, it is to address global climate change. A second parallel is that both of these technologies
received substantial government policy support. For nuclear power, the support was in the form
of large cash subsides. For wind, the support comes from the combination of state mandates and
federal money (mostly through the production tax credit). A final possible parallel is that,
despite the heavy dependence on government support, each technology had to or will have to
meet a commercial test; that is, be an economically viable energy source independent of
subsidies. It is said that nuclear failed because it failed to pass this test; rather than being ‘too
cheap to meter,’ it became ‘too expensive to build.’ The difference with wind is that it has
continually had to pass a market test – the test of winning a contract in a state competitive
procurement or the test of winning dispatch in a Regional Transmission Organization (RTO)
energy market. The point is that wind may be in a far better position to leave the subsidies
behind because ongoing competition has driven price decreases and performance increases.
A second application addresses the question of whether a carbon tax is likely in the
future. One view is that it is only likely if it can be shaped by compromise into a ‘tax swap.’
That is, only if a tax is placed on carbon to discourage greenhouse gas emissions and the revenue
is used to fund tax reform. Also, it may be more likely if it leads to a ‘policy sweep’ – that is, if
the tax on carbon results in the repeal of some or all the many technology-specific subsidies now
used.
A third application addresses the question of the potential for a renaissance for nuclear
power based on new technology referred to as Small Modular Reactors (SMR). This new
technology is being funded with millions of dollars from the Department of Energy (DOE), but
the most important storyline is that it directly responds to at least two of the strategic failures of
nuclear power in the past: cost and safety.
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II.

The Shale Gas Revolution
(An Update)

W

e focused on four
foundational aspects of the
ongoing shale gas revolution
in our 2013 report: 1) the anticipated
production of and prices for shale gas and
the rising share of electricity production
attributed to natural gas-fired generation; 2)
the impact shale gas is forecast to have on
the American economy; 3) an assessment
of environmental concerns related to shale
gas extraction; and 4) the potential for U.S.
exports of liquefied natural gas. In this
year’s report, we provide updates to these
four topics using forecasts from the EIA
and the USGS, as well as reports from IHS
and Ceres. We also introduce a fifth topic
with a discussion of increased regulation by
various levels of government regarding
shale gas production, especially as it relates
to environmental concerns.

A. Latest Shale Gas Forecasts
As was true last year, the central question for the board is whether the shale gas
revolution is still alive and well. That is, are the latest reports and forecasts still reflecting the
view that expanding shale gas production will continue to assure America of ample natural gas
supplies at reasonable prices? The board’s interest in natural gas comes from the importance of
natural gas in the SPP markets – especially by the fact that natural gas is often at the margin and,
therefore, sets the SPP market energy price. Still, the board should maintain a healthy skepticism
when looking at the output of computer models, which did not predict the rise of the shale gas
revolution and may be similarly unreliable in predicting its fall.
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1. Increased Gas Production
Current EIA data report that in 2013, the U.S. produced approximately 30.2 Tcf of
natural gas.23 The share of total natural gas production from unconventional sources has grown;
total natural gas production from unconventional sources was up from 49 percent in 2012, 45
percent in 2011, and 36 percent in 2010.24
Turning to future production, Figure II.1 shows a forecast of the share of total U.S.
energy production by resource type. As can readily be seen there, energy production continues
to increase substantially over the 2012 to 2040 period. Notably, the only energy source with a
substantial increase in market share is natural gas – its share of total energy production in the
U.S. increases from 31 percent in 2012 to 38 percent in 2040.
FIGURE II.1
U.S. Energy Production by Fuel, 1980-2040 (quadrillion Btu)

Source: U.S. Energy Information Administration, AEO2014 Early
Release Overview, December 16, 2013, p. 12, figure 11.

EIA estimates in its Annual Energy Outlook 2014 Early Release Overview (AEOER) that
by 2040, the final year in their forecast, unconventional gas production will be approximately 30
Tcf out of a total natural gas production of 37.5 Tcf, or about 80 percent of the total.25 Shale gas
U.S. Energy Information Administration, “Natural Gas Gross Withdrawals and Production,” EIA website,
accessed April 18, 2014, http://www.eia.gov/dnav/ng/ng_prod_sum_dcu_NUS_a.htm.
24
U.S. Energy Information Administration, “Natural Gas: Natural Gas Gross Withdrawals and Production,” EIA
website, accessed February 28, 2014, http://www.eia.gov/dnav/ng/ng_prod_sum_dcu_nus_a.htm. Unconventional
gas includes shale gas, tight gas, and coalbed methane.
25
U.S. Energy Information Administration, “Oil and Gas Supply, Reference case,” AEO2014 Early Release
Overview Interactive Table Viewer, accessed April 16, 2014,
http://www.eia.gov/oiaf/aeo/tablebrowser/#release=AEO2014ER&subject=8-AEO2014ER&table=14AEO2014ER&region=0-0&cases=ref2014er-d102413a.
23

13

115 of 218

production contributes approximately 66 percent, or two-thirds, of the total unconventional gas
amount in that year.26
The growing share of unconventional gas supply, shale gas in particular, in total natural
gas production is depicted in Figure II.2 from the EIA. The graph demonstrates that shale gas is
the major source that contributes to the continued growth of U.S. overall natural gas production.
While almost all other sources of natural gas stagnate or decrease from 2013 to 2040, shale gas
production more than doubles. This increase leads to shale contributing over 78 percent of the
total growth in U.S. natural gas production over the projected period. Based on these EIA
estimates, shale gas production is expected to be the fundamental force in the evolving U.S.
petroleum energy landscape.
FIGURE II.2
U.S. Natural Gas Production and Constituent Sources, 2011-2040

Source: Graph produced by Boston Pacific using data from: U.S. Energy Information Administration,
“Oil and Gas Supply, Reference case,” AEO2014 Early Release Overview Interactive Table Viewer,
accessed April 16, 2014, http://www.eia.gov/oiaf/aeo/tablebrowser/#release=AEO2014ER&subject=8AEO2014ER&table=14-AEO2014ER&region=0-0&cases=ref2014er-d102413a.

26

Ibid.
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EIA’s projections are similar to IHS CERA’s 2013 estimates for the year 2035 that
Boston Pacific described in last year’s Looking Forward Report.27 That is, for 2040, EIA
forecasts two-thirds of total unconventional natural gas production will come from shale gas,
which matches IHS’s forecast for 2035. Their alignment serves as a sanity check.
It also is informative to see that EIA’s forecasts over the last several years reflect a
growing role for natural gas, in general, and shale gas, in particular. The cumulative natural gas
production projections for the years 2012 to 2040 from EIA’s most recent forecast, the 2014
AEOER, are 11 percent higher than the same period forecast in last year’s Annual Energy
Outlook (AEO) report, an increase EIA says is due to primarily shale gas production.28
In addition, USGS provides natural gas resource data that also demonstrates the
continued strengthening of the shale gas revolution. Updated annually, the National Assessment
of Oil and Gas Project maintains a database of “priority” basins, which represent “97% of the
discovered and undiscovered oil and gas resources of the United States.”29 The USGS estimates
in its most recent assessment, dated March 2013, that the U.S. has approximately 425 Tcf of total
shale gas resources,30 which is roughly a 10 percent increase from the previous year’s estimated
amount of 387 Tcf. 31

2. Increased Natural Gas Prices
As seen in Table II.1, EIA, in its 2014 AEOER, forecasts that gas prices (in real terms) at
Henry Hub will experience three distinct phases in the projected period ending in 2040. First,
relatively stables prices of approximately $3.74/MMBtu exist until 2015, after which prices
undergo an approximate 30 percent increase to $4.80/MMBtu by 2018. This increase is followed
by two years of declining prices that result in a price forecast of $4.38/MMBtu in 2020. Gas
prices from 2020 onward increase consistently resulting in an estimated $7.65/MMBtu spot price

IHS Global, America’s New Energy Future: The Unconventional Oil and Gas Revolution and the US EconomyVolume 1: National Economic Contributions, October 2012, 19, quoted in Roach, Ph.D. et al., Southwest Power
Pool Annual Looking Forward Report, Boston Pacific Company, Inc., April 23, 2013, 10.
28
U.S. Energy Information Administration, AEO2014 Early Release Overview, December 16, 2013, 13.
29
U.S. Geological Survey, “National Oil and Gas Assessment 2013 Assessment Updates,” USGS website, last
modified May 24, 2013,
http://energy.usgs.gov/OilGas/AssessmentsData/NationalOilGasAssessment/AssessmentUpdates.aspx.
30
U.S. Geological Survey, “National Oil and Gas Assessment 2013 Assessment Updates: USGS National
Assessment of Oil and Gas Resources Update (March, 2013): Continuous Gas Resources (Includes coalbed gas,
shale gas, and tight gas) [citation omitted],” USGS website, last modified March 2013,
http://certmapper.cr.usgs.gov/data/noga00/natl/tabular/2013/Summary_13_Cont_Gas.pdf.
31
U.S. Geological Survey, “USGS National Assessment of Oil and Gas Resources Update (August, 2012):
Continuous Gas Resources (Includes coalbed gas, shale gas, and tight gas) [citation omitted],” USGS website, last
modified August 2012, http://certmapper.cr.usgs.gov/data/noga00/natl/tabular/2012/Summary_12_Cont_Gas.pdf.
27
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in 2040.32 Overall, prices grow at an implied compound annual rate of 2.83 percent in real
terms.33
TABLE II.1
EIA Henry Hub Price Forecasts
Implied Compound
Annual Growth
2013 2014 2015 2016 2017 2018 2020 2025 2030 2035 2040 from 2013 - 2040

2014 AEOER Henry
Hub Spot Price
(2012 dollars/MMBtu)
2013 AEO Henry Hub
Spot Price
(2011 dollars/MMBtu)

3.60

3.74

3.74

4.14

4.40

4.80

4.38

5.23

6.03

6.92

7.65

2.83%

3.25

3.12

3.12

3.57

3.70

3.96

4.13

4.87

5.40

6.32

7.83

3.31%

Source: Boston Pacific table using data from U.S. Energy Information Administration, “Oil and Gas Supply, Reference case,”
AEO2014 Early Release Overview Interactive Table Viewer, accessed April 16, 2014,
http://www.eia.gov/oiaf/aeo/tablebrowser/#release=AEO2014ER&subject=8-AEO2014ER&table=14AEO2014ER&region=0-0&cases=ref2014er-d102413a; U.S. Energy Information Administration, “Natural Gas Supply,
Disposition, and Prices, Reference Case,” Annual Energy Outlook 2013 with Projections to 2040 Interactive Table
Viewer, accessed April 18, 2014, http://www.eia.gov/oiaf/aeo/tablebrowser/#release=AEO2013&subject=8AEO2013&table=13-AEO2013&region=0-0&cases=ref2013-d102312a.

Up to the year 2037, EIA’s 2014 AEOER Henry Hub price forecasts are higher than
those made in last year’s AEO. EIA explains the uptick, stating, “… price increases in the near
term [are] driven by faster growth of consumption in the industrial and electric power sectors
and, later, growing demand for export at LNG facilities.”34 The remaining three years in this
year’s forecast have a slower price growth due to a “sustained increase in production” of natural
gas, according to the EIA.35
Though long-term price forecasts can provide a broad idea of where prices may go, they
cannot predict abrupt changes and do not typically reflect real-world price volatilities. From
December 2013 to the middle of February 2014, two periods of particularly cold temperatures
and large amounts of precipitation (known as “polar vortexes”) occurred in the U.S. The first
“polar vortex” corresponded with Henry Hub price increases of nearly 10 percent in the week
that followed the precipitous drop in temperatures.36 The second extreme cold weather event led
to two even larger price spikes: first, prices increased by approximately 16 percent at the Henry
Hub two weeks after the storm, followed by about 20 percent two weeks later.37 For
comparative purposes, price fluctuations on a weekly basis surrounding these events varied no
U.S. Energy Information Administration, “Oil and Gas Supply, Reference case,” AEO2014 Early Release
Overview Interactive Table Viewer, accessed April 16, 2014,
http://www.eia.gov/oiaf/aeo/tablebrowser/#release=AEO2014ER&subject=8-AEO2014ER&table=14AEO2014ER&region=0-0&cases=ref2014er-d102413a.
33
Ibid. Percentage (2.83) calculated by Boston Pacific.
34
U.S. Energy Information Administration, AEO2014 Early Release Overview, December 16, 2013, 7.
35
Ibid.
36
U.S. Energy Information Administration, “Natural Gas: Henry Hub Natural Gas Spot Price,” EIA website,
accessed March 12, 2014, http://www.eia.gov/dnav/ng/hist/rngwhhdd.htm.
37
Ibid.
32
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more than 5 percent.38 Despite low prices, getting shale to markets is an issue. Regulators must
contend with natural gas spikes.
An example of even more extreme price volatility can be seen in New York City’s hub:
prices there increased by a factor of 10 due to the first bout of very cold weather, hitting levels
over $50/MMBtu.39 With the second round of extreme cold, prices exceeded $100/MMBtu for
the first time ever, where on January 21 prices reached a peak of $120.70/MMBtu.40 Figure II.3
graphs price volatility over the past year for three major city hubs, as well as for Henry Hub.
The impact sudden and extreme weather can have on gas prices is prominently visible. While
investigations are ongoing, transportation infrastructure deficiencies are suspected to the primary
reason for the price increases.
FIGURE II.3
U.S. Natural Gas Regional Spot Prices

Source: U.S. Energy Information Administration, Short-Term Energy Outlook Market Prices and
Uncertainty Report, February 11, 2014, p. 10, figure 13.

3. Electricity Production from Natural Gas
By 2040, EIA’s 2014 AEOER reports that natural gas will account for 35 percent of total
electricity production in the U.S., up from the 30 percent share predicted in the April 2013 AEO
report.41 Coal’s anticipated share drops in 2040 from 35 percent in the 2013 AEO to 32 percent

38

Ibid.
U.S. Energy Information Administration, Short-Term Energy Outlook Market Prices and Uncertainty Report,
February 11, 2014, p. 10, figure 13.
40
Ibid., 10.
41
U.S. Energy Information Administration, AEO2014 Early Release Overview, December 16, 2013, 2; U.S. Energy
Information Administration, Annual Energy Outlook 2013 with Projections to 2040, April 2013, 39.
39
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in the 2014 AEOER.42 Within a single year, forecasts of natural gas-generated electricity’s
market share grew by 5 percent, a significant increase in which unconventional gas has a major
role. However, despite the decrease in percentage contribution, coal is forecast to still be a
significant generation resource. Figure II.4 graphs the change in market share for various fuel
sources. EIA claims that a “combination of slow growth in electricity demand, competitively
priced natural gas, programs encouraging renewable fuel use, and the implementation of
environmental rules dampens future coal use.”43
FIGURE II.4
Electricity Generation by Fuel, 1990-2040 (trillion kWh)

Source: U.S. Energy Information Administration, AEO2014 Early Release
Overview, December 16, 2013, p. 14, figure 13.

The EIA forecasts natural gas-generated electricity will become the largest resource for
supplying electricity in the U.S. in 2035 at the expense of coal. Figure II.5 graphs the year when
natural gas is projected to surpass coal and the relative amounts of electricity production by each
source.

42

U.S. Energy Information Administration, Annual Energy Outlook 2013 with Projections to 2040, April 2013, 39;
U.S. Energy Information Administration, AEO2014 Early Release Overview, December 16, 2013, 2.
43
U.S. Energy Information Administration, AEO2014 Early Release Overview, December 16, 2013, 14.
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FIGURE II.5
Electricity Generation from Natural Gas and Coal, 2005-2040 (trillion kWh)

Source: U.S. Energy Information Administration, AEO2014 Early Release Overview,
December 16, 2013, p. 2, figure 3.

B. The Shale Revolution Continues to be an Economic Revolution
In last year’s report, we presented IHS's findings on the significant economic benefits the
shale gas revolution had provided the U.S. thus far and the even greater benefits for the future.
IHS concluded that substantial positive impacts in the form of capital expenditures, direct and
indirect job creation, and federal and state tax revenue would alter the U.S. economic landscape.
This research was spread over two reports in a three part series called America’s New Energy
Future: The Unconventional Oil and Gas Revolution and the U.S. Economy. In this year’s
report, we cover the third and final part in IHS’s series, “A Manufacturing Renaissance.”
Due to projected low prices for natural gas, IHS estimates that the U.S. energy-related
chemical industry “will gain a significant competitive advantage in world markets.”44 The
petrochemical industry is poised to return to the U.S. after a period of reduced production caused
by higher gas and subsequent industrial feedstock prices.45 IHS focuses on production of four
chemicals that stand to benefit substantially from the shale gas revolution: ethylene, propylene,
methanol, and nitrogen fertilizers. An early indication of this “renaissance” is newly announced
chemical plants as presented by IHS:
IHS Global, “A Manufacturing Renaissance,” America’s New Energy Future: The Unconventional Oil and Gas
Revolution and the US Economy: Volume 3, September 2013, 20.
45
Ibid., 21-22.
44
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Sasol announced a new $16 to $21 billion dollar gas-to-liquids plant to be built in
Louisiana46;
“Dow Chemical Co. will create 150 permanent jobs and spend $1.7 billion to
build a hydrocarbon cracker [plant] in …Texas”47;
“The Canadian methanol company Methanex Corp. is relocating two $550 million
methanol plants from Chile to Geismar, Louisiana … The U.S. investment comes
as limited gas supplies in Chile have kept Methanex factories there operating
below capacity”48;
“Orascom Construction Industries of Egypt is building a new green field nitrogen
fertilizer plant in southeast Iowa to supply Corn Belt customers. The new plant
[is] the first world-scale, natural gas-based fertilizer plant built in the United
States in nearly 25 years …”49

In addition to the chemical industry “renaissance,” IHS estimates that the broad industrial
base will also benefit from the shale gas revolution. IHS claims, “[u]nconventional oil and
natural gas development is projected to increase industrial production by 2.8% in 2015, by 3.5%
in 2020, and by 3.9% in 2025.”50 Adding granularity, IHS estimates that specific industries such
as “Resins & Synthetic Material Manufacturing,” “Concrete & Product Manufacturing,” “Iron &
Steel Product Manufacturing,” and “Fabricated Metal Product Manufacturing” are projected to
gain additional “lift” when compared against historical growth rates.51 IHS concludes that, “ …
the overall contribution from lower natural gas prices, increased energy activity, and the secondorder economic impacts of the unconventional oil and gas revolution will improve the outlook of
the manufacturing sectors.”52

C. Ongoing Review of Potential Environmental Impacts
In last year’s Looking Forward Report, we addressed environmental concerns arising
from unconventional gas production.53 We split our environmental section into two major areas
of concern: emissions and water. From our research, we determined that, according to the
National Renewable Energy Laboratory, natural gas-fired electricity generation emits fewer
climate-changing emissions as compared to coal-fired generation when assessed across its full
fuel cycle. We reported that EPA claimed it did not yet know enough about shale gas
production’s potential impacts on water quality and had initiated a major study to get the
information it needed. Additionally, we briefly discussed how unconventional gas producers
were responding to increasing water scarcity issues as a result of drought conditions.
46

Ibid., 24.
Ibid., 27.
48
Ibid., 29.
49
Ibid., 30.
50
Ibid., 55.
51
Ibid., 55, 57.
52
Ibid., 56.
53
Roach, Ph.D. et al., Southwest Power Pool Annual Looking Forward Report, Boston Pacific Company, Inc.,
April 23, 2013, 14-17.
47
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This year, we expand and update research on water impacts of unconventional gas
production from last year’s report. The EPA has not yet issued its draft report on water quality
impacts of shale gas extraction. Given that, we instead focus on water scarcity by reviewing
studies that provide additional perspectives and data on this issue. This year’s chapter will also
present findings from two reports that analyzed unconventional gas production’s potential for
inducing seismic activity. Finally, we will briefly review legislative and regulatory action
occurring at various levels of government that impact shale gas operations.

1. Water Scarcity Concerns
Again, the EPA is currently engaged in a comprehensive study of potential impacts of
hydraulic fracturing on drinking water resources. The EPA should produce a preliminary draft
of the report later this year. Obviously, any federal regulation of unconventional gas production
due to the resource’s impact on drinking water will likely arise from EPA’s conclusions.
Paralleling EPA’s ongoing research and scrutiny on water quality are the efforts to
further understand the complex relationship between unconventional gas production and water
scarcity. Ceres, a prominent non-profit that advocates for more sustainable business practices,
released a report last year that provided a comprehensive national inventory of hydraulic
fracturing operations and “the extent to which this activity is taking place in water stressed
regions.”54 Ceres utilized FracFocus.org and water stress indicator maps developed by the
World Resources Institute to develop the database.55 Setting the tone of the report, Ceres opens
with, “[g]iven projected sharp increases in production in the coming years and the potentially
intense nature of local water demands, competition and conflicts over water should be a growing
concern for companies, policymakers and investors.”56
As Ceres notes in its report, “[a]lthough water use for hydraulic fracturing is often less
than one or two percent of a state’s overall use, it can be much higher at the local level,
increasing competition for scarce supplies.”57 Though statewide water issues due to
unconventional gas activities are unlikely given the relative consumption, western states may
face stronger opposition from local communities where hydraulic fracturing efforts are prevalent.
When the continuing drought conditions in the western half of the country are considered as
well, these concerns become more pressing for decision makers.

54

Freyman and Salmon, Hydraulic Fracturing & Water Stress, Ceres, May 2013, 3.
Ibid. “FracFocus.org was launched in 2011 to serve as a voluntary national hydraulic fracturing chemical registry
and is managed by the Groundwater Protection Council and the Interstate Oil and gas Compact Commission … The
database provides the location of each well that was ‘fracked,’ the date it was fracked and the chemical additives and
total volume of water injected down the well … Since being launched, 10 states and two Canadian provinces have
opted to use FracFocus for regulatory reporting … Since disclosure to FracFocus is often still voluntary, the number
of wells and volume of water injected/used is underreported.” (Freyman and Salmon, Hydraulic Fracturing & Water
Stress, Ceres, May 2013, 4.)
56
Freyman and Salmon, Hydraulic Fracturing & Water Stress, Ceres, May 2013, 3.
57
Ibid., 5.
55
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Figure II.6 indicates that “…75 percent of [shale oil and gas] wells are located in regions
with medium or higher baseline water stress levels.”58
Figure II.6:

Source: Freyman and Salmon, Hydraulic Fracturing & Water Stress, Ceres, May 2013, p. 6, figure 1.

Increasing the resolution of the data reveals the range of water scarcity issues across the
nation, particularly in the Southwest. Figure II.7 segregates the number of wells in the top seven
shale energy-producing states by water stress levels. For example, Ceres finds that 97 percent of
Colorado’s wells are at high or extreme stress levels, and in Texas, nearly half of the total wells
drilled and reported in the state are located in high to extremely high water stress regions. 59

58

Freyman and Salmon, Hydraulic Fracturing & Water Stress, Ceres, May 2013, 5. According to Ceres, water
stress levels indicate the level of competition in a given region and measures total annual water withdrawals
(municipal, industrial and agricultural) expressed as a percentage of water available. For example, an 80 percent
stress rating indicates that of all the available water resources in a specified area, 80 percent is being withdrawn
annually, leaving only 20 percent unused. (Freyman and Salmon, Hydraulic Fracturing & Water Stress, Ceres, May
2013, 3).
59
Freyman and Salmon, Hydraulic Fracturing & Water Stress, Ceres, May 2013, 6.
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Figure II.7:

Source: Freyman and Salmon, Hydraulic Fracturing & Water Stress, Ceres, May 2013, p. 6, figure 2.

Mitigating solutions to increasing water scarcity are available for unconventional gas
operations. The use of recycled water is one solution; that is, reusing water that has already been
used in the fracturing of a well. Rates of recycling are reported to be around 40 percent in the
Marcellus play in Pennsylvania, though rates are much lower in other regions.60 Another
alternative is the use of “wastewater, saline water, seawater or acid-mine drainage” in place of
freshwater.61 Texas is increasingly using saline water in its operations, where recent reports
indicate it comprises 20 percent of all water usage in the Eagle Ford.62
Ceres concludes its study on water scarcity with this:
The bottom line: shale energy development cannot grow without water, but in
order to do so the industry’s water needs and impacts need to be better
understood, measured and managed. A key question investors should be asking is
whether water management planning is getting sufficient attention from both
industry and regulators.63

2. Seismic Activity Concerns
A concern we have yet to cover in the Looking Forward Report is shale gas production’s
impact on seismic activity. The USGS is the federal government’s primary source of
60

Ibid., 11.
Ibid.
62
Ibid.
63
Ibid., 3.
61
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information that would influence policy regarding hydraulic fracturing’s potential impacts on
seismic activity. Currently, the USGS is monitoring areas in the U.S. with possible links
between shale gas production and seismic activity. These efforts are ongoing and we report here
on the USGS’s work in Oklahoma, as well as a recent study from Durham University’s Energy
Institute.
According to the USGS, more than 200 magnitude 3.0 or greater earthquakes have
occurred in central Oklahoma since 2009 – an unusual increase that has warranted extra scrutiny
from both the USGS and the Oklahoma Geological Survey.64 USGS studies “show one to three
magnitude 3.0 earthquakes or larger occurred yearly from 1975 to 2008, while the average grew
to around 40 earthquakes per year from 2009 to mid-2013.”65 Analyses conducted by
seismologists indicated that they are not due to “random fluctuations in natural seismicity
rates.”66 Rather, “[t]he analysis suggests that a contributing factor to the increase in earthquakes
triggers may be from activities such as wastewater disposal [from hydraulic fracturing
operations] – a phenomenon known as injection-induced seismicity.”67 Scientists from both
federal and state scientific teams continue to monitor the situation.
Induced Seismicity and Hydraulic Fracturing for the Recovery of Hydrocarbons is a
study out of Durham University in England that analyzed the possibility of induced seismic
activity due to hydraulic fracturing.68 The study found that when faults are affected by hydraulic
fracturing activity, the majority of the resulting earthquake magnitudes “tend to be very low, and
do not exceed [a magnitude of one].”69 Though the report does mention the 2011 Eola Field
Oklahoma incident that produced earthquakes with magnitudes as high as 2.8, this incident was
said to be uncommon.70 The report states, “[i]t should be noted, however, that after hundreds of
thousands of fracturing operations, only three examples [one of which being Eola Field] of felt
seismicity have been documented. The likelihood of inducing felt seismicity by hydraulic
fracturing is thus extremely small but cannot be ruled out.”71
When reviewed together, these two studies from the USGS and Durham indicate that the
actual process of hydraulic fracturing in unconventional gas operations is not likely to be the
cause of noticeable seismic activity. Rather, research suggests that potentially damaging seismic
activity can result from wastewater injection.72
U.S. Geological Survey, “Earthquake Swarm Continues in Central Oklahoma,” USGS newsroom, last modified
October 22, 2013, http://www.usgs.gov/newsroom/article.asp?ID=3710&from=rss#.U1GAC1dmM1o.
65
Ibid.
66
Ibid.
67
Ibid.
68
Richard Davies et al., Induced Seismicity and Hydraulic Fracturing for the Recovery of Hydrocarbons, Durham
Energy Institute, April 2013.
69
Ibid., 16.
70
Ibid.
71
Ibid., 18.
72
A recent radiation leak from the Waste Isolation Pilot Plant uranium repository in New Mexico, which is
surrounded by “more than 100 operating oil and natural gas wells,” according to the director of the Nuclear Waste
Safety Program at Southwest Research and Information Center, resulted in some concern about the interaction of
hydraulic fracturing, its potential impact on seismic activity, and the location of the uranium repository. (Dahr
Jamail, “Radiation Leak at New Mexico Nuclear Waste Storage Site Highlights Problems,” Truthout website, last
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3. Regulatory Efforts
Recently, governments ranging from federal to local levels have introduced legislation or
regulations that directly or indirectly impact shale gas operations. In February 2014, Colorado
successfully passed the nation’s first-ever rules that regulate methane emissions from hydraulic
fracturing wells.73 The legislation was a joint effort between the Environmental Defense Fund
and industry and state officials.74 Among the new requirements is one that requires companies to
install devices that capture 95 percent of emissions, both volatile organic compounds and
methane.75 They must also identify and control leaks from oil and gas equipment using special
equipment at least once a month.76 State officials estimate the new rules will reduce annual
emissions by 92,000 tons per year.77 As legislative efforts evolve in other levels of government
across the nation, these regulations may very well serve as a benchmark for compromises
negotiated by competing economic and environmental groups.
Other state and local governments are taking actions as well. For example, both
California and Illinois passed regulations on hydraulic fracturing that will permit operations to
begin within the respective states. Before permitting in California can begin, however, the state
will require studies be conducted that will report any potential air, water, and public health
impacts of fracking operations; these studies are expected to be completed in January 2015.78
Like California, Illinois’ regulations require disclosure of chemicals used in the fracturing fluid
and set guidelines for the management of wastewater.79 On the local level, four municipalities in
Colorado passed legislation that prohibit hydraulic fracturing activities for at least five years or
more.80 One of the municipalities additionally banned the transportation of wastewater produced
modified March 24, 2014, http://truth-out.org/news/item/22599-radiation-leak-at-new-mexico-nuclear-wastestorage-site-highlights-problems.)
73
The amended regulations will become effective upon publication by the Secretary of State. Department of Public
Health and Environment, Regulation Number 7: Control of Ozone via Ozone Precursors and Control of
Hydrocarbons via Oil and Gas Emissions: 5 CCR 1001-5 (adopted by the Colorado Air Quality Control
Commission, unofficial draft, February 23, 2014).
74
Kiley Kroh, “Colorado Becomes the First State to Regulate Methane Emissions from Fracking,” Think Progress
website, last modified February 24, 2014, http://thinkprogress.org/climate/2014/02/24/3322651/colorado-methanefracking/.
75
Department of Public Health and Environment, Regulation Number 7: Control of Ozone via Ozone Precursors
and Control of Hydrocarbons via Oil and Gas Emissions: 5 CCR 1001-5 (adopted by the Colorado Air Quality
Control Commission, unofficial draft, February 23, 2014), 18.
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Kroh, “Colorado Becomes the First State to Regulate Methane Emissions From Fracking,” Think Progress
website, last modified February 24, 2014, http://thinkprogress.org/climate/2014/02/24/3322651/colorado-methanefracking/.
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Oil and Gas: Well Simulation, California S.4, Chapter 313, September 20, 2013, paragraph 1,
http://leginfo.legislature.ca.gov/faces/billNavClient.xhtml?bill_id=201320140SB4&search_keywords.
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Hydraulic Fracturing Regulatory Act, Illinois Public Act 098-0022, S. 1715,
http://www.ilga.gov/legislation/publicacts/98/PDF/098-0022.pdf.
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For example, see Boulder County, “Final Official 2013 Coordinated Election Results for Boulder County Election
Day – November 5, 2013,” last modified November 13, 2013,
http://webpubapps.bouldercounty.org/clerk/voterresults2013/IssueResults.aspx?issue=all. See, also, Boulder
County, Ballot Content 2013: Boulder County Coordinated Election, November 5, 2013,
http://www.bouldercounty.org/elections/ballot/documents/2013%20coordinated%20ballot%20content.pdf.
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from fracturing operations. Currently two of the municipalities’ efforts are being challenged in
state court on the grounds of state preemption. Similar efforts were attempted in Ohio, but
ultimately failed to pass.81

D. LNG Export Updates
Last year, we summarized a report by NERA Economic Consulting (NERA) for DOE,
which concluded that the U.S. would achieve net economic benefits if natural gas were to be
exported. In fact, in all of NERA’s scenarios, which included both low and high natural gas
production and export amounts, net economic benefits would be achieved. NERA concluded
that some negative effects would occur because LNG exports lowered “both real wages and the
return on capital in all other industries …”82 However, those negative effects were offset by
higher domestic natural gas prices, which increased income “in the form of higher export
revenues” and also increased income for households directly or indirectly involved in the
production of unconventional gas.83
In this year’s report, we report on U.S. LNG efforts, which have progressed since the
release of the NERA report. We discuss EIA projections that show how natural gas trade
balances might evolve as well as the status of U.S. LNG export permits. We will also briefly
review international shale gas developments and how U.S. LNG exports could be impacted.
Currently, the U.S is a net importer of natural gas.84 EIA predicts in the 2014 AEOER
that by 2016, the U.S. will be a net exporter of LNG and that “U.S. exports of [LNG] increase to
3.5 Tcf in 2029 and remain at that level through 2040.”85 In 2018, the U.S. will become an
overall net exporter of natural gas.86 This estimate for cumulative net LNG exports from 20122040 is 160 percent higher than the same estimate provided in last year’s AEO, and EIA states
the increase is due to “increased use of LNG in markets outside America, strong domestic
production, and low U.S. natural gas prices relative to other global markets.”87 Figure II.8
graphs EIA’s predicted substantial growth in LNG exports.

For example, see vote on Section 122 in Mahoning County, “General Election: Summary Report: Final
Unofficial,” November 5, 2013, http://vote.mahoningcountyoh.gov/wp-content/uploads/2012/09/finalunn13g.pdf.
See, also, “Petition for Submission of Proposed Amendment to Charter,” Constitution of Ohio, Art. XVIII, Section 9
and 14; Revised Code 731.23-.41, 3503.06, accessed April 18, 2014,
http://www.protectyoungstown.org/uploads/1/2/4/0/12404661/youngstownrightsprint.pdf.
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NERA Economic Consulting, Macroeconomic Impacts of LNG Exports from the United States, 2012, 7, quoted in
Roach, Ph.D. et al., Southwest Power Pool Annual Looking Forward Report, Boston Pacific Company, Inc., April
23, 2013, 19.
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FIGURE II.8
U.S. Natural Gas Imports and Exports, 2000-2040 (Tcf)

Source: U.S. Energy Information Administration, 2014AEO Early Release Overview,
December 16, 2013, p. 2, figure 4.

In regard to permits, DOE maintains a list of applications for permission to export LNG
to both FTA and non-FTA nations. Of the 37 applications seeking approval for exports to
strictly FTA-nations, 32 have been granted permission.88 Of those 37 applications, 30 seek
additional approval for exporting to non-FTA nations as well; only six have been granted such
permission so far.89
The U.S. is not the only country with enough shale gas potential to export LNG - other
countries could compete with the U.S. The EIA points to Australia as an example. According to
the EIA, Australia has the seventh-biggest ‘technically recoverable’ shale gas resources and the
sixth-biggest ‘technically recoverable’ shale oil resources in the world.90 Potential global
competition is suggested by Bloomberg when it states, “The Cooper basin … has also lured
investment from Chevron Corp. and BG Group Plc … ahead of expected shortages of [natural
gas] to feed more than $60 billion of liquefied natural gas projects in eastern Australia that will
ship to Japan, South Korea and China.”91 This growing development could ultimately affect
U.S. LNG export goals; greater exports from other countries would place downward pressure on
prices, making U.S. exports less feasible.
U.S. Department of Energy, “Applications Received by DOE/FE to Export Domestically Produced LNG from the
Lower-48 States (as of February 11, 2014),” DOE website, accessed March 10, 2014, 1-2,
http://energy.gov/sites/prod/files/2014/02/f8/Summary%20of%20LNG%20Export%20Applications.pdf.
89
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U.S. Energy Information Administration, “Today in Energy: Shale oil and shale gas resources are globally
abundant,” EIA website, January 2, 2014, tables 2-3, http://www.eia.gov/todayinenergy/detail.cfm?id=14431.
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James Paton, “Shale’s ‘Next Big Play’ Draws U.S. Gas Producer to Australia,” Bloomberg website, last modified
January 16, 2014, http://www.bloomberg.com/news/print/2014-01-16/shale-s-next-big-play-draws-magnum-toaustralia-s-cooper-basin.html.
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III. EPA’s Continued Environmental
Campaign

T

his chapter provides an update on the status of EPA regulations affecting the
electricity sector. These regulations target greenhouse gas emissions from new
and existing units, emissions of ozone and fine particulates, emissions of mercury
and other heavy metals, cooling water intake structures, and coal combustion residuals.
Practically, the process of EPA regulation involves creating a framework for regulation,
proposing regulations, finalizing regulations, and then facing legal challenges. Only after facing
legal challenges are regulations de facto final. These process steps can help us understand the
status of EPA’s regulations. For example, with GHG emissions, attempts were made in
Congress and by the Obama administration in 2009 and 2010 to expand the framework for
regulations through new legislation that would have enacted a national GHG emission cap-andtrade program. This legislation was unsuccessful. The Obama administration responded by
having the EPA target GHG emissions using authority under the Clean Air Act. When these
regulations are completed, they will face legal challenges. For several other pollutants, the EPA
has used the CAA and other existing statutes to propose and finalize key regulations and is now
facing legal challenges. In general then, the EPA is now attempting to finalize the regulations
that make up the so-called “campaign on coal” before the end of President Obama’s second term.
28
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The goal is, as much as possible, to make regulations de facto final before the end of the
president’s second term in order to secure the progress that has already been made.
As a result, whereas last year’s report discussed the likely impact of new and updated
EPA regulations on the electricity sector, this year we focus on the status of these regulations,
including the many legal challenges they face. The chapter begins by discussing the status of
what might be the most influential regulations under development; that is, those targeting GHG
emissions. It then discusses the status of several other recent and upcoming EPA regulations,
and especially how they have been impacted by court challenges. These regulations cover
traditional air pollutants such as sulfur dioxide (SO2), nitrogen oxides (NOX), mercury, and
particulate matter, as well as water use and coal combustion residuals. The main conclusion we
draw from legal experts is that aspects of some EPA regulations are at risk of being overturned
by legal challenges, but the fundamental statutory and legal drivers of EPA’s regulations remain
in place.
The chapter ends with a discussion of current data on U.S. GHG emissions and the
ongoing debate about whether EPA is properly measuring emissions of methane, a potent
GHG.92

A. Status of EPA Regulations on GHG Emissions
EPA continues to develop regulations on GHG emissions from stationary sources such as
power plants. On June 25, 2013, President Obama proposed the Climate Action Plan, which
detailed a comprehensive suite of measures to address climate change,93 and issued a presidential
memorandum on carbon pollution standards for the power sector.94 The memorandum included
a timeline for EPA to complete GHG regulations before the end of his second term.95 It directs
the EPA to (1) re-propose standards on GHG emissions from new power plants by September 20,
2013; (2) propose standards on GHG emissions from existing power plants by June 1, 2014; (3)
finalize standards on GHG emissions from existing power plants by June 1, 2015; and (4) require
states to submit to EPA the implementation plans for those regulations by June 30, 2016.96 This
92
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section of our report discusses the current status of GHG regulations on new and existing plants
as well as potential legal challenges, and a recent Supreme Court challenge to EPA’s existing
regulations that require certain facilities to have prevention of significant deterioration (PSD)
permits for GHG emissions.

1. Regulations on GHG Emissions from New Plants
In the spring of 2012, the EPA proposed New Source Performance Standards for GHGs
from coal- and gas-fired power plants under CAA Section 111.97 These standards set the best
system of emission reduction that has been “adequately demonstrated.”98 EPA’s proposal would
have blocked new construction of conventional coal plants by requiring such plants to limit GHG
emissions to the level achieved by a natural gas-fired combined cycle unit by using partial
carbon capture and sequestration. The proposal received over 2.5 million public comments and,
after review, the EPA decided to re-issue the rule.99
EPA announced a new proposal on September 20, 2013, as per the timeline set out by
President Obama.100 This new proposal has essentially the same outcome as the rule proposed in
2012 in that it would prevent construction of any traditional coal plants without at least partial
CCS.101 As compared to the previous proposal, this rule would create separate emissions
categories for coal and natural gas plants, and it slightly increases the emissions limit for coal
from 1,000 lbs/MWh to 1,100 lbs/MWh, as measured on average over 12 months.102
Additionally, the new proposal would require all new coal plants to implement CCS from the
first day of operation; the 2012 proposal had provided an alternative 30-year compliance option
that gave a 10-year grace period for installing CCS equipment if plants met tighter emission
standards after that point.103
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Protection Agency, “Standards of Performance for Greenhouse Gas Emissions from New Stationary Sources:
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When this rule is finalized, it will certainly face legal challenges. At this time it is
difficult to judge the merits of any legal challenges, but at least two possible objections have
been presented. First, there is a question whether CCS is “adequately demonstrated” as the best
system of emission reduction. Some of the facilities that EPA relied on to say that CCS was
adequately demonstrated received support under the DOE’s Clean Coal Power Initiative.
Meanwhile, Republican congressmen104 and the state of Nebraska105 have both objected that the
Energy Policy Act of 2005 prohibits using such facilities to make such a determination. In turn,
EPA has issued a technical support document defending its interpretation of partial CCS
technology as the best system of emissions reduction that has been adequately demonstrated.106
Second, there may be concerns about EPA’s scientific review of CCS. EPA has stated that its
rule “focuses on carbon capture,” not carbon sequestration, because the risks associated with
carbon sequestration are not in the scope of the Clean Air Act.107 EPA’s Science Advisory
Board, a group that advises EPA on the scientific basis for its regulations, declared in January
2014 that it “defers to EPA’s legal view” and will not be reviewing the science behind carbon
sequestration, but cautioned EPA that carbon sequestration is intertwined with the rule, and that
the technology has not undergone sufficient scientific review.108
One interesting note in support of EPA’s authority to issue New Source Performance
Standards for GHG emissions did come up in a recent U.S. Supreme Court case on EPA’s PSD
regulations on GHGs. In the case, there was discussion about EPA’s option to regulate GHGs
from stationary sources through the New Source Performance Standard provisions of the CAA.
While EPA’s authority to use these provisions to regulate GHGs was not before the Supreme
Court, the lawyer for industry in that case conceded that EPA has such authority and no party
argued to the contrary.109
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2. Regulations on GHG Emissions from Existing Plants
Under the CAA Section 111(d), if EPA has issued performance standards for new
sources, it is typically required to issue guidelines regulating existing sources in the same
category for the same pollutant.110 Accordingly, in anticipation of its standards on GHG
emissions from new power plants, EPA is working on a rule to limit GHG emissions from
existing plants. State regulators will then use EPA’s emission guidelines in setting performance
standards.111 These performance standards must reflect “the best system of emission reduction”
that is “adequately demonstrated,” accounting for costs and “nonair quality health and
environmental impact and energy requirements …”112
The exact form of the guidelines for GHG emissions from existing power plants is
unclear, but they will not be as stringent as EPA’s proposed regulation on new plants. EPA
Administrator Gina McCarthy has already said that EPA will not require CCS at existing
plants.113 McCarthy also noted that EPA would consider the energy mix of each state.114 One
possible guideline implied by these statements would set the “best system of emission reduction”
as a particular regulatory system. 115 For example, EPA could allow states to create
implementation plans that make broad changes to reduce demand and increase renewable energy
across the state, or even implement a statewide cap-and-trade program. Alternative guidelines
EPA could propose include source-by-source guidelines that could set specific emissions limits
or operating standards, or even a national cap-and-trade system.116
Although the rule on GHG emissions from existing sources has not yet been created, it is
clear that it, too, will face stiff legal challenges. First, if the New Source Performance Standards
were invalidated, the existing source regulations would be as well.117 Second, industry attorneys
have already raised another possible legal challenge that delves into the language of CAA
110
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Section 111(d).118 They argue that this part of the CAA does not allow EPA to require states to
issue standards of performance for sources like power plants where the source is already
regulated for emissions of hazardous pollutants. More discussion on such challenges will occur
as EPA continues to develop its regulations on GHG emissions.

3. Challenges to Prevention of Significant Deterioration Regulation on GHG
Emissions
In 2011, an EPA regulation came into effect requiring facilities emitting levels of CO2e
above certain thresholds to have PSD permits for GHGs.119 The EPA claimed authority to issue
this rule from a long-standing EPA policy: once a pollutant is regulated under any part of the
CAA, it becomes subject to regulation under the PSD provisions of the act. Therefore, once
EPA began regulating GHG emissions from vehicles under the CAA in 2011, the PSD
provisions of the act were triggered for GHGs.120
In 2012, the PSD regulation, along with EPA’s finding that greenhouse gas emissions
endanger public health and welfare (Endangerment Finding) and EPA’s rule regulating GHGs
from motor vehicles (Tailpipe Rule), were challenged and upheld at the D.C. Circuit Court of
Appeals.121 Industry parties then petitioned the Supreme Court to review the Court of Appeals’
decision. The Supreme Court decided to hear only the challenges to the PSD rule, specifically
whether EPA “permissibly determined” that its rule limiting GHG emissions from vehicles
triggered PSD permitting requirements for GHG emissions from stationary sources. 122 The fact
that the Supreme Court did not hear the other challenges indicates that the other rules were
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implicitly upheld.123 Oral argument in this case was held on February 24, 2014. Legal analysts
were unclear exactly how the court will rule; a decision is likely to be issued in June.124

B. EPA Regulations on Other Air Emissions
A number of other recent EPA regulations are also facing court challenges or are under
development. We discuss both categories here.

1. Cross-State Air Pollution Rule
Some states, especially in the eastern half of the U.S., have difficulty meeting ozone
and/or fine particulate National Ambient Air Quality Standards due to emissions blowing in from
other states. EPA’s Cross-State Air Pollution Rule (CSAPR) was intended to address this issue
by requiring certain upwind states to limit SO2 and NOX emissions so that downwind states
could achieve EPA’s standards.125
CSAPR was originally issued as a replacement for the Clean Air Interstate Rule after that
rule was vacated in 2008.126 However, in August 2012, CSAPR itself was vacated by the U.S.
Court of Appeals for the D.C. Circuit.127 The court reinstated the Clean Air Interstate Rule
pending the issuance of a rule to replace CSAPR. The court vacated CSAPR largely because the
emission reductions required of upwind states were not proportional to the impact of those
emissions on downwind states, as required by the so-called “good neighbor” provision of the
CAA.128 The EPA petitioned the Supreme Court to review this decision,129 and the Supreme
Court accepted.130 Oral argument was held December 10, 2013. A decision is expected to be
issued by the end of the Supreme Court term in June 2014.
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2. Mercury and Air Toxics Standards
The Mercury and Air Toxics Standards (MATS) rule was issued in February 2012.131
This rule is the first national emission standard for air toxics from new and existing coal- and oilfired power plants. Air toxics include mercury, other heavy metals like arsenic, and acid gases
such as hydrochloric acid.132 This rule was the latest step in decades of activity towards
regulating such air toxics from power plants. Specifically, that activity includes: (1) the 1990
amendments to the Clean Air Act; (2) a decade of study in the 1990s; (3) a year 2000
determination by EPA that it was “appropriate and necessary” to regulate coal- and oil-fired
electric generating units for hazardous air pollutants; and (4) the Clean Air Mercury Rule, which
the D.C. Circuit Court of Appeals vacated in 2008.133 To meet the new MATS rule, existing
units must install “maximum achievable control technology” by April 16, 2015, although they
may ask their state regulator for a one-year extension.134 This standard is generally set to be at
least as stringent as the 12 percent of existing units with the lowest emissions.135
Soon after being finalized, the MATS rule was challenged at the D.C. Circuit Court of
Appeals, where oral argument was held on December 10, 2013.136 This was an extremely
technical case. Oral argument covered a long list of topics, including whether EPA had
appropriately decided to regulate coal- and oil-fired electric generation units in December 2000
(which triggered a requirement for EPA to regulate air toxics emissions), whether EPA was
appropriate in not considering the costs of setting emissions reduction targets, and whether the
court had jurisdiction over this case at all.137 On April 15, 2014 the court upheld EPA’s MATS
rule; notably, a majority opinion deferred to EPA on not considering costs of its regulation
because the law “neither requires EPA to consider costs nor prohibits EPA from doing so.”138
131
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3.

Particulate Matter National Ambient Air Quality Standards

In January 2013, EPA issued final updated National Ambient Air Quality Standards
(NAAQS) for fine particulate matter (PM 2.5), particles less than 2.5 microns in diameter.139
This rule limits atmospheric levels of PM 2.5 to protect public health. NAAQS for PM 2.5 were
originally designated in 1997 and revised in 2006.140 NAAQS are supposed to be reviewed
every five years; EPA was sued, by states and other organizations, in 2012 when this review had
not been done.141 The current revision reduced allowable annual PM 2.5 levels from 15 to 12
micrograms per cubic meter, which is consistent with the recommendations of EPA’s Clean Air
Scientific Advisory Committee.142 Full implementation of this revised NAAQS will take at least
until 2020. Areas first have to be monitored and designated as either attainment or
nonattainment. States then have five years or more to develop and enforce implementation plans
for nonattainment areas.143 When this rule was being developed, EPA did not estimate specific
costs for electric generating units because they were not expected to need controls to address this
change beyond what they would need to address MATS.144
In March 2013, the National Association of Manufacturers (NAM) and other parties filed
a challenge to the rule at the D.C. Circuit Court of Appeals.145 In its opening brief, NAM argued
that EPA ignored evidence showing the NAAQS did not need to be revised.146 EPA defended its
process and conclusion.147 Oral argument was held on February 20, 2014, and focused on the
scientific basis for EPA’s actions. At oral argument, one of the judges said that the parties
challenging EPA’s rule would have an “uphill climb” since the Clean Air Scientific Advisory
Committee unanimously supported EPA’s standard.148
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4. Cooling Water Intake Structures Standards (316b)
Cooling Water Intake Structures Standards, also known as the Clean Water Act 316(b)
regulation, were proposed in spring 2011. They require existing electric generators that
withdraw more than 2 million gallons of cooling water per day to limit how many fish are killed
by being pinned against intake screens.149 New units added to existing facilities must produce
results equal to at least 90 percent of closed-cycle cooling technology (i.e., cooling towers).150
EPA is under a court order to finalize this rule but continues to ask for extensions. Most
recently, the court order was amended to require the EPA to publish the final rule in the Federal
Register by April 17, 2014.151 When this rule was in development, EPA estimated that it would
affect over 45 percent of all electric generating capacity, with annualized costs of $386 million
($2009), though industry sources argued the costs could be much higher.152

5. Coal Combustion Residuals Regulation
This rule is intended to regulate the disposal of coal combustion residuals (CCR) under
the Resource Conservation and Recovery Act. Two options were provided in the proposed rule,
issued in June 2010. First, if CCRs are classified as hazardous waste, EPA will require disposal
in hazardous waste facilities. If deemed not hazardous, EPA will establish minimum national
technical criteria, such as composite liner requirements, for states to include in their own
regulations.153 This regulation has been delayed, but may be finalized in 2014. EPA was under a
court order to set a deadline to finalize the rule; that deadline has been set for December 19,
2014.154 When this rule was initially proposed, EPA estimated it could increase electricity prices
by 0.2 to 0.8 percent, though industry sources argued that prices could rise higher.155
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C. Update on U.S. GHG Emissions, Including Methane Emission Estimates
This section briefly reviews U.S. greenhouse gas emissions to help determine if current
emission reduction goals are likely to be met. If not, these goals may be the impetus for
additional government action. This section also discusses methane emissions from natural gas
production and transport, which has been a recent question mark in U.S. GHG emissions.

1. Data on U.S. GHG Emissions
In December 2009, President Obama pledged that the U.S. would reduce emissions 17
percent from 2005 levels by 2020.156 Analysts from Resources for the Future reviewed U.S.
emissions data through 2011 and concluded that the U.S. may be on track to meet this goal due
to factors such as EPA regulations, abundant natural gas supply, and state and regional cap-andtrade policies and renewable portfolio standards (RPS).157 Updated GHG emissions data through
2012 indicates that we are still on that path.158
Based on data from the EPA, U.S. GHG emissions peaked in 2007 then have generally
declined through 2012.159 Whereas from 1990 to 2007, U.S. GHG emissions grew at a
compound annual growth rate of 0.9 percent, between 2008 and 2012, they declined by 2.1
percent per year. For the electricity sector, GHG emissions grew by 1.6 percent per year from
1990 to 2007 but have since declined by 3.7 percent per year from 2008 through 2012.160 For
more information, see Figure III.1.
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FIGURE III.1
Recent Trends in U.S. Greenhouse Gas Emissions Sources and Sinks
(Million Metric Tons CO2 Equivalent)

Source: Boston Pacific figure using data from U.S. Environmental Protection Agency, Inventory of U.S.
Greenhouse Gas Emissions and Sinks: 1990 – 2012, April 15, 2014, pp. ES-5 – ES-7, table ES-2, p. ES-22,
table ES-7.

Emissions reductions beyond 2020 are more uncertain. For emissions to continue to
decline, additional government regulation is likely needed. The first glimpse of U.S. GHG
emissions policy post-2020 may be available soon – there is talk that the Obama administration
is preparing a GHG emissions reduction goal to be released in 2014.161

2. Methane Emissions
Natural gas-fired combined cycle power plants have become the preferred source of new
baseload capacity in the U.S. This is at least in part because natural gas is viewed as a “bridge
fuel” from coal to a low-carbon future, owing to the fact that combined cycle plants emit about
half as much CO2 when operating as do conventional coal-fired power plants.
Recently, however, there has been debate about the benefits of using natural gas-fired
generation to reduce GHG emissions.162 Studies released in 2013 have questioned whether EPA
estimates of methane emissions from natural gas production and transport are too low.163 For
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example, one study used atmospheric concentrations of methane to estimate that methane
emissions from oil and gas production in Oklahoma, Texas, and Kansas were 4.9 times larger
than commonly cited.164 This is potentially concerning because methane is 21 times more potent
than CO2 as a GHG.165 A finding that increases the estimate of how much methane is emitted
when natural gas is produced and transported increases the estimated life-cycle GHG emissions
of natural gas-fired generation. These studies have led some in Congress to investigate methane
emissions more closely and to question the benefits of natural gas-fired electricity for reducing
GHG emissions.166
Despite the attention that methane emissions have received, the evidence to date does not
suggest that life-cycle emissions from natural gas-fired electricity have higher GHG emissions
than emissions from coal-fired electricity do. For example, a recent study published in the
journal Science synthesized findings from more than 200 technical publications.167 It found that
methane emissions were generally about 50 percent greater than EPA estimates,168 but that
natural gas-fired generation still reduces GHG emissions as compared to coal-fired generation.169

Allen et al., “Measurements of methane emissions at natural gas production sites in the United States,” Proceedings
of the National Academy of Sciences of the United States of America Early edition (September 16, 2013).
164
Miller et al., “Anthropogenic emissions of methane in the United States,” Proceedings of the National Academy
of Sciences of the United States of America Early edition (November 25, 2013), 1.
165
The relative strength of methane and carbon dioxide as greenhouse gases is cited here over a 100-year timeframe,
as used by the EPA. See, for example, Piers Forster et al., “Changes in Atmospheric Constituents and in Radiative
Forcing,” Climate Change 2007:The Physical Science Basis: Contribution of Working Group I to the Fourth
Assessment Report of the Intergovernmental Panel on Climate Change, The Intergovernmental Panel on Climate
Change, p. 212, table 2.14.
166
At least one hearing was held in the U.S. Senate by the Committee on Environment & Public Works
Subcommittee on Oversight, titled “Fugitive Methane Emissions from Oil and Gas Operations,” November 5, 2013.
Ranking members of the U.S. House of Representatives Energy and Commerce committee called for hearings, citing
two studies published in the Proceedings of the National Academy of Science. See: Committee on Energy and
Commerce, “Ranking Members Waxman and Rush Call for Hearings on Methane Emissions,” house.gov, last
modified December 17, 2013, http://democrats.energycommerce.house.gov/index.php?q=news/ranking-memberswaxman-and-rush-call-for-hearings-on-methane-emissions.
167
A.R. Brandt et al., “Methane Leaks from North American Natural Gas Systems,” Science 343, no. 6172
(February 14, 2014): supplementary materials, p. 2.
168
Stanford University, “Study: America’s Natural Gas System is Leaky and in Need of a Fix,” The Cynthia &
George Mitchell Foundation website, last modified February 13, 2014, http://www.cgmf.org/blog-entry/92/StudyAmerica%27s-natural-gas-system-is-leaky-and-in-need-of-a-fix.html.
169
Brandt et al., “Methane Leaks from North American Natural Gas Systems,” Science 343, no. 6172, (February 14,
2014): 733.

40

142 of 218

IV. Decentralization of the Grid and the
Changing Utility Business Model

T

he board has likely heard a lot recently about distributed generation, decentralization,
and a changing utility business model. “Utilities Headed for a Cliff?” asked a recent
front-page article in EnergyBiz magazine.170 The Electricity Journal, in its special
issue on strategic long-term power planning, included articles such as “Distributed Energy
Resources: Policy Implications of Decentralization,” “Distributed Generation Policy:
Encouraging Generation on Both Sides of the Meter,” and “New Utility Business Models: Utility
and Regulatory Models for the Modern Era.”171 Public Utilities Fortnightly has covered the
topic of microgrids, calling them “inevitable” on its cover page,172 and looked at what it called
“Utility 2.0,” implying that microgrids will mark a fundamental change in how the electricity
Martin Rosenberg, “Utilities Headed for a Cliff?” EnergyBiz, January 2014-February 2014, 10-23.
James Newcomb, Virginia Lacy, Lena Hansen, and Mathias Bell, “Distributed Energy Resources: Policy
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Journal 26, no. 8 (October 2013): 88-108; Ronald L. Lehr, “New Utility Business Models: Utility and Regulatory
Models for the Modern Era,” The Electricity Journal 26, no. 8 (October 2013): 35-53.
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business works.173 The National Association of Regulatory Utility Commissioners’ (NARUC)
winter meetings dedicated numerous panels to the topics of distributed generation, microgrids,
and new utility models.174
For our purposes, decentralized technologies include the following: (1) small generators
of all technologies connected to a distribution system; (2) cogeneration; (3) energy storage; (4)
smart meter technology; and (5) microgrids. These technologies have already impacted the
operation of the electric power grid and are projected to play a greater role going forward.175 In
the extreme, decentralized technologies could represent a competitive threat to the existing,
centralized power grid, relegating the grid to becoming “an antiquated backup system”176 that
provides reliability services and access to a power spot market. Since it oversees the expansion
of the transmission grid, the board should be aware of any potential competitive threats to the
existing network model and that is why the issue is addressed herein.

A. Decentralized Technology: Existential Threat, Complement, or Both?
To some, it may appear that decentralized technologies represent a looming competitive
threat to the grid. Distributed generation already has a significant foothold in the U.S. For
example, as explained by the DOE, there are about “12 million [distributed generation] units
installed across the country, with a total capacity of about 200 GW.”177 Most “are backup power
units and are used primarily by customers to provide emergency power during times when gridconnected power is unavailable.”178 Eighty-four of the 200 GW are consumer-owned combined
heat and power (CHP) systems, which “provide electricity and thermal energy for certain
manufacturing plants, commercial buildings, and independently-owned district energy systems
that provide electricity and/or thermal energy for university campuses and urban areas.”179 North
America also has a current total microgrid capacity of 992 MW.180 To put these numbers into
perspective, however, the U.S.’s current centralized generation capacity totals approximately
1,000 GW.181
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To further consider the potential of distributed resources to be an existential threat to the
network, we considered a report from the Electric Power Research Institute titled The Integrated
Grid: Realizing the Full Value of Central and Distributed Energy Resources.182 In its report,
EPRI puts forth its vision of an “integrated grid,” which includes distributed resources. One of
EPRI’s major takeaways is that distributed generation and the grid “are not competitors but
complements, provided that grid technologies and practices develop with the expansion of
[distributed energy resources].”183 For customers that rely heavily on distributed generation,
EPRI claims that the grid enhances the value of distributed generation, noting, “… in nearly all
settings the full value of [distributed generation] requires grid connection to provide reliability,
virtual storage and access to upstream markets.”184 Meanwhile, “[e]ven with increasing
penetration, U.S. distributed resources account for a small percent of power production and
consumption and have not yet fundamentally affected [the] one-way flow of power.”185
Going forward, EPRI sees significant value to the grid from increases in distributed
energy resources and vice versa. EPRI identifies five primary benefits of the grid for all
customers, including distributed generation customers: (1) reliability, which is driven by
redundant capacity, and can make up for the intermittency of distributed generation; (2) startup
power, which helps prevent faults; (3) voltage quality, which results in tighter frequency
regulation; (4) efficiency, which allows generation resources to operate at their economic
optimum; and (5) energy transaction, which allows distributed generation to sell to the grid.186
Specifically, EPRI estimates that for the U.S. ratepayer who pays an average of $110/month, the
cost of providing grid support services is “about $51/month on average in the typical current
configuration of the grid in the United States” and $59/month for energy.187 This $51/month in
grid support services, explains EPRI, includes “the combination of transmission, distribution,
and the portion of generation that provides grid support,” or “capacity,” to customers.188 EPRI
claims that for a customer who decides to “self-generate and disconnect from the grid,”
providing an identical service 100 percent independent of the grid “would be four to eight times
more expensive” than buying those services from the grid.189 More specifically, EPRI estimates
that “the cost to re-create grid-level service without a grid connection ranges from $275-$430 per
month above that of the original array. Expected decreases in the cost of battery and PV module
technology could reduce this to $165-$262 within a decade.”190
While the grid benefits distributed resource customers, the reverse is also true. EPRI
notes that distributed resources can provide benefits to the grid, including: (1) providing
“distribution grid voltage and system disturbance performance by riding through system voltage
and frequency disturbances to ensure reliability of the overall system”; (2) helping to “optimize
distribution operations” by “coordinated control of distributed resources”; (3) “facilitat[ing]
182
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consumer participation in demand response programs such as dynamic pricing, interruptible
tariffs, and direct load control”; (4) “improv[ing] voltage quality and reduc[ing] system losses”;
(5) “reduc[ing] environmental impact” through use of renewable distributed generation; (6)
“defer[ing] capacity upgrades” as long as “proper planning and targeted deployment” are used;
and (7) “improv[ing] power system resiliency” in part by “supporting portions of the distribution
system during outages.”191
EPRI cautions that the current “rapidly expanding deployments of [distributed
generation] are connected to the grid but not integrated into grid operations, which is a pattern
that is unlikely to be sustainable.”192 EPRI explains that increased penetration of distributed
generation “requires interconnection rules, communications technologies and standards,
advanced distribution and reliability technologies, integration with grid planning, and enabling
policy and regulation.”193 EPRI identifies Germany as an example of the unintended
consequences that occur when deployment of distributed generation on a large scale is not
integrated with the grid: higher prices, lower reliability, and lower power quality.194
Another warning on the importance of integrating grid planning with distributed
technologies comes from Synapse Energy Economics, which issued a report asserting that ISO
New England does not incorporate increases in distributed generation in its transmission
planning process, and as a result, will overbuild the transmission system with unneeded
projects.195 Specifically, this overbuilding of the grid occurs when ISO New England fails to
lower its load forecasts for expected new distributed generation, and as a result, assumes it needs
more transmission expansion than it actually does.196

B. Drivers of Demand for Decentralization: Cybersecurity, Weather, Rates
We continue to see three main drivers of demand for and investment in decentralized
technology, including distributed generation and microgrids: “(a) cybersecurity, (b) severe
weather, and (c) rising retail rates for homes and businesses.”197
Perhaps the most significant of these three is related to the security of the grid, especially
cybersecurity, an issue we covered last year.198 Cybersecurity is a growing and significant issue:
spending on cybersecurity for the electric grid is expected to grow from $7.8 billion in 2011 to
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$79 billion in 2020.199 As cybersecurity for the centralized grid looms as a real and growing
threat, customers seeking protection from cyberattacks on the grid could choose to invest in
distributed generation and/or in microgrids.
On February 12, 2014, “the White House released the National Institute of Standards and
Technology Framework for Improving Critical Infrastructure Cybersecurity [citation omitted],
which is a key step in the implementation of Executive Order 13636 on cybersecurity issued by
President Obama in February 2013 ...”200 The standards were developed over the past year
through collaboration with critical infrastructure owners and operators, other federal agencies
like DHS, and local governments.201 The standards are voluntary, and would need to be adopted
through regulation by an entity such as the North American Electric Reliability Corporation
(NERC).202
We note, too, that in addition to cyberattacks, the grid can also be under threat from
physical attacks, as was reported to have occurred at a PG&E substation near San Jose, CA in
April. In a front-page story titled “U.S. Risks National Blackout from Small-Scale Attack,” the
Wall Street Journal explained, “… gunmen shot 17 large transformers over 19 minutes before
fleeing in advance of police.”203 The act has been described as “domestic terrorism” by former
FERC Chairman Jon Wellinghoff.204 The Wall Street Journal noted, “[t]he U.S. could suffer a
coast-to-coast blackout if saboteurs knocked out just nine of the country’s 55,000 electrictransmission substations on a scorching summer day,” citing a “previously unreported” report by
FERC.205 In March 2014, FERC took action by issuing an order indicating that it would require
utilities to provide physical protection for certain locations on the grid, “which, if badly
damaged, could produce cascading blackouts or other widespread problems.”206 FERC has
directed NERC to work with utilities to determine which locations on the grid meet this
standard.207 NERC has begun developing reliability standards addressing FERC’s directive.208
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Two other drivers of decentralized generation are severe weather and insulation from
retail rates.209 Severe weather events like Superstorm Sandy in 2012 illustrate the devastating
impact weather can have on electricity service. Distributed generation and microgrids can help
protect customers from interruption. Higher retail rates can also drive investment in
decentralized technology. Customers may seek to protect themselves from high or volatile retail
rates associated with centralized generation. According to Dr. Michael Webster at ICETEC
Energy Services, the Princeton University microgrid’s primary purpose was to mitigate
deregulated energy prices.210

C. Developments in Supply of Distributed Technologies: Solar PV, Cogeneration,
Microgrids
To dig deeper on what may drive the supply of distributed resources, we looked for
developments in three of the most promising distributed technologies. First, we look at
developments in solar photovoltaic (PV), projected to be one of the faster-growing distributed
technologies. Second, we look at cogeneration, a long-standing distributed technology that has
achieved impressive capacity and efficiency numbers. Third, we look at miniature grids, or
microgrids, including an example at Princeton University. (We note, too, that energy storage is a
distributed resource that we cover in depth in Chapter VII).

1. Solar PV
It appears that solar PV is considered to be the distributed generation technology where
the highest growth and penetration is expected to occur. EPRI states that growth in solar PV is
“projected to increase in scale and pace over the next decade.”211 Globally, distributed PV
power generation “has increased from approximately 4 GW of global installed capacity in 2003
to nearly 128 GW in 2013.”212 In the U.S., solar PV installations in 2013 grew 41 percent from
installations in 2012,213 and solar PV in 2013 made up 29 percent of all new U.S. electricity
generation capacity additions, second only to natural gas.214 At the end of 2013, U.S. PV
installations totaled nearly 10 GW.215 EPRI contrasts this data with that of Germany, where PV
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installations total approximately 36 GW, much of it distributed,216 suggesting that solar PV in the
U.S. has a lot of room to grow.
Further, there is some evidence – albeit anecdotal – that solar PV is improving as a
distributed technology in terms of diversity in its implementations. One recent development in
solar PV technology comes from Dow Solar’s “Powerhouse” rooftop shingles, which are now
manufactured in a way that makes them “weather tight,” meaning, they serve as “the sole
weatherization material on the portion of the roof where they are installed.”217 The Powerhouse
shingles are the first solar PV panels to be “building code certified as a roofing material.”218
They are also more “inconspicuous” because they lie flush on the roof, not jutting out like past
designs, and are now able to be installed by conventional roofers, and conventional electricians
can handle the wiring.219
Solar PV manufacturing costs also appear to be falling. For example, SunPower, the
second biggest PV manufacturer in the U.S., claims to have reduced its manufacturing costs by
20 percent over 2013, and said it expects to reduce the cost per watt by another 35 percent in its
next line of manufacturing plant.220 Further, SunPower stated that it plans to produce its first 23
percent capacity factor panel by 2015.221

2. Cogeneration (Combined Heat and Power)
In addition to the emergence and growth of solar PV, it may help to remember an older,
more established technology – cogeneration, or combined heat and power. It can be argued that
CHP marked the beginning of competitive generation following the enactment of PURPA. The
U.S. current has about 84 GW of CHP capacity,222 and it continues to be a viable option for large
industrial and commercial customers. By reusing exhaust heat, CHP allows for added
efficiencies because it produces two byproducts instead of one from a single fuel source. Figure
IV.1 illustrates how CHP works. The single fuel source fires the generator and produces
electricity, which can be used to power the facility and can also be sold to the grid. Exhaust heat
from the turbine is captured in a heat recovery unit where it heats a water source to produce
steam. The steam can be used for heating or cooling the facility.
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FIGURE IV.1
Gas Turbine or Engine with Heat Recovery Unit

Source: U.S. Environmental Protection Agency, “Combined Heat and Power Partnership: Basic
Information,” EPA website, last modified April 10, 2013, http://www.epa.gov/chp/basic/index.html.

EPA estimates that CHP’s efficiency – which is the total power and useful thermal
energy output of the system divided by the fuel used to produce the power and heat – varies by
fuel and can range from 65 percent to 80 percent.223 EPA explains how CHP can achieve greater
efficiency than conventional generation:
…to produce 75 units of useful energy, the conventional generation or separate
heat and power systems use 147 units of energy – 91 for electricity production
and 56 to produce heat – resulting in an overall efficiency of 51 percent.
However, the CHP system needs just 100 units of energy to produce the 75 units
of useful energy from a single fuel source, resulting in a total system efficiency of
75 percent.224
These efficiencies, plus other benefits such as reduced exposure to retail electricity
prices, lower energy costs, and lower emissions could drive more industrial and large
commercial users to consider CHP. As explained in the next subsection, CHP has become a
favored resource for microgrid configurations.

3. Microgrids
Navigant defines microgrids as “[a]n integrated energy system network consisting of
distributed energy resources ... and multiple electrical loads and/or meters operating as a single,
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autonomous grid either in parallel to or ‘islanded’ from the existing utility power grid.”225
Navigant projects that the revenue from deployments of microgrids globally will be $8.3 billion
in 2013, increasing to more than $40 billion in annual investments by 2020.226 Currently, “North
America features 63% of total global microgird capacity (992 MW) …”227 Navigant projects
that “North America will remain the global leader in microgrid capacity by 2020, increasing its
market share to 65% of the global market (5,973 MW) …”228
To provide a clearer picture of what a microgrid is and how it can provide benefits to its
customer(s), we looked at Princeton University as an example, which several presenters
discussed at the 2014 NARUC winter meetings, including Dr. Michael Webster. Princeton’s
microgrid has a total capability of 43 MW and includes a number of distributed assets, including:
(1) a 15 MW gas-fired turbine; (2) a 9 MW steam-driven cooling unit; (3) 9 MW of chilled water
storage; (4) a 0.5 MW back pressure steam turbine; (5) 2.5 MW of CHP cogeneration; (6) 5 MW
of solar PV; (7) 1 MW of diesel generation; and (8) 1 MW of demand response.229 The
Princeton microgrid is optimized to choose the most economical resources to meet its load. It
can pull power from its diesel generation, biodiesel generation, gas-fired generation, solar PV,
storage, or off the grid from Public Service Electric and Gas Company (PSE&G), its utility.230
The total cost of the Princeton microgrid was significant at approximately $100 million.231 The
microgrid saves Princeton University an estimated $13 million a year,232 primarily through
economic dispatch (i.e., self-generating power when it is cheaper than grid-based power from
Princeton’s PJM Interconnection, LLC (PJM) utility, PSE&G) and sales of products like
regulation to the grid.233
Princeton’s microgrid made news during Superstorm Sandy, when it performed well
during the storm and the grid outages. During the storm, as PSE&G endured outages, “the
university islanded itself, shut down non-critical facilities and stayed open.”234 The power it
pulled from PSE&G dropped to zero and was replaced by the portfolio of assets it has as part of
its microgrid. Later, when PSE&G came back online, Princeton immediately started pulling
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power from PSE&G when the power was cheaper than on-site generation.235 Notably, the
primary impetus for the Princeton project was a desire by the customer to not be exposed to realtime pricing; Princeton was concerned following deregulation, not necessarily about severe
weather.236
Princeton’s success story highlights the usefulness of microgrids and underscores the
importance of integrating distributed technology planning with the centralized grid. However,
challenges for microgrid investment remain, especially upfront cost, as the Princeton example
illustrates. While it is projected to generate savings that may allow it to pay for itself in several
years of operation, potential customers may balk at the high initial investment needed. There are
also emerging regulatory challenges and hurdles that must be addressed by state and federal
regulators that are adapting to this new asset class.237 Specifically, most states lack a “legal
framework” for microgrid owners and operators “who are not public utilities to create microgrids
without having to go through years of legal and regulatory hurdles.”238 For example, in New
York City, “[d]ifferent rules apply depending on how a microgrid operates, and state law isn’t
clear about the legal status of microgrids ...”239

D. Net Metering and Monthly Grid User Fees
The increasing penetration of distributed resources has resulted in a regulatory showdown
in some states on whether or not to charge utility customers with distributed generation for grid
services. Some utilities allege that their customers that do not have distributed generation are
subsidizing distributed generation customers.240 SPP should be aware of this emerging front in
states with “net metering” policies because charging distributed generation customers for grid
services increases the cost of distributed generation and limits its potential.
Net metering allows utility customers to “offset their electricity purchases from the grid
with energy generated behind the retail meter, such as from rooftop solar panels.”241 Net
metering credits apply “not only to foregone consumption but also – with limited exceptions – to
the energy generated from behind the meter in excess of the customer’s own use and delivered to
Michael Webster, “The Microgrid Asset Classification Real world example: Princeton University” ICETEC
Energy Services (presentation, NARUC Winter Committee Meetings, Renaissance Washington Hotel, Washington,
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the utility.”242 Thus, net metering provides incentives for utility customers to invest in
distributed generation technologies and reduce their reliance on the grid. For example, if a
residential customer has a solar PV system on the home’s rooftop, it may generate more
electricity than the home uses during daylight hours. “If the home is net-metered, the electricity
meter will run backwards to provide a credit against what electricity is consumed at night or
other periods where the home’s electricity use exceeds the system’s output.”243
Net metering customers typically receive the full-bundled retail rate for the electricity
they put into the grid,244 which currently averages around 12.5 cents per kWh.245 Data on recent
sales of grid-connected renewable energy, which has been priced as low as “near or below 3
cents per kWh [citation omitted],” suggests that “net metering allows the owners of distributed
generation to effectively sell their energy at prices between two and six times the market price
for energy.”246

1. Case Study: Arizona Public Service Company
This basic net metering structure has raised concerns among some utilities.247 In a study
titled Net Metering Bill Impacts and Distributed Energy Subsidies, prepared for Arizona Public
Service Company, an Arizona utility, Navigant claims that net metering can result in “crosssubsidies” if charges to distributed generation resources for electricity are below the cost of
serving those customers, and charges to non-distributed generation customers for electricity are
above the cost of serving those customers.248
Arizona’s net metering program works as follows: during the billing period, net metering
customers receive credits for generated electricity that exceeds their demand.249 So, if in a given
hour, a net metering customer generates 10 kWh and consumes just 5 kWh, it would receive a
242
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credit of 5 kWh. That 5 kWh credit is used to offset future consumption. For example, in the
next hour, if the distributed generation customer generated 5 kWh and consumed 10 kWh, then
the 5 kWh credit from the previous hour would carry over and reduce its net consumption to 0
kWh for those two hours.
At the end of each monthly billing period, any credits that remain are “banked” and can
be used to offset consumption in future months during the year.250 For example, if in January a
net metering customer generated 50 kWh in excess of what it consumed during the month, the
customer’s February monthly bill would begin with a credit of 50 kWh. The $/kWh rate that
these customers would receive for these credits are equal to the fully bundled retail rate.251 At
the end of the calendar year, net metering customers are paid a true-up payment by the utility for
any remaining credits at prices equal to the non-firm power purchase price approved by the
Arizona Corporation Commission that is a “proxy for the short-run variable … costs [citation
omitted] avoided by excess generation, rather than on the customer’s retail rate.”252
Navigant explains that Arizona Public Service Company’s net metering program is
resulting in a cross-subsidy, and as a result, distributed generation customers currently avoid
paying for the full cost of the additional generation capacity needed to maintain reliability in
Arizona.253 As a result, Arizona Public Service Company sought to impose a “monthly grid user
fee” on distributed generation customers. The charge sought to remove the alleged subsidy
being paid by non-distributed generation customers for the benefit of those who had distributed
generation and to get distributed generation customers to pay their fair share of the grid.254
The Arizona Corporation Commission recently passed a monthly charge of $0.70/kWmonth for customers with PV installations.255 According to the Arizona Corporation
Commission, the typical net metering customer with rooftop solar will pay $4.90 per month.256
Other states are also considering monthly grid user fee for their distributed generation
customers taking advantage of net metering programs. In Colorado, Xcel Energy, the state’s
largest utility, provides a 10.5 cent/kWh credit to solar PV distributed generation customers.257
However, the value of the solar PV was less than 5 cents/kWh, meaning that non-solar customers
are cross-subsidizing solar PV customers.258 The Colorado Public Utilities Commission is
currently considering a case reviewing net metering.259
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2. Solar PV and Net Metering in SPP
According to the Solar Energy Industries Association, 43 states plus the District of
Columbia have net metering policies, including SPP states: Texas, New Mexico, Oklahoma,
Nebraska, Kansas, Arkansas, Louisiana, and Missouri.260 Table IV.1 summarizes net metering in
SPP by showing the number of customers and the amount of installed PV.261
TABLE IV.1
Number of Net Metering Customers and Installed Solar PV Net Metered Capacity
State
Number of Solar PV Net
Installed Solar PV Net Metered
Metering Customers
Capacity (MW)
AR
184
0.99
KS
76
0.70
LA
1,287
9.70
MO
512
4.95
NE
32
0.22
NM
3,037
30.63
OK
115
0.59
TX
3,775
34.38
Source: Solar Energy Industries Association, “Solar Net Metering by State,” November 16, 2012,
http://www.seia.org/sites/default/files/resources/Net-Metering-by-State_0.pdf.
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V.

Fundamental Changes in
Transmission Planning (Update
Based on New Information)

ransmission planning is one of SPP’s most important functions. SPP’s
transmission planning process has delivered billions of dollars of transmission
project investment and commensurate benefits to the SPP region. In 2013, for
example, SPP approved $751 million in new transmission investment.262 SPP is not alone. The
Brattle Group states that U.S. transmission investments by FERC-jurisdictional transmission
providers increased from $2 billion per year in the 1990s to $10 to $13 billion per year in the last
several years.263 The Brattle Group also projects $120 to $160 billion of further transmission
investment over the next 10 years.264
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In this year’s report, we update our previous work to focus on three emerging events that
could impact the role of U.S. transmission planners. Two of the events involve opening
transmission expansion to competition with the purpose of producing a cheaper, better
transmission grid, while the third is being billed as a disruptive competitor to the grid. First, as
we explain in the next section, FERC’s requirement for transmission planners to remove “the
right of first refusal” for some regional transmission projects is a positive step toward opening
the transmission sector to competition. The second competitive event we discuss also involves
improving the grid by encouraging competition. Merchant transmission, a long-standing
business model for private investment in the grid, has seen a good number of proposals but few
success stories. The third event is the increasing decentralization of the grid and whether that
constitutes a competitive threat to the network model by allowing electricity customers to
sidestep the grid altogether.

A. Right of First Refusal Out, Competitive Solicitations In
One of the most important reforms implemented in FERC’s Order No. 1000265 is the
requirement for transmission planners to remove incumbent transmission owners’ “right of first
refusal” from open access tariffs266 for transmission projects that seek regional cost allocation.
Prior to that, incumbent transmission owners had the right under the rules of the tariff to build
new, regional transmission projects that interconnected with their existing lines. Under FERC’s
directive, that right is removed, and it will be the responsibility of the transmission provider to
select which regional projects will be built and which entity or entities – incumbent or otherwise
– will finance, own, and construct those projects.267 While transmission planners have been busy
altering their transmission planning processes to comply with the FERC directives since 2011,
the impact of this particular directive is just beginning to be felt.
To comply, transmission providers, including SPP, have made two general changes.
First, they are removing language from their tariffs that provides incumbent transmission owners
with a right of first refusal for transmission projects that seek regional cost allocation. (SPP tried
unsuccessfully to retain a right of first refusal for some projects, but was rejected by FERC and
ordered to remove the provision.268) Second, some transmission providers have developed new
or enhanced solicitation processes for selecting which transmission developers will build the
transmission projects to meet the needs of their region. These changes have made transmission
providers the arbiter of competing transmission proposals from both incumbent transmission
owners and non-incumbent developers.
As we noted in last year’s report, this can be viewed as a step toward opening
transmission to competition the way Congress opened generation to competition in 1978 with the
265
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Public Utility Regulatory Policies Act, which allowed entry by qualifying facilities.269 However,
the true impact of this reform may be somewhat limited because the solicitations for transmission
may tend to favor incumbent transmission owners.270 That may be the case because, more than
with generation, transmission upgrades and additions have a system-wide impact that can be
difficult to quantify with precision, especially when comparing the merits of one project to
another. Ideally, selection of the winning competitor would be done on a price-only basis; the
lowest cost project would be selected, as is often the case with generation competitive
procurements. However, competing transmission projects may have different reliability and
other non-price benefits that must be subjectively judged by transmission providers in
determining which competitor is superior. Also, the technical and financial wherewithal to build
transmission can also vary among bidders and, thus, must be taken into account. (Most
transmission providers have developed prequalification standards for interested developers; only
prequalified developers may submit proposals to build new transmission.) These realities could
tend to favor incumbent transmission owners, at least in the short run. Incumbent transmission
owners are a known quantity with established records of building transmission, which should
make prequalification a non-issue for them. Given this, there is some risk, too, that transmission
providers may face challenges from proposing developers that are not selected in the competitive
process.

1. An Example: California ISO Experience
As part of its compliance with FERC Order Nos. 890271 and 1000, California ISO
(CAISO) developed and refined a competitive solicitation process for certain regional
transmission projects that seek regional cost recovery.272 Like SPP, CAISO itself identifies
transmission needs and identifies the solutions needed through its planning process. Then, at
minimum, a two-month bid window is opened in which interested project sponsors can submit
applications to finance, construct, and own elements of the identified transmission projects.
Only proposals from prequalified project sponsors are accepted and evaluated. Proposals are
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evaluated on 10 factors, including the willingness to enter into a binding cost cap, quality of
materials, and dependability of technologies.273
In the event that there is just one proposal that meets the necessary criteria, the winning
developer may begin seeking siting approval. If, however, two or more proposals from different
developers meet the criteria to build the same project and propose to seek siting approval from
the same authority – such as the California Public Utilities Commission – CAISO will encourage
the winning sponsors to collaborate and submit a single joint proposal to construct and own the
project. If that fails, CAISO will post the key “factors and considerations” on which it will focus
in selecting a winner, and CAISO will engage an expert consultant to assist in selecting the
winner. Importantly, the evaluation will not focus only on costs, but will consider reliability,
financial ability to build and maintain the project, and the developer’s capabilities to license,
operate, construct, and maintain the facility in a timely and proper manner.274
In its 2012-2013 Transmission Plan, CAISO identified the Gates-Gregg project for
competitive solicitation.275 The Gates-Gregg project is a 59-mile, 230 kV project located
between two existing substations on the PG&E grid276 that will have both reliability and
economic benefits. CAISO received proposals from five applicants, including the incumbent,
PG&E, and four non-incumbents: (1) Elecnor, a Spanish developer; (2) Isolux Infrastructure, a
Dutch developer; and two U.S.-based developers: (3) Pattern; and (4) TBC. The “key” selection
factors identified by CAISO included experience acquiring rights-of-way, capabilities to finance,
license, construct, operate, and maintain the project, the schedule for constructing the project,
and cost containment measures.277
CAISO selected PG&E as the winner of the solicitation. CAISO based its decision on the
fact that PG&E has tangible advantages over the non-incumbent proposals, including the ability
to share existing rights-of-way and reduce easement requirements, costs, approvals, and
difficulties with eminent domain.278 CAISO’s report explaining its selection of PG&E as the
winner of the Gates-Gregg solicitation was submitted to FERC in a motion filed by LS Power on
December 10, 2013.279 This motion and other parties’ filled comments at FERC regarding
CAISO’s selection process may illustrate the risk transmission providers face in executing their
responsibilities in selecting winners in the transmission planning process. Specifically, both LS
Power and Pattern filed comments claiming that the CAISO was “too subjective” in applying its
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evaluation criteria.280 Specifically, LS Power and Pattern alleged that while CAISO based its
decision on advantages enjoyed by PG&E as an incumbent transmission owner, CAISO did not
tie those advantages specifically to ratepayer benefits.281 LS Power and Pattern noted that
CAISO found that all five proposers were physically, financially, and technically capable of
constructing and completing the project in a timely and competent manner, and operating and
maintaining the facilities in accordance with “Good Utility Practice” over the life of the
facility.282 LS Power and Pattern asserted that if there are multiple qualified bidders that are
otherwise tied according to the CAISO’s criteria, the winner must be selected on the basis of
lowering costs to ratepayers, a benefit that LS Power and Pattern alleged was not shown.283
Pattern also claimed that CAISO’s process was not transparent, evidenced by CAISO’s use of an
independent evaluator that was not publicly identified or required to file a public report on its
findings.284
The criticisms faced by CAISO may not be unique to its particular transmission planning
process. Other RTOs, including SPP, may face criticism or even challenges in various
regulatory, dispute resolution, or legal forums from proposing transmission developers that are
not selected in the competitive process. One of the reasons is that the process is quite different
from that for stakeholder-driven issues that SPP faces on a day-to-day basis. Issues raised in the
stakeholder process are put to a vote and advanced only if certain pre-established thresholds are
met. Here, however, SPP is tasked with picking winners unilaterally. And while SPP has wisely
chosen to use a panel of independent experts to recommend which project developers to select,
the final decision is the responsibility of the SPP Board.

B. More Flexibility for Merchant Developers
Merchant transmission is intended to improve the grid by encouraging more competition
and it is a business fully open to competition by non-incumbent developers. A merchant
transmission developer is an entity that takes on all of the market risk of a transmission project.
Unlike a traditional utility, a merchant developer has no captive customers and does not receive
cost-plus rate recovery. Instead, merchant transmission projects are eligible for “negotiated”
rates.
280
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Historically, merchant transmission has been very difficult to build and there are few
success stories. Most projects are high-voltage direct current (HVDC) lines in or between
regions with sustained price differentials or resource needs.285 HVDC projects are well suited
for merchant development, in part because they have a more limited system impact than
alternating current (AC) lines; for example, since HVDC projects are controllable, they do not
produce parallel flows (i.e., loop flows) on the system.286 Merchant projects offer developers the
chance to transmit excess, cheaper power over long distances to load pockets with high prices,
and/or move renewable energy from remote locations to load centers in states with renewable
portfolio standards. For example, the Zephyr project, an 850-mile, 3,000 MW HVDC project,
promises to sell wind power from eastern Wyoming to cities in the southwest U.S.287
Nevertheless, seeing a merchant transmission project through from its initial proposal stages
through energization is a long, arduous, and uncertain process. For example, the Zephyr
transmission project has been in development since 2008 but is not expected to be online until
2020.
Some might say that the best case for SPP using merchant transmission is in exporting
power. As with many merchant projects, a project in SPP may likely seek to sell renewable
power to a state with an RPS and/or sell cheap power to a market with higher prices. The
likelihood of merchant development in SPP would be improved by states outside of SPP
adopting RPS standards or competitive markets, especially states in the Southeast. To the extent
that SPP is interested in attracting merchant transmission development, SPP should be aware of
recent action by FERC intended to help merchant developers.
1. FERC’s Flexibility on Merchant Rates
FERC, which approves the rates that merchants can charge on their projects, attempted
to help merchant developers by allowing more flexibility in negotiating contracts with potential
customers. Until recently, to get approval to charge negotiated rates, the developer had to pass
FERC’s “four-factor analysis” to ensure that: (1) rates would be just and reasonable; (2) the
developer would not have potential for undue discrimination; (3) the developer would not unduly
favor one customer – like one of its affiliates – over another; and (4) the project would be
operated consistent with regional reliability and operational efficiency requirements.288 To pass
this test, merchant developers set aside a minimum percentage of the total capacity on the project
for sale in an open season. The developer would sell some of its capacity to an anchor customer
through a bilateral agreement negotiated confidentially, but would have to offer the same rates,
terms, and conditions given to the anchor customer in the open season. Any interested customer
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could receive the same deal as the anchor customer in the open season, which would serve as a
check on the reasonableness of the anchor customer’s agreement.
In January 2013, FERC issued a policy statement289 addressing industry concerns that its
existing merchant transmission capacity allocation policy was not sufficient to get merchant
projects financed, subscribed, and built. FERC’s new policy introduced an alternative in which
developers can sell up to 100 percent of project capacity to a single anchor customer or multiple
anchor customers – including affiliates. Merchant developers choosing this option are no longer
required to set aside a minimum percentage of the project’s capacity for sale in an open season;
instead, the developer must have what FERC calls an “open solicitation” to find potential anchor
customers. Once a developer has a shortlist of potential customers, it may sell capacity on their
projects at different rates, terms, and conditions to its anchor customers.
FERC’s policy statement should help merchant transmission developers by providing
additional flexibility. Almost every merchant transmission developer we have spoken to has
lauded the policy statement as providing additional flexibility. Especially critical is FERC’s new
stance on offering more favorable terms to potential customers based on criteria that are not
unduly discriminatory. For example, FERC will allow merchants to provide better terms to
customers that agree to sign up for capacity earlier in the process – so-called “first mover status.”
This can help solve merchant transmission developers’ most fundamental challenge in financing
their projects. Without customers, attracting financing is nearly impossible, but while the
merchant developers had incentive to sign up customers quickly, the potential customers
themselves did not since they could get the same rates, terms, and conditions as the “anchor”
customer later on in the open season. Those contrasting incentives often led to stalemates that
delayed financing and project timelines. FERC’s policy statement regarding first mover status
helps alleviate this problem.
Nevertheless, we think there are two factors that may limit the effectiveness of FERC’s
policy statement. First, the hurdles that prevent merchant transmission developers from project
development likely remain outside the realm of FERC’s regulatory tools. For merchant
development in SPP, often the most fundamental hurdle is that of finding interested,
creditworthy customers.290 Second, developers could face additional regulatory risk under this
option. Under the old method – the anchor customer/open season model – a merchant developer
got up-front approval from FERC, all but eliminating its regulatory risk. If FERC rejected its
application, the merchant developer could restructure its application and re-apply, all in advance
of negotiating contracts with potential customers.291 Under FERC’s new method, merchant
developers must file the results of their open solicitation process after negotiations are over,
customers are selected, and contracts have been signed. This after-the-fact FERC review means
289
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that merchant developers will retain regulatory risk – that is, the risk that FERC will find their
sales of capacity on their projects to be unjust and unreasonable – throughout negotiations with
potential customers.

C. Decentralization and Distributed Generation: Disruptive Impact on
Transmission Planning?
Changing gears from two events that are attempts to strengthen the grid by introducing
more competition in transmission expansion, we turn now to an event that some view could be
an existential threat to expansion of the grid. As we describe in Chapter III, decentralization and
distributed resources have been raised as a direct, competitive challenge to the grid. Our purpose
in this chapter is to focus on distributed resources’ impact on transmission planning specifically.
To consider the potential impact of a less-centralized grid on transmission planning, we
looked to a white paper by ICF titled How and Where Distributed Energy Resources Will Reduce
the Need for Transmission.292 ICF concludes that targeted distributed resources can reduce the
need for transmission and distribution investments in certain areas. To do so, distributed
resources must be reliable and properly located,293 and, in addition, distributed resource
programs must be “carefully tailored” to match distributed generation with central station power
in a way that reduces the need for new transmission investments.294 When distributed energy
generation is unorganized – as ICF claims that most is today – it will not provide adequate
reliability benefits that offset the need for transmission investment.295 ICF finds that distributed
generation, when targeted properly, can defer transmission investments, resulting in fewer
transmission and distribution losses, the economic benefits of avoided costs of generation,
reduced water needs and air pollution, and deferral of distribution system investments.296
ICF also notes that despite the forecast increase in distributed resources and the benefits
they provide, need for transmission expansion will persist. “In light of a significantly changing
generation profile due to projected coal retirements, increased renewable penetration, and high
levels of flexible natural gas-fired generation, new transmission lines provide …” flexibility to
support reliable operation of the grid.297 Additionally, aging infrastructure in several regions
across the U.S. combined with potential system contingencies will also necessitate new
transmission lines being built.298
ICF provides three case studies to back up its conclusions about the need to precisely
match distributed generation to the grid. The first is the Greater Springfield Reliability Project
292
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near Springfield, MA.299 The area was experiencing reliability violations because the doublecircuit tower configurations were built several decades ago and therefore were outdated. The
proposed transmission solution would have replaced the towers and provided high-voltage
reinforcement. Nevertheless, the local utility (Northeast Utilities) was required to evaluate nontransmission alternatives and to determine whether those alternatives were capable of offsetting
the need for the proposed transmission project. Northeast Utilities’ analysis showed that the
distributed energy resources in the region did not provide adequate reliability based on NERC’s
transmission planning standards. As a result, the Greater Springfield Reliability Project was
approved and is now under construction.
The second case study, also in New England,300 involves an analysis by ISO New
England into specific locations in the grid where the addition of distributed energy resources
could provide a level of reliability comparable to that of proposed transmission projects. ISO
New England concluded that, if targeted and planned development of distributed energy
resources occurred at specific locations, mostly in Vermont, the possibility existed for deferring
new transmission projects. Vermont has yet to act on ISO New England’s analysis.
The third case study involves Maine.301 In April 2012, the Maine Public Utilities
Commission approved a pilot non-transmission alternative program to defer investment in new
transmission lines in Central Maine Power’s region. Central Maine Power had identified a need
for an $18 million upgrade to a 34.5 kV transmission line from Newcastle to Boothbay Harbor
for load serving needs. The Maine Public Utilities Commission approved the pilot nontransmission alternative, which included two megawatts of distributed generation, energy
conservation, and demand response that would offset the $18 million investment need.
More broadly, ICF further concludes that the impact of distributed resources on
transmission expansion will vary greatly by region because of the large number of variables
inherent in transmission planning, including varying demand conditions, combinations of
contingencies, and imports and exports.302 In order for transmission planners to effectively study
distributed energy resources as an alternative to transmission expansion, “utilities and other
stakeholders involved in the process must fully agree on the underlying set of assumptions and
modeling methods.”303
ICF is not alone in encouraging transmission planners to integrate distributed resources
into their transmission planning processes. Synapse Energy Economics issued a report in which
it claims that ISO New England fails to account for distributed generation capacity in its analysis
of grid needs and, as a result, New England ratepayers will pay for transmission expansion
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projects that are not needed.304 EPRI, too, echoes the theme of planning the grid in conjunction
with distributed technologies.

304

Sarah Jackson et al., Forecasting Distributed Generation Resources in New England: Distributed Generation
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VI. A Possible Rise in Retail Rates

n last year’s Looking Forward Report, we noted that conditions driving monthly
electricity bills could be worsening, which could mean higher electricity costs for
ratepayers.305 We explained that electricity bills had enjoyed “favorable conditions” in
recent years but that going forward, conditions were likely to change. This may matter to SPP
because higher electricity rates can affect demand and, thereby, SPP’s planning. Further, to the
extent that transmission costs drive higher rates, SPP may anticipate pushback from customers
who pay those costs. Specifically, we explained that a prolonged period of low natural gas
prices, low interest rates, and limited capital expenditures by utilities had helped keep bills down.
Going forward, we noted that (1) rising natural gas prices; (2) higher interest rates; (3) increases
in utility capital expenditures to upgrade the grid; (4) increases in utility capital expenditures to
comply with environmental regulations; and (5) underfunded liabilities in the form of pension
obligations could all contribute to higher retail rates. We explained, too, that demand for
electricity was expected to stay largely flat, but that monthly bills could increase nonetheless.

I

This year, our purpose was to check in on the status of retail electricity rates and bills by
looking at anecdotal data and forecasts for rates, bills, and variables that can drive electricity
costs. Generally, as explained in more detail in this chapter, the evidence suggests a mixed
305
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picture for electricity rates and by no means projects a nationwide trend to higher rates and
monthly bills. The forecasts for some variables that drive utility costs continue to suggest an
upcoming rise in rates and bills, but aggregate retail rate and bill data and forecasts indicate only
modest increases.

A. Significant Changes in Variables Driving Retail Rates
1. Natural Gas Prices
Natural gas prices are expected to increase significantly in real terms over the long-term.
EIA base forecasts from the 2014 AEOER show an implied compound annual growth of 2.83
percent in real terms from 2013 through 2040.306 In fact, the 2014 AEOER forecasts slightly
higher natural gas prices going forward than forecast last year.307 In its 2013 forecast, shown in
Figure VI.1, natural gas prices, which had been historically low in recent years, were projected to
rise in real terms across all scenarios.
FIGURE VI.1
Annual Average Henry Hub Spot Prices for Natural Gas in Five Cases, 1990-2040 (2011 dollars
per million)

Source: U.S. Energy Information Administration, Annual Energy Outlook 2013 with Projections to 2040, April
2013, p. 77, figure 88.

U.S. Energy Information Administration, “Oil and Gas Supply, Reference case,” AEO2014 Early Release
Overview Interactive Table Viewer, accessed April 16, 2014,
http://www.eia.gov/oiaf/aeo/tablebrowser/#release=AEO2014ER&subject=8-AEO2014ER&table=14AEO2014ER&region=0-0&cases=ref2014er-d102413a. Percentage (2.83) calculated by Boston Pacific.
307
U.S. Energy Information Administration, Annual Energy Outlook 2013 with Projections to 2040, April 2013, p.
77, figure 88.
306

65

167 of 218

2. Interest Rates and Utility Capital Expenditures
Interest rates, which can directly impact the cost of borrowing for utilities and thus
impact rates paid by retail customers, have been extraordinarily low in recent years.308 Last year,
we explained that rates must “necessarily rise in the foreseeable future.”309 Since then, we have
seen a mixed picture for rates, as measured by the rate for 10-year treasury bonds, which is often
considered to be the risk-free rate for financial analysis.310 We have seen some evidence of
rising rates. For example, 10-year treasuries rose in 2013, starting at 1.86 percent at the
beginning of 2013 and rising to 3.04 percent by the end of the year.311 Since then, yields have
declined slightly to 2.79 percent as of March 10.312
The impact of higher interest rates on monthly electricity bills is related to debt financing
for utility capital expenditures related to environmental compliance, replacement or upgrading of
aging infrastructure, and other purposes. As we explained in last year’s report, utilities are
forecast to expend significant capital. Updating this item, we continue to see evidence of an
increase in capital expenditures by U.S. utilities. In the near term, Brubaker & Associates, Inc.,
using data from Edison Electric Institute, suggests that total company spending by U.S. investorowned utilities could total approximately $95 billion in 2013, $93 billion in 2014, and $85
billion in 2015, all in nominal terms.313 As shown in Figure VI.2, these projections fare notably
higher than in earlier years, where nominal spending has ranged from $41 billion in 2004 to
$78.6 billion in 2011, also in nominal terms.314
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FIGURE VI.2
Industry Capital Expenditures

Source: Michael Gorman, “Managing CapEx Risk Against the Odds,” Brubaker & Associates, Inc.
(presentation, NARUC Winter Committee Meetings, Renaissance Washington Hotel, Washington, DC,
February 9-12, 2014), 3.

Longer term, capital expenditures are expected to continue to be substantial. NARUC
notes that the electricity industry is expected to spend over $2 trillion between 2010 and 2030 for
environmental compliance and updating the grid.315 Increased utility capital expenditures and
higher interest rates could drive higher monthly bills as utilities seek rate increases to cover these
higher costs.

3. Electricity Demand
Demand for electricity, as measured by total U.S. electricity sales, has declined in four of
the past five years, and according to EIA, it is on track to continue to decline in 2013.316 Figure
VI.3 from EIA shows two electricity demand metrics. The top line shows the total annual
demand for electricity, in terawatt hours, since 2000. The bottom chart shows the year-over-year
percentage change in electricity demand for 2000 to 2012; a blue bar suggests an increase in

“Meetings Program: Managing CapEx Risk Against the Odds” (NARUC Winter Committee Meetings,
Renaissance Washington Hotel, Washington, DC, February 9-12, 2014).
316
U.S. Energy Information Administration, “Today in Energy: U.S. electricity sales have decreased in four of the
past five years,” EIA website, last modified December 20, 2013,
http://www.eia.gov/todayinenergy/detail.cfm?id=14291.
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demand from the year prior, while a brown bar suggests a decrease in demand over the previous
year.317
FIGURE VI.3
U.S. Electricity End Use, Total and Year-Over-Year Change (2000-2012)

Source: U.S. Energy Information Administration, “Today in Energy: U.S. electricity sales have decreased in
four of the past five years,” EIA website, last modified December 20, 2013,
http://www.eia.gov/todayinenergy/detail.cfm?id=14291.

B. Aggregated Rate and Bill Data
During 2013, EIA estimates the average U.S. residential customer used 10,870 kWh of
electricity, which is 2.2 percent lower than the average level of consumption between 2008 and
2012.318 Going forward, EIA estimates that residential consumption will remain relatively flat.
Improvements in energy efficiency are likely to continue affecting growth in electricity
consumption, and EIA expects the average sales of electricity per residential customer to fall by
1.1 percent in 2014 and by 0.4 percent in 2015.319 Energy efficiency also impacts sales of
electricity to the commercial sector, which EIA expects to decline by 0.5 percent this year and to
grow by only 0.3 percent in 2015.320 In contrast, improved economic conditions, especially in
the chemicals and primary metals industries, drive a 2.2 percent increase in industrial electricity
sales during 2014 and a 2.5 percent increase in 2015, according to EIA.321
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Both electricity rates and monthly electricity bills have risen over the past year.
According to EIA, U.S. residential rates have risen 2.9 percent; commercial rates are up by 2.3
percent; and industrial rates are up by 1.4 percent.322 U.S. monthly retail electricity bills have
also risen over the past year. Specifically, the average residential bill in January 2013 increased
1.45 percent from the year prior.323 Going forward, EIA forecasts of rate and monthly bill data
and forecasts indicate only modest increases. EIA forecasts average residential rates in 2014 to
rise 0.9 percent from 2013 levels, another 1.7 percent in 2015, and by a total of 14.7 percent in
2040 from 2013 levels, all in real terms.324

C. Utilities Seeking Significant Rate Increases
Aside from aggregate forecasts, we checked in on some utilities for any evidence of
significant changes in rates. Again, while by no means proving a wider trend, these anecdotes
could be early warning signs of cost pressures coming to U.S. utilities.
1. PSE&G325
One example of a utility that is increasing its rates to pay for increasing transmission
expansion costs is PSE&G. PSE&G filed its new transmission rates on October 15, 2013. The
new rates are higher and reflect increases in transmission expansion costs attributable to PSE&G.
Specifically, PSE&G’s Basic Generation Service Firm Transmission Service Supplier Rate
increased by more than 31 percent from 2013 to 2014 and by 98.5 percent from 2012 to 2014.326
These rate increases are being driven by increases in transmission expansion costs
attributable to PSE&G customers. Specifically, the total transmission expansion costs borne by
PSE&G customers went up over 31 percent, from $442.7 million in 2013 to $580.3 million in
2014.327 These increases reflect transmission upgrades in PJM whose costs are allocated to
PSE&G. Transmission rates have climbed high enough to be comparable to capacity costs in the
PJM’s capacity market, the Reliability Pricing Model, where PSE&G’s localized price for
capacity for the 2016 to 2017 deliverability year is $177.61/MW-day.328
U.S. Energy Information Administration, “Average Retail Price of Electricity to Ultimate Customers by End-Use
Sector, by State, November 2013 and 2012 (Cents per Kilowatthour),” Electric Power Annual, December 12, 2013.
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2. FirstEnergy
Another example of a utility increasing its expenditures on both upgrading aging
transmission infrastructure and responding to environmental mandates is FirstEnergy. Its
"Energizing the Future" initiative was previously announced in May 2012 as part of
FirstEnergy's ongoing commitment to enhance its high-voltage transmission system.329
FirstEnergy states that many of the projects – including new or rebuilt high-voltage power lines,
new substations, and the installation of specialized voltage regulating equipment – were needed
to help support system reliability as coal-fired power plants in the region are deactivated based
on MATS and other environmental rules.330 Overall, these initial "Energizing the Future"
projects represented about a $1.8 billion investment in Ohio, Pennsylvania, West Virginia, New
Jersey and Maryland over the next five years.331
In November 2013, First Energy announced an additional $2.8 billion expansion of the
“Energizing the Future” initiative. This expansion will primarily focus on upgrading some areas
of FirstEnergy’s aging grid, which averages more than 40 years old. Specifically, FirstEnergy
will evaluate and rebuild 7,200 circuit miles of 69 kV and higher transmission lines, inspect and
upgrade more than 170 substations, and evaluate and rebuild 70,000 transmission structures.332
While FirstEnergy’s rates have yet to increase, its CEO, Anthony Alexander, hinted that
rate increases are on the horizon. He stated, “[a]ny time you are investing in the rate base (the
wires) to improve customer service, improve reliability, it will have consequences on rates.”333

3. National Grid
In December, National Grid received approval from the Rhode Island Public Utilities
Commission to increase residential electricity rates by 12.1 percent.334 Beginning in January of
this year, “the typical Rhode Island household’s monthly bill is projected to rise from $78.91 to
$88.47, an increase of $9.56.”335 Commercial electricity rates rose by 23.2 percent.336
FirstEnergy, “FirstEnergy Announces ‘Energizing the Future’ Initiative to Enhance Transmission System
Reliability,” FirstEnergy website, accessed April 19, 2014,
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National Grid claims that the “overwhelming majority” of the increase is derived from an
increase in natural gas prices in New England.337 It should be noted that prices for natural gas in
New England are uniquely high because of the combination of New England’s “limited”338
pipeline capacity, high reliance on natural gas for generation – natural gas-fired generation
supplied 52 percent of electricity in 2012339 – and its reliance on natural gas for heating in the
winter.340 Nevertheless, National Grid customers’ experience illustrates how volatile end user
rates can be when closely associated with natural gas prices.

4. Indiana Utilities
Lastly, in December 2013, a Purdue University-based group, The State Utility
Forecasting Group, issued its bi-annual report on Indiana electricity rates for the Indiana Utility
Regulatory Commission.341 The Indiana report predicts a 30 percent rise in Indiana’s electricity
rates in real terms by 2023, stating, “[r]eal prices are projected to increase by 30 percent from
2012 to 2023 and then slowly decrease until 2026 before maintaining that level for the remainder
of the forecast period.”342 The Indiana report also suggests “electricity usage [will] grow at a
rate of 0.74 percent per year over the 20 years of the forecast.”343
The report attributes the projected rate increases to “costs associated with meeting
environmental rules, costs associated with recent plant construction, and costs associated with
extending the life of existing generating facilities.”344 The report attributes the lower growth in
electricity usage primarily to “increasing efficiency,” which “are projected to occur from three
sources: utility-sponsored conservation efforts, higher projected electricity prices making
investments in higher efficiency equipment more cost-effective, and stricter federal energy
efficiency standards.”345
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VII. Long-Term Demand Shock: Electric
Vehicles (Short Update)

I

f the price of a stock is supposed to reflect
the expected future earnings growth of a
publicly traded company, then the increase
in Tesla Motors’ stock price indicates good fortune
for the company’s future. Since last year’s Annual
Looking Forward Report, the price of a share of
Tesla’s stock has risen from $51 to $245, representing
a 380 percent increase in less than a year.346 For a
company that solely produces electric vehicles, one
might say that its investors are betting on substantial
growth in EV sales. If we take a look at overall sales
for EVs, data appears to confirm such growth. Data
from the Electric Drive Transportation Association
shows that in 2013, 96,702 EVs were sold in the U.S.
compared to 52,835 EVs sold in 2012,347 an 83
percent increase. Since 2011, when some of the first
EV models were introduced to the market, sales of
EVs have increased at a compounded annual growth
rate of 134 percent.
What does the rapid increase in EV sales mean for widespread adoption of EVs? To
answer this question, it is important to refer back to the Obama administration’s goal of having 1
million EVs on the road by 2015. That goal serves as a benchmark for where the EV industry
should be to support “advanced technology vehicle manufacturing and adoption in the U.S.”348
In short, by that standard, EVs are a long way off from the necessary pace. As of February 2014,
there are about 180,000 EVs on the road – meaning that another 820,000 EVs would need to be
sold this year to meet the president’s goal for 2015.349 In fact, according to a forecast from the
EIA, the goal of having 1 million EVs on the road will not be achieved until between 2021 and
2022.350
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Another metric to consider is market penetration. While the growth rates of EV sales
have been impressive, the market share of EVs is just 0.62 percent of total vehicle sales – still a
small fraction of the overall vehicle market – with over 15.5 million total vehicles sold in
2013.351 In contrast, 495,530 hybrid electric vehicles (HEV), which do not have plug-in
capability, were sold in 2013, accounting for 3.19 percent of total 2013 vehicle sales.352 It is
worth noting that there are nearly 3.5 times more model types of HEVs than EVs.353
Furthermore, since 2007, the annual average market share of HEVs has ranged from 2.09 percent
to 3.19 percent.354 EVs have yet to break a sales mark of 1 percent of total vehicle sales in a
year. In terms of where EVs are being purchased, nationwide EV sales have been concentrated
in the eastern and western coastal states of the U.S., accounting for approximately 60 percent of
total sales.355 In comparison, the same data shows that the west central regions of the U.S.,
which include the majority of SPP’s footprint, only accounted for 14 percent of total nationwide
sales.356
Forecasts also show that EVs will remain on the periphery well into the future. The EIA
predicts that EVs will represent less than 2 percent of total vehicles in 2040.357 On the other
hand, there will be twice as many HEVs than EVs on the road, which will account for about 5
percent of total vehicles in 2040.358 Still, overall, both HEVs and EVs continue to make up a
2014, http://www.eia.gov/oiaf/aeo/tablebrowser/#release=AEO2014ER&subject=15-AEO2014ER&table=48AEO2014ER&region=1-0&cases=ref2014er-d102413a.
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small segment of total vehicles on the road. Interestingly, the composition of vehicles on the
road in 2040 will be predominately gasoline powered internal combustion engine vehicles – with
EIA’s forecast indicating that 78 percent of total vehicles will run on gasoline.359 While it may
seem disappointing to some that gasoline ICE vehicles will maintain such a high share of the
total vehicle market 26 years from now, given the advances in hybrid and electric vehicle
technology, part of the reason for the longevity of gasoline ICE vehicles is attributable to
increased fuel efficiency overtime.
Currently, as shown in Table VII.1, alternative fuel cars – which include all-electric EVs,
plug-in hybrid EVs (PHEV), and HEVs – have greater fuel efficiencies than their conventional
fuel counterparts. Notably, all-electric EVs (100 and 200 mile electric vehicles) have higher fuel
efficiencies – equivalent to 125 to 132 miles per gallon – than their counterparts. In 2040, allelectric EV fuel efficiencies are expected to increase moderately by 4 percent to 13 percent to
137 to 141 miles per gallon. Another type of plug-in, the PHEV, which currently exhibits fuel
efficiency of 60 to 73 miles per gallon (depending on all-electric range of 10 or 40 miles), is
expected to experience a significant increase in fuel efficiency of 21 percent to 37 percent to 82
to 88 miles per gallon. Conventional HEVs will also experience similar gains, with fuel
efficiencies increasing by 39 percent from 51 miles per gallon to 71 miles per gallon. Notably,
however, gasoline ICE vehicles are expected to experience the largest percentage increase with
fuel efficiencies increasing by 47 percent from 36 miles per gallon to 53 miles per gallon in
2040.360
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Case,”AEO2014 Early Release Overview Interactive Table Viewer, accessed April 16,
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TABLE VII.1
Fuel Efficiency by Vehicle Propulsion Type

Fuel Efficiency in Miles Performance
Vehicle Propulsion Type
per Gallon
Increase
2014
2040
%
Conventional Fuel Cars
Gasoline ICE Vehicles
36
53
47%
TDI Diesel ICE
45
56
24%
Alternative Fuel Cars
100 Mile Electric Vehicle
132
137
4%
200 Mile Electric Vehicle
125
141
13%
Plug-in 10 Gasoline Hybrid
60
82
37%
Plug-in 40 Gasoline Hybrid
73
88
21%
Electric-Gasoline Hybrid
51
71
39%
Source: U.S. Energy Information Administration, “Light-Duty Vehicle Miles per Gallon by
Technology Type, Reference Case,”AEO2014 Early Release Overview Interactive Table Viewer,
accessed April 16, 2014,
http://www.eia.gov/oiaf/aeo/tablebrowser/#release=AEO2014ER&subject=15AEO2014ER&table=50-AEO2014ER&region=0-0&cases=full2013-d102312a,ref2014er-d102413a.

It is important to note that fuel efficiency is just one of many attributes that consumers
assess in purchasing a vehicle. As the numbers show, despite the large increases expected in fuel
efficiencies for gasoline ICE vehicles, overall, alternative fuel vehicles will still have greater
equivalent fuel efficiencies than gasoline ICE vehicles. However, other factors, such as cost,
safety, design, and performance, also play a part in influencing consumer decisions.361
Policy also plays a major role in the competition between gasoline ICE vehicles and EVs,
just as it does in the electric power industry. There are mandates and subsidies that influence the
automobile market. In 2012, the Obama administration directed that the Corporate Average Fuel
Economy (CAFE) standards for 23 large automakers be increased to 54.5 miles per gallon for
cars and light-duty trucks by model year 2025, up from the current 31.3 miles per gallon
requirement.362 CAFE standards apply to an automaker’s fleet average fuel economy of current
model year vehicles. Automakers pay a penalty if they cannot meet the standard.363 On the
incentives side, as mentioned in last year’s Annual Looking Forward Report, purchases of EVs
are eligible for a federal tax credit of up to $7,500. That tax credit phases out for each

Consumer Reports, “2014 Car-Brand Perception Survey,” Consumer Reports website, last modified February
2014, http://www.consumerreports.org/cro/2014/02/2014-car-brand-perception-survey/index.htm.
362
2017 and Later Model Year Light-Duty Vehicle Greenhouse Gas Emissions and Corporate Average Fuel
Economy Standards, Final Rule, 77 Fed. Reg. 62627 (October 15, 2012).
363
Ibid., 62671.
361

75

177 of 218

manufacturer once it sells 200,000 EVs.364 In addition, several states provide similar incentives
for the purchase of EVs.365
Given the favorable policy towards EVs, what is preventing these vehicles from gaining
widespread adoption? The last two Annual Looking Forward Reports pointed to range anxiety
as a key issue for consumers in deciding to buy an EV.366 Range anxiety refers to the concern
that an EV has inadequate range to reach its destination, thus potentially leaving the driver
stranded. Range anxiety is attributable to two factors: battery performance and infrastructure. 367
To be clear, range anxiety does not affect all EVs, only all-electric EVs. PHEVs rely on gasoline
for recharging the vehicle’s batteries and propulsion. For all-electric EVs, cases of battery
underperformance and a lack of charging infrastructures have contributed to some the public’s
apprehension to make the switch to EVs.368
Many EVs rely on Li-ion batteries as compared to other battery technologies due to their
superior energy density and faster charging. However, a limitation of lithium-ion is its
susceptibility to “thermal runaway,” which refers to the situation in which a self-contained cell in
a battery experiences overheating and causes the battery to catch fire or even explode.369 Such
occurrences have been documented with EVs – with a Dodge Ram 1500 Plug-in Hybrid and a
Mitsubishi i-MiEV and Outlander P-HEV,370 whose batteries are manufactured by GS Yuasa, the
same company that manufactures batteries for the Boeing 787 Dreamliner, which experienced
similar problems.371
Other battery technologies are being explored for EV use that do not carry the same fire
risks of a Li-ion battery. These alternatives include batteries with different chemistries such as
lithium-sulfur and lithium-air batteries, which could potentially provide, in addition to increased
safety, significantly higher energy densities, meaning more energy per weight. The Lawrence
Berkeley National Laboratory of the DOE has demonstrated a lithium-sulfur battery that has
more than two-times the energy density of a typical Li-ion battery and would cost less to
produce.372 Lithium-air batteries would offer five to 10 times the storage capacity of Li-ion
U.S. Department of Energy, “Federal Tax Credits for Electric Vehicles Purchased in or after 2010,”
fueleconomy.gov, accessed April 19, 2014, http://www.fueleconomy.gov/feg/taxevb.shtml.
365
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DOE website, accessed April 19, 2014, http://www.afdc.energy.gov/fuels/laws/3270/AZ.
366
For example, see Roach, Ph.D. et al., Southwest Power Pool Annual Looking Forward Report, Boston Pacific
Company, Inc., April 23, 2013, 53.
367
Maria Nilsson, Electric Vehicles: An Interview Study Investigating the Phenomenon of Range Anxiety, ELVIRE
consortium, November 16, 2011, 1.
368
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369
Peter Els, “Is There an Overreaction to EV Safety Concerns?” Automotive iQ: International Quality and
Productivity Center website, last modified October 16, 2013, http://www.automotiveiq.com/PDFS/Electric_vehicle_safety.pdf.
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batteries.373 DOE’s Advanced Research Projects Agency-Energy program awarded $34 million
in 2010 to fund breakthrough research in automobile batteries – two of the grants went to
companies developing lithium-air battery technology.374 Such advantages, if achievable, could
solve some of the limitations of Li-ion batteries and thereby improve the competitiveness of
EVs. However, these technologies are currently in laboratory research stages and must
overcome several challenges that are preventing commercialization, such as battery life and
reliability.
EVs have many hurdles to overcome in addressing range anxiety, and unless a
breakthrough emerges, gasoline ICE vehicles are expected to remain the vehicle of choice for
most Americans for some time. In addition, HEVs are expected to be a more popular choice
than EVs in coming years. Based on the status of the EV industry, we reaffirm our conclusion
from the 2011 Annual Looking Forward Report that the emergence of EVs is not expected to
have a major impact on SPP in the foreseeable future.375 Our conclusion, we note, at that time,
was based on the assumption of 1 million EVs on the road in the U.S. causing less than a 1
percent increase in electric demand in SPP. Again, according to forecasts from the EIA,
America will not reach that 1 million EV goal until 2021 to 2022.

Dexter Johnson, “A Nanoscale Peek at Lithium-air Batteries Promises Better Electric Vehicles,” IEEE Spectrum
website, last modified May 14, 2013http://spectrum.ieee.org/nanoclast/green-tech/advanced-cars/nanoscale-peak-atlithiumair-batteries-promise-better-electric-vehicles.
374
Saqib Rahim and Climatewire, “Lithium-Air Batteries Could Rescue Electric Car Drivers from ‘Range Anxiety’”
Scientific American, May 7, 2010.
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Roach, Ph.D. et al., Southwest Power Pool Annual Looking Forward Report, Boston Pacific Company, Inc.,
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VIII. An Introduction to Energy Storage

R

ecently, there has been substantial
discussion on energy storage in the
media, as well as in the investment, utility
and regulatory communities. That discussion indicates
some momentum for energy storage projects. California
is seen to be fertile ground for growth in energy storage,
with the state expected to see $3 billion in contracts for
large-scale energy storage systems according to utility
industry estimates.376 The investment community sees
energy storage technologies progressing from research
and development stages to real projects. An executive
from a Silicon Valley venture capital firm is quoted
saying, “[w]e’re not talking about lab experiments
anymore … [w]e're talking about a real solution to a
growing issue as renewables become a bigger percentage
of everyone's grid.”377
Among the competition in storage technology,
current research and utility activity indicates that
batteries will be the chosen device for grid-scale energy
storage implementation. An industry executive is quoted as saying that, "[b]attery technology is
probably going to be the immediate, short-run leader.”378 The momentum around batteries was
highlighted in late February 2014 as Tesla’s stock jumped 14 percent in response to plans for its
own battery factory – batteries that are planned to be used in its cars and on the grid.379
Additionally, the president of AES, a major power company and the biggest operator of
electricity-storage systems, stated that the company is seeking to sell scalable battery storage
systems that can be sized as large as 500 MW and can compete with conventional power
plants.380
With this new, emerging momentum, we thought it might be helpful to present an
overview of energy storage, covering formative policy, leading technologies, and the range of
applications that energy storage may fill. This primer may be beneficial if the board begins to
see proposals for storage especially in the context of SPP’s new ancillary services markets.

Sweet and Smith, “For Storing Electricity, Utilities Push New Technologies,” Wall Street Journal, February 27,
2014.
377
Ibid.
378
Ibid.
379
Mike Ramsey, “Tesla’s Battery Ambitions Gets Stock Jumping,” Wall Street Journal, February 25, 2014.
380
Jim Polson, “AES Seeks to Replace Gas Power Plants With Big Batteries,” Bloomberg website, last modified
March 6, 2014, http://www.bloomberg.com/news/2014-03-06/aes-seeks-to-replace-gas-power-plants-with-bigbatteries.html.
376

78

180 of 218

A. Formative Policy
Several policy actions by FERC and by the state of California over the past few years are
propelling energy storage forward. First, FERC issued three orders that created new
opportunities for grid energy storage: Order No. 755 in 2011 and Order Nos. 784 and 792 in
2013.381 These three FERC orders should help energy storage better compete with conventional
generation as a grid resource. Order No. 755 requires transmission providers to increase
payments to resources that provide fast and accurate frequency response service, one of energy
storage’s primary advantages over conventional resources.382 Order No. 784 requires
transmission providers to add to its Open Access Transmission Tariff that it will take into
account the speed and accuracy of regulation resources in its determination of reserve
requirements for Regulation and Frequency Response service.383 Order No. 792 allows energy
storage to be considered generation and thus be subject to the small generator interconnection
protocols of FERC’s pro forma tariff.384 Each of these FERC actions lowers barriers to energy
storage participation in wholesale electricity markets.
The second important policy action is California’s energy storage mandate, adopted on
October 17, 2013, that requires its three major regulated utilities to have a combined 1,325 MW
of grid energy storage procured by 2020 – the first such mandate in the nation.385 California’s
mandate for energy storage establishes an immediate market for grid energy storage applications
that will help support investment of new projects. The mandate is guided by three overarching
objectives: “1) [t]he optimization of the grid, including peak reduction, contribution to reliability
needs, or deferment of transmission and distribution upgrade investments; 2) the integration of
renewable energy; and 3) [t]he reduction of greenhouse gas emissions to 80 percent below 1990
levels by 2050, per California goals [citation omitted].”386 The three largest California investorowned utilities, Pacific Gas & Electric Company, Southern California Edison, and San Diego
Gas & Electric, are required to procure a cumulative total of 200 MW of energy storage in 2014.
The procurement targets increase biennially thereafter to achieve the 1,325 MW target by
2020.387 For each biennial procurement, the three utilities must also meet targets for different
grid interconnection points – transmission, distribution, or at the customer site.388
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B. Energy Storage Technologies
The following section presents a brief overview of the leading types of energy storage
technologies.

1. Pumped Hydro
Pumped hydro is evidence that grid energy storage is not a new concept. The earliest
pumped hydro storage plant was built in the 1920s.389 Pumped hydro works by using off-peak
electricity to pump water from a lower reservoir up to a higher reservoir. Such reservoirs may be
naturally occurring lakes or rivers or manmade basins. During a peak demand period, the water
is released when deemed necessary and allowed to flow back through a hydroelectric turbine into
the lower reservoir, generating electricity. That is, pumped hydro is generally used to provide
electric energy time-shifting services or “arbitrage.”
Pumped hydro systems are the most mature of all energy storage system technologies.390
Globally, pumped hydro is by far the most widely used energy storage technology today, as
shown in Figure VIII.1. Because of the nature of these systems, pumped hydro can be
practically sized up to 4,000 MW391 and is one of the few technologies available today that can
reliably provide bulk energy services.392 These services include arbitrage and the supply of
electric capacity, which require higher power output and the ability to sustain longer discharges
of energy.393 The largest currently operating pumped hydro storage plant in the world is the Bath
County Pumped Storage Station in Virginia with a nameplate capacity of 3,030 MW.394
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394
U.S. Department of Energy, “Projects,” DOE Energy Storage Database, accessed April 19, 2014,
http://www.energystorageexchange.org/projects.

80

182 of 218

FIGURE VIII.1
Worldwide Installed Storage Capacity for Electrical Energy

Source: D. Rastler, Electricity Energy Storage Technology Options, Electric Power Research
Institute, December 2010, p. ix, figure 1.

Though approximately 16,500 MW of installed pumped hydro capacity operates in the
U.S., it does not appear to be a growing industry in the U.S.395 The last pumped hydro system
was built in the 1980s when, shortly thereafter, environmental concerns over water and land use
prevented further development of new capacity.396

2. Compressed Air
Compressed air energy storage (CAES) is technology that has not been around as long as
pumped hydro, but is also considered a commercial technology. CAES, like pumped hydro, can
provide bulk energy services.397 CAES uses off-peak electricity to compress air and store it in a
reservoir, typically an underground cavern, at high pressure.398 The pressurized air is stored for
use during peak demand. When needed, the pressurized air is heated (using fossil fuels such as
natural gas) and directed through a conventional turbine-generator to produce electricity.399
Currently, only two commercially operating CAES plants exist in the world: one in Alabama
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with a 110 MW capacity and the other in Germany with a 321 MW capacity.400 The plant in
Alabama has the higher efficiency – it can deliver 1 kWh of on-peak electricity using 0.69 kWh
of off-peak electricity and 1.17-kWh-equivalent of natural gas.401 Similar to pumped hydro,
development of CAES currently relies on natural infrastructure – the presence of underground
reservoirs, such as salt caverns. A number of advanced CAES systems, including systems that
use more advanced machinery and processes to increase performance efficiency and do not
require natural reservoirs, 402 are currently under development.403

3. Batteries
Unlike pumped hydro and CAES, battery energy storage systems are more flexible
because they are not dependent on the limited number of sites with the required natural
infrastructure. This means that they can be built where they are most needed, regardless of
whether there are specific geographical features present. Most battery energy storage systems
are modular and scalable such that they can be built to meet the requirements of specific
applications.404 Battery energy storage systems also have advantageous performance
characteristics such as fast response times and ramp rates that can be used to provide certain
ancillary services that conventional generation units cannot.405
A range of battery energy storage technologies is available for grid energy storage.
These technologies are distinguished by the material composition of the battery. For example, a
Li-ion battery denotes that an electrode of the battery’s cells are constructed from a lithium
compound.406 Some of the leading battery technologies that are currently available for grid
energy storage include sodium sulfur (NaS), Li-ion, and lead-acid batteries.407 NaS batteries are
considered a commercial energy storage technology and, due to their long discharge period of
four to seven hours, can be used in several grid applications such as bulk energy and
transmission and distribution infrastructure services.408 Also, because of their fast response

U.S. Department of Energy, “Projects,” DOE Energy Storage Database, accessed April 19, 2014,
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http://www.bine.info/fileadmin/content/Publikationen/Englische_Infos/projekt_0507_engl_internetx.pdf.
402
For example, see, LightSail Energy, “We Store Energy in Compressed Air,” LightSail website, accessed April
20, 2014, http://www.lightsail.com/.
403
For example, see: RWE, “ADELE – Adiabatic compressed-air energy storage (CAES) for electricity supply,”
RWE website, accessed April 19, 2014, https://www.rwe.com/web/cms/en/365478/rwe/innovation/projectstechnologies/energy-storage/project-adele-adele-ing/; see, also, U.S. Department of Energy, “Projects,” DOE Energy
Storage Database, accessed April 19, 2014, http://www.energystorageexchange.org/projects.
404
Akhil et al., DOE/EPRI 2013 Electricity Storage Handbook in Collaboration with NRECA, July 2013, 126.
405
Ibid., 6.
406
Ibid., 96 and p. 97, figure 94.
407
U.S. Department of Energy, Grid Energy Storage, December 2013, 17.
408
Electric Power Research Institute, Electricity Energy Storage Technology Options, December 2010, xxiii-xxiv,
table 4. See, also, International Renewable Energy Agency and International Energy Agency, Electricity Storage:
Technology Brief, April 2012, p. 15, table 1.
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times, NaS batteries can respond to grid signals for regulation services.409 However, because of
their chemistry, one drawback of NaS batteries is that they operate at high temperatures (300
degrees Celsius to 350 degrees Celsius) and are also combustible if exposed to water.410
Therefore, they must be confined in airtight, double-walled, stainless-steel enclosures.411 NaS
batteries have been deployed mainly in Japan and the U.S. The largest operating project is the
Rokkasho Village Wind Farm in Japan, which has a rated capacity of 34 MW and is integrated
with the wind farm to provide output firming and time shifting services.412 The operating
projects in the U.S. are smaller and range from 1 to 4 MW.413 Currently, all operating NaS
batteries in the world are manufactured by NGK Insulators, a Japanese company.414
Li-ion technology is already a mature technology for batteries of consumer electronics
and is established as a leading battery technology for electric vehicles.415 However, Li-ion is
also emerging as the fastest growing technology for battery grid energy storage.416 The chemical
nature of Li-ion batteries means it is best suited for short discharge operations, such as frequency
regulation or power quality services.417 Many currently deployed Li-ion battery projects are in
“early field trials to gain experience in siting, grid integration, and operation.”418 In the U.S.,
there are 28 currently operating projects, the largest of which is a 64 MW facility that is owned
and operated by AES.419 The battery system is integrated into AES’s Laurel Mountain wind
farm in West Virginia for the primary purpose of providing frequency regulation services. 420
The lead-acid battery was invented in the mid-1800s, and is the oldest type of
rechargeable battery.421 This mature technology is relatively cheap to manufacture and has good
409
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battery life. However, it suffers from having a low energy density, which means that, on a per
weight basis, it does not deliver as much energy as other battery technologies.422 While the leadacid battery is a mature technology, improvements have been made to the technology to make it
more robust for grid energy storage applications. Performance-enhanced variants of the standard
lead-acid technology include lead-acid carbon and advanced lead-acid batteries.423 These
specialized lead-acid batteries, among other improvements, allow for faster recharge rates, faster
response times, and minimal required maintenance.424 While there are a number of lead-acid
type energy storage systems currently operating, most of them have capacities below 1 MW.
The few systems with capacities greater than 1 MW use advanced lead-acid technology.425
Among those systems, the largest project is a 36 MW demonstration energy storage system at a
wind farm site in Texas that is owned and operated by Duke Energy.426

4. Flywheel
A non-battery energy storage system that is also known for its fast response and ramp
rates is flywheel energy storage.427 Flywheel energy storage is a mechanical energy storage
technology like pumped hydro and CAES, but it works much differently than those systems and
does not rely on natural infrastructure. Flywheel energy storage is a unique technology in that it
stores energy in the form of, in simplistic terms, a “spinning wheel,” called a rotor.428 To
understand how a flywheel works, it is helpful to know how electric generators and motors work.
In general, a generator converts rotational mechanical movement into electric energy and, viceversa, a motor converts electric energy into rotational mechanical movement through
electromagnetic principles. A flywheel is charged by taking electricity from the grid and
converting it to mechanical energy by an electric motor. The electric motor accelerates a
spinning wheel or rotor to store the energy. To make the storage of energy more efficient, the
rotor is typically suspended by magnetic bearings and housed in a vacuumed chamber to reduce
friction and air resistance, thereby maintaining a high level of inertia.429 When discharging, the
mechanical energy from the spinning rotor powers the generator to produce electricity.430 Thus,
in a flywheel energy system, the motor and generator are integrated as one device.
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Because of its design, flywheel energy storage systems are modular and scalable.431 The
capabilities of flywheel energy storage resembles more of that of a battery with the ability to
discharge and recharge in a matter of seconds, making it suitable for providing frequency
regulation.432 In the U.S., there are currently two commercial operating flywheel energy storage
systems greater than 1 MW – a 20 MW facility in New York and a 6 MW facility in
Pennsylvania.433 These systems provide frequency regulation services to New York ISO and
PJM, respectively.434

5. Quick Performance Comparison
Table VIII.1 compares some characteristics of the different energy storage technologies
discussed in the previous sections. It is important to note that, because many of these
technologies are new, estimates of cost and performance are wide ranging and are not necessarily
comparable across sources. Therefore, Table VIII.1 focuses on key data that indicate the
different roles and capabilities of each technology. For example, the second column shows that
the largest operating projects using pumped hydro and CAES technologies are over 100 MW,
indicating that these technologies can participate in bulk energy services. On the other hand, the
third column shows that the Li-ion and lead-acid batteries and flywheel systems have shorter
discharge times,435 indicating that these technologies are more suited for ancillary services.
Roundtrip efficiency, listed in column four, is a measure of the ratio of the electric output of an
energy storage system to the input required to restore it to the initial state of charge. The
roundtrip efficiency is an important metric for energy storage systems because it will impact a
project’s operating profitability – the fewer the kWh produced per kWh purchased, the lower the
profit margin. The technologies listed in the table all have roundtrip efficiencies greater than 70
percent. Note that these figures do not reflect the kWh lost in the generation of off-peak power
to charge these storage systems. Lastly, as shown in the table, pumped hydro and CAES, which
are more capital intensive than their battery and flywheel counterparts, have much longer plant
lives, at 60 and 40 years, respectively, versus 15 years for the other energy storage technologies.
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TABLE VIII.1
Key Performance Statistics of Energy Storage Technologies

Source: U.S. Department of Energy, “Projects,” DOE Energy Storage Database, accessed April 19, 2014,
http://www.energystorageexchange.org/projects; Polson, “AES Seeks to Replace Gas Power Plants With Big
Batteries,” Bloomberg website, last modified March 6, 2014, http://www.bloomberg.com/news/2014-03-06/aesseeks-to-replace-gas-power-plants-with-big-batteries.html; Electric Power Research Institute, Electricity Energy
Storage Technology Options, December 2010, pp. xxiii-xxiv, tables 4-5; International Renewable Energy Agency
and International Energy Agency, Electricity Storage Technology Brief, April 2012, 15, table 1; Akhil et al.,
DOE/EPRI 2013 Electricity Storage Handbook in Collaboration with NRECA, Sandia National Laboratories, July
2013, appendix b.

C. Energy Storage Applications
An energy storage technology’s performance characteristics determine the technology’s
compatibility for a particular grid application. The DOE and the EPRI released the 2013
Electricity Storage Handbook on grid energy storage in July 2013, which provides an overview
of the range of technologies available for energy storage and their applications.436 Figure VIII.2
lists five major grid application categories for energy storage with various services listed under
each category.
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FIGURE VIII.2
Electric Grid Energy Storage Services

Source: Akhil et al., DOE/EPRI 2013 Electricity Storage Handbook in Collaboration with NRECA, Sandia
National Laboratories, July 2013, p. 2, table 1.

While there is a considerable range of services identified that may be provided by energy
storage, many of these services are already provided by existing grid resources, such as
generation, transmission, distribution, demand response, distributed generation, or a combination
thereof. For example, conventional generation resources can supply electric capacity and
provide a range of ancillary services. Similarly, generation and distributed generation resources
may be built in transmission-constrained areas to relieve congestion. Another point to consider
is whether the grid needs to be “fixed” – that is, is there a major deficiency with the current
system of grid resources (e.g., the lights cannot be kept on)? The answer to this question is most
likely “no” and, therefore, we must consider what value energy storage provides to the grid.
Given the unique capabilities of energy storage, the FERC orders that open markets for
such unique capabilities, and the recently established ancillary services market in SPP, we
believe the board’s attention should pay attention to specific ancillary services that can only be
provided by energy storage. In our view, the value of energy storage will be realized if there is
an identified need for faster and more accurate regulation and frequency response services. We
note that such needs may arise with continually increasing renewable energy penetration.
Regulation services are needed by the grid to regulate momentary fluctuations in generation and
load. The DOE/EPRI handbook notes that the “benefit of regulation from storage with a fast
ramp rate (e.g., flywheels and some battery types) is on the order of two times that of regulation
provided by conventional generation [citation omitted], due to the fact that it can follow the
[Balancing Authority] signal more accurately and thus reduce the total wear and tear on other
generation.”437 The handbook also notes the advantages of energy storage in providing
frequency response services, which typically require quick responses on the order of seconds to
less than a minute if “there is a sudden loss of a generation unit or a transmission line.”438 Fast437
438
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acting storage, such as flywheels and batteries, is twice more effective in stabilizing frequency
than conventional fossil-fueled generators.439
While advances continue to be made in energy storage technologies, it is still too early to
tell how competitive energy storage will be compared to existing grid resources. There is still
much uncertainty that remains regarding its need, costs, and benefits.

439
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IX. Anticipating New Science and
Technology

M

ost can agree that long-term strategic planning for the electricity business must
anticipate the potential for new science and new (often-disruptive) science and
technology to emerge. To wit, most of the topics addressed in this report
involve new technologies that have or may have major impacts on the electricity market, in
general, and on SPP Markets, in particular. However, most can also agree that the standard
quantitative models do not do a good job at anticipating new technology. The best (or worst)
example is the failure of those models to predict the shale gas revolution. A more qualitative, yet
disciplined approach is needed.
To start our discussion about such a qualitative approach, it is a good idea to step back
and give some historical perspective on the forces driving new technology in the electricity
business. Historians make at least two important, broad points. First, new technology does not
arrive unexpectedly, which gives some hope that new technology can be anticipated. Second,
new technology is not all (or even primarily) about science and engineering because government
policy, law, economics, business strategy, and culture all collude to shape an industry, which
shows how complex it is to anticipate new technology. Hughes makes these points in his
authoritative book titled Networks of Power: Electrification in Western Society 1880 -1930.440
As to technology not arriving unexpectedly, Hughes states, “[t]he evolving power systems were
440
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not, metaphorically speaking, driverless vehicles carrying society to destinations unknown and
perhaps undesired.”441 As to multiple influences, he states, “[t]echnological affairs contain a rich
texture of technical matters, scientific laws, economic principles, political forces, and social
concerns. The historian must take the broad perspective to get to the root of things and to see the
patterns.”442
Hirsch makes a similar point on multiple forces in his noted work on more recent times in
Technology and Transformation in the American Electric Utility Industry.443 Hirsch concludes
that the industry needs “managers who can rerationalize the industry by comprehending
technological barriers, social concerns, political realities, economic forces, and –perhaps most
importantly – their own history.”444 Constructively, Hirsch warns about making presumptions
about the future. For example, he warns that, “progress does not continue forever.”445 His
specific point is that utility managers in the 1980s presumed economies of scale would continue
to drive electricity prices down when, by his reckoning, those economies had been exhausted by
the 1960s in terms of both fuel efficiency gains and increased size of power plants.446 To the
original point here, he emphasizes “the difficulty of projecting accurately the direction and
magnitude of future technological change.”447
To understand this more qualitative approach to anticipating the future, it is crucial to
weave the story to include all of the many factors that drive change: science, engineering, law,
politics, government policy, economics and culture. At the heart of this qualitative approach is
what can be termed “strategic storytelling,” a concept that encompasses these drivers. Rather
than define this approach in the abstract, this section jumps right to apply to it three varied
technologies or policies. In the first application, parallels are sought between (a) a historical
story about the early development of nuclear power, and (b) a strategic story about the future of
wind power. In the second application, a strategic story leading to a new policy calling for a
“carbon tax swap” is told. In the third application, the possibility of a new, more successful
technology for nuclear power is presented.

A. Parallels Between Nuclear and Wind Policy
1. Nuclear: A Historical Strategic Story
The purpose of this historical story about nuclear power is to train the eye to see what
drives the fortunes of a major new technology for the electricity business. More broadly, it trains
us to find the point at which thinking about the future might actually begin and it forewarns that
the story changes over time.
441
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The broad outline of the strategic story for nuclear power goes back more than 100 years
to 1905 with Einstein’s famous equation E=MC2, which states that energy equals mass times the
speed of light squared. This, ultimately, is the science behind converting a small amount of mass
in the form of uranium fuel into massive amounts of energy used to create steam in a nuclear
power plant. Obviously, a strategic planner in that day would have been hard-pressed to
anticipate this science, let alone the emergence of nuclear power 50 years later. This part of the
story alone reveals that the electricity business is built on amazing science and that the potential
for new science should never be forgotten.
Fast forward to more amazing science and technology with the development of nuclear
weapons through the Manhattan Project, again, based on E=MC2. What drove the breakthrough
with atomic weapons was the urgent need to develop nuclear weapons. At this point, again, a
strategic planner would have been unlikely to anticipate nuclear power – at minimum because
the details of nuclear weapons remained secret.
Finally, President Eisenhower’s “Atoms for Peace” speech in which he promoted the
peaceful uses of this amazing science was driven by the need to win the Cold War. Successful
nuclear power, it was thought, would prove the technological prowess of capitalism as compared
to communism. Related to that was the plan that America also would sell its nuclear science and
technology to the world resulting in great commercial success.448 It is at this point a strategic
planner might begin anticipating the impact of the new science and technology on the future of
the electricity business.
To continue with the historical story in greatly condensed form, in the 1960s and 1970s
the development of nuclear power plants surged, but then cost overruns and poor performance
undermined the industry. A significant number of orders for new nuclear power plants were
cancelled.449 Hirsch suggests the mistake by business managers was to think that nuclear power
was “simply another, more cost effective way to boil water.”450 Specifically, it was thought that
larger-scale nuclear power would benefit from the same economies of scale that pushed prices
down with fossil fuels. Historians understand that the widely publicized accidents at Three Mile
Island in 1979 and Chernobyl in 1986 undermined confidence in the safety of nuclear power, but
many believe nuclear power declined primarily because of its high cost even before these
accidents.451 Again, in the context of strategic planning, these failings of business strategy had
some chance of being detected early on. For example, if Hirsch is correct, the presumption that
nuclear power would be like fossil plants could have been challenged, and, likewise, the
presumption of never-ending economies of scale could have been assessed. Finally, it is clear
that nuclear power enjoyed significant government subsidies. The subsidies came from the U.S.
Gordon Dean, “Atoms for Peace: An American View,” International Journal 9, no. 4 (Fall 1954): 258-259.
Steve Cohn, “The Political Economy of Nuclear Power (1945-1990): The Rise and Fall of an Official
Technology,” Journal of Economic Issues 24, no. 3 (Sept. 1990): 800.
450
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451
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Navy and the Atomic Energy Commission early on, and later from the big power equipment
manufacturers General Electric and Westinghouse.452
In summary, there are four points to make based on the story of the early development of
nuclear power. One, a strategic story, as expected, helps to capture the wide range of factors
driving nuclear power science and technology. The earliest parts of that story concerning
science, however, would have been difficult, if not impossible, to anticipate for a strategic plan
for nuclear development – especially with much of the worked market “secret” in the 1940s.
Two, by the 1950s, an overarching goal was a quite important driver for nuclear power; winning
the Cold War was that goal with the concomitant goal of selling America’s nuclear know-how to
the world. Three, government policy for nuclear power was supportive with substantial
subsidies paid. Four, consistent with its original overarching goal – to prove the technological
prowess of capitalism and to sell American technology to the world – nuclear power ultimately
had to face a commercial test; that is, be an economically viable energy source independent of
subsidies. Nuclear power, according to conventional wisdom, failed that test in the 1970s and
1980s. However, despite this talk of failure, it is important to remember that nuclear power
today still provides upwards of 20 percent of all the electricity generated in America. Moreover,
as will be discussed later, some see a new story emerging for nuclear power.

2. Possible Parallels with Wind
It is useful to take these four elements of the historical, strategic story for nuclear power
and look for parallels going forward with renewable technologies. Wind, for example, shares
parallels with the nuclear strategic story. First, as with nuclear power, a strategic story helps to
capture the full range of drivers for wind power. It is unlikely that wind power is as deeply
rooted in science as nuclear power, especially not the science marked secret for national security
reasons. Still, impressive technological gains have been and will be key to wind power’s future.
A broad range of drivers dictate the direction of wind power technology and a strategic story
helps to capture those drivers.
Second, as with nuclear power, there is an overarching goal – wind power and other
renewables mean to address concerns about global climate change. Related to that is the goal of
creating “green energy jobs” in America by being the first to develop new technologies and to
sell them to the world. Third, again, as with nuclear power, supportive government policy is a
major driver. State government mandates in the form of RPS and federal money in the form of
tax incentives are substantial drivers.
Fourth, like nuclear power, wind power must face a commercial test; that is, be an
economically viable energy source independent of subsidies. This is the part of the strategic
story that is yet to be fully scripted. Wind must prove to be a cost effective solution to global
climate change if it is to constitute an important share of the investment by the U.S. to this
end. The difficulty of passing this test, however, depends on the nature of the U.S. policy toward
452
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global climate change. There is an important fork in the road on U.S. policy. If the policy is to
reduce greenhouse gas emissions sufficiently to prevent climate change, the competing solutions
could be quite costly. In contrast, if U.S. policy is to adapt to climate change, the competing
costs could be lower. Thus, the strategic storyteller must ask first whether there will be a
commercial test and then discern the nature or methodology of that test. In this case, the
permanent elimination of the federal production tax credit would suggest that test for wind has
begun.
As to the success of passing the commercial test, there are at least two major differences
for wind power as compared to nuclear power. One is that wind cannot achieve the reliability
and capacity factor of nuclear generation, which limits wind power’s potential impact. An
important second difference is that competitive markets, like those in SPP, and state competitive
procurements for wind (and other renewables) already serve as a preliminary commercial test on
these technologies, which was not there for nuclear power in the early years. That commercial
test has promoted decreases in the price for and increases in the performance of wind power
technologies over time. Thus, wind and other renewable technologies have already faced part of
their commercial test, and that can help these technologies eventually to survive without
government subsidies.

B. A Carbon Tax Swap: Policy Choice Driving Technology
1. Teeing up a Tax Swap
The purpose of this section is to tee up an example of a strategic question for the board
concerning public policy. The question is this: Will the federal government make a fundamental
change in the policies it uses to address concerns about global climate change by switching from
technology-specific subsidies to an economy-wide carbon tax? Again, a strategic story is a good
tool to address the question because the drivers would be so diverse. As explained herein, a tax
swap would be plausible only with political compromise that includes a tax on carbon to address
global climate change and the use of the revenue from that tax to reduce income tax rates –
obviously two interests on opposite sides of the aisle in Congress.
Right now, the federal government’s policy tools of choice to address global climate
change include EPA’s campaign on coal, tax incentives for specific power technologies, notably
wind and solar, project loan guarantees for new nuclear plants,453 and subsidies for clean coal
plants.454 The change assessed here would be to switch to the use of an economy-wide carbon
tax to provide a general incentive to reduce CO2 and other greenhouse gas emissions. Since
passing a carbon tax would require a significant political compromise, it makes sense to discuss
See, for example, U.S. Department of Energy Office of Nuclear Energy “Obama Administration Announces
Loan Guarantees to Construct New Nuclear Power Reactors in Georgia,” DOE website, last modified February 16,
2010, http://www.energy.gov/ne/articles/obama-administration-announces-loan-guarantees-construct-new-nuclear.
454
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Carbon Dioxide Capture and Storage,” MIT website, last modified December 4, 2013,
http://sequestration.mit.edu/tools/projects/taylorville.html.
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the carbon tax in the context of a “tax swap.” That is, revenue from the carbon tax would fund
tax reform, thereby lowering the marginal tax rates for corporate and personal income taxes. In
this sense, a carbon tax replaces – or is “swapped for” – taxes on income. The compromise is
clear. Those with major concerns about climate change get the tax on carbon to address those
concerns. Those who may have less (or little) concern with climate change, get the tax reform
that addresses their concerns about economic growth.
Another part of the necessary political compromise might be a “policy sweep.” That is,
the carbon tax would not be just an addition, but would be the replacement for – that is, it would
“sweep away” – the other federal policies such as the tax subsidies and the command-and-control
environmental regulation noted above. A federal carbon tax might also allow states to back
away from their technology-specific policies, too.
The notion of a tax swap and a policy sweep has been studied widely. A 2012 Brookings
Institution paper, for example, described the possible policy change as follows:
One option for pricing carbon in the United States would embed a carbon
pollution tax within a broader tax reform or budget deficit reduction package.
Such an approach could use the revenue from the carbon tax to improve the
economic efficiency of the tax system and/or reduce the federal budget deficit,
while also reducing the need for costlier regulatory measures to reduce climatedisrupting greenhouse gases [citation omitted]. A carbon tax might also allow
reductions in subsidies for clean energy technologies since a price on carbon
alone can make low-carbon technologies more competitive with their
conventional alternatives.455
The board’s interest in the tax swap and policy sweep lies in what might happen to SPP
markets if the compromise(s) were successful. Would a broad-based tax on fossil fuels be likely
to increase SPP market prices more than the current federal policies? The carbon tax is
characterized as a tax on fossil fuels because, for administrative ease, a carbon tax might be
imposed on natural gas at the well head, coal at the mine, and oil products at the refinery. Prices
for all of these fuels would increase to some extent with the carbon tax. Another question the
board might consider is whether the policy sweep – which would reduce or eliminate subsidies
for wind power and other technologies – would make a big difference in the transmission
investment needed in SPP going into the future.
2. Industry’s View on Federal Policy Going Forward
As to the likelihood of a tax swap, note that, in December 2013, the New York Times
published an article titled “Large Companies Prepared to Pay Price on Carbon.”456 The article
stated, “[a] new report by the environmental data company CDP has found that at least 29
455
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companies, some with close ties to Republicans, including Exxon Mobil, Walmart and American
Electric Power, are incorporating a price on carbon into their long-term financial plans.”457 The
article went on to state, “[o]ther companies that are incorporating a carbon price into their
strategic planning include Microsoft, General Electric, Walt Disney, ConAgra Foods, Wells
Fargo, DuPont, Duke Energy, Google and Delta Air Lines.”458
The article makes it clear that this practice is not universal and that there is substantial
opposition to putting a price on carbon from other businesses.459 However, if the article is
accurate, these are significant businesses acknowledging the high probability of additional,
stricter rules on carbon emissions. For example, ExxonMobil is quoted as saying, “[u]ltimately,
we think the government will take action through a myriad of policies that will raise the prices
and reduce demand [of carbon-polluting fossil fuels].”460 The article adds, “[m]ainstream
economists have long agreed that putting a price on carbon pollution is the most effective way to
fight global warming.”461
None of this is ‘big news’ to those into the details of global climate change policy; for
example, America already has a “myriad of policies.”462 The fact that substantial businesses are
incorporating a carbon tax in their financial planning is not ‘big news’ either for those involved
in the details of resource planning for the electricity business. It is routine to at least test the
sensitivity of a resource choice with a variety of carbon taxes. What would be ‘big news’ is any
indication that the necessary political compromise might be reached in Congress. The actions of
these major corporations may be one such indication that they feel some broad, political
compromise on global climate change is possible.

3. Credible Studies of the Tax Swap
As noted, the tax swap has been analyzed extensively. That analysis could be a key
component to achieving a political compromise. Three credible and recent efforts include those
from the Congressional Budget Office (CBO), NERA Economic Consultants for the National
Association of Manufacturers, and the Brookings Institution.
In May 2013, CBO, in response to a request from the Ranking Member of the House
Committee on Energy and Commerce,463 prepared a report titled Effects of a Carbon Tax on the
Economy and the Environment.464 It was not new analysis; rather it referenced previous CBO
efforts and the research by others, including the reports just cited by NERA and Brookings.
CBO returned to a previous analysis of a policy that led to a carbon price of $20 per ton of
457
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emitted CO2 in 2012, increasing the price by 5.6 percent per year thereafter, would result in $1.2
trillion in revenue and 8 percent lower CO2 emissions over that 10-year period.465 Thus, CBO
clearly found a carbon tax would collect significant revenue. As to its economic impact, CBO
reported that “[w]ithout accounting for how the revenues from a carbon tax would be used, such
a tax would have a negative effect on the economy.”466 That negative effect would come from
higher prices for products like electricity and gasoline, which, in turn, would lower real wages;
that is, it would lower the purchasing power of what workers earn on the job. CBO concludes,
“[l]ower real wages would have the net effect of reducing the amount that people worked, thus
decreasing the overall supply of labor.”467 Investment would also decline since the return on that
investment would be decreased, “further reducing the economy’s total output.”468
Simply giving the revenue back to those who paid it would not fully mitigate these
negative economic effects according to CBO.469 However, using the revenue to reduce the
federal budget deficit and/or to lower marginal tax rates on working and investing would
mitigate to some extent the harm to the economy from a carbon tax.470 CBO concluded that
cutting the budget deficit would mitigate the harm of a budget deficit in the sense that deficits
“crowd out … private-sector investment.”471 Using the carbon tax revenue to lower marginal tax
rates – again, this is called a “tax swap” – would mitigate the economic effects by increasing the
incentive to work and invest by increasing the after-tax returns to working and investing.472
With more work and more investment, the output of the U.S. economy would increase.473 As to
the correct level of the tax, CBO points to a U.S. “interagency working group [formed] to
develop estimates of the social costs of carbon ...”474 CBO readily acknowledges the uncertainty
in this estimate. For example, CBO shows a summary table in which the damage from a ton of
carbon emissions varies for 2020 from $7 to $42 per ton of CO2 emissions.475 CBO notes that
the “central estimate” was $21 per ton.476
In another study, the National Association of Manufacturers asked the well-respected
consulting firm NERA to assess the economic effects of a carbon tax. The NAM report is titled
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Economic Outcomes of a U.S. Carbon Tax.477 The report assesses two policies but the one of
interest here is a tax starting at $20 per metric ton of CO2 in 2013 and increasing by 4 percent per
year thereafter to 2053.478 NAM is decidedly negative on a carbon tax. In broad terms, the
NAM report makes it clear that the revenue from a carbon tax would be offset substantially by
the loss of revenue due to lower economic activity. The report states,
Any revenue raised by a carbon tax … would be far outweighed by the negative
impacts to the overall economy … A carbon tax would have a net negative effect
on consumption, investment and jobs, resulting in lower federal tax revenues from
taxes on capital and labor … Factoring in lost revenue from reduced economic
activity, the net [emphasis omitted] revenue from a carbon tax available for
deficit/debt reduction and lower tax revenues is relatively small.479
The report found that, on net, the carbon tax it modeled would reduce gross domestic product
(GDP) in the range of 0.4 percent to 0.6 percent in each year of the period it assesses – from
2013 to 2053.480 It would also reduce household spending by a financial average of $310 per
household.481
In addition, the NAM report lays out a long list of impacts of its presumed carbon tax.
CO2 emissions, as compared to those in the year 2005, would decrease by 23 percent in 2033 and
by 31 percent in 2053.482 Electricity prices would be 17 percent higher in 2033 and 20 percent
higher in 2053 than they would without a carbon tax.483 Gasoline prices would rise by 10
percent in 2033 and by 17 percent in 2053.484 Coal-fired power plant retirements would surge to
112 GW as compared to the base line of 37 GW in 2033.485 Electricity demand would be 11
percent lower in 2033 and 12 percent lower in 2053.486 Output from the coal industry would be
cut drastically, dropping by 45 percent in 2033.487 Natural gas output would increase by 1.8
percent in that same year.488 For NAM, the conclusion is clear: “[o]verall, the net impact of a
carbon tax would be negative, as the adverse effects of the imposition of such a tax would
outweigh any benefits, including the reduction of the deficit/debt and lower personal income tax
rates.”489
Brookings also assessed the effect of a carbon tax in a report cited earlier. Their paper
reports substantial revenues from a tax starting at $15 per metric ton of CO2 in 2012 and
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escalating thereafter.490 The carbon tax revenue was estimated to be $80 billion in 2012, $170
billion in 2030, and $310 billion in 2050.491 With the carbon tax, CO2 emissions in 2050 would
be 34 percent lower than they would be otherwise.492
As to mitigating the economic impact of a carbon tax, Brookings reports the most notable
findings on the impact of different ways to use the revenue from a carbon tax. Brookings
concludes that in most cases the carbon tax would lower GDP.493 However, if the carbon tax
revenue is used to lower tax rates on capital, GDP is higher in most years.494 Brookings states,
“[u]sing the revenue for a capital tax cut, however, is significantly different than the other
policies. In that case, investment booms, employment rises, consumption declines slightly,
imports increase, and overall GDP rises significantly relative to baseline through about 2040.”495
Summing up their detailed findings, Brookings concludes that, “… the capital tax swap appears
to produce a double dividend, i.e. both emissions reductions and an increase in economic
activity.”496
At the moment, there is no indication the needed political compromise is near. Tax
reform proposals have been put on the table, including a reduction in tax rates.497 However, at
the moment, the Obama administration is pursuing command-and-control regulations to address
climate change as detailed earlier in this report. Perhaps a setback in the litigation concerning
this regulatory approach might incite interest in a market-based policy such as a carbon tax.

C. A New Story for Nuclear: SMRs?
It is clear that nuclear power’s future in the U.S. is unclear. As discussed herein, several
existing nuclear facilities have shut down early for economic reasons, in large part because of the
shale gas revolution and the resulting low prices for natural gas. For new nuclear plants, the
renaissance predicted by some, because nuclear has zero CO2 emissions, has not happened.
Further, the natural disaster at the Fukushima plant in Japan has renewed concerns over safety.
Despite this, a technology discussed in last year’s Looking Forward Report – small
modular reactors498 – is receiving public funding. The DOE has continued its support of the
nuclear power industry by funding SMRs through its Small Modular Reactor Licensing
Technical Support program, which began in 2012. The mission of this program is to “promote
490
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the accelerated deployment of SMRs by supporting certification and licensing requirements for
U.S.-based SMR projects through cooperative agreements with industry partners, and by
supporting the resolution of generic SMR issues.”499 The DOE anticipates spending $452
million over the life of the six-year program, $70 million of which would be spent in 2014.500
According to the proponents, SMRs offer the promise of several advantages over their
large-scale counterparts. First, SMRs are considered to have safety advantages over larger
reactors. For example, SMR designs use “passive” safety systems, meaning they are not
dependent on external electrical power and thus do not require backup station power.501 SMRs
also use secure underground containment to minimize risks of natural disasters or aircraft
impacts.502 SMR designs also incorporate lessons learned from the existing nuclear fleet and use
enriched standard fuel.503 Second, SMRs require a much smaller capital investment. SMRs run
approximately $900 million to $1.2 billion for a 200 MW plant, while large nuclear plants can
require approximately 7.75 billion per unit.504 (Note that this cuts only the scale of the
investment, not the cost per kWh.) Third, SMRs are scalable, able to be manufactured, and
shipped by rail,505 have a longer operating cycle between refueling, and can be built on smaller
sites closer to load.506 Additionally, like large nuclear reactors, SMRs have zero CO2 emissions.
To date, no SMR concept has been licensed or constructed. However, the DOE has
awarded funding to two teams of developers under its SMR program. Those teams have shown
some of the promise that commercially viable SMRs may provide. The first recipient, noted in
last year’s report,507 is the team of Babcock & Wilcox, Tennessee Valley Authority, and
Bechtel.508 Its efforts have focused on completing “design certifications, site characterization,
licensing, first-of-a-kind engineering activities, and the associated Nuclear Regulatory
Commission (NRC) review processes.”509 mPower also “has developed a plan … to achieve a
commercial operation date (COD) [for its SMRs] of October 2021.”510 mPower’s design uses
U.S. Department of Energy Office of Nuclear Energy, “Small Modular Nuclear Reactors,” DOE website,
accessed April 19, 2014, http://www.energy.gov/ne/nuclear-reactor-technologies/small-modular-nuclear-reactors.
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passive safety systems and is housed in an underground containment structure and insulated core
to prevent accidents511; there also is no need for a safety-grade backup generator.512 Again, the
mPower design reflects some of the purported benefits of SMRs: (1) it uses a four-year operating
cycle between refuelings513 – compared to 18-24 months for larger reactors514; (2) it is scalable –
a site can have between one and 10 units with each unit at 180 MWe; and (3) it is manufactured
in the U.S. and shippable by rail.515
As a second recipient, in December 2013, DOE chose NuScale, which has a 160 MWt
(about 45 MWe) SMR design.516 NuScale’s design also reflects some of the promised benefits
of SMR. It is scalable, allowing up to 12 units per plant,517 with a multi-year refueling cycle.
The design has “innovative and comprehensive safety features.”518 For example, the NuScale
design will shut down and self-cool indefinitely “with no operator action, no AC or DC power,
and no additional water.”519 Finally, NuScale’s design can be built in three years,520 compared to
five to six years for large-scale reactors.521
In addition to the DOE funding, other factors to consider in assessing the future of SMRs
include: (1) current and expected retirements of existing nuclear plants and (2) the need to reduce
CO2 emissions to address concerns about global climate change.522 In the last year, five U.S.
nuclear plants have sought early closure: (1) Southern California Edison’s San Onofre Nuclear
Generating Station in Pendleton, California523; (2) Dominion’s Kewaunee plant near Green Bay,
Wisconsin524; (3) Duke Energy’s Crystal River plant in Citrus County, Florida525; (4) Exelon’s
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Oyster Creek plant in Lacey Township, New Jersey526; and (5) Entergy’s Vermont Yankee plant
in Vernon, Vermont.527 Plants are shutting down at least in part because of economic reasons,
specifically “the low price of [natural] gas,”528 which drives down power prices and can lower an
existing nuclear plant’s revenue.
It is far too soon to know whether SMRs will mean that nuclear power will have a new,
successful strategic story to tell. The new, overarching goal of nuclear is to contribute to the
reduction if CO2 emissions. In addition, SMRs abandon the presumed strategic advantage with
large plants – economies of scale; at 200 MW or so, they would be just one-fifth the size of the
typical 1,000 MW nuclear unit.529 While new passive safety approaches are intended to address
the safety concerns of Fukushima and other accidents,530 skeptics claim that passive systems are
not “infallible” and should include additional safety measures.531 Still, SMRs will have to pass
the commercial test of being a low-cost, viable option to address climate change concerns.
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GLOSSARY
AC

Alternating Current

AEO

Annual Energy Outlook

AEOER

Annual Energy Outlook Early Release Overview

CAA

Clean Air Act

CAES

Compressed Air Energy Storage

CAFE

Corporate Average Fuel Economy

CAISO

California ISO

CBO

Congressional Budget Office

CCR

Coal Combustion Residuals

CCS

Carbon Capture and Sequestration

CHP

Combined Heat and Power

CO2

Carbon Dioxide

CO2e

Carbon Dioxide Equivalent

CSAPR

Cross-State Air Pollution Rule

DOE

U.S. Department of Energy

EIA

U.S. Energy Information Agency

EPA

U.S. Environmental Protection Agency

EPRI

Electric Power Research Institute

EV

Electric Vehicle

FERC

Federal Energy Regulatory Commission

FTA

Free Trade Agreement
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GDP

Gross Domestic Product

GHG

Greenhouse Gas

GW

Gigawatt

HEV

Hybrid Electric Vehicle

HVDC

High-Voltage Direct Current

ICE

Internal Combustion Engine

ICF

ICF International

IHS

IHS Global

ISO

Independent System Operator

kWh

Kilowatt-hour

Li-ion

Lithium-ion

LNG

Liquefied Natural Gas

MATS

Mercury and Air Toxic Standards

MMBTu

Million British Thermal Units

MW

Megawatt

MWh

Megawatt-hour

NAAQS

National Air Ambient Quality Standards

NAM

National Association of Manufacturers

NARUC

National Association of Regulatory Utility Commissioners

NaS

Sodium Sulfur

NERA

NERA Economic Consulting

NERC

North American Electric Reliability Corporation

NOx

Nitrogen Oxide
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PG&E

Pacific Gas & Electric Company

PHEV

Plug-in Hybrid Electric Vehicle

PJM

PJM Interconnection, LLC

PM 2.5

Fine Particulate Matter

PSD

Prevention of Significant Deterioration

PSE&G

Public Service Electric and Gas Company

PURPA

Public Utilities Regulatory Policies Act

PV

Photovoltaic

RPS

Renewable Portfolio Standard

RTO

Regional Transmission Organization

SMR

Small Modular Reactors

SO2

Sulfur Dioxide

SPP

Southwest Power Pool

Tcf

Trillion Cubic Feet

USGS

United States Geological Survey
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FERC Order 1000
Independent
Expert Pool/Panel
BOD/MC Update
April 29, 2014
Paul Suskie
psuskie@spp.org

Today’s Agenda
• Order 1000 Process Review

• Industry Expert Pool and Panel Defined
• Industry Expert Process
• IEP Compensation Discussion
• Affiliation Definition
• Stakeholder Input and Guidance

2

209 of 218

1

Order 1000 Process
Transmission Owner Designation Process

Attachment Y

Qualified RFP Participants

Detailed Project Proposals

Application and Qualification

Attachment O

Requests for Proposal
Transmission Owner Selection Process

Competitive Bidding

Industry Expert Pool / Panel
Application / Selection

Scoring and Eval - RFP

Notification to Construct

Attachment Y

3

Industry Expert Pool and Panel Processes

4
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2

Industry Expert Terms Defined
•

Industry Expert Pool: A group of industry experts recommended to the
SPP BOD by the Oversight Committee.

•

Industry Expert Panel: A 3 -5 person group of industry experts selected
from the pool by the Oversight Committee who are engaged to review
and evaluate proposals submitted in response to the Transmission
Owner Selection RFP. The SPP BOD may approve the use of multiple
industry expert panels.
Industry Experts

IE Pool

Approved Experts in IE Pool

3 – 5 Experts per IE Panel

5

IE Pa nel

Industry Expert Pool

Industry Expert Pool Process

Applications
Recommendations
Selection

6
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3

Industry Expert Pool Process
•

•

Industry Expert applicants must complete an application and submit it to
SPP. The Industry Expert candidate shall have documented expertise on file
with the SPP in one or more of the following areas:
1.

Electric transmission engineering design

2.

Electric transmission project management and construction

3.

Electric transmission operations

4.

Electric transmission rate design and analysis

5.

Electric transmission finance.

The proposed application period for Industry Expert candidates for 2015
will be June 1 – September 1, 2014.

7

Industry Expert Pool Process
•

•

SPP Staff plans to solicit industry expert candidates through:
Press releases in trade publications

2.

Direct contact

3.

SPP website

SPP Staff will provide initial review of candidate application and disclosure
documents and bring to the Oversight Committee for review
–

•

1.

Ca ndi date a ffiliations with a ny SPP s takeholder or QRP wi ll be flagged and
a ddressed with the Oversight Committee

Industry expert pool must be recommended to the SPP BOD by the
Oversight Committee in a meeting prior to the approval of Competitive
Upgrades
8
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4

Industry Expert Pool Selection High Level Process Flow
2014
May

September3 rd Q Meeting

June- September

Post Ad(s) for
Candidates

Experts submit
application to
SPP

SPP reviews
applications

Oversight
Committee Review
and Recommends
Pool

October4 th Q Meeting

Board of
Directors
Approves Pool

•

Applications to be a part of the Industry Expert Pool will be evaluated by
SPP then reviewed with the Oversight Committee at the September
meeting.

•

The Oversight Committee will present the recommended candidate pool
to the Board of Directors at the October meeting.

9

* Detailed process flows can be found in the Appendix

Industry Expert Panel

Industry Expert Panel Process

Selection
Scoring and
Evaluation
Recommendation

10
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5

Industry Expert Panel
•

Once a Request for Proposal (RFP) is issued the Oversight Committee will
select an Industry Expert Panel made up of Industry Experts that are
from the Pool.

•

SPP will validate that the Expert remains available and interested to
fulfill this responsibilities. If so, the candidate will be asked to complete
Participant and Confidentiality Agreements.

•

The Panel will “review, score and rank” all RFP responses. Then, create
an internal report detailing the process, data, results of its deliberation
and recommend RFP proposal and an alternative RFP proposal for each
Competitive Upgrade assigned.

•

The Panel will have 60 days to complete this task but may appeal to the
Oversight Committee for a 30 day extension.

11

Industry Expert Panel
•

Two redacted versions of the internal report will be produced :
1.

Board of Directors Report

2.

• Respondent names will be excluded on this version of the
report
Public Report
•

Respondent names and Confidential Information will be
excluded from this version of the report

•

No later than 14 calendar days prior to the Board of Directors meeting
where the Board is reviewing the recommendations, the public report
will be posted on the SPP.org website.

•

Board of Directors will make final determination of Designated
Transmission Owner and issue an NTC
12
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6

Timeline
2015

January – February
Projects
Approved / RFPs
Issued

Select and
Secure
IE Panel

IEP Panel Begins
plus 60/90 days

Final Decision

Panel Reviews
and Makes
Decision

Final Report
submitted for
BOD Action

13

IEP COMPENSATION DISCUSSION

14
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7

Industry Expert Compensation Proposal
•

•

Goals
–

Attract and maintain pool of experts for suitable for
Order 1000 requirements

–

Ensure pool is available when needed; tariff requires

–

Compensate pool and panel members fairly

–

Standardize compensation for all members

Options Considered
–

Retainer Fee

–

Monthly Retainer

–

Hourly Rate

–

Retainer Fee + Monthly Retainer + Hourly Rate

15

Industry Expert Compensation Proposal
•

Two Part Proposal

1. IE Pool – Compensated for being in Pool
–

After Oversight Committee recommendation and BOD
approval

–

One year consulting agreement (renewable)

–

Retainer Fee (payable after IEP training)

–

Monthly retainer for remainder of year

2. IE Panel – Compensated for Actual Work
–

Panel selected by Oversight Committee from pool

–

Hourly rate for actual work performed

–

Offset initial hours from monthly retainer (10 hours)

16
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8

Cost Example
$20,000 / member annual
IE Pool Members
20
Total Est Spend

Retainer Fee
$5,000
$100,000

IE Panel Members
5
Total Est Spend

Hourly Rate Est Average Hours per Project
$200
25
$25,000

Est of Projects
1
5
10
25
40

Per Panel Cost per
Project
$25,000
$25,000
$25,000
$25,000
$25,000

Monthly Retainer
$1,250
$300,000

Est Project Costs
$25,000
$125,000
$250,000
$625,000
$1,000,000

Total Retainer Cost
$400,000 Annual cost of IE Pool

$25,000 Per Panel cost per Project (before hourly offset)

Hourly Offset Amount
$10,000
$10,000
$10,000
$10,000
$10,000

Total Retainer Cost
$400,000
$400,000
$400,000
$400,000
$400,000

Est Total Costs
$415,000
$515,000
$640,000
$1,015,000
$1,390,000

Cost per Project
$415,000
$103,000
$64,000
$40,600
$34,750

Assumes using one IE Panel for all projects; Offset amount would increase if more than one panel is approved for use.

17

IEP AFFILIATION DEFINITION

18
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9

Affiliations
•

Discussed by the Oversight Committee in March 2014
–

“the existence of a relationship or situation whereby an
Expert has past, present, or currently planned interests
that either directly or indirectly (through a client,
contractual, financial, organizational or other
relationship) may relate to a QRP or SPP stakeholder.“

19

Stakeholder Input and Guidance
•

•

Staff would like input on the following items;
–

Industry Expert Compensation?

–

Industry Expert Application?

Please provide input by May 10
–

Ben Bright - bbright@spp.org

20
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Southwest Power Pool, Inc.
Markets & Operations Policy Committee
Recommendation to the Board of Directors
April 29-30, 2013
Organizational Roster
The following members represent the Generation Working Group:
Oklahoma Gas & Electric
Arkansas Electric Cooperative
Westar Energy
Nebraska Public Power District
Xcel Energy/Southwestern Public Service
Empire District Electric Company
EDP Renewables North America LLC
Western Farmers Electric Cooperative

Mr. Mike Sheriff
Mr. Andrew Lachowsky
Mr. Bryan Taggert
Mr. Jim Fehr
Ms. Amber Metzker
Mr. Stuart Houston
Mr. Mike Grimes
Mr. Mitchell Williams

The following stakeholders participated in group discussions:
John Allen – City Utilities of Springfield
Eric Barreveld - APX
Rick Brenneman – XCEL Energy
Denise Buffington – Kansas City Power and Light
Terry Gates – American Electric Power
Steve Gaw – SPP Stakeholder
John Tennyson - City Utilities of Springfield
Ron Thompson - Nebraska Public Power District
Bruce Walter – East Texas Electric Cooperatives
Michael Wegner – Kansas City Commission
Becky Heffren – Empire District Electric Company
Mike Jacobs – Consolidated Asset Management Services
Meena Thomas– Texas PUC
Kevin Kingsley – MDU Resources
Rob Janssen – Dogwood Energy
Tim Wilson – Empire District Electric Company
Jeff Rooker – SPP RE Staff
Chris Haley – SPP Staff
Scott Jordan – SPP Staff

Background
Change SPP capacity accreditation methodology for wind and solar resources from the existing
methodology of using the top 10% of load hours with 85% confidence factor to top 3% of load hours with
60% confidence factor. Also first three-year default accreditation from 3% to 5% for wind and 10% for
Solar resources. These changes are made to SPP Criteria 12.1.5.3.g and included in CRR-012.

Analysis
GWG members and other stake holders reviewed wind and solar capacity over the last 10 years and
recommend a change to capacity accreditation. In a conference call on February 21, 2014, the GWG
evaluated and approved the attached Criteria Revision Request #012 with a vote of 6 in favor, none
opposed, no abstentions.
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Transmission Working Group (TWG) reviewed the CRR and Approved with two abstentions.
Operating Reserve Work Group (ORWG) chose not to consider for approval and wrote comment included
in CRR-012.
Cost Allocation Working Group (CAWG) chose not to consider for approval and prepared comments for
the Regional States Committee.

Recommendation
The MOPC recommends that the BOD approve the attached revisions to Criteria section 12 as noted in
CRR012.

APPROVED:

MOPC

April 16-17, 2013

Approved with a 72% role call vote.
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12.0 ELECTRICAL FACILITY RATINGS
12.1 Rating of Generating Equipment
To provide a basis for comparing operating margin of various entities and to assure reasonable
distribution of the margin, generating equipment shall be uniformly and consistently rated to
permit accurate planning. Procedures are herein established for rating generating units and
establishing a system of records so that changes in capacity during the life of the equipment can
be recognized. These procedures define the framework under which the ratings are to be
established while recognizing the necessity of exercising judgment in their determination. The
terms defined and the ratings established pursuant to these procedures shall be used for SPP
purposes, including determining capacity margins for both planning and operating purposes,
scheduling maintenance, and preparation of reports of other information for industry
organizations, news media, and governmental agencies. These ratings are not intended to
restrict daily operating practices associated with SPP operating reserve sharing, for which more
dynamic ratings may be necessary. Each member shall test its generating equipment in
accordance with the procedures contained herein. On the basis of these tests summer and
winter net capability ratings for each generating unit and station on the member's electric
system shall be established. This net capability is referenced in many NERC documents as net
dependable capacity that is the maximum capacity a unit can sustain over a specified period
modified for seasonal limitations and reduced by the capacity required for station service or
auxiliaries. The summer net capability of each unit may be used as the winter net capability
without further testing, at the option of the member. As a minimum, each member shall conduct
tests on all its generating equipment which is designated as a part of the resource for supplying
its own peak load and minimum capacity margin requirement of these Criteria. The seasonal net
capabilities, gross capabilities, and auxiliary loads shall be furnished to SPP for all existing
generating units and upon installation of new generating units and shall be revised at other
times when necessary. The generating capability limits will be equal to or less than the most
limiting component including but not limited to bus, breakers, switches, transformers, or
generator protection relays. Members shall annually report the seasonal net generating unit
capability in conjunction with the Department of Energy 411 Report data gathering effort and
insure that the generator limits are used in determining the data contained in SPP power flow
models. During the capability test the net capability shall be reported. Additionally, the unit’s
gross capability and auxiliary load shall be reported. The gross capability and auxiliary load shall
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be determined from the test or using such methods as use of manufacturer data, commissioning
data, performance tracking, etc. Data used to determine net capability shall be obtained from
testing.

12.1.1 Capability Test
Capability Tests are required to demonstrate the claimed capability of all generating units,
excluding run-of-the-river hydroelectric plants and wind plants. During a Capability Test, a unit
shall generate its rated net capability for a specified Test Period following a specified Settling
Period. The length of these periods is determined by the type and size of unit. The unit will be
within 5% of its rated capability throughout the Settling Period. Only minor changes in unit
controls shall be made during this time as required to bring the unit into normal, steady-state
operation. The following table specifies the duration of these periods. The reduced duration
tests on the specified unit types are generally considered to be a fair and practical
demonstration of unit capability. If operating experience for a given unit suggests otherwise, the
system shall use this experience in establishing the time periods or use the periods in the table
associated with large steam units.

Unit Type

Settling Period

Test Period

Steam > 100 MW net

2.0 hours

2.0 hours

Steam < 100 MW net

1.0 hour

1.0 hour

All other units

0.0 hour

1.0 hour

12.1.2 Operational Test
An Operational Test is used to demonstrate the ability of a generating unit to be loaded to its
nominal rating. Operational tests shall be conducted at a minimum of 90% of claimed summer
capability for a minimum of 1 hour. Any normal operating hour with the unit at or above 90% of
claimed capability may be deemed an Operational Test.

12.1.3 Frequency of Testing
Summer Capability Tests shall be conducted once every 3 years. If the winter capability rating
is greater than summer, winter tests shall also be conducted once every 3 years. Operational
Tests shall be conducted once every year during the summer season. New units or units
undergoing a physical or operational modification which could impact capability shall be given a
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capability test.

12.1.4 Rating and Testing Conditions
Ambient conditions at the time of running capability tests shall be recorded so that appropriate
adjustments can be made when establishing seasonal capabilities. Conditions to be recorded
are: dry-bulb temperature, wet-bulb temperature, barometric pressure, and condenser cooling
water inlet temperature. Summer Capability Tests are to be conducted at an ambient
temperature within 10 degrees Fahrenheit of Rating dry-bulb temperature.
Winter Capability Tests are to be conducted at an ambient temperature equal to or
greater than the minimum dry-bulb temperature for winter testing and rating defined in
paragraph 2.1.5.2.g.

12.1.5 Procedures For Establishing Capability Ratings
12.1.5.1 External Factors
a.

Units dependent upon common systems which can restrict total output shall be tested
simultaneously.

b.

When the total output of a member's system is reduced due to restrictions placed upon
the output of individual generating units through the operation of the Clean Air Act, or
similar legislation, then the total of the individual unit ratings of a member's generating
resources shall not exceed the modified system capacity.

c.

The fuel used during testing shall be the general type expected to be used during peak
load conditions or adjustments made to test data if an alternate fuel is used.

d.

Net Capability is the net power output which can be obtained for the period specified on
a seasonally adjusted basis with all equipment in service under average conditions of
operation and with the equipment in an average state of maintenance. Deductions from
net capability shall not be made for equipment temporarily out of service for normal
maintenance or repairs.

e.

The seasonal net capability shall be determined separately for each generating unit in a
power plant where the input to the prime mover of the unit is independent of the others,
except that in the event multiple unit plant capability is limited by fuel limitations,
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transmission limitations or other auxiliary devices or equipment, each unit shall be
assigned a rating by apportioning the combined capability among the units. The
seasonal net capability shall be determined as a group for common header sections of
steam plants or multiple unit hydro plants, and each unit shall be assigned a rating by
apportioning the combined capability among the units.

12.1.5.2 Seasonality
a.

The summer season is defined by the months June, July, August and September. The
winter season is defined by the months December, January, February, and March. The
adjustments required to develop seasonal net capabilities are intended to include
seasonal variations in ambient temperature, condenser cooling water temperature and
availability, fuel changes, quality and availability, steam heating loads, reservoir levels,
scheduled reservoir discharge, and wind speed.

b.

The total seasonal net capability rating shall be that available regularly to satisfy the
daily load patterns of the member and shall be available for a minimum of four
continuous hours taking into account possible fuel curtailments and thermal limits.

c.

The seasonal net capability of each generating unit shall be based upon a set of
conditions, referred to as the "Rating Conditions" for that unit. This set of conditions is
determined by the geographical location of the unit, and is composed of three or four
factors, depending upon the type of unit. The three factors which can affect most
generating units are: Ambient dry-bulb temperature, Ambient wet-bulb temperature and
Barometric pressure. Condensing steam turbines which obtain condenser cooling water
from a lake, river, or comparable source have a fourth factor: Condenser cooling water
source temperature.

d.

The Rating dry-bulb and wet-bulb temperatures shall be obtained from weather data
provided in the American Society of Heating, Refrigeration, and Air Conditioning
Engineers (ASHRAE) FundamentalsHandbook,ClimaticDesignInformation. The
handbook is published every four years; 1997, 2001, etc., and is based on 15 years of
historical weather data where available. If the generating station is within 30 miles of the
nearest weather station reported in the Handbook, then these temperatures will be those
for the nearest station. For all other stations, rating temperatures shall be determined by
interpolating between weather stations using plant latitude and longitude. The steps to
be used for interpolating weather data and correcting for elevation are presented in SPP
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Criteria Appendix 2.
e.

If experience for a given unit suggests otherwise, members may optionally use their own
site specific temperature data if accurate hourly data is available to allow calculation of
the temperature levels as defined in the Criteria. Site specific data shall contain both
dry-bulb and wet-bulb temperatures.

f.

Temperatures for summer rating of equipment should be taken from Handbook Table
1B: Cooling and Dehumidification Design Conditions - Cooling DB/MWB for 0.4% DB
(dry-bulb) and MWB (mean wet-bulb). According to the 2001 Handbook Page 27.2,
"The 0.4% annual value is about the same as the 1.0% summer design temperature in
the 1993 ASHRAE Handbook." In older Handbooks, the dry-bulb temperature for
summer rating of equipment shall be taken as that which is equaled or exceeded 1% of
the total hours during the months of June through September for the plant's geographical
location. The wet-bulb temperature for the summer rating shall be the "mean coincident
wet-bulb" temperature corresponding to the above dry-bulb temperature.

g.

The temperature for winter rating of equipment should be taken from Handbook Table
1A: Heating and Wind Design Conditions-United States - Heating Dry Bulb 99%.
According to the 2001 Handbook Page 27.3, "Annual 99.6% and 99.0% design
conditions represent a slightly colder condition than the previous cold season design
temperatures, although there is considerable variability in this relationship from location
to location." In older Handbooks, the minimum dry-bulb temperature for winter testing
and rating shall be taken as that which is equaled or exceeded 99% of the total hours
during the months of December through February (per Handbook definition) for the
plant's geographical location. The wet-bulb temperature is not significant for the winter
rating and can be disregarded.

h.

Standard barometric pressure for a plant site shall be determined for each plant
elevation from the equation provided in Appendix 2.

i.

For those units using a lake or river as a source of condenser cooling water, the summer
standard inlet temperature is the highest water inlet temperature during the month
concurrent with the Load Serving Member’s peak load of the year, averaged over the
past ten years.

j.

Ambient wet-bulb temperature and condenser cooling water temperature are generally
not significant factors in adjusting cold weather capability of generating units. Shall
special situations arise in which these temperatures are required, reasonable estimates
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for temperatures occurring coincidentally with the winter rating dry-bulb temperature as
defined in the Criteria shall be used.

12.1.5.3 Rating Adjustments
a.

The rated net capability of a unit may be above or below the actual tested net generation
as a result of adjustments for Rating Conditions, with the exception of units with winter
season ratings greater than their summer rating. For these units, the winter season
rated net capability shall be no greater than the actual tested net generation. No rating
adjustment for ambient conditions shall be made.

b.

Seasonal net capability shall not be reduced to provide regulating margin or spinning
reserve. It shall reflect operation at the power factor level at which the generating
equipment is normally expected to be operated over the daily peak load period.

c.

Extended capability of a unit or plant obtained through bypassing of feed-water heaters,
by utilizing other than normal steam conditions, by abnormal operation of auxiliaries in
steam plants, or by abnormal operation of combustion turbines or diesel units may be
included in the seasonal net capability if the following conditions are met; a) the
extended capability based on such conditions shall be available for a period of not less
than four continuous hours when needed and meets the other restrictions, and b)
appropriate procedures have been established so that this capability shall be available
promptly when requested by the system operator.

d.

The seasonal net capability established for nuclear units shall be determined taking into
consideration the fuel management program and any restrictions imposed by
governmental agencies.

e.

The seasonal net capability established for hydro electric plants, including pumped
storage projects, shall be determined taking into consideration the reservoir storage
program and any restrictions imposed by governmental agencies and shall be based on
median hydro conditions.

f.

The seasonal net capability established for run-of-the-river hydroelectric plants shall be
determined using historical hydrological data on a monthly basis.

g.

The net capability established for wind or solar facilities shall be determined on a
monthly basis, as follows:
i.

Assemble all available hourly net power output (MWH) data measured at the
system interconnection point.
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ii.

Select the hourly net power output values occurring during the top 10% 3% of
load hours for the SPP Load Serving Member Entityfor each month of each
year for the evaluation period.

iii.

Select the hourly net power output value that can be expected from the facility
85% 60%of the time or greater. For example, for a 5 year period with the 360110
hourly net power output values ranked from highest to lowest, the capacity of the
facility will be the MW value in the 306th65th data point.

iv.

A seasonal or annual net capability may be determined by selecting the
appropriate monthly MW values corresponding to the Load Serving
Member’sEntity’s peak load month of the season of interest (e.g., 72 22hours
for a typical 30 day month and 360110 hours for a 5 year period).

v.

Facilities in commercial operation 3 years or less:
a. The data must include the most recent 3 years.
b. Values may be calculated from wind or solar data, if measured MW
values are not yet available. Wind data correlated with a reference tower
beyond fifty miles is subject to Generation Working Group approval.
Solar data correlated with a reference measuring device beyond two
hundred miles is subject to Generation Working Group approval. For
calculated values, at least one year must be based on site specific data.
c. If the Load Serving Member chooses not to perform the net capability
calculations as described above during the first 3 years of commercial
operation, the Load Serving Member Entity may submit 3%5% for
wind facilities and 10% for solar facilities of the site facility’s nameplate
rating.

vi.

Facilities in commercial operation 4 years and greater:
a. The data must include all available data up to the most recent 10 years of
commercial operation.
b. Only metered hourly net power output (MWH) data may be used.
c. After three years of commercial operations, if the Load Serving Member
Entity does not perform or provide the net capability calculations to SPP
as described above, then the net capability for the resource will be 0
MW.

vii.

The net capability calculation shall be updated at least once every three years.
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Criteria Revision Request

CRR
No.

012

CRR
Title

Revise Wind Powered Resource Capacity calculation

Criteria Section(s)
Requiring Revision

Section No.: 12.1.5.3
Title: Rating Adjustments

Date

4/8/2014
Yes – If yes, estimated cost: TBD

No

Impact Analysis Required
Normal

Expedited

Urgent Action

Requested Resolution
Provide explanation if Expedited and/or Urgent Action is selected:
Type of Revision

Correction/Clean-Up

Clarification

Policy Change

Revision Description

Change SPP capacity accreditation methodology for wind resources from the
existing methodology of using the top 10 % of load hours with 85% confidence to
top 3 % of load hours with 60% confidence.

Reason for Revision

The change will adjust SPP’s policy to be more consistent with other RTO’s and will
better account for solar generation.

Yes – Section No.: (Include a summary of impact and/or specific changes)
Tariff Implications or
Changes
No
Yes - Section No.: (Include a summary of impact and/or specific changes)
Protocol Implications or
Changes
No
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Date of Vote:
Opposed:
Abstained:

Vote:

ORWG Review

Date of Vote:
Opposed:
Abstained:

Vote:

TWG Review

Date of Vote:
Opposed:
Abstained:

Vote:

CWG Review

Date of Vote:
Opposed:
Abstained:

Vote:

MWG Review

Date of Vote:
Opposed:
Abstained:

Vote:

MOPC Review

Date of Vote:
Opposed:
Abstained:

Vote:

Board Review

Name
E-mail Address
Company
Phone Number
Date

Name
E-mail Address
Company
Phone Number
Date

Sponsor
Generation Working Group (Scott Jordan, Sec.)
sjordan@spp.org
SPP
501-614-3985

Comment
ORWG
jsmith@spp.org (Jason Smith, Sec. ORWG)
SPP
501-614-3293
4/7/2014
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ORWG has concerns about the potential impact on reliability this change makes by awarding additional capacity to
resources that have no control on their ability to produce when needed. This can result in an interpretation that
sufficient capacity is present when it is not. SPP needs to continue to look at how the capacity near peak hours
reflects the actual output experienced at those peak hours. ORWG also believes that we need to look at the overall
capacity accreditation philosophy to include the impacts of other fuels such as natural gas during peak periods.
Proposed Criteria Language Revision

12.1.5.3 Rating Adjustments
a.

The rated net capability of a unit may be above or below the actual tested net generation
as a result of adjustments for Rating Conditions, with the exception of units with winter
season ratings greater than their summer rating. For these units, the winter season rated
net capability shall be no greater than the actual tested net generation. No rating
adjustment for ambient conditions shall be made.

b.

Seasonal net capability shall not be reduced to provide regulating margin or spinning
reserve. It shall reflect operation at the power factor level at which the generating
equipment is normally expected to be operated over the daily peak load period.

c.

Extended capability of a unit or plant obtained through bypassing of feed-water heaters,
by utilizing other than normal steam conditions, by abnormal operation of auxiliaries in
steam plants, or by abnormal operation of combustion turbines or diesel units may be
included in the seasonal net capability if the following conditions are met; a) the extended
capability based on such conditions shall be available for a period of not less than four
continuous hours when needed and meets the other restrictions, and b) appropriate
procedures have been established so that this capability shall be available promptly
when requested by the system operator.

d.

The seasonal net capability established for nuclear units shall be determined taking into
consideration the fuel management program and any restrictions imposed by
governmental agencies.

e.

The seasonal net capability established for hydroelectric plants, including pumped
storage projects, shall be determined taking into consideration the reservoir storage
program and any restrictions imposed by governmental agencies and shall be based on
median hydro conditions.

f.

The seasonal net capability established for run-of-the-river hydroelectric plants shall be
determined using historical hydrological data on a monthly basis.

g.

The net capability established for wind or solar facilities shall be determined on a monthly
basis, as follows:
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i.

Assemble all available hourly net power output (MWH) data measured at
the system interconnection point.

ii.

Select the hourly net power output values occurring during the top 103%
of load hours for the SPP Load Serving Member Entity for each month of
each year for the evaluation period.

iii.

Select the hourly net power output value that can be expected from the
facility 8560% of the time or greater. For example, for a 5 year period with
the 360 110 hourly net power output values ranked from highest to lowest,
the capacity of the facility will be the MW value in the 306th 65th data
point.

iv.

A seasonal or annual net capability may be determined by selecting the
appropriate monthly MW values corresponding to the Load Serving
Member’s Entity’s peak load month of the season of interest (e.g., 72 22
hours for a typical 30 day month and 360 110 hours for a 5 year period).

v.

Facilities in commercial operation 3 years or less:
a.

The data must include the most recent 3 years.

b.

Values may be calculated from wind or solar data, if measured
MW values are not yet available. Wind data correlated with a
reference tower beyond fifty miles is subject to Generation
Working Group approval. Solar data correlated with a reference
measuring device beyond two hundred miles is subject to
Generation Working Group approval. For calculated values, at
least one year must be based on site specific data.

c.

If the Load Serving Member Entity chooses not to perform the net
capability calculations as described above during the first 3 years
of commercial operation, the Load Serving Member Entity may
submit 35% for wind facilities and 10% for solar facilities of the site
facility’s nameplate rating.

vi.

Facilities in commercial operation 4 years and greater:
a.

The data must include all available data up to the most recent 10
years of commercial operation.

b.

Only metered hourly net power output (MWH) data may be used.

c.

After three years of commercial operations, if the Load Serving
Member Entity does not perform or provide the net capability

15 of 184

calculations to SPP as described above, then the net capability for
the resource will be 0 MW.
vii.

The net capability calculation shall be updated at least once every three
years.
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Shaun Scott
Subject:

No vote on Wind Capacity Motion

Rob,
You asked for reasons behind no votes on the wind capacity adjustments.
1) One of the biggest reasons that I felt the need to vote no was the fact that this adjustment would have
over-estimated the ability of wind to meet its capacity requirements in two of the last four years. This
creates a potential reliability issue. Reliability cannot be “averaged” over four years to maintain 100%
reliability. When it comes to reliability, it’s best to be conservative. Granted, the region is capacity
rich currently, but that doesn’t mean we should create policies that are based on that.
2) Neither the ORWG or the CAWG endorsed this proposal. So often we hear complaints that things will
get passed at the working group levels and then it comes to the MOPC and the MOPC votes it
down. That wasn’t a concern today.
3) This seems to be bad timing as we are currently considering capacity margin and potential
adjustments. Why wouldn’t we establish that limit and then determine how to accredit wind? Now it
needs to be handled the other way around.
The vote today seemed to be focused more on “wind value” than “wind reliability”. I wasn’t opposed to
increasing the value from 1-2% to 5% as some suggested, but an adjustment to 10% seemed excessive. When it
does come time to consider what level of capacity margin should be required in SPP, it will be important to
consider this adjustment in the capacity provided to wind.
You may pass my comments on to the board.
Thanks,
Dennis
Dennis Florom, P.E.
Mgr, Energy & Environmental Operations
Power Supply Division
dflorom@les.com
Work: 402‐467‐6862
Cell: 402‐560‐9854

Striving to be the world's best energy company.
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Subject:

Empire "No" Vote and Recommendation to the SPP BOD regarding Criteria 12 Wind
and Solar Capacity Accreditation Change

From: Bary Warren [mailto:BWarren@empiredistrict.com]
Sent: Monday, April 21, 2014 10:30 AM
To: Janssen, Rob; Carl Monroe
Cc: Penning, Martin; Walters Kelly; Mertens, Blake; Wilson, Tim; Houston, Stuart
Subject: Empire "No" Vote and Recommendation to the SPP BOD regarding Criteria 12 Wind and Solar Capacity
Accreditation Change

Rob and Carl,
As a follow‐up to your request regarding The Empire District Electric Company’s (Empire) “No” vote to the
MOPC’s approval of GWG recommended Criteria 12 change, I am submitting the following explanation.
First of all, Empire respectfully requests at SPP Staff support Empire’s following recommendation and that
such recommendation be presented to the RSC and Board of Directors to “delay” action to change Criteria 12
wind and solar accreditation methodology until at least July 2014 or until the new Capacity Margin
reevaluation effort is completed.
Empire makes its recommendation for the following reasons:
1) A review of the Criteria 12 wind accreditation method was not requested of the MOPC during previous
meetings and such change is a “significant change” to the value of planning/reliability capacity to be
attributed to each wind and solar farm in the SPP. Such significant change should go thru at least 2
meeting cycles before a change is made
2) The recommended change inappropriately applies the same criteria to both wind and solar “non‐
dispatchable” resources and serious consideration should be given to different methods
3) The MOPC and other stakeholder committees did not see the impact of “all” wind farms in the SPP and
such information should be analyzed for all operating wind farms prior to implementation of any new
method.
4) The Criteria 12 revisions that were approved are not complete; at the MOPC meeting the MOPC
further directed the GWG to review and present additional changes in July regarding the application of
the method as a “cap”. If the Criteria 12 changes are not complete, the BOD should not take action on
the Criteria until all significant anticipated changes have been vetted and completed. This places
uncertainty to members, SPP staff, and regulators on the impact of implementation when it is known
that additional changes are expected in July. In addition, Empire believes the accreditation method
should have a “bright line” cap of no more than X% per wind farm and the cap should be further vetted
at the stakeholder committees, especially the ORWG. An analysis by wind farm has not been
completed to determine what is the maximum change that will occur with the MOPC approved
change. It was presented the actual performance during peak load hour conditions in the SPP
indicated a on line capacity value of 22%/2010, 16%/2011, 5%/2012, and 5%/2013. Such variability
should convey that a more conservative approach is prudent given the fact that wind and solar are
“non‐dispatchable” resources and will be “replacing dispatchable” resources in future local and
regional planning processes. It was conveyed that the change in methodology would increase the
1
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capacity on the SPP system by approximately 400MW. This increase in non‐dispatchable capacity
equates to approximately a 1‐2x1 combined cycle unit or 4 combustion turbines of avoided/displaced
“dispatchable” generation, which clearly could affect near and long term reliability planning and
generation adequacy.
5) Empire’s 2 wind farms, totaling a nameplate capacity of 255MW, are currently accredited 5MW of
capacity. The current method and the proposed MOPC approved change would establish a new “non‐
dispatchable” capacity amount of 35MW, which is a 600% increase over the current calculation, and is
simply not sustainable. Empire completely agrees with the ORWG that the proposed Criteria 12
changes could have reliability implications. Below are the very important comments of the ORWG that
were not considered by the GWG & TWG and ignored by the MOPC.
"ORWG has concerns about the potential impact on reliability this change makes, by awarding
additional
capacity to resources that have no control on their ability to produce when needed. This can
result in an
interpretation that sufficient capacity is present when it is not. SPP needs to continue to look at
how the
capacity near peak hours reflects the actual output experienced at those peak hours. ORWG
also
believes that we need to look at the overall capacity accreditation philosophy to include the
impacts of
other fuels such as natural gas during peak periods."

6) Empire is very concerned that the MOPC did not concern itself with the response of the ORWG on this
Criteria 12 change. The TWG voted on the change. Empire was not present during the TWG vote and
would have voted “no”.
7) Empire believes the accreditation of wind and solar does affect local and regional resource adequacy
and transmission planning, therefore this change should not be implemented without a thorough
review of the impacts on individual wind farms, regulatory/IRP plans, and transmission planning. It is
easier and more prudent to increase the capacity value of non‐dispatchable resources in steps and not
find ourselves with giving too much capacity value and then deciding to reduce the capacity value at a
later time.
Empire supports a change to the Criteria 12 methodology to provide a greater accreditation amount for wind
farms in the SPP. However, the proposed method is much too aggressive for “non‐dispatchable” resources
and in no way should be compared to the accreditation method for “dispatchable” resources. An appropriate
approach to increase the accreditation method results could be warranted especially in light of future
dispatchable resources being retired and impacted by environmental restrictions/requirements. But, any
approach that increases the capacity of a non‐dispatchable unit 6‐fold, with only a 60% confidence level, is far
too aggressive and is not supported by thorough review of all the data available and should be changed after a
thorough vetting of all impacted stakeholders.
For the reasons stated above, Empire requests a delay in changing the Criteria 12 Accreditation Method of
wind and solar resources until at least July when the final Criteria 12 changes can be presented to and
endorsed by the ORWG, CAWG, and other key stakeholder groups.

2

22 of 184

Please include this email in the background materials for the SPP BOD meeting and RSC meeting, as
appropriate.
Empire will be present at the SPP RSC and BOD meetings to answer any questions regarding our
concerns/comments/recommendation.
Thank you.
Bary Warren
Director of Transmission Policy and Compliance
Empire MOPC Representative
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Shaun Scott
Subject:

Capacity Accreditation for Wind Solar

---------- Forwarded message ---------From: James Fife <james@psisoft.net>
Date: Mon, Apr 21, 2014 at 12:02 PM
Subject: Capacity Accreditation for Wind Solar
To: Rob Janssen <rob.janssen@kelsonenergy.com>
I voted no on this issue for Entergy Asset Management / Power Ventures for several reasons:
1. Two of the working groups who had the most insight into the issues did not approve this study. This seemed
to be brushed over by the MOPC members. It appeared that many had made up their minds beforehand and the
fact that these major groups did not approve the study, was of little significance. I disagree.
2. A key point made by one of these groups was that as the source is intermittent, the capacity gains that would
result were illusory at best. While I agree that wind in SPP is a major source of supply when compared to the
other areas, this is both a blessing and a concern. The other areas have much less wind and therefore it is of
much less concern to them. While I do agree that the capacity number should be increased over its level
today, I think at a minimum it should be studied a bit further due to its significance. This is not to take away
from the efforts of the Generation Working group.
3. It was made known during the presentation that the major reason the GWG changed the criteria to come up
with their final recommendation was due to solar failing the current criteria. As these are two distinct animals
(one peaks during the day, the other at night), I am not sure why there were combined. Yes they are both
intermittent, but changing the criteria for both so it (solar) would not be excluded, could bias the evaluation of
wind. I would suggest it makes more sense to have separate criteria for each and they be evaluated
separately. Again, I do think Solar is unique and is being treated much more unfairly than wind, but putting
them together seems like the wrong thing to do. For this reason I found the study flawed.
Energy does have wind and generation resources in SPP, so would like to think my view is unbiased. The
criteria does need to change, but I see no reason to rush this decision. I do believe that at the start of the
meeting it was proposed we avoid 'knee jerk' reactions. I do think in fairness to the MP's who voted yes, that
this study is well overdue and should be expedited.
--

1
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Shaun Scott
Subject:

Wind/Solar Capacity Accreditation Issue

Carl/Rob ‐
I voted no on the subject matter for the following reasons:
1) Reliability Concerns
‐ ORWG did not endorse the recommendation
‐ The past two summers, the amount of wind was 5% (not 10%)
2) Timing Issue
‐ I believe that this issue could be rolled in with the upcoming work on capacity margin as they go hand‐in‐
hand
Thanks.
Paul Mahlberg

1
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Comments of Dogwood Energy
on its No‐Vote at the April 2014 MOPC Meeting Regarding Approval of
Criteria Revision Request (CRR) Number 12 for an Increase in Wind
Resource Capacity Accreditation to an Estimated Average of 10%

Executive Summary
Approval of CRR‐12 by the SPP Board of Directors is a significant decision that would have significant
economic impact on SPP’s Members, potentially transferring roughly $750 million in generation facility
asset value among different groups of SPP Members and stakeholders. Unfortunately, the development
of CRR‐12 is critically flawed by an incomplete and unbalanced stakeholder approval process,
inadequate study of only a small fraction of the existing wind facilities in SPP, and an anticipated adverse
impact on reliability in SPP. In general, SPP does not, and should not, make decisions of such magnitude
without extensive analysis, thorough stakeholder review, and Member consensus, when possible. In
this case, the Board should not approve CRR‐12 without appropriate modifications.
Fortunately, in this case, it is possible to resolve the objections of SPP Members in order to reach
consensus. Many, if not all, of the SPP Members objecting to the proposed capacity accreditation
increase to an estimated average of 10% would be willing to agree to an increase to an average 5%
accreditation now, roughly tripling the current capacity accreditation for wind resources and still
providing significant value to the owners of wind resources. This 5% value is based on a review of the
actual output performance of SPP wind resources during the annual peak load hour of the past two
years, and is consistent with the concerns expressed by the ORWG, SPP’s working group charged with
ensuring real‐time system reliability in SPP. Further evaluation of wind capacity accreditation beyond an
average of 5% should be reviewed and evaluated on a broader basis, with more extensive data analysis,
during the SPP’s upcoming review of its capacity margin and accreditation rules during the next year or
two.
Specifically, Dogwood Energy recommends that at this time, that the SPP Board of Directors approve
CRR‐12, with the modification of the percentage value in subsection (g)(iii) from “60%” to “75%”, and
the “65th” value in the same subsection to the “83rd”. All other proposed changes in CRR‐12 can remain
as proposed, including the automatic capacity accreditation of 5% for new wind resources contained in
subsection (g)(v)(c), which already recognizes the 5% average capacity accreditation.

A Significant Decision
An argument has been consistently made in the stakeholder review of CRR‐12 that the proposed
capacity accreditation change is not particularly significant, since SPP load serving entities own or
1
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contract only a minority share of the wind resources in SPP, and for each individual utility, the changes
are asserted to be only in the double digits in terms of megawatts of generating capacity. Dogwood has
no reason to disbelieve this argument. However, this argument underestimates the true significance of
this change and highlights the enormous sums involved in capacity margin and accreditation decisions.
The Board should consider this proposed change in wind capacity accreditation as their first glance this
year at the potential dollars involved in making changes to SPP’s capacity margin and accreditation rules,
which can be staggering in scope and easily on the same level as the SPP’s current transmission
expansion planning activities, which involve significant debate and study before being approved.
In order to estimate the financial scope of the proposed change, we must consider the cost or value of
the megawatts of capacity that will be accredited as a result of the proposed change. For lack of a
better proxy, assuming that the average 1.4% capacity accreditation documented by the sample of
seventeen wind resources evaluated by the GWG, out of a current total of 106, is accurate for all wind
resources in SPP, the current accreditation method for SPP results in 120 MW of capacity accreditation
for the 8,607 MW of wind resources operating in the SPP region, as of February 2014 per the SPP
MMU’s Winter 2013‐2014 State of the Market Report published last month.
Increasing the average, long‐term capacity accreditation for wind resources to 10%, as proposed in CRR‐
12, which is a total of 861 MW for the resources currently in operation, results in a capacity
accreditation increase of 741 MW in comparison to the current capacity accreditation method. The
result of this increase is a long‐term transfer in generating facility asset value from the non‐wind
generation owners in SPP who have excess capacity to the wind generation owners in SPP, particularly
to those that are also load serving entities that are short on capacity and can immediately start to
recognize that value, because they would otherwise need to buy or build new generating facilities to
meet their anticipated capacity needs.
In terms of the transferred value, at an average estimated construction cost of $1,000 per kW for new
gas‐fired facilities of various types, the 741 MW increase is worth roughly $741 million dollars, or nearly
three‐quarters of a billion dollars over the life of the capacity potentially associated with the transferred
value. These dollars are certainly on par with the results of SPP’s Integrated Transmission Planning
processes or the recent HPILS study, which required extensive analysis, review, debate and stakeholder
consensus before being approved.

An Inadequate Stakeholder Process
In contrast, the proposed wind capacity accreditation change has received significantly less stakeholder
review and approval than transmission planning decisions of a similar financial scope made by the SPP
Board. The proposed change in capacity accreditation was developed by the Generation Working Group
(GWG) and approved by a consensus of five Transmission Owner members of the group, which was a
quorum, without any SPP Transmission User members of the group present or voting. Further, the
proposal was developed based on a review of only seventeen out of the 106 wind resources (farms) in
the SPP footprint.
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The proposed wind capacity accreditation change was then reviewed by other working groups before
being presented to MOPC. The ORWG, as SPP’s primary stakeholder working group responsible for
ensuring real‐time reliability within the region, reviewed the proposal at two different meetings and
decided it would not vote to approve the proposal, instead opting to present only its concerns with the
proposed change. The Cost Allocation Working Group (CAWG), in its review of the proposal with
respect to the Regional State Committee’s role in Resource Adequacy and Transmission Cost Allocation,
also would not approve the proposed change, instead approving a list of proposed requirements that
would address their concerns regarding the change in accredited capacity. The CAWG’s vote was taken
the day after MOPC’s approval of the proposed capacity accreditation change and was informed by the
MOPC’s discussion. During the stakeholder review process prior to the MOPC vote, the GWG was
requested by Members to review and make changes to the proposal, but it refused to do so. The
proposed Criteria changes were developed as a formal CRR late in the stakeholder review process and
did not follow many of the rules previously adopted by other working groups, such as the MWG, for SPP
document revision requests, such as a required advance posting and acceptance of written comments
from the members of each working group in advance of each working group’s review in order to ensure
a robust discussion during the working group’s meeting.
In comments made at the MOPC meeting, many of the Members opposed to the proposed change
agreed that an increase in accredited wind capacity would be appropriate, but also agreed with the
ORWG’s concerns that moving to an estimated average 10% accreditation was going too far, too fast
and without adequate review. Generally, it appeared that the dissenting Members could support an
increase in wind capacity accreditation from an average 1.4% to approximately 5%, based on peak hour
wind resource output data for the past two years provided in written at the MOPC meeting and verbally
by SPP Staff to the ORWG.

Dogwood Energy’s Analysis
As a result of its own analysis, Dogwood Energy also endorses this view that a tripling of wind capacity
accreditation to 5% is warranted at this time, as the result of peak hour generation output performance
demonstrated by wind resources and a more reasonable view of statistical confidence in wind output of
roughly 75% using the existing SPP load serving entity (LSE) peak load hours analysis, down from the
prior 85%, but more than the 60% confidence included in the proposed Criteria change.
Prior to having access to the data provided by the GWG at the MOPC meeting, Dogwood Energy
developed its own analysis of the reliability of wind resource output based on 5‐minute interval data
available from the public section of the SPP Marketplace Portal. Dogwood replicated the GWG’s August
3% peak load hour analysis using the 3% peak load 5‐minute intervals during August 2013 in an attempt
to understand the broader ramifications of the methodology, which Dogwood believes were not
previously presented in adequate detail to the MOPC working groups during their review.
The results of this analysis showed that for the SPP footprint, nearly all of the top 3% of load intervals in
August 2013 occurred during five days and during the period from 1pm to 7pm on those days, focusing
around the 4pm to 5pm hour, during which time the peak load interval occurred during all five days.
3
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The SPP summer peak load for the year occurred on August 30, 2013, which corresponded with the
highest peak load intervals, as shown in the attached presentation.
The attached presentation documents that wind generation output can vary significantly during the
daily load peaks for each of the five days covered by nearly all of the top 3% peak load interval data,
ranging from 413 MW on the peak load interval of August 30 to nearly 3,000 MW during the peak load
interval on August 26, 2013. Indeed, this is generally representative of nearly the entire range of daily
peak load hour wind generation output throughout August 2013, as shown on page 8 of the
presentation, which ranges from a low of slightly less than 200 MW to a high of approximately 3,000
MW during the 4‐5pm hour in each day of August 2013.
Based on the data presented in a graphic format in the chart, wind generation output was less than 10%
of total installed wind resource capacity during the 4‐5pm hour on eleven out of thirty‐one days in
August 2013. Generally, this is roughly consistent with being 60‐65% confident in SPP wind resources
achieving output equal to, or better than, 10% of total wind capacity at the time of the daily peak load,
which is roughly what is included in the proposed Criteria change. It should go without saying that if an
860 MW resource in SPP cannot operate at that level in over a third of the most likely peak load hours in
the highest load month, primarily as a result of unreliable “fuel supply”, then its capacity accreditation
rating is questionable under the current SPP Criteria that requires reliable fuel supplies. Similarly, wind
resources in SPP should not be granted a capacity accreditation of 10% that they have not met during
the past two years during the peak load hour in each year, and did not meet during the most likely peak
load hours during more than a third of the days in the peak load month last year. Any capacity
accreditation for wind resources above 5% can, and should, be evaluated along with the rest of SPP’s
capacity margin and accreditation rules in the near future as part of a more organized, thorough review
process, but an average accreditation of more than 5% should not be approved now.

Conclusion and Recommendation
In conclusion, due to the significance of the proposed Criteria change on SPP Members and the need for
a more thorough stakeholder review before increasing wind capacity accreditation to an average of
10%, Dogwood Energy recommends that the SPP Board of Directors approve the proposed Criteria
change for wind capacity accreditation, with the modification of the Confidence Factor from 60% to 75%
and any other change in the Criteria needed to effectuate this policy decision. This decision would
balance the need for an increase in wind capacity accreditation above the current estimated long‐term
1.4% level with the need to ensure both reliability within the SPP footprint and appropriate economic
outcomes for SPP’s Members.
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Analysis of SPP Wind Capacity
Accreditation Proposal
Rob Janssen
Dogwood Energy
April 2014 SPP Board Meeting
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3% Top Load Intervals Analysis –
August 2013
• Evaluated SPP wind resource output during top
3% of 5‐minute load intervals in August 2013
using SPP public data
• 8,128 MW of total wind resources were operating
in SPP during August 2013
• Results
– Nearly all intervals occurred during five days of the
month
– Nearly all intervals occurred between 1pm and 7pm
2
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SPP 3% Load Peak and Wind
Generation Output Dispersal ‐
August 2013
Hours of Market Peaks

Hour

Number of
5‐min Intervals

12
13
14
15
16
17
18
19
20

Total

Dates of Market Peaks

Day

Number of
5‐min Intervals

0
20
33
56
65
60
32
2
0

6
26
27
28
29
30

32
44
5
45
69
73

268

Total

268
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SPP Wind Generation Output
at Daily Load Peak
• Ranking of days by highest load intervals
– Aug 30 – starts at top load interval at 16:15pm at 413 MW
of wind output
– Aug 29 – starts at 23rd load interval at 16:40pm at 1,713
MW of wind output
– Aug 28 – starts at 102nd load interval at 16:25pm at 1,422
MW of wind output
– Aug 26 – starts at 127th load interval at 16:45pm at 2,949
MW of wind output
– Aug 6 – starts at 183rd load interval at 16:15pm at 1,424
MW of wind output
4
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August 30th, 2013 - Wind Generation
SPP 5-minute data
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August 29th, 2013 - Wind Generation
SPP 5-minute data
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August 28th, 2013 - Wind Generation
SPP 5-minute data
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Conclusions / Questions
• Capacity accreditation for wind resources averaging
5% across SPP footprint is a viable reference point for
reliable output based on actual peak load hour /
interval experience in SPP.
• How should “confidence” in wind generation output
be judged for reliability purposes beyond peak load
performance? Significant variability occurs.
• Should the accreditation be judged based on
individual LSEs or for the SPP BA?
9
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Southwest Power Pool, Inc.
SPP STAFF
Recommendation to the Board of Directors
April 29, 2014
Approve High Priority Incremental Load Study (HPILS) Report
Organizational Roster
The following SPP Staff led the development of this recommendation:
Carl Monroe, Executive Vice President and COO
Lanny Nickell, Vice President, Engineering
Jay Caspary, Director, R&D and Special Studies
The following persons are members of the HPILS TF that guided the performance of HPILS and development of
the HPILS Report:
Al Tamimi (Chairman), Sunflower
Paul Dietz, Westar
John Fulton, SPS
Travis Hyde, OG&E
David Kidd, AEP

Shane McMinn, GSEC
Alan Myers, ITC Great Plains
Tim Smith, WFEC
Mike Swearingen, TCEC

Background
In the April 2013 Board of Directors meeting, Staff was directed to develop a plan, working with stakeholders, to
address high load increase expectations in a high priority study. In May 2013, the TWG created the HPILS TF to
develop and recommend a scope to guide the performance of the study. The HPILS TF reported to the TWG and
was directed to provide updates and reports to affected SPP organizational groups including the ESWG, CAWG,
MDWG and MOPC.
Working closely with the HPILS TF, staff completed HPILS and issued draft reports in March. The HPILS TF
approved draft 6 of the report on April 2, 2014 with no opposition and no abstentions. Subsequently, on April 2,
2014, the TWG approved that the report completed the technical requirements of the HPILS scope with 13 in
favor, 5 opposed, and 2 abstaining. The MOPC motion to “approve the HPILS report and Appendix C as
submitted” failed with votes tallied as shown in the table below.
MOPC Vote on HPILS

Yes

No

Abstain

Transmission Owners

5

8

3

Transmission Users

11

10

17

Analysis
The HPILS assessment included a reliability assessment using summer peak load flows for 2015, 2018 and 2023,
and included economic models for 2018 and 2023 to leverage the RCAR models. Key study assumptions
regarding loads and resource plans were provided by members. Grid topology for these assessments was based
on existing system plus approved plans with a focus on the restudy of three suspended NTC-Cs: Tuco – New
Deal, Grassland – Wolfforth and Tuco – Amoco- Hobbs. The reliability analyses were limited to base case and N1 steady state simulations. Network upgrades were identified to address reliability needs to connect new loads
and resources. After many iterations, significant meetings, and substantial feedback, the HPILS TF identified a
Portfolio of $1.5B of transmission expansion through 2023 to cost effectively address the approved scope which
reflects conservative standards. The study recommends that new NTCs totaling $573M need be issued for Base
Plan upgrades for reliability projects needed in the next 3 years, or for which financial commitments are needed
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prior to August 2015. The study recommends the issuance of NTCs for an additional $85M of projects which are
direct assigned or radials to connect HPILS loads that are not Highway/Byway funded. The study recommends
the suspended NTC-Cs for Tuco – New Deal and Grassland – Wolfforth be withdrawn which removes $114M of
projects from the STEP. Finally, the study recommends that the existing suspended $258M NTC-C for Tuco –
Amoco – Hobbs which HPILS identified as a reliability need in 2020 be replaced with Tuco – Yoakum – Hobbs
since it was a better performing solution that saves at least $20M in E&C costs.
After the discussion that occurred during the MOPC review of HPILS and the recommendations contained in the
report, Staff has summarized the concerns voiced by the opposing voters as follows: 1) uncertainty associated
with the incremental load, 2) disproportionate distribution of expected benefits compared to costs allocated, 3)
expected impacts on the zones identified as deficient in the RCAR I report, 4) lack of confidence in HPILS results,
5) potential circumvention of tariff procedures required for transmission service, generation interconnection, and
delivery point additions, and 6) apparent inconsistency in the cost allocation treatment of load connection
facilities. Some voiced the need for a risk management strategy if the projects are approved.
SPP Staff recognizes there are risks associated with approving the HPILS recommendations but believes that the
risks associated with not approving the HPILS recommendations are greater. To elaborate, Staff believes that if
the HPILS projects are approved and the expected incremental load doesn’t materialize, the risks associated with
incurring costs for unneeded transmission expansion are less than the reliability and economic risks associated
with not approving the projects and the load materializing either as expected or at a greater rate. Much of the
risks associated with approving HPILS projects for construction have already been minimized by the criteria used
to recommend those that should receive an NTC or NTC-C. Risks can be further managed by continued
monitoring of the materialization of load additions and affirmation of continued need in the 2015 ITPNT and 2015
ITP10 assessments scheduled to complete in January 2015.
Many of the concerns raised by Stakeholders are valid and need to be considered and addressed. Staff believes
the recommendation below addresses several of those concerns. Others may not be addressed specifically by
the proposed actions below but result from application of current Tariff provisions.
Recommendation
To address concerns raised during the MOPC discussion and to minimize the risks associated with approving the
HPILS recommendations, Staff recommends that the Board:
1) Approve the HPILS Report and direct issuance of the recommended NTCs and NTC-Cs, including the
modified NTC-C for Tuco-Yoakum-Hobbs, as shown in Appendix C of the report and the withdrawal of the
NTC-Cs for Tuco-New Deal and Grassland-Wolfforth.
2) Direct Staff to affirm the continued need for all recommended NTCs and NTC-Cs, as shown in Appendix
C of the HPILS report, in the 2015 ITPNT and 2015 ITP10 assessments, and in subsequent ITP
assessments as necessary.
3) Direct the RTWG, under the policy guidance of the RARTF, to recommend Tariff language that
incorporates provisions governing the application of the remedies described in the RCAR Final Report for
RSC and Board approval in October 2014. In the development of this language, priority should be given
to remedies involving reclassification of projects (such as zonal reliability upgrades to base plan upgrades
or byway funded to highway funded) and exemptions from costs associated with a set of projects.
4) Direct the ESWG to thoroughly evaluate options for allocating the Assumed Benefit of Mandated
Reliability Projects metric and recommend by July 2014 the option that most properly assigns the value of
reliability projects to those zones expected to accordingly benefit, along with supporting technical
justification for that recommendation.
Action Requested:

Approve Recommendation

Attachment:

HPILS Report
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Executive Summary
Southwest Power Pool’s High Priority Incremental Load Study (HPILS) evaluated transmission needs
resulting from significant incremental load growth expectations in certain parts of SPP. In April 2013,
the SPP Board of Directors directed this study be performed in response to concerns about oil and gas
shale play developments, and other future load additions in the region that had not been accounted for in
previous planning efforts or in models being used in planning efforts underway at the time. By directing
this out-of-cycle study, the Board recognized the need to cost-effectively address system needs in a
timely manner that could not otherwise be accomplished by waiting upon completion of SPP’s next
scheduled planning efforts that would incorporate these load growth assumptions.
HPILS was conducted in accordance with the high priority study provisions outlined in the SPP Open
Access Transmission Tariff (OATT) and the HPILS scope document approved by the Transmission
Working Group (TWG) and the Markets and Operations Policy Committee (MOPC) in June and July,
2013, respectively. In accordance with the HPILS scope, a cost effective transmission plan was
developed to address reliability needs over a 10-year period under updated load growth and
corresponding generation expansion assumptions. The HPILS also reevaluated three projects 1
previously approved in the 2012 Integrated Transmission Plan 10-Year Assessment (ITP10) for which
Notifications to Construct with Conditions (NTC-Cs) had been suspended by the Board in April 2013,
pending further evaluation. The study included an evaluation of project costs and economic benefits
under selected scenarios and sensitivities. HPILS included the economic analysis of the total portfolio
as well as the incremental benefit of the suspended NTC-C for the Tuco-Amoco-Hobbs or equivalent
solutions.
This report documents the HPILS findings and recommendations from analyses that concluded in March
2014.
Notifications to Construct (NTCs) 2 are recommended for those new transmission expansion projects
identified by the HPILS as needed within the next three years, i.e., 2015-2017, and for those projects
requiring a financial commitment, based on need dates and lead times, prior to earliest issuance of NTCs
from the next ITP assessments, currently estimated to be August 2015. The NTC projects do not include
direct assignment or radial facilities.
The total cost 3 of the projects for which new NTCs are recommended is estimated to be $573 M
(million). Regarding the three NTC-Cs that were re-evaluated as part of this study, it was determined
that the Tuco – New Deal 345 kV and Grassland – Wolfforth 230 kV projects were no longer needed.
As a result, the associated NTC-Cs should be withdrawn, which removes $114 M from the SPP
Transmission Expansion Plan (STEP).

1
The three projects with NTC-Cs that were suspended pending further evaluation included the 1) Tuco-Amoco-Hobbs 345 kV, 2) TucoNew Deal 345 kV, and 3) Grassland-Wolfforth 230 kV projects.
2

The term NTC will be used generically throughout this report although, for some of the recommended projects, NTC-Cs would be issued
pursuant to Business Practice 7060.
3

Unless otherwise specified, all costs are Engineering and Construction costs in 2014 dollars.
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HPILS identified the Tuco-Yoakum-Hobbs 345 kV project as a better performing and lower cost
alternative to the Tuco-Amoco-Hobbs 345 kV project. It is recommended that the Tuco-Amoco-Hobbs
NTC-C be modified to reflect the Tuco-Yoakum-Hobbs project with a 2020 in-service date at a cost
savings of at least $20 M.
The HPILS Portfolio’s impact on the approved STEP is shown in Table E.1 below.
Project Category
New NTC Projects

Cost Estimate
$573 M

Withdrawal of Suspended NTC-C for Tuco - New Deal

($57 M)

Withdrawal of Suspended NTC-C for Grassland - Wolfforth

($57 M)

Modification of Suspended NTC-C for Tuco-Amoco-Hobbs

($258 M)

Reinstate NTC-C for Tuco-Yoakum-Hobbs
HPILS Impact on STEP

$238 M
$439 M

Table E.1: HPILS Portfolio Impact on STEP

The economic analysis showed that the HPILS Portfolio with the Tuco-Yoakum-Hobbs project provides
an incremental one-year savings in Adjusted Production Costs (APC) of $168 M (2023 dollars) and the
expected reliability benefits of $439 M (current dollars). The Tuco-Yoakum-Hobbs solution provided
the highest incremental savings in APC compared to the Yoakum-Hobbs and Tuco-Amoco-Hobbs
solutions, hence its selection.
The HPILS recommended plan through 2023 is projected to include 200 projects with a total cost of
approximately $1.5 B.
Figure E.1 and Table E.2 illustrate the HPILS Portfolio costs by new NTCs, NTC-C Modify, Direct
Assigned and other project categories.
“New NTC” represents projects that did not previously have an NTC issued that were identified in the
HPILS process. “NTC-C Modify” represents projects with previously issued or suspended NTC-Cs that
were modified or accelerated in the HPILS/ITPNT process.
NTCs will be issued for all projects shown below as new NTC and NTC-C Modify, as well as projects
designated as being Direct Assigned. Projects with new NTC and NTC-C Modify will be Base Plan
funded. Projects shown as TBD (To Be Determined) are uncertain. Projects in the Others category are
part of the HPILS Portfolio which did not need immediate commitment and can be re-evaluated in future
ITP studies.
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Figure E.1: HPILS Portfolio Costs by Need Year ($ millions)

Need
Year
2015

New
NTC
245

2016

30

NTC-C
Modify
6

Direct
Assigned
26

TBD

Others

Total

13

7

296
30

3

3

138

491

21

21

12

250

2021

49

49

2022

41

41

2023

273

273

544

1455

2017
2018

297

10

46

2019
238

2020

Total

573

253

72

13

Table E.2: HPILS Portfolio Costs by Need Year ($ millions)

HPILS created an effective 10-year plan for the SPP footprint based on current expected load growth
projections which identifies solutions to potential issues for system intact and (N-1) conditions, and
provides some solutions to be considered in the upcoming ITP10 to address needs beyond the near-term
future. Since HPILS only looked at steady-state needs based on N-1 reliability requirements, additional
refinements of upgrades planned for the out years may be needed in future studies that evaluate system
dynamics, as well as voltage stability needs for load pockets. The projects identified for NTCs all
assumed single circuit design. Some of these may need to be reevaluated by the NTC recipient for
double circuit design construction to minimize land use, expedite approvals and reduce overall costs
while meeting applicable reliability standards.
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Finally, it may be prudent to consider flexibility in acquiring ROW for certain corridors given the
ultimate long-term needs for this area. It is important to note that the HPILS growth areas in Southeast
New Mexico have the highest solar potential in the Eastern Interconnection. As a result, SPP needs to
consider the implications of rightsizing all enabling transmission infrastructure in this region.
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PART I: STUDY PROCESS
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1 Introduction
1.1 Study Objective
This report summarizes the High Priority Incremental Load Study (HPILS) that was undertaken to
develop a transmission plan to address the needs associated with projected oil and gas development
loads in SPP, along with any other load additions expected in the footprint. The assessment identified a
robust and flexible transmission plan that is capable of reliably and economically providing
deliverability of energy to the SPP market.

1.2 How to Read This Report
1.2.1 Report Sections
This report is divided into multiple sections, grouped into four main parts.
•
•
•
•

Part I addresses the concepts behind this study’s approach, key procedural steps in development
of the analysis, and overarching assumptions used in the study.
Part II demonstrates the findings of the study, empirical results, and conclusions.
Part III addresses the portfolio specific results, describes the projects that merit consideration,
and contains the recommendation of the Task Force, expected benefits, and costs.
Part IV contains detailed data and holds the report’s appendix material.

1.2.2 SPP Footprint
Within this study, any reference to the SPP footprint refers to the Regional Transmission Organization
(RTO) Balancing Authorities and Transmission Owners (TOs) 4 representing members of the SPP
organization unless otherwise noted. Energy markets were similarly modeled for other RTOs in the
Eastern Interconnection. Notably, AECI and Entergy operated as stand-alone entities in order to reflect
their current operating characteristics and commitments.
1.2.3 Supporting Documents
The development of this study was guided by the supporting documents noted below. These living
documents provide structure for this assessment:
•

High Priority Incremental Load Study scope of work 5

•

SPP Metrics Task Force Report

All referenced reports and documents contained in this report are available on SPP.org.
1.2.4 Confidentiality and Open Access
Proprietary information is frequently exchanged between SPP and its stakeholders in the course of any
study, and was extensively used during the HPILS process. This report does not contain confidential
marketing data, pricing information, marketing strategies, or other data considered not acceptable for
release into the public domain. This report does disclose planning and operational matters, including the

4

SPP.org > About > Fast Facts > Footprints

5

http://www.spp.org/publications/2013%20HPILSTF%20Scope%20Final%20TWG%20&%20ESWG.pdf

53 of 184

outcome of certain contingencies, operating transfer capabilities, and plans for new facilities that are
considered non-sensitive data.

1.3 Process Development
The HPILS process was driven by the HPILS Task Force, which was created by the Transmission
Working Group (TWG) to address transmission expansion needs to address recent oil and gas
development loads, as well as interruptible loads that have firmed up, and other expected load additions
may not be accurately reflected in current SPP models and studies. The input assumptions developed
for the HPILS were refined through the various stakeholder groups, in particular the TWG and
Economic Studies Working Group (ESWG).
The HPILS followed the Synergistic Planning Project Team (SPPT) planning principles, which
emphasize the need to develop a transmission backbone large enough in both scale and geography to
provide flexibility to meet SPP’s future needs. This HPILS report addressed the following SPPT’s
goals:
•

Focus on regional needs.

•

Utilize a value-based approach that analyzes the transmission system needs through 2023 based
on readily available models.

•

Identify 100 kV and above solutions based on the reliability analysis for incorporation into the
2015 ITP10 plan.

•

Integrate projects from other planning studies with the necessary 100 kV and above facilities to
incorporate such needs as:
o Resolving potential N-1 steady state criteria violations
o Mitigating known or foreseen congestion
o Improve access to markets
o Improving interconnections
o Focus on the most likely load growth scenario developed for HPILS and consider
transmission expansion needs to address 90/10 conditions to ensure that the expected plan
is robust and cost effective.

•

Further refine and establish the timing of HPILS projects through economic and reliability
analysis.

1.4 Printing
This report contains the ITPNT and HPILS Project Lists which are sized for 11 x 17 inch paper. It is
recommended that the reader print the document with the output paper size explicitly set 8 ½ x 11 inches
and zoom level set to auto to ensure seamless print jobs for the report and list. The list can be printed
separately on 11 x 17 inch paper.
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2 Consistency with the ITP10 and ITPNT
2.1 HPILS Goals
The High Priority Incremental Load Study (HPILS) was undertaken to develop a transmission plan to
address the needs associated with projected oil and gas development loads in SPP, along with other
expected incremental load additions. The HPILS was initiated ahead of the 2015 Integrated
Transmission Plan 10-Year Assessment (ITP10) schedule due to the timing of the some of the
incremental loads projected in some of the SPP regions. However, the HPILS process was coordinated
with the ITP process to facilitate consistency where possible.

2.2 HPILS Portfolio
The HPILS Portfolio includes all new projects identified in the HPILS process, which also include
transmission projects required for load connections, to serve the 50/50 load forecasts 6 but excludes all
projects identified through the 2014 Integrated Transmission Plan Near-Term Assessment (ITPNT)
process. Any additional projects required for the 90/10 load forecasts 7 were developed and are
presented separately.

2.3 How the HPILS fits into the 2015 ITP10
The HPILS shares several assumptions which are also consistent with the 2015 ITP10 study process.
These include the load forecast assumptions which are discussed in further detail in 4 Load and
Generation Outlook. Since the HPILS process was initiated prior to the 2015 ITP10 process, the intent
was to include the approved NTCs and modified NTC-Cs from the HPILS Portfolio, as the starting point
for the base cases used in the 2015 ITP10 study.

2.4 HPILS Consistency with the 2014 ITPNT
The HPILS Scope was limited to reliability assessments on Scenario Zero models, unlike ITPNT Studies
which consider Scenario Zero and Scenario Five models 8. There was significant overlap regarding
projects in both 2014 ITPNT and HPILS. During the development of the HPILS projects, the reliability
needs and project development options were compared to the reliability issues identified in the ongoing
2014 ITPNT study. The result of the collaboration in the two processes was the identification of
projects developed during the 2014 ITPNT study process that were also needed in the HPILS. Table 2.1
below contains the list of major HPILS projects issued NTCs through the 2014 ITPNT study.

6
The 50/50 Load Forecast Probability is the 50% probability that the actual load will exceed the forecasted load in the 2015, 2018 or 2023
study years
7

The 90/10 Load Forecast Probability is the 10% probability that the actual load will exceed the forecasted load in the 2015, 2018 or 2023
study years
8

Scenario Zero reflects expected transactions, while Scenario Five reflects all committed firm service
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Facility Owner

Upgrade Name

WR

East Manhattan - Jeffrey Energy Center 230 kV Ckt 1 Rebuild

SPS
WFEC
SPS
AEP
NPPD
NPPD
NPPD
WR
SPS
WR
WR
AEP
WFEC
SEPC
NPPD
WR
AEP
AEP
AEP
AEP
SPS
SPS
SPS
WR
SPS
SPS
WR
SPS
SPS
SPS
OGE
SEPC
NPPD
OGE
OGE
OGE
OGE
OGE
OPPD

Newhart 230/115 kV Transformer Ckt 2
Mustang - Sunshine Canyon 69 kV Ckt 1

NE Hereford - Centre Street 115 KV Ckt 1

Welsh Reserve - Wilkes 138KV Ckt 1 Rebuild
Hoskins - Neligh 345 kV Ckt 1

Neligh 345/115 kV Substation

Neligh 115 kV Terminal Upgrades

Sumner County - Viola 138kV Ckt 1
Quahada Switching Station 115 kV

McDowell Creek Switching Station 115kV Terminal Upgrades
Neosho 138/69kV Transformer Ckt 1

Chapel Hill REC - Welsh Reserve 138 kV Rebuild Ckt 1
Sandy Corner 138kV

Mingo 115 kV Capacitor Bank

Maxwell - North Platt 115 kV Terminal Upgrades

Clay Center Switching Station 115kV Capacitor Bank
Broadmoor - Fort Humbug 69 kV Rebuild Ckt 1

Dangerfield - Jenkins REC T 69 kV Rebuild Ckt 1

Hallsville - Longview Heights 69 kV Rebuild Ckt 1
Hallsville-Marshall 69 kV Rebuild Ckt 1

CV Pines - Capitan 115 kV Conversion Ckt 1
Bailey County - Bailey Pump 115 kV Ckt 1
Bailey Pump - Sundan Rural 115 kV Ckt 1
Crestview - Northeast 69 kV Ckt 1

Lamb County Sandhill 116/69 kV transformer

Sudan Rural - Lamb Co REC Sandhill 115 kV Ckt 1
Kenmar - Northeast 69 kV Rebuild Ckt 1

Lamb Co REC Sandhill - Amherst 115 kV Ckt 1
Amherst - West Littlefield 115 kV Ckt 1

West Littlefield - Lamb County 115 kV Conversion Ckt 1
County Line 69 kV Capacitor
Ruleton 115 Cap Bank

Broken Bow Wind - Ord 115 kV Ckt 1
Knobhill 138/12.5 kV Transformer

Ahloso - Park Lane 138 kV conversion Ckt 1

Ahloso - Harden City 138 kV conversion Ckt 1
Harden City - Frisco 138 kV conversion Ckt 1
Frisco - Lula 138 kV conversion Ckt 1
S907 - S919 69 kV Ckt 1 Rebuild

Table 2.1: 2013 2014 ITPNT Projects Needed in HPILS

HPILS identified two projects with a 2015 need date, which is one or two year(s) sooner than the 2014
ITPNT need date for the (1) County Line 69kV and the (2) Ruleton 115 kV capacitor banks. HPILS
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recommends these NTC’s be modified to accelerate the in-service dates to 2015, because there is not
adequate time for these projects to be re-assessed in the 2015 ITPNT.
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3 Stakeholder Collaboration
Assumptions and procedures for the HPILS were developed through Task Force and related SPP
stakeholder meetings that took place in 2013 and 2014. The assumptions were presented and discussed
through many meetings with members, liaison-members,
stakeholders, industry specialists, and consultants to provide a
thorough evaluation of those assumptions. Groups involved in
the development included the following: HPILS Task Force
(HPILS TF), Transmission Working Group (TWG), Economic
Studies Working Group (ESWG), Cost Allocation Working
Group (CAWG), Markets and Operations Policy Committee
(MOPC), the SPP Board of Directors (BOD), and the SPP
Regional State Committee (RSC).
The TWG and ESWG provided technical guidance and review
for inputs, assumptions, and findings. Policy level
considerations were tendered to groups including the MOPC,
RSC, and BOD. Stakeholder feedback was key to the selection
of the HPILS Portfolio and recommendations regarding NTC
projects.
•
•
•

The TWG was responsible for technical oversight of the load forecasts, transmission topology
inputs, constraint selection criteria, reliability assessments, transmission project designs, and the
report.
The ESWG was responsible for technical oversight of the economic modeling assumptions,
futures, resource plans and siting of renewable resources, metric development and usage,
congestion analysis, economic model review, and calculation of benefits.
The strategic guidance for the study was provided by the MOPC, BOD and RSC.

3.1 Significant Meetings
In addition to the HPILS TF meetings, as well as standard working group meetings, HPILS updates were
provided at key SPP stakeholder forums like the Transmission Planning Summit, as well as the RSC
educational session to elicit further input and provide stakeholders with a chance to interact with staff on
all related planning topics.
•
•
•

The key drivers developed by the stakeholders and preliminary assumptions regarding load and
capacity additions were presented at the Planning Summit on Nov 19, 2013.
Potential reliability solutions along with potential economic upgrades were presented at HPILS
TF meetings, as well as subsequent TWG, ESWG and CAWG meetings.
Recommended solutions regarding reliability needs and economic analysis results were
presented at HPILS TF Meeting on March 5, 2014.

3.2 Project Cost Overview
Project costs utilized in the HPILS were developed in accordance with the guidelines specified in SPP
OATT Business Practice 7060, Notification to Construct and Cost Estimating Processes. Conceptual
Estimates were prepared by SPP staff based on historical cost information stored in SPP’s project
tracking database. SPP staff requested the designated TOs provide Study Estimates for the projects most
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likely to receive NTCs. A Study Estimate is expected to be accurate within a ±30% bandwidth of the
actual cost of the project.

3.3 Metric Development and Usage
The metric used to measure the value of specific HPILS projects were further refined by staff and the
HPILS TF. SPP staff supporting the ESWG were engaged throughout the HPILS and helped develop
the models and appropriate metrics to be considered. The metric used in this study is Adjusted
Production Cost (APC) Savings.

3.4 Monetized Cost Benefits
APC savings were calculated in the annual security constrained economic simulations. The production
costs, purchases, and sales of all energy within SPP and its neighboring regions were tracked under
specific project scenarios.
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4 Load and Generation Outlook
As discussed in Section 1.1 Study Objective above, the main driver for the HPILS was the increase in
load forecasts associated with oil/gas shale plays and other development, as well as interruptible loads
that have firmed up recently, and may not be accurately reflected in the previous cycles of the SPP
planning process - models and studies. The load forecasts reflected in HPILS formed the basis for the
development of transmission expansion needs required to address the recent load developments in a
manner that will accommodate the incorporation and timing of these facility connections. For more
information on the oil/gas shale play and impacts on load in New Mexico see Appendix F.
This section presents the uncertainties associated with the load forecasts and the corresponding
generation resources added to the models to serve the load.

4.1 Uncertainty and Important Issues
A key challenge in designing a transmission expansion plan to meet future needs for HPILS is the
difficulty to accurately predict future demand and associated resources. HPILS scope was different than
ITP10 plans in that Load Serving Entities (LSE) were responsible for determining resource additions as
well as transactions to address future loads in the HPILS. A key sensitivity for HPILS was
consideration of 90/10 load projections (10% probability that actual demand will exceed forecasted
values) as well as updated 50/50 load projections to reflect the best estimates of expected load
projections with an equal probability that actual loads will exceed or not projected values. Inputs and
review of study assumptions and results by non-SPP members like KAMO with HPILS load additions
on transmission facilities of GRDA in Oklahoma and served by AECI resources were incorporated into
the HPILS. Solicitations were made to stakeholders including the RSC regarding additional sensitivities
that need to be considered in developing robust plans for the HPILS. The CAWG did not identify any
additional sensitivity that should be evaluated as part of the HPILS.
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4.2 Load Forecast Descriptions
Two load forecasts were submitted for each of the study years 2015, 2018, and 2023 by the modeling
contacts for each planning areas. The two load forecasts were based on two load probability
assumptions; the 50/50 load forecast probability and the 90/10 load forecast probability. The 50/50 and
90/10 load forecasts represent the incremental load projections relative to the respective study base
models. In addition to the incremental load forecasts, load forecast corrections for the base models were
also submitted to account for updates in the base load projections.
For the 2015 study models, the base model used was from the 2013 series of models that were used for
the 2014 ITPNT. For the 2018 and 2023 study models, the base models were from the 2012 series of
models that were used in SPP’s Regional Cost Allocation Review (RCAR) assessment. For all three
study years, Summer Peak models were used.
Since coordination and cooperation from load serving entities were critical success factors for this
HPILS, stakeholders reviewed the final projected peak load forecasts modeled in each of the study areas.
The two load forecast probabilities, defined in more detail below, provide different perspectives on the
development of loads in the region that could impact the development of transmission.
4.2.1 Forecast 1: 50/50 Load Forecast Probability
The 50/50 Load Forecast Probability is the 50% probability that the forecasted model load will exceed
the actual load in the 2015, 2018, or 2023 study years. The 50/50 load forecast is also referred to as the
expected load forecast and is the lower of the two load forecasts. The ERAG MMWG Procedure
Manual (May 07, 2009) states: “The power flow model will be based on a load forecast which assumes a
statistical probability of one occurrence in two years (50/50).”
4.2.2 Forecast 2: 90/10 Load Forecast Probability
The 90/10 Load Forecast Probability is the 10% probability that the actual load will exceed the
forecasted load in the 2015, 2018, or 2023 study years. The 90/10 load forecast is also considered the
less likely load scenario and is the higher of the two load forecasts.
Figure 4.1 below illustrates the 50/50 and 90/10 load forecast probabilities in comparison to the base
load forecasts.

7

SPP Regional Cost Allocation Review Report, Section 4. Fuel Costs, October 8, 2013.
http://www.spp.org/publications/RCAR%20Report%20FINAL.zip
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Figure 4.1: HPILS Load Forecast Probabilities

4.3 Resource Plan Development
Identifying the resource outlook is a key component of evaluating the transmission system for a longterm study horizon. Resources are added and retired frequently, and the SPP generation portfolio will
not look the same in the future years as it looks today. Resource expansion plans were developed for the
SPP region based on direct input from applicable stakeholders and by leveraging assumptions from the
2015 ITP10 resource plan. The resource plans include both renewable and conventional generation
plans and are incremental for each study year.
4.3.1 Renewable Generation Assumptions
New wind generation was included as a part of the HPILS economic analysis. Reliability analysis
included no additional wind assumptions. New wind assumptions were consistent with the 2015 ITP10
policy survey assumptions and implementation as of 12/04/2013.
The 2013 Policy Survey was used to gather information on members’ state renewable Mandates, Goals,
and Other 9 with which they expect to comply with by 2024. Additional wind generation was added to
the system when the existing wind was not sufficient to meet state Mandates, Goals, and Other. The
total additional wind added in the SPP footprint is 3.4 GW. The additional wind energy was allocated to
the zones within SPP as needed to meet state renewable Mandates, Goals, and Other.

9

As defined by the CAWG

62 of 184

2019 Capacity
(MW)
125

2024 Capacity
(MW)
125

Project

Owner

Kansas #1

WERE/BPU

Kansas #2

MIDW

3

26

Kansas #4

WERE

100

100

Kansas #8

KCPL

62

147

Missouri #5

KCPL/GMO

0

192

Missouri #6

KCPL/GMO

102

192

New Mexico #1

WFEC/COOP

97

132

New Mexico #4

SPS

250

250

Oklahoma #1

OGE

85

139

Oklahoma #5

OGE

95

157

Oklahoma #6

LES

100

100

Oklahoma #7

SPS

199

199

Oklahoma #9

WERE

200

200

Oklahoma #10

PSO/WFEC

300

300

Oklahoma #11

PSO

200

200

Oklahoma #12

PSO

199

199

Nebraska #2

OPPD

400

400

Nebraska #5

NPPD/GRIS

55

70

Texas #6

SPS

249

249

Solar #1

SPS

10

10

Solar #2

SPS

10

10

2842

3398

Total

Table 4.1: Additional Renewable Generation for HPILS Economic Analysis

Figure 4.2 and Figure 4.3 show the additional 2019 and 2024 renewable generation forecasts. Note that
the 2019 and 2024 renewable generation forecasts were included in the 2018 and 2023 HPILS economic
study models, respectively.
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Figure 4.2: Location of Additional 2019 Renewable Generation
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Figure 4.3: Location of Additional 2024 Renewable Generation

4.3.2 Resource Plan Summary
Conventional resource plans were developed by each stakeholder in order to meet the requirements of
new demand. Section 5.3 Generation Outlook below provides the resource additions to meet the initial
50/50 and 90/10 demand projections.

65 of 184

5 Drivers
5.1 Stakeholder Driven Drivers
Drivers for the HPILS were discussed and developed through the stakeholder process in accordance with
the HPILS Scope and involved stakeholders from several diverse groups. The load, generation,
transmission, financial, and market design inputs were considered for their importance in determining
the need for and design of transmission.

5.2 Load Outlook
Future electricity usage was collected from and forecast by the Stakeholders through the HPILS data
collection process. Summer peak load forecasts for each of the study years were collected for the 50/50
and 90/10 load forecast probabilities.
The following sections summarize the total incremental load forecast submissions by area.
5.2.1 Total Incremental Load Changes
The total load changes from the original 2015 Summer (2014 ITPNT), 2018 Summer (RCAR)and 2023
Summer (RCAR) base models are shown in Figure 5.1 below.

2015

2018

2023

50/50 Total ∆
793 MW

50/50 Total ∆
1983 MW

50/50 Total ∆
2383 MW

90/10 Total ∆
1545 MW

90/10 Total ∆
3059 MW

90/10 Total ∆
3715 MW

Figure 5.1: Total Incremental Change from Base Load Forecasts
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5.2.2 Total Load Change by Area
The total load changes from the base 2015, 2018, and 2023 study models to the HPILS 2015, 2018, and
2023 50/50 and 90/10 study models for each planning area are shown in Figure 5.2 through Figure 5.4.

Figure 5.2: 2015 Total Incremental Load Change by Area
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Figure 5.3: 2018 Total Incremental Load Change by Area

Figure 5.4: 2023 Total Incremental Load Change by Area
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Figure 5.5 and Figure 5.6 below show the geographic locations of the 2023 50/50 and 90/10 loads
included in the HPILS scenarios.

Figure 5.5: 2023 50/50 Load Geographic Locations
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Figure 5.6: 2023 90/10 Load Geographic Locations

5.3 Generation Outlook
Future generation changes based on the load forecast submissions for the 50/50 and 90/10 load forecast
probabilities were provided by the Stakeholders. Generation technologies for the incremental generating
units represented within the SPP footprint included combustion turbine natural gas (CT), wind, and
others. The generation changes include generation additions and retirements as described in the
following sections.
5.3.1 Major Generation Additions
The major generation added to the base models in the 2015, 2018, and 2023 50/50 and 90/10 models are
summarized in Table 5.1 below. The impact of these generation additions in HPILS is discussed in
more detail in Section 7.6 Generation Outlet and Load Facility Assessment.
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SEPC

Rubart Generator

Capacity
(MW)
110

NPPD

Gas Turbine at Moore 345 kV

160

X

X

X

X

SPS

Antelope CT @ Tuco 345 kV

589

X

X

X

X

SPS

North Loving Generators (2 x280)

560

X

X

X

X

WFEC

Mooreland4 Unit @ Woodward 345 kV

300

X

X

X

X

OKGE

Seminole @ Seminole 345 kV

300

X

X

SPS

PX_Gen @ Plant X 230 kV

300

X

X

LP&L

Future Gen @ Holly 230 kV

700

X

X

OPPD

Cass Gen

160

Area

Generator Name/Location

Total Additions (MW)

2015
50/50
X

2015
90/10
X

2018
50/50
X

2018
90/10
X

2023
50/50
X

2023
90/10
X

X

3179

Table 5.1: Major HPILS Generation Additions

The specific dispatch of these generating units in the reliability models were not necessarily at the
capacities shown in Table 5.1 above.
The major generation additions are illustrated in Figure 5.7 and Figure 5.8 below.

Figure 5.7: Major Incremental Generation Additions
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Figure 5.8: Generation Geographic Locations

5.3.2 HPILS Major Generation Retirements
There were no additional generation retirements applied to the 2015 and 2018 HPILS study models.
However, there were a total of 339 MW of unit retirements in the 2023 horizon:
o SPS: Plant X I @ 38 MW
o SPS: Plant X II @ 91 MW
o SPS: Plant X III @ 93 MW
o SPS: Cunningham I @ 71 MW
o SPS: Moore Co @ 46 MW
5.3.3 Generator Operating Characteristics
Reasonable operating characteristics consistent with each unit type were utilized in the production cost
models. Review of these characteristics was facilitated through the ESWG and TWG in previous ITP
studies.
5.3.4 Transaction Changes
Additional export transactions from specific member areas were included to account for the additional
loads served by those members in external areas. Table 5.2 shows the additional transaction changes
made to the 2015, 2018, and 2023 base models. These changes are common to the 50/50 and 90/10
scenarios for the respective years.
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Transfer
From
AEPW
WFEC

Transfer
To
WFEC

2015
(MW)
160

2018
(MW)
250

2023
(MW)
280

SPS

50

180

300

Table 5.2: Transaction Summary

5.4 Transmission Outlook
The 2015, 2018, and 2023 base models were updated to include SPP projects with approved NTCs
known during the model development phase of the study. In addition to the approved NTCs, the
Stakeholders provided the minimum transmission expansion required to connect the HPILS load and
generation projections. These transmission expansions were only sufficient for ensuring that the base
model could solve under system intact (Category A) conditions.
5.4.1 Projects with Confirmed NTC’s
Projects with confirmed NTCs were included in the base transmission models. The planned expansions
for areas outside of SPP were as represented in the 2015, 2018, and 2023 base models.
5.4.2 Transmission Needed for Load Connections
Transmission projects were built into the base models to connect the projected HPILS load. Some of
these projects will be considered direct assignment or radial facilities or distribution facilities and will
not receive NTCs. The list of projects included in the base models are provided in Appendix A.
5.4.3 Assessment of Suspended NTC-C Projects
The scope of the HPILS also included the reevaluation of three suspended NTC-Cs:
•
•
•

Tuco – Amoco - Hobbs 345 kV Line
Tuco - New Deal 345 kV Line
Grassland – Wolfforth 230 kV Line

These three projects were excluded from all the HPILS 2015, 2018, and 2023 base models in order to
determine the need for and/or the impact of the projects.
5.4.4 Removal of Sharyland Facilities
Sharyland transferred the CAPROCK 138kV loop and related loads from SPP to ERCOT on December
23, 2013. As a result, SPS has sold related transmission facilities to Sharyland with the transaction
closing on those facilities on December 30, 2013. The following Sharyland Facilities were disconnected
from the HPILS base models:
• Cirrus Wind to Borden Co 230 kV Line (345kV design)
• Line Section near NEF (future sub) to Midland Co 230 kV Line (345kV design)
• 138 kV between Midland Co and Borden Co

5.5 Financial Outlook
5.5.1 Nominal and Real Dollars
Unless specified otherwise, all dollar amounts reported are in nominal dollars. The dollar values utilized
in the simulations represent the value of fuel prices and operating costs in their respective study year.
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To account for effects of inflation upon the U.S. dollar, the values are presented in real terms by
applying a rate of 2.5%.
5.5.2 Fuel Price Forecasts
Fuel price projections were modeled consistent with the assumptions used in the 2013 ITP20 study. The
data is derived from the Ventyx Spring 2012 Reference Case and NYMEX futures.
The costs of each fuel were used as inputs in the market adjusted production cost (APC) simulations and
contribute to the price per MWh of each generator. There were no fuel price sensitivities performed in
this study.
5.5.3 Inflation, Carrying Charge, and Interest Rate Assumptions
An Annual Transmission Revenue Requirement (ATRR) utilized in the economic screening was
calculated by multiplying the total investment estimate for each project, in nominal dollars, by the
appropriate Net Plant Carrying Charge Rate (NPCC). The reductions in ATRR due to depreciation of
the asset in the Rate Base were not considered in the initial project screenings but were considered in the
calculation of the forty-year benefits and costs. In the case of the forty-year financial analysis the costs
for each year were calculated using the formula for ATRR. This calculation used the applicable NPCC
for projects. The NPCC for the host zone of a project was applied to the engineering and construction
cost, or investment cost, of a project. For the calculation, the projects were fully depreciated over the 40
years of analysis. A 2.5% interest rate was utilized for all inflation. An 8 % discount rate was used for
all discounting calculations.
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5.6 Treatment of Energy Markets
The development of the Integrated Marketplace and the associated Consolidated Balancing Authority
were accounted for in the HPILS economic analysis. Each of the current Balancing Authorities within
the footprint were committed and dispatched collectively. Three of the major components of the
Marketplace were accounted for in the study through the use of a
security constrained economic dispatch that adhered to a unit
commitment process: 1) a reliability unit commitment process, 2)
a real-time balancing market, and 3) a consolidated balancing authority.
Within this study, any reference to the SPP footprint refers to the Regional Transmission Organization
(RTO) Balancing Authorities and Transmission Owners 10 as defined by SPP membership. Energy
markets were similarly modeled for other RTOs in the Eastern Interconnect. Notably, AECI operated as
a stand-alone entity in order to reflect its current operating characteristics and commitments.
5.6.1 Integrated System RTO/ISO Membership
In 2013, the Integrated System of Basin Electric, Western Area Power Administration (WAPA), and
Heartland Consumers Power District (collectively the Integrated System) announced its intention to join
the SPP. The Integrated System’s notice to join SPP was announced in the middle of the HPILS
analysis. Therefore, the Integrated System was treated as a standalone entity within the MAPP NonMISO external region.
5.6.2 External Regions
The external regions were modeled consistently across all of the cases analyzed to ensure that the
benefits pertain only to changes in SPP’s transmission expansion. The system footprint is based on what
is used in the SPP ITP20 process, including the following regions:
•
•
•
•
•

SPP
MISO (including Entergy and CLECO)
MAPP Non-MISO
PJM
SERC – Central Sub-region, Southeast Sub-region, AECI

5.6.3 Hurdle Rates
Additional tariff charges were assumed in the security constrained economic dispatch simulations. The
values utilized varied from area to area but all tariff charges (or hurdle rates) between SPP and
neighboring areas were kept consistent at $5 for the hourly dispatch rate and $8 for the day ahead
commitment rate for flows into and out of the SPP footprint.

5.7 Software & Simulations
Various software packages were used to complete the HPILS, including ABB’s PROMOD®, PTI’s
PSS®E, and PTI’s PSS®MUST package. Throughout this report, reference to DC and economic
simulations refer to runs completed using the PROMOD® software. References to AC simulations
indicate usage of PPS®E. References to transfer analyses indicate usage of PSS®MUST.
10

SPP.org > About > Fast Facts > Footprints
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6 Analysis Methodology
6.1 Data Collection
Data collection was necessary for development of the reliability and economic study models. In order to
assess the impact of expected load additions, e.g., oil and gas developments; a survey was conducted to
gather the projected peak load per area for 2015, 2018, and 2023 and for the 50/50 and 90/10 load
probabilities. Load Service Entities (LSE) were asked to submit the incremental load data, any
transmission modifications required to connect the incremental load, and the associated PSS/E response
file (.idv) with the transmission modifications. LSEs provided necessary incremental generation
additions and/or capacity transactions which were needed to serve the incremental load identified in the
load submission.

6.2 Reliability Model Development
6.2.1 Development of the Base AC Power Flow Models
The AC power flow models developed for the reliability analysis consisted of the 2015, 2018, and 2023
study years. Each of the reliability models in the study assumed individual Balancing Authorities (BA).
The initial base cases for the 2015, 2018, and 2023 study years were:
•
•
•

2013 Series 2015 Summer ITPNT Scenario 0
2012 Series 2018 Summer RCAR
2012 Series 2023 Summer RCAR

For each of the study years, base load adjustments and incremental loads were modeled as provided by
the stakeholders. The six models used in the HPILS reliability analysis are listed below:
•
•
•
•
•
•

2015 Summer Peak (50/50)
2015 Summer Peak (90/10)
2018 Summer Peak (50/50)
2018 Summer Peak (90/10)
2023 Summer Peak (50/50)
2023 Summer Peak (90/10)

The reliability models included the current topology and projects with approved NTC’s. Additional
topology was included to incorporate the interconnection of the incremental load where needed and as
provided by the stakeholders. The existing generators modeled in the base cases were the initial starting
point for resource needs. Additional conventional generation and/or capacity transactions were supplied
by the stakeholders as needed to serve the adjusted base and incremental demand for each of the study
years.

6.3 Economic Model Development
6.3.1 Development of the Base DC Economic Models
The DC economic models developed for the economic analysis consisted of the 2018 and 2023 study
years. The initial base case for the 2018 and 2023 study years were the 2018 Summer RCAR and 2023
Summer RCAR models respectively. Adjustments were performed where appropriate in initializing
each of the economic base cases. Similar to the reliability models, base load adjustments and
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incremental load were modeled as provided by the stakeholders. Existing facilities, projects with
approved NTC’s, and additional build out necessary to support the interconnection of the incremental
load were included in each of the study years, mirroring the topology change in the reliability study
cases.
The same resource expansion to meet the increased demand that was modeled in the reliability models
was included as well in the each of the economic models. Additional wind resources were added to the
HPILS economic models consistent with the 2015 ITP10 survey results. Incremental demand profiles
were provided by stakeholders. Likewise, energy profiles for each of the additional resources were
provided by stakeholders.
6.3.2 Identification of Additional Constraints
The initial list of constraints was defined from the NERC Book of Flowgates for the SPP region. Each
of the constraints defined in the NERC Book of Flowgates was revised as necessary to reflect the
topology changes conducted in establishing the economic base case for the 2018 and 2023 study years.
In addition to NERC Book of Flowgates list, more constraints were incorporated based on the initial
reliability analysis for system intact and single element outage analysis. These additional constraints
facilitated the capture of both market congestion and economic benefits in expectation of transmission
that is not anticipated by the NERC book of Flowgates.

6.4 Reliability Needs Identification
6.4.1 Thermal and Voltage Assessment
The objective of the AC analysis was to identify 60+ kV upgrades needed to ensure the reliability of the
system. The system intact assessment as well as single contingency analysis was performed for the
following voltage levels:
•
•

SPP 60 kV and above
All other Tier 1 areas 100 kV and above

These facilities were monitored during the contingency analyses:
•
•

SPP 60 kV and above
All other first tier area 100 kV and above

Potential violations were determined by using the more restrictive of the NERC Planning Standards,
SPP Criteria, or local planning criteria for system intact and single contingency conditions.

6.5 Reliability Project Development
Reliability projects that addressed reliability needs were developed from a pool of solutions that was
derived from SPP transmission service studies, generation interconnection studies, previous ITP studies,
local reliability planning studies by TOs, Attachment AQ studies, stakeholder input, and staff
evaluation. Projects within this pool were considered as a possible solutions to evaluate in creating the
HPILS Portfolio.
The development of the HPILS reliability projects began with the 2023 study scenarios. Once the 2023
projects were tested and selected, those projects were also selected for the 2018 and 2015 scenarios if
the associated reliability needs were also identified in 2018 and 2015.
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6.6 Reliability Project Staging
As discussed above, projects were developed for the 2023, 2018, and 2015 scenarios. For each of the
projects in the 2023 and 2018 study years, a staging assessment was performed to identify if the 2023
projects were needed prior to the 2023 study year (i.e. in 2019, 2020, 2021 or 2022) and if the 2018
projects were needed prior to the 2018 study year (i.e. in 2016 or 2017). This staging was important in
determining the start date required for each of the projects based on their lead time.
These need dates for each project was determined by evenly extrapolating the loading levels of
constrained SPP facilities between the 2018 and 2023 study years for the 2023 projects and between the
2015 and 2018 study years for the 2018 projects. This calculation is described below:
•

2023 Staging: For each SPP facility loading over 95% of its rating in the 2018 50/50 model and
overloaded (>100% of its rating) in the 2023 50/50 model, the 2019, 2020, 2021 and 2022
loading levels for that element were evenly extrapolated for each year.

•

2018 Staging: For each SPP facility loading over 95% of its rating in the 2015 50/50 model and
overloaded (>100% of its rating) in the 2018 50/50 model, the 2016 and 2017 loading levels for
that element were evenly extrapolated for each year.

If the loading levels in the intermediate years (2016, 2017, 2019, 2020, 2021 and 2022) exceeded 100%
of the facility rating, the project identified in the respective 2023 and 2018 study years to resolve that
constraint was flagged as needed in that particular year.

6.7 Economic Needs Identification
Congestion was assessed on an annual basis for 2018 and 2023 such that the analysis included variables
that changed from day to day such as forced and maintenance outages of generating plants and those that
changed on an hourly basis such as load curve shapes and wind output profiles. A total of 8,760 hours
was evaluated for the study years. Significant congestion was identified through two values: the number
of hours congested and the shadow price associated with the congestion in each hour. The shadow price
was frequently aggregated for the whole year to a max, min, and average bi-directional value. The top
constraints in the region as measured through hours congested and average shadow price were identified
and prioritized with which constraint provided opportunity for APC savings. In this manner, the areas of
greatest opportunity for economic projects were identified before stakeholder suggested projects were
taken into consideration.

6.8 Economic Project Development
Economic projects were proffered by SPP staff and stakeholders based on the needs identified from the
2018 and 2023 models and were tested to determine the most cost-effective set of projects. The solution
set was not limited to 345 kV and higher voltage facilities. Needs that warrant lower voltage solutions
were also addressed as directed by the HPILS Task Force. The assessment is discussed further in
Section 8.2 Economic Needs Assessment.
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6.9 Final Portfolio Assessment and Benefit Metric Calculations
6.9.1 Measuring Economic Value
Once the best economic project was determined through the process determined above, a 40-year
financial analysis of that project’s costs and benefits were developed for the 50/50 load case. Benefits
considered in that analysis included APC savings. Benefit impact calculations were made on a
Regional, Zonal, and State basis. State values will be extrapolated from the zonal costs and benefits.
The development of these costs and benefits will be done under direction of the HPILS Task Force.
6.9.2 Calculation of Adjusted Production Cost
APC is a measure of the impact on production cost savings by Locational Marginal Price (LMP),
accounting for purchases and sales of energy between each area of the transmission grid. APC is
determined from using a production cost modeling tool that accounts for hourly commitment and
dispatch profiles for one simulation year. The calculation, performed on an hourly basis, is as follows:

APC

Production
Cost

Revenue
from Sales

Cost of
Purchases

APC captures the monetary cost associated with fuel prices, run times, grid congestion, ramp rates,
energy purchases, energy sales, and other factors that directly relate to energy production by generating
resources in the SPP footprint.

6.10 Final Reliability Assessment
A final contingency analysis was performed with the reliability solutions identified to ensure the projects
did not adversely affect the transmission system. There were no economic-only projects included in the
final reliability analysis.
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PART II: STUDY FINDINGS
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7

Reliability Assessment

The findings of the reliability assessment are presented here. It includes thermal limit overloads and
voltage limit violations that drove the need for each of the projects in the HPILS Portfolio. These
observations and suggested mitigations form the basis of the final portfolio.
The projects in the portfolio were studied through an iterative process to reduce the scale of the
transmission development. The assessment utilized a diverse array of power system and economic
analysis tools to evaluate the need for 100 kV and above facility projects that satisfies the reliability
needs.
The timing of the reinforcements identified in each of the 2015, 2018, and 2023 study years was
determined through an iterative process that included numerous combinations of developments required
to meet the reliability needs under system intact and N-1 contingency conditions. Several iterations of
the analyses were performed to reduce the scale of the transmission development and determine the
most cost effective solution.
The projects were developed through an evaluation of alternative solutions and systematic review and
input from the stakeholders. The projects resulting from this rigorous process are summarized in the
following sections.

7.1 System Needs
Reliability needs were identified to satisfy the NERC Reliability Standards, SPP Reliability Criteria and
local planning criteria for system intact and N-1 contingency conditions. Individual projects were
targeted to meet the various reliability needs outlined in the sections that follow. The needs identified
for the SPP footprint fell into these six states: Kansas, Louisiana, Nebraska, New Mexico, Oklahoma,
and Texas.
The following section provides the findings of the reliability assessment. The projects required for the
2015, 2018, and 2023 study years and the 50/50 and 90/10 load forecasts for each year are presented in
the following sections.

7.2 2015 Reliability Assessment
The following describes the major 11 projects driven by reliability needs identified in the 2015
assessment by geographical area. Note that only major upgrades needed for the 50/50 load forecast are
discussed specifically, but a full list of projects is provided in Table 7.1.
7.2.1 West Texas/New Mexico
Due to the load growth in the New Mexico area, several issues were identified. Because rapid load
growth is expected but 345kV sources cannot be provided in the near future, some projects would need
to be designed for 345 kV but operated at 230 kV initially. Building to 345 kV design provides
additional capacity that will be needed as the load in the area continues to grow.

11

100 kV and above, excludes terminal upgrades and capacitor banks
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Potash Junction to Road Runner 230 kV Line and Road Runner 230/115 kV Transformer
This new Potash Junction to Road Runner 230 kV line and Road Runner 230/115 kV transformer
addressed 115 kV voltage issues observed around Potash Junction due to the outage of Potash Junction
to Intrepid West Tap 115 kV line. The Potash Junction to Road Runner line will initially be operated at
230 kV but should be designed for future 345 kV operation.
South Loving 115 kV line and Substation
The 69 kV load located at South Loving was moved to this new 115 kV substation located between Hopi
and North Loving. The load conversion addressed the overloads of the Carlsbad 115/69 kV
transformers. The outage of one 115/69 kV transformer caused the other transformer to become
overloaded.
Andrews to National Enrichment Facility (NEF) 115 kV line and Andrews 230/115 kV
Transformer
This new 115 kV line from Andrews to NEF and the Andrews 230/115 kV transformer addressed
overloads of the 115 kV path from Monument Tap to Byrd continuing towards S Jal due to the outage of
Hobbs West Switching Station to Drinkard Tap 115 kV line.
Mustang to Shell CO2 115 kV Line
This new Mustang to Shell CO2 115 kV line addressed the overloads observed on the parallel Denver to
Mustang 115 kV lines. The outage of one of the Denver to Mustang 115 kV lines caused the other
Denver to Mustang line to become overloaded.

7.2.2 Oklahoma
Several issues were identified for this area, including the area west of Oklahoma City and the
transmission network north of Oklahoma close to the Kansas border.
Darlington – Roman Nose 138 kV line and Jenson Substation Upgrade
This new Darlington to Roman Nose 138 kV line provided an additional source into the area and
alleviated the overload observed on the Elk City to Clinton 138 kV line. The new load at the future
Darlington substation will be served off the existing 138 kV line between Hinton and Can Gas. Upon
the outage of the Can Gas to Jenson 138 kV line the western 138 kV feed from Elk City to Clinton
overloaded. The Jenson substation CT upgrade is required to remove the limitation of the Jenson 138
kV line towards Can Gas which ultimately serves the new Darlington Road load. The outage of the
Weatherford 138 kV lines to Hydro or Sickle caused the loading on the line to exceed the CT limit at the
Jenson substation. Increasing the CT limit at that substation will alleviate the loading violation.

Table 7.1 shows the list of projects identified for the 2015 50/50 load forecast.
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State(s)

Upgrade Name

Issue
NTC

50/50
Need Year

KS

Kansas Avenue - Dobson - Gano 115 kV Ckt 1 Terminal Upgrades

Yes

2015

KS

Garden City - Kansas Avenue 115 kV Ckt 1 Terminal Upgrades

Yes

2015

NE

Spalding 115 kV Cap Bank

Yes

2015

NM

Eagle Creek 115 kV Cap Bank

Yes

2015

NM

Potash Junction 230/115 kV Ckt 1

Yes

2015

NM

Andrews 230/115 kV Ckt 1 Transformer

2015

NM

Potash Junction - Road Runner 230 kV Ckt 1

NM

Road Runner 230/115 kV Substation

Yes
NTC-C
Modify
NTC-C
Modify

NM

North Loving - South Loving 115 kV Ckt 1

Ye

2015

OK

Darlington - Roman Nose 138 kV Ckt 1

Yes

2015

OK

Alva OGE 69 kV Terminal Upgrades

Yes

2015

OK

Jenson - Jenson Tap 138 kV Ckt 1 Terminal Upgrades

Yes

2015

OK

Freedom 69 kV Cap Bank

Yes

2015

OK

Carmen - Eagle Chief 69 kV Ckt 1 Reconductor

Yes

2015

OK

Eagle Chief 69 kV Cap Bank

Yes

2015

TX

Mustang - Shell CO2 115 kV Ckt 1

Yes

2015

2015
2015

Table 7.1: Reliability Projects Needed by 2015 for 50/50 Load Forecast
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7.2.3 2015 90/10 Incremental Reliability Projects
In addition to the reliability projects identified as being needed for the 2015 50/50 HPILS load forecast,
the following additional projects were identified for the 2015 90/10 HPILS load forecast.

State(s)
KS
KS
NE
OK
OK
OK
OK
OK
OK
OK
OK
OK
TX

Upgrade Name
Anthony - Harper 138 kV Ckt 1
Sun South 115 kV Cap Bank

Broken Bow 115 kV Cap Bank
Winchester 69 kV Cap Bank

Bufbear 138 kV Sub Conversion

Buffalo 138/69 kV Ckt 1 Transformer

Bufbear - Ft. Supply 138 kV Ckt 1 Rebuild
Bufbear - Buffalo 138 kV Ckt 1 Rebuild
Sandridge 138 kV Cap Bank

Little River - Maud Tap 69 kV Ckt 1 Reconductor
Winchester Tap 69 kV Cap Bank

Bartlesville Commanche - Mound Road 138 kV Ckt 1 Rebuild
Lone Star South - Wilkes 138 kV Ckt 1 Terminal Upgrades

Issue
NTC

90/10
Need Year

Yes*

2015

No

2015

No

2015

No

2015

No

2015

No

2015

No

2015

No

2015

No

2015

No

2015

No
No
No

TX
Cochran 115 kV Cap Bank
No
*This NTC was based on the project’s 2018 50/50 and corresponding lead time, See Table

2015
2015
2015

2015
7.3 below

Table 7.2: Incremental Reliability Projects Needed by 2015 for 90/10 Load Forecast

7.3 2018 Reliability Assessment
The following describes the major projects driven by reliability needs identified in the 2018 assessment
by geographical area. Note that only major upgrades 12 needed for the 50/50 load forecast are discussed
specifically but a full list of projects is provided in Table 7.3.

7.3.1 West Texas/New Mexico
The following major projects were identified in West Texas/New Mexico for the 2018 study years.
Artesia 115/69 kV transformers
Artesia 115/69 kV transformers 1 and 2 need to be upgraded to a rating of 84 MVA in order to support
the load growth. The outage of either transformer resulted in the other transformer becoming
overloaded.

12

100 kV and above, excludes terminal upgrades and capacitor banks
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Kiowa 345 kV Substation, Kiowa – Hobbs 345 kV line and Hobbs 345/230 kV transformer
The 345/230 kV transformer at Hobbs and Kiowa to Hobbs 345 kV line are needed to facilitate the
transfer of generation located around Hobbs to support the load growth located in New Mexico and
around the existing Potash Junction due to extreme low voltage conditions under both normal and
contingency events The new Kiowa 345 kV substation is needed because of the limited space in the
existing Potash Junction substation.
Hereford 115/69 kV transformer
Hereford 115/69 kV transformers 1 and 2 need to be upgraded to a rating of 84 MVA in order to support
the load growth. The outage of either transformer resulted in the other transformer becoming
overloaded.
Hale County to Tuco 115 kV line Reconductor
This line was overloaded due to the outage of Swisher to Tuco 230 kV line. This project addressed the
overload by reconductoring the line.

7.3.2 Kansas
The following major incremental projects were identified in Kansas for the 2018 study years.
Clark Tap – Ashland – Coldwater Tap 115 kV line
This new line addressed voltage issues observed between Shooting Star Tap and Medicine Lodge 115
kV due to the loss of the 138 kV source from Medicine Lodge to Flat Ridge.
Anthony – Harper 138 kV line
This new line addressed voltage issues observed at Milan due to the outage of the Clearwater to Milan
Tap 138 kV line.

7.3.3 Nebraska
The following major projects were identified in Nebraska for the 2018 study years.
Thedford 345/115 kV Transformer
This new 345/115 kV transformer addressed overloads on the 115 kV line from St. Francis to Mission
due to the outage of O’Neil to Emmet Tap 115 kV line. The new Thedford 345/115 kV transformer also
addressed numerous 115 kV voltage violations following the outage of either Maxwell – Stapleton 115
kV or O’Neill – Spencer 115 kV.
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7.3.4 Oklahoma
The following major projects were identified in Oklahoma for the 2018 study years.
Cherokee Junction Tap 138/69 kV Development
This project addressed the overload on Carmen to Eagle Chief 69 kV line and Alva to Cherokee 69 kV
line. This development also addressed the voltage issues near Cherokee and Hazelton 69 kV. The
development includes the addition of a 138/69 kV transformer at Carmen and at Cherokee Junction Tap.
The 69 kV line from Cherokee Junction to Carmen will be torn down and a new 138 kV line from
Cherokee Junction Tap to Carmen would be built as part of this development.
Elk City 138/69 kV Transformer
The loss of the Elk City 138/69 kV transformer caused voltage issues on the 69 kV system between Elk
City and Russell. The addition of a second 138/69 kV transformer at Elk City addressed this voltage
issue.
Warwick Tap – SW Station – Linwood – Knipe 138 kV line
This new line addressed voltage issues observed in the Cushing area near the future Arco and Seaways
load.
Fort Supply – Bufbear – Buffalo 69 kV to 138 kV Conversion
Due to the projected load growth around Winchester, the Fort Supply to Bufbear to Buffalo 69 kV lines
were converted to 138 kV to address the voltage collapse due to loss of one of the 69 kV sources to
Alva. The development includes the addition of a 138/69 kV transformer at Buffalo, a 12 MVAr
capacitor bank at Winchester 69 kV, and rebuilding the 69 kV lines from Fort Supply to Bufbear to
Buffalo with 138 kV conductors. Table 7.3 shows the list of projects identified for the 2018 50/50 load
forecast including projects needed by 2016 and 2017.
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State(s)
KS
KS
KS
KS
KS
KS
KS
NE
NE
NE
NM
NM
NM
NM
NM
OK
OK
OK
OK
OK
OK
OK
OK
OK
OK
OK
OK
OK
OK
OK
OK
OK
OK
TX
TX
TX

Issue
NTC

50/50
Need Year

Ashland - Coldwater Tap 115 kV Ckt 1

Yes

2018

Sun South 115 kV Cap Bank

No

2018

Upgrade Name
Ashland - Clark Tap 115 kV Ckt 1
Anthony - Harper 138 kV Ckt 1
Rock Creek 69 kV Cap Bank
Caney 69 kV Cap Bank

Coleman - Ripley 69 kV Rebuild Ckt 1

Yes
Yes
No
No
No

Thedford 345/115 kV Transformer

Yes

Hobbs - Kiowa 345 kV Ckt 1

Yes

Thedford 345 kV Terminal Upgrades
Ainsworth 115 kV Cap Bank

Andrews - NEF 115 kV Ckt 1

Hobbs 345/230 kV Transformer Ckt 1
Artesia 115/69 kV Ckt 1 Transformer
Artesia 115/69 kV Ckt 2 Transformer

Yes
No

Yes
NTC-C
Modify
No
No

Carmen 138 kV Ckt 1Terminal Upgrades

Yes

Carmen - Cherokee Junction 69 kV Ckt 1 Rebuild

Yes

Carmen 138/69 kV Ckt 1 Transformer

Cherokee Junction Tap 138/69 kV Ckt 1 Transformer
Cherokee Junction Tap 138 kV Substation
SW Station - Warwick Tap 138 kV Ckt 1
Linwood - SW Station 138 kV Ckt 1
Knipe - SW Station 138 kV Ckt 1

Yes
Yes
Yes
Yes
Yes
Yes

Elk City 138/69 kV Ckt 1 Transformer

No*

Winchester 69 kV Cap Bank

No

Elk City 138 kV Ckt 1 Terminal Upgrades
El Reno 138 kV Cap Bank

Bufbear 138 kV Sub Conversion

Buffalo 138/69 kV Ckt 1 Transformer

Bufbear - Ft. Supply 138 kV Ckt 1 Rebuild
Bufbear - Buffalo 138 kV Ckt 1 Rebuild

Alva OGE - Alva WFEC 69 kV Ckt 1 Reconductor (WFEC)
Alva OGE - Alva WFEC 69 kV Ckt 1 Reconductor (OGE)
Hereford 115/69 kV Ckt 1 Transformer
Hereford 115/69 kV Ckt 2 Transformer

Hale County - Tuco 115 kV Ckt 1 Reconductor

No*
No
No
No
No
No
No
No
No
No
No

TX
Kiser 115 kV Cap Banks
No
* An alternate solution for this project will be evaluated through the ITP10/ITPNT process.

Table 7.3: Reliability Projects Needed by 2018 for 50/50 Load Forecast

2018
2018
2018
2018
2018
2016
2016
2018
2018
2015
2018
2018
2018
2016
2016
2016
2016
2016
2018
2018
2018
2017
2017
2018
2018
2018
2018
2018
2018
2018
2018
2018
2018
2018
2018
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7.3.5 2018 90/10 Incremental Reliability Projects
In addition to the reliability projects identified as being needed for the 2018 50/50 HPILS load forecast,
the following additional projects were identified for the 2018 90/10 HPILS load forecast.
Issue
NTC

90/10
Need Year

Cowskin - Goddtap 69 kV Terminal Upgrades

No

2018

Barber 138/115 kV Ckt 1 Transformer

No

2018

State(s)
KS
KS
KS
KS
KS
KS
LA
LA
LA
LA
LA
NE
NE
OK
OK
OK
OK
OK
TX

Upgrade Name
Minneola 115 kV Cap Bank

Barber - Medicine Lodge 138 kV Ckt 1

Clearwater - Milan Tap 138 kV Rebuild (WR)

Clearwater - Milan Tap 138 kV Ckt 1 Rebuild (MKEC)
Benteler - McDade 345 kV Ckt 1

McDade 345/138 kV Ckt 1 Transformer
Messick 500/345 kV Ckt 1 Transformer
McDade - Messick 345 kV Ckt 1

Benteler 345/138 kV Ckt 1 Transformer
Emmet Tap 115 kV Cap Bank

Humboldt 161/69 kV Ckt 1 Transformer

Clyde - Four Corners 138 kV Ckt 1 Reconductor

Four Corners - Kremlin 138 kV Ckt 1 Reconductor
Brady 69 kV Cap Bank

Kinzie - 19th Street 138 kV Ckt 1 Terminal Upgrades

Northeast Station - Watova 138 kV Ckt 1 Terminal Upgrade
Big Sandy - Perdue 69 kV Ckt 1 Rebuild

No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No

2018
2018
2018
2018
2018
2018
2018
2018
2018
2018
2018
2018
2018
2018
2018
2018
2018

Table 7.4: Incremental Reliability Projects Needed by 2018 for 90/10 Load Forecast

7.4 2023 Reliability Assessment
The following describes the major projects driven by reliability needs identified in the 2023 assessment
by geographical area. Note that only major upgrades 13 needed for the 50/50 load forecast are discussed
specifically but a full list of projects is provided in Table 7.6.

7.4.1 West Texas/New Mexico
With the increased load forecast in the 2023 study year, additional reinforcements were needed to import
additional generation from West Texas into the New Mexico load pockets. Three viable reliability
solution options were developed to alleviate loading violations on the underlying 115 kV and 230 kV
network and also the voltage violations due to insufficient power supply to the load pockets.

13

100 kV and above, excludes terminal upgrades and capacitor banks
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The three reliability solution options are:
1. Yoakum – Hobbs 345 kV line and associated projects (YH)
2. Tuco – Yoakum – Hobbs 345 kV line and associated transformers (TYH)
3. Tuco – Amoco – Hobbs 345 kV line and associated transformers (TAH)
TAH is one of the three suspended NTC-C projects which were reevaluated in the HPILS. The results
confirm the need for additional reinforcement into the West Texas/New Mexico area but all three
options met the reliability requirements outlined for HPILS. The individual projects unique to the YH,
TYH and TAH solutions are listed in Table 7.5. Note that NTCs will be recommended to be issued for
only the projects associated with the selected option (YH, TYH and TAH) not all the projects in Table
7.5.

Amoco 345/230 kV Transformer Ckt 1

Estimated
Costs
$21,629,389

Issue
NTC
NTC-C

Tuco - Amoco 345 kV Ckt 1

$88,198,879

NTC-C

X

$137,452,487

NTC-C

X

$4,929,607

Upgrade Name

Amoco - Hobbs 345 kV Ckt 1
Yoakum 345/230 kV Ckt 1 Transformer
Yoakum - Hobbs 345 kV Ckt 1
Tuco - Yoakum 345 kV Ckt 1

TAH

TYH

YH

NTC-C

X

X

$69,907,711

NTC-C

X

X

$160,991,967

NTC-C

X

X

Tuco 230/115 kV Ckt 1 Transformer

$6,020,434

No

Tuco 230/115 kV Ckt 3 Transformer

$6,020,434

No

X

Tuco 345/230 kV Ckt 3 Transformer

$10,516,124

No

X

$4,732,597

No

X

$9,438,433

No

X

$4,980,233

No

X

Amoco - Sundown 230 kV Ckt 1 Reconductor
Terry County - Wolfforth 115 kV Ckt 1
Reconductor
Jones - Lubbock South 230 kV Ckt 3

X

X

Table 7.5: 2023 West Texas/New Mexico Developments

The YH solution has fewer 345 kV lines but requires additional reinforcements on the 230 kV and 115
kV networks. TYH and TAH are essentially the same projects with the exception of the Yoakum and
Amoco connection differences. The economic benefits of the three options are examined in more detail
in Section 8.1 Evaluation of West Texas/New Mexico Reliability Alternatives.
Figure 7.1, Figure 7.2, Figure 7.3 illustrate the individual developments included in the YH, TYH and
TAH solutions respectively. The need dates for the developments shown on the diagrams are based on
the reliability assessment. Note that the lead times for the projects are not reflected in these diagrams.
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Figure 7.1: West Texas/New Mexico – Cumulative Yoakum-Hobbs Projects
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Figure 7.2: West Texas/New Mexico – Cumulative Tuco-Yoakum-Hobbs Solution
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Figure 7.3: West Texas/New Mexico – Cumulative Tuco-Amoco-Hobbs Solution

Additional reliability reinforcements were required in the New Mexico area to alleviate local
transmission violations not related to importing power into the area. These major upgrades are
described below.
Potash Junction 345/115 kV Transformer 1
To alleviate the overload observed on the Potash Junction 230/115 kV transformer, the Potash Junction
345/230 kV transformer should be replaced with a 345/115 kV transformer which would effectively
separate the Potash Junction 345 kV from the 230 kV voltage level.
Andrews – Hobbs 230 kV to 345 kV Conversion
The conversion of the Hobbs to Andrews 230 kV to 345 kV is required to serve the increased load
forecast near Andrews. The conversion includes the operation of the existing Hobbs to Andrews 230 kV
line at the new 345 kV voltage level and the addition of a new 345/115 kV transformer at the Andrews
substation.
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Road Runner – Sage Brush 115 kV line
This new 115 kV line alleviates the overloads observed on the Whitten to Ponderosa 115 kV path from
the east during the outage of the Potash Junction to Road Runner 345 kV line west of the Sage Brush
substation.
Plant X 230/115 kV 2nd Transformer
The Plant X 230/115 kV transformer was observed to be overloaded with the outage of Lamb County
230/115 kV transformer and other outages around Tolk. The addition of a second Plant X 230/115 kV
transformer addressed this overload.
Carlisle 230/115 kV Transformer
The outage of Wolfforth 230/115 kV transformer and other outages caused the Carlisle 230/115 kV
transformer to become overloaded. Upgrading the transformer to a rating of 250 MVA addressed the
overloads.
Sundown – Wolfforth 230 kV Reconductor and Sundown 230/115 kV Transformer
The outage of Wolfforth to Terry County 115 kV path and other outages caused the Sundown to
Wolfforth 230 kV line and Sundown 230/115 kV transformer to become overloaded. Upgrading the
transformer to a rating of 250 MVA and reconductoring the Sundown to Wolfforth 230 kV line
addressed the overloads.
Wolfforth 230/115 kV Transformer
The outage of Sundown to Wolfforth 230 kV line and other outages caused the Wolfforth 230/115 kV
transformer to become overloaded. Upgrading the transformer to a rating of 250 MVA addressed the
overloads.
Seminole 230/115 Transformers 1 and 2
The outage of one 230/115 kV transformer resulted in the remaining transformer becoming overloaded.
Upgrading both transformers to a rating of 250 MVA addressed the overloads.
Carlisle – Doud Tap – Doud – Wolf Tap – Yuma 115 kV Reconductor
The path from Carlisle to Doud Tap was overloaded with the outage of the Wolfforth 230/115 kV
transformer. Reconductoring of this line addressed the overload.
Battle Axe – Wood Draw 115 kV line
This new 115 kV line was required to alleviate voltage issues near Battle Axe and Road Runner 115 kV
with the loss of the Road Runner 345/115 kV transformer.
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Andrews – Cardinal 115 kV line
The outage of the Potash Junction to Road Runner 345 kV line or Hobbs to Potash Junction 345 kV line
caused overloads on the Cardinal to Targa to NEF 115 kV line. The addition of a second path between
Andrews and Cardinal addressed this overload.
Potash Junction – Intrepid – IMC #1 – Livingston Ridge 115 kV line Reconductor
The outage of Potash Junction to Road Runner 345 kV line or Road Runner 345/115 kV transformer
caused overloads on the 115 kV lines from Potash Junction to Livingston Ridge path. The overloads
were addressed by reconductoring the 115 kV line.
Allen – Lubbock South 115 kV Reconductor
The outage of the Wolfforth 230/115 kV transformer caused the Allen to Lubbock South 115 kV line to
become overloaded. The overload can be addressed by rebuilding the 115 kV line using a 477 ACSS
conductor.

7.4.2

Other Future Development Options Considered

China Draw – Battle Axe – Andrews 345 kV line
New 345 kV transmission lines to connect the China Draw, Roadrunner and Andrews 345 kV
substations to the Battle Axe 345kV substation were evaluated as a reliability solution to deliver
generation to the New Mexico area loads. However, the need for the 120 miles of 345 kV line can be
delayed beyond the 2023 time frame with the recommended reinforcements of the 115 kV system in the
New Mexico area. These reinforcements include the new Andrews to Cardinal 115 kV line and the
Potash Junction to Intrepid to IMC#1 115 kV line upgrade described above.

7.4.3 Texas Panhandle
The following major incremental projects were identified in the Texas panhandle for the 2023 study
years.
Bowers – Grapevine 115 kV Reconductor
Bowers to Grapevine was overloaded with the outage of the Wheeler to Howard 115 kV line or Wheeler
230/115 kV line. Reconductoring the Bowers to Grapevine 115 kV line addressed this overload.
Hitchland 230/115 kV 2nd Transformer
The Hitchland 230/115 kV transformer was observed to be overloaded with the outage of Hitchland to
Ochiltree 230 kV line or Ochiltree 230/115 kV transformer. The additional of a second Hitchland
230/115 kV transformer addressed this overload.
Deaf Smith – Hereford 115 kV 2nd line Reconductor
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Deaf Smith to Hereford 115 kV circuit 2 was observed to be overloaded with the outage of Deaf Smith
to Hereford 115 kV line circuit 1. Reconductoring of the lower rated line addressed this loading
violation.
Coulter – Puckett – Soncy Tap 115 kV Reconductor
The outage of Rolling Hills to Northwest 115 kV caused the Puckett to Coulter 115 kV path to become
overloaded. The overload can be addressed by reconductoring the 115 kV line.
Northwest – Rolling Hills 115 kV Reconductor
The outage of the Puckett to Coulter 115 kV line or Georgia to Randall 115 kV caused the Rolling Hills
to Northwest 115 kV line to become overloaded. The overload can be addressed by reconductoring the
115 kV line.
Figure 7.4 shows the cumulative (2015, 2018, and 2023) major HPILS projects identified in the Texas
Panhandle for the 50/50 load forecast. The need dates for the developments shown on the diagrams are
based on the reliability assessment. Note that the lead times for the projects are not reflected in these
diagrams.
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Figure 7.4: Cumulative 2015, 2018, and 2023 Projects Identified in Texas Panhandle

7.4.4 Kansas
The following major incremental projects were identified in Kansas for the 2023 study years.
Huntsville – HEC 115 kV Rebuild
The Huntsville - HEC 115 kV line rebuild and terminal upgrade at HEC are required to alleviate the
overload observed with the outage of Barber to Flat Ridge 138 kV line or Barber 138/115 kV
transformer. Only the 7.7 mile portion (owned by Westar) of the total 28.8 miles of this 115 kV line is
rated below the required loading level. With the rebuild, the entire line will have a full rating of 83/99
MVA (normal and emergency conditions).
Barber – Medicine Lodge 138 kV line and Medicine 138/115 kV transformer
The extension of the existing 138 kV transmission network to Medicine Lodge with the addition of the
new 0.3 mile 138 kV line from Barber to Medicine Lodge and the addition of a new Medicine Lodge
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138/115 kV transformer alleviated voltage violations observed with the loss of the Barber to Medicine
Lodge 115 kV line.
Figure 7.5 includes the cumulative 2015, 2018, and 2023 major projects identified in Kansas for the
50/50 load forecasts. The need dates for the developments shown on the diagrams are based on the
reliability assessment. Note that the lead times for the projects are not reflected in these diagrams.

Figure 7.5: Cumulative 2015, 2018, and 2023 Projects Identified in Kansas

7.4.5 Nebraska
There were no additional major projects identified in Nebraska in the 2023 scenarios.
Figure 7.6 shows the cumulative 2015 and 2018 major projects identified in Nebraska for the 50/50 load
forecasts. The need dates for the developments shown on the diagrams are based on the reliability
assessment. Note that the lead times for the projects are not reflected in these diagrams.
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Figure 7.6: Cumulative 2015 and 2018 Projects Identified in Nebraska

7.4.6 Louisiana
The following major incremental projects were identified in Louisiana for the 2023 study years.
Messick – McDade - Benteler –500/345/138 kV Developments
The Messick, McDade and Benteler developments are required to supply the future Benteler 138 kV
load. The new Messick 500/345 kV transformer will feed the new 345 kV line from Messick to
McDade to the new Benteler 345/138 kV substation. The new 345/138 kV Benteler transformer will
provide support for the Benteler load connected to Port Robson. These developments will alleviate the
overload and voltage violations observed on Linwood to Cedar Grove to “S SHV 4”.
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Figure 7.7 includes the cumulative 2015, 2018, and 2023 major projects identified in Louisiana for the
50/50 load forecasts. The need dates for the developments shown on the diagrams are based on the
reliability assessment. Note that the lead times for the projects are not reflected in these diagrams.

Figure 7.7: Cumulative 2015, 2018, and 2023 Projects Identified in Louisiana

7.4.7 Oklahoma
The following major incremental projects were identified in Oklahoma for the 2023 study years.
Byron – Medicine Lodge – Hazelton 138 kV Rebuild
The conversion of the existing Medicine Lodge and Hazelton 69 kV lines to 138 kV is required to
alleviate load voltage levels at the Western Farmers Medicine Lodge and Hazelton substations. The
two substations will be radially fed from the Byron 138 kV substation.
Chisholm 345/230 kV Development
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The existing NTC for an Elk City 345/230 kV transformer and Elk City to Gracement 345 kV line was
modified to move the transformer to Chisholm 345/230 kV substation, build the 345 kV line between
Chisholm and Gracemont and cut into the Sweetwater to Elk City 230 kV line. The outage of Elk City
(Chisholm) to Gracemont 345 kV line or Elk City (Chisholm) 345/230 kV transformer caused the
Southwest Station to Carnegie to Hobart Junction 138 kV line to be overloaded. The Woodward District
EHV to Border 345 kV line will need to be cut into the Chisholm 345kV substation and a second
Chisholm 345/230 kV transformer will need to be installed.
Grant County - Clyde – Four Corners – Kremlin – NE Enid 138 kV line Reconductor/Rebuild
The outage of the Woodring to Waukomis Tap 138 kV line caused the Fairmont Tap to South 4th St 138
kV line to become overloaded. Reinforcing nearby 138 kV lines will alleviate this overload. This
development consists of reconductoring the 138 kV line from Clyde to Four Corners to Kremlin. The
138 kV lines will be extended by rebuilding the 69 kV lines from Clyde to Grant Count and from
Kremlin to NE Enid to 138 kV.
Figure 7.8 shows the cumulative (2015, 2018, and 2023) major HPILS projects identified in Oklahoma
for the 50/50 load forecast. The need dates for the developments shown on the diagrams are based on
the reliability assessment. Note that the lead times for the projects are not reflected in these diagrams.

100 of 184

Figure 7.8: Cumulative 2015, 2018, and 2023 Projects Identified in Oklahoma

Table 7.6 shows the list of projects identified for the 2023 50/50 forecast including projects needed by
2019, 2020, 2021 and 2022. Note that for the evaluation of the modified NTC-Cs, all projects
associated with the three options are included in the list. The final HPILS Portfolio contains a select set
of these projects based on the selected West Texas/New Mexico alternative.
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Issue
NTC

50/50
Need Year

Cowskin - Goddtap 69 kV Terminal Upgrades

No

2019

Barber - Medicine Lodge 138 kV Ckt 1

No

2023

State(s)
KS
KS
KS
KS
KS
KS
KS
KS
LA
LA
LA
LA
LA
LA
LA
LA
NE
NE
NE
NE
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
OK
OK
OK
OK
OK
OK
OK
OK
OK
OK

Upgrade Name
Atchison - Maur Hill - Kerford 69 kV Ckt 1 Rebuild
Atchison Rebuilds Phase 1

Barber 138/115 kV Ckt 1 Transformer
HEC - Huntsville 115 kV Ckt 1 Rebuild
Minneola 115 kV Cap Bank
Manning 115 kV Cap Bank

Benteler - McDade 345 kV Ckt 1

McDade 345/138 kV Ckt 1 Transformer
Messick 500/345 kV Ckt 1 Transformer
McDade - Messick 345 kV Ckt 1

Benteler 345/138 kV Ckt 1 Transformer

Benteler 345 kV Ckt 1 Terminal Upgrades
McDade 345 kV Ckt 1 Terminal Upgrades
Messick 500 kV Ckt 1 Terminal Upgrades

Plattesmouth - S985 69 kV Ckt 1 Terminal Upgrades
S906 - S928 69 kV Ckt 1 Rebuild

JCT205 - S901 69 kV Ckt 1 Rebuild
JCT205 - S910 69 kV Ckt 1 Rebuild

Potash Junction 345/115 kV Ckt 1 Transformer
Andrews 345/115 kV Ckt 1 Transformer

Andrews - Hobbs 345 kV Ckt 1 Voltage Conversion
Andrews - Cardinal 115 kV Ckt 1

Road Runner - Sage Brush 115 kV Ckt 1
Battle Axe - Wood Draw 115 kV Ckt 1

Terry County - Wolfforth 115 kV Ckt 1 Reconductor

Livingston Ridge - IMC #1 Tap 115 kV Ckt 1 Reconductor

Intrepid West Tap- Potash Junction 115 kV Ckt 1 Reconductor
IMC #2 - Intrepid West Tap 115 kV Ckt 1 Reconductor

Curry 115 kV Load Move
Oasis - Roosevelt County Interchange Switch 115 kV Ckt 1 Terminal
Upgrades
Border - Chisholm 345 kV Ckt 1

Chisholm - Woodward District EHV 345 kV Ckt 1
Chisholm 345 kV Ckt 2 Terminal Upgrades
Chisholm 345/230 kV Ckt 2 Transformer

Thomas Tap - Weatherford 69 kV Ckt 1 Rebuild
Roosevelt - Snyder 69 kV Ckt 1 Rebuild

Byron - Medlodge 138 kV Ckt 1 Rebuild

Hazelton - Medlodge 138 kV Ckt 1 Rebuild

Clyde - Grant County 138 kV Ckt 1 Rebuild

Clyde - Four Corners 138 kV Ckt 1 Reconductor

No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No

2020
2020
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2019
2022
2022
2021
2023
2023
2023
2023
2023
2023
2023
2023
2021
2021
2021
2021
2021
2021
2021
2021
2023
2023
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Issue
NTC

50/50
Need Year

Four Corners - Kremlin 138 kV Ckt 1 Reconductor

No

2023

El Dorado Junction - Gypsum 69 kV Ckt 1 Rebuild

No

2023

State(s)
OK
OK
OK
OK
OK
OK
OK
OK
OK
OK
OK
OK
OK
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX

Upgrade Name
Kremlin - NE Enid 138 kV Ckt 1 Rebuild
Gypsum - Russell 69 kV Ckt 1 Rebuild

El Dorado - Lake Pauline WTU 69 kV Ckt 1 Rebuild
Sandridge 138 kV Cap Bank
Brady 69 kV Cap Bank
Cleo 69 kV Cap Bank

Saline 69 kV Cap Bank

Sugden 69 kV Cap Bank

Walville 69 kV Cap Bank

Glasses - Russet 138 kV Ckt Terminal Upgrades

Kinzie - 19th Street 138 kV Ckt 1 Terminal Upgrades

Allen Substation – Lubbock South Interchange 115 kV Ckt 1 Rebuild
Big Sandy - Perdue 69 kV Ckt 1 Rebuild

Bowers - Grapevine 115 kV Reconductor
Tuco 345/230 kV Ckt 3 Transformer
Jones - Lubbock South 230 kV Ckt 3

Tuco 230/115 kV Ckt 1 Transformer

Hitchland 230/115 kV Ckt 2 Transformer
Carlisle 230/115kV Ckt 1 Transformer

Sundown - Wolfforth 230 kV Ckt 1 Reconductor
Sundown 230/115 kV Ckt 2 Transformer
Plant X 230/115 kV Ckt 2 Transformer

Seminole 230/115 kV Ckt 1 Transformer
Seminole 230/115 kV Ckt 2 Transformer

Wolfforth 230/115 kV Ckt 1 Transformer

Deaf Smith - Hereford 115 kV Ckt 2 Reconductor
Puckett - Soncy Tap 115 kV Ckt 1 Reconductor
Coulter - Puckett 115 kV Ckt 1 Reconductor

Northwest - Rolling Hills 115 kV Reconductor Ckt 1
Sundown 230/115 kV Ckt 1 Transformer
Bowers 115 kV Load Move
Acuff - Idalou 69 kV Ckt 1

Vickers 115 kV Load Move

Tuco 230/115 kV Ckt 3 Transformer

Carlisle - Doud Tap 115 kV Ckt 1 Reconductor
Doud - Doud Tap 115 kV Ckt 1 Reconductor

Doud Tap - Wolf Tap 115 kV Ckt 1 Reconductor
Wolf Tap - Yuma 115 kV Ckt 1 Reconductor

Hughes Springs - Jenkins REC T 69 kV Ckt 1 Rebuild
Castro 115 kV Cap Banks

Graham 115 kV Cap Banks

No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No
No

2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2019
2019
2019
2020
2023
2022
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
2023
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State(s)
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX/NM

Upgrade Name
Newtext 115 kV Cap Bank

Lone Star South - Wilkes 138 kV Ckt 1 Terminal Upgrades

Lubbock South - Wolfforth 230 kV Ckt 1 Terminal Upgrades
Frankford Sub - Murphy 115 kV Ckt 1 Terminal Upgrades
Amoco - Tuco 345 kV Ckt 1*

Amoco 345/230 kV Transformer Ckt 1*

Yoakum 345/230 kV Ckt 1 Transformer*

Yoakum 345 kV Ckt 1 Terminal Upgrades*
Tuco - Yoakum 345 kV Ckt 1*

Amoco - Hobbs 345 kV Ckt 1*

TX/NM
Hobbs - Yoakum 345 kV Ckt 1*
*Note that these upgrades are related to the three modified NTC-C’s

Issue
NTC

50/50
Need Year

No

2023

No
NTC-C
Modify
NTC-C
Modify
NTC-C
Modify
NTC-C
Modify
NTC-C
Modify
NTC-C
Modify
NTC-C
Modify

2023

No
No

Table 7.6: Reliability Projects Needed by 2023 for 50/50 Load Forecast

2023
2023
2020
2020
2020
2020
2020
2020
2020
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7.4.8 2023 90/10 Incremental Reliability Projects
In addition to the reliability projects identified as being needed for the 2023 50/50 HPILS load forecast,
the following additional projects were identified for the 2023 90/10 HPILS load forecast as shown in
Table 7.7 below.

State(s)

Upgrade Name

Issue
NTC
No

90/10
Need Year
2023

KS

Milan 138 kV Cap Bank

LA

Center 345/138 kV Ckt 1 Terminal Upgrades

No

2023

LA

Western Electric Tap - Stonewall 138 kV Ckt 1 Terminal Upgrades

No

2023

NE

Stuart - SW Holt 115 kV Ckt 1

No

2023

NE

SW Holt 345 kV Substation

No

2023

NE

SW Holt 345/115 kV Ckt 1 Transformer

No

2023

NE

S1258 345/161 kV Ckt 1 Transformer

No

2023

NE

Fullerton - PS24 115 kV Ckt 1

No

2023

NE

S1258 345 kV Terminal Upgrades

No

2023

NM

Battle Axe 345 kV Ckt 1 Terminal Upgrades

No

2019

NM

China Draw 345 kV Ckt 1 Terminal Upgrades #2

No

2019

NM

Battle Axe - Road Runner 345 kV Ckt 1

No

2019

NM

Battle Axe 345/115 kV Ckt 1 Transformer

No

2019

NM

Dollarhide - South Jal Sub 115 kV Ckt 1 Reconductor

No

2023

NM

Ochoa - Ponderosa Tap 115 kV Ckt 1 Reconductor

No

2023

NM

Ponderosa Tap - Whitten 115 kV Ckt 1 Reconductor

No

2023

NM

Potash Junction 345/115 kV Ckt 2 Transformer

No

2019

OK

Park Lane - Seminole 138 kV Ckt Terminal Upgrades

No

2023

OK

Seminole - Vanoss 138 kV Ckt Terminal Upgrades

No

2023

OK

Glencoe 138 kV Cap Bank

No

2023

OK

Keystone - Wekiwa 69 kV Ckt 1 Rebuild

No

2023

OK

Nowata - Watova 138 kV Ckt 1 Terminal Upgrade

No

2023

TX

Center 345/138 kV Ckt 1 Transformer

No

2023

TX

McLean - Wheeler 115 kV Ckt 1

No

2023

TX

Lubbock South - Woodrow 115 kV Ckt 1 Reconductor

No

2023

TX

Amoco - Sundown 230 kV Ckt 1 Reconductor

No

2023

TX

Big Sandy - Hawkins 69 kV Ckt 1 Rebuild

No

2023

TX

Mineola - Grand Saline 69 kV Ckt 1 Rebuild

No

2023

TX

North Mineola - Quitman 69 kV Ckt 1 Rebuild

No

2023

TX

Adora - Adora Tap 138 kV Ckt 1 Rebuild

No

2023

TX

Adora - Winfield 138 kV Ckt 1 Rebuild

No

2023

TX

Blocker - Blocker Tap 69 kV Ckt 1 Reconductor

No

2023

TX

Rockhill 138/69 kV Ckt 2 Transformer

No

2023

TX

Lone Star South - Pittsburgh 138 kV Ckt 1 Terminal Upgrades

No

2023

TX

New Prospect - Rockhill 138 kV Ckt 1 Terminal Upgrades

No

2023

TX

Rockhill 138 kV Ckt 2 Terminal Upgrades

No

2023

Center - Dolet Hills 345 kV Ckt 1

No

2023

TX/LA

Table 7.7: Incremental Reliability Projects Needed by 2023 for 90/10 Load Forecast
105 of 184

7.5 Evaluation of NTC-C Projects
Three suspended NTC-Cs were reevaluated to determine if these projects would be needed as reliability
or economic projects for HPILS.

7.5.1 Tuco to New Deal 345 kV
No reliability or economic needed was identified for this project. Therefore, the Tuco to New Deal 345
kV was not identified as being needed in the HPILS process.
7.5.2 Grassland to Wolfforth 230 kV line
This project was re-evaluated and was not needed when the Tuco-Amoco-Hobbs or the Tuco-YoakumHobbs West Texas/New Mexico options were in place. The project was also not needed with the
Yoakum-Hobbs development in place if the Lubbock South to Jones 230 kV circuit recommended as
part of the Yoakum-Hobbs solution can be constructed. The Grassland to Wolfforth 230 kV line will
only be considered if the Yoakum-Hobbs option is selected and if the Lubbock to Jones 230 kV line is
not constructible. However, considering 230 kV developments in the Lubbock area, additional
reinforcement may no longer be needed in this area.
7.5.3 Tuco to Amoco to Hobbs 345 kV line
This project was identified as one of three possible reliability solutions needed to provide a 345 kV
source into the New Mexico area load pocket.
Two alternate solutions were developed and compared to the Tuco-Amoco-Hobbs (TAH) project as
described in the West Texas/New Mexico discussion in Section 7.4 2023 Reliability Assessment. The
reliability projects associated with the TAH and the two alternate solutions, Yoakum-Hobbs (YH) and
Tuco-Yoakum-Hobbs (TYH) were evaluated and compared. In addition, the economic benefits of the
three reliability solutions (including the TAH line) were investigated as detailed in 8 Economic
Assessment below. The selection of the TYH solution as a modification to the re-evaluated TucoAmoco-Hobbs 345 kV line is discussed in Section 9.1 Project Selection and Section 9.4 HPILS Projects
Recommended for NTCs.

7.6 Generation Outlet and Load Facility Assessment
The Economic Study Working Group on January 16, 2014 recognized that potential overloading of
generator outlet facilities near the point of interconnection creates reliability needs when connecting new
generation, potentially increases congestion in the region, and skews B/C ratio of economic projects.
The HPILS included a Generation Outlet and Load Facility (GOLF) Assessment for HPILS generation
in the model used to serve HPILS load. The GOLF Assessment identified transmission projects required
for load or generation connection with a 20% Outage Transfer Distribution Factor (OTDF) or greater.
The assessment distinguished between projects needed to serve load and projects needed to interconnect
the HPILS generation. This assessment determined that the Mooreland to Woodward District 345 kV
line is a “but for” HPILS Generation Outlet Facility.
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8 Economic Assessment
An economic assessment was performed after reliability projects were identified and incorporated into
the economic models. The economic assessment was used to reevaluate the Tuco-Amoco-Hobbs 345
kV project (TAH) that had previously received an NTC-C. The NTC-C for TAH had been suspended by
the BOD in April 2013 due to receipt of a refined cost estimate that indicated considerably higher costs
than what had been assumed when it was first approved as an economic project out of the 2012 ITP 10.
The BOD directed that the project be reevaluated to see if it still provided net benefits given the new
cost estimate. The reevaluation was performed in HPILS because it provided the best opportunity to
complete a robust evaluation of continued need for the project under updated assumptions. SPP not only
reevaluated TAH in HPILS but also developed variations of the project to ascertain whether a better
option was available to not only address reliability needs but also provide economic benefits of relieving
congestion and reducing APC in the area and within the region. TAH and two optional projects,
described below as West Texas/New Mexico reliability alternatives, were modeled and evaluated
separately in conjunction with the other projects needed to meet HPILS reliability needs to determine
which of these alternatives would be the most attractive to carry through to the final project portfolio
from an APC savings perspective.
In this section, all values for APC savings reflect those savings expected over a one year period for the
2023 model year.

8.1 Evaluation of West Texas/New Mexico Reliability Alternatives
Each of the three West Texas/New Mexico reliability alternatives, as previously discussed in Section 7.4
2023 Reliability Assessment, were tested on the HPILS 2023 50/50 economic model on an incremental
basis. In order to capture the incremental benefits of the broader reliability portfolio, a base case model
without the reliability portfolio was developed and compared against multiple change case models. One
change case reflected the incremental reliability projects except for the specific West Texas/New
Mexico reliability alternatives and the other models reflected the full reliability portfolio build out
including each of the West Texas/New Mexico reliability alternatives.
The first comparison in Table 8.1 shows that the reliability portfolio without the West Texas/New
Mexico projects provides approximately $151.6 M in reduced APC to the SPP footprint. The second
comparison in Table 8.1 compares the total APC of the base case reliability model to a final reliability
portfolio that includes each of the West Texas/New Mexico reliability alternatives. As shown, the TYH
reliability configuration has a benefit of $167.9 M of APC savings, the highest benefit to the SPP
footprint among the reliability configurations compared.
Please refer to Appendix D for a complete list of SPP transmission service customers and other
customers represented in the SPP footprint calculation.
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SPP Footprint Summary
Adjusted Production Cost Delta (2023$, Millions)
Base Case Comparison to Incremental Reliability Portfolio
without West TX/NM Alternatives
SPP TS Customers Benefits

$

SPP Other Benefits (SWPA)

$

TOTAL (TS Customers + Other)

$

(152.0)
0.4
(151.6)

Base Case Comparison to Reliability Portfolio
with West TX/NM Alternatives
TAH

YH

TYH

SPP TS Customers Benefits

$

(163.6)

$

(137.5)

$

(167.6)

SPP Other Benefits (SWPA)

$

(0.3)

$

(0.1)

$

(0.3)

TOTAL (TS Customers + Other)

$

(164.0)

$

(137.5)

$

(167.9)

Regional1 SPP TSC APC Delta Breakdown (2023$, Millions)
AR

$

(0.2)

$

1.0

$

0.1

KS

$

(9.4)

$

(9.6)

$

(9.1)

LA

$

$

(0.2)

$

MO

$

(2.1)

$

(2.4)

$

NE

$

2.7

$

0.7

$

1.3

NM

$

(38.0)

$

(24.5)

$

(40.2)

OK

$

(0.8)

$

(5.6)

$

(2.3)

TX

$

(113.1)

$

(100.5)

$

(113.6)

-

(1.6)

1

Regional benefits exclude SPP IPP entities.

Table 8.1: 2023 50/50 Incremental Reliability Portfolio APC Delta

Table 8.2 shows the zonal breakdown of the total APC of the base case reliability model to a final
reliability portfolio that includes the TYH option of the West Texas/New Mexico reliability alternative.
The SPS zone is showing the largest amount of benefit with $155.6 M in reduced APC savings. This
includes benefits experienced by Golden Spread, the City of Lubbock, and other New Mexico Coops.
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Zonal SPP TSC APC Delta
Breakdown (2023$, Millions)
Zone
APC
AEPW
$
0.4
EMDE

$

(0.2)

GMO

$

0.8

GRDA

$

0.1

KCPL

$

(3.3)

LES

$

0.0

MIDW

$

(2.6)

MKEC

$

(1.5)

NPPD

$

1.2

OKGE

$

0.9

OPPD

$

0.1

SPCIUT

$

(0.6)

SUNC

$

3.1

SWPS

$

(155.6)

WFEC

$

(1.4)

WRI

$

(6.4)

Total

$

(165.1)

Table 8.2: 2023 50/50 TYH Incremental Reliability Portfolio APC Delta, Zonal Breakdown

Table 8.3 compares the total APC resulting from the portfolio that includes all identified reliability
projects except for the West Texas/New Mexico reliability alternatives to the same portfolio that
includes the West Texas/New Mexico reliability alternatives. This comparison demonstrates that the
YH reliability configuration reduces the APC savings provided by the reliability portfolio. It is
important to note that YH requires $35 M of reliability projects in and around Lubbock that are not
needed, if TYH is the recommended solution. The TAH and TYH reliability configurations show a
benefit of $12.4 M and $16.3 M, respectively. The TYH reliability configuration has both a higher
incremental economic benefit and lower incremental cost than TAH. It is also important to note that at
least one of these three options must be included in the reliability portfolio to solve the identified
reliability needs. This analysis helps identify which option is the most preferable based on economic
benefits provided.
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SPP Footprint Summary
Adjusted Production Cost Delta (2023$, Millions)
Incremental Reliability Portfolio to Reliability Portfolio
with West TX/NM Alternatives
TAH

YH

TYH

SPP TS Customers Benefits

$

(11.6)

$

14.5

$

(15.6)

SPP Other Benefits (SWPA)

$

(0.8)

$

(0.5)

$

(0.8)

TOTAL (TS Customers + Other)

$

(12.4)

$

14.1

$

(16.3)

Project Cost (2023$, Millions)
1 Yr Project Cost

$

52.0

$

22.4

$

48.0

Benefit / Cost Ratio Summary
SPP TS Customers Benefits

0.22

(0.65)

0.33

SPP Other Benefits (SWPA)

0.02

0.02

0.02

TOTAL (TS Customers + Other)

0.24

(0.63)

0.34

Table 8.3: 2023 50/50 West Texas/New Mexico Reliability Alternatives APC Delta

The YH reliability configuration represents the lowest incremental cost solution, even considering the
$35 M of reliability projects in and around Lubbock that are not needed with TYH. However, both the
TAH and TYH configurations indicate greater economic benefits to the SPP footprint, with the TYH
configuration showing the greatest incremental economic benefit. To demonstrate that the larger TYH
reliability solution can be supported based on economic benefit, the APCs of the TYH configuration and
the YH configuration excluding the reliability projects in and around Lubbock (shown below as YH’)
were compared to reflect the incremental value of extending the Yoakum-Hobbs line on to Tuco. The
extension from Yoakum to Tuco is shown in Table 8.4 as TY. As shown in Table 8.4, the incremental
economic benefit of TY is approximately $33 M at an incremental one-year project cost of $32.5 M.
This results in a benefit/cost ratio of 1.02 for the incremental TY project when added as an economic
enhancement to the YH’ solution.

SPP Footprint Summary

YH'

TYH

TY

Adjusted Production Cost Delta (2023$, Millions)
SPP TS Customers Benefits

$

17.4

$

(15.6)

$

(33.0)

SPP Other Benefits (SWPA)

$

(0.6)

$

(0.8)

$

(0.2)

TOTAL (TS Customers + Other)
$
16.8
Project Cost (2023$, Millions)

$

(16.3)

$

(33.1)

1 Yr. Project Cost

$

48.0

$

32.5

$
15.5
Benefit / Cost Ratio Summary

SPP TS Customers Benefits

(1.12)

0.33

1.02

SPP Other Benefits (SWPA)

0.04

0.02

0.01

(1.08)

0.34

1.02

TOTAL (TS Customers + Other)

Table 8.4: 2023 50/50 Inferred B/C of TY

The TYH reliability configuration is the best performing of the three options considered because it is an
integral part of the portfolio needed to solve reliability needs in the West Texas/New Mexico area and
adds the greatest regional APC benefit to the portfolio.
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8.2 Economic Needs Assessment
For further information and discussion on the economic needs assessment performed as part of the
study, please refer to Appendix E.
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PART III: DESIGNS & PORTFOLIOS
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9 Finalized Portfolio
9.1 Project Selection
Three major reliability solutions were developed to meet the reliability needs in the New Mexico area as
described and evaluated in Section 7
Reliability Assessment and Section 8
Economic Assessment above.
The three reliability options; TucoAmoco-Hobbs (TAH), Yoakum-Hobbs
(YH) and Tuco-Yoakum-Hobbs (TYH) ,
were compared based on their economic
benefit as well as their corresponding
Benefit/Cost ratios and the results showed
that the TYH option provided the highest
reduction in APC. In addition, the TucoYoakum section of the TYH 345 kV line
provided incremental economic value
greater than its cost.
Although all three options satisfied the
reliability needs, the TYH (shown in
Figure 9.1) was in the West Texas/New
Figure 9.1: Preferred West Texas/New Mexico Development
Mexico area developments based on its
higher economic performance that results in APC savings in excess of its cost.
The reliability projects in the final HPILS Portfolio are based on this TYH selection and are presented in
more detail below.

9.1.1 Projects Excluded from the HPILS Portfolio
Note that projects recommended as part of the ITPNT, although identified as a need in the HPILS
reliability assessments have been excluded from the final HPILS Portfolio since these projects have
received NTCs through the 2014 ITPNT process.
In addition, through the iterative process of reducing the scale of the transmission development to serve
the 50/50 load forecasts, other projects such as the 120 miles of 345 kV transmission lines connecting
the China Draw, Roadrunner and Andrew substations to Battle Axe were removed from the HPILS
Portfolio. These projects were recommended by stakeholders as shown in the SPS “Plan to Serve Load”
in Appendix F. The total conceptual cost estimate for these specific projects is at least $150 M.
For details regarding some of the larger 2014 ITPNT projects not included in the final HPILS Portfolio,
see Appendix B.
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9.2 Finalized Portfolio Projects
The projects listed in Table 9.1 below are the major 14 projects included in the finalized HPILS Portfolio.
Although the combined project portfolio provides an economic benefit (reduced APC), each of the
projects provides primarily a reliability function.

State(s)
KS
KS
KS
KS
KS
KS
KS
KS
KS
KS
KS
KS
KS
KS
KS
KS
KS
KS
KS
KS
KS
KS
KS
14

Upgrade Name
Harper - Rago 138 kV
Ckt 1
Anthony - Bluff City 138
kV Ckt 1
Bluff City - Caldwell 138
kV Ckt 1
Caldwell - Mayfield 138
kV Ckt 1
Mayfield - Milan 138 kV
Ckt 1
Coldwater Tap - Shooting
Star Wind 115 kV Ckt 1
Coldwater - Coldwater
Tap 115 kV Ckt 1
Clark Tap - Minneola 115
kV Ckt 1
Midwest Pump Tap 115
kV Substation
Clark Co. 345/115 kV
Ckt 1 Transformer
Ashland - Coldwater Tap
115 kV Ckt 1
Ashland - Clark Tap 115
kV Ckt 1
Anthony - Harper 138 kV
Ckt 1
Sun City - Sun South 115
kV Ckt 1
Midwest Pump - Midwest
Pump Tap 115 kV Ckt 1
Milton 138 kV Substation
Tallgrass 138 kV
Substation
Atchison Rebuilds Phase
1
HEC - Huntsville 115 kV
Ckt 1 Rebuild
Barber - Medicine Lodge
138 kV Ckt 1
Barber 138/115 kV Ckt 1
Transformer
Clearwater - Milan Tap
138 kV Rebuild (WR)
Clearwater - Milan Tap
138 kV Ckt 1 Rebuild

50/50
Need Date

90/10
Need Date

2015

2015

$13,666,262

2015

2015

$8,335,592

2015

2015

$19,286,271

2015

2015

$14,413,382

2015

2015

$15,155,080

2015

2015

$13,724,798

2015

2015

$7,028,362

2015

2015

$6,602,085

2015

2015

$4,100,000

2015

2015

$10,516,124**

2018

2018

$21,596,406

2018

2018

$21,963,871

2018

2015

$20,992,491

2015

2015

$13,684,312

2015

2015

$3,689,116

2015

2015

$4,100,000

2015

2015

$4,100,000

2020

2020

$7,740,000

2023

2023

$6,042,249

2023

2018

$217,378

2023

2018

$2,810,198

2018

$10,688,169

2018

$10,688,169

Cost Estimate

Excludes terminal upgrades, capacitor banks and any reinforcement lower than 100 kV
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State(s)

Upgrade Name

50/50
Need Date

90/10
Need Date

2015

2015

$2,248,743

2015

2015

$2,548,575

2023

2018

$13,083,537

2023

2018

$10,516,124

2023

2018

$19,718,950

2023

2018

$45,792,379

2023

2018

$10,516,124

Cost Estimate

(MKEC)

LA

Benteler - Port Robson
138 kV Ckt 1
Benteler - Port Robson
138 kV Ckt 2
Benteler - McDade 345
kV Ckt 1
McDade 345/138 kV Ckt
1 Transformer
Messick 500/345 kV Ckt
1 Transformer
McDade - Messick 345
kV Ckt 1
Benteler 345/138 kV Ckt
1 Transformer

NE

S1260 161 kV Substation

2015

2015

$4,636,045

NE

S1398 161 kV Substation
Thedford 345/115 kV
Transformer
Humboldt 161/69 kV Ckt
1 Transformer
Stuart - SW Holt 115 kV
Ckt 1
SW Holt 345 kV
Substation
SW Holt 345/115 kV Ckt
1 Transformer
S1258 345/161 kV Ckt 1
Transformer
Fullerton - PS24 115 kV
Ckt 1
Potash Junction 230/115
kV Ckt 1
Andrews 230/115 kV Ckt
1 Transformer
Hopi Sub - North Loving
115 kV Ckt 1
China Draw - North
Loving 115 kV Ckt 1

2015

2015

$2,824,664

2016

2016

$9,306,000

2018

$6,892,209

2023

$29,512,930

2023

$11,668,774

2023

$10,516,124

2023

$10,516,124

2023

$11,067,349

2015

2015

$3,320,942

2015

2015

$9,503,243

2015

2015

$10,718,511

2015

2015

$11,522,302

Kiowa 345 kV Substation
Road Runner 345/115 kV
Ckt 1 Transformer
Road Runner 345 kV
Substation Conversion
Kiowa 345/230 kV Ckt 1
Transformer
Potash Junction - Road
Runner 345 kV Ckt 1
Voltage Conversion
Hobbs - Kiowa 345 kV
Ckt 1
China Draw - North
Loving 345 kV Ckt 1
Kiowa - North Loving
345 kV Ckt 1

2018

2018

$10,142,928

2018

2018

$4,577,343

2018

2018

$3,930,065

2018

2018

$5,955,675

2018

2018

$7,097,576

2018

2018

$55,846,663

2018

2018

$18,290,178

2018

2018

$23,457,538

LA
LA
LA
LA
LA
LA

NE
NE
NE
NE
NE
NE
NE
NM
NM
NM
NM
NM
NM
NM
NM

NM
NM
NM
NM
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50/50
Need Date

90/10
Need Date

2018

2018

$4,390,007

2018

2018

$5,583,339

2018

2018

$6,579,825

2015

2015

$4,108,415

2018

2018

$12,688,747

2018

2018

$3,849,635

2018

2018

$4,007,502

2018

2018

$7,286,428

2018

2018

$1,382,368

2018

2018

$5,827,378

2018

2018

$6,351,568

2018

2018

$8,611,667

2015

2015

$6,928,199

2018

2018

$2,496,948

2018

2018

$2,496,948

2018

2018

$40,000,000

2018

2018

$40,000,000

2018

2018

$810,097

2018

2018

$4,892,131

2018

2018

$13,659,867

2018

2018

$1,047,575

2018

2018

$997,575

2018

2018

$4,071,449

2018

2018

$4,727,414

2018

2018

$12,574,305

2018

2018

$2,964,499

2018

2018

$308,657

NM

China Draw 115 kV SVC
Toboso Flats 115 kV
SVC
Toboso Flats 115 kV
Substation
Dollarhide - Toboso Flats
115 kV Ckt 1
China Draw - Yeso Hills
115 kV Ckt 1
Yeso Hills 115 kV
Substation
Ponderosa 115 kV
Substation
Ponderosa Tap 115 kV
Substation
Ponderosa - Ponderosa
Tap 115 kV Ckt 1
Battle Axe - Road Runner
115 kV Ckt 1
Battle Axe 115 kV
Substation
Oxy South Hobbs 115 kV
Substation
Potash Junction 345/115
kV Ckt 1 Transformer

2019

2019

$10,516,124

NM

Andrews - Cardinal 115

2021

2019

$8,853,879

State(s)
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM
NM

Upgrade Name
China Draw 345/115 kV
Ckt 1 Transformer
North Loving 345/115 kV
Ckt 1 Transformer
North Loving 345 kV
Substation
Andrews - NEF 115 kV
Ckt 1
China Draw - Wood
Draw 115 kV Ckt 1
Livingston Ridge 115 kV
Substation Conversion
Sage Brush 115 kV
Substation
Livingston Ridge - Sage
Brush 115 kV Ckt 1
Lagarto 115 kV
Substation
Largarto - Sage Brush
115 kV Ckt 1
Cardinal 115 kV
Substation
Cardinal - Lagarto 115
kV Ckt 1
North Loving - South
Loving 115 kV Ckt 1
Artesia 115/69 kV Ckt 1
Transformer
Artesia 115/69 kV Ckt 2
Transformer

Cost Estimate
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State(s)

50/50
Need Date

90/10
Need Date

2022

2022

$10,516,124

2022

2022

$30,530,000

2023

2023

$14,756,465

2023

2023

$11,067,349

2023

2023

$4,351,605

2023

2023

$693,867

2023

2023

$1,787,512

Curry 115 kV Load Move
Battle Axe - Road Runner
345 kV Ckt 1
Battle Axe 345/115 kV
Ckt 1 Transformer
Dollarhide - South Jal
Sub 115 kV Ckt 1
Reconductor
Ochoa - Ponderosa Tap
115 kV Ckt 1
Reconductor
Ponderosa Tap - Whitten
115 kV Ckt 1
Reconductor
Potash Junction 345/115
kV Ckt 2 Transformer
Darlington - Roman Nose
138 kV Ckt 1
Darlington - Red Rock
138 kV Ckt 1
Grady - Round Creek 138
kV Ckt 1
Grady - Phillips 138 kV
Ckt 1 & 2
Stonewall - Wapanucka
138 kV Ckt 1

2023

2023

Ellis 138 kV Substation
Carmen 138/69 kV Ckt 1
Transformer
Cherokee Junction Tap
138/69 kV Ckt 1
Transformer
Carmen - Cherokee
Junction 69 kV Ckt 1
Rebuild
Cherokee Junction Tap
138 kV Substation

Upgrade Name

Cost Estimate

kV Ckt 1
NM
NM
NM
NM

NM

NM

NM
NM
NM
NM

NM

NM

NM
NM
OK
OK
OK
OK
OK
OK
OK

OK

OK
OK

Andrews 345/115 kV Ckt
1 Transformer
Andrews - Hobbs 345 kV
Ckt 1 Voltage Conversion
Road Runner - Sage
Brush 115 kV Ckt 1
Battle Axe - Wood Draw
115 kV Ckt 1
Livingston Ridge - IMC
#1 Tap 115 kV Ckt 1
Reconductor
Intrepid West Tap- Potash
Junction 115 kV Ckt 1
Reconductor
IMC #2 - Intrepid West
Tap 115 kV Ckt 1
Reconductor

2019

$19,625,305

2019

$10,516,124

2023

$1,700,205

2023

$4,161,825

2023

$2,717,111

2019

$10,516,124

2015

2015

$26,416,440

2015

2015

$15,277,233

2015

2015

$12,132,497

2015

2015

$8,318,584

2015

2015

$8,934,149

2015

2015

$4,100,000

2016

2016

$2,810,198

2016

2016

$2,810,198

2016

2016

$10,505,465

2016

2016

$4,100,000
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State(s)
OK
OK
OK
OK
OK
OK
OK
OK

OK
OK
OK
OK

OK
OK
OK
OK

OK
OK

OK
OK

TX
TX
TX
TX
TX

Upgrade Name
SW Station - Warwick
Tap 138 kV Ckt 1
Linwood - SW Station
138 kV Ckt 1
Knipe - SW Station 138
kV Ckt 1
Elk City 138/69 kV Ckt 1
Transformer *
Bufbear 138 kV Sub
Conversion
Buffalo 138/69 kV Ckt 1
Transformer
Bufbear - Ft. Supply 138
kV Ckt 1 Rebuild
Bufbear - Buffalo 138 kV
Ckt 1 Rebuild
Mooreland - Woodward
District EHV 345 kV Ckt
1
Byron - Medlodge 138
kV Ckt 1 Rebuild
Hazelton - Medlodge 138
kV Ckt 1 Rebuild
Border - Chisholm 345
kV Ckt 1
Chisholm - Woodward
District EHV 345 kV Ckt
1
Chisholm 345/230 kV
Ckt 2 Transformer
Clyde - Grant County 138
kV Ckt 1 Rebuild
Clyde - Four Corners 138
kV Ckt 1 Reconductor
Four Corners - Kremlin
138 kV Ckt 1
Reconductor
Kremlin - NE Enid 138
kV Ckt 1 Rebuild
Bartlesville Commanche Mound Road 138 kV Ckt
1 Rebuild
Keystone - Wekiwa 69
kV Ckt 1 Rebuild
Allen Substation –
Lubbock South
Interchange 115 kV Ckt
1 Rebuild
Mustang - Shell CO2 115
kV Ckt 1
Hereford 115/69 kV Ckt 1
Transformer
Hereford 115/69 kV Ckt 2
Transformer
Hale County - Tuco 115
kV Ckt 1 Reconductor

50/50
Need Date

90/10
Need Date

2018

2018

$28,572,000

2018

2018

N/A

2018

2018

N/A

2017

2017

$2,810,198

2018

2015

2018

2015

$2,810,198

2018

2015

$13,246,021

2018

2015

$2,968,936

2018

2018

$13,083,537

2021

2021

$6,303,279

2021

2021

$11,510,336

2021

2021

$654,177

2021

2021

$654,177

2021

2021

$10,516,124

2023

2023

$8,175,993

2023

2018

$5,625,708

2023

2018

$4,511,762

2023

2023

$7,262,474

2015

$2,557,852

2023

$1,827,037

2019

2019

2015

2015

$4,786,717

$16,770,522

2018

2018

$2,496,948

2018

2018

$2,496,948

2018

2018

$9,415,457

Cost Estimate
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State(s)

Upgrade Name

NM

Bowers - Grapevine 115
kV Reconductor
Hitchland 230/115 kV
Ckt 2 Transformer
Carlisle 230/115kV Ckt 1
Transformer
Sundown - Wolfforth 230
kV Ckt 1 Reconductor
Sundown 230/115 kV Ckt
2 Transformer
Plant X 230/115 kV Ckt 2
Transformer
Seminole 230/115 kV Ckt
1 Transformer
Seminole 230/115 kV Ckt
2 Transformer
Wolfforth 230/115 kV
Ckt 1 Transformer
Deaf Smith - Hereford
115 kV Ckt 2
Reconductor
Puckett - Soncy Tap 115
kV Ckt 1 Reconductor
Coulter - Puckett 115 kV
Ckt 1 Reconductor
Northwest - Rolling Hills
115 kV Reconductor Ckt
1
Bowers 115 kV Load
Move
Vickers 115 kV Load
Move
Carlisle - Doud Tap 115
kV Ckt 1 Reconductor
Doud - Doud Tap 115 kV
Ckt 1 Reconductor
Doud Tap - Wolf Tap 115
kV Ckt 1 Reconductor
Wolf Tap - Yuma 115 kV
Ckt 1 Reconductor
Center 345/138 kV Ckt 1
Transformer
McLean - Wheeler 115
kV Ckt 1
Lubbock South Woodrow 115 kV Ckt 1
Reconductor
Rockhill 138/69 kV Ckt 2
Transformer
Center - Dolet Hills 345
kV Ckt 1
Potash Junction - Road
Runner 230 kV Ckt 1
Road Runner 230/115 kV
Substation

NM

Hobbs 345/230 kV

TX
TX
TX
TX
TX
TX
TX
TX
TX

TX
TX
TX

TX
TX
TX
TX
TX
TX
TX
TX
TX

TX
TX
TX/LA
NM

50/50
Need Date

90/10
Need Date

2019

2019

$1,796,703

2023

2023

$6,020,434

2023

2023

$6,020,434

2023

2023

$22,580,725

2023

2023

$6,020,434

2023

2023

$6,020,434

2023

2023

$6,020,434

2023

2023

$6,020,434

2023

2023

$6,020,434

2023

2023

$997,147

2023

2023

$326,255

2023

2023

$1,056,884

2023

2023

$3,832,353

2023

2023

2023

2023

2023

2023

$1,148,787

2023

2023

$781,175

2023

2023

$643,321

2023

2023

$367,612

2023

$10,516,124

2023

$25,823,814

2023

$2,747,898

2023

$2,810,198

2023

$58,875,915

2015

2015

$3,491,968

2015

2015

$2,107,123

2018

2018

$10,262,813

Cost Estimate
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State(s)

Upgrade Name

50/50
Need Date

90/10
Need Date

Cost Estimate

Transformer Ckt 1
Yoakum 345/230 kV Ckt
1 Transformer
2020
2020
Tuco - Yoakum 345 kV
Ckt 1
2020
2020
TX
Hobbs - Yoakum 345 kV
Ckt 1
2020
2020
TX/NM
* An alternate solution for this project will be evaluated through the ITP10/ITPNT process.
TX

$4,929,607
$160,991,967
$69,907,711

** Clark County transformer cost was based on SPP conceptual cost estimates.

Table 9.1: Major Projects in the HPILS Portfolio

9.3 Staging Considerations
Section 6.6 Reliability Project Staging describes the procedure used to stage the projects in the HPILS
Portfolio. In addition to this procedure, special considerations were given to these projects as the
portfolio was refined with stakeholder input. The need dates for all of the projects can be found in
Appendix C. The total project costs by need by date are shown in Figure 9.2.
Note that the total projects costs in each need year are based on a combination of conceptual SPP
calculated cost estimates and SCERTs provided by the Stakeholders.

*$238 M is associated with the modified NTC-C

Figure 9.2: HPILS Portfolio Costs by Need by Year ($ millions)
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9.4 HPILS Projects Recommended for NTCs
The HPILS TF determined the criteria for the selection of projects in the HPILS Portfolio that should
receive new NTCs. The criteria is as described below.
NTCs should be issued for those reliability projects with need dates through 2017, as well as projects
requiring a financial commitment prior to August 2015. The August 2015 reference is significant
because that is expected to be the earliest start for reliability projects not needed within three years
resulting from 2015 ITP10 and ITPNT study processes due to the Order 1000 compliant competitive
environment that will exist then.
Based on the selection criteria, NTCs are recommended for the projects listed in Table 9.2 by project
location (state). Note that the transmission projects required only for load connections that would be
recommended for NTCs (a total of $327 M) are not listed in Table 9.2 but are provided in Appendix A.

State(s)

Upgrade Name

Project
Lead Time
(Months)

50/50
Year

90/10
Year

Cost Estimate

KS

Kansas Avenue - Dobson - Gano 115 kV
Ckt 1 Terminal Upgrades

24

2015

2015

$134,366

KS

Garden City - Kansas Avenue 115 kV Ckt
1 Terminal Upgrades

12

2015

2015

$124,484

KS

Ashland - Coldwater Tap 115 kV Ckt 1

36

2018

2018

$21,596,406

KS

Ashland - Clark Tap 115 kV Ckt 1

36

2018

2018

KS

Anthony - Harper 138 kV Ckt 1

36

2018

2015

$21,963,871

NE

Spalding 115 kV Cap Bank

12

2015

2015

$600,000

NE

Thedford 345/115 kV Transformer

48

2016

2016

$9,306,000

NE

Thedford 345 kV Terminal Upgrades

48

2016

2016

$930,800

NM

Eagle Creek 115 kV Cap Bank

12

2015

2015

$1,360,435

NM

Potash Junction 230/115 kV Ckt 1

24

2015

2015

$3,320,942

NM

Andrews 230/115 kV Ckt 1 Transformer

24

2015

2015

$9,503,243

NM

Hobbs - Kiowa 345 kV Ckt 1

48

2018

2018

$55,846,663

NM

Andrews - NEF 115 kV Ckt 1

36

2015

2015

$4,108,415

OK

Darlington - Roman Nose 138 kV Ckt 1

36

2015

2015

$26,416,440

OK

Alva OGE 69 kV Terminal Upgrades

12

2015

2015

$180,000

OK

Jenson - Jenson Tap 138 kV Ckt 1
Terminal Upgrades

12

2015

2015

$0

OK

Freedom 69 kV Cap Bank

18

2015

2015

$125,000

OK

Carmen - Eagle Chief 69 kV Ckt 1
Reconductor

24

2015

2015

$3,492,160

OK

Eagle Chief 69 kV Cap Bank

18

2015

2015

$190,000

OK

Carmen 138 kV Ckt 1Terminal Upgrades

24

2016

2016

OK

Carmen 138/69 kV Ckt 1 Transformer

24

2016

2016

$2,810,198

OK

Cherokee Junction Tap 138/69 kV Ckt 1
Transformer

24

2016

2016

$2,810,198

$20,992,491
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State(s)

Upgrade Name

Project
Lead Time
(Months)

50/50
Year

90/10
Year

Cost Estimate

OK

Carmen - Cherokee Junction 69 kV Ckt 1
Rebuild

24

2016

2016

$10,505,465

OK

Cherokee Junction Tap 138 kV
Substation

24

2016

2016

$4,100,000

OK

SW Station - Warwick Tap 138 kV Ckt 1

36

2018

2018

$28,572,000

OK

Linwood - SW Station 138 kV Ckt 1

36

2018

2018

N/A

OK

Knipe - SW Station 138 kV Ckt 1

36

2018

2018

N/A

TX

Mustang - Shell CO2 115 kV Ckt 1

36

2015

2015

$16,770,522

Table 9.2: New NTC (Excludes Projects for Load Connection) Projects in the HPILS Portfolio

Figure 9.3 shows the total cost of New NTC projects by state including the transmission projects needed
for load connection.

Figure 9.3: Project NTC Costs by Need by Year and Location ($ millions)

9.5 Mitigation Plans
Based on estimated lead times for HPILS NTC projects and targeted need dates, there are some
reliability needs that will require mitigation. For those reliability needs directly related to
interconnection of new load, mitigation will consist of simply not connecting the load until the requisite
project is in service.
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All HPILS NTC projects will be subject to the project tracking process defined in SPP OATT Business
Practice 7060. SPP requires a mitigation plan to be filed by the designated TO if the in-service date of a
project is anticipated to be beyond the Need Date established on the NTC. All mitigation plans must be
received within 60 calendar days from the determination of the delay.

9.6

Cost Allocation and Rate Impacts of HPILS Projects

All projects issued NTCs as a result of the HPILS will be considered Base Plan Upgrades and subject to
the Highway Byway cost allocation methodology described in Attachment J of the SPP Open Access
Transmission Tariff (OATT). Highway Byway cost allocation is determined by the voltage of the
facility. The higher the voltage, the higher the percentage of the Regional recovery of the facility’s
Annual Transmission Revenue Requirement (ATRR) as shown in Table 9.3 below.

Voltage

Regional

Zonal

300 kV and Above
100 kV – 299 kV
Below 100 kV

100%
33%
0%

0%
67%
100%

Table 9.3: Highway Byway Ratemaking

The following inputs and assumptions were required to cost allocate HPILS upgrades:
•
•
•
•
•
•
•

Total investment of each upgrade as estimated in today’s dollar
o 2.5% Construction Price Inflation was applied
Transmission Owner’s estimated individual annual carrying charge %
Voltage level of each upgrade
In-service year of each upgrade
2.5% annual straight line rate base depreciation, year on year
Mid-year convention for facilities going into rates
SPP Pricing Zone per OATT Attachment H, Table 1 (Zone) of each HPILS incremental upgrade.
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Figure 9.4, below, shows the ATRR allocated to each Zone from the incremental HPILS upgrades.

Figure 9.4: HPILS Cost Allocation Forecast by SPP Pricing Zone

The SPP OATT also requires that a “Rate Impact Analysis” be performed for each Integrated
Transmission Plan (ITP) per Attachment O: Transmission Planning Process, Section III: Integrated
Transmission Planning Process, Sub-Section 8.
The rate impact analysis process was developed under the direction of the Regional State Committee in
2010-2011 by the Rate Impact Task Force (RITF). The RITF developed a methodology that estimates
the monthly electric bill impact to a typical Retail Residential customer of each Zone. Zones performed
a general update of their specific inputs in December of 2013.
The ATRR of the peak year of 2019 is allocated to the Retail Rate by the individual Zone’s customer
class allocation percentage. This value is then divided by the sales forecast in the peak year (the billing
determinant) to determine the change in the rate due to HPILS incremental upgrades. This rate is then
multiplied by a typical SPP monthly Retail Residential consumption of 1000 kWh per month.
The Rate Impact was determined for costs only. Offsetting benefits were not included.
The result is the monthly Rate Impact 15 as shown in Figure 9.5.

15

http://www.spp.org/publications/RITF%20Output%20for%20RSC%20Jan%2024%202011%20REV%204.ppt
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Figure 9.5: Monthly Rate Impact
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10

Benefit Metric and 40-Year Financial Analysis

The final incremental benefit metric was calculated on the recommended, modified NTC-C of TucoYoakum-Hobbs 345kV in 2020 and 2023 for the 50/50 scenario. The year 2018 was used as a proxy for
the need year (2020) of the reliability alternative. The benefit of 1-year and 40-year APC savings were
developed for this study.

10.1 Benefits Reported on a Portfolio Basis
The incremental benefits regarding TYH as part of the recommended portfolio were calculated based on
the APC delta between the change case and base case. The change case includes the list of
recommended HPILS portfolio projects and those projects identified in both the HPILS and 2014 ITPNT
studies. The base case includes the same projects but excludes the projects associated with the TYH 345
kV alternative. The incremental benefits as reported are based on the delta in SPP footprint APC.

10.2 APC Savings
10.2.1 One-Year APC Savings
The information shown in Table 10.1 pertains only to the referenced study years and does not include
the full benefits expected over the life of the projects. The values in the table represent the APC savings
expected from adding TYH to the HPILS portfolio.

Incremental Benefit

2020*

2023

$6.8

$16.3

*2020 values interpolated from 2018 and 2023 data points

Table 10.1: One-Year APC Savings for SPP Resulting from TYH ($ millions)

10.2.2 Forty-Year Financial Analysis
To calculate the benefits over the expected 40-year life of the alternative, two years were analyzed, 2018
and 2023, and the APC savings calculated. To determine the annual growth for each of the 40 years, the
slope between the two points was used to extrapolate the benefits for every year beyond 2023 over a 40year timeframe beginning in 2020. Benefits were assumed to remain constant at the year 20 value for
years 21 through 40 of the analysis. Each year’s benefit was then discounted using an 8% discount rate.
The sum of all discounted benefits was presented as the Net Present Value (NPV) benefit. This
calculation was performed for every zone.
The zonal, state, and regional benefits for the selected West Texas/New Mexico reliability alternative
are shown in Table 10.2 and Table 10.3 as an APC Delta, negative numbers indicating positive benefit.
Note that for these benefits, the Independent Power Producers (IPPs) and SWPA zones are excluded
from the benefit values.
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AEPW

NPV APC
Delta
$37.2

EMDE

($0.5)

Zone

GMO

$5.9

GRDA

$8.1

KCPL

$2.8

LES

$1.9

MIDW

($13.6)

MKEC

$13.6

NPPD

$0.9

OKGE

$74.0

OPPD

$5.0

SPCIUT

($17.6)

SUNC

($4.4)

SWPS

($533.4)

WFEC

($6.9)

WRI

$17.9

Total

($409.1)

Table 10.2: Forty-Year Zonal APC Delta
State
Arkansas
Kansas
Louisiana

NPV APC Delta ($Millions)
$14.9
$10.2
$3.5

Missouri

($6.2)

Nebraska

$7.8

New Mexico
Oklahoma

($400.4)
$96.0

Texas

($135.1)

Total

($409.1)

Table 10.3: Forty-Year State APC Delta

10.2.3 Benefits of Reliability Projects
Consistent with prior ITP assessments, it is assumed that the reliability projects for HPILS provide a 1.0
B/C ratio. As a result, the projected $573 M in new NTC reliability projects would be estimated to
provide benefits of $573 M.
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11 Conclusion
The HPILS Portfolio is a set of projects that are expected to meet the projected reliability needs under
the 50/50 load forecast scenarios for the horizon ending in 2023. The portfolio outlines transmission
that proved flexible enough to meet the criteria requirements in a cost effective manner and provide
economic value.
The projects in the portfolio were studied through an iterative process to reduce the scale of the
transmission development. The assessment utilized a diverse array of power system and economic
analysis tools to evaluate the need for transmission projects that satisfy needs such as:
a)
b)
c)
d)

resolving potential criteria violations;
mitigating known or foreseen congestion;
improving access to markets; and
staging transmission expansion;

Confidence in the findings of the study was encouraged through the use of multiple assessment
methodologies that evaluated the system from different perspectives and included a comprehensive
review by the HPILS Task Force and the respective member areas. This brought about thorough vetting
of each project. Study tools and drivers were successfully benchmarked against historical expectations
and cost estimates were developed using stakeholder provided cost estimates (SCERTS) as well as
typical per unit cost estimate values.
Continuous feedback concerning the technical details of needs identified in the system, the study
findings and projects selected were consistent with the requirements outlined in the approved HPILS
scope of work.
Stakeholders provided review, direction, technical expertise, and project suggestions throughout the
study process. Multiple meetings, teleconferences, and communications exchanged provided
transparency and ensured both regional and local considerations were taken into account.

11.1 HPILS by the numbers
Project need dates were identified as well as the anticipated project financial commitment start dates.
This information was used to implement the selection of projects for NTCs. Based on the HPILS Task
Force approval, recommendations for NTCs issuance were based on reliability projects with need dates
through 2017, as well as projects needing a financial commitment prior to July 2015 which would be the
earliest start for projects resulting from 2015 ITP10 study process.
Figure 11.1 shows a staging of the projects with a magnitude of the expected project costs by need date.
The cost of the HPILS Portfolio 16 was estimated at $1.5 B (billion), $573 M (million) of which are
recommended to receive new NTCs. The re-evaluated and recommended Tuco-Yoakum-Hobbs solution
for the West Texas/New Mexico area was estimated at $238 M. The HPILS Portfolio only includes the
projects required to meet the 50/50 load forecasts.

16

Note that this only included project needed for the 50/50 load forecast
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The HPILS assessment also included the evaluation of the following suspended NTC-Cs with the
following conclusions:
1. Tuco to New Deal 345 kV: No reliability or economic need was identified for this project.
Therefore, the Tuco to New Deal 345 kV was not evaluated in the HPILS process.
2. Grassland to Wolfforth 230 kV line: This project was identified as a possible reliability
solution to address the overloads observed near Lubbock area in the 2023 scenarios. However,
based on the final HPILS Portfolio, this project was not required to meet reliability criteria
outlined in the HPILS scope.
3. Tuco to Amoco to Hobbs (TAH) 345 kV line: This project was identified as one of three
possible reliability solutions needed to provide a 345 kV source into the New Mexico area load
pocket. However the Tuco - Yoakum - Hobbs 345 kV line was selected over the TAH option
because it provided higher economic value with higher benefits and lower installed costs.

Figure 11.1: HPILS Portfolio Costs by Need Year ($ millions)

“New NTC” represents projects that did not previously have an NTC issued that were identified in the
HPILS process. “NTC-C Modify” represents projects with previously issued or suspended NTC-Cs that
were modified or accelerated in the HPILS/ITPNT process.
NTCs will be issued for all projects shown below as new NTC and NTC-C Modify, as well as projects
designated as being Direct Assigned. Projects with new NTC and NTC-C Modify will be Base Plan
funded. Projects shown as TBD (To Be Determined) are uncertain. Projects in the Others category are
part of the HPILS Portfolio which did not need immediate commitment and can be re-evaluated in future
ITP studies.
An incremental $285 million of projects were developed to reliably serve the incremental 90/10 load
forecasts as shown in Figure 11.2 below.
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.
Figure 11.2: Incremental HPILS 90/10 Project Costs by Need Year ($ millions)

The 230 kV and above projects listed in Table 11.1 below make up the greater part of the HPILS
Portfolio. The complete list of projects included in the HPILS Portfolio can be found in Appendix C.
Issue
NTC

50/50
Need Year

90/10
Need Year

Yes

2015

2015

Yes

2016

2016

Yes

2016

2016

$930,800

Yes

2015

2015

$3,320,942

Yes

2015

2015

$9,503,243

Kiowa 345 kV Substation
Road Runner 345/115 kV Ckt 1
Transformer
Road Runner 345 kV Substation
Conversion
Kiowa 345/230 kV Ckt 1
Transformer
Potash Junction - Road Runner
345 kV Ckt 1 Voltage
Conversion

Yes

2018

2018

$10,142,928

Yes

2018

2018

$4,577,343

Yes

2018

2018

$3,930,065

Yes

2018

2018

$5,955,675

Yes

2018

2018

$7,097,576

Yes

2018

2018

$55,846,663

Yes

2018

2018

$18,290,178

NM

Hobbs - Kiowa 345 kV Ckt 1
China Draw - North Loving 345
kV Ckt 1
Kiowa - North Loving 345 kV
Ckt 1

Yes

2018

2018

$23,457,538

NM

China Draw 345/115 kV Ckt 1

Yes

2018

2018

$4,390,007

State(s)
KS
NE
NE
NM
NM
NM
NM
NM
NM

NM
NM
NM

Upgrade Name
Clark Co. 345/115 kV Ckt 1
Transformer
Thedford 345/115 kV
Transformer
Thedford 345 kV Terminal
Upgrades
Potash Junction 230/115 kV Ckt
1
Andrews 230/115 kV Ckt 1
Transformer

Cost Estimate
$10,516,124

$9,306,000
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State(s)

Upgrade Name

Issue
NTC

50/50
Need Year

90/10
Need Year

Yes

2018

2018

$4,318,803

Yes

2018

2018

$5,583,339

Cost Estimate

Transformer

NM

China Draw 345 kV Ckt 1
Terminal Upgrades #1
North Loving 345/115 kV Ckt 1
Transformer

NM

North Loving 345 kV Substation

Yes

2018

2018

$6,579,825

LA

Benteler - McDade 345 kV Ckt 1
McDade 345/138 kV Ckt 1
Transformer
Messick 500/345 kV Ckt 1
Transformer

No

2023

2018

$13,083,537

No

2023

2018

$10,516,124

No

2023

2018

$19,718,950

McDade - Messick 345 kV Ckt 1
Benteler 345/138 kV Ckt 1
Transformer
Potash Junction 345/115 kV Ckt
1 Transformer
Andrews 345/115 kV Ckt 1
Transformer
Andrews - Hobbs 345 kV Ckt 1
Voltage Conversion
Oasis - Roosevelt County
Interchange Switch 115 kV Ckt
1 Terminal Upgrades
Mooreland - Woodward District
EHV 345 kV Ckt 1

No

2023

2018

$45,792,379

No

2023

2018

$10,516,124

No

2019

2019

$10,516,124

No

2022

2022

$10,516,124

No

2022

2022

$30,530,000

No

2023

2023

No

2018

2018

$13,083,537

Border - Chisholm 345 kV Ckt 1
Chisholm - Woodward District
EHV 345 kV Ckt 1
Chisholm 345/230 kV Ckt 2
Transformer
Hitchland 230/115 kV Ckt 2
Transformer
Carlisle 230/115kV Ckt 1
Transformer
Sundown - Wolfforth 230 kV
Ckt 1 Reconductor
Sundown 230/115 kV Ckt 2
Transformer
Lubbock South - Wolfforth 230
kV Ckt 1 Terminal Upgrades
Plant X 230/115 kV Ckt 2
Transformer
Seminole 230/115 kV Ckt 1
Transformer
Seminole 230/115 kV Ckt 2
Transformer
Wolfforth 230/115 kV Ckt 1
Transformer
Yoakum 345/230 kV Ckt 1
Transformer
Yoakum 345 kV Ckt 1 Terminal
Upgrades

No

2021

2021

$654,177

No

2021

2021

$654,177

No

2021

2021

$10,516,124

No

2023

2023

$6,020,434

No

2023

2023

$6,020,434

No

2023

2023

$22,580,725

No

2023

2023

$6,020,434

No

2023

2023

No

2023

2023

$6,020,434

No

2023

2023

$6,020,434

No

2023

2023

$6,020,434

No
NTC-C
Modify
NTC-C
Modify
NTC-C
Modify
NTC-C

2023

2023

$6,020,434

2020

2020

$4,929,607

2020

2020

$1,714,283

2020

2020

$160,991,967

2020

2020

$69,907,711

NM

LA
LA
LA
LA
NM
NM
NM

NM
OK
OK
OK
OK
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX
TX

Tuco - Yoakum 345 kV Ckt 1

TX/NM

Hobbs - Yoakum 345 kV Ckt 1

131 of 184

State(s)

NM
NM
NM

Upgrade Name
Potash Junction - Road Runner
230 kV Ckt 1
Road Runner 230/115 kV
Substation
Hobbs 345/230 kV Transformer
Ckt 1

Issue
NTC
Modify
NTC-C
Modify
NTC-C
Modify
NTC-C
Modify

50/50
Need Year

90/10
Need Year

2015

2015

$3,491,968

2015

2015

$2,107,123

2018

2018

$10,262,813

Cost Estimate

Table 11.1: Final Reliability Projects 230 kV and above for TYH option in the HPILS Portfolio

Figure 11.3 shows the 100 kV and above projects included in the HPILS Portfolio for the TYH solution
option.

Figure 11.3: Finalized HPILS Portfolio (100 kV and above)
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Appendix A: Transmission Needed for Load Connection
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Funding

Base
Plan
Base
Plan

Base
Plan

Base
Plan
Base
Plan
Base
Plan
Base
Plan
Base
Plan
Base
Plan
Base
Plan
Base
Plan

Base
Plan

Base
Plan

State(s)

KS
KS
KS
LA
LA
NE
NE
NM
NM
NM
OK

Upgrade
Name

Project
Description/Comments

Harper Rago 138 kV
Ckt 1
Clark Tap Minneola
115 kV Ckt 1

Construct new 15-mile
138 kV line from Harper
to new Rago substation.
Construct new 7.5-mile
115 kV line from Clark
Tap to Minneola.
Tap existing 115 kV line
from Kanarado
(Sunflower) to Sharon
Springs to construct new
Midwest Pump Tap
substation.
Build 138 kV line from
Benteler to Port Robson
(circuit 1).
Build 138 kV line from
Benteler to Port Robson
(circuit 2).
Tap existing 161 kV line
from S1259 to S1281 to
construct new S1260
substation.
Tap existing 161 kV line
from Humboldt to S1399
to construct new S1398
substation.
Construct new 9.5-mile
115 kV line from Hopi
Sub to North Loving 115
kV.

Midwest
Pump Tap
115 kV
Substation

Benteler Port Robson
138 kV Ckt 1
Benteler Port Robson
138 kV Ckt 2
S1260 161
kV
Substation
S1398 161
kV
Substation

Hopi Sub North
Loving 115
kV Ckt 1
China Draw
- North
Loving 115
kV Ckt 1
China Draw
- Wood
Draw 115
kV Ckt 1
Darlington Red Rock
138 kV Ckt 1

OK

Grady Round
Creek 138
kV Ckt 1

OK

Grady Phillips 138
kV Ckt 1 & 2

Construct new 19.7-mile
115 kV line from North
Loving to China Draw.
Construct new 14-mile
115 kV line from China
Draw to Wood Draw.

Construct new 8-mile
138 kV line from Red
Rock to Darlington.
Construct new Round
Creek box bay tap
structure adjacent to the
Rush Springs 138 kV
substation. Construct
new 6-mile 138 kV line
from Grady to Round
Creek. Install 3-breaker
ring bus where hard tap
to Round Creek
intersects the Cornville
to Duncan 138 kV
transmission line.
Construct new 4-mile
double circuit 138 kV
line from the new 4breaker ring bus station
at Grady. Circuit 1 will
terminate at Phillips Gas
and Circuit 2 will
terminate at Lindsey
Water Flood.

Board
Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Cost
Estimate
Source

From Bus
Number

From Bus
Name

To Bus
Number

To Bus Name

Circuit

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

Miles of
New

NTC

36

2012

2015

2015

$13,666,262

MKEC

539668

HARPER 4

539017

RAGO

1

138

138

15

190/190

NTC

36

2012

2015

2015

$6,602,085

MKEC

539052

CLARK_TP

539037

MINNEOLA

1

115

115

7.5

160/160

NTC

36

2012

2015

2015

$4,100,000

SPP

530700

MWPMPTP

115

115

NTC

36

2012

2015

2015

$2,248,743

SPP

507792

BENTELER

507782

PROBSON4

1

138

138

3

344/500

NTC

36

2012

2015

2015

$2,548,575

SPP

507792

BENTELER

507782

PROBSON4

2

138

138

3.4

344/500

NTC

24

2013

2015

2015

$4,636,045

OPPD

646260

S1260 5

161

161

NTC

24

2013

2015

2015

$2,824,664

OPPD

646398

S1398 5

161

161

NTC

36

2012

2015

2015

$10,718,511

SPS

528226

HOPI_SUB 3

528182

NORTH_LOVNG3

1

115

115

9.5

276/304

NTC

36

2012

2015

2015

$11,522,302

SPS

528182

NORTH_LOVNG3

528222

CHINA_DRAW 3

1

115

115

19.7

276/304

NTC

36

2015

2018

2018

$12,688,747

SPS

528222

CHINA_DRAW 3

528228

WOOD_DRAW 3

1

115

115

14

276/304

NTC

36

2012

2015

2015

$15,277,233

AEP

511548

REDROCKRD4

511559

DARLINGTNRD4

1

138

138

8

322/484

NTC

36

2012

2015

2015

$12,132,497

AEP

511560

GRADY4

511427

RUSHNG 4

1

138

138

6

278/316

NTC

36

2012

2015

2015

$8,318,584

AEP

511514

PHILPS 4

511560

GRADY4

1

138

138

4

278/316

Cost Estimate

Miles of
Reconductor
/Rebuild

Miles of
Voltage
Conversion

Rating
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Funding

Base
Plan
Base
Plan
Base
Plan
Base
Plan

Base
Plan

Base
Plan

Base
Plan

Base
Plan

Base
Plan

Base
Plan

Base
Plan

Base
Plan

Base
Plan

State(s)

Upgrade
Name

KS

Anthony Bluff City
138 kV Ckt 1

KS
KS
KS
KS
KS
KS

Bluff City Caldwell
138 kV Ckt 1
Caldwell Mayfield
138 kV Ckt 1
Mayfield Milan 138
kV Ckt 1

Coldwater
Tap Shooting
Star Wind
115 kV Ckt 1
Coldwater Coldwater
Tap 115 kV
Ckt 1

Clark Co.
345/115 kV
Ckt 1
Transformer

KS

Clark Co.
345 kV Ckt 1
Terminal
Upgrades

NM

Kiowa 345
kV
Substation

NM

Road
Runner
345/115 kV
Ckt 1
Transformer

NM
NM
NM

Road
Runner 345
kV
Substation
Conversion
Kiowa
345/230 kV
Ckt 1
Transformer
Potash
Junction Road
Runner 345
kV Ckt 1
Voltage

Project
Description/Comments

Board
Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Construct new 7-mile
138 kV line from
Anthony to Bluff City.

NTC-C

36

2012

2015

2015

NTC-C

36

2012

2015

NTC-C

36

2012

NTC-C

36

NTC-C

Construct new 22-mile
138 kV line from Bluff
City to Caldwell.
Construct new 16-mile
138 kV line from
Caldwell to Mayfield.
Construct new 8-mile
138 kV line from
Mayfield to Milan.

Construct new 26-mile
115 kV line from
Coldwater Tap to
Shooting Star Wind.

Construct new 5.5-mile
115 kV line from
Coldwater to Coldwater
Tap.
Install new 345/115 kV
transformer at Clark Co.
substation. Install any
necessary 115 kV
terminal equipment.
Install any necessary
345 kV terminal
equipment at Clark Co.
associated with new
345/115 kV
transformer.
Construct new Kiowa
345 kV substation
adjacent to Potash
Junction. 345 kV bus
will be ring, expandable
to minimum 6 line or
transformer terminals.
Install terminal
equipment as needed.
Install new 345/115 kV
448 MVA transformer at
new Road Runner
substation. Install any
necessary 115 kV
terminal equipment.
Convert 230 kV Road
Runner substation to
345 kV. Install any
necessary 345 kV
terminal equipment.

Install 560 MVA
345/230 kV transformer
at Kiowa substation.
Convert 40-mile 230 kV
line from Potash
Junction to Road Runner
to 345 kV.

Cost
Estimate
Source

From Bus
Number

From Bus
Name

To Bus
Number

To Bus Name

Circuit

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

Miles of
New

$8,335,592

MKEC

539001

ANTHONY

539004

BLUFF_CITY

1

138

138

7

190/190

2015

$19,286,271

MKEC

539004

BLUFF_CITY

539005

CALDWELL

1

138

138

22

190/190

2015

2015

$14,413,382

MKEC

539005

CALDWELL

539006

MAYFIELD

1

138

138

16

190/190

2012

2015

2015

$15,155,080

MKEC

539006

MAYFIELD

539676

MILAN 4

1

138

138

8

190/190

36

2012

2015

2015

$13,724,798

MKEC

539010

COLD_TAP

539761

SSTARW 3

1

115

115

26

160/160

NTC-C

36

2012

2015

2015

$7,028,362

MKEC

539000

COLDWATER

539010

COLD_TAP

1

115

115

5.5

160/160

NTC-C

24

2013

2015

2015

$10,516,124

SPP

539800

CLARKCOUNTY7

539052

CLARK_TP

1

345/115

115

NTC-C

24

2013

2015

2015

539800

CLARKCOUNTY7

1

345

345

NTC-C

48

2014

2018

2018

$10,142,928

SPS

527965

POTASH_JCT 7

1

345

345

NTC-C

48

2014

2018

2018

$4,577,343

SPS

528027

RDRUNNER 7

1

345/115

115

NTC-C

48

2014

2018

2018

$3,930,065

SPS

528027

RDRUNNER 7

1

345

345

NTC-C

48

2014

2018

2018

$5,955,675

SPS

527965

POTASH_JCT 7

1

345/230

230

NTC-C

48

2014

2018

2018

$7,097,576

SPS

527965

POTASH_JCT 7

1

345

345

Cost Estimate

N/A

528025

528027

RDRUNNER 3

RDRUNNER 7

Miles of
Reconductor
/Rebuild

Miles of
Voltage
Conversion

Rating

448/448

560/644
2

40
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Funding

State(s)

Upgrade
Name

Project
Description/Comments

Board
Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Cost
Estimate
Source

From Bus
Number

From Bus
Name

To Bus
Number

To Bus Name

Circuit

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

Miles of
New

Construct new 18.2-mile
345 kV line from North
Loving to China Draw.

NTC-C

48

2014

2018

2018

$18,290,178

SPS

528185

NLOV_PLT 7

528223

CHINA_DRAW 7

1

345

345

18.2

NTC-C

48

2014

2018

2018

$23,457,538

SPS

528185

NLOV_PLT 7

527965

POTASH_JCT 7

1

345

345

20.4

NTC-C

48

2014

2018

2018

$4,390,007

SPS

528223

CHINA_DRAW 7

528222

CHINA_DRAW 3

1

345/115

115

NTC-C

48

2014

2018

2018

$4,318,803

SPS

528223

CHINA_DRAW 7

1

345

345

NTC-C

48

2014

2018

2018

$5,583,339

SPS

528185

NLOV_PLT 7

1

345/115

115

NTC-C

48

2014

2018

2018

$6,579,825

SPS

528185

NLOV_PLT 7

345

345

NTC-C

36

2015

2018

2018

$3,849,635

SPS

527953

LIVSTNRIDGE3

1

115

115

NTC-C

36

2015

2018

2018

$4,007,502

SPS

527955

SAGEBRUSH 3

1

115

115

NTC-C

36

2015

2018

2018

$7,286,428

SPS

527953

LIVSTNRIDGE3

1

115

115

NTC-C

36

2015

2018

2018

$1,382,368

SPS

527957

LAGARTO 3

1

115

115

NTC-C

36

2015

2018

2018

$5,827,378

SPS

527957

LAGARTO 3

1

115

NTC-C

36

2015

2018

2018

$6,351,568

SPS

528596

CARDINAL 3

1

115

Cost Estimate

Miles of
Reconductor
/Rebuild

Miles of
Voltage
Conversion

Rating

Conversion

Base
Plan
Base
Plan

Base
Plan

Base
Plan

Base
Plan

Base
Plan

Base
Plan

Base
Plan

Base
Plan

Base
Plan

Base
Plan

Base
Plan

NM
NM

China Draw
- North
Loving 345
kV Ckt 1
Kiowa North
Loving 345
kV Ckt 1

NM

China Draw
345/115 kV
Ckt 1
Transformer

NM

China Draw
345 kV Ckt 1
Terminal
Upgrades #1

NM

NM
NM

NM

NM

North
Loving
345/115 kV
Ckt 1
Transformer
North
Loving 345
kV
Substation

Livingston
Ridge 115
kV
Substation
Conversion
Sage Brush
115 kV
Substation

Livingston
Ridge - Sage
Brush 115
kV Ckt 1

NM

Lagarto 115
kV
Substation

NM

Largarto Sage Brush
115 kV Ckt 1

NM

Cardinal
115 kV
Substation

Construct new 20.4-mile
345 kV line from North
Loving to Kiowa.

Install new 345/115 kV
448 MVA transformer at
new China Draw
substation. Install any
necessary 115 kV
terminal equipment and
ring/breaker and a half
115 kV bus for 4 line or
transformer terminals.
Construct 345 kV
ringbus, expandable to
breaker and a half for 6
line or transformer
terminals at China Draw.
Install new 345/115 kV
448 MVA transformer at
new North Loving
substation. Install any
necessary 115 kV
terminal equipment.
Construct new 345 kV
North Loving substation.
Install any necessary
345 kV terminal
equipment.
Convert Livingston Ridge
from 69 kV to 115 kV.
Install any necessary
115 kV terminal
equipment.
Construct new 115 kV
Sage Brush substation
with 3 ring bus
configuration. Install any
necessary 115 kV
terminal equipment.
Construct new 13.9-mile
115 kV line from
Livingston Ridge to new
Sage Brush substation.
Construct new 115 kV
Lagarto substation.
Install any necessary
115 kV terminal
equipment.
Construct new 10.4-mile
115 kV line from new
Lagarto substation to
new Sage Brush
substation.
Construct new 115 kV
Cardinal substation.
Install any necessary
115 kV terminal

528186

527955

527955

NLOV_PLT TR1

SAGEBRUSH 3

SAGEBRUSH 3

448/448

560/644

13.9

276/304

115

10.4

276/304

115

0.2
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Funding

State(s)

Upgrade
Name

Project
Description/Comments

Board
Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Cost
Estimate
Source

From Bus
Number

From Bus
Name

To Bus
Number

To Bus Name

Circuit

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

Miles of
New

NTC-C

36

2015

2018

2018

$8,611,667

SPS

528596

CARDINAL 3

527957

LAGARTO 3

1

115

115

17.5

276/304

NTC

36

2012

2015

2015

$8,934,149

AEP

521075

STONEWALL4

510949

WAPANUCKA4

1

138

138

6.4

322/484

NTC

24

2013

2015

2015

$4,100,000

SPP

511561

ELLIS4

138

138

NTC

36

2012

2015

2015

$13,684,312

MKEC

539697

SUNCITY3

539007

SUN_SOUTH

1

115

115

12.5

160/160

NTC

36

2012

2015

2015

$3,689,116

SPP

530700

MWPMPTP

530701

MWPUMP

1

115

115

5

164/199

NTC

24

2013

2015

2015

$4,100,000

SPP

539019

MILTON

115

115

NTC

24

2013

2015

2015

$4,100,000

SPP

532993

TALGRAS4

138

138

NTC

36

2015

2018

2018

$810,097

SPS

528566

TOBOSO_FLTS3

1

115

115

NTC

36

2015

2018

2018

$4,892,131

SPS

528561

DOLLARHIDE 3

528566

TOBOSO_FLTS3

1

115

115

7.4

276/304

NTC

36

2015

2018

2018

$13,659,867

SPS

528222

CHINA_DRAW 3

528246

YESO_HILLS 3

1

115

115

18.4

276/304

NTC

36

2015

2018

2018

$1,047,575

SPS

528246

YESO_HILLS 3

1

115

115

NTC

36

2015

2018

2018

$997,575

SPS

528240

PONDEROSA 3

1

115

115

NTC

36

2015

2018

2018

$4,071,449

SPS

528239

DISTSUB3TP 3

1

115

115

0.2

NTC

36

2015

2018

2018

$4,727,414

SPS

528239

DISTSUB3TP 3

1

115

115

9.3

Cost Estimate

Miles of
Reconductor
/Rebuild

Miles of
Voltage
Conversion

Rating

equipment.

Base
Plan

NM

TBD

OK

TBD

OK

Direct
Assigned
Direct
Assigned

Direct
Assigned
Direct
Assigned

Direct
Assigned

Direct
Assigned
Direct
Assigned

Direct
Assigned

Direct
Assigned

Direct
Assigned

Direct
Assigned

KS
KS
KS
KS
NM
NM
NM

Cardinal Lagarto 115
kV Ckt 1

Stonewall Wapanucka
138 kV Ckt 1
Ellis 138 kV
Substation

Sun City Sun South
115 kV Ckt 1
Midwest
Pump Midwest
Pump Tap
115 kV Ckt 1
Milton 138
kV
Substation
Tallgrass
138 kV
Substation

Toboso Flats
115 kV
Substation
Dollarhide Toboso Flats
115 kV Ckt 1
China Draw
- Yeso Hills
115 kV Ckt 1

NM

Yeso Hills
115 kV
Substation

NM

Ponderosa
115 kV
Substation

NM

Ponderosa
Tap 115 kV
Substation

NM

Ponderosa Ponderosa
Tap 115 kV
Ckt 1

Construct new 17.5-mile
115 kV line from Lagarto
to Cardinal.

Construct new 6.4-mile
138 kV line from
Stonewall to Wapanucka.
Tap existing 138 kV line
from Elk City to Red Hills
Wind to construct new
Ellis substation.
Construct new 12.5-mile
115 kV line from Sun
City to Sun South.
Build new 5-mile 115 kV
line from Midwest Pump
to the new Midwest
Pump Tap substation.

Tap existing 115 kV line
from Harper to Milan
Tap to construct new
Milton substation.
Tap existing 138 kV line
from Butler South to
Weaver to construct new
Tallgrass substation.
Construct new 115 kV
Toboso Flats substation.
Install any necessary
115 kV terminal
equipment.
Construct new 7.4-mile
115 kV line from new
Toboso Flats substation
to Dollarhide.
Construct new 18.4-mile
115 kV line from China
Draw to new Yeso Hills
substation.
Construct new 115 kV
Yeso Hills substation.
Install any necessary
115 kV terminal
equipment.
Construct new 115 kV
Ponderosa substation.
Install any necessary
115 kV terminal
equipment.
Tap the existing 115 kV
line from Ochoa to
Whitten to construct
new 115 kV Ponderosa
Tap substation. Install
any necessary 115 kV
terminal equipment.
Construct new 9.3-mile
115 kV line from new
Ponderosa substation to
new Ponderosa Tap
substation.

528240

PONDEROSA 3

276/304
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Funding

Direct
Assigned

Direct
Assigned

Direct
Assigned

State(s)

Upgrade
Name

Project
Description/Comments

Board
Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

NM

Battle Axe Road
Runner 115
kV Ckt 1

Construct new 18.9-mile
115 kV line from Road
Runner to Battle Axe.

NTC

36

2015

2018

2018

NTC

36

2015

2018

NTC

24

2016

30

NM
NM

Battle Axe
115 kV
Substation

Oxy South
Hobbs 115
kV
Substation

NM

China Draw
115 kV SVC

NM

Toboso Flats
115 kV SVC

OK

Mooreland Woodward
District EHV
345 kV Ckt 1

Construct new 115 kV
Battle Axe substation.
Install any necessary
115 kV terminal
equipment.
Tap existing 115 kV line
from South Hobbs to the
Switch 4J44 substation
to construct new Oxy
South Hobbs substation.
Install new -50/+200
Mvar Static VAR
Capacitor (SVC) at China
Draw 115 kV bus.
Install new -50/+200
Mvar Static VAR
Capacitor (SVC) at
Toboso Flats 115 kV bus.
Construct WFEC's
portion of new 10-mile
345 kV line from
Mooreland to Woodward
District EHV.

Cost
Estimate
Source

From Bus
Number

From Bus
Name

To Bus
Number

To Bus Name

Circuit

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

Miles of
New

$12,574,305

SPS

528040

BATTLE_AXE 3

528025

RDRUNNER 3

1

115

115

18.9

2018

$2,964,499

SPS

528040

BATTLE_AXE 3

1

115

115

2018

2018

$308,657

SPS

528480

OXY S_HOBBS3

115

115

2015

2018

2018

$40,000,000

SPP

528220

CHDRAW_SVC 1

1

115

115

-50/+200
Mvar

30

2015

2018

2018

$40,000,000

SPP

528566

TOBOSO_FLTS3

1

115

115

-50/+200
Mvar

48

2014

2018

2018

$13,083,537

SPP

522400

MOORELND4

1

345

345

Cost Estimate

515375

WWRDEHV7

10

Miles of
Reconductor
/Rebuild

Miles of
Voltage
Conversion

Rating

276/304

1004/1198
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139 of 184

Appendix B: 2014 ITPNT Projects Needed for HPILS

140 of 184

Facility
Owner

WR

SPS
WFEC

SPS

AEP
NPPD
NPPD

NPPD

WR
SPS

WR

WR

AEP
WFEC
SEPC

Upgrade Name

Project Description/Comments

East Manhattan Jeffrey Energy
Center 230 kV Ckt
1 Rebuild

Rebuild 27-mile 230 kV line from East Manhattan to
Jeffrey Energy Center to 345 kV construction but
operate as 230 kV using bundled 1590 ACSR
conductor. Upgrade terminal equipment at East
Manhattan and Jeffrey Energy Center to a minimum
emergency rating of 2000 Amps.

Newhart 230/115
kV Transformer Ckt
2
Mustang - Sunshine
Canyon 69 kV Ckt 1
NE Hereford Centre Street 115
KV Ckt 1

Welsh Reserve Wilkes 138KV Ckt 1
Rebuild
Hoskins - Neligh
345 kV Ckt 1

Neligh 345/115 kV
Substation
Neligh 115 kV
Terminal Upgrades
Sumner County Viola 138kV Ckt 1

Quahada Switching
Station 115 kV
McDowell Creek
Switching Station
115kV Terminal
Upgrades

Neosho 138/69kV
Transformer Ckt 1
Chapel Hill REC Welsh Reserve 138
kV Rebuild Ckt 1
Sandy Corner
138kV
Mingo 115 kV

Add second 230/115 kV 250 MVA transformer at
Newhart substation.

Upgrade 9.9 miles of 69 kV line from Mustang to
Sunshine Canyon from 4/0 to 556.
Build new 5.1-mile 115 kV line from Northeast
Hereford to Centre Street. Convert Centre Street
distribution transformer high side from 69 kV to 115
kV. Install necessary terminal equipment at Northeast
Hereford.
Rebuild 23.7 miles of 138 kV line from Wilkes to
Welsh Reserve with 1926.9 ACSR/TW. Upgrade
switches at both ends and wave traps, jumpers, CT
ratios, and relay settings at Wilkes.
Build a new 41-mile 345 kV line from Hoskins to
Neligh.
Build new substation at Neligh. Install a new 345/115
kV transformer and all necessary 345 kV equipment at
Neligh.
Install necessary terminal equipment at the 115 kV
bus in the new Neligh substation. Construct
approximately 18 miles of new 115 kV transmission to
tie Neligh East 345/115 kV into the existing 115 kV
transmission system
Build new 28-mile 138 kV line from Viola to Sumner
County.
Install 4-breaker ring bus to connect the Cunningham
- PCA Interchange 115 kV line and the Lea National Maljamar 115 kV line.

2014
ITPNT
Need
Year

50/50
Need
Year

90/10
Need
Year

From
Bus
Number

From Bus Name

EAST
MANHATTAN 230
KV

To Bus
Number

To Bus Name

Circuit

Voltages
(kV)

532852

JEFFREY
ENERGY
CENTER 230
KV

1

230

2

230/115

1

115

2017

2018

2018

532861

2015

2015

2015

525461

Newhart
Interchange 230
kV

525460

Northeast
Hereford
Interchange 115
kV

524555

Hereford
Centre Street
Sub

Welsh Reserve
138 kV

508840

WILKES
138KV

1

138

Neligh 345 kV

640293

Neligh 115 kV

1
1

345

345/115

41

1

115

11.4

1

138

28

2014

2015

2015

521005

MUSTANG

2014

2018

2018

524567

2019

2023

2023

508355

2016

2018

2018

640226

2016

2018

2018

640293

Neligh 115 kV

2019

2023

2023

532984

SUMNER COUNTY
138 kV

2016

2015

2018

2015

2018

2015

750013

528394

Hoskins 345 kV

Quahada 115 kV

521058

750013

533075

Newhart
Interchange
115 kV
SUNSHINE
CANYON

Neligh 345 kV

Viola 138kV

2014

2015

2015

533335

MCDOWELL
CREEK
SWITCHING
STATION 115 KV

2014

2015

2015

533021

NEOSHO 138 KV

533768

NEOSHO 69
KV

Rebuild 4.4 miles of 138 kV line from Chapel Hill REC
to Welsh Reserve 138 kV.

2019

2023

2023

508337

CHAPEL HILL REC

508355

Welsh
Reserve 138
kV

Install 24-Mvar capacitor at Mingo substation.

2014

2015

2015

531429

Upgrade terminal equipment including the wave trap
at McDowell Creek Substation to a minimum of 1200
Amps.

Replace the existing Neosho #2 A, B, and C
transformers with a single transformer with a
minimum emergency rating of 165 MVA. Then, reterminate the Neosho 138/69 kV #1 transformer from
533020-532793-532824 to 533021-532793-532824.
This will move the 138 kV connection of this
transformer from the Neosho South 138 kV bus
(533020) to the Neosho 138 kV center bus (533021).
Add 20 MVAr of capacitors at Sandy Corner 138 kV.

Miles
of
New

2017

2018

2015

520204

Sandy Corner 138
kV
MINGO

1

27

69

115

Miles of
Reconductor/
Rebuild

9.9
7.8

1

Rating

797/797
250/250
72/89

245/275
23.74

395/592
1792/1792
458/474

7
262/314

0.42

115

1

Miles of
Voltage
Conversion

201/239

345/138

0.5

150/165

138

4.39

395/592

138
115

20 MVAr
24 MVAr
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Facility
Owner

NPPD

WR

AEP
AEP
AEP
AEP
SPS
SPS

SPS

WR
SPS
SPS
WR
SPS

SPS

SPS

Upgrade Name
Capacitor Bank

Maxwell - North
Platt 115 kV
Terminal Upgrades
Clay Center
Switching Station
115kV Capacitor
Bank
Broadmoor - Fort
Humbug 69 kV
Rebuild Ckt 1
Dangerfield Jenkins REC T 69
kV Rebuild Ckt 1
Hallsville Longview Heights
69 kV Rebuild Ckt 1
Hallsville-Marshall
69 kV Rebuild Ckt 1
CV Pines - Capitan
115 kV Conversion
Ckt 1
Bailey County Bailey Pump 115
kV Ckt 1
Bailey Pump Sundan Rural 115
kV Ckt 1

Crestview Northeast 69 kV
Ckt 1
Lamb County
Sandhill 116/69 kV
transformer
Sudan Rural - Lamb
Co REC Sandhill
115 kV Ckt 1

Kenmar - Northeast
69 kV Rebuild Ckt 1
Lamb Co REC
Sandhill - Amherst
115 kV Ckt 1
Amherst - West
Littlefield 115 kV
Ckt 1
West Littlefield Lamb County 115
kV Conversion Ckt
1

Project Description/Comments

2014
ITPNT
Need
Year

50/50
Need
Year

90/10
Need
Year

From
Bus
Number

From Bus Name

To Bus
Number

To Bus Name

Upgrade substation equipment at Maxwell and North
Platt substations to 1200 Amp to increase line rating
to 215 MVA.

2014

2015

2015

640287

North Platte 115
kV

640267

Maxwell 115
kV

Rebuild 1.7-mile 69 kV line from Fort Humbug to
Broadmoor with 1233.6 ACSR/TW. Upgrade jumpers
at Fort Humbug and jumpers and bus at Broadmoor.

2016

2018

2018

533320

2019

2023

2018

507716

2019

2023

2023

2014

2015

2014

Install 10.8-Mvar capacitor bank at Clay Center
Switching Station (bus# 533320).

Rebuild 1.3-mile 69 kV line from Daingerfield to
Jenkins REC T with 959.6 ACSR/TW.

Rebuild 6.6-mile 69 kV line from Longview Heights to
Hallsville with 1233.6 ACSR/TW. Upgrade jumpers, CT
ratios, and relay settings at Longview Heights.
Rebuild 11.2-mile 69 kV line from Hallsville to
Marshall with 1233.6 ACSR/TW. Upgrade jumpers, CT
ratios, and relay settings at Marshall.
Rebuild 5-mile 69 kV line from CV Pines to Capitan
converting to 115 kV.

Build 10-mile 115 kV line from Bailey County to Bailey
Pump. Install necessary terminal equipment at Bailey
County.
Build 10-mile 115 kV line from Bailey County Pump to
Sundan Rural and covert Bailey Pumb and Sundan
Rural distribution transformer high side from 69 to
115 kV.
Rebuild 5.64-mile 69 kV line from Crestview to
Northeast.

Install new 115/69 kV transformer 84 MVA. Install
necessary 69 kV terminal equipment.

Build 4.1-mile 115 kV line from Sudan Rural to Lamb
County REC Sandhill. Install 115 kV terminal
equipment for new 115/69 kV transformer.
Rebuild 69 kV line from Kenmar to Northeast with
single 1192 ACSR to achieve 1200 Amp minimum
ampacity.
Build 2.6-mile 115 kV line from Lamb County REC
Sandhill to Amherst. Convert Amherst distribution
transformer high side from 69 kV to 115 kV.
Build 4.9-mile 115 kV line from Amherst to West
Littlefield. Convert West Littefield distribution
transformer high side from 69 kV to 115 kV.

Build 7-mile 115 kV line from West Littlefield to Lamb
County converting. Install necessary terminal
equipment at Lamb County.

Clay Center
Switching Station
115 kV
BROADMOOR

507730

508288

DAINGERFIELD

508293

2015

508543

HALLSVILLE

508553

2015

2015

508556

MARSHALL 69KV

508543

2017

2018

2018

527542

CV-PINES 3 115 kV

527541

2016

2016

2016

525028

2016

2016

2016

525040

2014

2015

2015

533822

2016

2016

2016

525600

2016

2016

2016

525594

2014

2015

2015

533822

2016

2016

2016

525600

2016

2016

2016

525608

2016

2016

2016

525615

Bailey County
Interchange 115
kV

Bailey Pump 115
KV

525040
525594

NORTHEAST 69
KV

533789

Sundan Rural 115
kV

525600

Lamb County
Sandhill 115 kV

NORTHEAST 69
KV
Lamb County
Sandhill 115 kV

525599

533811
525608

Amherst 115 kV

525615

West Littlefield
115 kV

525636

Circuit

FORT
HUMBUG
69KV

1

LONGVIEW
HEIGHTS
69KV

Capitan 115
kV

JENKINS REC
T

HALLSVILLE

Bailey Pump
115 KV

Sundan Rural
115 kV
CRESTVIEW
69 KV

Lamb County
REC-Sandhill
115 kV
Lamb County
Sandhill 115
kV
KEN MAR 69
KV

Amherst 115
kV

West
Littlefield 115
kV
Lamb County
Interchange
115 kV

Voltages
(kV)

Miles
of
New

Miles of
Reconductor/
Rebuild

Miles of
Voltage
Conversion

Rating

115

215/215

115

10.8 MVAr

69

1.7

136/143

69

1.3

132/178

1

69

6.6

68/89

1

69

11.2

68/89

1

115

1

115

10

276/304

1

115

10

276/304

5

69
1

115/69

1

115

5.59

245/265

131/143
84/84

4.1

69

276/304
1.74

131/143

115

2.6

276/304

1

115

4.9

276/304

1

115

7

276/304
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Facility
Owner
OGE
SEPC
NPPD

OGE

OGE
OGE
OGE
OGE
OPPD

Upgrade Name

Project Description/Comments

County Line 69 kV
Capacitor
Ruleton 115 Cap
Bank
Broken Bow Wind Ord 115 kV Ckt 1

Install a 9-Mvar capacitor bank at either County Line
or Wildhorse substation.
Add an additional 12 MVAr of capacitance at Ruleton
substation.
Build a new 35-mile 115 kV line from Ord to Broken
Bow Wind and install necessary terminal equipment.
Install the new LANE 138-12.5 kV substation across
the street from Knobhill sub. Install a new 138 kV
terminal in Knobhill substation. Tie the new LANE
substation and the existing Knobhill substations
together with one span of 138 kV line. WFEC to
eliminate the double circuit portion of the 138 kV
Mooreland – Noel and the 138 kV Noel – Knobhill and
return the 138 kV Mooreland – Knobhill to its original
configuration. WFEC or OG&E to construct the new 1
½ mile 138 kV Noel – LANE substation line.

Knobhill 138/12.5
kV Transformer
Ahloso - Park Lane
138 kV conversion
Ckt 1
Ahloso - Harden
City 138 kV
conversion Ckt 1
Harden City Frisco 138 kV
conversion Ckt 1
Frisco - Lula 138 kV
conversion Ckt 1
S907 - S919 69 kV
Ckt 1 Rebuild

2014
ITPNT
Need
Year

50/50
Need
Year

90/10
Need
Year

From
Bus
Number

From Bus Name

2017

2015

2015

515126

County Line 69

2014

2015

2015

640445

Broken Bow Wind

640308

Ord

2016

2015

2015

531357

RULETON

To Bus
Number

To Bus Name

2014

2016

2016

514795

KNOBHILL 138

514794

KNOBHILL 69

Convert existing 4.32-mile 69 kV line from Ahloso to
Park Lane to 138 kV.

2015

2021

2021

515178

PARK LANE 138

515318

Ahloso 138KV

Convert existing 3.39-mile 69 kV line from Harden
City to Frisco to 138 kV.

2015

2021

2021

515318

Ahloso 138KV

515362

2015

2021

2021

515500

Frisco 138 kV

515362

2019

2023

2023

647907

S907 8

647919

Convert existing 10.12-mile 69 kV line from Ahloso to
Harden City to 138 kV.
Convert existing 3.39-mile 69 kV line from Frisco to
Lula to 138 kV.
Rebuild 3.4-mile 69kV line from S907 to S919.

2015

2021

2021

515192

LULA 138

515500

Table B.1: 2014 ITPNT Projects Needed for HPILS

Harden City
138KV
Harden City
138KV

Frisco 138 kV
S919 8

Circuit

1
1

Voltages
(kV)

Miles
of
New

Miles of
Reconductor/
Rebuild

Miles of
Voltage
Conversion

69

115

Rating
9 MVAr

115

42

138/69

1.6

24 MVAr

160/176

1

138

4.39

268/286

1

138

10.12

268/286

1

138

3.39

268/286

1

69

1

138

3.39

8.3

268/286
143/143
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Funding

Base Plan

Base Plan

NTC

24

2013

2015

2015

Replace CT settings,
relays, and bus
connections to achieve
154.6/189.2 MVA rating
on the 115 kV line from
Garden City to Kansas
Avenue.

NTC

12

2014

2015

Construct new 15-mile
138 kV line from Harper
to new Rago substation.
Construct new 7.5-mile
115 kV line from Clark
Tap to Minneola.

NTC

36

2012

Tap existing 115 kV line
from Kanarado
(Sunflower) to Sharon
Springs to construct new
Midwest Pump Tap
substation.

NTC

36

NTC

Build 138 kV line from
Benteler to Port Robson
(circuit 1).

Install second 15-Mvar
capacitor bank at
Spalding 115 kV
substation.

KS

Replace switches at
Dobson to achieve a
rating of 229 MVA on the
115 kV line from Kansas
Avenue to Dobson to
Gano.

KS

KS

Base Plan

KS

Base Plan

LA

Base Plan

LA

Garden City Kansas
Avenue 115
kV Ckt 1
Terminal
Upgrades
Harper Rago 138 kV
Ckt 1

Clark Tap Minneola 115
kV Ckt 1
Midwest
Pump Tap
115 kV
Substation

Benteler Port Robson
138 kV Ckt 1
Benteler Port Robson
138 kV Ckt 2

NE

Spalding 115
kV Cap Bank

NE

S1260 161
kV
Substation

NE

S1398 161
kV
Substation

NE

Thedford
345/115 kV
Transformer

Base Plan

NE

Thedford 345
kV Terminal
Upgrades

Base Plan

NM

Base Plan

90/10
Year

Kansas
Avenue Dobson Gano 115 kV
Ckt 1
Terminal
Upgrades

Base Plan

Base Plan

50/50
Year

State

KS

Base Plan

50/50
Project
Start
Year

Project
Description/Comments

Base Plan

Base Plan

Board Action

Project
Lead
Time
(Months)

Upgrade
Name

Eagle Creek
115 kV Cap
Bank

Build 138 kV line from
Benteler to Port Robson
(circuit 2).

Tap existing 161 kV line
from S1259 to S1281 to
construct new S1260
substation.

Tap existing 161 kV line
from Humboldt to S1399
to construct new S1398
substation.

Install new 345/115 kV
400 MVA transformer at
Thedford substation.
Install any necessary 115
kV terminal equipment.

Install any necessary 345
kV terminal equipment at
Thedford associated with
new 345/115 kV
transformer.
Install 14.4 Mvar
capacitor bank at Eagle
Creek 115 kV bus.

Cost
Estimate
Source

From
Bus
Number

$134,366

MKEC

531419

DOBSON 3

531480

2015

$124,484

MKEC

531445

GRDNCTY3

2015

2015

$13,666,262

MKEC

539668

2012

2015

2015

$6,602,085

MKEC

36

2012

2015

2015

$4,100,000

NTC

36

2012

2015

2015

NTC

36

2012

2015

NTC

12

2014

NTC

24

NTC

Cost
Estimate

Cost
Allocation
Voltage
(kV)

Miles
of
New

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Ckt

Voltages
(kV)

KSAVWTP3

1

138

531480

KSAVWTP3

1

115

115

HARPER 4

539017

RAGO

1

138

138

15

190/190

539052

CLARK_TP

539037

MINNEOLA

1

115

115

7.5

160/160

SPP

530700

MWPMPTP

115

115

$2,248,743

SPP

507792

BENTELER

507782

PROBSON4

1

138

138

3

344/500

2015

$2,548,575

SPP

507792

BENTELER

507782

PROBSON4

2

138

138

3.4

344/500

2015

2015

$600,000

NPPD

640347

SPALDNG7

1

115

115

2013

2015

2015

$4,636,045

OPPD

646260

S1260 5

161

161

24

2013

2015

2015

$2,824,664

OPPD

646398

S1398 5

161

161

NTC

48

2012

2016

2016

$9,306,000

NPPD

640500

CHERRYC3

1

345/115

115

400/400

NTC

48

2012

2016

2016

$930,800

NPPD

640500

CHERRYC3

1

345

345

400/400

NTC

12

2014

2015

2015

$1,360,435

SPS

527711

EAGLE_CREEK3

1

115

115

14.4 Mvar

From Bus Name

To Bus
Number

640381

To Bus Name

THEDFRD7

138

3.6

Rating

280/330

154.6/189.2

15 Mvar
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Funding

State

Base Plan

NM

Base Plan

NM

Base Plan

NM

Base Plan

NM

Base Plan

NM

Base Plan

NM

Base Plan

OK

Base Plan

OK

Base Plan

OK

Base Plan

OK

Base Plan

OK

Base Plan

OK

Base Plan

OK

Upgrade
Name
Potash
Junction
230/115 kV
Ckt 1

Andrews
230/115 kV
Ckt 1
Transformer

Hopi Sub North Loving
115 kV Ckt 1
China Draw North Loving
115 kV Ckt 1
Andrews NEF 115 kV
Ckt 1

China Draw Wood Draw
11k kV Ckt 1
Alva OGE 69
kV Terminal
Upgrades

Jenson Jenson Tap
138 kV Ckt 1
Terminal
Upgrades
Freedom 69
kV Cap Bank

Carmen Eagle Chief
69 kV Ckt 1
Reconductor
Eagle Chief
69 kV Cap
Bank

Darlington Red Rock 138
kV Ckt 1

Grady Round Creek
138 kV Ckt 1

Board Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Ckt

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

NTC

24

2013

2015

2015

POTASH_JCT 3

1

230/115

115

NTC

24

2013

2015

528601

ANDREWS_TR11

1

230/115

115

0.1

250/288

Construct new 9.5-mile
115 kV line from Hopi
Sub to North Loving 115
kV.

NTC

36

2012

HOPI_SUB 3

528182

NORTH_LOVNG3

1

115

115

9.5

276/304

Construct new 2.1-mile
115 kV line from
Andrews to National
Enrichment Facility
(NEF).

NTC

36

528182

NORTH_LOVNG3

528222

CHINA_DRAW 3

1

115

115

19.7

276/304

NTC

SPS

528602

ANDREWS 3

528603

NA_ENRICH 3

1

115

115

2.1

525/525

$12,688,747

SPS

528222

CHINA_DRAW 3

528228

WOOD_DRAW 3

1

115

115

14

276/304

2015

$180,000

OGE

514792

ALVAOGE2

1

69

69

2015

2015

$0

OGE

514820

JENSENT4

1

138

138

268/286

2013

2015

2015

$125,000

WFEC

520915

FREEDOM2

1

69

69

9.6 Mvar

24

2013

2015

2015

$3,492,160

SPP

520845

CARMEN 2

1

69

69

NTC

18

2013

2015

2015

$190,000

WFEC

520890

EAGLCHF2

1

69

69

NTC

36

2012

2015

2015

$15,277,233

AEP

511548

REDROCKRD4

511559

DARLINGTNRD4

1

138

138

8

322/484

NTC

36

2012

2015

2015

$12,132,497

AEP

511560

GRADY4

511427

RUSHNG 4

1

138

138

6

278/316

Cost
Estimate
Source

From
Bus
Number

$3,320,942

SPS

527963

POTASH_JCT 6

527962

2015

$9,503,243

SPS

528604

ANDREWS 7

2015

2015

$10,718,511

SPS

528226

2012

2015

2015

$11,522,302

SPS

36

2012

2015

2015

$4,108,415

NTC

36

2015

2018

2018

NTC

12

2014

2015

Upgrade CT and trap to
1200 amps at Jenson to
increase rating of 138 kV
line from Jenson Tap to
Jenson to 268/286 MVA.

NTC

12

2014

Reconductor 9-mile 69
kV line from Carmen to
Eagle Chief to achieve a
rating of 53/65 MVA.

NTC

18

NTC

Install new 12-Mvar
capacitor bank at Eagle
Chief 69 kV.

Construct new Round
Creek box bay tap
structure adjacent to the
Rush Springs 138 kV
substation. Construct
new 6-mile 138 kV line
from Grady to Round
Creek. Install 3-breaker
ring bus where hard tap
to Round Creek intersects
the Cornville to Duncan
138 kV transmission line.

Project
Description/Comments

Upgrade 230/115 kV
transformer at Potash
Junction to 250 MVA.

Install new 230/115 kV
288 MVA transformer at
Andrews substation.
Install any necessary
terminal equipment.

Construct new 19.7-mile
115 kV line from North
Loving to China Draw.

Construct new 14-mile
115 kV line from China
Draw to Wood Draw.

Upgrade CTs at Alva OGE
substation to achieve a
minimum 800 amp
rating.

Install new 9.6-Mvar
capacitor bank at
Freedom 69 kV.

Construct new 8-mile
138 kV line from Red
Rock to Darlington.

Cost
Estimate

From Bus Name

To Bus
Number

514821

520890

To Bus Name

JENSEN 4

EAGLCHF2

Miles
of
New

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Rating

250/288

9

53/65
12 Mvar
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Funding

State

Upgrade
Name

Base Plan

OK

Grady Phillips 138
kV Ckt 1 & 2

Base Plan

TX

Base Plan

KS

Mustang Shell CO2
115 kV Ckt 1

Base Plan

KS

Base Plan

KS

Base Plan

KS

Base Plan

KS

Base Plan

KS

Base Plan

Base Plan

Base Plan

KS

KS

KS

Base Plan

KS

Base Plan

KS

Anthony Bluff City 138
kV Ckt 1
Bluff City Caldwell 138
kV Ckt 1

Caldwell Mayfield 138
kV Ckt 1

Mayfield Milan 138 kV
Ckt 1

Coldwater
Tap Shooting Star
Wind 115 kV
Ckt 1
Coldwater Coldwater
Tap 115 kV
Ckt 1

Clark Co.
345/115 kV
Ckt 1
Transformer

Clark Co. 345
kV Ckt 1
Terminal
Upgrades
Ashland Coldwater
Tap 115 kV
Ckt 1

Ashland Clark Tap
115 kV Ckt 1
Anthony Harper 138
kV Ckt 1

Project
Description/Comments

Board Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Construct new 4-mile
double circuit 138 kV line
from the new 4-breaker
ring bus station at Grady.
Circuit 1 will terminate at
Phillips Gas and Circuit 2
will terminate at Lindsey
Water Flood.

NTC

36

2012

2015

2015

Construct new 7-mile
138 kV line from Anthony
to Bluff City.

NTC

36

2012

2015

NTC-C

36

2012

NTC-C

36

NTC-C

Construct new 7.7-mile
115 kV line from Mustang
to Shell CO2.

Construct new 22-mile
138 kV line from Bluff
City to Caldwell.

Construct new 16-mile
138 kV line from Caldwell
to Mayfield.
Construct new 8-mile
138 kV line from
Mayfield to Milan.

Construct new 26-mile
115 kV line from
Coldwater Tap to
Shooting Star Wind.

Construct new 5.5-mile
115 kV line from
Coldwater to Coldwater
Tap.

Install new 345/115 kV
transformer at Clark Co.
substation. Install any
necessary 115 kV
terminal equipment.

Install any necessary 345
kV terminal equipment at
Clark Co. associated with
new 345/115 kV
transformer.
Construct new 26-mile
115 kV line from Ashland
to Coldwater Tap with a
rating of 160 MVA.

Construct new 24-mile
115 kV line from Ashland
to Clark Tap with a rating
of 160 MVA.

Construct new 21-mile
138 kV line from Anthony
to Harper.

Ckt

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

Miles
of
New

GRADY4

1

138

138

4

278/316

527062

SHELL_CO2 3

1

115

115

7.7

276/304

ANTHONY

539004

BLUFF_CITY

1

138

138

7

190/190

539004

BLUFF_CITY

539005

CALDWELL

1

138

138

22

190/190

MKEC

539005

CALDWELL

539006

MAYFIELD

1

138

138

16

190/190

$15,155,080

MKEC

539006

MAYFIELD

539676

MILAN 4

1

138

138

8

190/190

2015

$13,724,798

MKEC

539010

COLD_TAP

539761

SSTARW 3

1

115

115

26

160/160

2015

2015

$7,028,362

MKEC

539000

COLDWATER

539010

COLD_TAP

1

115

115

5.5

160/160

2013

2015

2015

$10,516,124

SPP

539800

CLARKCOUNTY7

539052

CLARK_TP

1

345/115

115

24

2013

2015

2015

N/A

539800

CLARKCOUNTY7

1

345

345

NTC-C

36

2015

2018

2018

$21,596,406

MKEC

539030

ASHLAND1

539010

COLD_TAP

1

115

115

26

160/160

NTC-C

36

2015

2018

2018

$21,963,871

SPP

539030

ASHLAND1

539052

CLARK_TP

1

115

115

24

160/160

NTC-C

36

2015

2018

2015

$20,992,491

MKEC

539001

ANTHONY

539668

HARPER 4

1

138

138

21

190/190

Cost
Estimate
Source

From
Bus
Number

$8,318,584

AEP

511514

PHILPS 4

511560

2015

$16,770,522

SPS

527146

MUSTANG 3

2015

2015

$8,335,592

MKEC

539001

2012

2015

2015

$19,286,271

MKEC

36

2012

2015

2015

$14,413,382

NTC-C

36

2012

2015

2015

NTC-C

36

2012

2015

NTC-C

36

2012

NTC-C

24

NTC-C

Cost
Estimate

From Bus Name

To Bus
Number

To Bus Name

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Rating
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Funding

Base Plan

Base Plan

Base Plan

Base Plan

State

NM

Kiowa 345
kV
Substation

NM

Road Runner
345/115 kV
Ckt 1
Transformer

NM

Road Runner
345 kV
Substation
Conversion

NM

Base Plan

NM

Base Plan

NM

Base Plan

NM

Base Plan

NM

Base Plan

Base Plan

Base Plan

Upgrade
Name

Kiowa
345/230 kV
Ckt 1
Transformer

Potash
Junction Road Runner
345 kV Ckt 1
Voltage
Conversion
Hobbs Kiowa 345
kV Ckt 1

China Draw North Loving
345 kV Ckt 1
Kiowa North Loving
345 kV Ckt 1

NM

China Draw
345/115 kV
Ckt 1
Transformer

NM

China Draw
345 kV Ckt 1
Terminal
Upgrades #1

NM

North Loving
345/115 kV
Ckt 1
Transformer

Project
Description/Comments

Board Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Construct new Kiowa 345
kV substation adjacent to
Potash Junction. 345 kV
bus will be ring,
expandable to minimum
6 line or transformer
terminals. Install
terminal equipment as
needed.

NTC-C

48

2014

2018

2018

NTC-C

48

2014

2018

NTC-C

48

2014

Install 560 MVA 345/230
kV transformer at Kiowa
substation.

NTC-C

48

Convert 40-mile 230 kV
line from Potash Junction
to Road Runner to 345
kV.

NTC-C

Construct new 47.2-mile
345 kV line from Kiowa
to Hobbs.

Construct new 20.4-mile
345 kV line from North
Loving to Kiowa.

Install new 345/115 kV
448 MVA transformer at
new Road Runner
substation. Install any
necessary 115 kV
terminal equipment.

Convert 230 kV Road
Runner substation to 345
kV. Install any necessary
345 kV terminal
equipment.

Construct new 18.2-mile
345 kV line from North
Loving to China Draw.

Install new 345/115 kV
448 MVA transformer at
new China Draw
substation. Install any
necessary 115 kV
terminal equipment and
ring/breaker and a half
115 kV bus for 4 line or
transformer terminals.

Construct 345 kV
ringbus, expandable to
breaker and a half for 6
line or transformer
terminals at China Draw.
Install new 345/115 kV
448 MVA transformer at
new North Loving
substation. Install any
necessary 115 kV
terminal equipment.

Ckt

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

1

345

345

1

345/115

115

RDRUNNER 7

1

345

345

527965

POTASH_JCT 7

1

345/230

230

SPS

527965

POTASH_JCT 7

528027

RDRUNNER 7

1

345

345

$55,846,663

SPS

527965

POTASH_JCT 7

527896

HOBBS_INT 7

1

345

345

47.2

2018

$18,290,178

SPS

528185

NLOV_PLT 7

528223

CHINA_DRAW 7

1

345

345

18.2

2018

2018

$23,457,538

SPS

528185

NLOV_PLT 7

527965

POTASH_JCT 7

1

345

345

20.4

2014

2018

2018

$4,390,007

SPS

528223

CHINA_DRAW 7

528222

CHINA_DRAW 3

1

345/115

115

48

2014

2018

2018

$4,318,803

SPS

528223

CHINA_DRAW 7

1

345

345

48

2014

2018

2018

$5,583,339

SPS

528185

NLOV_PLT 7

1

345/115

115

Cost
Estimate
Source

From
Bus
Number

$10,142,928

SPS

527965

POTASH_JCT 7

2018

$4,577,343

SPS

528027

RDRUNNER 7

2018

2018

$3,930,065

SPS

528027

2014

2018

2018

$5,955,675

SPS

48

2014

2018

2018

$7,097,576

NTC-C

48

2014

2018

2018

NTC-C

48

2014

2018

NTC-C

48

2014

NTC-C

48

NTC-C

NTC-C

Cost
Estimate

From Bus Name

To Bus
Number

528025

528186

To Bus Name

RDRUNNER 3

NLOV_PLT TR1

Miles
of
New

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Rating

448/448

560/644

2

40

448/448

560/644
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Funding

State

Upgrade
Name

Project
Description/Comments

Board Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Base Plan

NM

North Loving
345 kV
Substation

NTC-C

48

2014

2018

2018

Base Plan

NM

Livingston
Ridge 115 kV
Substation
Conversion

Construct new 345 kV
North Loving substation.
Install any necessary 345
kV terminal equipment.

NTC-C

36

2015

2018

NM

Sage Brush
115 kV
Substation

NTC-C

36

2015

Base Plan

NM

Livingston
Ridge - Sage
Brush 115 kV
Ckt 1

NTC-C

36

Base Plan

NM

Lagarto 115
kV
Substation

NTC-C

NM

Largarto Sage Brush
115 kV Ckt 1

Base Plan

NM

Cardinal 115
kV
Substation

Base Plan

NM

Base Plan

OK

Base Plan

Base Plan

Base Plan

Base Plan

Base Plan

Base Plan

OK

OK

OK

OK

Cardinal Lagarto 115
kV Ckt 1

Darlington Roman Nose
138 kV Ckt 1
Carmen 138
kV Ckt
1Terminal
Upgrades

Carmen
138/69 kV
Ckt 1
Transformer
Cherokie
Junction Tap
138/69 kV
Ckt 1
Transformer
Carmen Cherokie
Junction 69
kV Ckt 1
Rebuild

Cost
Estimate
Source

From
Bus
Number

$6,579,825

SPS

528185

NLOV_PLT 7

2018

$3,849,635

SPS

527953

LIVSTNRIDGE3

2018

2018

$4,007,502

SPS

527955

SAGEBRUSH 3

2015

2018

2018

$7,286,428

SPS

527953

LIVSTNRIDGE3

36

2015

2018

2018

$1,382,368

SPS

527957

LAGARTO 3

NTC-C

36

2015

2018

2018

$5,827,378

SPS

527957

LAGARTO 3

Construct new 115 kV
Cardinal substation.
Install any necessary 115
kV terminal equipment.

NTC-C

36

2015

2018

2018

$6,351,568

SPS

528596

CARDINAL 3

Construct new 25-mile
138 kV line from
Darlington to Roman
Nose.

NTC-C

36

2015

2018

2018

$8,611,667

SPS

528596

CARDINAL 3

527957

NTC-C

36

2012

2015

2015

$26,416,440

AEP

511559

DARLINGTNRD4

514823

NTC-C

24

2014

2016

2016

525845

CARMEN_138

NTC-C

24

2014

2016

2016

$2,810,198

SPP

525845

CARMEN_138

520845

NTC-C

24

2014

2016

2016

$2,810,198

SPP

521302

CHERJTAP

NTC-C

24

2014

2016

2016

$10,505,465

SPP

521302

CHERJTAP

Convert Livingston Ridge
from 69 kV to 115 kV.
Install any necessary 115
kV terminal equipment.
Construct new 115 kV
Sage Brush substation
with 3 ring bus
configuration. Install any
necessary 115 kV
terminal equipment.
Construct new 13.9-mile
115 kV line from
Livingston Ridge to new
Sage Brush substation.

Construct new 115 kV
Lagarto substation.
Install any necessary 115
kV terminal equipment.
Construct new 10.4-mile
115 kV line from new
Lagarto substation to
new Sage Brush
substation.

Construct new 17.5-mile
115 kV line from Lagarto
to Cardinal.

Install any necessary 138
kV terminal equipment at
Carmen associated with
new 138/69 kV
transformer.
Install new 138/69 kV 70
MVA transformer at
Carmen substation.
Install any necessary 69
kV terminal equipment.

Install new 138/69 kV 70
MVA transformer at new
Cherokie Junction Tap
substation. Install any
necessary 69 kV terminal
equipment.
Tear down the existing
69 kV line from Cherokie
Junction to Carmen.
Construct new 11.5-mile
138 kV line Cherokie

Cost
Estimate

From Bus Name

To Bus
Number

527955

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

345

345

1

115

115

1

115

115

1

115

115

1

115

115

1

115

1
LAGARTO 3
ROMNOSE4

To Bus Name

Miles
of
New

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Rating

13.9

276/304

115

10.4

276/304

115

115

0.2

1

115

115

17.5

276/304

1

138

138

25

278/316

1

138

138

70/70

CARMEN 2

1

138/69

69

70/70

520850

CHEROKJ2

1

138/69

69

70/70

525845

CARMEN_138

1

138

138

527955

SAGEBRUSH 3

Ckt

SAGEBRUSH 3

11.5

183/228
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Funding

State

Upgrade
Name

Project
Description/Comments

Board Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Ckt

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

NTC-C

24

2014

2016

2016

1

138

138

NTC-C

36

2015

2018

WARWICK4

1

138

138

13

268/286

NTC-C

36

2015

515012

SW STATION

1

138

138

18

268/286

NTC-C

36

KNIPE 4

515012

SW STATION

1

138

138

5

268/286

NTC-C Modify

527965

POTASH_JCT 7

528027

RDRUNNER 7

1

230

230

40.4

492/541

SPS

528027

RDRUNNER 7

528025

RDRUNNER 3

1

230/115

115

250/288

$10,262,813

SPS

527896

HOBBS_INT 7

527894

HOBBS_INT 6

1

345/230

230

560/644

2020

$4,929,607

SPS

526936

YOAKUM_345

526935

YOAKUM

1

345/230

230

560/644

2020

2020

$1,714,283

SPS

526935

YOAKUM

1

345

345

2020

2020

$69,907,711

SPS

527896

HOBBS_INT 7

1

345

345

Cost
Estimate
Source

From
Bus
Number

$4,100,000

SPP

521302

CHERJTAP

2018

$28,572,000

OGE

515012

SW STATION

515047

2018

2018

N/A

OGE

515401

LINWOOD4

2015

2018

2018

N/A

OGE

515514

42

2011

2015

2015

$3,491,968

SPS

NTC-C Modify

42

2011

2015

2015

$2,107,123

NTC-C Modify

48

2014

2018

2018

NTC-C Modify

60

2015

2020

NTC-C Modify

60

2015

NTC-C Modify

60

2015

Cost
Estimate

From Bus Name

To Bus
Number

To Bus Name

Miles
of
New

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Rating

Junction Tap to Carmen.

Base Plan

OK

Cherokie
Junction Tap
138 kV
Substation

Base Plan

OK

SW Station Warwick Tap
138 kV Ckt 1

Base Plan

OK

Linwood SW Station
138 kV Ckt 1

Base Plan

Base Plan

Base Plan

Base Plan

Base Plan

Base Plan

Base Plan

OK
NM

Knipe - SW
Station 138
kV Ckt 1

Potash
Junction Road Runner
230 kV Ckt 1

NM

Road Runner
230/115 kV
Substation

NM

Hobbs
345/230 kV
Transformer
Ckt 1

TX

Yoakum
345/230 kV
Ckt 1
Transformer

TX

TX/NM

Yoakum 345
kV Ckt 1
Terminal
Upgrades
Hobbs Yoakum 345
kV Ckt 1

Tap the existing 138 kV
line from Noel Switch to
C-City to construct the
new Cherokie Junction
Tap substation. Install
any necessary 138 kV
terminal equipment.

Construct new 138 kV
SW Station switching
station. Construct new
13-mile 138 kV line from
new SW Station
switching station to
Warwick Tap.

Construct new 18-mile
138 kV line from
Linwood to new SW
Station switching station.

Construct new 5-mile
138 kV line from Knipe to
new SW Station
switching station.
Construct new 40-mile
345 kV line operated at
230 kV from Potash
Junction to Road Runner.

Construct new 230 kV
Road Runner substation,
tapping the existing 115
kV line from Red Bluff to
Agave Hills. Install new
230/115 kV 288 MVA
transformer at new Road
Runner substation. Install
any necessary terminal
equipment.
Expand existing Hobbs
substation to
accommodate 345 kV
terminals. Install
345/230 kV 556 kV
transformer at Hobbs.

Install new 345/230 kV
644 MVA transformer at
Yoakum substation.
Install any necessary 230
kV terminal equipment.

Install any necessary 345
kV terminal equipment at
Yoakum associated with
new 345/230 kV
transformer.
Construct new 52-mile
345 kV line from Hobbs
to Yoakum. Expand 345
kV bus at Hobbs.

6

6

526936

YOAKUM_345

183/228

52
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Funding

State

Upgrade
Name

Project
Description/Comments

Board Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Cost
Estimate

Cost
Estimate
Source

From
Bus
Number

Base Plan

TX

60

2015

2020

2020

$160,991,967

SPP

525832

TUCO_INT 7

526936

OK

Construct new 107-mile
345 kV line from Tuco to
Yoakum.

NTC-C Modify

TBD

Tuco Yoakum 345
kV Ckt 1

36

2012

2015

2015

$8,934,149

AEP

521075

STONEWALL4

510949

TBD

OK

Ellis 138 kV
Substation

Tap existing 138 kV line
from Elk City to Red Hills
Wind to construct new
Ellis substation.

NTC
NTC

24

2013

2015

2015

$4,100,000

SPP

511561

ELLIS4

NTC

36

2012

2015

2015

$13,684,312

MKEC

539697

SUNCITY3

539007

SUN_SOUTH

NTC

36

2012

2015

2015

$3,689,116

SPP

530700

MWPMPTP

530701

MWPUMP

NTC

24

2013

2015

2015

$4,100,000

SPP

539019

NTC

24

2013

2015

2015

$4,100,000

SPP

NTC

36

2015

2018

2018

$810,097

NTC

36

2015

2018

2018

NTC

36

2015

2018

NTC

36

2015

NTC

36

NTC

NTC

Direct
Assigned

Direct
Assigned

Direct
Assigned

Direct
Assigned

Direct
Assigned

Direct
Assigned

Direct
Assigned

Direct
Assigned

Direct
Assigned

Direct
Assigned

Direct
Assigned

KS
KS

KS
KS
NM
NM
NM
NM
NM

Stonewall Wapanucka
138 kV Ckt 1

Sun City - Sun
South 115 kV
Ckt 1
Midwest
Pump Midwest
Pump Tap
115 kV Ckt 1
Milton 138
kV
Substation

Tallgrass 138
kV
Substation
Toboso Flats
115 kV
Substation
Dollarhide Toboso Flats
115 kV Ckt 1

China Draw Yeso Hills
115 kV Ckt 1
Yeso Hills
115 kV
Substation
Ponderosa
115 kV
Substation

NM

Ponderosa
Tap 115 kV
Substation

NM

Ponderosa Ponderosa
Tap 115 kV
Ckt 1

Construct new 6.4-mile
138 kV line from
Stonewall to Wapanucka.

Construct new 12.5-mile
115 kV line from Sun City
to Sun South.
Build new 5-mile 115 kV
line from Midwest Pump
to the new Midwest
Pump Tap substation.

Tap existing 115 kV line
from Harper to Milan Tap
to construct new Milton
substation.
Tap existing 138 kV line
from Butler South to
Weaver to construct new
Tallgrass substation.

Construct new 115 kV
Toboso Flats substation.
Install any necessary 115
kV terminal equipment.
Construct new 7.4-mile
115 kV line from new
Toboso Flats substation
to Dollarhide.

Construct new 18.4-mile
115 kV line from China
Draw to new Yeso Hills
substation.

Construct new 115 kV
Yeso Hills substation.
Install any necessary 115
kV terminal equipment.
Construct new 115 kV
Ponderosa substation.
Install any necessary 115
kV terminal equipment.

Tap the existing 115 kV
line from Ochoa to
Whitten to construct new
115 kV Ponderosa Tap
substation. Install any
necessary 115 kV
terminal equipment.
Construct new 9.3-mile
115 kV line from new
Ponderosa substation to
new Ponderosa Tap
substation.

Ckt

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

Miles
of
New

YOAKUM_345

1

345

345

107

WAPANUCKA4

1

138

138

6.4

322/484

138

138

1

115

115

12.5

160/160

1

115

115

5

164/199

MILTON

115

115

532993

TALGRAS4

138

138

SPS

528566

TOBOSO_FLTS3

1

115

115

$4,892,131

SPS

528561

DOLLARHIDE 3

528566

TOBOSO_FLTS3

1

115

115

7.4

276/304

2018

$13,659,867

SPS

528222

CHINA_DRAW 3

528246

YESO_HILLS 3

1

115

115

18.4

276/304

2018

2018

$1,047,575

SPS

528246

YESO_HILLS 3

1

115

115

2015

2018

2018

$997,575

SPS

528240

PONDEROSA 3

1

115

115

36

2015

2018

2018

$4,071,449

SPS

528239

DISTSUB3TP 3

1

115

115

0.2

36

2015

2018

2018

$4,727,414

SPS

528239

DISTSUB3TP 3

1

115

115

9.3

From Bus Name

To Bus
Number

528240

To Bus Name

PONDEROSA 3

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Rating

276/304
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Funding

Direct
Assigned
Direct
Assigned

Direct
Assigned

State

Upgrade
Name

Project
Description/Comments

Board Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

NM

Battle Axe Road Runner
115 kV Ckt 1

Construct new 18.9-mile
115 kV line from Road
Runner to Battle Axe.

NTC

36

2015

2018

2018

NTC

36

2015

2018

NTC

24

2016

Install new 12-Mvar
capacitor bank at Sun
South 115 kV.

24

Install 9.6 Mvar capacitor
bank at Caney 69 kV.

NM

NM
KS
KS
KS

Battle Axe
115 kV
Substation

Oxy South
Hobbs 115
kV
Substation

Sun South
115 kV Cap
Bank
Rock Creek
69 kV Cap
Bank

Caney 69 kV
Cap Bank

KS

Coleman Ripley 69 kV
Rebuild Ckt 1

KS

Cowskin Goddtap 69
kV Terminal
Upgrades

KS

KS

Atchison Maur Hill Kerford 69
kV Ckt 1
Rebuild

Atchison
Rebuilds
Phase 1

Construct new 115 kV
Battle Axe substation.
Install any necessary 115
kV terminal equipment.

Tap existing 115 kV line
from South Hobbs to the
Switch 4J44 substation to
construct new Oxy South
Hobbs substation.

Install 9.6 Mvar capacitor
bank at Rock Creek 69
kV.
Rebuild 3.5-mile 69 kV
line from Coleman to
Ripley to achieve a rating
of 131/143 MVA.
Upgrade terminal
equipment at Cowskin to
achieve a rating of 80
MVA on the 4.6-mile 69
kV line from Cowskin to
Goddtap.

Reconductor 69 kV line
from Atchison Junction 1
to Maur Hill to achieve a
rating of 41 MVA. Rebuild
1.7-mile 69 kV line from
Kerford to Maur Hill to
achieve a rating of
131/157 MVA.

Remove 69 kV line from
Midwest Grain Solvents
Junction 1 (STR 45 2) to
Midwest Grain Solvents
Junction 2 (Arnold
Junction 2) to Arnold to
Atchison Junction1 to
Atchison Castings.
Remove 69 kV line from
Atchison Junction 2 to
Maur Hill. Install zero
impedance line between
Arnold and Arnold
Junction 2. Construct new
69 kV line from Atchison
Junction 1 to Midwest
Grain Solvents Junction 1
(STR 45 2). Construct
new 69 kV line from
Arnold Junction 2 to
Atchison Junction 1 with
a rating of 131/143 MVA.
Reconductor 69 kV line
from Atchison Junction 2

Ckt

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

Miles
of
New

1

115

115

18.9

1

115

115

115

115

1

115

115

12 Mvar

ROCKCRK2

1

69

69

9.6 Mvar

533678

CANEY 2

1

69

69

9.6 Mvar

533787

COLEMAN2

533832

RIPLEYM2

1

69

69

533788

COWSKIN2

533879

GODDTAP2

1

69

69

WR

533472

ATCH J12

533475

KERFORD2

1

69

69

WR

533472

ATCH J12

533478

STR 45 2

1

138

138

Cost
Estimate
Source

From
Bus
Number

$12,574,305

SPS

528040

BATTLE_AXE 3

2018

$2,964,499

SPS

528040

BATTLE_AXE 3

2018

2018

$308,657

SPS

528480

OXY S_HOBBS3

2016

2018

2015

$500,000

SPP

539007

SUN_SOUTH

18

2016

2018

2018

$500,000

SPP

533458

18

2016

2018

2018

$500,000

SPP

24

2016

2018

2018

$2,454,264

SPP

12

2018

2019

2018

2020

2020

2020

$4,500,000

2020

2020

2020

$7,740,000

Cost
Estimate

From Bus Name

To Bus
Number

528025

To Bus Name

RDRUNNER 3

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Rating

276/304

3.5

131/157

80/80
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Funding

State

KS
KS
KS

KS
KS
KS

KS

KS
LA

Upgrade
Name

HEC Huntsville
115 kV Ckt 1
Rebuild

Minneola 115
kV Cap Bank
Barber Medicine
Lodge 138 kV
Ckt 1
Barber
138/115 kV
Ckt 1
Transformer

Manning 115
kV Cap Bank

Clearwater Milan Tap
138 kV
Rebuild (WR)
Clearwater Milan Tap
138 kV Ckt 1
Rebuild
(MKEC)

Milan 138 kV
Cap Bank
Benteler McDade 345
kV Ckt 1

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Rebuild 28.8-mile 115 kV
from HEC to Huntsville
and upgrade CTs to
achieve new rating of
83/99 MVA.

24

2021

2023

2023

18

2021

2023

Construct new 0.3-mile
138 kV line from Barber
to Medicine Lodge.

36

2020

Install new 138/115 kV
250 MVA transformer at
Barber substation. Install
any necessary 138 kV
terminal equipment

36

Rebuild Westar's portion
of the 11.7-mile 138 kV
line from Clearwater to
Milan Tap to achieve a
rating of 478 MVA.

18

Cost
Estimate
Source

From
Bus
Number

$6,042,249

SPP

533419

HEC 3

2018

$500,000

SPP

539037

MINNEOLA

2023

2018

$217,378

SPP

539674

BARBER 4

539998

2020

2023

2018

$2,810,198

SPP

539673

MED-LDG3

539998

2021

2023

2023

$500,000

SPP

531362

MANNGT 3

24

2018

$10,688,169

SPP

533036

CLEARWT4

539675

Rebuild Sunflower's
portion of the 11.7-mile
138 kV line from
Clearwater to Milan Tap
to achieve a rating of 478
MVA.

24

2018

$10,688,169

SPP

533036

CLEARWT4

539675

Construct new 10-mile
345 kV line from Benteler
to McDade.

539676

MILAN 4

48

507794

BENTELER7

Project
Description/Comments

Board Action

Cost
Estimate

From Bus Name

To Bus
Number

Ckt

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

1

115

115

1

115

115

MED-LDG_138

1

138

138

MED-LDG_138

1

138/115

115

250/250

1

115

115

3 Mvar

MILANTP4

1

138

138

11.7

478/478

MILANTP4

1

138

138

11.7

478/478

1

138

138

18

1

345

345

10

To Bus Name

Miles
of
New

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Rating

to Midwest Grain with a
rating of 131/157 MVA.
Construct new 138 kV
line from Arnold Junction
2 to Atchison Junction 1
with a rating of 131/143
MVA. Construct new 138
kV line from Atchison
Junction 2 to Midwest
Grain Solvents Junction 1
(STR 45 2) with a rating
of 108 MVA. Construct
new 138 kV line from
Atchison Castings to
Midwest Grain Solvents
Junction 1 (STR 45 2)
with a rating of 42 MVA.
Construct new 138 kV
line from Arnold Junction
2 to Midwest Grain with a
rating of 131/157 MVA.

Install new 18-Mvar
capacitor bank at
Minneola 115 kV.

Install new 3-Mvar
capacitor bank at
Manning 115 kV.

Install new 18-Mvar
capacitor bank at Milan
138 kV.

2023
2019

2023

2018

$13,083,537

SPP

530618

507793

HUNTSVL3

MCDADE 7

7.7

83/99
18 Mvar

0.29
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Funding

State

Upgrade
Name

Project
Description/Comments

LA

McDade
345/138 kV
Ckt 1
Transformer

Install new 345/138 kV
675 MVA transformer at
McDade substation.
Install any necessary 138
kV terminal equipment.

LA
LA
LA

LA

NE

NE
NE
NE
NE
NE
NE
NE

NE

Messick
500/345 kV
Ckt 1
Transformer
McDade Messick 345
kV Ckt 1

Benteler
345/138 kV
Ckt 1
Transformer

Western
Electric Tap Stonewall
138 kV Ckt 1
Terminal
Upgrades
Ainsworth
115 kV Cap
Bank

Plattesmouth
- S985 69 kV
Ckt 1
Terminal
Upgrades
S906 - S928
69 kV Ckt 1
Rebuild

JCT205 S901 69 kV
Ckt 1 Rebuild
JCT205 S910 69 kV
Ckt 1 Rebuild
Emmet Tap
115 kV Cap
Bank

Broken Bow
115 kV Cap
Bank

Humboldt
161/69 kV
Ckt 1
Transformer
Stuart - SW
Holt 115 kV
Ckt 1

Install new 500/345 kV
1500 MVA transformer at
Messick.
Construct new 35-mile
345 kV line from McDade
to Messick.

Install new 345/138 kV
314 MVA transformer at
Benteler substation.
Install any necessary 138
kV terminal equipment.
Replace station
equipment at Stonewall.
New emergency rating
309 MVA.
Expand existing 9 Mvar
bank to 15 Mvar
capacitor bank at
Ainsworth substation
115 kV bus.

Board Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

48

2019

2023

2018

48

2019

2023

48

2019

48

2019

Ckt

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

MCDADE 4

1

345/138

138

675/742.5

999115

8MESSICK

1

500/345

345

1500/1500

MCDADE 7

999115

8MESSICK

1

345

345

507794

BENTELER7

507792

BENTELER

1

345/138

138

314/366

507768

WESTELT4

509052

STONWAL4

1

138

138

246/331

1

115

115

15 Mvar

Cost
Estimate
Source

From
Bus
Number

$10,516,124

SPP

507793

MCDADE 7

507741

2018

$19,718,950

SPP

999113

8MESSICK

2023

2018

$45,792,379

SPP

507793

2023

2018

$10,516,124

SPP

12

Cost
Estimate

2023

From Bus Name

To Bus
Number

To Bus Name

Miles
of
New

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Rating

35

24

2016

2018

2018

$50,000

NPPD

640051

AINSWRT7

Upgrade CT on 6-mile
69kV line from
Plattesmouthe to S985.

24

2021

2023

2023

$10,000

SPP

640320

PLTSMTH8

647985

S985 8

1

69

69

6

65/65

Rebuild 3.6-mile 69kV
line from S906 to S928.

24

2021

2023

2023

$2,503,349

SPP

647006

S906 N 8

647928

S928 8

1

69

69

3.57

65/65

24

2021

2023

2023

$785,365

SPP

647901

S901 8

647105

JCT205 8

1

69

69

1.12

65/65

24

2021

2023

2023

$2,012,497

SPP

647910

S910 8

647105

JCT205 8

1

69

69

2.87

65/65

18

2018

$500,000

SPP

640465

EMMETE.TAP 7

1

115

115

27 Mvar

18

2015

$500,000

SPP

640089

BROKENB7

1

115

115

18 Mvar

24

2018

$6,892,209

SPP

640234

HUMBOLDT5

647975

S975 8

1

161/69

69

134/134

36

2023

$29,512,930

SPP

640367

STUART 7

640701

SW.HOLT CO.7

115

115

Rebuild 1.1-mile 69kV
line from JCT205 to S901.
Rebuild 2.9-mile 69kV
line from JCT205 to S910.
Expand existing 18-Mvar
capacitor bank to 27Mvar capacitor bank at
Emmet Tap 115 kV.

Install second 18-Mvar
capacitor bank at Broken
Bow 115 kV.
Install new 161/69 kV
134 MVA transformer at
Humboldt substation.
Install any necessary 69
kV terminal equipment.
Construct new 40-mile
115 kV line from Stuart
to the new SW Holt
substation.

40

240/240
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Funding

State

Upgrade
Name

Project
Description/Comments

NE

SW Holt 345
kV
Substation

Install any required 345
kV terminal equipment
required to construct
new SW Holt 345/115 kV
substation.

NE

SW Holt
345/115 kV
Ckt 1
Transformer

NE

S1258
345/161 kV
Ckt 1
Transformer

NE
NM
NM
NM

Fullerton PS24 115 kV
Ckt 1

North Loving
- South
Loving 115
kV Ckt 1
Artesia
115/69 kV
Ckt 1
Transformer
Artesia
115/69 kV
Ckt 2
Transformer

NM

China Draw
115 kV SVC

NM

Toboso Flats
115 kV SVC

NM

Potash
Junction
345/115 kV
Ckt 1
Transformer

NM

Andrews Cardinal 115
kV Ckt 1

NM

Andrews
345/115 kV
Ckt 1
Transformer

Tap the Holt Co. and
Cherry Co. 345 kV line to
construct the new SW
Holt substation. Install
345/115 kV transformer
at new substation. Install
any required 115 kV
terminal equipment.
Install new 345/161 kV
558 MVA transformer at
S1258 substation. Install
any necessary 161 kV
terminal equipment.
Construct new 15-mile
115 kV line from
Fullerton to the PS24
substation.

Construct new 3.4-mile
115 kV line from North
Loving to South Loving.

Board Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Cost
Estimate

Cost
Estimate
Source

From
Bus
Number

From Bus Name

To Bus
Number

To Bus Name

Ckt

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

345

345

400/400

Miles
of
New

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Rating

24

2023

$11,668,774

SPP

640701

SW.HOLT CO.7

24

2023

$10,516,124

SPP

640701

SW.HOLT CO.7

640700

SW.HOLT CO.3

1

345/115

115

400/400

24

2023

$10,516,124

SPP

645458

S3458 3

646258

S1258 5

1

345/161

161

558/558

36

2023

$11,067,349

SPP

640176

FULERTN7

640434

CEN.C.N7

115

115

15

160/160

3.4

276/304

36

2012

2015

2015

$6,928,199

SPS

528182

NORTH_LOVNG3

528192

SOUTH_LOVNG3

1

115

115

24

2016

2018

2018

$2,496,948

SPP

527699

ARTSIA_TR1 1

527701

ARTESIA 2

1

115/69

69

84/84

24

2016

2018

2018

$2,496,948

SPP

527700

ARTSIA_TR2 1

527707

ARTESIA 3

2

115/69

69

84/84

30

2015

2018

2018

$40,000,000

SPP

528220

CHDRAW_SVC 1

1

115

115

-50/+200 Mvar

30

2015

2018

2018

$40,000,000

SPP

528566

TOBOSO_FLTS3

1

115

115

-50/+200 Mvar

Remove 345/230 kV
transformer at Potash
Junction. Replace with
new 345/115 kV 448
MVA transformer.
Expand 115 kV bus at
Potash Junction as
needed.

24

2017

2019

2019

$10,516,124

SPP

527965

POTASH_JCT 7

527962

POTASH_JCT 3

1

345/115

115

448/448

Install new 345/115 kV
448 MVA transformer at
Andrews substation and
remove two 230/115 kV
transformers. Install any
necessary 115 kV
terminal equipment.

36

2018

2021

2019

$8,853,879

SPP

528602

ANDREWS 3

528596

CARDINAL 3

1

115

115

48

2018

2022

2022

$10,516,124

SPP

528604

ANDREWS 7

528602

ANDREWS 3

1

345/115

115

Upgrade 1st 115/69 kV
transformer at Artesia to
84 MVA.
Upgrade 2nd 115/69 kV
transformer at Artesia to
84 MVA.
Install new -50/+200
Mvar Static VAR
Capacitor (SVC) at China
Draw 115 kV bus.

Install new -50/+200
Mvar Static VAR
Capacitor (SVC) at
Toboso Flats 115 kV bus.

Construct new 12-mile
115 kV line from
Andrews to Cardinal.

12

525/525

448/448
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Funding

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

48

2018

2022

2022

NM

NM

NM

NM

IMC #2 Intrepid
West Tap
115 kV Ckt 1
Reconductor
Oasis Roosevelt
County
Interchange
Switch 115
kV Ckt 1
Terminal
Upgrades

Curry 115 kV
Load Move

NM

Battle Axe
345 kV Ckt 1
Terminal
Upgrades

NM

China Draw
345 kV Ckt 1
Terminal
Upgrades #2

345

345

Construct new 20-mile
115 kV line from new
Sage Brush substation to
Road Runner.

36

2020

2023

528025

RDRUNNER 3

1

115

115

20

276/304

36

2020

BATTLE_AXE 3

528228

WOOD_DRAW 3

1

115

115

15

276/304

Reconductor 9.5-mile
115 kV line from
Livingston Ridge to IMC
#1 Tap.

24

528035

IMC_#1_TP 3

527953

LIVSTNRIDGE3

1

115

115

9.47

SPP

527999

INTREPDW_TP3

527962

POTASH_JCT 3

1

115

115

1.51

276/304

SPP

527999

INTREPDW_TP3

528035

IMC_#1_TP 3

1

115

115

3.89

276/304

2023

524875

OASIS

524915

SW_4K33 6

1

230

230

2023

524821

CURRY

524822

CURRY

1

115

115

48

2019

528041

BATTLE_AXE 7

1

345

345

48

2019

528223

CHINA_DRAW 7

1

345

345

ANDREWS 7

527896

2023

$14,756,465

SPP

527955

SAGEBRUSH 3

2023

2023

$11,067,349

SPP

528040

2021

2023

2023

$4,351,605

SPP

24

2021

2023

2023

$693,867

Reconductor 3.9-mile
115 kV line from Intrepid
West Tap to IMC #2 with
477 ACSS conductor to
achieve a rating of
276/304 MVA.

24

2021

2023

2023

$1,787,512

Upgrade Oasis to
SW_4K33 230 kV line
trap: Increase Oasis to
SW_4K33 230 kV line
rating to 478/478 MVA.

12

2022

2023

Move Curry Load 69 kV
to 115 kV : Move loads
from Curry 69 kV to 115
kV

24

2021

2023

NM

Intrepid
West TapPotash
Junction 115
kV Ckt 1
Reconductor

1

528604

Road Runner
- Sage Brush
115 kV Ckt 1

NM

HOBBS_INT 7

SPP

Convert existing 30.5mile 230 kV line from
Andrews to Hobbs to 345
kV. Re-terminate line on
345 kV bus at Hobbs.
Ratings will be based on
current conductors bundled 795 ACSR.

Livingston
Ridge - IMC
#1 Tap 115
kV Ckt 1
Reconductor

Cost
Allocation
Voltage
(kV)

$30,530,000

NM

Andrews Hobbs 345
kV Ckt 1
Voltage
Conversion

Battle Axe Wood Draw
115 kV Ckt 1

Voltages
(kV)

From
Bus
Number

Project
Description/Comments

NM

Ckt

Cost
Estimate
Source

Upgrade
Name

State

Construct new 15-mile
115 kV line from Battle
Axe to Wood Draw.

Reconductor 1.5-mile
115 kV line from Intrepid
West Tap to Potash
Junction with 477 ACSS
conductor to achieve a
rating of 276/304 MVA.

Construct new 345 kV
terminal at the Battle Axe
substation. Install any
necessary 345 kV
terminal equipment for 4
transformer/line
terminations in ring
configuration expandable
to future breaker and a
half.
Install 345 kV terminal at
China Draw to terminate
the new 345 kV line from
Battle Axe. Install any
necessary 345 kV
terminal equipment.

Board Action

Cost
Estimate

From Bus Name

6

2

To Bus
Number

To Bus Name

3

Miles
of
New

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Rating

30.53

478/478
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Funding

State

NM

Upgrade
Name

Project
Description/Comments

Battle Axe Road Runner
345 kV Ckt 1

Construct new 15-mile
345 kV line from Battle
Axe to Road Runner.
Install 345 kV bus at
Road Runner for 4
transformer or line
terminations, expandable
for future terminations.

NM

Battle Axe
345/115 kV
Ckt 1
Transformer

NM

Dollarhide South Jal Sub
115 kV Ckt 1
Reconductor

NM

Ochoa Ponderosa
Tap 115 kV
Ckt 1
Reconductor

NM

Ponderosa
Tap - Whitten
115 kV Ckt 1
Reconductor

NM

OK

OK
OK
OK
OK

Potash
Junction
345/115 kV
Ckt 2
Transformer
Elk City
138/69 kV
Ckt 1
Transformer
Elk City 138
kV Ckt 1
Terminal
Upgrades

El Reno 138
kV Cap Bank
Winchester
69 kV Cap
Bank

Bufbear 138
kV Sub
Conversion

Install new 345/115 kV
448 MVA transformer at
new Battle Axe
substation. Install any
necessary 115 kV
terminal equipment as
expandable breaker and
half design.
Reconductor 3.7-mile
115 kV line from
Dollarhide to South Jal
Sub with 477 ACSS
conductor to achieve a
rating of 276/304 MVA.
Reconductor 9.1-mile
115 kV line from Ochoa
to Ponderosa Tap with
477 ACSS conductor to
achieve a rating of
276/304 MVA.

Reconductor 5.9-mile
115 kV line from
Ponderosa Tap to
Whitten with 477 ACSS
conductor to achieve a
rating of 276/304 MVA.

Install 2nd 345/115 kV
448 MVA transformer at
Potash Junction. Expand
115 kV bus as needed for
termination.
Install new 138/69 kV
68/89 MVA transformer
at Elk City substation.
Install any necessary 69
kV terminal equipment.

Board Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Cost
Estimate

Cost
Estimate
Source

From
Bus
Number

From Bus Name

To Bus
Number

To Bus Name

Ckt

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

Miles
of
New

15

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Rating

48

2019

$19,625,305

SPP

528041

BATTLE_AXE 7

528027

RDRUNNER 7

1

345

345

48

2019

$10,516,124

SPP

528041

BATTLE_AXE 7

528040

BATTLE_AXE 3

1

345/115

115

24

2023

$1,700,205

SPP

528561

DOLLARHIDE 3

528547

S_JAL

1

115

115

3.7

276/304

24

2023

$4,161,825

SPP

528232

OCHOA

528239

DISTSUB3TP 3

1

115

115

9.057

276/304

24

2023

$2,717,111

SPP

528239

DISTSUB3TP 3

528540

WHITTEN 3

1

115

115

5.913

276/304

24

2019

$10,516,124

SPP

527965

POTASH_JCT 7

527962

POTASH_JCT 3

2

345/115

115

448/448

$2,810,198

SPP

511458

ELKCTY-4

511459

ELKCTY-2

1

138/69

69

68/89

511458

ELKCTY-4

1

138

138

68/89

3

3

448/448

24

2015

2017

2017

Install any necessary 138
kV terminal equipment at
Elk City associated with
new 138/69 kV
transformer.

24

2015

2017

2017

Install new 24-Mvar
capacitor bank at El Reno
138 kV.
Install new 12-Mvar
capacitor bank at
Winchester 69 kV.

18

2016

2018

2018

$504,000

SPP

520893

EL RENO4

1

138

138

24 Mvar

18

2016

2018

2015

$237,000

SPP

520408

WINCHESTER2

1

69

69

12 Mvar

Convert Bufbear
substation to 138 kV.

24

2016

2018

2015

521120

BUFBEAR2

1

138

138

144/179
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Funding

State

Upgrade
Name

Project
Description/Comments

OK

Buffalo
138/69 kV
Ckt 1
Transformer

Install new 138/69 kV 70
MVA transformer at
Buffalo substation. Install
any necessary 69 kV
terminal equipment.

OK
OK

OK

OK

Bufbear - Ft.
Supply 138
kV Ckt 1
Rebuild
Bufbear Buffalo 138
kV Ckt 1
Rebuild

Mooreland Woodward
District EHV
345 kV Ckt 1

Alva OGE Alva WFEC
69 kV Ckt 1
Reconductor
(WFEC)

OK

Alva OGE Alva WFEC
69 kV Ckt 1
Reconductor
(OGE)

OK

Thomas Tap Weatherford
69 kV Ckt 1
Rebuild

OK

Roosevelt Snyder 69 kV
Ckt 1 Rebuild

OK

Byron Medlodge
138 kV Ckt 1
Rebuild

OK

OK

Hazelton Medlodge
138 kV Ckt 1
Rebuild
Border Chisholm 345
kV Ckt 1

Rebuild the 14.5-mile 69
kV line from Bufbear to
Ft. Supply with 138 kV
conductor.
Rebuild the 3.3-mile 69
kV line from Bufbear to
Buffalo with 138 kV
conductor.

Construct WFEC's
portion of new 10-mile
345 kV line from
Mooreland to Woodward
District EHV.

Reconductor WFEC's
portion of the 2.1-mile 69
kV line from Alva OGE to
Alva WFEC to achieve a
new line rating of
134/143 MVA.
Reconductor OGE's
portion of the 2.1-mile 69
kV line from Alva OGE to
Alva WFEC to achieve a
new line rating of
134/143 MVA.
Rebuild 0.9-mile 69 kV
line from Thomas Tap to
Weatherford with 959.6
ACSR/TW conductor to
achieve a new line rating
of 68/94 MVA.
Rebuild 14-mile 69 kV
line from Roosevelt to
Snyder with 959.6
ACSR/TW conductor to
achieve a new line rating
of 68/68 MVA. Upgrade
jumpers at Snyder.

Rebuild existing 6.9-mile
69 kV line 138 kV line
from Byron to Medlodge
with 138 kV conductor.
Rebuild existing 12.6mile 69 kV line from
Hazelton to Medlodge
with 138 kV conductor.

Cut in to 345 kV line from
Border to Woodward
District EHV and
construct new 0.5-mile
line to terminating at
Chisholm 345kV
substation, creating a
Border - Chisholm EHV
345 kV line. Install any
necessary 345 kV

Board Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Ckt

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

24

2016

2018

2015

BUFFALO2

1

138/69

69

24

2016

2018

521120

BUFBEAR2

1

138

138

14.5

144/179

24

2016

BUFBEAR2

521300

BUFFALO_138

1

138

138

3.25

144/179

48

522400

MOORELND4

515375

WWRDEHV7

1

345

345

SPP

514792

ALVAOGE2

520806

ALVA 2

1

69

69

1.05

134/143

$407,419

SPP

514792

ALVAOGE2

520806

ALVA 2

1

69

69

1.05

134/143

2021

$631,096

SPP

511517

THOMAST2

511481

WEATHER2

1

69

69

0.9

68/98

2021

2021

$9,817,057

SPP

511444

ROSVTAP2

511475

SNYDER-2

1

69

69

14

68/68

2019

2021

2021

$6,303,279

SPP

520203

BYRON_138

522396

MEDLODGE

1

138

138

6.9

183/228

24

2019

2021

2021

$11,510,336

SPP

520937

HAZELTN2

522396

MEDLODGE

1

138

138

12.6

183/228

36

2018

2021

2021

$654,177

SPP

515458

BORDER

511553

ELKCITY7

1

345

345

Cost
Estimate
Source

From
Bus
Number

$2,810,198

SPP

521300

BUFFALO_138

520835

2015

$13,246,021

SPP

520920

FTSUPLY4

2018

2015

$2,968,936

SPP

521120

2014

2018

2018

$13,083,537

SPP

24

2016

2018

2018

$407,419

24

2016

2018

2018

24

2019

2021

24

2019

24

Cost
Estimate

From Bus Name

7

To Bus
Number

To Bus Name

Miles
of
New

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Rating

70/70

10

0.5

1004/1198

1475/1623
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Funding

State

Upgrade
Name

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Ckt

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

Miles
of
New

36

2018

2021

2021

WWRDEHV7

1

345

345

0.5

36

2018

2021

511490

ELKCITY6

2

345/230

230

24

2021

CLYDE 2

515546

GRANTCO4

1

138

138

8.95

268/308

24

514719

CLYDE 2

514736

4CORNER2

1

138

138

10.05

268/308

SPP

514736

4CORNER2

515501

KREMLNT2

1

138

138

8.06

268/308

$7,262,474

SPP

515501

KREMLNT2

514769

NE ENID4

1

138

138

7.95

268/308

2015

$185,004

SPP

520409

SAND RDG_138

1

138

138

9 Mvar

2023

2018

$237,000

SPP

520830

BRADY 2

1

69

69

12 Mvar

2022

2023

2023

515147

GLASSES4

1

138

138

133/152.7

2021

2023

2023

514791

CLEO 2

1

69

69

9 Mvar

Cost
Estimate
Source

From
Bus
Number

$654,177

SPP

511553

ELKCITY7

515375

2021

$10,516,124

SPP

511553

ELKCITY7

2023

2023

$8,175,993

SPP

514719

2021

2023

2018

$5,625,708

SPP

24

2021

2023

2018

$4,511,762

Remove existing 8-mile
69 kV line from Kremlin
to NE Enid and replace
with new 138 kV line.

24

2021

2023

2023

Install new 9-Mvar
capacitor bank at
Sandridge 138 kV.

Install new 12-Mvar
capacitor bank at Brady
69 kV.

18

2021

2023

Increase capacity of
Russet CT from 600 amps
to 800 amps to increase
the emergency rating on
138 kV line from Glasses
to Russet to 152.7 MVA.

18

2021

12
18

Project
Description/Comments

Board Action

Cost
Estimate

From Bus Name

To Bus
Number

To Bus Name

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Rating

terminal equipment at
Chisholm.

OK

Chisholm Woodward
District EHV
345 kV Ckt 1

OK

Chisholm
345/230 kV
Ckt 2
Transformer

OK
OK
OK
OK
OK
OK

OK
OK
OK

Clyde - Grant
County 138
kV Ckt 1
Rebuild
Clyde - Four
Corners 138
kV Ckt 1
Reconductor

Four Corners
- Kremlin
138 kV Ckt 1
Reconductor

Kremlin - NE
Enid 138 kV
Ckt 1 Rebuild
Sandridge
138 kV Cap
Bank

Brady 69 kV
Cap Bank
Glasses Russet 138
kV Ckt
Terminal
Upgrades
Cleo 69 kV
Cap Bank

Saline 69 kV
Cap Bank

Cut in to 345 kV line from
Border to Woodward
District EHV and
construct new 0.5-mile
line to terminating at
Chisholm 345kV
substation, creating a
Chisholm - Woodward
District EHV 345 kV line.
Install any necessary 345
kV terminal equipment at
Chisholm.
Install 2nd 345/230 kV
675 MVA transformer at
Chisholm substation.
Install any necessary 230
kV terminal equipment.

Remove existing 9-mile
69 kV line from Clyde to
Grant County and replace
with new 138 kV line.
Reconductor 10.1-mile
138 kV line from Clyde to
Four Corners.
Reconductor 8.1-mile
138 kV line from Four
Corners to Kremlin.

Install 9-Mvar capacitor
bank at Cleo 69 kV.
Install 9-Mvar capacitor
bank at Saline 69 kV.

18

2021

2023

2023

$740,254
$740,254

SPP
SPP

514716

SALINE 2

515120

RUSSET-4

1

69

69

1475/1623

675/742.5

9 Mvar

159 of 184

Funding

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

24

2021

2023

2023

24

2021

2023

Rebuild the 15-mile 69
kV line from El Dorado to
Lake Pauline WTU to
achieve a rating of 53/65
MVA.

24

2021

Install new 12-Mvar
capacitor bank at Sugden
69 kV.
Install new 4.8-Mvar
capacitor bank at
Walville 69 kV.

18

Restore the rating of the
138 kV line from Kinzie
to 19th Street to 203/238
MVA.

State

Upgrade
Name

Project
Description/Comments

OK

Gypsum Russell 69 kV
Ckt 1 Rebuild

Rebuild the 4-mile 69 kV
line from Gypsum to
Russell to achieve a
rating of 53/65 MVA.

OK

OK
OK
OK
OK

OK

OK

OK

OK

OK

OK
OK

El Dorado
Junction Gypsum 69
kV Ckt 1
Rebuild

El Dorado Lake Pauline
WTU 69 kV
Ckt 1 Rebuild

Sugden 69 kV
Cap Bank
Walville 69
kV Cap Bank

Kinzie - 19th
Street 138 kV
Ckt 1
Terminal
Upgrades
Little River Maud Tap 69
kV Ckt 1
Reconductor
Northeast
Station Watova 138
kV Ckt 1
Terminal
Upgrade
Winchester
Tap 69 kV
Cap Bank

Bartlesville
Commanche Mound Road
138 kV Ckt 1
Rebuild
Park Lane Seminole 138
kV Ckt
Terminal
Upgrades
Seminole Vanoss 138
kV Ckt
Terminal
Upgrades

Glencoe 138
kV Cap Bank

Rebuild the 7.1-mile 69
kV line from El Dorado
Junction to Gypsum to
achieve a rating of 53/65
MVA.

Reconductor 10.7-mile
69 kV line from Little
River to Maud Tap to
achieve a new line rating
of 52.6/65.7 MVA.
Replace wave traps at
Northeast Station and
Nowata 138 kV to
achieve a new line rating
of 202/235 MVA.
Install new 24-Mvar
capacitor bank at
Winchester Tap 69 kV.

Rebuild 2.8-mile 138 kV
line from Bartlesville
Commanche to Mound
Road with 1533.6
ACSR/TW conductor.
Upgrade CT ratios and
relay settings.

Upgrade CT on 138 kV
line from Park Lane to
Seminole to increase the
line rating to 382.4 MVA.

Replace wave trap on 138
kV line from Seminole to
Vanoss to increase the
line rating to 310/354
MVA.
Add 14.4 Mvar capacitor
bank to Glencoe 138 kV.

Board Action

Ckt

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

RUSSELL2

1

69

69

4

53/65

520929

GYPSUM 2

1

69

69

7.1

53/65

512111

LAKEP2WT

1

69

69

15

53/65

SUGDEN 2

1

69

69

12 Mvar

521087

WALVILL2

1

69

69

4.8 Mvar

512710

KINZEGR4

512712

19TH ST4

1

138

138

203/238

515503

LTRIVRT2

515054

MAUD 2

1

69

69

510396

N.E.S.-4

510384

WATOVA 4

1

138

138

202/235

1

69

69

24 Mvar

Cost
Estimate
Source

From
Bus
Number

$2,804,873

SPP

520929

GYPSUM 2

521042

2023

$4,978,650

SPP

520895

ELDORDJ2

2023

2023

$10,518,275

SPP

520896

ELDORDO2

2021

2023

2023

$237,000

SPP

521057

18

2021

2023

2023

$237,000

SPP

12

2022

2023

2018

Cost
Estimate

$4,163,431

To Bus
Number

To Bus Name

Miles
of
New

Miles of
Recon
/Rebuild

Rating

2015

12

2018

24

2015

$237,000

SPP

520408

WINCHESTER2

24

2015

$2,557,852

SPP

510390

BV-COM-4

510395

MOUNDRD4

1

138

138

12

2023

515044

SEMINOL4

515178

PARKLN 4

1

138

138

382.4/382.4

12

2023

515044

SEMINOL4

515174

VANOSS 4

1

138

138

310/354

18

2023

301425

4GLENCOE

1

138

138

14.4 Mvar

SPP

10.73

Miles
of
Voltage
Conv

24

$500,000

SPP

From Bus Name

2.8

52.6/65.7

212/212
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Funding

State

OK

OK

TX
TX
TX
TX

Upgrade
Name
Keystone Wekiwa 69
kV Ckt 1
Rebuild

Nowata Watova 138
kV Ckt 1
Terminal
Upgrade

Hereford
115/69 kV
Ckt 1
Transformer
Hereford
115/69 kV
Ckt 2
Transformer

Hale County Tuco 115 kV
Ckt 1
Reconductor
Kiser 115 kV
Cap Banks

TX

Big Sandy Perdue 69 kV
Ckt 1 Rebuild

TX

Bowers Grapevine
115 kV
Reconductor

TX

TX
TX

TX

TX

Allen
Substation Lubbock
South
Interchange
115 kV Ckt 1
Rebuild.

Hitchland
230/115 kV
Ckt 2
Transformer
Carlisle
230/115kV
Ckt 1
Transformer
Lone Star
South Wilkes 138
kV Ckt 1
Terminal
Upgrades

Sundown Wolfforth
230 kV Ckt 1
Reconductor

Project
Description/Comments

Rebuild 2.0 miles to
1533.6 ACSR/TW. New
ratings 191/191 MVA.

Replace wave traps at
Northeast Station and
Nowata 138 kV to
achieve a new line rating
of 202/235 MVA.
Upgrade 1st 115/69 kV
transformer at Hereford
to 84 MVA.

Board Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

24

2023

12

2023

Cost
Estimate

$1,827,037

Ckt

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

WEKIWA-4

1

138

138

510384

WATOVA 4

1

138

138

202/235

Cost
Estimate
Source

From
Bus
Number

SPP

505610

KEYSTON4

509757

510397

NOWATA-4

From Bus Name

To Bus
Number

To Bus Name

Miles
of
New

Miles of
Recon
/Rebuild

2

Miles
of
Voltage
Conv

Rating

191/191

24

2016

2018

2018

$2,496,948

SPP

524606

HEREFORD 3

524602

HERFRD_TR1 1

1

115/69

69

84/84

24

2016

2018

2018

$2,496,948

SPP

524606

HEREFORD 3

524603

HERFRD_TR2 1

2

115/69

69

84/84

Reconductor 20.5-mile
115 kV line from Tuco to
Hale County with 477
ACSS conductor.

24

2016

2018

2018

$9,415,457

SPP

525454

HALE_CNTY 3

525828

TUCO_INT 3

1

115

115

Rebuild 5.5-mile 69 kV
line from Big Sandy to
Perdue with 1233.6
ACSR/TW conductor to
achieve a new line rating
of 123/143 MVA.

18

2016

2018

2018

$697,688

SPP

525272

KISER

1

115

115

24

2017

2019

2018

$3,856,701

SPP

508335

BIGSNDY2

Reconductor 3.9-mile
115 kV line from Bowers
to Grapevine with 477
ACSS conductor.

24

2017

2019

2019

$1,796,703

SPP

523748

BOWERS

Rebuild 6 miles of 115 kV
line from Lubbock South
Interchange to Allen
Substation.

24

2019

2019

$4,786,717

SPP

526268

Add 2nd 230/115 kV 250
MVA transformer at
Hitchland.

24

2021

2023

2023

$6,020,434

SPP

24

2021

2023

2023

$6,020,434

SPP

12

2022

2023

2015

24

2021

2023

2023

Upgrade 2nd 115/69 kV
transformer at Hereford
to 84 MVA.

Install two (2) 14.4 Mvar
capacitor banks at Kiser
115 kV bus.

Increase Carlisle
230/115 kV transformer
to 250 MVA.

Upgrade CTs at Wilkes
138 kV to achieve a new
rating of 423/423 MVA
on the Lone Star South to
Wilkes 138 kV line.
Reconductor 24.6-mile
230 kV line from
Sundown to Wolfforth to
achieve a rating of
598/598 MVA.

$22,580,725

SPP

3

20.49

276/304
28.8 Mvar

508350

PERDUE 2

1

69

69

5.5

123/143

523770

GRAPEVINE 3

1

115

115

3.91

276/304

Lubbock South Interchange 115 kV

526213

Allen Sub 115 kV

1

115

115

6.1

273/300

523095

HITCHLAND 6

523093

HITCHLAND 3

2

230/115

115

250/288

526161

CARLISLE 6

526160

CARLISLE 3

1

230/115

115

250/288

508297

LSSOUTH4

508840

WILKES 4

1

138

138

423/423

526435

SUNDOWN 6

526525

WOLFFORTH 6

1

230

230

3

24.62

598/598
161 of 184

Funding

State

Upgrade
Name

TX

Sundown
230/115 kV
Ckt 2
Transformer

TX

TX
TX
TX
TX

Lubbock
South Wolfforth
230 kV Ckt 1
Terminal
Upgrades

Plant X
230/115 kV
Ckt 2
Transformer
Seminole
230/115 kV
Ckt 1
Transformer
Seminole
230/115 kV
Ckt 2
Transformer
Wolfforth
230/115 kV
Ckt 1
Transformer

TX

Deaf Smith Hereford 115
kV Ckt 2
Reconductor

TX

Puckett Soncy Tap
115 kV Ckt 1
Reconductor

TX

Coulter Puckett 115
kV Ckt 1
Reconductor

TX

TX
TX
TX

Northwest Rolling Hills
115 kV
Reconductor
Ckt 1

Frankford
Sub - Murphy
115 kV Ckt 1
Terminal
Upgrades

Castro 115
kV Cap Banks
Graham 115
kV Cap Banks

Project
Description/Comments

Install 2nd 230/115 kV
250 MVA transformer at
Sundown.

Replace line trap to
increase the rating on the
230 kV line from Lubbock
South to Wolfforth to
478/502 MVA.
Add 2nd 230/115 kV 250
kV transformer at Plant
X.
Increase 1st 230/115 kV
transformer at Seminole
to 250 MVA.

Increase 2nd 230/115 kV
transformer at Seminole
to 250 MVA.
Increase 230/115 kV
transformer Wolfforth to
250 MVA.

Reconductor second 2.2mile 115 kV line from
Deaf Smith to Hereford
with 477 ACSS conductor
to achieve a new rating of
276/304 MVA.
Reconductor 0.7-mile
115 kV line from Puckett
to Soncy Tap with 477
ACSS conductor to
achieve a new rating of
276/304 MVA.

Reconductor 2.3-mile
115 kV line from Coulter
to Puckett with 477 ACSS
conductor to achieve a
rating of 276/304 MVA.

Reconductor 8.3-mile
115 kV line from
Northwest to Rolling Hills
with 477 ACSS conductor
to achieve a rating of
276/304 MVA.
Increase Murphy to
Frankford 115 kV line
rating to 159/160 MVA.

Install two (2) 14.4-Mvar
capacitor banks at Castro
115 kV.
Install two (2) 7.5 Mvar
capacitor banks at

Board Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Ckt

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

24

2021

2023

2023

SUNDOWN 3

1

230/115

115

250/288

12

2022

2023

2023

526525

WOLFFORTH 6

1

230

230

478/502

24

2021

2023

2023

$6,020,434

PLANT_X 6

525480

PLANT_X 3

2

230/115

115

250/288

24

2021

2023

2023

527276

SEMINOLE 6

527275

SEMINOLE 3

1

230/115

115

250/288

24

2021

2023

SPP

527276

SEMINOLE 6

527275

SEMINOLE 3

2

230/115

115

250/288

24

2021

$6,020,434

SPP

526525

WOLFFORTH 6

526524

WOLFFORTH 3

1

230/115

115

250/288

24

2023

$997,147

SPP

524606

HEREFORD 3

524622

DEAFSMITH 3

2

115

115

2.17

276/304

2023

2023

$326,255

SPP

524256

PUCKETT 3

524252

SONCY_TP 3

1

115

115

0.71

276/304

2021

2023

2023

$1,056,884

SPP

524306

COULTER 3

524256

PUCKETT 3

1

115

115

2.3

276/304

24

2021

2023

2023

$3,832,353

SPP

524007

ROLLHILLS 3

524106

NORTHWEST 3

1

115

115

8.34

276/304

12

2022

2023

2023

526192

MURPHY

526199

SP-FRANKFRD3

1

115

115

159/160

18

2021

2023

2023

$697,688

SPP

524746

CASTRO_CNTY3

1

115

115

28.8 Mvar

18

2021

2023

2023

$697,688

SPP

526693

GRAHAM

1

69

69

15 Mvar

Cost
Estimate
Source

From
Bus
Number

SPP

526435

SUNDOWN 6

526434

526269

LUBBCK_STH 6

SPP

525481

$6,020,434

SPP

2023

$6,020,434

2023

2023

2021

2023

24

2021

24

Cost
Estimate

$6,020,434

From Bus Name

3

2

To Bus
Number

To Bus Name

Miles
of
New

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Rating

162 of 184

Funding

State

TX
TX

Upgrade
Name

Newtext 115
kV Cap Bank
Bowers 115
kV Load
Move

TX

Acuff - Idalou
69 kV Ckt 1

TX

Vickers 115
kV Load
Move

TX
TX

TX

TX

TX
TX
TX

TX

TX
TX

Carlisle Doud Tap
115 kV Ckt 1
Reconductor
Doud - Doud
Tap 115 kV
Ckt 1
Reconductor

Doud Tap Wolf Tap 115
kV Ckt 1
Reconductor
Wolf Tap Yuma 115 kV
Ckt 1
Reconductor

Hughes
Springs Jenkins REC
T 69 kV Ckt 1
Rebuild
Cochran 115
kV Cap Bank

Center
345/138 kV
Ckt 1
Transformer

McLean Wheeler 115
kV Ckt 1
Lubbock
South Woodrow
115 kV Ckt 1
Reconductor
Big Sandy Hawkins 69
kV Ckt 1

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Install 7.5 Mvar capacitor
bank at Newtext 69 kV.

18

2021

2023

2023

Tap 115 kV line from
Crosby to Lubbock East 69 kV bus via - New Line
- 2.45 mile, 69kV Connect SP-ACUFF to SPIDALOU

24

2021

2023

24

2021

24

Project
Description/Comments

Board Action

Ckt

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

1

69

69

3

1

115

115

526116

SP-IDALOU 2

1

69

69

526124

VICKERS 3

1

115

115

CARLISLE 3

526162

LP-DOUD_TP 3

1

115

2.5

276/304

526162

LP-DOUD_TP 3

526176

LP-DOUD 3

1

115

1.7

276/304

SPP

526162

LP-DOUD_TP 3

526481

SP-WOLF_TP 3

1

115

1.4

276/304

$367,612

SPP

526481

SP-WOLF_TP 3

526475

YUMA_INT 3

1

115

0.8

276/304

2023

$3,365,848

SPP

508291

HUGHES 2

508293

JENKNST2

1

69

69

4.8

123/143

12

2015

$1,401,906

SPS

526361

COCHRAN 3

1

115

115

28.8 Mvar

48

2023

$10,516,124

SPP

509048

CENTER 9

314/366

36

2023

$25,823,814

SPP

523811

MCLEAN

24

2023

$2,747,898

SPP

526268

24

2023

$3,856,701

SPP

508335

Cost
Estimate
Source

From
Bus
Number

SPP

528718

LE-NEWTEX 2

2023

523747

BOWERS

2

523748

BOWERS

2023

2023

525906

SP-ACUFF 2

2021

2023

2023

526123

24

2021

2023

2023

$1,148,787

SPP

526160

24

2021

2023

2023

$781,175

SPP

24

2021

2023

2023

$643,321

24

2021

2023

2023

24

2021

2023

Cost
Estimate

From Bus Name

To Bus
Number

To Bus Name

Miles
of
New

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Rating

Graham 69 kV.

Move loads from Bowers
2 - 69 kV to Bowers 3 115 kV

Move Vicksburg Load 69
kV to 115 kV: Move load
from Vickers 69 kV to
115 kV

Reconductor 2.3-mile
115 kV line from Carlisle
to Doud Tap to achieve a
new rating of 276/304.

Reconductor 1.7-mile
115 kV line from Doud to
Doud Tap to achieve a
new rating of 276/304.
Reconductor 1.4-mile
115 kV line from Doud
Tap to Wolf Tap to
achieve a new rating of
276/304.

Reconductor 0.8-mile
115 kV line from Wolf
Tap to Yuma to achieve a
new rating of 276/304.
Rebuild 4.8 miles to
959.6 ACSR/TW.
Upgrade jumpers at
Hughes Springs.

Install 28.8 Mvar
capacitor bank at
Cochran 115 kV bus.

Install new 345/138 kV
314 MVA transformer at
Center substation. Install
any necessary 138 kV
terminal equipment.

Construct new 35-mile
115 kV line from Wheeler
to McLean to achieve a
rating of 180/199 MVA.

Reconductor Line - 5.98
miles. 115 kV - Lubbock
South - Woodrow for 477
ACSS rated 276/304 MVA
Rebuild 5.5 miles to
1233.6 ACSR/TW. New

$697,688

7.5 Mvar

2.45

509058

CENTER 4

1

345/138

138

523776

WHEELER 3

1

115

115

LUBBCK_STH 3

526602

SP-WOODROW 3

1

115

115

5.98

276/304

BIGSNDY2

508344

HAWKINS2

1

69

69

5.5

123/143

3

35

180/199
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Funding

State

Upgrade
Name
Rebuild

TX

Mineola Grand Saline
69 kV Ckt 1
Rebuild

TX

North
Mineola Quitman 69
kV Ckt 1
Rebuild

TX

Adora Adora Tap
138 kV Ckt 1
Rebuild

TX

Adora Winfield 138
kV Ckt 1
Rebuild

TX
TX

TX

TX

TX/LA

Blocker Blocker Tap
69 kV Ckt 1
Reconductor
Rockhill
138/69 kV
Ckt 2
Transformer
Lone Star
South Pittsburgh
138 kV Ckt 1
Terminal
Upgrades
New
Prospect Rockhill 138
kV Ckt 1
Terminal
Upgrades

Center Dolet Hills
345 kV Ckt 1

Project
Description/Comments

Board Action

Project
Lead
Time
(Months)

50/50
Project
Start
Year

50/50
Year

90/10
Year

Cost
Estimate

Cost
Estimate
Source

From
Bus
Number

From Bus Name

To Bus
Number

To Bus Name

Ckt

Voltages
(kV)

Cost
Allocation
Voltage
(kV)

Miles
of
New

Miles of
Recon
/Rebuild

Miles
of
Voltage
Conv

Rating

ratings 123/143 MVA.

Rebuild 13.8 miles to
959.6 ACSR/TW.
Upgrade CT ratios at
Mineola and jumpers, CT
ratios, and relay settings
at Grand Saline. New
ratings 64/94 MVA.

24

2023

$9,676,813

SPP

508342

GRANDSL2

508347

MINEOLA2

1

69

69

13.8

64/94

24

2023

$6,030,478

SPP

508348

NMINEOL2

508353

QUITMAN2

1

69

69

8.6

64/94

24

2023

$981,706

SPP

508284

ADORA 2

508285

ADORA T2

1

69

69

1.4

137/137

24

2023

$3,576,213

SPP

508284

ADORA 2

508315

WINFIEL2

1

69

69

5.1

137/137

24

2023

$271,612

SPP

509053

BLOCKER2

509055

BLOCKRT2

1

69

69

0.7

134/156

Install 2nd 138/69 kV
103 MVA transformer at
Rockhill.

24

2023

$2,810,198

SPP

509083

ROKHILL4

509082

ROKHILL2

1

138/69

69

93/103

Upgrade CT's on
Pittsburg: Pittsburg New
ratings 362 MVA

12

2023

508297

LSSOUTH4

508313

PITTSB_4

1

69

69

362/362

Replace Rock Hill circuit
breaker, wave trap,
jumpers and relay. New
emergency rating 331
MVA.

12

2023

509083

ROKHILL4

509102

NEWPROS4

1

138

138

246/331

48

2023

509048

CENTER 9

500250

DOLHILL7

1

345

345

Rebuild 8.6 miles to
959.6 ACSR/TW and
upgrade bus, jumpers, CT
ratios and relay settings
at Quitman. New ratings
64/94 MVA.
Adora T - Adora Winfield: Rebuild 6.5
miles to 959.6 ACSR/TW.
Upgrade CT ratios at
Winfield. New ratings
137/137.
Adora T - Adora Winfield: Rebuild 6.5
miles to 959.6 ACSR/TW.
Upgrade CT ratios at
Winfield. New ratings
137/137.
Reconductor 0.7-mile 69
kV line from Blocker to
Blocker Tap.

Construct new 45-mile
345 kV line from Center
to Dolet Hills.

$58,875,915

SPP

45

Table C.1: HPILS Project List
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Appendix D: Zonal Customer Definition for APC
Calculation
SPP Transmission Service Customer List
Short Name
Long Name
AECCAEPW
Arkansas Electric Coop Corp. (AEPW)
AECCOKGE
Arkansas Electric Coop Corp. (OKGE)
AECCSWPA
Arkansas Electric Coop Corp. (SWPA)
AEPW
American Electric Power System West
COOPS
Coops and Munis in SPS
EMDE
Empire District Electric Co.
ETEC
East Texas Electric Cooperative
GINPPD
City of Grand Island 640
GMO
Greater Missouri Operations Company
GOLDEN
Golden Spread Electric Coop
GRDA
Grand River Dam Authority
HASTNPPD
Hastings Utilities 640
INDN
Independence Power & Light Dept.
KACY
Kansas City Board of Public Utilities
KCPL
Kansas City Power & Light Co.
KEPCSUNC
Kansas Electric Power Coop. Inc. in SUNC
KEPCWERE
Kansas Electric Power Coop. Inc. in WERE
KPPWERE
Kansas Power Pool in WERE
LES
Lincoln Electric System
LUBBOCK
Lubbock Power and Light
MEANNPPD
Municipal Energy Agency of NE 640
MIDW
Midwest Energy Inc.
MKEC
Mid-Kansas Electric Co. LLC
NPPD
Nebraska Public Power District
OKGE
Oklahoma Gas & Electric Company
OMPA
Oklahoma Municipal Power Authority
OPPD
Omaha Public Power District
OPPDMUNI
OPPD Muni
OTHSPP
Other Entities-in SPP
SPCIUT
City Utilities of Springfield (Springfield, MO)
SUNC
Sunflower Electric Power Corp.
SWPS
Southwestern Public Service Company
WEFA
Western Farmers Electric Cooperative
WRI
Westar Energy
Other SPP List
Short Name
Long Name
SWPA
Southwestern Power Administration

Table D.1: Zonal Customer Definition
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Appendix E: Economics Needs Assessment
2023 Needs Assessment
An economic project needs assessment to identify the most congested flowgates was completed on the
2023 50/50 HPILS scenario based on the Tuco-Amoco-Hobbs 345 kV New Mexico reliability
alternative. Prior to identifying the most congested model flowgates, reliability solutions developed
based on the 2014 ITPNT and the HPILS reliability assessment were incorporated into the model. The
most congested flowgates were then identified based on the average hourly shadow price of the binding
element. The needs list sorted by congestion cost is displayed in Table E.1.

Constraint
PECOS
3 Transformer 115 kV
RANDALL 3 - CANYON_EAST3
115 kV
PECOS
6 Transformer 230 kV
EDDY_SOUTH 6 Transformer 230
kV
AVOCA

5 - EROGERS5 161 kV

HAYNE3 - CIM-PLT3 115 kV
PLANT_X

3,054
4,773

$422

$2,013,070

SWPS

528094[7-RIVERS 3115.0
BUSHLAND 230DEAFSMIT 23
528094[7-RIVERS 3115.0

Avg
Shadow
Price
($/MWh)
$806

1,632

$858

$1,401,056

SWPS

527793[EDDY_STH 3115.0

549

$1,348

$740,218

AECCAEPWAEPW
KEPCSUNCMKEC
SWPS

SHIPERD7 345-KINGRIV7
34
CMRIVTP3 115-E-LIBER3
11
525531[TOLK_WEST 6230.0

3,321

$135

$447,411

2,779

$135

$375,187

585

$470

$274,737

SWPS

525531[TOLK_WEST 6230.0
MADDOX 115-SANGER_S
115
MINGO 7 345-SETAB 7 34

162

$990

$160,416

185

$749

$138,624

1,266

$101

$127,840

3,162

$25

$79,634

816

$91

$74,196

3,026

$24

$73,612

49

$1,449

$71,015

Constraint
Area(s)

6 Transformer 230 kV

SWPS
SWPS

PLANT_X 3 Transformer 115 kV
MONUMENT 3 - W_HOBBS 3 115
kV
MINGO 7 Transformer 345 kV

SUNC

S-DODGE3 - W-DODGE3 115 kV

MKEC

CENTENL5 - PAOLA 5 161 kV

KCPL

N-DODGE3 - EDODGE 3 115 kV
SAN_ANDS_TP3 - DENVER_S 3
115 kV

SUNC-MKEC

SWPS

SWPS

Event (Contingency)

BASE CASE
WGARDNR5 161PLSTVAL5 16
BASE CASE
527149[MUSTANG

6230.0

Binding
Hours

Congestion
Cost
($/MW)
$2,462,125

Table E.1: 2023 50/50 Economic Needs Identification
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2018 Needs Assessment
An economic project needs assessment was also completed on the 2018 50/50 HPILS scenario. The
needs list sorted by congestion cost for this simulation is displayed in Table E.2.

Constraint
Area(s)

Constraint
RANDALL

3 - CANYON_EAST3
115 kV
KERR GR5 - SALINA 5 161 kV

SWPS

MINGO 7 Transformer 345 kV

GRDA
KEPCSUNCMKEC
SUNC

CENTENL5 - PAOLA 5 161 kV

KCPL

S-DODGE3 - W-DODGE3 115 kV

MKEC

N-DODGE3 - EDODGE 3 115 kV

SUNC-MKEC

S.W.S.-4 - WASHITA4 138 kV

AEPW-WEFA

HAYNE3 - CIM-PLT3 115 kV

GRACMNT4 - ANADARK4 138 kV

AECCAEPWAEPW
OKGE-WEFA

HOLCOMB7 Transformer 345 kV

SUNC

N.PLATT7 - STOCKVL7 115 kV

NPPD

AVOCA

5 - EROGERS5 161 kV

Binding
Hours

Avg
Shadow
Price
($/MWh)

Congestion
Cost
($/MW)

4,309

$219

$944,938

185

$500

$92,500

CMRIVTP3 115-E-LIBER3 11

980

$80

$78,266

MINGO 7 345-SETAB 7 34
WGARDNR5 161-PLSTVAL5
16
BASE CASE

1,051

$69

$72,249

983

$57

$56,281

3,026

$16

$48,602

BASE CASE
GRACMNT4 138ANADARK4 13

3,004

$15

$45,986

1,366

$32

$43,917

SHIPERD7 345-KINGRIV7 34

732

$49

$35,828

S.W.S.-4 138-WASHITA4 13
HOLCOMB7 345-SETAB 7
34
GENTLMN3 345-REDWILO3
34

960

$28

$26,538

1,464

$13

$19,043

200

$69

$13,770

Event (Contingency)
BUSHLAND 230-DEAFSMIT
23
KERR GR5 161-SALINA2 161

Table E.2: 2018 50/50 Economic Needs Identification
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Appendix F: New Mexico Shale Plays
Appendix F is provided as a separate PDF document that is available on www.spp.org => ORG
GROUPS => Transmission Working Group => High Priority Incremental Load Study (HPILS)
Task Force => HPILS TF Meeting Materials
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Subject:

HPILS Recommendations

From: Jeff Knottek [mailto:Jeff.Knottek@cityutilities.net]
Sent: Monday, April 21, 2014 4:35 PM
To: Lanny Nickell; Janssen, Rob
Cc: Carl Monroe; Stodden, Steve; Collier, Randy; Boshears, John; Bradshaw, Jerry
Subject: RE: HPILS Recommendations
Lanny and Rob,
City Utilities of Springfield, MO voted "NO" at the April 2014 MOPC meeting due to various outstanding concerns
and was not in support of endorsing the report at that time. CU has not had adequate time to review the final report and
believes the proposed projects need to be better integrated into the ITP process and subsequent ITP study conclusions,
as well as generator interconnection and transmission service study processes, instead of moving ahead as an
independent expansion action item. CU is still working to better understand and vet parts of the report, specifically the
perceived APC benefits to CU for the Tuco-Yoakum-Hobbs 345 kV line (per Table 10.2), with the help of an outside
resource. Our overall objection was and still is, that CU doesn't want to be burdened with more expansion project costs
until it has been made whole in terms of benefits as stated in the RCAR 1 report. As a harmed entity, we are concerned
that there has not been enough action taken to remedy previous cost allocation inequities to CU as well as other entities,
before SPP embarks on spreading another layer of regional project costs. HPILS presents the potential for large stranded
investment costs if the load doesn't mature, coupled with concerns that adequate resource plans may not
have been firmed-up and submitted into the appropriate SPP planning processes.
CU welcomes and appreciates Staff's recommendations outlined in the attached email to help remedy our underlying
concerns. CU is willing to compromise on its position regarding HPILS if staff's recommendations are approved and put
into action. If HPILS is approved, CU requests that it be exempted from those costs and any other regionally funded
transmission project costs, until CU's RCAR 1 benefit inequity is met. It is understood that RCAR 2 results will shed more
light on the B/C ratio going forward and that CU's benefit deficit will likely change. CU also believes that its benefit deficit
needs to be corrected to a B/C ratio of 1.0 as opposed to 0.8. Entities should be made whole on a one-to-one basis with
respect to benefits for each dollar that its customers have to pay. We request that SPP take action to accomplish this
goal. Further, CU believes the allocation of mandated reliability project benefits needs to be revised to reflect the actual
amount of benefits received instead of using a load ratio share allocation method. Thank you for the opportunity to
comment.
Jeff Knottek
Director - Transmission Planning & Compliance
City Utilities of Springfield, Missouri
417-831-8920

1
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Subject:

No vote on HPILS

Carl,
You had asked for input on the discussion today on “no” votes today regarding the HPILS. Here are my comments and
they can be passed directly on to the board.
My biggest concern is the fact that we are spending a huge amount of money on a load that is uncertain. If we had
more certainty on the load, my concerns would be greatly reduced and (perhaps barring RCAR concerns) I believe we
could vote yes. Without higher certainty on the load being there, do we want to commit hundreds of millions or billions
on transmission investment? Others in the MOPC meeting had more questions on the modeling and its accuracy than I
have.
I don’t know of all of the options, but I do think it is important at this point to know what the other options are as
opposed to simply issuing NTC’s in opposition to the MOPC advisory vote. The SPP Board needs to be aware of these
other options as they consider their vote. It’s possible that some of the MOPC’s concerns (on load certainty or other)
might be enough to get an advisory vote that is positive. It’s also possible that the projects could be locally sponsored. I
am sure there are other options too.
My other concerns on this roll back to the RCAR analysis. Whenever socialized costs are considered, it has an impact on
the RCAR process. When decisions are made that spend this much on reliability projects and those reliability projects
are assigned a 1.0 B/C ratio, then it will mean that LES’ harm discovered in the RCAR process from the addition of these
projects (which SPP’s study says that LES has no benefit) will be reduced.
Stated more bluntly, as things sit now, the approval to issue NTC’s on the HPILS projects means that LES will pay their
share of transmission upgrades, receive no benefit, and will see financial reparation be reduced in the RCAR…all for
loads that are uncertain.
Thanks for receiving our comments and passing them along.
Dennis Florom, Lincoln Electric System

1
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Subject:

EDE Response for 'No" Vote on HPILS and Support of Staff's Recommendation

From: Bary Warren [mailto:BWarren@empiredistrict.com]
Sent: Monday, April 21, 2014 11:38 AM
To: Carl Monroe; Lanny Nickell; Janssen, Rob
Cc: Penning, Martin; Walters Kelly; Mertens, Blake; McCord, Rick; Warren, Bary
Subject: EDE Response for 'No" Vote on HPILS and Support of Staff's Recommendation

Lanny, Carl, and Rob,
As a follow‐up to the SPP MOPC meeting of last week, on behalf of The Empire District Electric Company
(Empire), I would like to elaborate on our “no” vote on the HPILS Report and Appendix C list of projects and
provide response to Staff’s recommendation in order to move forward and address numerous concerns issues
addressed at the MOPC and other stakeholder meetings.
First of all, Empire believes that is HPILS report did not meet the scope of the study as approved by the MOPC
and stakeholders. From a reliability perspective, sufficient study of the stability of system, certainty of
dispatchable and non‐dispatchable (wind and solar) generation resources and abnormal load growth
affirmation lacked support and appropriate risk management assurances for our customers. We are also
concerned that this unique study is being “fasttracked” and more of a “load” study and potentially
circumvents OATT aggregate study and direct assignment cost allocation responsibilities, delivery point
addition requirements, and generation interconnection cost allocation and “generation qualification criteria
for inclusion in the study.
But most importantly, Empire is concerned about the lack of concern of impacts to customer costs and risk
management assurances by the TOs and SPP staff in the event such abnormal load projections do not
materialize and/or sustain into the future. We believe the BOD and RSC should be concerned about the
impacts and risks to all SPP members and their customers regarding the continued allocation of transmission
costs where “no or very minimal” offsetting benefits will be realized.
We believe the BOD should seriously consider and weigh the substantial opposition vote of the MOPC to “not”
endorse and approve the Appendix C NTC projects until such projects/processes are re‐affirmed by the ITP
Near Term and ITP10 Studies in January. The BOD should also consider a request to staff to verify and report
back in July and October of any needed changes to load forecasts, OATT Ag. Study, AQ, GI and RARTF
procedures and remedy implementation considerations, that would be impacted by the approval of all of the
Appendix C projects, especially the $230MM plus Tuco/Yokum/Hobbs 345kV project. For the aforementioned
reasons plus other concerns as addressed by Empire in the TWG report to the MOPC and at the MOPC, Empire
would recommend that the BOD not move forward on approving the report, including the Appendix C
projects.
However, in the spirit of cooperation and compromise, Empire has given a lot of thought to the below multi‐
part recommendation of SPP Staff in order to i) move forward with HPILS planning, ii) re‐affirm HPILS projects
needs and costs in January 2015, iii) recognize that the very important regional reliability project benefit
allocation method needs to be reevaluated and most likely changed, and iv) most importantly initiate and
finalize OATT language related to the RARTF’s transmission benefit cost deficit remedies by the October
1
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meeting cycle (and subsequent FERC filing) with remedy implementation recommendations presented in the
RCAR II report.
SPP Staff recommends that the Board:
1. Approve the HPILS Report and direct issuance of the recommended NTCs and NTC‐Cs, including the modified
NTC‐C for Tuco‐Yoakum‐Hobbs, as shown in Appendix C of the report.
2. Direct Staff to affirm the continued need for all recommended NTCs and NTCCs, as shown in Appendix C of the
HPILS report, in the 2015 ITPNT and 2015 ITP10 assessments, and in subsequent ITP assessments as necessary.
3. Direct the RTWG, under the policy guidance of the RARTF, to draft Tariff language that incorporates provisions
governing the application of the remedies described in the RCAR Final Report to be presented for Board
approval in October 2014. In the development of this tariff language, priority should be given to remedies
involving reclassification of projects (such as zonal sponsored to base plan funded or byway funded to
highway funded) and exemptions from costs associated with a set of projects. (Empire believes Schedule 11
regional cost allocation exemptions of HPILS and future regionally funded projects (including but not limited to
WAPA/Basin/Heartland projects) should be explicitly stated for RCAR I benefit deficit zones that are reaffirmed
to be benefit deficit in RCAR II.)
4. Direct the ESWG to thoroughly evaluate options for allocating the Assumed Benefit of Mandated Reliability
Projects metric and recommend by July 2014 the option that most properly assigns the value of reliability
projects to those zones expected to benefit from the resulting reliability improvements, along with supporting
technical justification for that recommendation.

Empire believes all parties should be willing to agree on Staff’s Recommendation and move forward with “all 4
parts of the recommendation” such that ITPNT, ITP10, RCAR II processes would be not significantly
impacted. It is important that the BOD discuss and affirmatively move forward with approval and directives
related to all parts of Staff’s recommendation. To the extent, the ITP10 and RCAR II efforts are required to be
delayed to allow additional stakeholder and more effective study results, the BOD should also be willing to
extend the deadlines, as appropriate and obtain a status report in July and October and direct any FERC filings
as necessary related to any such delays.
Empire simply believes HPILS projects should be cost allocated to those that benefit from the projects. The
allocation of HPILS projects to already benefit deficit zones, per RCAR I, and per the HPILS Report, would only
widen the equity differences amongst members within the SPP. Therefore, we concur with SPP staff that
remedies outlined by the SPP MOPC, RSC, and BOD RCAR I report should be established in the OATT in
preparation for implementation of equity balancing remedies. The reclassification of a zonal base plan funded
project to regional, regionally funding zonal seams projects, and an explicit exemption or waiver of Schedule
11 charges for this set of HPILS and/or other future BOD approved construction projects should be given a
greater focus with implementation targeted for April 2015. We believe that the results of RCAR II with the
modification of the reliability benefit allocation method and implementation of reclassification and
waiver/exemption of HPILS project schedule 11 charges will enable the SPP BOD and RSC to advance the
“equity over time” initiative and better protect all SPP members and their customers from incurring
transmission costs that are not commensurate with the benefits to be realized.
We appreciate the opportunity to comment and trust that the SPP staff, stakeholders, RSC and BOD will
continue to work together in the best interests of all SPP members and their customers in expanding the SPP
transmission system in the most cost effective, timely and risk managed manner possible.
We will be attending the SPP RSC and BOD meetings and available to answer any questions to our concerns,
comments, and/or recommendations.
2
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Thank you for the opportunity to provide comments for the RSC, Members Committee and BOD’s
consideration on these very important issues.
Bary Warren
Director of Transmission Policy and Compliance
The Empire District Electric Company

3
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Subject:

HPILS Recommendations - GRDA

Given the scope of the BOD’s request and the time constraints involved, we believe that SPP Staff and the working
groups met the requirements of their mandate with the HPIL Study. GRDA is able to support the outcome of the HPILS
as representing a solution with which we can begin to move forward. We cannot, however, support any cost allocations
that would provide Transmission Owners with incremental loads in the HPILS with greater base plan funding
reimbursements than they would have otherwise received under the traditional AQ and TSR processes. It is GRDA’s
understanding of the Tariff that when new delivery points also require additional resources, the TSR and the associated
aggregate study becomes the governing process. Under the aggregate transmission service study, the TO with the new
delivery point(s) would be responsible for any new network upgrades subject to protection under the safe harbor limits.
During the April MOPC meeting, it was clarified by Carl Monroe that under the process contemplated for the HPILS, a TO
with incremental load may, in addition to receiving NTCs and the attendant base plan funding, also be eligible to enjoy
further socialization of upgrade costs to the extent its Transmission Service Request to designate new resources
triggered additional upgrades protected under the TO’s safe harbor limits. In GRDA’s view, this effectively has the
potential to result in a double dipping outcome, i.e., the possibility of a TO receiving base plan funding for NTCs under
HPILS and then receiving safe harbor protection under the TSR process for the same loads analyzed under the HPILS.
GRDA is concerned that the different treatment of new delivery points, which happened to be studied under the HPILS,
compared to new loads that connected prior to the HPILS or new loads identified subsequent to the HPILS, may be
unduly discriminatory under the Tariff.
Tim Brown
GRDA

1
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Comments of Midwest Energy, Inc.
With Respect to the Recommendations in the HPILS Final Report
In spite of the substantially negative vote on the HPILS report and NTC recommendations by the
Market and Operations Policy Committee at its April 15-16 meeting, Midwest Energy, Inc.
understands that SPP Staff plans to offer to the SPP BOD a set of recommendations based on
approval of the HPILS report and the NTCs, with three other action items for future review.
Midwest Energy voted against the motion to endorse the report, including the issuance of
approximately $573M of NTCs for new construction projects. This vote against the
recommendation offered by the HPILS task force was based on three primary concerns:
•

•

•

Midwest believes that a number of important tariff provisions were bypassed by conducting
this study and offering construction recommendations as proposed by the HPILS task force.
While we recognize this was a “one-off” study by design, there are certain principles
embodied in the tariff that we believe should not be bypassed. The bypassed provisions
relate to the lack of application of the safe harbor limits that would normally apply for
construction of upgrades resulting from transmission services requests and/or direct
assignment of costs to generation developers from the generator interconnection process.
Midwest also believes that all SPP members are being required to take on a significant
amount of risk to construct new transmission facilities for new loads, and ultimately new
resources, that may not show up and/or may not last. A few transmission owners that are
forecasting the large growth, including that for oil exploration/development, are being
relieved of this substantial risk.
There seems to be a lack of consistency in how transmission owners viewed new facilities
that are required to be constructed to serve new loads or resources. In some cases it is
apparent that facilities tagged for issuance of an NTC and regional funding were developed
in the study solely to connect a new load, and do not provide significant reliability benefits
to the region or even the local area.

Members of the MOPC did raise a number of issues/concerns related to the HPILS study during
the debate leading up to the negative vote. Unfortunately, none of those concerns are embodied
in the recommendations that Staff will provide to the Board at its April 29 meeting. Accordingly,
Midwest Energy offers this document to reiterate the significant concerns to ensure they are
brought to the attention of the Board.

Conclusion
Midwest is well aware of the importance the SPP Board of Directors has placed on completion of
the High Priority Incremental Load Study. We also recognize the concerns of the Board that we
be more proactive in anticipating the need for new construction or upgrades, and having such
upgraded infrastructure in place by the time it is needed. However, we do not believe that rushing
to approve the NTCs recommended in the HPILS report, or moving forward with ITP models that
incorporate carte blanche all the recommended upgrades and the incremental loads identified in
the HPILS process, is a prudent response.
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In the event the Board elects to approve issuance of the recommended NTCs Midwest suggests
the following actions be directed by the Board:
1. Direct Staff to review the processes utilized in the HPILS project that are inconsistent with
past practices, and enact measures to ensure such inconsistent treatment does not recur.
2. Direct Staff to work with the CAWG and RSC in regard to the application of previously
approved cost allocation methodologies in these “one off” studies.
3. Direct Staff to review the projects included in the NTCs and ensure that new facilities are
consistently treated with respect to their inclusion in regional funding methodologies.
Projects that do not meet the definition of BES transmission facilities and provide no
regional reliability benefit should not be eligible for socialized funding.
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The OPPD Opinion Regarding the
High Probability Incremental Load Study (HPILS)
Recommendations
OPPD is confident with the existing ITP process that should assure system strategic
growth through ITP20, manage system growth through ITP10 and address unexpected
reliability conditions through the ITPNT. The development of these STEP components
was thoughtful and provides an excellent basis for the SPP planning process.
Considering the thoroughness of the ITP process it is disturbing that it required the
performance of a special study, in the form of HPILS, to identify $1.5 Billion in needed
system reliability improvements. The HPILS result acts to impugn the capability of the
ITPNT process and suggests the need for serious retooling of the ITPNT process.
The amount of increased load projections, most notably in the southwest portion of the
SPP footprint, is well beyond what would traditionally be considered normal load growth.
Additionally, the long-term sustainability of the majority of the new load is in question.
This atypical combination leads OPPD to question the recommendation to follow the
typical SPP Tariff processes for issuing NTCs and associated cost allocation. Further
vetting the policy regarding this topic is required and SPP should avoid hurrying the
approval process.
All proposed HPILS projects have been classified as reliability projects. This is very
curious considering the large increase in project size in New Mexico when compared to
the original NTC. The presentations provided to MOPC repeatedly noted that the
projects are being expanded to encompass more load additions which will result in
greater revenues and improved NPVs. This argues that the New Mexico projects are
economic in nature and should be reclassified as economic.
Lastly, OPPD is concerned with the balance of the proposed changes. The portfolio of
changes results in a large number of southwest transmission projects and few if any
transmission projects in the northeast portion of the footprint. This increases the concern
that OPPD rate payers will continue to pay for transmission projects that substantially
increases profits for Investor Owned Utilities.
OPPD recognizes and respects the efforts SPP is making to work with MISO to develop
plans that will result in seams projects. However, OPPD is aware that these projects may
be designated for construction in the MISO footprint and, once again, result in OPPD
paying for the transmission of another company.
In conclusion, OPPD is not supportive of the HPILS recommendations as currently
presented. OPPD does recognize the economic value of the projects to the footprint and
that a portion of the projects provide some reliability value. OPPD is open to
modifications to the study that would provide better footprint balance.
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Southwest Power Pool, Inc.
Markets and Operations Policy Committee
Recommendation to the Board of Directors
April 29, 2014
Re-evaluation of Randall – South Georgia 115 kV Reconductor

Organizational Roster
The following persons represent the Southwest Power Pool:
Carl Monroe, Executive Vice President and Chief Operating Officer
Lanny Nickell, Vice President, Engineering
Katherine Prewitt, Director, Planning
Jody Holland, Manager, Steady State Planning
Background
On April 9, 2012, SPP issued Notification to Construct (NTC) No. 200166 to Southwestern Public Service
Company (SPS) to reconductor a 4.1-mile section of the 6.1-mile 115 kV line from Randall Co. to South
Georgia. The project was identified in the 2012 ITP Near-Term Assessment as needed for reliability in
2017.
On February 14, 2014, SPS submitted to SPP an updated cost estimate of $6,300,000 for the project, a
57.5% increase from the established baseline cost estimate. SPP Business Practice No. 7060 directs
SPP to re-evaluate any project for which a Transmission Owner submits an updated cost estimate that is
more than a 20% increase from the baseline cost estimate.

Analysis
The project scope involves very complex construction in a highly congested area, driving up the cost.
Outages cannot be scheduled for the circuits around the Osage Station vicinity, therefore all wreck-out
and rebuild work must be done one structure at a time. Specialized steel structures must be utilized for
the rebuilt lines that are more expensive than conventional structures.
SPS expects to complete construction of the project on June 1, 2015. Approximately 21.6% of the
updated cost estimate has been either spent or included in a financially binding commitment.

Recommendation
MOPC recommends that NTC No. 200166 be suspended for the project Randall – South Georgia 115 kV
(Project ID No. 1033). The suspension will be in effect until Staff completes a re-evaluation of the project
using updated reliability models.

APPROVED:

MOPC

April 15-16, 2014

Passed unanimously
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Southwest Power Pool, Inc.
Markets and Operations Policy Committee
Recommendation to the Board of Directors
April 29, 2014
Re-evaluation of Randall Co. – South Georgia and Osage Station Line Re-termination 115 kV

Organizational Roster
The following persons represent the Southwest Power Pool:
Carl Monroe, Executive Vice President and Chief Operating Officer
Lanny Nickell, Vice President, Engineering
Katherine Prewitt, Director, Planning
Jody Holland, Manager, Steady State Planning
Background
On February 11, 2011, SPP issued Notification to Construct (NTC) No. 20130 to Southwestern Public
Service Company (SPS) for a project that included a new 2-mile 115 kV line from Osage Station to
Randall Co., the re-terminations of the South Georgia – Osage Station and Canyon East – Osage Station
115 kV lines into Randall Co., the removal of the 115 kV line from Osage Station to Manhattan Tap, and
the reconfiguration of the Randall Co. substation to a breaker-and-a-half scheme. The project was
identified in the 2010 regional reliability assessment as needed in 2016 to address overloads in the area
for multiple contingencies.
On February 14, 2014, SPS submitted to SPP an updated cost estimate of $10,316,217 for the project, a
271.76% increase from the previously submitted cost estimate. SPP Business Practice No. 7050 directs
SPP to re-evaluate any project for which a Transmission Owner submits an updated cost estimate that is
more than a 20% increase from the previous quarter.

Analysis
The project scope involves very complex construction in a highly congested area, driving up the cost.
Outages cannot be scheduled for the circuits around the Osage Station vicinity, therefore the wreck-out
and rebuild work must be done one structure at a time. Specialized steel structures must be utilized for
the new and rebuilt lines that are more expensive than conventional structures.
SPS expects to complete construction of the project on June 1, 2015. Approximately 36% of the updated
cost estimate has been either spent or included in a financially binding commitment.

Recommendation
MOPC recommends that NTC No. 20130 be suspended for the project Randall Co. – South Georgia and
Osage Station Line Re-termination (Project ID No. 1001). The suspension will be in effect until Staff
completes a re-evaluation of the project using updated reliability models.
APPROVED:

MOPC

April 15-1, 2014

Passed unanimously
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Southwest Power Pool
Regional State Committee, Board of Directors/Members Committee &
Regional Entity Trustees
Future Meeting Dates & Locations

2014

*BOD

June 9-10

Little Rock

RET/RSC/BOD

July 28-29

Omaha

RET/RSC/BOD
(Annual Meeting of Members)

October 27-28

Little Rock

** BOD

December 9

Little Rock

2015
RET/RSC/BOD

January 26-27

Dallas

RET/RSC/BOD

April 27-28

Tulsa

*BOD

June 8-9

Little Rock

RET/RSC/BOD

July 27-28

Kansas City

RET/RSC/BOD
(Annual Meeting of Members)

October 26-27

Little Rock

**BOD

December 8

Little Rock

The RET/RSC/BOD meetings are Mon/Tues with the RET meeting on Monday morning, the RSC
meeting on Monday afternoon, the BOD/Members Committee meeting on Tuesday.
* The June BOD meeting is for educational purposes. There will be no RSC of RET meetings in
conjunction with this meeting.
** The December BOD meeting is intended to be a one day in and out meeting for administrative
purposes. There will be no RSC or RET meetings in conjunction with this meeting.

