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BOARD OF DIRECTORS/MEMBERS COMMITTEE MEETING
Hyatt Regency Tulsa Downtown – Tulsa, OK
April 28, 2015
-

Summary of Action Items

-

1. Approved Consent Agenda Items
a. Approved January 27, 2015 Minutes
b. Markets and Operations Policy Committee Recommendations

c.

i. MWG: MPRRs 211, 230, 233, 234, 238, 239
ii. MWG: MPRR 240
iii. ORWG: CRR 016
iv. RTWG: RR 72
v. ESWG: ITP10 Futures
Finance Committee Recommendations
i. Recommendation – 2014 Financial Audit Acceptance
ii. Recommendation – 2015 Benefit Plan Funding

d. Corporate Governance Committee
i. Recommendation – Approve Corn Belt Power, East River Electric, and North Iowa
Power
ii. Recommendation – Approve Tom Kent for the Human Resources Committee
Vacancy
iii. Recommendation – Approve Mike Deggendorf for the Strategic Planning Committee
Vacancy
2. Markets and Operations Policy Committee
a. Approved - MWG RR 69 Recommendation: Mitigated Offer Variable Operation and
Maintenance (VOM) Cost Calculation.
b. Not Approved - MWG RR49 Recommendation: Short Term Reliability Unit Commitment.
SPP has identified a need for a more granular Reliability Unit Commitment (RUC) study with
a shorter runtime than Intra-Day RUC and a smaller study window. Because of the smaller
study window, this study will use Short Term Load Forecast (STLF) and Mid-Term Load
Forecast (MTLF).
c. Approved - ESWG 2017 ITP10 Futures: There are four proposed futures driven by the EPA
Clean Power Plan:
Future 1 – Regional Clean Power Plan solution
Future 2 – State Level Clean Power Plan solution
Future 3 – No Clean Power Plan solution incorporated
Future 4 – Clean Power Plan “Extreme Case”
d. Approved – Staff Recommendation: Attachment J Aggregate Study Waiver Requests.
Attachment J of the SPP Tariff addresses recovery of costs associated with new transmission
facilities. Subsection III of this section addresses Base Plan funding for network upgrades,
including Safe Harbor Cost Limit of $180,000/MW, and provides for waivers, whereby
application may be made for additional Base Plan funding for a network upgrade in excess of
the Safe Harbor Limit based on three independent factors.
e. Approved – Staff Recommendation: Walkemeyer Re-evaluation: North Liberal 115 kV line
and associated projects re-evaluation. Mr. Al Tamimi (Sunflower Electric Power Corporation)
provided a report in contrast to the SPP recommendation. Mr. Tamimi recommends selecting
Option 1 but not Option 2. He pointed out economic concerns.
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Agenda Item 1 – Administrative Items
SPP Chair Mr. Jim Eckelberger called the meeting to order at 8:24 a.m. The following Board of
Directors/Members Committee members were in attendance or represented by proxy:
Mr. Larry Altenbaumer, director
Ms. Kristy Ashley, Exelon Generation Company
Ms. Phyllis Bernard, director
Mr. Julian Brix, director
Mr. Nick Brown, director
Mr. Phil Crissup, Oklahoma Gas and Electric
Mr. Mike Deggendorf, Kansas City Power and Light
Mr. Jim Eckelberger, director
Mr. Jon Hansen, Omaha Public Power District
Mr. Bob Harris, Western Area Power Administration – Upper Great Plains Region
Mr. Kelly Harrison, Westar Energy
Mr. Duane Highley, Arkansas Electric Cooperative
Mr. David Hudson, Xcel Energy
Mr. Rob Janssen, Dogwood Energy
Mr. Thomas Kent, Nebraska Public Power District
Mr. Jeff Knottek, City Utilities of Springfield
Mr. Stuart Lowry, Sunflower Electric Power Corporation
Mr. Josh Martin, director
Mr. Dave Osburn, Oklahoma Municipal Power Authority
Mr. Mike Risan, Basin Electric Power Cooperative
Ms. Kristine Schmidt, ITC Great Plains
Mr. Harry Skilton, director
Mr. Kevin Smith, Tenaska
Mr. Stuart Solomon, American Electric Power
Ms. Kelly Walters, Empire District Electric Company
Mr. Mitch Williams, proxy for Mr. Gary Roulet, Western Farmers Electric Cooperative
Mr. Mike Wise, Golden Spread Electric Cooperative
Mr. Eckelberger introduced Mr. Ken Peterson from the NERC Board of Directors and Ms. Sue Kelley from
American Public Power Association. He then asked for a round of introductions. There were 137 people
in attendance either in person or via the phone representing 30 members (Attendance List – Attachment
1). Mr. Nick Brown reported proxies (Proxies – Attachment 2).
Agenda Item 3 – Board Reports
President’s Report
Mr. Nick Brown pointed out that SPP Annual Reports had been distributed across the room. He noted that
it has been a remarkable year for our organization. He also indicated that extra copies of the SPP Annual
Report are available upon request to SPP staff. He commented on the extraordinary staff and the great
job they are doing, noting in particular the one full year of the Integrated Marketplace with stellar results
and Phase II having gone live on March 1, 2015 on time and under budget.
Mr. Brown added that on February 27, 2015 FERC issued a notice that they would be conducting an audit
of SPP as part of its normal 2015 fiscal year audit plan and noted that FERC’s audit team conducted a
site visit on SPP’s campus earlier this month.
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Mr. Brown stated that on April 8, 2015 SPP released a second analysis of the EPA’s proposed Clean
Power Plan indicating a regional compliance approach would meet the plan’s 2030 deadline at an
estimated cost of $2.9 billion per year. The IATAN 345 kV line was energized under budget and ahead of
schedule.
On March 16, 2015 three SPP directors traded job roles. Philip Bruich is now the director of Markets
Administration, Sam Ellis is the director of System Operations, and Don Shipley is the director of
Settlements. This is an illustration of SPP’s culture drivers of continuous improvement, efficiency, and
collaboration. Mr. Brown noted that it is also a great opportunity to broaden experiences, gain exposure,
and improve visibility across the organization while providing a new perspective on leadership and
departmental oversight.
Mr. Carl Monroe and Mr. Tom Dunn provided a detailed Corporate Metrics report (Metrics Report –
Attachment 3).
Mr. Brown recognized three individuals that have been a part of SPP for many years and are retiring from
their respective companies.
• Gene Anderson: Oklahoma Municipal Power Authority
o Gene was the Director of Engineering for Oklahoma Municipal Power Authority from 1992
to 1999. From 1999 to present he refers to his job title as Utility Specialist. Gene started
out with the Congestion Management System and Market Settlement Working Group in
May 2003, which became the Market Working Group in July 2003. Gene started as a
committee member and became the Vice Chair in July 2013.
• Tom DeBaun: Kansas Corporation Commission
o Tom is the Senior Energy Engineer for the Kansas Corporation Commission and has
worked for the company for almost 15 years. Tom started out with the Cost Allocation
Working Group in February 2010 and has been very involved and dedicated since the
beginning. He works closely with the RSC. Tom was the CAWG chair in 2013.
• Keith Sugg: Arkansas Electric Cooperative Corporation
o Keith is retiring from Arkansas Electric Cooperative Corporation with 37 years of service.
During his time with the company he has filled many roles. He has been the Operations
Security Manager, the Principal Engineer of Dispatching, and Senior Director of Market
Implementation. Keith has been involved with SPP in some capacity almost as long as
he has been with AECC. He was the Chair of the effort to develop the first energy market
for SPP in 2000. He continued in the energy market effort, including involvement at
MISO during the SPP/MISO efforts until 2002, and he managed AECC’s participation in
the energy markets.
Last, Mr. Brown recognized Stacy Duckett who recently passed away.
•

Stacy Duckett was the Corporate Secretary and head of Compliance for our organization. Stacy
came on board when SPP was a fledgling organization and took a chance on us. Stacy was a
charm and is really missed.

Regional State Committee Report
Commissioner Dana Murphy reported on the Regional State Committee. Commissioner Murphy noted
that the RSC set some goals at the beginning of the year and the committee is slowly achieving these
goals. Communication is a big focus and on-going.
In January the RSC tasked the CAWG to look at what role the RSC should have with regard to the cost
allocation methodology for new members joining SPP. At the April RSC educational session the RSC
heard a presentation from Carl Monroe on the history of integrating new members in SPP and had a
discussion with CAWG members regarding the Nebraska integration, IS integration, and areas of interest
from RSC and CAWG members. After discussion a scoping document will be put together on how to
apply cost allocation for new members.
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Western Farmers Electric Cooperative requested an aggregate study waiver of the eligibility requirements
of Section III.B.1 of Attachment J for a request for a new Designated Wind Resource. WFEC requests the
waiver because their wind to load ratio exceeds the 20% threshold limit. After discussion there was
consensus from the RSC members that the eligibility requirements set out in Section III.B.1 may not be
applicable today as the transmission system has changed since the requirements were approved. The
RSC voted to deny the waiver request with five voting in favor of the motion to deny the waiver request,
one abstention, and one against the motion.
The Regional Allocation Review Task Force (RARTF) recommended that the RSC endorse the decision
to delay the completion of the Regional Cost Allocation Review (RCAR) II to allow for use of the 2017
ITP10 models. There was a discussion with the RSC members to see if everyone is still on
board/committed to the RCAR process. There is a commitment by all RSC members who spoke to the
RCAR process. Delaying the RCAR II to be completed by July 2016 will still meet the tariff requirement of
performing the analysis every 3 years. Modeling assumptions need to be updated as the information
currently being used in the analysis is from the 2015 ITP10 and the new models will be more accurate.
The RSC voted unanimously to support the RARTF decision and delay RCAR II in order to use the most
up-to-date information from the 2017 ITP10 models.
Federal Energy Regulatory Commission Report
Mr. Patrick Clarey provided the Federal Energy Regulatory Commission (FERC) report. He began by
thanking Chairman Nelson, Commissioners Stoll and Kalk, Mr. Lanny Nickell and Mr. Steve Gaw for
participating in the FERC Clean Power Plan (CPP) Conference in March. Mr. Clarey noted that on April
15, 2015 Norman Bay became Chairman of the Commission. Cheryl LaFleur remains on the Commission
as a Commissioner. On April 20, 2015 FERC granted SPP’s waiver request that would allow SPP to not
perform the ITP20 assessment as required by the tariff, but instead begin an ITP10 assessment due to
uncertainty surrounding the EPA’s CPP. Mr. Clarey stated that the Commission issued a Final Rule
intended to improve coordination of wholesale natural gas and electricity market scheduling. The
Commission adopted the proposal to move the Timely Nomination Cycle deadline for scheduling gas
transportation and the proposal to add a third intraday nomination cycle during the gas operating day to
help shippers adjust their scheduling to reflect changes in demand. He added that FERC staff proposed
to identify objective metrics that could be useful for gauging the impact of Commission policies on timely
and cost-effective transmission investment. The metrics involved three areas:
• Assessment of whether appropriate levels of transmission infrastructure exist,
• Assessment of a baseline analysis of the impact of policy changes, and
• Evaluation of key goals under Order No. 1000.
Regional Entity Trustees Report
Mr. John Meyer provided the Regional Entity (RE) Trustees Report (RE Trustees Report – Attachment 4).
Mr. Meyer stated that the Bulk Electric System (BES) effort is going smoothly. The BESnet tool is still
available for use. There are no reportable contacts in SPP RE footprint. This is the seventh consecutive
quarter with no reportable contacts. FERC approved NERC’s risk based approach to monitoring and
enforcing compliance:
• Approved elimination of Purchasing Selling Entity (PSE) and Interchange Authority (IA)
as registered functions
• NERC needs to do more work to justify removing the Load Serving Entity (LSE)
registered function
• Raised minimum threshold for Distribution Providers (DP) from 25 MW unless the DP
owns Protection Systems
• NERC will file a response in 90 days
SPP RE has completed 12 Inherent Risk Assessments (IRA) for Registered Entities on the 2015 audit
schedule. SPP RE has developed an Internal Control Evaluation (ICE) program. ICE will be the focus for
Regional Entities on the 2016 audit schedule. SPP RE has been selected as the Lead Region Entity for
two organizations.
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Finance Committee Report
Mr. Harry Skilton provided the Finance Committee Report (Finance Committee Report – Attachment 5).
Mr. Skilton stated that SPP’s external auditor reviewed and approved the financial statements and gave
SPP a clean report. He noted that the benefit plan contribution is $3.76 million and that staff has been
tasked to document the 2016 Operating Plan highlighting 2016 actions related to strategic plan, required
investment and metrics to gauge progress. The Operating Plan will be reviewed by the Finance
Committee. In September it will be reviewed by the Strategic Planning Committee (SPC), and presented
to the Board of Directors in October. SPP will change to using a zero-based budget process once every
3-4 years. The 2016 budget will be reviewed and approved by the Board of Directors in December 2015.
There may be a change in administrative fee philosophy and the Finance Committee will seek member
input (Admin Fee Management Memo – Attachment 6).
Agenda Item 4 – Consent Agenda
Mr. Eckelberger presented the Consent Agenda (Consent Agenda – Attachment 7) which included two
Corporate Governance Committee nominations posted on January 26, 2015.
Mr. Harry Skilton made a motion to approve the consent agenda and Mr. Julian Brix seconded the
motion. The Members Committee voted in unanimous approval. The Board voted; the motion
passed.
Agenda Item 5 – Oversight Committee Report
Mr. Josh Martin provided the Oversight Committee Report. Mr. Martin noted that following the January
Board of Directors meeting the Oversight Committee (OC) held a special meeting to provide SPP staff
guidance on how to proceed with contracting Independent Expert Panelists (IEPs) in light of uncertainty
as to whether any projecting coming out of the 2015 ITP Near-Term Assessment (ITPNT) and ITP10 will
be competitively solicited. The OC has directed staff to delay engagement of the industry expert pool
until at least after the April Board of Directors meeting and communicate with each pool member,
notifying them of the status of the IEP contracts. At the last OC meeting there were several FERC staff
members in attendance, including some of the FERC Audit team and members from FERC’s Office of
Energy Markets. Mr. Ben Bright updated the OC on the one potential competitive project. The “What
Does the Tariff Say?” campaign has been kicked-off and requires a lot of collaboration with various
departments and includes each department taking a look at its respective sections of the Tariff for
compliance. Mr. Martin noted that as a part of FERC’s Audit, FERC staff has been looking at the
independence and function of the Market Monitoring Unit (MMU). He added that the MMU department
has retained outside legal services to represent the MMU as needed before FERC. Finally, Mr. Martin
stated that the Internal Audit department is fully staffed and has completed three audits since the last
meeting and there that several more are in the process.
Looking Forward Report
Mr. Vincent Musco and Mr. Sam Choi from Boston Pacific presented the Looking Forward report (Boston
Pacific 2015 Looking Forward Report – Attachment 8). There are eight issues the OC wanted to see
addressed:
I.
Blurred Jurisdictional Lines
II.
Update on the Changing Electric Sector Business Model
III.
Thoughts on a Framework for Evaluating Transmission Investments
IV.
Wind (and Solar) Exports from SPP’s Footprint
V.
EPA’s Continued Environmental Campaign
VI.
The Shale Gas Revolution
VII.
Physical Grid Security
VIII.
Smart Grid
Agenda Item 6 – Markets and Operations Policy Committee
Mr. Noman Williams provided the Markets and Operations Policy Committee (MOPC) Report (MOPC
Presentation – Attachment 9). The first item for discussion was Market Working Group (MWG) Revision
Request (RR) 69. Mr. Richard Dillon and Mr. Alan McQueen provided reports explaining the Variable
O&M, Phase 1.
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Mr. Nick Brown made a motion to approve MWG RR 69: Mitigated Offer Variable Operation and
Maintenance (VOM) Cost Calculation. Mr. Larry Altenbaumer seconded the motion. The Members
Committee voted in approval, with two abstentions (Nebraska Public Power District, ITC Great
Plains) and two against (Golden Spread Electric Cooperative, Sunflower Electric Power
Corporation). The Board voted; the motion passed.
Mr. Dillon reported on Phase 2 which added market-based value to the Phase 1 designs. (This was not a
voting item.) SPP MMU will calculate the reference prices for use in mitigation. There are three methods:
I.
Method 1 – Resource Specific Offer Based
II.
Method 2 – LMP Based
III.
Method 3 – Cost Based
Mr. Richard Ross provided the report for RR 49. SPP has identified a need for a more granular Reliability
Unit Commitment (RUC) study with a shorter runtime than Intra-Day RUC and a smaller study window.
Because of the smaller study window, this study will use Short Term Load Forecast (STLF) and Mid-Term
Load Forecast (MTLF). This study will be included in the Intra-Day RUC processes. The purpose of the
study will be to recommend commitments and extensions with more granularity than one hour
commitment time blocks with a study window of 180 minutes. SPP believes this study will reduce the
number of manual commitments made in real time by smoothing transitions with smaller granularity
extensions off the top of the hour, as well as reducing the need to commit short startup time resources
well in advance.
Mr. Larry Altenbaumer moved to approve RR49: Short Term Reliability Unit Commitment. Mr.
Nick Brown seconded the motion. The Members Committee voted to approve with five
abstentions (Dogwood Energy, City Utilities of Springfield, Exelon Generation Company,
Oklahoma Municipal Power Authority, ITC Great Plains,) and six against (Golden Spread Electric
Cooperative, Basin Electric Power Cooperative, Sunflower Electric Power Corporation, Nebraska
Public Power District, Western Area Power Administration – Upper Great Plains Region, Omaha
Public Power District). The Board voted; the motion did not pass.
Mr. Alan Myers provided the report on the ESWG 2017 ITP10 Futures. There are four proposed futures
driven by the EPA Clean Power Plan:
Future 1 – Regional Clean Power Plan solution
Future 2 – State Level Clean Power Plan solution
Future 3 – No Clean Power Plan solution incorporated
Future 4 – Clean Power Plan “Extreme Case”
ESWG presented the four futures to MOPC showing that Futures 1-3 are a higher priority as
recommended by ESWG. Also, recommend the low load growth and low gas supply drivers from Future
4 as a sensitivity in Future 3 should Future 4 be eliminated. ESWG has not yet substantially discussed
how these futures would be utilized to construct a recommended portfolio. MOPC voted to approve
Futures 1, 2 and 3 and change the load growth to normal on Future 3.
Mr. Harry Skilton moved to approve the ESWG 2017 ITP10 Futures. Mr. Josh Martin seconded the
motion. The Members Committee voted unanimously to approve. The Board voted; the motion
passed.
Mr. Lanny Nickell provided the report on the Attachment J Aggregate Study Waiver Requests. Attachment
J of the SPP Tariff addresses recovery of costs associated with new transmission facilities. Subsection III
of this section addresses Base Plan funding for network upgrades, including Safe Harbor Cost Limit of
$180,000/MW, and provides for waivers, whereby application may be made for additional Base Plan
funding for a network upgrade in excess of the Safe Harbor Limit based on three independent factors.

5

SPP Board of Directors/Members Committee Minutes
April 28, 2015

Mr. Julian Brix moved not to approve the waiver request. Mr. Harry Skilton seconded the motion.
The Members Committee voted to approve the motion with one abstention (Omaha Public Power
District) and two against (Western Farmers Electric Cooperative, Oklahoma Municipal Power
Authority). The Board voted; the motion passed.
Mr. Lanny Nickell reported on the Walkemeyer - North Liberal 115 kV line and associated projects reevaluation. In January 2015 the Board of Directors approved the 2015 ITPNT and 2015 ITP10 as
presented, while requesting a re-evaluation of the 21-mile 115 kV line from Walkemeyer – North Liberal
and associated projects. In response to Sunflower’s suggestion that redispatch of existing generation in
the area could mitigate the need, SPP staff recommended that Notifications to Construct (NTCs) be
issued for both phases of the project according to the needs identified in the 2015 ITPNT and 2015
ITP10, performed in accordance with the respective study scopes. SPP staff provided three options:
•

•

•

Option 1:
o Transmission cost includes annual transmission revenue requirement (ATRR) for
Phase 1 beginning in 2019 and Phase 2 beginning in 2030
o Cimarron River Station (CRS) dispatch needed for 40 hours across 45 days
(2024)
o Phase 2 of project in-service upon CRS retirement
Option 2:
o Transmission cost includes ATRR for Phase 1 and Phase 2 beginning in 2019
o No dispatch from CRS needed
o CRS retirement does not affect Option 2
Option 3:
o Transmission cost includes ATRR for Phase 1 and Phase 2 beginning in 2030
o CRS dispatch needed for 1000 hours across 184 days (2024)
o Both Phases 1 and 2 in-service upon CRS retirement

Staff recommends construction of Phase 1 and Phase 2 of the transmission project by 2018 and 2019,
depicted as Option 2 in SPP’s evaluations, because Option 2:
•
•
•
•

Best meets long-term system reliability needs,
Does not conclusively cost more to ratepayers and clearly minimizes reliability risk
compared to the other options,
Best assures compliance with the newly effective TPL-001-4 Reliability Standard, and
Was determined consistent with the manner in which the 2015 ITP10 was performed.

As a result, SPP staff requested the Board of Directors issue NTCs for these upgrades according to the
needs in the 2015 ITPNT and 2015 ITP10, performed in accordance with the respective study scopes.
Mr. Al Tamimi (Sunflower Electric Power Corporation) provided a report in contrast to the SPP
recommendation. Mr. Tamimi recommends selecting Option 1 but not Option 2. He pointed out
economic concerns.
Ms. Phyllis Bernard moved to approve staff’s recommendation to construct phase 1 and phase 2
of the transmission projects which included that NTC’s will be issued for both phases of the
projects according to the needs identified in the 2015 ITPNT and 2015 ITP10, performed in
accordance with the respective study scopes. Mr. Harry Skilton seconded the motion. The
Members Committee voted not to approve the motion with seven in favor (Kansas City Power and
Light, American Electric Power, Western Area Power Administration, Nebraska Public Power
District, Oklahoma Municipal Power Authority, Exelon Generation Company, ITC Great Plains),
eight against (Basin Electric, The Empire District Electric Company, Oklahoma Gas and Electric,
Sunflower Electric Power Corporation, Westar Energy, Omaha Public Power District, Western
Farmers Electric Cooperative, Arkansas Electric Cooperative) and five abstentions (Golden
Spread Electric Cooperative, Xcel Energy, City Utilities of Springfield, Dogwood Energy, Tenaska).
The Board voted; the motion passed.
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Agenda Item 7 – Future Meetings
Mr. Eckelberger reminded everyone that the Oversight Committee will be meeting on June 8, 2015 in
Little Rock and that the Board of Directors will also hold a workshop in Little Rock June 8-9. The next
RET/RSC/BOD meeting will be in Kansas City on July 27-28, 2015.
Adjournment
With no further business, Mr. Eckelberger thanked everyone for participating and adjourned the meeting
at 3:46 p.m.

Respectfully Submitted,
Paul Suskie, Corporate Secretary
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Southwest Power Pool
SPECIAL MEETING OF MEMBERS and
BOARD OF DIRECTORS/MEMBERS COMMITTEE MEETING
April 28, 2015
Hyatt Regency Tulsa Downtown – Tulsa, OK
•

AG END A

•

8:00 a.m. – 3:00 p.m. CDT
Special Meeting of Members
1. Call to Order ............................................................................................................... Mr. Jim Eckelberger
2. Corporate Governance Committee ....................................................................................Mr. Nick Brown
a. Members Committee Special Election
b. Revision to Bylaws/Potential Board of Directors Expansion

Board of Directors/Members Committee Meeting
1. Call to Order and Administrative Items.................................................................... Mr. Jim Eckelberger
2. Board Reports
a.
b.
c.
d.
e.
f.

President’s Report ...............................................................................................Mr. Nick Brown
Regional State Committee Report................................................. Commissioner Dana Murphy
Federal Energy Regulatory Commission Report............................................ Mr. Patrick Clarey
Regional Entity Trustees Report......................................................................... Mr. John Meyer
Strategic Planning Committee Report .................................................................. Mr. Mike Wise
Finance Committee Report............................................................................... Mr. Harry Skilton

3. Consent Agenda ....................................................................................................... Mr. Jim Eckelberger
a.

Approve January 27, 2015 Minutes

b.

Markets and Operations Policy Committee Recommendations
i. MWG: MPRRs 211, 230, 233, 234, 238, 239
ii. MWG: MPRR 240
iii. ORWG: CRR016
iv. RTWG: RR72

c.

Finance Committee Recommendations
i. 2014 Financial Audit Acceptance
ii. 2015 Benefit Plan Funding

Relationship-Based • Member-Driven • Independence Through Diversity
Evolutionary vs. Revolutionary • Reliability & Economics Inseparable
1 of 500

d. Corporate Governance Committee Recommendation
i.

Approve Corn Belt Power, East River Electric, and Northwest Iowa Power
Cooperatives for Membership

ii.

Human Resources Committee Vacancy

iii.

Strategic Planning Committee Vacancy

4. Oversight Committee Report ........................................................................................... Mr. Josh Martin
a. Looking Forward Report .................................................. Mr. Vincent Musco and Mr. Sam Choi
5. Markets and Operations Policy Committee Report ..................................................Mr. Noman Williams
a. MWG: RR69 Recommendation
b. MWG: RR49-MPRR236 Recommendation
c.

ESWG: ITP10 Futures Recommendation

d. Staff: Aggregate Study Waiver Requests
e. Staff: Walkemeyer Re-evaluation
6. Future Meetings........................................................................................................ Mr. Jim Eckelberger
2015
BOD - June 8-10 .......................................................... Little Rock
Oversight Committee Meeting – 6/8/15
Board of Directors Workshop – 6/8-9/15
Human Resources Committee Meeting – 6/10/15
RET/RSC/BOD - July 27-28............. ……………….. Kansas City
RET/RSC/BOD - October 26-27 ................................... Little Rock
BOD - December 8........................................................ Little Rock

Executive Session

Relationship-Based • Member-Driven • Independence Through Diversity
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Metrics Report to
Board of Directors
/ Members
Committee
April 28, 2015
Carl A. Monroe
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Top Underfunded Quarterly Constraints

5

March Funding Deep Dive
•

Osborne to Fairport
–
–

FAIOSBSTJHAW was 43% funded ($2.8M short)
Affected by Eastowne – Iatan 345kV outage


•

Woodward to FPL Wind
–
–

•

Outage not submitted by TCR process deadline

TMP123_20529 was 54% funded ($800K short)
Affected by Northwest – Tatonga 345kV outage


Outage taken in TCR Monthly Process



Limit expanded 70% during TCR Monthly process

Council Bluffs to Substation 3456
–
–

CBLS56ROLMAD was 10% funded ($600K short)
Affected by Council Bluffs – Fallow 345kV outage and 161kV outage
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LTCR Awards 38% of Nominations
1.1 GW
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LSE Awards
LSE not Awarded
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Non-LSE Awards

20 MW Non-LSE Awarded
7

Binding Constraints History
Previous Market Occurences
30
25
20
15
10
5
0

8

SPP Market Wind Generation
2010

2012

2011

2013

2014

8000

7000

WIND GENERATION duration curves
2010 – 2011 – 2012 – 2013 – 2014 SPP Market footprint

6000

5000

MW

2014
4000

2013

2012

3000

2011
2000

2010
1000

0
0

1000

2000

3000

4000

5000

Hours Greater than MW

6000

7000

8000

9000

9

10

Percent of Hours with Mitigation
90.0%
80.0%
70.0%
60.0%
50.0%
40.0%
30.0%
20.0%
10.0%
0.0%

Percent of Hours
Energy
Percent of Hours
Startup

2015/3

2015/2

2015/1

2014/12

2014/11

2014/10

2014/9

2014/8

2014/7

2014/6

2014/5

2014/4

2014/3

Percent of Hours
Noload

11

12

Corporate Metrics
1st Quarter 2015
April 20, 2015

Southwest Power Pool
Corporate Metrics
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DISCLAIMER
The data and analysis in this report are provided for informational purposes only and shall not be considered or relied upon as market advice or market settlement data.
Southwest Power Pool (SPP) makes no representation or warranties of any kind, express or implied, with respect to the accuracy or adequacy of the information contained herein.
SPP shall have no liability to recipients of this information or third parties for the consequences arising from errors or discrepancies in this information, or for any claim, loss or damage of any kind or nature whatsoever arising
out of or in connection with (i) the deficiency or inadequacy of this information for any purpose, whether or not known or disclosed to the authors, (ii) any error or discrepancy in this information, (iii) the use of this information, or
(iv) a loss of business or other consequential loss or damage whether or not resulting from any of the foregoing.

SPP Corporate Metrics - 1st Quarter 2015

1

1a. TCR Funding Summary
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1b. ARR Funding Summary
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ARR Funding
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Cumulative Funding Percent

3

2a. Congestion - TLR / CME Time
4,000

Transmission & Market Indicators

Hours in TLR / CME

3,000

2,000

1,000

0

Level 5B
in hours

Jan 14

Feb 14

Mar 14

Level 5A

Apr 14

May 14

Level 4

Jun 14

Jul 14

Level 3B

Aug 14

Sep 14

Oct 14

Level 3A

Nov 14

Dec 14

CME Time (loading >90%)

Jan 15

Feb 15

Mar 15

2012

2013

2014

12 mo

Level 3A

435

202

291

248

149

160

187

239

288

224

446

366

389

289

153

369

306

270

262

Level 3B

41

28

11

13

4

9

3

11

14

24

22

11

34

16

15

23

17

16

15

1

0

5

0

0

0

0

0

0

0

0

0

0

0

0
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4

1

Level 5A

151

144

41

46

35

34

104

5

49

76

20

128

141

87

27

110

84

69

63

Level 5B

12

11

2

1

3

9

11

1

5

11

3

5

4

4

2

5

5

6

5

Total TLR Time

640

385

350

308

191

212

305

256

356

335

491

510

568

396

197

517

415

362

344

CME Time
(loading >90%)

2,143

1,839

2,208

1,930

1,890

3,075

2,565

3,703

3,710

2,672

3,589

3,141

3,172

2,216

1,798

2,276

2,351

2,705

2,788

Level 4

-

Monthly Average in Hours

600

Monthly Average Level 3
TLR (hrs)

20

Monthly Average Level 4
TLR (hrs)

CME Time (loading >
90%) (hrs)

2,000

12

80

8

200

3,000

120

16
400

Monthly Average Level 5
TLR (hrs)

1,000

40
4

-

2012

2013

2014 12 mo
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2012

2013

2014 12 mo

-

2012

2013

2014 12 mo

-

2012 2013 2014 12 mo
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2b. Congestion - Congested Intervals (RTBM)
100%

80%

60%

40%

Transmission & Market Indicators

20%

0%

Uncongested Intervals

Jan 14

Feb 14

Mar 14

Apr 14

May 14

Jun 14

Intervals with Binding Only

Jul 14

Aug 14

Sep 14

Oct 14

Intervals with a Breach

Nov 14

Dec 14

Jan 15

Feb 15

Mar 15

2012

2013

2014

12 mo

Uncongested
Intervals

23%

26%

20%

10%

26%

9%

17%

10%

14%

21%

7%

20%

24%

22%

30%

14.5% 14.6% 16.9% 17.6%

Intervals with
Binding Only

65%

63%

65%

77%

62%

72%

70%

77%

73%

64%

72%

66%

67%

68%

52%

79.2% 78.6% 69.1% 68.3%

Intervals with a
Breach

12%

11%

15%

13%

12%

19%

12%

13%

14%

14%

20%

14%

9%

10%

17%

6.8% 14.0% 14.0%
Average

Interval = 5 minutes
40%

6.3%

Uncongested Intervals

100%

Intervals with Binding Only

80%

30%

16%

Intervals with a Breach

12%

Figures prior to March 2014
are from the Energy
Imbalance Service market.

60%
8%

20%
40%
10%

0%

4%

20%
0%
2012

2013

2014
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12 mo

2012

2013

2014

12 mo

0%

2012

2013

2014

12 mo
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2b. Congestion - Congested Intervals (DAMKT)
100%

80%

60%

40%

Transmission & Market Indicators

20%

0%

Uncongested Intervals

Jan 14

Feb 14

Mar 14

Apr 14

May 14

Jun 14

Intervals with Binding Only

Jul 14

Aug 14

Sep 14

Oct 14

Intervals with a Breach

Nov 14

Dec 14

Jan 15

Feb 15

Mar 15

Uncongested
Intervals

7%

3%

8%

1%

1%

1%

0%

4%

0%

0%

3%

2%

6%

Intervals with
Binding Only

91%

97%

91%

98%

97%

98%

99%

95%

99%

99%

96%

97%

93%

3%

0%

1%

1%

2%

1%

1%

1%

1%

0%

1%

1%

1%

Intervals with a
Breach
Interval = 1 hour
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2012

2013

2014

12 mo

2.5%

2.4%

96.5% 96.7%
1.0%
Average

6

0.9%

2c. Price Contour Map (April 2014 - March 2015)
Real-Time

Transmission & Market Indicators

Day-Ahead

SPP Corporate Metrics - 1st Quarter 2015
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$140

70%

$120

60%

$100

50%

$80

40%

$60

30%

$40

20%

$20

10%

$0

0%

DA Average Shadow Price
Flowgate Name
OSGCANBUSDEA
WDWFPLWDWTAT
SUNAMOTOLYOA
NEORIVNEOBLC
WDWFPLTATNOW
IATSTRSTJHAW*
FAIOSBSTJHAW#
SHAHAYKNOXFR
BRKXF2BRKXF1
REDWILLMINGO*

Region
Texas Panhandle
Western Oklahoma
Texas Panhandle
SE Kansas
Western Oklahoma
KC - Omaha Corridor
KC - Omaha Corridor
Central Kansas
SW Missouri
N-S Western SPP

* SPP Market-to-Market flowgate
# AECI flowgate
SPP Corporate Metrics - 1st Quarter 2015

RT Average Shadow Price

DA % Intervals Congested

% Congested

Shadow Price ($/MWh)

Transmission & Market Indicators

2d. Congestion - Flowgates (April 2014-March 2015)

RT % Intervals Congested

Flowgate Location
Osage Switch - Canyon East (115) ftlo Bushland - Deaf Smith (230)
Woodward - FPL Switch (138) ftlo Woodward EHV - Tatonga (345)
Sundown - Amoco (230) ftlo Tolk - Yoakum (230)
Neosho - Riverton (161) ftlo Neosho - Blackberry (345)
Woodward - FPL Switch (138) ftlo Tatonga - Northwest (345)
Iatan - Stranger Creek (345) ftlo St. Joe - Hawthorn (345)
Fairport - Osborn (161) ftlo St. Joe - Hawthorn (345), Alabama - Nashua (161)
South Hays - Hays (115) ftlo Knoll Xfmr (230/115)
Brookline Xfmr 2 (345/161) ftl Brookline Xfmr 1 (345/161)
Red Willow - Mingo (345)

8

2d. Congestion - Flowgates (April 2014-March 2015)

Transmission & Market Indicators

Flowgate Name

Region

Flowgate Location

Projects that may provide mitigation

OSGCANBUSDEA

Texas
Panhandle

Osage Switch - Canyon East (115)
ftlo Bushland - Deaf Smith (230)

Canyon East Sub –Randall County Interchange 115 kV line (June 2017 – Aggregate
Studies)

WDWFPLWDWTAT

Western
Oklahoma

Woodward - FPL Switch (138) ftlo
Woodward EHV - Tatonga (345)

Woodward – Tatonga ck2 345 kV (ITP10)

SUNAMOTOLYOA

Texas
Panhandle

Sundown - Amoco (230) ftlo Tolk Yoakum (230)

1. Tuco Interchange – Yoakum 345 kV Ckt 1 (June 2020 – HPILS)
2. Amoco - Sundown 230 kV Terminal Upgrades (2015 ITP10)

NEORIVNEOBLC

SE Kansas

Neosho - Riverton (161) ftlo Neosho No projects identified at time of report publication.
Blackberry (345)

WDWFPLTATNOW

Western
Oklahoma

Woodward - FPL Switch (138) ftlo
Tatonga - Northwest (345)

1. Matthewson - Tatonga 345 kV Ckt 2 (March 2021 – ITP10)
2. Elk City - Red Hills 138 kV Ckt 1 Reconductor (June 2015, ITPNT)

IATSTRSTJHAW*

KC - Omaha
Corridor

Iatan - Stranger Creek (345) ftlo St.
Sibley – Mullin Creek 345 kV (June 2017 – High Priority)
Joe - Hawthorn (345)

FAIOSBSTJHAW#

KC - Omaha
Corridor

Fairport - Osborn (161) ftlo St. Joe Hawthorn (345), Alabama - Nashua
(161)

No projects identified at time of report publication.

SHAHAYKNOXFR

Central Kansas

South Hays - Hays (115) ftlo Knoll
Xfmr (230/115)

Hays Plant - South Hays 115 kV Ckt 1 (June 2016 - Regional Reliability)

BRKXF2BRKXF1

SW Missouri

Brookline Xfmr 2 (345/161) ftl
Brookline Xfmr 1 (345/161)

No projects identified at time of report publication.

REDWILLMINGO*

N-S Western
SPP

Red Willow - Mingo (345)

Gentleman - Cherry Co. - Holt 345 kV Ckt 1 (January 2018 – ITP10)

* SPP Market-to-Market flowgate
# AECI flowgate
SPP Corporate Metrics - 1st Quarter 2015

9

3a. Balancing Authority Report - CPS Performance

CPS1 (statistical measure of 1 minute average ACE vs. Frequency)
200%

150%

Marketplace Indicators

100%

50%
Jan 14 Feb 14 Mar 14 Apr 14 May 14 Jun 14

>=100%

Jul 14 Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15

<100%

CPS2 (10 minute average of ACE performance)
100%

95%

90%

85%
Jan 14 Feb 14 Mar 14 Apr 14 May 14 Jun 14

Jul 14 Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15

>95%
90%-95%
<90%
SPP BA is not subject to CPS, but is subject to BAAL. CPS is reported here for informational purposes only.
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3b. Balancing Authority Report - BAAL Performance

10

Events

8

6

4

Marketplace Indicators

2

0
Jan 14 Feb 14 Mar 14 Apr 14 May 14 Jun 14

Jul 14

>10 and <=20 min

Event Length
>10 and <=20 min
>20 and <=30 min
>30 min
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Jan 14

Feb 14

Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15
>20 and <=30 min

May 14 Jun 14

Jul 14

>30 min

Mar 14

Apr 14

Jan 15

Feb 15

Mar 15

1

0

0

1

0

Aug 14 Sep 14
2

0

Oct 14
0

Nov 14 Dec 14
0

0

0

1

1

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0
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4a. Price and Price Range (Day-Ahead) - April 2014 - March 2015
0.8

$38

SPSM

$34

CHAN
EDEP

0.6

WFES
KPP

OGE
OMPA

AECCAEPM

SPRM

Transmission & Market Indicators

GRDX
GSEC

$30

INDN KBPUKCPS

WRGS

MEUC

0.4

GMOC

KMEA
MIDW
FREM
OPPM

LESM
MEAN

$26

NPPM

0.2

SEPC
TNSK

BEPM

0.0

$22

LSE Volatility

SPP Corporate Metrics - 1st Quarter 2015

LSE Average

SPP Average

SPP Volatility
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4b. Price and Price Range (Real-Time) - April 2014 - March 2015
2.0

$36
SPSM

WFES
EDEP

$32

SPRM

OGE

CHAN

1.6

OMPA

AECCAEPM
GRDXGSEC

Transmission & Market Indicators

INDN KBPUKCPS

WRGS

MEUC
GMOC

1.2

$28
KPP
KMEA
MIDW

FREM

$24

LESMMEAN

0.8

OPPMSEPC
NPPM
TNSK

BEPM

0.4

$20

LSE Volatility
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LSE Average

SPP Average

SPP Volatility
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$50

$10

$40

$8

$30

$6

$20

$4

$10

$2

$0

Mar
13

Apr
13

May Jun Jul 13 Aug Sep
13
13
13
13

Oct
13

EIS LIP
Average in $

EIS LIP
($/MWh)
DA LMP
($/MWh)
RT LMP
($/MWh)
PEPL Gas
Cost ($/MMBtu)

Jan 14

29.22

Feb 14

Mar 14

Nov
13

Dec
13

Jan
14

Feb
14

DA LMP
Apr 14

May 14

Jun 14

Mar
14

Apr
14

May Jun Jul 14 Aug Sep
14
14
14
14

RT LMP
Jul 14

Aug 14

Sep 14

Oct
14

Gas (PEPL)
Oct 14

Nov 14

Dec 14

Nov
14

Dec
14

Jan
15

Feb
15

Mar
15

$0

12 month avg Gas

Jan 15

Feb 15

Mar 15

42.78

4.83
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8.00

39.82

35.70

35.58

31.25

31.78

32.92

29.32

30.25

29.15

27.83

25.15

24.22

21.96

38.70

29.60

35.88

26.78

29.93

32.01

28.72

29.10

26.71

27.65

23.84

24.12

20.46

5.17

4.44

4.37

4.34

4.34

4.34

3.75

3.62

3.90

3.34

2.81

2.56

2.50

14

Gas Cost (Panhandle Eastern Pipeline) $/MMBtu

Electricity Price ($/MWh)

Transmission & Market Indicators

4c. Electricity/Gas Cost Comparison

$60

$12

$50

$10

$40

$8

$30

$6

$20

$4

$10

$2

$0

$0

2007

2008

2009

2010

RTBM Price* ($/MWh)

in $

DAMKT Price
($/MWh)
RTBM Price*
($/MWh)
PEPL Gas Cost
($/MMBtu)

Gas Cost (Panhandle Eastern Pipeline) $/MMBtu

Electricity Price (LIP) $/MWh

Transmission & Market Indicators

4d. Prices - annual

2007

2008

2009

2010

2011

2011
DAMKT Price ($/MWh)

2012

2013

2014

2015

32.36

23.78

49.42

53.21

27.89

31.33

29.28

22.29

25.89

31.42

22.81

6.15

7.12

3.31

4.17

3.89

2.64

3.58

4.45

2.62

2012

2013

2014

2015

PEPL Gas Cost ($/MMBtu)

* 2014 RTBM includes last two months of LIP for the EIS market, and
RTBM LMP for the first ten months of the Integrated Marketplace. All
prior years use EIS LIP.

Average
SPP Corporate Metrics - 1st Quarter 2015
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5a. Revenue Neutrality Uplift

$4,000

Transmission & Market Indicators

in thousands $

$2,000

$0

-$2,000

-$4,000

-$6,000

in thousands $

Total Uplift

Jan 14

-1,510

Feb 14

-3,350

Mar 14

-607

Apr 14

-685

May 14

-2,094

Jun 14

-4,614

Jul 14

93

Aug 14

563

Sep 14

-2,050

Oct 14

-2,805

Nov 14

-2,245

Dec 14

-2,009

Jan 15

-3,469

Feb 15

-282

Mar 15

2,791

2012
-7,463

2013
-7,553

2014
-21,313

12 mo
-16,806

Total
$4,000

Revenue Neutrality Uplift (RNU) ensures settlement payments/receipts for each

in thousands $

$0

hourly settlement interval equal zero.
• Positive RNU - SPP receives insufficient revenue and collects from market participants.

-$4,000

• Negative RNU - SPP receives excess revenue, which must be credited back to
-$8,000

market participants.

-$12,000
-$16,000
-$20,000
-$24,000

2012
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2013
-3000

2014
-3000 -3000

12 mo
-3000 -3000

-3000

-3000

-3000

-3000

-3000

-3000

-3000

-3000
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5a. Revenue Neutrality Uplift
in thousands $

Feb 14

Mar 14

Apr 14

May 14

Jun 14

Jul 14

Aug 14

Sep 14

Oct 14

Nov 14

Dec 14

Jan 15

Feb 15

Mar 15

DA Revenue Inadequacy

0

0

0

0

0

0

0

0

0

0

0

0

0

RT Revenue Inadequacy

-22

-85

-19

-54

-111

-49

-110

-88

-132

-68

-73

-47

-174

RT OOME MWP

-154

-91

-94

-170

-83

-22

-39

-7

-158

-4

-3

-3

-3

RT Regulation Deployment Adj

-739

-131

21

-219

-161

-143

-38

-78

-18

-122

20

72

127

0

0

0

0

0

0

0

0

0

0

0

0 4,337

-338 -1,455 -2,507 -4,367

179

352 -2,771 -2,036 -1,673 -1,181 -3,458

-282 -1,148

-1,254 -1,763 -2,598 -4,810

-176

138 -2,958 -2,209 -1,981 -1,375 -3,514

-260 3,139

RT JOA Adj
RT Congestion Adj

Transmission & Market Indicators

Jan 14

SUBTOTAL
Less RT Net Inadvertent Adj
TOTAL RNU

647 1,078
-607

504

196

268

-685 -2,094 -4,614

93

426

907

-596

-264

-632

44

563 -2,051 -2,805 -2,245 -2,007 -3,470

-23

-348

-283 2,791

* This table is based on the latest available settlements data and is subject to change due to resettlement

SPP Corporate Metrics - 1st Quarter 2015
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Transmission & Market Indicators

5b. Make Whole Payments

SPP Corporate Metrics - 1st Quarter 2015
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Financial Metrics

6. SPP Admin Fee Performance

2007

Budgeted Net Revenue Required ($000s)
Budgeted Load (000's)
Budgeted NRR / Budget Load

$

Actual Load Growth

2008
$

288,649
$

Approved Admin Fee
Actual Net Revenue Required ($000's)
Actual Load (000's)
Actual NRR / Actual Load

52,819
0.183

2009
$

312,496
$

0.197

56,478

2010
$

331,324
$

0.170

68,358

2011
$

333,458
$

0.205

78,368

2012
$

343,000
$

0.228

89,560

2013
$

353,453
$

0.253

121,800

2014
$

360,915
$

0.337

132,600

2015
$

348,178
$

0.381

141,208
363,500

$

0.389

0.190

0.190

0.170

0.195

0.210

0.255

0.315

0.381

0.00

0.00

0.00

0.00

0.00

0.00

0.00

0.00

0.00

$47,998

$58,081

$59,837

$63,497

$80,841

$84,776

$123,336

$136,959

$146,600

301,098
$

61,462

0.159

5.12%

296,135
$

0.196

328,175
$

-1.65%

0.182

10.82%

331,610
$

0.191

1.05%

341,438
$

0.237

2.96%

361,686
$

0.234

5.93%

357,535
$

0.345

-1.15%

0.390

350,976
$

0.390

373,850
$

0.392

-1.83%

6.52%

Note: Budgeted 2015 figures cover the entire 2015 calendar year, while
actual 2015 figures cover the period through the date of this report.

SPP Corporate Metrics - 1st Quarter 2015
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7. Budget Performance Monitor
Operating Expense Variance
$6,000

Financial Metrics

in thousands $

$4,000

$2,000

$0

Apr 14

May 14

Jun 14

Jul 14

Aug 14

Sep 14

Oct 14

Nov 14

Dec 14

Jan 15

Feb 15

Mar 15

-$2,000

-$4,000

-$6,000

Monthly Variance

in thousands $

Apr 14

May 14

Jun 14

Jul 14

Cumulative Variance

Aug 14

Sep 14

Oct 14

Nov 14

Dec 14

Jan 15

Feb 15

Mar 15

Budgeted Operating Expense

16,884

16,514

16,765

16,557

16,425

16,471

17,051

16,311

16,309

16,309

16,309

16,309

Actual Operating Expense

16,146

21,391

17,570

15,911

16,264

16,048

15,593

15,024

15,317

15,317

15,317

15,317

(1,458)

(1,287)

Monthly Variance:
Over Budget / (Under Budget)

(738)

4,877

805

12 month Cumulative Variance:
Over Budget / (Under Budget)

(738)

4,139

4,944

SPP Corporate Metrics - 1st Quarter 2015

(646)
4,298

(161)
4,137

(423)
3,714

2,256

969

(992)

(992)

(992)

(992)

(23)

(1,016)

(2,008)

(3,001)
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8. Financial Settlement Index
% of Late Transmission Payments

9%
6%
3%

in thousands
Late Transmission
Payments
Total Transmission
Payments

Apr 14

% Late Payments
in thousands
Late Market
Payments
Total Market
Payments

May 14

6%
3%

Jun 14

Jul 14

Aug 14

Sep 14

Oct 14

Dec 14

Jan 15

Feb 15

Mar 15

12 mo

$39

$1,980

$0

$291

$134

$58

$778

$540

$33

$948

$1,613

$8,698

$38,438

$36,508

$38,244

$36,931

$39,386

$34,483

$40,826

$37,780

$24,312

$35,089

$36,626

$35,488

$434,111

6%

0%

5%

0%

1%

0%

0%

2%

2%

0%

3%

5%

2.0%

May 14

Jun 14

Jul 14

Aug 14

$1,298

$21

$51

$266

$55,695

$87,725

$65,091

$89,390

2%

0%

0%

0%

Sep 14

$36 $

Oct 14

Nov 14

Dec 14

Jan 15

Feb 15

-

$56

$44

$201

$186

$64,544

$64,172

$75,855

$45,666

$49,069

$65,577

0%

0%

0%

0%

0%

0%

Transmission Short Pays

$800

Nov 14

$2,284

Apr 14

% Late Payments

Mar 15

$11

12 mo

$197

$2,367

$41,049 $106,625

$810,458

0%

0%

0.3%

Market Short Pays

$50
$40
in thousands

$600
in thousands

9%

0%

0%

Financial Metrics

% of Late Market Payments

12%
% of Total Payout

% of Total Payout

12%

$400
$200
$0

$30
$20
$10
$0

in thousands
Transmission Short
Pays

Apr 14

$

- $

- $

- $

- $

- $

- $

Market Short Pays

$

- $

- $

- $

- $

- $

-
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May 14

Jun 14

Jul 14

Aug 14

Sep 14

Oct 14

Nov 14

Dec 14

Jan 15

- $

- $

- $

$22 $

- $

-

Feb 15

Mar 15

12 mo

- $

- $

-

$0

$24 $

- $

-

$46
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9a. Financial Disputes Index - $ Integrated Marketplace
Settlement Dispute Statistics ($)

$350

$300

$000's

$250

$200

$150

$100

Financial Metrics

$50

$0

Total Disputes
(Figures in
$000's)

Jan 14

Feb 14

Mar 14

Apr 14

May 14

Jun 14

Jul 14

Avg. Dispute Size

Aug 14

Sep 14

Oct 14

Largest single dispute

Nov 14

Dec 14

Jan 15

Feb 15

Mar 15

Total Disputes

$80.8 $300.0 $17.0 $55.5

$7.8 $167.3

$3.1 $326.1 $26.3 $16.1

$1.9

$6.6 $34.7

Avg. Dispute
Size

$26.9 $75.0

$3.4

$6.9

$1.9 $18.6

$0.4 $40.8

$5.4

$0.1

$0.9

Largest single
dispute

$63.5 $127.5

$8.4 $49.4

$7.1 $96.6

$1.2 $149.2 $16.2 $11.0

$1.0

$5.3

2014

2015

12 mo

$100.0

$14.4

$80.2

$8.7

$18.5

$3.3

$13.9

$2.2 $32.6

$149.2

$32.6

$149.2

Average

$160

Monthly Average Amount in Dispute
($000's)

$30

Average Dispute Size ($000's)

Largest Single Dispute ($000's)

* Annual maximum

$120

$20

$120

$160

$80

$80
$10

$40

$40
$0

2014
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2015

12 mo

$0

2014

2015

12 mo

$0

2014

2015

12 mo
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*

9b. Financial Disputes Index - Integrated Marketplace
40

120
100

30

80
60

20

40
10

20
-

-

# Resettlements

# New Disputes

20
16

Financial Metrics

12
8
4
-

Avg Days Outstanding

(Figures in $000's)

Jan 14

Feb 14

Mar 14

Apr 14

28

# New Disputes

-

# Resettlements

Jun 14

Jul 14

Aug 14

Sep 14

Oct 14

Nov 14

Dec 14

Jan 15

Feb 15

Mar 15

2014

2015

12
mo

33

27
15
2

13
31
2

13
50
13

16
62
6

14
80
7

16
90
2

10
70
9

22
102
7

13
56
11

11
62
5

19
40
6

15
73
8

33
52
7

21
-

4

Avg Days Outstanding

May 14

7

7

Monthly Average

80

Monthly Average of Active
Disputes

60

80
60

Average Monthly
Resettlements

80
60

40

40

40

20

20

20

-

-
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Average Days Outstanding

-
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10a. Employee Turnover - monthly

Turnover Rate

Employee Turnover (monthly)
3.0%

600

2.5%

550

2.0%

500

1.5%

450

1.0%

400

0.5%

350

0.0%

Mar
13

Apr
13

May Jun Jul 13 Aug Sep
13
13
13
13

Oct
13

Nov Dec
13
13

Jan
14

Feb
14

Involuntary TO Rate

Financial Metrics

Jan 14

Voluntary TO Rate
Involuntary TO Rate
Total Turnover
(# of employees)

Permanent
Employees

0.2%
0.0%
1
571

Feb 14

0.0%
0.0%
571

Mar 14

0.4%
0.0%

Apr 14

0.5%
0.0%

May 14

0.7%
0.2%

Mar
14

Apr
14

May Jun Jul 14 Aug Sep
14
14
14
14

Voluntary TO Rate
Jun 14

0.7%
0.0%

Jul 14

0.2%
0.0%

Aug 14

0.5%
0.4%

Oct
14

Nov Dec
14
14

Jan
15

Feb
15

Mar
15

300

# of Employees
Sep 14

0.4%
0.2%

Oct 14

0.7%
0.0%

Nov 14

0.0%
0.2%

Dec 14

0.4%
0.0%

Jan 15

0.2%
0.0%

Feb 15

0.3%
0.2%

Mar 15

0.9%
0.3%

2

3

5

4

1

5

3

4

1

2

1

3

7

571

573

571

571

571

569

569

566

568

570

570

576

573

Rolling 12-month Turnover Rate

Turnover Rate

10%
8%
6%
4%
2%
0%
Mar 13 Apr 13 May 13 Jun 13 Jul 13 Aug 13 Sep 13 Oct 13 Nov 13 Dec 13 Jan 14 Feb 14 Mar 14 Apr 14 May 14 Jun 14 Jul 14 Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15

Jan 14

Rolling 12-month
Turnover Rate

5.6%
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Feb 14

5.4%

Mar 14

5.6%

Apr 14

5.2%

May 14

5.9%

Jun 14

6.3%

Jul 14

5.9%

Aug 14

6.1%

Sep 14

5.8%

Oct 14

5.8%

Nov 14

5.4%

Dec 14

5.4%

Jan 15

5.4%

Feb 15

6.0%

Mar 15

6.8%
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10b. Employee Turnover - annual

Financial Metrics

12%

600

10%

500

8%

400

6%

300

4%

200

2%

100

0%

1998

1999

2000

2001

2002

2003

2004

2005

2006

2007

2008

Total Employees

Total Turnover
Total Employees
Turnover Ratio

2009

2010

2011

2012

2013

2014

2015

Total Employees

Turnover Rate (annualized)

Annual Turnover Ratio and Employee Count

-

Turnover Ratio

1998

1999

2000

2001

2002

2003

2004

2005

2006

2007

2008

2009

2010

2011

2012

2013

2014

2015

3

1

7

7

10

8

8

8

14

21

30

13

21

20

28

33

31

11

39

45

73

110

110

116

131

169

245

295

345

423

449

514

558

569

570

573

7.7%

2.2%

9.6%

6.4%

9.1%

6.9%

6.1%

4.7%

5.7%

7.1%

8.7%

3.1%

4.7%

3.9%

5.0%

5.8%

5.4%

7.7%

Note 1: Total Turnover only includes voluntary and involuntary separations; retirements and interns are not used in the calculation.
Note 2: Turnover Ratio is annualized for the current year.
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11. SPP Regional Entity Compliance

Performance

Period End Open Caseload

Violations

300

300

200

200

100

100

0

0
2010

2011

2012

2013

2010

2011

2014

2012

2010

2015

New

2013

2014

2012

Processed

2013

2014

2015

Dismissed

2015

Starting Caseload
New Violations

154
254

268
239

245
173

178
191

195
126

134
18

Processed by SPP RE

117

187

197

134

143

7

Dismissed by SPP RE

23

75

43

40

44

1

Ending Caseload

268

245

178

195

134

144

Cumulative Violations

448

687

860

1,051

1,177

1,195
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2011
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Performance

12. IT System Performance
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13a. Studies - Aggregate - MW

25,000
2013-AG3
20,000

15,000

2013-AG2

2014-AG1

2014-AG1

2013-AG3

2013-AG3

2013-AG2

2013-AG2

2013-AG2

MW

10,000

2013-AG1
5,000

Performance

2012-AG3

2012-AG2

-

2014-AG1

2013-AG1

2012-AG3

Completed

2013-AG3

Completed

Completed

(5,000)
Completed
(10,000)

(15,000)

1Q 14

2Q 14

3Q 14

4Q 14

MW
Completed

1Q 14

2Q 14

MW
3Q 14

4Q 14

1Q 15

2011-AG3
2012-AG1

1Q 15

In Progress

1Q 14

2Q 14

1,700

2012-AG2

313

2012-AG2

1,841

2012-AG3

3,581

4Q 14

1Q 15

3,581

2012-AG3

366

2013-AG1

1,483

1,483

2013-AG1

688

2013-AG2

14,757

14,557

13,842

2013-AG3

2,309

13,842

2014-AG1

2013-AG2
TOTAL

3Q 14

2012-AG1

1,700

313

1,054

-

TOTAL
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20,416

23,971

14,024

14,024

2,309

2,309

1,885

5,853

5,160

4,958

22,186

21,493

6,843
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13b. Studies - Aggregate - Upgrade $

$400
2013-AG3

$300

2013-AG2

Performance

$ (in millions)

2013-AG2
$200

2013-AG1
2013-AG1
$100

2012-AG3

2012-AG3
2014-AG1

2012-AG2

$0

2014-AG1
2013-AG3
2013-AG2

2014-AG1
2013-AG2
2013-AG3

2013-AG3

3Q 14

4Q 14

1Q 15

-$100
1Q 14

2Q 14

$ (in millions)
Completed

1Q 14

2Q 14

$ (in millions)

3Q 14

4Q 14

1Q 15

2011-AG3
2012-AG1

1Q 14

2Q 14

3Q 14

4Q 14

4Q 14

2012-AG1
$

1.13

2012-AG2

$

-

2012-AG3

$

23.54

2013-AG1

$

0.06

2013-AG2
TOTAL

In Progress

$

1.13

$

-

$

23.60

$

-

2012-AG2

$

2.79

2012-AG3

$

103.46

$

105.14

2013-AG1

$

55.57

$

31.60

$

174.98

2013-AG2

$

181.85

$

0.14

2013-AG3

$

35.95

$

0.14

2014-AG1

TOTAL
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$

379.62

$

311.72

$

0.40

$

0.14

$

4.72

$

0.46

$

9.39

$

25.70

$

11.85

$

52.43

$

30.82

$

12.45

$

61.82
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13c. Studies - Generation Interconnection - MW
Generation Interconnection MW - In Progress

12,000

MW

8,000

4,000

1Q 14

2Q 14

Performance

2010 Studies

3Q 14

2011 Studies

2012 Studies

4Q 14

2013 Studies

2014 Studies

1Q 15

2015 Studies

MW
In Progress

1Q 14

2Q 14

DISIS-2010-002

81

70

DISIS-2011-001

521

401

DISIS-2011-002

157

53

DISIS-2012-001

230

230

DISIS-2012-002

1,094

DISIS-2013-001

1,242

3Q 14

4Q 14

1Q 15

200

200

200

609

180

180

180

1,241

284

284

284
1,490

DISIS-2013-002

2,213

2,213

1,490

1,490

DISIS-2014-001

1,885

2,217

641

641

641

7,055

5,922

3,482

DISIS-2014-002
DISIS-2015-001

1,317

PISIS-2013-002

326

PISIS-2014-001

213

213

PISIS-2014-002

1,403

1,156

500

450

1,156

FCS-2013-003
FCS-2014-001

472

FCS-2014-002

472
1,858

FCS-2014-004
FCS-2015-001

400

Pending Withdrawal

TOTAL

8,435
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9,577

11,753

10,322

9,150
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13d. Schedule of Commerical Operation Dates for Upcoming Generation Interconnection Agreements
as of September 30, 2014
2,000

3

1,200

GW Capacity

MW Capacity

1,600

Performance

800

2

1

400

0
Jan Feb Mar Apr May Jun Jul Aug Sep Oct Nov Dec Jan Feb Mar Apr May Jun
2015

2016

0
2015

Commercial Operation Month

2016

2017

2018

2019

Commercial Operation Year

Charts above reflect Executed Generation Interconnection Agreements (GIA’s) with upcoming Commercial Operation Date (COD) milestones by year and month.
Data based on Queue Status of “IA Fully Executed / On Schedule”,

MW Capacity
IA Fully Executed / On Suspension

3,177.9

IA Fully Executed / On Schedule

7,018.8

Total Scheduled or Suspended Generation
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10,196.7
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Metrics Definitions
Transmission and Market Indicators
Two groups of metrics will be monitored to provide an overall health indication of the regional transmission system and market.
Reliability Performance Indicators, which focus on the actual operations of the transmission system and whether or not it was operated within

• expected limits and standards.

• Market Performance Indicators, which focus on the performance of the market in terms of overall volume, prices and level of participation.
Reliability Performance Indicators
This sub-group of metrics is designed to measure the operations of the transmission system from a reliability perspective.

• How well-funded are Transmission Congestion Rights (TCR). (see TCR/ARR Summary)
• How much time was congested during the period. (see Congestion)
• Was the system operated in compliance with the relevant control performance standards? (see Regional Control Performance)

1.

2.

TCR/ARR Summary

Congestion
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TCR/ARR funding is derived as follows:
1.
Day-ahead revenue is collected daily
2.
TCR holders are paid daily based on awarded TCR MW and Day-ahead clearing prices
a. Uplift is charged daily
b. Surpluses are redistributed Monthly and Annually
3.
TCR revenue is collected daily based on TCR MW and TCR ACPs (consistent through
month/season)
4.
ARR holders are paid daily based on ARR MW and TCR ACPs (consistent
through month/season)
a. Uplift is charged daily
b. Surpluses are redistributed Monthly and Annually
2a. TLR / CME Time
TLR Events by level (in hours)
Level 3 - curtailment of non-firm schedules and non-firm market flow
• Level 4 – curtailment of all non-firm schedules and non-firm market flow (additional reconfiguration
of transmission allowed)
Level 5 - curtailment of all non-firm and some firm schedules and market flow
• CME (Congestion Management Events) where loading is greater than 90% (in hours)
2b. Congested Intervals
Percent of intervals binding (flow = System Operating Limit [SOL]), breached (flow > SOL) and
• congested (either binding or breached) during the month. Charts are included for both the Day-Ahead
Market (DAMKT) and the Real-Time Balancing Market (RTBM).
2c. Price Contour Map
Graphic representation of average monthly prices by load area in both the Day-Ahead Market and
• Real-Time Balancing Market since the start of the Integrated Marketplace.
2d. Congestion – Flowgates
Congestion by flowgate ranked by average hourly shadow price in the RTBM for the last 12 months.
• DA values are also included.
Table is included to show top ten most congested flowgates and any potential projects which may
• provide mitigation to the congestion.
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The SPP BA is not subject to CPS, but is subject to BAAL. CPS is reported here for informational purposes
only. Measures the aggregate performance to the NERC CPS (Control Performance Standards) for
SPP. This indicator is set based on the NERC real time control performance standards (known as BAL-001
– Real Power Balancing Control Performance and BAL-002 – Disturbance Control Performance).

3.

Regional Control Performance

CPS1 requires compliance for 100% of the periods measured within the month; and CPS2 requires

• compliance for 90% of the periods measured within the month.

BAAL - each Balancing Authority shall operate such that its clock-minute average of reporting

• ACE does not exceed for more than 30 consecutive clock-minutes its clock-minute
Balancing Authority ACE Limit (BAAL)

Market Performance Indicators
This sub-group of indicators provides a view of the effectiveness of the market in the context of answering the following questions:

• What was the average wholesale price paid in the region and what was its volatility? (see Price)
• How much Revenue Neutrality Uplift was generated during the month? (see Uplift)
• What was the level of available generation offered to the market and EIS related energy sales in the month? (see Market Liquidity)

4.

Price

5.

Uplift

Shows the prices and volatility for both the DAMKT and RTBM for each market participant with load
within the footprint. Also provides an SPP-wide average price for the period reported. Volatility
• (measured as the coefficient of variation, which is average divided by the standard deviation) is
shown for each market participant as well as SPP as a whole. A higher volatility indicates more
variability in prices.
SPP-wide monthly average LMP and the Gas Cost at the Panhandle Eastern Pipeline hub along
•
with12-month rolling averages.
Tracks amount of RNU (Revenue Neutrality Uplift) charged or credited to market participants during the
month, along with the category of uplift. RNU ensures settlement payments/receipts for each settlement
interval equal zero.

• Positive RNU - SPP receives insufficent revenue and collects from market participants.
• Negative RNU - SPP receives excess revenue, which must be credited back to market participants.
Tracks Make Whole Payments (MWP) for both the Day-Ahead Market and the RUC (Real-Time) with
payments broken down by Fuel Type of the generation receiving the MWP.
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Financial Metrics
This group of metrics provides a view of the organization’s overall financial situation in terms of both the operating costs and settlement functions carried out.

6.

SPP Admin Fee Performance

Measures actual costs incurred by SPP on an annual basis and compares this to the approved Admin Fee
and Budgeted Net Revenue Requirement (NRR).

7.

Budget Performance Monitor

Measures the total actual operating expenses against the total budgeted operating expenses across the
organization.

8.

Financial Settlement Index

Metric measures the timeliness of the financial settlements for both transmission billing and market billing
and provides a proxy for the strength of the organization’s cash flow.
Measures the number and value of disputes made with regard to the financial settlements of the markets.
The objective in this area is twofold: (1) minimize the time to clear disputes; and (2) minimize the total value
of dollars in dispute. Figures are included for both the EIS Market and the Integrated Marketplace.

9.

Financial Disputes Index

•

The dollar amount for total disputes, the average dispute size and the largest single dispute is
tracked.

•

The number of disputes active during the month, as well as the average days outstanding for those
disputes is calculated. In addition, the number of resettlements during the month is tracked.

Measures both involuntary and voluntary turnover rates, along with number of employees in the organization.
Monthly turnover is charted on a rolling 12 month basis, while annual turnover ratio and number of
employees is provided for historical purposes.

10.

Employee Turnover
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•

A turnover rate is calculated each month by dividing the total turnover for the month by the total
employee count at month-end. This monthly rate is then aggregated for the previous 12 months
giving a 12-month turnover rate. In order to observe the trend, this 12-month turnover rate is
calculated on a rolling basis for the last 25 months.

•

An annual turnover rate and the number of employees at year-end are both tracked for historical
purposes.
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Performance Metrics
The metrics in this group focus on NERC Compliance, IT System Availability and Engineering Studies.

11.

SPP RE Compliance

Measures SPP Regional Entity compliance of all NERC standards. Metrics track the active caseload, as well
as new possible violations and the disposition of reported violations.

12.

IT System Availability

Measures availability of SPP IT Systems.

13.

Studies

Tracks status of Aggregate Studies and Generation Interconnection Studies by MW and upgrade costs
(Aggregate Studies only).

SPP Corporate Metrics - 1st Quarter 2015
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SPP Tariff/Governing Document Revisions
Docket Number
ER12-1179

Short Description
Submission of Tariff Revisions
to Implement SPP Integrated
Marketplace

ER13-366

Submission of Tariff Revisions
to Comply with Order No. 1000
Regional Planning and Cost
Allocation Requirements

Summary
On January 20, 2015, SPP submitted its compliance filing in response to the December 18, 2014 Order.
SPP submitted tariff revisions to clarify cost allocation for manual resource commitments in the DayAhead Market related to Local Reliability Issues.
SPP’s 15-month informational report is due on June 1, 2015.
The following activity occurred in the U.S. Court of Appeals case:
On January 15, 2015, FERC filed a Motion to Hold Petition in Abeyance, pending the outcome of ongoing
agency proceedings.

and
On January 15, 2015, OG&E filed its Statement of Issues.
ER13-367

14-1281
(U.S. Court of Appeals)

ER13-1748

ER13-1939
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Submission of Revisions to its
Membership Agreement to
Comply with Order No. 1000
Oklahoma Gas and Electric
Company ("OG&E") v. Federal
Energy Regulatory Commission
("FERC") Concerning Orders
Issued in Docket Nos. ER13-366
and ER13-367 Regarding SPP's
Order No. 1000 Regional
Compliance Filings
Order No. 755 Compliance
Filing to Adopt a Two-Part
Compensation Methodology for
Resources that Provide
Regulation-Up and RegulationDown Operating Reserve
Products in the SPP Integrated
Marketplace and Other Tariff
Language
Submission of Tariff Revisions
to Comply with Order No. 1000
Interregional Coordination and
Cost Allocation Requirements

On March 5, 2015, SPP, ITC Great Plains, LLC, Mid-Kansas Electric Company, LLC, Sunflower Electric
Power Corporation, and Xcel Energy Services Inc. filed a Joint Notice stating that they support Petitioner
OG&E in this proceeding and intend to join the brief filed by OG&E.
On March 23, 2015, the court issued an order denying the motion to hold in abeyance pending completion
of agency proceedings. The respondent was ordered to file the certified index to the record within 30 days
of the date of this order. In addition, the parties were ordered to submit proposed formats for briefing of
these cases within 60 days of the date of this order.

On January 21, 2015, FERC issued an order accepting SPP's July 21, 2014 and August 1, 2014
compliance filings. An effective date of March 1, 2015 was granted.
This order constitutes final agency action.

On February 19, 2015, FERC issued an Order on Compliance Filings concerning the proposed procedures
established for interregional transmission coordination and cost allocation between SPP and the
Midcontinent Independent System Operator, Inc. ("MISO") in Docket Nos. ER13-1937 and ER13-1939.
The Commission conditionally accepted, subject to further compliance filing, SPP's revisions to the Joint
Operating Agreement between SPP and MISO ("SPP-MISO JOA") to comply with Order No. 1000
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SPP Tariff/Governing Document Revisions
Docket Number

Short Description

Summary
interregional requirements. The Commission also conditionally accepted, subject to a further compliance
filing, MISO's revisions to the SPP-MISO JOA in Docket No. ER13-1938. An effective date of March
30, 2014 was granted. On April 2, 2015, SPP and MISO filed a motion requesting a 120-day extension to
and including August 18, 2015, to comply with the February 19, 2015 Order.
On March 19, 2015, FERC issued an Order on Compliance Filings addressing SPP's and the Southeastern
Regional Transmission Planning region (“SERTP”) Parties' Order No. 1000 Interregional Compliance
Filings. The Commission conditionally accepted SPP's Compliance Filing and the SERTP Parties'
Compliance Filings, effective January 1, 2015, subject to further compliance filings. The Commission
denied SPP's request for waiver of Order No. 1000 interregional transmission coordination and cost
allocation requirements for SPP's seam with SERTP. SPP's and the SERTP Parties' compliance filings are
due on May 18, 2015.
SPP's other tariff provisions that implement the interregional transmission coordination procedures were
accepted effective March 30, 2014.

ER14-2399

Submission of Tariff Revisions
to Attachment AE for the
Integrated Marketplace

SPP's Order No. 1000 Interregional Compliance Filing pertaining to the Mid-Continent Area Power Pool
is due on May 4, 2015.
On November 25, 2014, SPP submitted an amended tariff filing revising Attachment AE, Section 7.1.1.
On January 20, 2015, FERC issued an order accepting the tariff revisions modifying various sections of
Attachment AE. An effective date of September 8, 2014 was granted.

ER14-2553

Order No. 681 Compliance
Filing to Implement Long-Term
Congestion Rights ("LTCRs")

On January 30, 2015, SPP submitted tariff revisions in compliance with the October 28, 2014 Order and
Order No. 681.

ER14-2570

Order No. 792 Compliance
Filing (Small Generator
Interconnection Procedures and
Agreement)

On March 26, 2015, FERC issued an order accepting SPP's tariff revisions to comply with Order No. 792
which revised the Commission's Small Generator Interconnection Procedures and Agreement. An
effective date of August 1, 2014 was granted.

ER14-2850

Submission of Tariff Revisions
to Facilitate the Integration of
Western Area Power
Administration - Upper Great
Plains Region ("Western-UGP"),
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This order constitutes final agency action.
On January 7, 2015, FERC issued an Order Granting Rehearing for Further Consideration of the
November 10, 2014 Order.
Settlement proceedings are ongoing.
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SPP Tariff/Governing Document Revisions
Docket Number

Short Description
Basin Electric Power
Cooperative ("Basin Electric"),
and Heartland Consumers Power
District ("Heartland")
(collectively the "IS Parties"),
which Jointly Own and Operate
the Integrated System, into the
SPP Regional Transmission
Organization ("RTO")

Summary

and
ER14-2851

ER15-21

ER15-492
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Submission of Bylaws and
Membership Agreement
("Governing Documents")
Revisions to Facilitate the
Integration of Western Area
Power Administration - Upper
Great Plains Region ("WesternUGP"), Basin Electric Power
Cooperative ("Basin Electric"),
and Heartland Consumers Power
District ("Heartland")
(collectively the "IS Parties"),
which Jointly Own and Operate
the Integrated System, into the
SPP Regional Transmission
Organization ("RTO")
Submission of Tariff Revisions
Regarding Review for and
Reporting of Physical
Withholding
Petition for Waiver of Tariff
Provisions in Attachment O to
enable SPP to Modify the Study
Schedule for the Integrated
Transmission Planning ("ITP")
Process

On January 20, 2015, FERC issued an Order Granting Rehearing for Further Consideration of the
December 1, 2014 Order.

On November 26, 2014, SPP filed a Petition for Waiver of Tariff Provisions requesting a limited waiver
of the provisions in Attachment O of the Tariff to enable SPP to modify the study schedule for its ITP
process. SPP requested that, for the three year planning cycle commencing in January 2015, the
Commission waive the requirement to perform the ITP-20 and the timing requirements for the ITP-10.
Commission action is pending.
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SPP Tariff/Governing Document Revisions
Docket Number
ER15-509

Short Description
Submission of Tariff Revisions
to Refine Processes Related to
SPP's Order No. 1000
Competitive Transmission
Owner Selection Process

Summary
On January 23, 2015, FERC issued an Order Conditionally Accepting Tariff Revisions. The Commission
accepted SPP's proposed Tariff revisions to Attachment Y, Section I, to be effective January 1, 2015 as
requested. The Commission conditionally accepted SPP's proposed Tariff revisions to Attachment Y,
Sections II, III, IV, and VII, to be effective January 26, 2015, as requested, subject to certain compliance
requirements.
The Commission conditionally accepted SPP's proposal to permit the Designated Transmission Owner for
a Competitive Upgrade to assign its rights and obligations to build the Competitive Upgrade to an
affiliate, subject to SPP submitting a compliance filing to revise the Tariff to state the SPP Board of
Directors' consent to assignments of Competitive Upgrades and assignments of other transmission projects
constructed by incumbent transmission owners shall not be unreasonably withheld, conditioned, or
delayed. The Commission directed SPP to include it the compliance filing revisions to the Tariff to make
clear that, before it can be assigned a Notification to Construct, an affiliate of a Designated Transmission
Owner must become qualified using the same qualification process that any other potential bidder must
follow to become qualified.
On February 23, 2015, SPP submitted its compliance filing pursuant to the January 23, 2015 Order.

ER15-630

ER15-633

SPP Corporate Metrics - 1st Quarter 2015

Submission of Tariff Revisions
to Attachment AE Section 4.1 to
Clarify Certain Criteria
Applicable to the Submission of
Resource Offers for
Supplemental Reserve into the
Day-Ahead Market and RealTime Balancing Market
Submission of Tariff Revisions
to Include Violation Relaxation
Limits for Market-to-Market
Coordination with the
Midcontinent Independent
System Operator, Inc. ("MISO")

On February 23, 2015, SPP filed a Request for Clarification, or in the Alternative, Rehearing of the
January 23, 2015 Order.
On February 3, 2015, FERC issued an order accepting tariff revisions to Attachment AE Section 4.1 to
clarify certain criteria applicable to submission of Resource Offers for Supplemental Reserve into the
Day-Ahead Market and Real-Time Balancing Market. An effective date of February 13, 2015 was
granted.
This order constitutes final agency action.

On February 23, 2015, FERC issued an order accepting the tariff revisions modifying Addendum 1 to
Attachment AE to add clarifying language that allows the implementation of Market-to-Market
Coordination with MISO, and the resulting operating constraints to be recognized by SPP's Real-Time
Balancing Market. An effective date of March 1, 2015 was granted.
This order constitutes final agency action.
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SPP Tariff/Governing Document Revisions
Docket Number
ER15-673

ER15-714

Short Description
Submission of Tariff Revisions
to Modify Certain Market Power
Mitigation Measures Applicable
to Manual Resource
Commitments

Submission of Tariff Revisions
Regarding Adjustments to
Mitigated Offers

Summary
On January 9, 2015, SPP's independent Market Monitoring Unit filed a Motion to Intervene and
Comments in support of SPP's December 19, 2014 Filing.
On February 10, 2015, FERC issued an order accepting the tariff revisions to modify certain market power
mitigation measures applicable to manual resource commitments. An effective date of February 17, 2015
was granted.
This order constitutes final agency action.
On January 12, 2015, SPP's independent Market Monitoring Unit filed a Motion to Intervene and
Comments in support of SPP's December 23, 2014 Filing.
On February 19, 2015, FERC issued an order accepting the tariff revisions to make explicit and thus
clarify for Market Participants the circumstances under which mitigated offers may be adjusted during the
course of the operating day. An effective date of February 21, 2015 was granted.

ER15-763

Submission of Tariff Revisions
to Modify Allocation of OverCollected Losses

This order constitutes final agency action.
On March 31, 2015, FERC issued an Order Conditionally Accepting Tariff Revisions, to be effective
April 1, 2015, subject to a compliance filing.
The Commission noted that SPP's formulae for determining the quantity of Over-Collected Losses in
proposed sections 8.6.16.2(a) and 8.6.16.2(b) appear to be in error. The Commission stated it appears that
the formulae fail to net the generation and load at the settlement location. The Commission directed SPP
to correct these formulae or explain why it should not be required to do so in its compliance filing.

ER15-774

Submission of Tariff Revisions
to Modify Provisions Addressing
Regulation Compensation and
Mitigation of Regulation Offers

ER15-788

Submission of Tariff Revisions
Regarding Thresholds for
Uneconomic Production
Investigation

SPP Corporate Metrics - 1st Quarter 2015

SPP's compliance filing is due on April 30, 2015.
On February 6, 2015, FERC issued an order accepting the tariff revisions to modify certain aspects of
SPP's regulating reserve compensation methodology and mitigation of regulating reserve offers. An
effective date of March 1, 2015 was granted.
This order constitutes final agency action.
On January 20, 2015, SPP’s independent Market Monitoring Unit filed a Motion to Intervene and
Comments in support of SPP's December 31, 2014 filing.
On February 27, 2015, FERC issued a letter requiring additional information in order to process the
December 31, 2014 Filing. SPP's response is due on April 13, 2015.
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SPP Tariff/Governing Document Revisions
Docket Number
ER15-859

Short Description
Submission of Tariff Revisions
to Modify Attachments H and AI
to Establish a Process by Which
Prior to the Submission of a
Filing to Incorporate a
Transmission Owner's Initial
Revenue Requirement into
Attachment H, SPP will Review
the Data and Information to be
Included in the Filing

Summary
On January 15, 2015, SPP submitted revisions to Attachments H and AI of the Tariff to establish a process
by which prior to the submission of a filing to incorporate a Transmission Owner's initial revenue
requirement into Attachment H, SPP will review the data and information intended to be included in such
filing.
On March 16, 2015, FERC issued an order accepting in part and rejecting in part SPP's tariff revisions.
The Commission rejected without prejudice SPP's proposed revisions to Attachment H and new Section
IV of Attachment AI. The Commission found that these tariff revisions are unjust and unreasonable and
unduly discriminatory and preferential because they require a tariff review process that may take as long
as six months after a new Transmission Owner's execution of the SPP Membership Agreement, and the
proposed review process has the potential to delay a new Transmission Owner's revenue recovery for its
transmission facilities.
The Commission accepted the minor revisions to Attachment AI, Section II, criterion 6. The Commission
also accepted the other revisions to Attachment AI that were not specifically addressed in the order.

ER15-990

ER15-1139

Petition for Wavier of Tariff
Provisions Regarding the
Establishment of Certain
Resource Hubs in SPP's
Integrated Marketplace
Submission of Tariff Revisions
to Section III.D of Attachment J
to Add Potential Remedies that
SPP Could Recommend as Part
of the Regional Cost Allocation
Review ("RCAR") Process

An effective date of March 17, 2015 was granted.
On February 4, 2015, SPP filed a request that the Commission waive applicable provisions of SPP's Tariff
to recognize the establishment of certain resource hubs in SPP's Integrated Marketplace.
Specifically, SPP requested that the Commission waive Section 3.1.1 of Attachment AE of SPP's Tariff to
recognize the existing hubs described in this filing to permit implementation of the new Resource Hub
proposed by Xcel Energy Services Inc.
On February 27, 2015, SPP submitted tariff revisions to add potential remedies to Section III.D of
Attachment J that SPP could recommend as part of its RCAR process.
On March 20, 2015, Xcel Energy Services Inc. (“Xcel”) filed a Motion to Intervene and Protest. Xcel
stated:
1) the RCAR process should result in improvements to Highway/Byway Methodology, not undo existing
allocations;
2) SPP's proposal is not just and reasonable; and
3) SPP has not justified the need for these remedies.
On April 6, 2015, City Utilities of Springfield, Missouri, Kansas City Power & Light Company, The
Empire District Electric Company, and Lincoln Electric System ("Joint Parties") filed an answer in
response to the Protest filed by Xcel on March 20, 2015. The Joint Parties stated:
1) Xcel supported the Highway/Byway methodology, including Unintended Consequences/RCAR;

SPP Corporate Metrics - 1st Quarter 2015
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SPP Tariff/Governing Document Revisions
Docket Number

ER15-1152

ER15-1293

ER15-1340

SPP Corporate Metrics - 1st Quarter 2015

Short Description

Submission of Tariff Revisions
Regarding a Transitional Process
for Allocation of Auction
Revenue Rights ("ARRs")

Submission of Tariff Revisions
Regarding Multi-Day Reliability
Commitment in Conservative
Operations (Revising
Attachment AE Sections 4.5.2
and 4.5.3)

Submission of Tariff Revisions
to Clarify Certification as a
Regulation Qualified Resource in
the Integrated Marketplace

Summary
2) RCAR is essential to the Commission-approved Highway/Byway methodology;
3) the first RCAR analysis demonstrates Xcel has disproportionately benefited from implementation of the
Highway/Byway methodology;
4) SPP's filing to incorporate a list of potential remedies is ministerial; and
5) SPP's filing does not harm Xcel.
On April 7, 2015, SPP filed an answer in response to the Protest filed by Xcel on March 20, 2015. SPP
stated:
1) the proposed revisions are consistent with the existing RCAR process under the Tariff;
2) the proposed revisions do not require additional detail to be just and reasonable;
3) any remedy implemented to alleviate an imbalance or unintended consequence shall be prospective
only;
4) Xcel's criticisms of aspects of the Commission-accepted RCAR process are beyond the scope of this
proceeding and provide no basis for rejecting the proposed revisions; and
5) Xcel's request that SPP be directed to review and modify the Highway/Byway cost allocation
methodology if imbalances are found should be rejected.
On March 2, 2015, SPP submitted revisions to its Tariff to implement a transitional process for allocation
of ARRs to Transmission Owners in the process of joining SPP as Market Participants.
On March 23, 2015, TDU Intervenors filed a Motion to Intervene and Limited Protest. The parties stated
they believe it is important for SPP and the Commission to confirm the broad scope of eligibility for
transmission customers to participate in the Transitional ARR Allocation process.
On March 16, 2015, SPP submitted tariff revisions to clarify whether and how Resources are committed in
the Multi-Day Reliability Assessment after Conservative Operations have been implemented pursuant to
the SPP Emergency Operation Plan.
An effective date of May 15, 2015 was requested.
On April 6, 2015, SPP's independent Market Monitoring Unit (“MMU”) filed a Motion to Intervene and
Protest. The MMU stated it believes that market impacts should be assessed by the Day-Ahead Market
when the Resource is no longer needed to address an emergency reliability condition.
On March 19, 2015, SPP submitted tariff revisions to include terms and conditions in Attachment AE in
order to provide the means for a generation resource that is not currently registered in the Integrated
Marketplace, as in the process of registration, to either self-certify as a Regulation Qualified Resource,
Regulation-Up Qualified Resource, or Regulation-Down Qualified Resource approved for dispatch within
the Integrated Marketplace or request SPP to administer testing as an alternative to self-testing.
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SPP Tariff/Governing Document Revisions
Docket Number

Short Description

Summary
An effective date of May 19, 2015 was requested.

ER15-1414

Submission of Tariff Revisions
to Modify the Aggregate
Transmission Service Study
("ATSS") Process

On March 31, 2015, SPP filed tariff revisions to modify the Aggregate Transmission Service Study
Process.
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An effective date of June 1, 2015 was requested.
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Other Filings of Interest
Docket Number
EL11-34

Short Description
Midcontinent Independent
System Operator, Inc. ("MISO”)
Petition for Declaratory Order
Seeking Commission
Confirmation Regarding Section
5.2 of the Joint Operating
Agreement ("JOA") between
MISO and SPP

12-1158
(U.S. Court of Appeals)

Southwest Power Pool, Inc. v.
Federal Energy Regulatory
Commission (“FERC”)

EL14-21

SPP Complaint for an Order
Finding the Midcontinent
Independent System Operator,
Inc. ("MISO") is Violating the
Joint Operating Agreement
("JOA") between SPP and MISO
and the SPP Tariff and Requiring
MISO to Compensate SPP for
Use of SPP's Transmission
System (“SPP Complaint”)

ER14-1174

Unexecuted Firm Point-To-Point
Transmission Service Agreement
between SPP as Transmission
Provider and Midcontinent
Independent System Operator,
Inc. ("MISO") as Transmission
Customer (“Service Agreement
Filing”)

Summary
On April 6, 2015, Judge Cintron issued an Order Scheduling Settlement Conference to be held on May 28,
2015.

EL14-30
Midcontinent Independent
System Operator, Inc. ("MISO")
Complaint Regarding
Transmission Service Invoices

SPP Corporate Metrics - 1st Quarter 2015
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Other Filings of Interest
Docket Number

Short Description
from SPP (“MISO Complaint”)

Summary

ER13-1864

Joint Operating Agreement
("JOA") between SPP and the
Midcontinent Independent
System Operator, Inc. ("MISO")
to Include Market-to-Market
("M2M") Terms and Conditions
(SPP Rate Schedule FERC No.
9)

On January 22, 2015, FERC issued an Order Conditionally Accepting in Part and Rejecting in Part
Revisions to the JOA, effective March 1, 2015.
The Commission rejected SPP's originally proposed sections 3.1.13 and 8.1.4 and directed SPP to submit
a compliance filing to insert new sections 8.4.3 through 8.4.6, as MISO and SPP agreed to in their posttechnical conference comments.
The Commission accepted proposed section 2, Interface Bus Pricing, and agreed that it is appropriate for
SPP and MISO to coordinate the methodologies each will use to calculate interface bus prices. However,
the Commission stated it anticipates SPP and MISO could face technical challenges in identifying the
appropriate pricing methodologies. The Commission encouraged SPP to work with MISO and PJM
Interconnection, L.L.C. in developing its Interface Bus Pricing approach. SPP was directed to submit an
informational report, detailing the parties' progress in resolving concerns about the implementation
methodologies, every six months until SPP and MISO have reached agreement on their respective
methodologies. The final informational report should include the agreed-upon methodologies.
The Commission accepted the proposed section 4 and thereby allowed SPP and MISO to defer
implementation of the day-ahead firm flow entitlement exchange process. The Commission directed SPP
to work with MISO to assess on an ongoing basis whether the implementation of an exchange process
outweighs its costs. The Commission further directed SPP to submit an informational report every six
months until the exchange process is implemented, detailing the outcome of those assessments.
The Commission directed SPP to work with MISO to revise the provision to resolve a potential ambiguity
in section 8.1.2, Minimizing Less than Optimal Dispatch, and submit a revised provision in its compliance
filing.
On February 23, 2015, SPP submitted a compliance filing revising its JOA with MISO pursuant to the
January 22, 2015 order on M2M coordination.
On March 6, 2015, FERC issued a Notice Granting Extension of Time to and including April 24, 2015 for
SPP to submit its compliance filing related to Section 8.1.2 of Attachment 2 of the JOA.
On April 9, 2015, FERC issued an order accepting the compliance filing submitted on February 23, 2015,
revising the JOA pursuant to the January 22, 2015 order on M2M coordination. An effective date of
March 1, 2015 was granted.
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Other Filings of Interest
Docket Number
ER13-1937

EL14-49

Short Description
Joint Operating Agreement
("JOA") between SPP and the
Midcontinent Independent
System Operator, Inc. ("MISO")
to Comply with Interregional
Requirements of Order No. 1000
(SPP Rate Schedule FERC No.
9)

SPP’s Petition for Declaratory
Order Seeking the Commission's
Confirmation that Acceptance of
a Notice of Termination of a
Point-to-Point Transmission
(“PTP”) Service Agreement
Does Not Preclude a
Transmission Provider from
Seeking Contract Damages for
Breach of the Service Agreement

Summary
On February 19, 2015, FERC issued an Order on Compliance Filings.
The Commission conditionally accepted, subject to further compliance filing, SPP's revisions to the JOA
between SPP and MISO ("SPP-MISO JOA") to comply with Order No. 1000 interregional requirements.
The Commission also conditionally accepted, subject to a further compliance filing, MISO's revisions to
the SPP-MISO JOA in Docket No. ER13-1938.
An effective date of March 30, 2014 was granted.
On April 2, 2015, SPP and MISO filed a motion requesting a 120-day extension to and including August
18, 2015, to comply with the February 19, 2015 Order.
On February 18, 2015, FERC issued an Order on Petitions for Declaratory Orders. The Commission
granted SPP's petition for a declaratory order, and denied AES’s petition for a declaratory order. The
Commission found that SPP may pursue legal action in a state court against AES for alleged contract
damages for an alleged breach of the service agreement, but made no finding on whether such a claim has
any merit.

and
EL14-65
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AES Shady Point, LLC's
("AES") Petition for Declaratory
Order Asking the Commission to
Determine that SPP's Tariff
Prohibits SPP from Recovering
Damages in the Form of Lost
Revenues from AES
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State Cases
Docket Number
Arkansas
13-041-U

Kansas
15-WSEE-365-MIS

SPP Corporate Metrics - 1st Quarter 2015

Short Description
In the Matter of the Application
of Southwestern Electric Power
Company ("SWEPCO") for a
Certificate of Environmental
Compatibility and Public Need
("CECPN") for the Construction,
Ownership, Operation and
Maintenance of the Proposed
345 kV Transmission Line
Between the Shipe Road Station
and the Proposed Kings River
Station and Associated Facilities
to be Located in Benton, Carroll
and/or Madison and Washington
Counties, Arkansas
In the Matter of the Application
of Westar Energy, Inc.
(“Westar”) for a Siting Permit
for the Construction of a 345 kV
Transmission Line in Riley and
Pottawatomie Counties, Kansas

Summary
On January 12, 2015, Save the Ozarks (“STO”) filed its Response to SWEPCO's Notice of Withdrawal of
SWEPCO's Application for an CECPN.
On March 17, 2015, STO filed a Surreply on SWEPCO's Notice of Withdrawal of SWEPCO's Application
for an CECPN.
On March 18, 2015, SWEPCO, SPP and Arkansas Electric Cooperative Corporation filed a Joint Reply
and Motion to Strike STO’s Surreply.
On March 25, 2015, the Commission issued Order No. 37. The Commission ordered:
1) STO’s request that the Commission issue an order denying SWEPCO's Application for a CECPN was
denied;
2) STO's request that the Commission find the Intervenors to be the prevailing parties in this Docket and
issue a procedural order to consider awarding Intervenors attorneys' fees was denied;
3) STO's Surreply Motion was denied and the Joint Parties' to strike STO's Surreply was denied; and
4) SWEPCO was allowed to withdraw its Application for a CECPN and the Docket was closed.
On February 20, 2015, Westar filed an application for a siting permit granting Westar the right to
construct a 345 kV transmission line from Westar's Jeffrey Energy Center Substation to Westar's East
Manhattan Substation located near Manhattan, Kansas.
On March 3, 2015, the Kansas Corporation Commission (“KCC”) issued an Order Setting Procedural
Schedule as follows:
February 27, 2015 - Westar mails notice to landowners and starts publication notice;
March 13, 2015 - Westar completes publication notice;
March 16, 2015 - Westar files affidavit of notice;
March 24, 2015 - Public Hearing;
April 1, 2015 - Public comment period ends;
April 3, 2015 - PACP files Report of Public Comments;
April 10, 2015 - Staff and Intervenor Direct Testimony and Responsive Testimony to Public Comments;
April 24, 2015 - Westar Rebuttal Testimony to Staff and Intervenor Direct Testimony, and Response to
Public Comments;
April 28, 2015 - Prehearing Conference;
April 28, 2015 - Prehearing Motion and Discovery cutoff, disputed issue list due;
May 6, 2015 - Evidentiary Hearing;
May 13, 2015 - Simultaneous Initial Briefs;
May 19, 2015 - Simultaneous Responsive Briefs;
June 19, 2015 - Commission Order.

47

State Cases
Docket Number

Short Description

Summary
On March 3, 2015, SPP filed a Petition to Intervene. SPP also requested permission to file testimony
ahead of the procedural schedule. SPP attached the Direct Testimony of Antoine Lucas as Exhibit A.
On March 27, 2015, SPP submitted its response to the KCC's Informational Request No. 10.
On March 31, 2015, Westar filed an errata to its testimony to correct the Direct Testimony of Kelly
Harrison and Julie Lux regarding how the costs of the project will be allocated.
On April 7, 2015, SPP filed the Direct Testimony of Antoine Lucas.
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Date

Event
Hosted AEP, AECC, and members of the Arkansas Legislature at SPP
for educational presentation on energy infrastructure by Susan
1/21/2015 Eisenhower
Presented "SPP 101" to Kansas House Energy and Environment
Committee and Kansas Senate Utilities Committee, by request of the
2/4/2015 Kansas Legislature

Location

SPP Campus, Little Rock, Arkansas

Topeka, Kansas

Presented "SPP 101" to Oklahoma House Energy and Natural
2/10/2015 Resources Committee, by request of the Chairman of the committee

Oklahoma City, Oklahoma

2/18/2015 Met with representatives of the Western Area Power Administration

Washington, DC

Met with the Chief Counsel of the Senate Committee on Energy and
Natural Resources, staff directors for House Energy and Commerce
2/18/2015 Committee, and offices of members of Congress

Washington, DC
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Regulatory Outlook
SPP's response to the February 27, 2015 letter requesting additional information is due (Letter issued on
February 27, 2015)

4/13/2015

FERC

Compliance Filing is due to revise the Joint Operating Agreement between SPP and the Midcontinent

4/20/2015

ER13-1937

Independent System Operator, Inc. in response to Order No. 1000's interregional requirements and the
February 19, 2015 Order (Order on Compliance Filings issued on February 19, 2015)

FERC

Workshop to be held to discuss standards for calculating Available Transfer Capability (ATC) for

AD15-5

wholesale electric transmission services (Supplemental Notice of Workshop issued on March 31, 2015)

State of Kansas

Westar Rebuttal Testimony to Staff and Intervenor Direct Testimony, and Response to Public Comments

15-WSEE-365-MIS

is due (Order Setting Procedural Schedule issued on March 3, 2015)

FERC

SPP's compliance filing is due to revise Section 8.1.2 of Attachment 2 of the SPP-MISO Joint Operating

ER13-1864

Agreement (Notice Granting Extension of Time issued on March 6, 2015)

FERC

Effective date of Order No. 804, Final Rule approving Demand and Energy Data Reliability Standard

RM14-12

MOD-031-1 (Order No. 804 issued on February 19, 2015)

State of Kansas

Prehearing Conference begins at 9 AM (Order Setting Procedural Schedule issued on March 3, 2015)

4/28/2015

State of Kansas

Prehearing Motion and Discovery cutoff; disputed issue list is due (Order Setting Procedural Schedule

4/28/2015

15-WSEE-365-MIS

issued on March 3, 2015)

FERC

FERC Form 582 due

4/30/2015

Compliance filing is due concerning the formulae for determining the quantity of Over-Collected Losses in
proposed sections 8.6.16.2(a) and 8.6.16.2(b) of Attachment AE (Order Conditionally Accepting Tariff

4/30/2015

FERC
ER15-788

4/21/2015

4/24/2015

4/24/2015

4/27/2015

15-WSEE-365-MIS

10-1178
FERC
ER15-763
Revisions issued on March 31, 2015)

4/10/2015 12:48:25 PM
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Regulatory Outlook
5/4/2015

ER13-1939

SPP's Order No. 1000 Interregional Compliance Filing pertaining to the Mid-Continent Area Power Pool is
due (Notice Granting an Extension of Time to Submit Interregional Compliance Filings issued on July 8,
2013)

State of Kansas

Evidentiary Hearing begins at 9 AM (Order Setting Procedural Schedule issued on March 3, 2015)

5/6/2015

FERC

15-WSEE-365-MIS
State of Kansas

Initial Briefs are due (Order Setting Procedural Schedule issued on March 3, 2015)

5/13/2015

FERC

SPP's Order No. 1000 Interregional Compliance Filing pertaining to the SERTP Parties is due (Order on

5/15/2015

ER13-1939

Compliance Filings issued on March 19, 2015)

State of Kansas

Responsive Briefs are due (Order Setting Procedural Schedule issued on March 3, 2015)

5/19/2015

FERC

Settlement Conference to begin at 10 AM Eastern (Order Scheduling Settlement Conference issued on

5/28/2015

EL14-21

April 6, 2015)

FERC

Settlement Conference to begin at 10 AM Eastern (Order Scheduling Settlement Conference issued on

EL11-34

April 6, 2015)

FERC

Settlement Conference to begin at 10 AM Eastern (Order Scheduling Settlement Conference issued on

ER14-1174

April 6, 2015)

FERC

Settlement Conference to begin at 10 AM Eastern (Order Scheduling Settlement Conference issued on

EL14-30

April 6, 2015)

State of New Mexico

Lea County Electric Cooperative, Inc. to file its Annual Report on or before June 1 in relation to participation
in the SPP RTO (October 1, 2010 Uncontested Stipulation; December 16, 2010 Final Order

15-WSEE-365-MIS

15-WSEE-365-MIS

5/28/2015

5/28/2015

5/28/2015

6/1/2015

10-00143-UT
Adopting Certification of Stipulation)

4/10/2015 12:48:25 PM
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Regulatory Outlook
FERC
ER12-1179

FERC
ER12-1179

FERC
ER12-550

FERC

Within 15 months after the commencement of the Integrated Marketplace, FERC directed SPP to file a
compliance filing to either revise the bid limit in its Tariff to a reasonable level or provide justification for
retaining the current level based upon its experience. Provided the Integrated Marketplace is implemented
on March 1, 2014, SPP's compliance filing will be due by June 1, 2015 (Order Conditionally Accepting Tariff
Revisions to Establish Energy Markets issued October 18, 2012)

6/1/2015

Within 15 months after the commencement of the Integrated Marketplace, FERC directed SPP to make an
informational filing evaluating certain elements, such as virtual transactions and the make whole payment
proposal (Order on Compliance Filing and Proposed Tariff Revisions issued September 20, 2013; Order
Conditionally Accepting Tariff Revisions to Establish Energy Markets issued October 18, 2012)

6/1/2015

SPP to include, in its informational report 15 months after launch of the Integrated Marketplace, a
discussion of 1) the extent to which market participants have utilized the Submitted Methodology; 2) the
extent to which market participants have utilized the Calculated Methodology; 3) whether any market
participants have found that the Calculated Methodology has not produced an accurate estimation of their
demand reduction; 4) whether SPP and its stakeholders have considered developing a third, customized
baseline calculation and measurement methodology in cases where the Calculated Methodology has
produced inaccurate estimates; and 5) whether SPP has encountered any other problems implementing or
applying methodologies (Order on Compliance Filing issued on July 18, 2013)

6/1/2015

SPP's Annual State of the Market Report due at FERC

6/1/2015

Southwestern Public Service Company's Annual Report is due (Section 8 of Unopposed Stipulation)

6/1/2015

10-1272
State of New Mexico
13-00031-UT
State of Kansas

Expected Commission Order date (Order Setting Procedural Schedule issued on March 3, 2015)

6/19/2015

Technical Conference to be held to discuss opportunities for increasing real-time and day-ahead market
efficiency through improved software (Notice of Technical Conference issued on February 26, 2015)

6/22/2015

15-WSEE-365-MIS
FERC
AD10-12

4/10/2015 12:48:25 PM
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Regulatory Outlook
Effective date of Order No. 807, Final Rule amending the Commission's regulations to waive the Open
Access Transmission Tariff requirements, the Open Access Same-Time Information System
requirements, and the Standards of Conduct requirements, under certain conditions, for the ownership,
control, or operation of Interconnection Customer's Interconnection Facilities (Order No. 807 issued on
March 19, 2015)

6/30/2015

7/22/2015

ER13-1864

SPP's Informational Report due detailing SPP’s and MISO’s progress on resolving issues related to their
implementation methodologies for Interface Bus Pricing, and analyzing whether the benefits of
implementation of a day-ahead firm flow entitlement exchange process outweigh its costs, until such
issues are resolved (Order Conditionally Accepting in Part and Rejecting in Part Revisions to Joint
Operating Agreement issued on January 22, 2015)

FERC

File Informational Report on SPP Aggregate Study (Safe Harbor Report) (April 22, 2005 Order)

FERC
RM14-11

FERC

10/15/2015

ER05-652

4/10/2015 12:48:25 PM
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Memorandum
To:
From:
Date:
RE:

SPP Officers / Directors / Managers
Sheri Dunn / Cindy Goodwin
April 20, 2015
March 2015 Financial Package

Attached are the March 2015 monthly financial reports.
1). Financial Commentary: FY Forecast to Budget Variances

Page
1

2). Financial Overview: FY Forecast by month compared to Budget and Prior Year

2

3). Income Statement Actual Results Overview: Current Month Actual compared to Forecast,

4
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2014 Financial Commentary
March 31, 2015
(in thousands)

Summary
2015 FY
Forecast
Revenues
Expenses
Net Income/(Loss)

2015 FY
Budget

$179,794
211,490
($31,696)

$174,595
209,982
($35,387)

Fav/(Unfav)
Variance
$5,199
(1,508)
$3,691

3.0%
(0.7%)
10.4%

Revenue
2015 FY
Forecast
Tariff Administration Service
FERC Fees & Assessments
NERC ERO Regional Entity Rev
Miscellaneous Income
Contract Services Revenue
Annual Non-Load Dues
Total Revenue

2015 FY
Budget

$146,208
17,026
10,330
5,245
458
528
$179,794

$141,149
15,460
11,693
5,338
475
480
$174,595

Fav/(Unfav)
Variance
$5,059
1,566
(1,363)
(93)
(17)
48
$5,199

3.6%
10.1%
(11.7%)
(1.7%)
(3.5%)
10.0%
3.0%

Tariff Administrative Service revenue was adjusted to reflect an increase due
9 to a change in the settlement methodology for monthly assessments.
The increase includes $1.6 million for a prior-year true-up, plus additional revenues expected related to the change in process for the current year.
10
FERC Fees Assessments revenue was adjusted to reflect the current rate calculated by Settlements, which is $0.074 as compared to $0.066
assumed in the budget. The budget anticipated a conservative increase of 3% over the prior year; however, the new rate includes prior year
adjustments resulting in a 10% increase over the prior year.
NERC ERO Regional Entity revenue is based on Regional Entity (RE) budgeted expenditures and anticipated pass-thru expenses for SPP
resources outside the RE. The primary drivers of the variance reside in compensation and outside services expenses. Although the budget
assumed the RE would be fully staffed at the beginning of the year, currently 4 out of the 30 budgeted positions remain vacant with 2 of the positions
eliminated from the forecast. Staffing levels and external consulting costs were reassessed and subsequently reduced based on the decreasing
trend of violations experienced since the budget was finalized in early 2014.The net impact to SPP is an unfavorable variance of $200.

Expense
2015 FY
Forecast
Salary & Benefits
Assessments & Fees
Communications
Maintenance
Outside Services (Including RSC)
Administrative & Leases
Travel & Meetings
Depreciation & Amortization
Other Expenses
Total Expense

$81,443
16,389
4,141
14,113
15,123
5,288
2,918
60,991
11,084
$211,490

2015 FY
Budget
$80,020
16,400
4,307
14,670
16,137
5,113
3,092
61,247
8,996
$209,982

Fav/(Unfav)
Variance
($1,423)
11
166
557
1,014
(175)
174
256
(2,089)
(1,508)

(1.8%)
0.1%
3.9%
3.8%
6.3%
(3.4%)
5.6%
0.4%
(23.2%)
(0.7%)

Salary & Benefits were adjusted to reflect current active staff and timing of new hires based on estimates from HR. The budget assumed a
vacancy rate of 5%; however, the vacancy forecast is now 4% based on current projections. The SPP Finance Committee recommended an
increase in pension funding from $3.0 million to $3.8 million, which also contributes to the unfavorable variance over budget.
Despite the significant variance YTD, the forecast for Outside Services expense has been adjusted to reflect anticipated costs for the remainder of
the year and reflects only a slight reduction from original budget. The main driver of the decrease relates to lower consulting costs in the Regional
Entity (RE) due to a decreasing trend in the number of violations.
Other areas remaining favorable to budget for the year in Outside Services are related to i) removing Legislative Outreach/Consulting expense
(which was replaced with two full-time staff) and ii) the decision to remove consulting costs for ERAG (Eastern Interconnection Reliability
Assessment Group).
Regional Entity makes up $55 of the favorable variance in Travel expense, followed by Process Integrity ($20), and Engineering ($15). Meetings
also trail budget in various areas, with the largest variance in the Training department, as the forecast reflects cost savings associated with
eliminating restoration drill meetings expenses ($10) and reducing expenses related to various other external meetings and conferences ($25).
The budget in Other Income / Expense includes a $1.2 million expense reduction as assigned by the Board, which has been removed from the
forecast in order to show a more accurate representation of expected expenses for the remainder of the year. Also contributing to the unfavorable
variance to budget is additional Interest Expense for IT storage equipment that was financed through a capital lease. A partial offset to this can be
seen in the favorable maintenance expense variance as a result of lower maintenance costs associated with the financing.
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Southwest Power Pool
Monthly Overview
March 31, 2015
(in thousands)

Actual
Jan-15

Actual
Feb-15

Actual
Mar-15

Fcst
Apr-15

Fcst
May-15

Fcst
Jun-15

Fcst
Jul-15

Fcst
Aug-15

Fcst
Sep-15

Fcst
Oct-15

Fcst
Nov-15

Fcst
Dec-15

FY 2015
Forecast

Income
Tariff Administrative Service
Fees & Assessments
Contract Services Revenue
Miscellaneous Income
Total Income

$11,866
2,407
38
88
14,398

$10,867
2,528
38
283
13,716

$12,014
2,096
40
602
14,751

$13,258
2,085
38
194
15,575

$11,775
2,188
38
194
14,195

$11,836
2,362
38
344
14,580

$11,870
2,481
38
497
14,886

$11,998
2,570
38
497
15,103

$11,872
2,293
38
497
14,700

$13,056
2,238
38
497
15,829

$12,881
2,255
38
497
15,671

Expense
Salary & Benefits
Employee Travel
Administrative
Assessments & Fees
Meetings
Communications
Leases
Maintenance
Services
Regional State Committee
Depreciation & Amortization
Total Expense

6,699
99
249
1,363
78
294
15
1,111
583
7
4,672
15,171

6,722
160
275
1,363
75
308
16
1,079
989
19
4,795
15,800

6,933
173
422
1,363
46
310
14
1,035
1,211
9
5,037
16,552

6,807
181
576
1,367
110
319
16
1,179
1,030
18
5,153
16,756

6,786
167
326
1,367
68
335
16
1,195
1,067
18
5,174
16,519

6,703
189
640
1,367
82
335
16
1,199
943
18
5,175
16,667

6,793
173
313
1,367
92
369
16
1,206
1,369
18
5,115
16,831

6,790
173
329
1,367
57
369
16
1,181
1,363
18
5,115
16,778

6,802
190
361
1,367
59
369
16
1,190
1,412
18
5,149
16,933

6,758
176
885
1,367
117
369
16
1,238
1,561
18
5,150
17,655

6,767
163
313
1,367
76
369
16
1,236
1,458
18
5,168
16,951

6,882
166
411
1,367
47
393
16
1,264
1,940
18
5,289
17,794

Other Income/(Expense)
Investment Income
Interest Expense
Capitalized Interest
Change in Valuation of Swap
Other Income/Expense
Unrealized Gain on Investment
Change in Funded Status of Employee Benefit Plan
Net Other Income (Expense)

(1,007)
(24)
(1,031)

(801)
90
(711)

70
(938)
102
(659)
(1)
69
(1,357)

(873)
(873)

(938)
(938)

(894)
(894)

(864)
(864)

(927)
(927)

(884)
15
(869)

(854)
(854)

(914)
(914)

(875)
22
(853)

($1,803)

($2,795)

($3,158)

($2,054)

($3,261)

($2,981)

($2,809)

($2,601)

($3,102)

($2,680)

($2,194)

576
595
(19)

576
595
(19)

571
598
(27)

567
598
(31)

573
598
(25)

576
598
(22)

576
598
(22)

576
598
(22)

576
598
(22)

576
598
(22)

576
598
(22)

577
598
(21)

577
598
(21)

-3%

-3%

-5%

-5%

-4%

-4%

-4%

-4%

-4%

-4%

-4%

-4%

-4%

$3,041

$1,512

($3,582)

$3,260

$1,920

($4,089)

$2,072

$2,139

($4,172)

$2,503

$2,914

($3,278)

($332)

Net Income (Loss)
2015 Headcount Forecast
2015 Headcount Budget
Over / (Under) Budget
Headcount Vacancy

NRR Over / (Under) Recovery

$12,915 $146,208
2,377
27,883
38
458
1,057
5,245
16,387 179,794

FY 2015
Budget

Variance
Fav/(Unfav)

FY 2014 Variance
Actual Fav/(Unfav)

$141,149
27,633
475
5,338
174,595

$5,059
250
(17)
(93)
5,199

$133,722
25,013
453
4,350
163,537

$12,486
2,871
6
895
16,257

81,443
2,010
5,099
16,389
907
4,141
189
14,113
14,924
198
60,991
200,406

80,020
2,094
4,921
16,400
998
4,307
192
14,670
15,849
288
61,247
200,987

(1,423)
84
(178)
11
91
166
3
557
924
90
256
580

85,575
1,924
4,399
16,323
833
3,745
180
15,149
16,128
191
51,046
195,493

4,132
(86)
(700)
(66)
(75)
(396)
(9)
1,036
1,204
(7)
(9,945)
(4,913)

70
(10,768)
139
(659)
65
69
(11,084)

(10,496)
241
1,260
(8,996)

70
(272)
(101)
(659)
(1,195)
69
(2,089)

459
(12,916)
363
(1,528)
74
251
(797)
(14,093)

(389)
2,148
(223)
869
(9)
(182)
797
3,009

($2,260) ($31,696)

($35,387)
(24,469,676)

$3,691

($46,050)

$14,353
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Southwest Power Pool
Actual Results Overview
March 31, 2015
(in thousands)

Current Month Compared to Forecast
Mar-2015
Mar-2015
Variance
Actual
Forecast
Fav/(Unfav)

YTD Actual Compared to YTD Budget
Mar-2015 Mar-2015
Variance
Actual
Budget
Fav/(Unfav)

YTD 2015 Compared to YTD 2014
Mar-2015
Mar-2014
Variance
Current Year Prior Year
Fav/(Unfav)

Income
Tariff Administrative Service
Fees & Assessments
Contract Services Revenue
Miscellaneous Income
Total Income

$12,014
2,096
40
602
14,751

$11,396
2,222
38
564
14,220

$618
(127)
2
38
531

$34,747
7,030
116
972
42,865

$34,187
7,169
119
1,195
42,670

$559
(139)
(3)
(222)
196

$34,747
7,030
116
972
42,865

$33,226
6,394
110
802
40,532

$1,521
637
6
171
2,334

Expense
Salary & Benefits
Employee Travel
Administrative
Assessments & Fees
Meetings
Communications
Leases
Maintenance
Services
Regional State Committee
Depreciation & Amortization
Total Expense

6,933
173
422
1,363
46
310
14
1,035
1,211
9
5,037
16,552

6,962
175
332
1,367
60
317
16
1,191
1,372
18
5,133
16,943

$29
2
(90)
4
14
8
2
156
161
9
97
391

20,355
432
945
4,089
199
911
45
3,225
2,782
35
14,503
47,522

19,906
522
983
4,100
262
1,077
48
3,675
4,276
72
14,759
49,680

($448)
89
38
11
63
165
3
450
1,493
37
256
2,158

20,355
432
945
4,089
199
911
45
3,225
2,782
35
14,503
47,522

19,872
391
738
3,900
240
999
40
3,169
3,956
41
8,003
41,351

($482)
(41)
(207)
(189)
41
88
(5)
(55)
1,173
6
(6,500)
(6,172)

Other Income/(Expense)
Investment Income
Interest Expense
Capitalized Interest
Change in Valuation of Swap
Other Income/Expense
Unrealized Gain on Investment
Net Other Income (Expense)

70
(938)
102
(659)
(1)
69
(1,357)

(902)
102
(800)

70
(36)
(1)
(659)
(1)
69
(557)

70
(2,746)
102
(659)
65
69
(3,099)

(2,653)
102
315
(2,236)

70
(93)
(1)
(659)
(250)
69
(863)

70
(2,746)
102
(659)
65
69
(3,099)

(2,564)
221
27
(12)
(2,328)

70
(181)
(119)
(685)
77
69
(771)

($3,158)

($3,523)

$365

($7,756)

($9,246)

$1,490

($7,756)

($3,147)

($4,609)

571

572

(1)

571

598

(27)

571

573

(2)

Net Income (Loss)
Headcount

Page 4 of 7

Southwest Power Pool
Balance Sheet
March 31, 2015
(in thousands)

3/31/2015
ASSETS
Current Assets
Cash & Equivalents
Restricted Cash Deposits
Accounts Receivable (net)
Other Current Assets
Total Current Assets

12/31/2014

Net Change

$69,330
257,525
26,025
17,643
$370,523

$57,534
222,285
41,826
7,204
$328,850

$11,796
35,239
(15,801)
10,438
$41,673

170,018
2,728
9,586

176,881
5,183
10,099

(6,864)
(2,455)
(513)

$552,854

$521,013

$31,841

$10,880
260,866
24,906
77,668
6,296
380,617

$31,417
222,285
24,299
57,943
5,895
341,840

(20,537)
38,581
606
19,725
401
38,778

Long Term Liabilities
US Bank 5.45% Senior Notes - 2016
US Bank Maumelle Mortgage - 2027
Campus 4.82% Senior Notes - 2042
Integrated Marketplace 3.55% Senior Note - 2024
Senior Notes - 2024
Senior Notes - 2025
Capital Lease Obligation
Other Long Term Liabilities
Total Long Term Liabilities

1,500
3,290
61,588
56,000
82,500
37,000
6,163
18,898
266,937

3,000
3,341
61,869
57,750
85,000
37,000
18,158
266,118

(1,500)
(51)
(282)
(1,750)
(2,500)
6,163
740
819

Net Income
Members' Equity
Total Members' Equity

(7,756)
(86,945)
(94,700)

(46,050)
(40,895)
(86,945)

38,294
(46,050)
(7,756)

$552,854

$521,013

$31,841

Total Fixed Assets
Total Other Assets
Investments
TOTAL ASSETS
LIABILITIES & EQUITY
Liabilities
Current Liabilities
Accounts Payable (net)
Customer Deposits
Current Maturities of LT Debt
Other Current Liabilities
Deferred Revenue
Total Current Liabilites

TOTAL LIABILITIES & EQUITY
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2015 ‐ 2017 Capital Project Forecast ($0,000)
Project
Post Go‐Live
Project Pinnacle
Enhanced Combined Cycle (suspended thru Oct 2015)
Long‐Term TCR Enhancements
Phase 1 Deferred Enhancements
Total Market Post Go‐Live Projects
Carry‐forward projects included in 2015 Budget
Netezza
Transmission Settlements Upgrade ETSE3.0
EMS Upgrade
Sonic ESB and Sonic MQ Replacement
IssueTrak Integration with Remedy
Cost Allocation SQL Database
Total Other Projects

Prior
Year(s)

2014
Actual

$457.4 $10,473.1
143.9
1,157.2
0.0
0.0
0.0
1,087.3
$601.3 $12,717.6

$1,926.1
1,407.4
500.0
0.0
$3,833.5

$0.0
3,500.0
0.0
0.0
$3,500.0

$0.0 $12,856.7 $15,371.8
500.0
6,708.4
6,708.4
0.0
500.0
0.0
0.0
1,087.3
1,000.0
$500.0 $21,152.4 $23,080.2

$171.7
1,640.1
0.0
473.6
150.0
50.0
$2,485.4

$0.0
2,546.9
1,042.5
0.0
0.0
0.0
$3,589.4

$0.0
0.0
455.0
0.0
0.0
0.0
$455.0

$2,818.0
4,187.0
1,497.5
475.0
150.0
50.0
$9,177.5

$2,818.0
4,187.0
1,497.7
475.0
150.0
50.0
$9,177.7

$0.0
(0.0)
(0.2)
(0.0)
0.0
0.0
($0.2)

$2,000.0
1,027.0
500.0
0.0
120.0
66.0
$3,713.0

$0.0
0.0
0.0
250.0
60.0
0.0
$310.0

$0.0
0.0
0.0
0.0
0.0
0.0
$0.0

$2,000.0
1,027.0
500.0
250.0
180.0
66.0
$4,023.0

$2,000.0
1,027.0
500.0
250.0
180.0
66.0
$4,023.0

$0.0
(0.0)
0.0
0.0
0.0
0.0
$0.0

$8,153.7 $2,592.0 $4,222.0 $14,967.7 $12,217.2
5,123.1
5,015.0
3,666.0 13,804.1 13,685.0
1,387.6
1,790.3
2,670.0
5,847.9
5,756.3
250.8
542.9
468.0
1,261.6
1,214.7
200.0
0.0
0.0
200.0
200.0
2,004.0
2,125.0
1,843.0
5,972.0
5,968.0
707.9
663.0
638.0
2,008.9
2,009.0
250.1
250.0
250.0
750.1
750.0
269.7
180.0
170.0
619.7
580.0
100.0
50.0
50.0
200.0
200.0
$18,446.8 $13,208.2 $13,977.0 $45,632.0 $42,580.1

$2,750.5
119.1
91.6
47.0
0.0
4.0
(0.1)
0.1
39.7
0.0
$3,051.85

$2,757.3 $13,209.3 $28,478.7 $20,607.6 $14,932.0 $79,984.9 $78,861.1

$1,123.8

$2,156.0
0.0
0.0
0.0
0.0
0.0
$2,156.0

$490.3
0.0
0.0
1.4
0.0
0.0
$491.7

2015 New Projects
Gas / Electric Harmonization
IS Integration
Local Reliability Assessment
2‐Factor Authentication (1 of 2 ‐ Infrastructure build)
Vaadin 6 to 7 Upgrade
Tie Line Meter Checkout
Total 2015 New Projects
Foundation
IT Systems Admin Foundation
IT Network‐Telecom Foundation
IT Applications Foundation
IT Service Management Foundation
IT Environmental Ops Foundation
Operations Marketplace Enhancements
Operations Legacy Applications Foundation
Settlements Enhancements
Miscellaneous Facilities
CMS Enhancements
Total Foundation
Capital Project Forecast (compared to Original Budget)

Carry Forward Projects (expected to be complete in 2014)
Z2 Crediting Process (orig budget $295 in 2012)
Project Server 2013 Upgrade
QA ICCP Buildout
Total Additional Carry Forward Projects
Unbudgeted Projects
Corporate Website Replacement Project
Total Unbudgeted Projects
Total Capital Project Expense

2015
2016
2017
TOTAL
TOTAL
Variance
Forecast Forecast Forecast FORECAS BUDGET Over/(Under)
($2,515.2)
0.0
500.0
87.3
($1,927.8) a)

$1,253.1 c)
(173.6)
11.4
$1,090.8 *

$348.9
0.0
0.0
$348.9

$2.2
104.0
190.4
$296.6

$1,064.0
22.3
1.0
$1,087.3

$133.0
0.0
0.0
$133.0

$0.0
0.0
0.0
$0.0

$1,548.1
126.4
191.4
$1,865.8

$295.0
300.0
180.0
$775.0

$0.0
$0.0

$0.0
$0.0

$180.5
$180.5

$0.0
$0.0

$0.0
$0.0

$180.5
$180.5

$0.0
$0.0

$180.5
$180.5

$3,106.3 $13,505.9 $29,746.5 $20,740.6 $14,932.0 $82,031.2 $79,636.1

$2,395.2

* The TOTAL BUDGET for the Carry Forward projects that were expected to be complete in 2014 were not included in the 2015‐2017 budget ($78,861.1).
Notes on material variances to budget:
a) The actual costs of the Pinnacle projects were less than the initial budget estimates, which were developed in fall of the 2013. Some contractors who were
funded through the Pinnacle project budget also performed activities that were not categorized as development work (e.g. planning and staff augmentation).
As such, the contractor charges incurred for those activities were included under operating expense and not included in the Pinnacle projects capital costs.
Long Term TCR Enhancements forecast of $500 was broken out of the Pinnacle budget.
b) The timing of receipt/recording of IT equipment purchases (primarily storage equipment) causes a variance in the IT foundation budget, however these
purchases were expected to be received in 2014 and were included in the 2014 budget .
c) The initial project budget was established in early 2012. Since 2012, there have been ongoing challenges in establishing common understanding of
requirements and system functions. The current project cost forecast is based on the recently approved requirements.

b)
b)
b)
b)
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2015-2017 Total Project Budget vs. Forecast (millions)
$50.0
$45.0
$40.0
$35.0
$30.0
$25.0
$20.0
$15.0
$10.0
$5.0
$0.0

$42.6

$45.6

$23.1

$21.2
$9.2

$11.0
$4.2

$4.0
Foundation

Post Go-Live
Total Budget

Carry-Forward

2015 New

Total Forecast

Project-to-Date vs. Remaining
Forecast

Total Project
Budget vs. Forecast
$82.0
$59.2

$22.7
Project-to-Date

$78.9
Remaining Forecast

Total Budget

Total Forecast
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Southwest Power Pool
Headcount Analysis
March 31, 2015
Current Month Actual vs. Budget
Actual
Budget
Over/(Under)
Mar-2015
Mar-2015
Budget
Administration
Officers
Accounting
Credit
Settlements
Administration

Full Year Forecast vs. Budget
FY 2015
FY 2015 Over/(Under)
Forecast
Budget
Budget

0
12
10
4
23
49

0
10
10
4
24
48

0
2
0
0
(1)
1

(20)
12
10
4
24
30

0
10
10
4
24
48

(20)
2
0
0
0
(18)

Corporate Services

28

29

(1)

28

29

(1)

Interregional Affairs
SPP Compliance
Project Management
Training
Customer Service
Process Management
Internal Audit
Process Integrity

5
10
13
11
10
3
6
58

4
11
13
11
10
3
6
58

1
(1)
0
0
0
0
0
0

4
11
13
11
10
3
6
58

4
11
13
11
10
3
6
58

0
0
0
0
0
0
0
0

SPP Regional Entity

26

30

(4)

28

30

(2)

Information Technology

142

146

(4)

146

146

0

Markets

7

7

0

7

7

0

Interregional Relations

3

3

0

3

3

0

Operations

150

160

(10)

160

160

0

Engineering

67

73

(6)

73

73

0

Regulatory Policy & General Counsel

41

44

(3)

44

44

0

571

598

(27)

577

598

(21)

TOTAL HEADCOUNT

* The forecast reflects the addition of two positions approved out-of-budget in December 2014 and the removal of two positions in the Regional
Entity and one position in the Regulatory department. These positions remained vacant since 2014, and the workload was assumed by existing
staff. The forecast includes a vacancy factor of 20 positions to reflect an average vacancy of 4% as compared to the budgeted vacancy rate
of 5%. Total positions in the forecast is 597 as compared to the budget of 598.

*

SPP RE Update to
SPP Board
April 28, 2015
Tulsa, Oklahoma
John Meyer
SPP RE Trustees Chair

Bulk Electric System Definition
•

Effort is going smoothly

•

4 BES Exception requests for exclusion have been filed
at SPP RE; 45 NERC-wide

•

BESnet tool still available for use
–

Contact Greg Sorenson for additional information

Vegetation Management Update
•

•

NERC 4Q 2014 Vegetation Management Report
–

No reportable contacts in SPP RE footprint

–

7th consecutive quarter with no reportable contacts

As of today, no known contacts for 1Q 2015
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Risk-Based Registration Initiative
•

On March 19, FERC approved NERC’s risk-based
approach to monitoring and enforcing compliance

•

Highlights:
–

Approved elimination of Purchasing Selling Entity (PSE)
and Interchange Authority (IA) as registered functions

–

NERC needs to do more work to justify removing the Load
Serving Entity (LSE) registered function

–

Raised minimum threshold for Distribution Providers (DP)
from 25 MW to 75 MW unless the DP owns Protection
Systems

–

NERC will file a response in ~90 days
3

Most Violated Standards

Based on rolling 12 months through 3/31/15 [Represents ~ 88% of total violations]
SPP
RE
Rank

NERC
12 Month
Rank *

Standard

1

7

CIP-002

2

1

3

Number of
Violations

Risk Factor

Critical Cyber Asset Identification

29

High/Lower

CIP-007

Systems Security Management

27

Med./Lower

3

CIP-005

Electronic Security Perimeters

13

Med./Lower

4

2

CIP-006

Physical Security - Critical Cyber Assets

10

Med./Lower

5

6

CIP-003

Security Management Controls

10

Med./Lower

6

4

CIP-004

Personnel & Training

8

Med./Lower

7

10

FAC-008

Facility Ratings (includes FAC-009)

6

Med./Lower

8

8

VAR-002

Network Voltage Schedules

4

Med./Lower

9

5

PRC-005

Protection System Maintenance

3

High/Lower

10

**

TOP-002

Normal Operations Planning

2

Med./Lower

*
**

Description

NERC as of June 30, 2014
Not in NERC Rolling 12 month Top Ten
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NERC Facility Ratings Alert Status
•

7 Transmission Owners have extensions

•

Work has extended into 2016 in some cases (pending
SPP construction projects)

•

Final count in SPP RE:
–

6,450 discrepancies found

–

100% High priority lines complete as of 12/31/14

–

72% Medium priority lines complete as of 12/31/14

–

75% Low priority lines complete as of 12/31/14
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SPP RE Regional Events - 1Q 2015
•

Four category 1 events were analyzed
–

2 Category 1h - Loss of monitoring or control at a control
center

–

2 Category 1a - An unexpected outage, contrary to design,
that results in three or more BPS facilities.
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SPP RE Misoperation Report as of 4Q 2014

CIP Update
•

CIP V5 guidance posted for comment
–

–

34 FAQs posted for 45 day comment period


Comments due May 15



~30 additional FAQs to be posted by the end of April for 45 day
comment period

Communication to Industry – includes:


Programmable Electronic Device definition



Communication/network device exemption



External Routable Connectivity



Generation Interconnection



Functional Obligations and Control Centers
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2015 Outreach
•

•

•

2015 Workshops:
–

June 2-3, CIP Workshop, Kansas City Register

–

Sept. 29-30, Fall Workshop, Dallas Register

–

Workshops followed by RTO Compliance Forums

Spring 2015 workshop at SPP attended by over 205
stakeholders in-person or via webinar
–

92% of attendees rated workshop good or great

–

Majority want to hold two of the three annual
workshops at SPP in 2016

1,400 plays on training videos YTD
9

Inherent Risk Assessments (IRA)
•

SPP RE has completed 12 IRAs for Registered Entities
on the 2015 audit schedule
–

Results of IRAs on monitoring methods


2 On-Site audits for TOP



8 Off-Site audits for non-TOP/BA/RCs



2 reduced from Off-site audits to Spot-Checks

10

Internal Control Evaluation (ICE)
•

SPP RE has developed ICE program

•

ICE will be the focus for Registered Entities on 2015
audit schedule

•

Registered Entities will have opportunity for an ICE
when they receive IRA summary letter

•

At this time, one ICE request has been made

11

Multiple Regional Registered Entity (MRRE)
•

•

SPP RE has been selected as Lead Region Entity for:
–

Llano Estacado Wind and Northern Iowa Wind Power 1;
both are Entergy affiliates

–

Western Farmers Electric Cooperative

SPP RE is an Affected Regional Entity for:
–

•

Midcontinent Independent System Operator (MISO),
Duke Energy Renewables Services, and ITC Great Plains

Full implementation of MRRE program will occur in
June 2015

12

Finance Committee
Report
April 28, 2015
Harry Skilton – Chair

SPP Finance Committee Roster
Harry Skilton, Chair

Director

Larry Altenbaumer, Vice Chair

Director

Mike Wise

Golden Spread

Laura Kapustka

Lincoln

Sandra Bennett

AEP

Kelly Harrison

Westar
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SPP Finance Committee
ACTIVITIES
CONSENT AGENDA ITEMS
•

2014 Financial Audit Report

•

2015 Benefit Plan Funding

CREDIT/TARIFF CHANGES
•

Accept IFRS for Minimum Requirements

OTHER
•

2016 Budget Process

•

Administrative Fee Management
3

SPP Finance Committee
Defined Benefit Pension Stats ($million)
Projected Benefit Obligation
Accumulated Benefit Obligation
Plan Assets

$
$
$

2013
38.0
29.6
31.3

Actuary Recommended Contribution
Minimum Required Contribution
Actual Contribution

$
$
$

4.0
2.3
4.0

$
$
$

2014
44.1
34.7
41.2

$
$
$

3.7
2.5
3.7

$
$
$
$
$

2015
50.7
40.0
45.9
3.8
3.3
tbd
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SPP Finance Committee
2015 Benefit Plan Contributions
Pension Contribution:
•

$3.76 million vs. $3.0 million budget;

•

2014 contribution was $3.66 million

Expect adoption of 2014 mortality tables in 2016 which is
expected to increase the projected benefit obligation due
to longer life expectancy.
Post-retirement Healthcare Contribution:
•

$0.0 million vs. $0.0 million budget; 2014 contribution
was $0.41 million
5

SPP Finance Committee
2016 Budgeting
Tasked staff to document 2016 Operating Plan highlighting
2016 actions related to Strategic Plan, required investment
and metrics to gauge progress
Operating Plan to be reviewed by FC, SPC in September
2015, presented to BOD in October 2015
SPP will change to using zero-based budget process once
every 3-4 years, will not use zero-based approach in 2016
BOD review/approval of 2016 budget will occur in
December 2015
6

SPP Finance Committee
Administrative Fee Management
Finance Committee evaluating change in administrative
fee philosophy; potential for level-rate design
Seek member input on preference
Believe largest issue is impact on “generational equity” vs
predictability

7

Memorandum
To:

SPP Member’s Committee

From:

SPP Finance Committee

CC:

Tom Dunn

Date:

April 2, 2015

Re:

Administrative Fee Management

The SPP Finance Committee seeks input from the SPP Member’s Committee on their preferences
regarding management of SPP’s administrative fee. Beginning in 2004, following recognition of SPP as
an RTO, SPP established a policy to set its administrative fee each year to only recover its annual budget
plus or minus amounts necessary to true-up prior period over or under recovery. The SPP annual budget
only included expenditures reasonably expected to be incurred and did not contain any funding for
contingencies or capital purchases. This administrative fee management philosophy has served SPP well
since 2004 as SPP’s budget has consistently increased in line with increased services provided to the
region. SPP projects future budget expense levels to be more predictable than in prior years.
The SPP Finance Committee is considering two alternatives to management of the SPP administrative
fee; i) continue the status quo, ii) a stable rate approach which would enable funding for contingency,
reserves and/or capital expenditures in the annual budget.
Outlined below are some of the attributes the SPP Finance Committee has identified associated with the
alternatives under consideration.
Status Quo
• Consistent with existing mature rate-making processes
• Rate will vary annually, either up or down with annual true-ups
• Generally will result in a lower rate to SPP’s customers in the near term
• Consistent with existing policy to maintain “generational equity”
Stable Rate
• Greater rate predictability from year to year
• Will result in SPP’s recoveries being either higher or lower than expenses
• Generally, will result in a higher initial rate
• Generally, will result in SPP holding excess cash which could be used as an operating reserve, to
smooth out true-up requirements, and/or to fund capital expenditures
The following chart highlights the impact on operating cash based on the simple scenarios described
above. For purposes of this comparison SPP has not assumed any additional financing to cover cash
shortfalls.

2015

2016

2017

2018

2019

2020

Admin Fee ($/MWh)
Floating Rate
Stable Rate

$
$

0.38 $
0.38 $

0.37 $
0.39 $

0.37 $
0.39 $

0.38 $
0.39 $

0.37 $
0.39 $

Operating Cash ($millions)
Floating Rate
Stable Rate

$
$

(4) $
(4) $

(25) $
(15) $

(39) $
(20) $

(52) $
(29) $

(65) $
(36) $

(79)
(39)

Capital Expenditures ($millions)
Floating Rate
$
Stable Rate
$

29 $
29 $

19 $
19 $

15 $
15 $

15 $
15 $

15 $
15 $

15
15

0.37
0.39

Harry Skilton, chair of the SPP Finance Committee will request the Member’s Committee representatives
share their thoughts and preferences on this topic at SPP’s Board of Directors meeting on April 28, 2015.
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Southwest Power Pool
BOARD OF DIRECTORS/MEMBERS COMMITTEE MEETING
Southwest Power Pool Corporate Center, Little Rock, AR
January 27, 2015
-

Summary of Action Items

-

1. Approved Consent Agenda Items
a. Approved October 28 and December 9, 2014 minutes
b. Markets and Operations Policy Committee Recommendations
i. MWG: MPRR 215, 216, 221, 223, 226
ii. RTWG: TRR 142, 143, 144, 145, 146, 149
iii. Recommendation – Approve the 6 existing Resource Hubs, the new Resource Hub
GSPR2015HUB, and direct SPP to seek or support a waiver from the 6-month
notification.
c.

Corporate Governance Committee
i. Recommendation – Approve Dennis Florom
ii. Recommendation – CGC Expansion

d. Human Resources Committee
i. Recommendation – Approve Administrative Committee Scope Document
ii. Recommendation – Approve Performance Compensation Plan Operational Metrics
2. Approved the following from the Markets and Operations Policy Committee
a. MWG: MPRR227 – LTCR Compliance proposes to :
i. Create a Transmission Planning Study process
ii. Define the process for candidate Incremental LTCRs to be included in the LTCR
process
iii. All LTCRs and Incremental LTCRs to be nominated
b. RTWG: TRR131 – RCAR Remedies
i. RTWG added Section III.D(5) to include possible remedies
c.

ESWG: ITP10 Report and Projects
i. SPP Staff and MOPC recommends the Board endorse the 2015 ITP10 Report
ii. SPP Staff and MOPC recommends the Board approve the 2015 ITP10 plan as
outlined in the 2015 ITP10 Report.

d. TWG: ITPNT Report and Projects
i. SPP Staff and MOPC recommends the Board endorse
1. the 2015 ITPNT Report as documentation of completion of the Near-Term
Assessment of the ITP planning process specified in SPP OATT Attachment
O section III
2. the Walkameyer to North Liberal 115kV line be removed from the ITPNT plan
3. separately the CBA projects in the 2015 ITPNT plan as out lined in the report
e. Staff:
i. Withdraw of Kings River – Shipe Road – the NTC that directed construction of the
345 kV project
ii. STEP Report – report as documentation of completion of the Attachment O
transmission planning process
iii. Recommendation from HPILS NTCs – CPEs received both projects be set as a
baseline cost estimates for all future cost variance determinations
iv. Recommendation from NTC Reevaluation – the Board approved the treatment for ten
projects.

MINUTES NO. 162

Southwest Power Pool
BOARD OF DIRECTORS/MEMBERS COMMITTEE MEETING
Southwest Power Pool Corporate Center, Little Rock, AR
January 27, 2015

Agenda Item 1 – Administrative Items
SPP Chair Mr. Jim Eckelberger called the meeting to order at 9:03 a.m. The following Board of
Directors/Members Committee members were in attendance or represented by proxy:
Mr. Larry Altenbaumer, director
Ms. Kristy Ashley, Exelon Generation Company
Ms. Phyllis Bernard, director
Mr. Julian Brix, director
Mr. Nick Brown, director
Mr. Mike Deggendorf, Kansas City Power and Light
Mr. Jim Eckelberger, director
Mr. Jon Hansen, Omaha Public Power District
Mr. Kelly Harrison, Westar Energy
Mr. Rob Janssen, Dogwood Energy
Mr. Thomas Kent, Nebraska Public Power District
Mr. Roy Klusmeyer, proxy for Mr. Gary Roulet, Western Farmers Electric Cooperative
Mr. Jeff Knottek, City Utilities of Springfield
Mr. Andrew Lachowsky, proxy for Mr. Duane Highley, Arkansas Electric Cooperative
Mr. Jake Langthorn, proxy for Mr. Phil Crissup, Oklahoma Gas and Electric
Mr. Josh Martin, director
Mr. Dave Osburn, Oklahoma Municipal Power Authority
Mr. Harry Skilton, director
Mr. Kevin Smith, Tenaska
Mr. Stuart Solomon, American Electric Power
Mr. Mike Wise, Golden Spread Electric Cooperative
There were 131 persons in attendance either in person or via the phone representing 29 members
(Attendance List – Attachment 1). Mr. Nick Brown reported proxies and a quorum was declared (Proxies
– Attachment 2). Mr. Eckelberger introduced three guests from MISO, President and CEO John Bear,
outgoing Chairman of the Board Mike Curran and the incoming Chairman of the Board Judy Walsh.
Agenda Item 2 – Board Reports
President’s Report
Mr. Nick Brown noted that 2014 was a powerful year with many successes. The Integrated Marketplace
was a success primarily because of the engagement from all of the stakeholders. Mr. Brown noted that
from the metrics provided you can see how successful the implementation of the Integrated Marketplace
was for the SPP region. (President’s Report – Attachment 3) The decision and deliberation of the
Integrated Systems (IS) in joining Southwest Power Pool (SPP) as well as the IS’s integration is going
very well. He indicated that he is pleased with the progress.
Last year SPP increased the complexity of operation with the implementation of the Integrated
Marketplace. The standards and requirements that SPP is now subject to are an additional 432
requirements and the Tariff now exceeds 3500 pages. Despite changing auditors this year to one that
Mr. Brown feels provides greater oversight, SPP was able to get through our controls audits without a
single exception. Mr. Brown expressed that he was very proud of the staff and feels this is noteworthy.

SPP Board of Directors/Members Committee Minutes
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Mr. Brown added that Project Pinnacle - Phase II of the Integrated Marketplace - is on schedule and
under budget. Project Manager Barbara Sugg has made a lot of progress on this project and he
appreciates her hard work. Mr. Brown stated that his goals for this year are going to be linked to SPP’s
Strategic Plan. He pointed out that in the background materials there are four quadrants and the tactical
issues that are laid out in SPP’s Strategic Plan last year. Instead of creating a separate set of CEO and
corporate goals, Mr. Brown stated the he will align his goals with the Strategic Plan. He stated that it is
important based of feedback that the board received from the yearly survey one of the metrics wanted to
see particular and regular attention paid to the Board Strategic Initiatives. Mr. Brown stated that he is
working with Michael Desselle on a single page dashboard for regular reporting.
Mr. Brown ended by noting that earlier in Executive Session the Board voted on the renewal of the
existing slate of officers and two additional officers. Mike Ross was elected as the new Senior Vice
President of Government Affairs and Public Relations and Malinda See was also elected to the officer
team. Mr. Brown noted that Malinda See is the longest serving member of the SPP staff. He indicated
that he is still working on her exact title.
Corporate Governance Committee
Mr. Brown indicated there are several committee vacancies that have been announced. The Corporate
Governance Committee (CGC) will meet in February 26 in Dallas. He indicated that if anyone is
interested in serving on a committee please contact him or someone from the staff. In February the CGC
will undertake the deliberation on the Directors and RE Trustee whose terms expire at the end of this
year. SPP begins this process early because according to the Bylaws SPP is required to use an outside
search firm for potential candidates and the time that takes requires undertaking this action earlier in the
year.
Regional State Committee Report
Ms. Dana Murphy provided the Regional State Committee (RSC) Report. She began by thanking
Commissioner Donna Nelson for her year of service as the President of the committee and her staff. She
also thanked Commissioner Butch Reeves for his service. She welcomed Commissioner Ted Thomas
and Commissioner Lamar Davis from Arkansas. Commissioner Davis will represent Arkansas on the
RSC. She also welcomed Commissioner Brian Kalk, a commissioner from North Dakota. Commissioner
Murphy indicated that her word for the year and is “communicate.” She indicated that she is looking
forward to good communication among the RSC members, the RSC, the Board, and the Members. She
noted that the RSC has developed goals for 2015 which is a roadmap of things the RSC needs to try and
accomplish.
Ms. Murphy indicated that Mr. Paul Suskie provided a report on the RSC Bylaws and a committee was
formed to look at any needed changes to the bylaws. The committee will be comprised of Chairman
Nelson, Commissioner Albrecht, and Commissioner Davis. Commissioner Kalk will also provide input to
the committee. The RSC plans to have any bylaws changes made by the July meeting due to the
anticipated addition of the IS membership effective October 2015.
Ms. Murphy thanked Ms. Kristine Schmidt who chaired the Strategic Planning Committee Task Force
(SPCTF) on New Membership. The Commissioners provided the task force with guidance on the first two
issues that will be considered as the Process Document and Task Force report are finalized. The
guidance included ensuring that the Process Document includes the exact intent of the task force and
that the RSC should be included early in the process. Furthermore, the Commissioners and Commission
Staff will assure SPP that attendance at executive sessions will not lead to the revelation of confidential
information.
Cost Allocation for Non-Order 1000 Seams Projects - The RSC voted to modify the threshold for cost
allocation for byway funding to include the 60% threshold and a cost/benefit ration of at least 1. The vote
was unanimous. She also indicated that MPRR 221 & 227 were approved unanimously.
Ms. Murphy closed by stating that the RSC’s next meeting will be a teleconference on March 9th and the
next quarterly meeting will take place in Tulsa, OK on April, 27th She added that the RSC will hold a
retreat in conjunction with the July meeting in Kansas.
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Federal Energy Regulatory Commission Report
Mr. Patrick Clarey provided the Federal Energy Regulatory Commission (FERC) report. He began by
announcing that on January 5, 2015, Colette Honorable was sworn in as a Commissioner taking John
Norris’ seat which expires in June 2017. The next term expiring in June of this year is Commissioner Phil
Moeller’s seat.
At the November Open Meeting, FERC directed regional the RTOs/ISOs to file reports on their efforts to
address the need for fuel assurance – or the broad set of issues in regional markets associated with
generator access to sufficient fuel supplies and the firmness of generator fuel arrangements. The reports
by the RTOs/ISOs are due in mid-February 2015.
Next, the Office of Enforcement provided an overview of its FY 2014 Annual Enforcement Report.
Highlights of the Report included:
• staff opened 17 new investigations and brought 15 pending investigations to closure
• staff obtained settlements resulting in almost $25 million in civil penalties and disgorgement of $4
million in unjust profits
In December, FERC announced a series of technical conferences to discuss implications of compliance
approaches to the EPA’s proposed Clean Power Plan rule. The conferences will focus on issues related
to electric reliability, wholesale electric markets and operations, and energy infrastructure. The
conferences will begin with a Commission-led National Overview session at FERC headquarters on
February 19, 2015.
Subsequent staff-led regional technical conferences will be held for the Western Region on February 25,
2015 in Denver, the Eastern Region on March 11th in Washington and for the Central Region on March
31st in St. Louis. Commission members may participate in those conferences.
Finally, FERC convened a panel discussion on coal delivery issues and their effects on electric reliability
in response to concerns in the Midwest about railroad congestion affecting coal stockpiles and operation
of the electric power sector in Minnesota and other areas. Panelists at the discussion included
representatives of FERC staff, the Surface Transportation Board, ALLETE/Minnesota Power, BNSF
Railway and the Midcontinent Independent System Operator (MISO).
At January’s Open Meeting, Chair LaFleur announced that Jeff Wright Director of the Office of Energy
Projects will retire at the end of February and will be succeeded by his Deputy Director Ann Miles.
Colette Honorable participated in her first Open Meeting and named Fred Wilson from the Office of
Litigation and William Sauer from the Office of Energy Policy and Innovation to her staff.
Next, the Commission conditionally accepted in part SPP’s proposed market-to-market coordination
process with MISO following a FERC staff-led technical conference.
Regional Entity Trustees Report
Mr. John Meyer provided the Regional Entity (RE) Trustees Report (RE Trustees Report – Attachment 4).
The RE had a very successful year achieving 122% of their metrics. The Bulk Electric Systems (BES)
Definition Implementation was successful with:
• 134 exclusion self-determinations and 8 inclusions self-determinations filed by SPP RE entities
• 996 self-determinations filed NERC wide
• 3 exception requests for exclusion have been filed at SPP RE – 11 NERC-wide
In the vegetation management update there are no reportable contacts in the SPP RE footprint. This is
the seventh consecutive quarter with no reportable contacts. There were four Category 1 and two
Category 2 (least severe) events were analyzed and 27 of 30 events have been rated Category 0 or 1.
SPP RE rankings align with national rankings when it comes to the most violated standards. The results
of a national program are mimicking what are finding in our region and CIP standards are dominating
results; nationally they account for over 65% of reported violations.
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Oversight Committee Report
Mr. Josh Martin provided the Oversight Committee Report. The Oversight Committee met on December
8, 2014 at SPP. The committee received an update on current activities from the SPP staff. The
Compliance Department informed the committee about the upcoming SERC certification for SPP to serve
as the Reliability Coordinator (RC) and Balancing Authority (BA) for Western, Basin, and Heartland. The
certifications should be completed by June 2015 for the RC functions and October 2015 for the BA
functions. The Oversight Committee was also briefed on the plans for the implementation of the new CIP
Version 5. During 2014, SPP’s Compliance Department completed 10 Evidence Reviews for SPP
Members. Additionally, SPP conducted an exercise in which there was a simulated multi-component
attack with a cyber-security and physical component. Nine member utilities participated in the exercise
which was viewed as very successful. The exercise and will take place every other year.
The Oversight Committee approved revisions to the Internal Audit Charter and it was noted that there are
a large number of audits in process.
Mr. Alan McQueen provided the Market Monitoring Unit (MMU) report. The MMU external review as
required in the SPP Tariff has been moved to 2016. Two staff members visited the ISO NE Market
Monitors for best practices discussions. The MMU continues to expand the content included in the
Integrated Marketplace Quarterly State of the Market reports. As an action item the Oversight Committee
is requesting briefings from the MMU on the magnitude and frequency of market rule violations.
Craig Roach provided the Looking Forward Report. The areas that will be covered by the State of the
Market Report:
• EPA’s Continued Environmental Campaign
• The Shale Gas Revolutions
• Update on the Changing Utility Model
• Physical Grid Security
• Blurred Jurisdictional Lines
• Developments in Decentralizations (drivers of a less centralized electricity grid and explained
various technologies that have been deployed in markets across the country (e.g., microgrids)
• Smart Grid
• For Sale: SPP Wind (SPP has ample wind generation resources in its footprint and may be able
to benefit from selling its wind to other areas of the U.S.)
Mr. Ben Bright provided and Order 1000 update including efforts to develop contracts with the 2015
Industry Expert Pool. The staff has also been working on the expert training process that is currently
expected to be held during the first or second quarter of 2015. Given the uncertainty of the competitive
projects for 2015, the committee requested that the experts not be contracted until after the January 2015
Board cycle. The committee ended with an Executive Session in which SPP Staff provided an overview
of the Cyber Vulnerability Assessment. The next Oversight Committee meeting will be in Washington DC
on March 26.
Strategic Planning Committee Report
Mr. Mike Wise provided the Strategic Planning Committee (SPC) Report. Mr. Wise began by recognizing
the efforts and contributions of Mr. Ricky Bittle who has retired and had served on the SPC and Members
Committee for many years. The Capacity Margin Task Force (CMTF) completed the first loss of load
expectation study and it came back with favorable results. The SPC advised staff to proceed with further
analysis of the Clean Power Plan (CPP) (2015 Action Plan for SPP’s Analyses of the EPA’s Proposed
Clean Power Plan – Attachment 5) in time for the regional FERC conference:
• Perform a “regional” analysis first, followed with a “state-by-state” analysis later
• Reliability is the foundation
• Highlight orders of magnitude
• Highlight the timing concerns associated with building infrastructure
The SPC has worked with SPP staff to refine the scope of study concerning the CPP. Mr. Wise laid out
three objectives and the timeline. The first objective to be completed by March 1, the second objective to
be completed by March 8, and the third objective to be completed by June.
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Agenda Item 3 – Consent Agenda
Mr. Eckelberger presented the Consent Agenda (Consent Agenda – Attachment 6). Mr. Larry
Altenbaumer made a motion to approve the consent agenda and Mr. Nick Brown seconded the
motion. The Members Committee voted in unanimous approval. The Board voted; the motion
passed.
Agenda Item 4 – Markets and Operations Policy Committee
Mr. Noman Williams provided the Markets and Operation Policy Committee (MOPC) Report (MOPC
Presentation – Attachment 8). He briefly reviewed MPRR227. Mr. Richard Ross provided more detail on
LTCR Compliance. Mr. Larry Altenbaumer made a motion to approve MPRR227 and Ms. Phyllis
Bernard seconded the motion. The Members Committee voted in unanimous approval. The
Board voted; the motion passed.
Mr. Dennis Reed presented the RTWG TRR131 Tariff Changes. RTWG added Section III.D(5) to include
possible remedies:
1. Acceleration of planned upgrades
2. Issuance of NTCs for selected new upgrades
3. Apply regional allocation to all, or a portion, of the cost of any project that otherwise would not
qualify for regional allocation;
4. Recommend potential Seams Transmission Projects;
5. Transfer Zonal ATRR to the Region-wide ATRR transfers;
6. Exemptions from allocated costs associated with future transmission projects;
7. Change cost allocation percentages as defined under Section III of this Attachment J.
Options 3, 5, 6, and 7 would require a Section 205 filing at FERC. Mr. Harry Skilton made a motion to
approve TRR131 and Mr. Nick Brown seconded the motion. The Members Committee voted in
favor with one abstention (Golden Spread Electric Cooperative). The Board voted; the motion
passed.
Mr. Lanny Nickell provided information for the ESWG ITP10 Report and Projects. The SPP Staff and
MOPC are asked the Board to endorse the 2015 ITP10 Report as documentation of completion of the 10Year Assessment of the ITP planning process specified in SPP OATT Attachment O Section III. SPP Staff
and MOPC asked the Board to approve the 2015 ITP10 plan as outlined in the report. And they are
recommending that the Walkameyer-N. Liberal 115 kV line and associated projects be re-evaluated with
results due in April 2015. Mr. Eckelberger called for an action item to be given to SPP Staff to analyze
why the congestion in southern SPS hasn’t yet been fixed and what SPP is going to do to address it in
the future. He would like Mr. Nickell to come back in April with options regarding how to do the analysis.
Mr. Larry Altenbaumer made a motion to approve the ITP10 Reports and Projects and Ms. Phyllis
Bernard seconded the motion. The Members Committee voted in favor with six abstentions
(American Electric Power, Kansas City Power and Light, City Utilities of Springfield, Oklahoma
Municipal Power Authority, Western Farmers Electric Cooperative, Arkansas Electric
Cooperative). The Board voted; the motion passed.
Mr. Lanny Nickell provided the recommendation on the TWG ITPNT Reports and Projects. The SPP Staff
and MOPC asked the Board to endorse the following three items:
• 2015 ITPNT Report as documentation of completion of the Near-Term Assessment of the ITP
planning process specified in SPP OATT Attachment O Section III.
• 2015 ITPNT plan as outlined in the 2015 ITPNT report. The MOPC request that the Walkameyer
to North Liberal 115kV line be removed from the ITPNT plan.
• Endorse separately the CBA projects in 2015 ITPNT plan as outlined in the 2015 ITPNT Report
and as detailed:
o Upgrade 138 kV terminal equipment at Benton - $480K
o Rebuild Southwestern Station-Carnegie 138 kV, upgrade jumpers and CT rations at
Southwestern Station line - $13.4M
Ms. Kristine Schmidt and Mr. Nickell expressed their appreciation to the SPP staff for all of the hours and
hard work they put into preparing these reports and projects.
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Mr. Julian Brix made a motion to approve the ITPNT Reports and Projects and Mr. Harry Skilton
seconded the motion. The Members Committee voted in favor with two abstentions (Oklahoma
Municipal Power Authority, City Utilities of Springfield). The Board voted; the motion passed.
Mr. Lanny Nickell reported on the next four staff recommendations asking the Board to withdraw the NTC
that directed construction of the Shipe Road to Kings River 345 kV project. On the phone Ms. Marie
Peine expressed concerns regarding this recommendation prior to it being withdrawn and provided her
concerns. She added to her comments in writing which are attached to the minutes. (Marie Peine
Comments – Attachment 9). Mr. Julian Brix made a motion to approve to withdraw the NTC for
construction from Shipe Road to Kings River and Mr. Harry Skilton seconded the motion. The
Members Committee voted in favor with one abstention (American Electric Power). The Board
voted; the motion passed.
Mr. Lanny Nickell reported on the recommendation to the Board asking the Board to accept the SPP
Transmission Expansion Plan Report (STEP). Mr. Harry Skilton made a motion to approve The 2015
STEP report as documentation of completion of the Attachment O transmission of planning
process and Mr. Nick Brown seconded the motion. The Members Committee voted in unanimous
approval. The Board voted; the motion passed.
Mr. Lanny Nickell provided information on the NTC’s that HPILS is asking the Board to approve. Mr.
Larry Altenbaumer made a motion to approve that an NTC be issued to MKEC for both Anthony –
Harper 138 kV and Anthony – Bluff City – Caldwell – Mayfield – Milan 138 kV, and that the CPEs
received for both projects be set as the baseline cost estimates for all future cost variance
determinations and Mr. Josh Martin seconded the motion. The Members Committee voted in
unanimous approval. The Board voted; the motion passed.
Mr. Lanny Nickell provided information regarding the recommendation to re-evaluate and approve the
following projects:
• Hazelton Junction (Withdraw NTC)
• Sallisaw (Withdraw NTC)
• Crosby – Floyd (Withdraw NTC)
• Mingo (Continue to re-evaluate NTC)
• Ruleton (Continue to re-evaluate NTC)
• Carmen – Eagle Chief (Withdraw NTC)
• Randall – South Georgia and Osage Station (No change to NTC and reset baseline estimate)
• Randall Co. Interchange – South Georgia Interchange (No change to NTC and reset baseline
estimate)
• Bailey County – Lamb County (Remove NTC conditions and set CPE as baseline)
Mr. Julian Brix made a motion to approve the treatment for each of the 10 projects as outlined and
Mr. Larry Altenbaumer seconded the motion. The Members Committee voted in unanimous
approval. The Board voted; the motion passed.
Agenda Item 9 – Future Meetings
Mr. Eckelberger reminded everyone of the meeting in Tulsa on April 28. (Future Meetings – Attachment
9).
Adjournment
With no further business, Mr. Eckelberger thanked everyone for participating and adjourned the meeting
at 2:00.

Respectfully Submitted,
Paul Suskie
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Southwest Power Pool, Inc.
Markets and Operations Policy Committee
Recommendation to the Board of Directors
MPRRs 211, 230, 233, 234, 238, and 239
April 28, 2015

Organizational Roster
The following members represent the Market Working Group:
Richard Ross, AEP, Chairman
Gene Anderson, OMPA, Vice Chairman
Shawn McBroom, OGE
Lee Anderson, Lincoln Electric System
Amber Metzker, Xcel Energy
Neal Daney, KMEA
Jim Flucke, KCPL
Clifford Franklin, Westar Energy, Inc.
Kevin Galke, City Utilities, Springfield, MO
Chris Lyons, Constellation Energy Commodities Group
Rick McCord, EDE
Matt Moore, Golden Spread Electric Cooperative
Aaron Rome, Midwest Energy, Inc.
Ann Scott, Tenaska Power Services Co.
Ron Thompson, NPPD
Bruce Walkup, AECC
Rick Yanovich, OPPD
Valerie Weigel, Basin Electric Power Co.
Background
Please see the MPRR Recommendation Report for MPRRs 211, 230, 233, 234, 238, and 239 that were included
in the MOPC April 14-15, 2015 background materials.
Analysis
Please see the MPRR Recommendation Report for MPRRs 211, 230, 233, 234, 238, and 239 that were included
in the MOPC April 14-15, 2014 background materials.
Recommendation
The MOPC recommends that the BOD approve its request regarding Marketplace Protocol Revision Requests.
Action Requested: Approval of MWG’s request on 211, 230, 233, 234, 238, and 239
Recommendation
The MWG recommends that the MOPC approve its request regarding Revision Requests.
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APPROVAL: MOPC

April 14-15, 2015

Passed Unanimously

RR_MPRR
Number

Description

MWG Meeting
Vote
2/10/2015 –
Unanimously Approved

RTWG Meeting
Vote

ORWG Meeting
Vote

3/25/2015 –
Approved
ITC – abstained

4/2/2015 –
Unanimously
Approved with no
Reliability Impact

2/26/2015 –
Unanimously
Approved

3/4/2015 –
Unanimously
Approved with no
Reliability Impact

3/25/2015 –
Approved
ITC – abstained

4/2/2015 –
Unanimously
Approved

2/26/2015 –
Unanimously
Approved with
modifications

3/4/2015 –
Unanimously
Approved with no
Reliability impact

25_211

Self-Commit Min Run Time
Make Whole Payment
Exemption

43_230

Cancelled Start Eligibility
Recovery

46_233

Day-Ahead Reliability Unit
Commitment Assessment

47_234

Trading Hubs and Resource
Hubs

51_238

Regulation Deployment
Clarification

3/18/2015 – Approved
Xcel – abstained

3/25/2015 –
Approved
Xcel and ITC –
abstained

4/2/2015 –
Unanimously
Approved

52_239

Federal Service Exemption
Guidelines

3/17/2015 –
Unanimously Approved

3/25/2015 –
Approved
ITC – abstained

4/2/2015 –
Unanimously
Approved with no
Reliability Impact

Att 7bi_MWG MPRR Recommendations to BOD

3/17/2015 –
Unanimously Approved
Impact Analysis
1/20/2015 –
Unanimously Approved
2/10/2015 –
Unanimously Approved
SPP Comments
2/10/2015 –
Unanimously Approved
3/17/2015 –
Unanimously Approved
Impact Assessment
2/10/2015 –
Unanimously Approved
3/17/2015 –
Unanimously Approve
RTWG’s modifications
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PRR Recommendation Report
MPRR
No.

211

Timeline

PRR
Self-Commit Min Run Time Make Whole Payment Exemption
Title
Normal
Expedited
Urgent Action
Provide explanation if Expedited and/or Urgent Action is selected:
Approve

Recommendation Action

Defer
Ranking
Impact Analysis Required

Protocol Section(s)
Requiring Revision

Type of Revision

Reject

Require additional information
Refer

Medium
Yes, Estimated Cost: $4400

Duration: 2 months

No

Section No.: 4.5.8.12 and 4.5.9.8
Title: Day-Ahead Make-Whole-Payment Amount and RUC Make-Whole-Payment
Amount
Protocol Version: 21.a
Correction/Clean-Up

Clarification

Design Enhancement

Design Change

Currently, the Tariff and Protocols are unclear how the conflict is handled when a
Resource’s self-committed run time is less than the Resource’s minimum run time.
SPP has the option of reducing the minimum run time to match the self-committed
time or extending the self-commitment time to match the minimum run time. The
current language is also ambiguous regarding eligibility in Real-Time for makewhole payments when a self-commitment is adjacent to economic commitments.
Revision Description

This MPRR proposes that when a commitment period that has a Commitment
Status of Self is less than the Resource’s minimum run time, the minimum run time
will be changed to match the self-committed period. Also, if a Resource has a
commitment period that has a Commitment Status of Market or Reliability that is
adjacent to a commitment period that has a Commitment Status of Self, then that
Resource will be eligible for recovery of No-Load and Energy but not Start-up since
the Resource was otherwise going to start-up due to the self-commitment.

Tariff Implications or
Changes

Attachment AE Section, 8.5.9 and 8.6.5 Corresponding tariff changes.

Yes – Section No: (Include a summary of impact and/or specific changes)

No
Yes – Section No: (Include a summary of impact and/or specific changes)
Criteria Impact or Changes
No
Working Group

Voting Record
Date of Vote: 2/10/2015

MWG

Vote: Unanimously Approved

Opposed: N/A
Abstained: N/A
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Date of Vote: 3/17/2015

Vote: Unanimously Approved Impact Analysis

Opposed: N/A
Abstained: N/A
Date of Vote: 3/25/2015
RTWG

Vote: Approved

Abstained: ITC

ORWG

Date of Vote: 4/2/2015

MOPC

Date of Vote: 4/15/2015

Vote: Approved

Board/Members Committee

Date of Vote:

Vote:

Date

9/5/2015

Name
E-mail Address
Company
Phone Number

Sponsor
Jim Flucke
jim.flucke@kcpl.com
Kansas City Power & Light
816-701-7836

Comment Author
Date

Comment Description

Comment Status

Comment Author
Date
Comment Description

Comment Status

Vote: Approved

Comments Received
Micha Bailey, SPP
2/6/2015
During January’s MWG meeting, SPP staff was task to edit the language to option
1 as that was discussed at the meeting. Option 1 would allow a Market Participant
to submit a self-commitment status for a Resource in the DA and RTBM Markets.
SPP would honor the self-commitment status even if it was less than the Minimum
Run Time of the Resource. SPP could then clear or dispatch the Resource
following the end of the self-commitment period if the Resource was economical.
These comments were taken into consideration by the MWG. MWG made some
language changes based on these comments at this time.

Comments Received
Micha Bailey on behalf of MWG
2/10/2015
MWG took all of the changes proposed and spilt the paragraphs from one to two
so that it would read better. MWG also added “for a period” in front of adjacent to.
MWG felt that this clarification was needed to let the reader know that for a “period
of time”, the Resource could be eligible for recovery of Energy and No-Load costs.
The MPRR was approved as modified in these comments. The approved
language is reflected in this recommendation report.

Proposed Protocol Language Revision
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4.5.8.12
(1)

(2)

Day-Ahead Make-Whole-Payment Amount

The Day-Ahead Make-Whole-Payment Amount is a credit or charge 1 to a Resource Asset Owner
and is calculated for each Resource with an associated DA Market Commitment Period that was
committed by SPP with a Day-Ahead Market Resource Offer Commitment Status of “Market” or
“Reliability” as defined under Section 4.2.2.2.1, or was committed as part of the Multi-Day
Reliability Assessment as defined under Section 4.2.6.3. A payment is made to the Resource
Asset Owner when the sum of the Resource’s DA Market Start-Up Offer costs, No-Load Offer
costs, Transition State Offer costs, Energy Offer Curve and Operating Reserve Offer costs
associated with cleared DA Market amounts for Energy and Operating Reserve is greater than
the Energy and Operating Reserve DA Market revenues received for that Resource over the
Resource’s DA Market Make-Whole-Payment Eligibility Period.
A Resource’s DA Market Make-Whole-Payment Eligibility Period is equal to a Resource’s DA
Market Commitment Period except as defined below:
(a)

(3)

Commented [MPRR101.1]: MPRR101 awaiting FERC filing

For Resources with an associated DA Market Commitment Period that begins in one
Operating Day and ends in the next Operating Day, two DA Market Make-WholePayment Eligibility Periods are created. The first period begins in the first Operating
Day in the hour that the DA Market Commitment Period begins and ends in the last hour
of the first Operating Day. The second period begins in the first hour of the next
Operating Day and ends in the last hour of the DA Market Commitment Period.

The following cost recovery eligible rules apply to each DA Market Make-Whole-Payment
Eligibility Period. Offer costs are calculated using the DA Market Offer prices in effect at the
time the commitment decision was made except under the situation described under Section
(b)(i)(1) below.
(a)

There may be more than one DA Market Make-Whole Payment Eligibility Period for a
Resource in a single Operating Day for which a credit or charge is calculated. A single
DA Market Make-Whole Payment Eligibility Period is contained within a single
Operating Day.

(b)

A Resource’s DA Market Start-Up Offer costs are not eligible for recovery in the
following DA Market Make-Whole Payment Eligibility Periods except as described in
(i)(1) and (i)(2) below:
(i)

Any DA Market Make-Whole Payment Eligibility Period for which the DayAhead Market SCUC did not consider the Resource’s Start-Up Offer in the
commitment decision or any Day-Ahead Make-Whole Payment Eligibility Period
that is adjacent to the end of a RUC Make-Whole Payment Eligibility Period that

1

Note that this charge type will almost always produce a credit. The charge is included here for the rare occasion when a
charge may be produced as a result of a data error and/or a resettlement.
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was created subsequent to the Day-Ahead Market Make-Whole Payment
Eligibility Period during the day before the Operating Day for which the DayAhead Market Make-Whole Payment Eligibility Period applies;
(1)

As described under Section 4.5.9.8(3)(h), to the extent that the full amount
of the RTBM Start-Up Offer is not accounted for in the adjacent RUC
Make-Whole Payment Eligibility Period, any remaining RTBM Start-Up
Offer costs are carried forward for recovery in the adjacent Day-Ahead
Make-Whole Payment Eligibility Period.

(2)

Start-Up Offers associated with manual commitments as described under
Sections 4.2.6.2 and 4.3.1.2(1)(b) are eligible for recovery.

(ii)

Any DA Market Make-Whole Payment Eligibility Period resulting from a DA
Market Commitment Period that contains a DA Market Self-Commit Hour; and

(iii)

Any DA Make-Whole Payment Eligibility Period for which a Resource is a
Synchronized Resource prior to this commitment period at a time one hour prior
to that Resource’s DA Market Commit Time less the Resource’s Sync-To-Min
Time unless such time is within a contiguous RUC Make-Whole Payment
Eligibility Period that is created subsequent to the DA Market Make-WholePayment Eligibility Period.

(c)

For each DA Market Make-Whole Payment Eligibility Period within an Operating Day, a
Resource’s DA Market Start-Up Offer is divided by the lesser of (1) the Resource’s
Minimum Run Time rounded down to the nearest hour or (2) 24 Hours, and that portion
of the Start-Up Offer is included as a cost in each hour of the DA Market Make-Whole
Payment Eligibility Period until the sum of these hourly costs are equal to the DA Market
Start-Up Offer or until the end of the DA Market Make-Whole Payment Eligibility
Period, whichever occurs first.

(d)

To the extent that the full amount of the DA Market Start-Up Offer is not accounted for
in the last DA Market Make-Whole Payment Eligibility Period in the Operating Day, any
remaining DA Market Start-Up Offer costs are carried forward for recovery in the first
DA Market Make-Whole Payment Eligibility Period of the following Operating Day.
For example, consider a Resource that is committed starting at 10:00 PM in Operating
Day 1 that has a Minimum Run Time of 10 hours and a Start-Up Offer of $10,000. The
DA Market Commitment Period is from 10:00 PM in Operating Day 1 through 8:00 AM
of Operating Day 2. For DA Market Make-Whole Payment calculation purposes, the DA
Market Commitment Period is split into two separate DA Market Make-Whole Payment
Eligibility Periods as described in (2).b above. The first DA Market Make-Whole
Payment Eligibility Period will include $1000/hour of Start-Up Offer costs ($10,000 / 10
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Hours) in hours 23 and 24. The second DA Market Make-Whole Payment Eligibility
Period will include $1000/hour of Start-Up Offer costs in hours 1 through 8.
(e)

(f)

If the Resource is a combined cycle Resource, additional costs associated with situations
in which the Resource has cleared Operating Reserve in the Day-Ahead Market and must
buy back that position in Real-Time at an average Real-Time MCP that is greater than the
Day-Ahead MCP, the Market Participant may be eligible for a make-whole payment. To
be eligible, these costs must be incurred during a time period in which the Resource is
transitioning between configurations, at the direction of SPP, such cost is not due to any
independent action of the Market Participant and such cost is not incurred during a RUC
Make-Whole Payment Eligibility Period. In such cases, the additional costs are equal to
the difference between the Real-Time MCP and the Day-Ahead MCP multiplied by the
Day-Ahead Market cleared Operating Reserve MW amounts. Recovery of these costs is
limited to the time period defined as the Transition State Time submitted in the Resource
Offer.
If a Resource’s self-commitment period is less than the Resource’s Minimum Run Time,
SPP will relax the Resource’s Minimum Run Time to equal the self-commit period.

(e)(g) If SPP clears a Resource with a Commitment Status of Market or Reliability for a
period adjacent to a self-commitment period in the Day-Ahead Market, then the Resource
will be eligible for recovery of Energy and No-Load offer costs for that period in the
Day-Ahead Market Make-Whole Payment Eligibility Period.
(4)

The amount to each Asset Owner (AO) for each eligible Resource Settlement Location for each
hour in a given DA Market Make-Whole Payment Eligibility Period is calculated as follows:

…
4.5.9.8

RUC Make-Whole-Payment Amount

(1) The RUC Make-Whole-Payment Amount is a credit or charge 2 to a Resource Asset Owner and is
calculated for each Resource with a RUC Commitment Period that was committed by SPP with an
RTBM Resource Offer Commitment Status of “Market” or “Reliability” as defined under Section
4.2.2.2.1. Asset Owners of Resources committed by a local transmission operator to address a Local
Emergency Condition are eligible to receive a RUC make whole payment, except that, if the Market
Monitor determines such Resources were selected in a discriminatory manner by the local
transmission operator, as determined pursuant to Section 6.1.2.1 of Attachment AE to the Tariff, and
such Resources were affiliated with the local transmission operator, then such Resources are not
eligible to receive a RUC make whole payment. For such eligible local transmission operator
2

Note that this charge type will almost always produce a credit. The charge is included here for the rare occasion when a
charge may be produced as a result of a data error and/or a resettlement.
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commitments, a manual process is employed for the calculations and the make-whole-payments will
appear in the Miscellaneous Amount charge type defined in Section 4.5.11. The RUC Make-WholePayment Amount is also calculated for combined cycle Resources with a RUC Commitment Period
during which the Resource is moved into a configuration that incurs additional costs over the
Resource configuration used in the DA Market Commitment Period for the corresponding time
period. A payment is made to the Resource Asset Owner when the sum of the Resource’s eligible
RTBM Start-Up Offer costs, No-Load Offer costs, Energy Offer Curve, Transition State Offer costs
and Operating Reserve Offer costs associated with actual MWh amounts for Energy and cleared
RTBM Operating Reserve is greater than the Energy and Operating Reserve RTBM revenues
received for that Resource over the Resource’s RUC Make-Whole-Payment Eligibility Period.
Recovery of such compensation shall be collected in accordance with Section 8.6.7 of Attachment
AE.
(2) A Resource’s RUC Make-Whole-Payment Eligibility Period is equal to the Resource’s RUC
Commitment Period except as described below:
(a) As shown in Exhibit 4-25, for Resources with a RUC Commitment Period that begins in one
Operating Day and ends in the next Operating Day, two RUC Make-Whole-Payment Eligibility
Periods are created. The first period begins in the first Operating Day in the Dispatch Interval
associated with the Resource’s RUC Commit Time and ends at the last Dispatch Interval of the
first Operating Day. The second period begins in the first Dispatch Interval of the next
Operating Day and ends in the Dispatch Interval associated with the Resource’s RUC DeCommit Time.
Exhibit 4-1: RUC Make-Whole Payment Eligibility Period – Multiple Operating Days
Operating Day 1

Operating Day 2

Real-Time MakeWhole Payment
Eligibility Period

Real-Time MakeWhole Payment
Eligibility Period

Time
RUC
Commitment
Period

(b) If the Resource is a combined cycle Resource committed in the DA Market and then, during an
RTBM hour within the DA Market Commitment Period, the Resource is moved into a
configuration that is different from the configuration used in the DA Market Commitment period
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and such configuration incurs a Transition State Offer cost and/or a No-Load Offer cost that is
higher than the No-Load Offer cost associated with the configuration used in the DA Market,
that RTBM hour will be considered the start of a RUC Make-Whole-Payment Eligibility Period.
The end of this RUC Make-Whole-Payment Eligibility Period will be defined by the RTBM hour
when the configuration in that RTBM hour is the same configuration as the configuration used in
the corresponding DA Market Commitment Period hour, the Resource’s De-Commit Time or the
end of the Operating Day, whichever is less.
(3) The following cost recovery eligible rules apply to each RUC Make-Whole-Payment Eligibility
Period. Resource production costs are calculated using the RTBM Offer prices in effect at the time
the commitment decision was made for start-up, no-load, and minimum-energy; and the RTBM
Offer prices in effect at the solving of a dispatch interval for incremental energy, Regulation-Up,
Regulation-Down, Spin, and Supplement Reserves.
(a) If SPP cancels a start-up order prior to the start of the associated RUC Make-Whole-Payment
Eligibility Period and the Resource is not a Synchronized Resource, the Asset Owner will receive
reimbursement for a time-based pro-rata share of the Resource’s RTBM Start-Up Offer. Asset
Owners may request additional compensation through submittal of actual cost documentation to the
SPP. SPP will review the submitted documentation and confirm that the submitted information is
sufficient to document actual costs and that all or a portion of the actual costs are eligible for
recovery.
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(b) In order to receive Start-Up Offer recovery within a RUC Make-Whole-Payment Eligibility Period,
the Resource must be a Synchronized Resource for at least one Dispatch Interval in the RUC MakeWhole Payment Eligibility Period.
(c) In order to receive recovery of No-Load Offer costs in any Dispatch Interval in the RUC MakeWhole Payment Eligibility Period, the Resource must be a Synchronized Resource in that Dispatch
Interval.
(d) There may be more than one RUC Make-Whole Payment Eligibility Period for a Resource in a
single Operating Day for which a credit or charge is calculated. A single RUC Make-Whole
Payment Eligibility Period is contained within a single Operating Day.
(e) A Resource’s RTBM Start-Up Offer costs are not eligible for recovery in the following RUC MakeWhole Payment Eligibility Periods:
(i)

(ii)

Any RUC Make-Whole Payment Eligibility Period for which the RUC SCUC did not
consider the Resource’s Start-Up Offer in the commitment decision except that RTBM
Start-Up Offers associated with manual commitments as described under Sections
4.3.2.2(3)(c), 4.3.2.2(3)(d), 4.4.1.2(3)(c) and 4.4.1.2(3)(d) are eligible for recovery;
Any RUC Make-Whole Payment Eligibility Period for which a Resource is a
Synchronized Resource prior to this commitment period at a time one hour prior to that
Resource’s RUC Commit Time less the Resource’s Sync-To-Min Time; and
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(iii) Any RUC Make-Whole Payment Eligibility Period resulting from a RUC Commitment
Period that contains an hour for which the Resource Commitment Status is Self-Commit.
(f) For each RUC Make-Whole Payment Eligibility Period within an Operating Day, a Resource’s
RTBM Start-Up Offer is divided by the lesser of (1) the Resource’s Minimum Run Time multiplied
by 12 rounded down to the nearest whole interval or (2) 24 Hours multiplied by 12, and that portion
of the Start-Up Offer is included as a cost in each interval of the RUC Make-Whole Payment
Eligibility Period until the sum of these interval costs are equal to the RTBM Start-Up Offer or until
the end of the RUC Make-Whole Payment Eligibility Period, whichever occurs first.
(g) To the extent that the full amount of the RTBM Start-Up Offer is not accounted for in the last RUC
Make-Whole Payment Eligibility Period in the Operating Day, any remaining RTBM Start-Up Offer
costs are carried forward for recovery in the first RUC Make-Whole Payment Eligibility Period of
the following Operating Day provided that the Resource has not been committed in the DA Market
in any hour of the first RUC Make-Whole Payment Eligibility Period as described in (h) below. For
example, consider a Resource that is committed starting at 10:00 PM in Operating Day 1 that has a
Minimum Run Time of 10 hours and a Start-Up Offer of $12,000. The RUC Commitment Period is
from 10:00 PM in Operating Day 1 through 8:00 AM of Operating Day 2. For RUC Make-Whole
Payment calculation purposes, the RUC Commitment Period is split into two separate RUC MakeWhole Payment Eligibility Periods as described in (2).a above. The first RUC Make-Whole
Payment Eligibility Period will include $100/interval of Start-Up Offer costs ($12,000 / 120
intervals) in hour 23 and 24 intervals. The second RUC Make-Whole Payment Eligibility Period
will include $100/interval of Start-Up Offer costs in hours 1 through 8 intervals.
(h) If the Resource has been committed in the DA Market in a period adjacent to and following a RUC
Make-Whole Payment Eligibility Period to the extent that the full amount of the RTBM Start-Up
Offer is not accounted for in the RUC Make-Whole Payment Eligibility Period, any remaining
RTBM Start-Up Offer costs are carried forward for recovery in the Day-Ahead Make-Whole
Payment Eligibility Period.
(i) If the Resource is a combined cycle Resource, additional costs associated with situations in which
the Resource has cleared Operating Reserve in the Day-Ahead Market and must buy back that
position in Real-Time at a Real-Time MCP that is greater than the Day-Ahead MCP, the Market
Participant may be eligible for a make-whole payment. To be eligible, these costs must be incurred
during a time periods in which the Resource is transitioning between configurations, at the direction
of SPP, and such cost is not due to any independent action of the Market Participant. In such cases,
the additional costs area equal to the difference between the average Real-Time MCP and the DayAhead MCP multiplied by the Day-Ahead Market cleared Operating Reserve MW amounts.
Recovery of these costs associated with Contingency Reserve is limited to the time period defined as
the Transition State Time submitted in the Resource Offer. Recovery of these costs associated with
Regulation-Up and/or Regulation-Down is limited to all Dispatch Intervals within the transition
hour.
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(j) If a Resource’s self-commitment period is less than the Resource’s Minimum Run Time, SPP will
relax the Resource’s Minimum Run Time to equal the self-commit period.
(k) If SPP clears a Resource with a Commitment Status of Market or Reliability for a period adjacent to
a self-commitment period in the RTBM, then the Resource will be eligible for recovery of Energy
and No-Load offer costs for that period in the RUC Make-Whole Payment Eligibility Period.

(4) The amount to each Asset Owner (AO) for each eligible Resource Settlement Location for a given
RUC Make-Whole Payment Eligibility Period is calculated as follows:

…
Proposed Tariff Language Revision

Attachment AE
8.5.9

Day-Ahead Make Whole Payment Amount
(1)

The Day-Ahead make whole payment amount is a payment to an Asset Owner and is
calculated for each Resource with an associated Day-Ahead Market Commitment Period
that was committed by the Transmission Provider with a Day-Ahead Market Resource
Offer commitment status as defined under Sections 4.1(10)(b) and (c) of this Attachment
AE, or was committed as part of the Multi-Day Reliability Assessment as defined under
Section 4.5.3 of this Attachment AE. A payment is made to the Asset Owner when the
sum of the Resource’s costs is greater than the Day-Ahead Market revenues received for
that Resource over the Resource’s Day-Ahead Market make whole payment eligibility
period. The make whole payment is equal to this difference between these costs and
revenues.

(2)

A Resource’s Day-Ahead Market make whole payment eligibility period is equal to a
Resource’s Day-Ahead Market Commitment Period except as defined herein. For
Resources with an associated Day-Ahead Market Commitment Period that begins in one
Operating Day and ends in the next Operating Day, two (2) Day-Ahead Market make
whole payment eligibility periods are created.

The first period begins in the first

Operating Day in the hour that the Day-Ahead Market Commitment Period begins and
ends in the last hour of the first Operating Day. The second period begins in the first
hour of the next Operating Day and ends in the last hour of the Day-Ahead Market
Commitment Period.
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(3)

The following cost recovery rules apply to each Day-Ahead Market make whole payment
eligibility period. Offer costs are calculated using the Day-Ahead Market Offer prices in
effect at the time the commitment decision was made except under the situation described
under Section (b)(i) below.
(a)

There may be more than one Day-Ahead Market make whole payment eligibility
period for a Resource in a single Operating Day for which a charge or payment is
calculated. A single Day-Ahead Market make whole payment eligibility period is
contained within a single Operating Day.

(b)

A Resource’s Day-Ahead Market Start-Up Offer costs are not eligible for
recovery in the following Day-Ahead Market make whole payment eligibility
periods:
(i)

For any Day-Ahead Market make whole payment eligibility period that is
adjacent to the end of a RUC make whole payment eligibility period
except as described under Section 8.6.5(3)(h);

(ii)

For any Day-Ahead Market make whole payment eligibility period
resulting from a Day-Ahead Market Commitment Period that contains a
Day-Ahead Market self-commit hour; or

(iii)

For any Day-Ahead make whole payment eligibility period for which a
Resource is a Synchronized Resource prior to this commitment period at a
time one (1) hour prior to that Resource’s Day-Ahead Market Commit
Time less the Resource’s Sync-To-MinTime.

(c)

For each Day-Ahead Market make whole payment eligibility period within an
Operating Day, a Resource’s Day-Ahead Market Start-Up Offer is divided by the
lesser of (1) the Resource’s Minimum Run Time rounded down to the nearest
hour or (2) twenty-four (24) hours, and that portion of the Start-Up Offer is
included as a cost in each hour of the Day-Ahead Market make whole payment
eligibility period until the sum of these hourly costs are equal to the Day-Ahead
Market Start-Up Offer or until the end of the Day-Ahead Market make whole
payment eligibility period, whichever occurs first.

(d)

To the extent that the full amount of the Day-Ahead Market Start-Up Offer is not
accounted for in the last Day-Ahead Market make whole payment eligibility
period in the Operating Day, any remaining Day-Ahead Market Start-Up Offer
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costs are carried forward for recovery in the first Day-Ahead Market make whole
payment eligibility period of the following Operating Day.
(e)

If a Resource’s self-commitment period is less than the Resource’s Minimum Run
Time, the Transmission Provider will relax the Resource’s Minimum Run Time to
equal the self-commit period.

(f)

If a Resource is committed by the Transmission Provider as specified in Section
4.1(10)(b) and (c) of Attachment AE for a period adjacent to a self-commitment
period in the Day-Ahead Market, then the Resource will be eligible for recovery
of Energy and No-Load offer costs for that period in the Day-Ahead Market
Make-Whole Payment Eligibility Period.

(4)

The payment to each Asset Owner for each eligible Settlement Location for a given DayAhead Market make whole payment eligibility period is calculated as follows:
Day-Ahead Make Whole Payment Amount =
Maximum of [Either Zero or Sum of ((Day-Ahead Make Whole Payment Cost
Amount in the Day-Ahead Market Make Whole Payment Eligibility Period) +
(Day-Ahead Make Whole Payment Revenue Amount in the Day-Ahead Market
Make Whole Payment Eligibility Period))] * (-1)
(a)

An Asset Owner’s Day-Ahead Make Whole Payment Cost Amount for each
eligible Resource is equal the sum for all hours in the Day-Ahead Market Make
Whole Payment Eligibility Period of:
(i)

Day-Ahead Market Start-Up Offer,

(ii)

Day-Ahead Market No-Load Offer,

(iii)

Energy cost associated with cleared Resource Energy from Resource
Energy Offers as described under Section 5.1.3 of this Attachment AE, as
calculated by multiplying cleared Resource Energy by the cost of such
Energy as calculated from the Resource’s Day-Ahead Market Energy
Offer Curve,

(iv)

Regulation-Up cost associated with cleared Regulation-Up from
Regulation-Up Offers as described under Section 5.1.3 of this Attachment
AE, as calculated by multiplying Regulation-Up by the cost of such
Regulation-Up as calculated from the Resource’s Day-Ahead Market
Regulation-Up Offer,
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(v)

Regulation-Down cost, associated with cleared Regulation-Down from
Regulation-Down Offers as described under Section 5.1.3 of this
Attachment AE, as calculated by multiplying Regulation-Down by the
cost of such Regulation-Down as calculated from the Resource’s DayAhead Market Regulation-Down Offer,

(vi)

Spinning Reserve cost, associated with cleared Spinning Reserve from
Spinning Reserve Offers as described under Section 5.1.3 of this
Attachment AE, as calculated by multiplying Spinning Reserve by the cost
of such Spinning Reserve as calculated from the Resource’s Day-Ahead
Market Spinning Reserve Offer, and

(vii)

Supplemental Reserve cost, associated with cleared Supplemental Reserve
from Supplemental Reserve Offers as described under Section 5.1.3 of this
Attachment AE, as calculated by multiplying Supplemental Reserve by the
cost of such Supplemental Reserve as calculated from the Resource’s DayAhead Market Supplemental Reserve Offer

(b)

An Asset Owner’s Day-Ahead Make Whole Payment Revenue Amount for each
eligible Resource is equal to the sum for all hours in the Day-Ahead Market Make
Whole Payment Eligibility Period of:
(i)

Energy revenue associated with cleared Resource Energy from Resource
Energy Offers as described under Section 5.1.3 of this Attachment AE,
calculated by multiplying Resource Energy by Day-Ahead LMP at that
Resource Settlement Location, and

(ii)

The sum of the revenues calculated under Section 8.5.2, 8.5.3 and 8.5.4
for that eligible Resource.

8.6.5

Reliability Unit Commitment Make Whole Payment Amount
(1)

Asset Owners of Resources committed by the Transmission Provider with an RTBM
Resource Offer commitment status as defined under Sections 4.1(10)(b) and (c) of this
Attachment AE, are eligible to receive a RUC make whole payment. Asset Owners of
Resources committed by a local transmission operator to address a Local Emergency
Condition are eligible to receive a RUC make whole payment, except that, if the Market
Monitor determines such Resources were selected in a discriminatory manner by the local
transmission operator, as determined pursuant to Section 6.1.2.1 of this Attachment AE,
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and such Resources were affiliated with the local transmission operator, then such
Resources are not eligible to receive a RUC make whole payment. A RUC make whole
payment is made to the Asset Owner when the sum of a Resource’s eligible RTBM StartUp Offer costs, No-Load Offer costs, Energy Offer Curve and Operating Reserve Offer
costs associated with actual Energy and cleared RTBM Operating Reserve is greater than
the Energy and Operating Reserve RTBM revenues received over the Resource’s RUC
make whole payment eligibility period.

Recovery of such compensation shall be

collected in accordance with Section 8.6.7 of this Attachment AE.
(2)

A Resource’s RUC make whole payment eligibility period is equal to that Resource’s
RUC Commitment Period. For Resources with a RUC Commitment Period that begins in
one Operating Day and ends in the next Operating Day, two RUC make whole payment
eligibility periods are created. The first period begins in the first Operating Day in the
Dispatch Interval associated with the Resource’s RUC Commit Time and ends at the last
Dispatch Interval of the first Operating Day. The second period begins in the first
Dispatch Interval of the next Operating Day and ends in the Dispatch Interval associated
with the Resource’s RUC De-Commit Time.

(3)

The following cost recovery rules apply to each RUC make whole payment eligibility
period. Offer costs are calculated using the RTBM Offer prices in effect at the time the
commitment decision was made.
(a)

If the Transmission Provider cancels a Commitment Instruction prior to the start
of the associated RUC make whole payment eligibility period and the Resource is
not a Synchronized Resource, the Asset Owner will receive reimbursement for a
time-based pro-rata share of the Resource’s RTBM Start-Up Offer. Asset Owners
may request additional compensation through submittal of actual cost
documentation to the Transmission Provider. The Transmission Provider will
review the submitted documentation and confirm that the submitted information is
sufficient to document actual costs and that all or a portion of the actual costs are
eligible for recovery.

(b)

In order to receive the full amount of Start-Up Offer recovery within a RUC make
whole payment eligibility period, the Resource must be a Synchronized Resource
in at least one Dispatch Interval in the RUC make whole payment eligibility
period.
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(c)

In order to receive recovery of No-Load Offer costs in any Dispatch Interval in
the RUC make whole payment eligibility period, the Resource must be a
Synchronized Resource in that Dispatch Interval.

(d)

There may be more than one RUC make whole payment eligibility period for a
Resource in a single Operating Day.

A single RUC make whole payment

eligibility period is contained within a single Operating Day.
(e)

A Resource’s RTBM Start-Up Offer costs are not eligible for recovery in the
following RUC make whole payment eligibility periods:
(i)

Any RUC make whole payment eligibility period that is adjacent to the

(ii)

Any RUC make whole payment eligibility period for which a Resource is

end of a Day-Ahead Market make whole payment eligibility period;

a Synchronized Resource prior to this commitment period at a time one (1)
hour prior to that Resource’s RUC Commit Time less the Resource’s
Sync-To-Min Time; and
(iii)

Any RUC make whole payment eligibility period resulting from a RUC
Commitment Period that contains an hour for which the Resource was
self-committed.

(f)

For each RUC make whole payment eligibility period within an Operating Day, a
Resource’s RTBM Start-Up Offer is divided by the lesser of (1) the Resource’s
Minimum Run Time multiplied by twelve (12), rounded down to the nearest
whole interval, or (2) twenty-four (24) hours multiplied by twelve (12), and that
portion of the Start-Up Offer is included as a cost in each interval of the RUC
make whole payment eligibility period until the sum of these interval costs are
equal to the RTBM Start-Up Offer or until the end of the RUC make whole
payment eligibility period, whichever occurs first.

(g)

To the extent that the full amount of the RTBM Start-Up Offer is not accounted
for in the last RUC make whole payment eligibility period in the Operating Day,
any remaining RTBM Start-Up Offer costs are carried forward for recovery in the
first RUC make whole payment eligibility period of the following Operating Day
provided that the Resource has not been committed in the Day-Ahead Market in
any hour of the first RUC make whole payment eligibility period as described in
(h) below.
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(h)

If the Resource has been committed in the Day-Ahead Market in a period adjacent
to and following a RUC make whole payment eligibility period to the extent that
the full amount of the RTBM Start-Up Offer is not accounted for in the RUC
make whole payment eligibility period, any remaining RTBM Start-Up Offer
costs are carried forward for recovery in the Day-Ahead make whole payment
eligibility period.

(i)

If a Resource has operated outside of its Operating Tolerance in any Dispatch
Interval, any cost associated with energy output above the Resource’s economic
operating point is not eligible for recovery for that Dispatch Interval where such
cost is calculated as described under Subsection 4(c) below.

(j)

If a Resource becomes non-dispatchable in any Dispatch Interval, any cost
associated with energy output above the Resource’s economic operating point is
not eligible for recovery for that Dispatch Interval where such cost is calculated as
described under Subsection 4(c) below.

(k)

If a Resource’s minimum operating limit is increased above the Resource’s
minimum operating limit that was used to make the commitment decision, the
increase is greater than the Resource’s Operating Tolerance and the Resource
remains dispatchable in any Dispatch Interval, any cost associated with energy
output above the Resource’s economic operating point is not eligible for recovery
for that Dispatch Interval where such cost is calculated as described under
Subsection 4(c) below.

(l)

If a Resource’s self-commitment period is less than the Resource’s Minimum Run
Time, the Transmission Provider will relax the Resource’s Minimum Run Time to
equal the self-commit period.

(m)

If a Resource is committed by the Transmission Provider as specified in Section
4.1(10)(b) and (c) of Attachment AE for a period adjacent to a self-commitment
period in the RTBM, then the Resource will be eligible for recovery of Energy
and No-Load offer costs for that period in the RUC Make-Whole Payment
Eligibility Period.

(4)

The payment to each Asset Owner for each eligible Settlement Location for a given RUC
make whole payment eligibility period is calculated as follows:
RUC Make Whole Payment Amount =
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Maximum of [Either Zero or (RUC Make Whole Payment Cost Amount in the RUC
Make Whole Payment Eligibility Period + RUC Make Whole Payment Revenue Amount
in the RUC Make Whole Payment Eligibility Period – Uninstructed Resource Deviation
Cost Disallowance – Non-Dispatchable Cost Disallowance – Minimum Limit Cost
Disallowance)]
(a)

An Asset Owner’s RUC Make Whole Payment Cost Amount for each eligible
Resource is equal the sum for all Dispatch Intervals in the RUC Make Whole
Payment Eligibility Period of (i) Start-Up Offer used to make commitment
decision, (ii) No-Load Offer used to make commitment decision, (iii) Energy cost
at minimum output as calculated from the Energy Offer Curve used to make
commitment decision, (iv) Energy cost above minimum output as calculated from
the Energy Offer Curve that applied to the current Dispatch Interval, and (v)
Operating Reserve cost associated with cleared Real-Time Operating Reserve as
calculated from the Operating Reserve Offers except that Operating Reserve costs
associated with self-scheduled Operating Reserve where such self-schedules are
less than or equal to the amount of Operating Reserve cleared shall be set equal to
zero.

(b)

An Asset Owner’s RUC Make Whole Payment Revenue Amount for each eligible
Resource is equal the sum for all hours in the RUC Make Whole Payment
Eligibility Period of (i) revenue associated with Energy calculated by multiplying
actual Energy by Real-Time LMP (ii) the sum of the revenues calculated under
Section 8.6.2, 8.6.3 and 8.6.4 of this Attachment AE for that eligible Resource
(iii) Energy revenue associated with payments made under Section 8.6.6 of this
Attachment AE and (iv) amounts associated with settlement made under Section
8.6.15 of this Attachment AE.

(c)

An Asset Owner’s Uninstructed Resource Deviation Cost Disallowance, NonDispatchable Cost Disallowance, or Minimum Limit Cost Disallowance is equal
to the positive difference between the Resource’s Energy cost at actual output as
calculated from the Resource’s current Dispatch Interval Energy Offer Curve and
the Resource’s Energy cost at the Resource’s economic operating point as
calculated from the Resource’s current Dispatch Interval Energy Offer Curve.
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(d)

A Resource’s economic operating point is the MW output where the cost on the
Resource’s current Dispatch Interval Energy Offer Curve first exceeds the RealTime LMP for that Resource.
Proposed Criteria Language Revision

N/A
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PRR Recommendation Report
MPRR
No.

230

Timeline

PRR
Cancelled Start Eligibility Recovery
Title
Normal
Expedited
Urgent Action
Provide explanation if Expedited and/or Urgent Action is selected:
Approve

Recommendation Action

Defer
Ranking

Reject

Require additional information
Refer

N/A
Yes, Estimated Cost:

Impact Analysis Required
Protocol Section(s)
Requiring Revision
Type of Revision

Revision Description

Duration:

No

SPP Staff will complete this section.
Section No. 4.5.9.8
Title: RUC Make-Whole Payment Amount
Protocol Version: 23.a
Correction/Clean-Up

Clarification

Design Enhancement

Design Change

The current eligibility rule for recovery of Start-Up Offer costs associated with SPP
cancelling a commitment order requires that the Resource not be synchronized to
the system when SPP cancels the commitment. If SPP cancels the commitment
order prior to the start of the Commitment Period, the Resource should be eligible
for Start-Up Offer recovery even if the Resource was synchronized as long as the
Resource would have otherwise been eligible for Start-Up Offer recovery (i.e. if the
Resource synchronized early, at a time prior to the (RUC Commit Time less SyncTo-Min Time) plus one hour, the Resource would not be eligible for canceled start
recovery if SPP cancels the commitment following synchronization but prior to the
start of the RUC Commitment Period. However, if the Resource synchronized
within the Sync-Time plus one hour window and then SPP cancels the
commitment prior to the start of the RUC Commitment Period, the Resource would
be eligible for cancelled start recovery).
Clarified rules regarding eligibility to recovery Start-Up Offer costs if SPP cancels
the RUC commitment prior to the start of the RUC Commitment Period.
Yes – Section No: (Include a summary of impact and/or specific changes)

Tariff Implications or
Changes

Section 8.6.5 – RUC MWP Amount
No
Yes – Section No: (Include a summary of impact and/or specific changes)

Criteria Impact or Changes
No
Working Group

Voting Record
Date of Vote: 1/20/2015

MWG

Vote: Unanimously Approved

Opposed: N/A
Abstained: N/A
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Date of Vote: 2/10/2015

Vote: Unanimously Approved SPP Comments

Opposed: N/A
Abstained: N/A
RTWG

Date of Vote: 2/26/2015

Vote: Unanimously Approved

ORWG

Date of Vote: 3/4/2015

Vote: Unanimously Approved with no reliability impact

MOPC

Date of Vote: 4/15/2015

Vote: Approved

Board/Members Committee

Date of Vote:

Vote:

Date

1/20/2015

Name
E-mail Address
Company
Phone Number

Sponsor
Micha Bailey
mcbaily@spp.org
Southwest Power Pool
501.688.2522

Comment Author
Date
Comment Description
Comment Status

Comment Author
Date

Comment Description

Comment Status

Comments Received
Micha Bailey on behalf of MWG
1/20/2015
MWG changed the structure of the sentence relating to the changes to canceled
Start-Up Offer recovery in the Protocols and Tariff.
The MPRR was approved as modified in these comments. The approved
language is reflected in this recommendation report.

Comments Received
Micha Bailey on behalf of MWG
2/2/2015
After the MWG voted on MPRR230 in January, SPP decided to further clarify
Canceled Start payments in the RUC Make Whole Payment Sections of the
Protocols and Tariff. In the Protocols, section 4.5.9.8 (3) (f) needs language added
to clarify that in an eligible cancel start-up, SPP will allocate the monies of the pro
rata share of the start-up into the first interval of the RUC Make Whole Payment
Eligibility Period.
The MPRR was approved as modified in these comments. The approved
language is reflected in this recommendation report.

Proposed Protocol Language Revision

4.5.9.8

RUC Make-Whole-Payment Amount

(1) The RUC Make-Whole-Payment Amount is a credit or charge 1 to a Resource Asset Owner and is
calculated for each Resource with a RUC Commitment Period that was committed by SPP with an
RTBM Resource Offer Commitment Status of “Market” or “Reliability” as defined under Section
1

Note that this charge type will almost always produce a credit. The charge is included here for the rare occasion when a
charge may be produced as a result of a data error and/or a resettlement.
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4.2.2.2.1. Asset Owners of Resources committed by a local transmission operator to address a Local
Emergency Condition are eligible to receive a RUC make whole payment, except that, if the Market
Monitor determines such Resources were selected in a discriminatory manner by the local
transmission operator, as determined pursuant to Section 6.1.2.1 of Attachment AE to the Tariff, and
such Resources were affiliated with the local transmission operator, then such Resources are not
eligible to receive a RUC make whole payment. For such eligible local transmission operator
commitments, a manual process is employed for the calculations and the make-whole-payments will
appear in the Miscellaneous Amount charge type defined in Section 4.5.11. The RUC Make-WholePayment Amount is also calculated for combined cycle Resources with a RUC Commitment Period
during which the Resource is moved into a configuration that incurs additional costs over the
Resource configuration used in the DA Market Commitment Period for the corresponding time
period. A payment is made to the Resource Asset Owner when the sum of the Resource’s eligible
RTBM Start-Up Offer costs, No-Load Offer costs, Energy Offer Curve, Transition State Offer costs
and Operating Reserve Offer costs associated with actual MWh amounts for Energy and cleared
RTBM Operating Reserve is greater than the Energy and Operating Reserve RTBM revenues
received for that Resource over the Resource’s RUC Make-Whole-Payment Eligibility Period.
Recovery of such compensation shall be collected in accordance with Section 8.6.7 of Attachment
AE.
(2) A Resource’s RUC Make-Whole-Payment Eligibility Period is equal to the Resource’s RUC
Commitment Period except as described below:
(a) As shown in Exhibit 4-25, for Resources with a RUC Commitment Period that begins in one
Operating Day and ends in the next Operating Day, two RUC Make-Whole-Payment Eligibility
Periods are created. The first period begins in the first Operating Day in the Dispatch Interval
associated with the Resource’s RUC Commit Time and ends at the last Dispatch Interval of the
first Operating Day. The second period begins in the first Dispatch Interval of the next
Operating Day and ends in the Dispatch Interval associated with the Resource’s RUC DeCommit Time.
Exhibit 4-1: RUC Make-Whole Payment Eligibility Period – Multiple Operating Days
Operating Day 1

Operating Day 2

Real-Time MakeWhole Payment
Eligibility Period

Real-Time MakeWhole Payment
Eligibility Period

Time
RUC
Commitment
Period
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(b) If the Resource is a combined cycle Resource committed in the DA Market and then, during an
RTBM hour within the DA Market Commitment Period, the Resource is moved into a
configuration that is different from the configuration used in the DA Market Commitment period
and such configuration incurs a Transition State Offer cost and/or a No-Load Offer cost that is
higher than the No-Load Offer cost associated with the configuration used in the DA Market,
that RTBM hour will be considered the start of a RUC Make-Whole-Payment Eligibility Period.
The end of this RUC Make-Whole-Payment Eligibility Period will be defined by the RTBM hour
when the configuration in that RTBM hour is the same configuration as the configuration used in
the corresponding DA Market Commitment Period hour, the Resource’s De-Commit Time or the
end of the Operating Day, whichever is less.
(3) The following cost recovery eligible rules apply to each RUC Make-Whole-Payment Eligibility
Period. Resource production costs are calculated using the RTBM Offer prices in effect at the time
the commitment decision was made for start-up, no-load, and minimum-energy; and the RTBM
Offer prices in effect at the solving of a dispatch interval for incremental energy, Regulation-Up,
Regulation-Down, Spin, and Supplement Reserves.
(a) If SPP cancels a start-up order prior to the start of the associated RUC Make-Whole-Payment
Eligibility Period and the Resource is not a Synchronized Resource, the Asset Owner will
receive reimbursement for a time-based pro-rata share of the Resource’s RTBM Start-Up Offer
unless precluded by (e) below. Asset Owners may request additional compensation through
submittal of actual cost documentation to the SPP. SPP will review the submitted documentation
and confirm that the submitted information is sufficient to document actual costs and that all or a
portion of the actual costs are eligible for recovery.
(b) In order to receive Start-Up Offer recovery within a RUC Make-Whole-Payment Eligibility
Period, the Resource must be a Synchronized Resource for at least one Dispatch Interval in the
RUC Make-Whole Payment Eligibility Period.
(c) In order to receive recovery of No-Load Offer costs in any Dispatch Interval in the RUC MakeWhole Payment Eligibility Period, the Resource must be a Synchronized Resource in that
Dispatch Interval.
(d) There may be more than one RUC Make-Whole Payment Eligibility Period for a Resource in a
single Operating Day for which a credit or charge is calculated. A single RUC Make-Whole
Payment Eligibility Period is contained within a single Operating Day.
(e) A Resource’s RTBM Start-Up Offer costs are not eligible for recovery in the following RUC
Make-Whole Payment Eligibility Periods:
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(i)

(ii)

Any RUC Make-Whole Payment Eligibility Period for which the RUC SCUC did not
consider the Resource’s Start-Up Offer in the commitment decision except that RTBM
Start-Up Offers associated with manual commitments as described under Sections
4.3.2.2(3)(c), 4.3.2.2(3)(d), 4.4.1.2(3)(c) and 4.4.1.2(3)(d) are eligible for recovery;
Any RUC Make-Whole Payment Eligibility Period for which a Resource is a
Synchronized Resource prior to this commitment period at a time one hour prior to that
Resource’s RUC Commit Time less the Resource’s Sync-To-Min Time; and

(iii) Any RUC Make-Whole Payment Eligibility Period resulting from a RUC Commitment
Period that contains an hour for which the Resource Commitment Status is Self-Commit.
(f) For each RUC Make-Whole Payment Eligibility Period within an Operating Day, a Resource’s
RTBM Start-Up Offer is divided by the lesser of (1) the Resource’s Minimum Run Time
multiplied by 12 rounded down to the nearest whole interval or (2) 24 Hours multiplied by 12,
and that portion of the Start-Up Offer is included as a cost in each interval of the RUC MakeWhole Payment Eligibility Period until the sum of these interval costs are equal to the RTBM
Start-Up Offer or until the end of the RUC Make-Whole Payment Eligibility Period, whichever
occurs first. If SPP cancels a start-up order prior to the start of the associated RUC MakeWhole-Payment Eligibility Period, all of the eligible pro rata share of the Resource’s RTBM
Start-Up Offer is allocated into the first interval of the RUC Make-Whole Payment Eligibility
Period.
(g) To the extent that the full amount of the RTBM Start-Up Offer is not accounted for in the last
RUC Make-Whole Payment Eligibility Period in the Operating Day, any remaining RTBM StartUp Offer costs are carried forward for recovery in the first RUC Make-Whole Payment
Eligibility Period of the following Operating Day provided that the Resource has not been
committed in the DA Market in any hour of the first RUC Make-Whole Payment Eligibility
Period as described in (h) below. For example, consider a Resource that is committed starting at
10:00 PM in Operating Day 1 that has a Minimum Run Time of 10 hours and a Start-Up Offer of
$12,000. The RUC Commitment Period is from 10:00 PM in Operating Day 1 through 8:00 AM
of Operating Day 2. For RUC Make-Whole Payment calculation purposes, the RUC
Commitment Period is split into two separate RUC Make-Whole Payment Eligibility Periods as
described in (2).a above. The first RUC Make-Whole Payment Eligibility Period will include
$100/interval of Start-Up Offer costs ($12,000 / 120 intervals) in hour 23 and 24 intervals. The
second RUC Make-Whole Payment Eligibility Period will include $100/interval of Start-Up
Offer costs in hours 1 through 8 intervals.
(h) If the Resource has been committed in the DA Market in a period adjacent to and following a
RUC Make-Whole Payment Eligibility Period to the extent that the full amount of the RTBM
Start-Up Offer is not accounted for in the RUC Make-Whole Payment Eligibility Period, any
remaining RTBM Start-Up Offer costs are carried forward for recovery in the Day-Ahead MakeWhole Payment Eligibility Period.
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(i) If the Resource is a combined cycle Resource, additional costs associated with situations in
which the Resource has cleared Operating Reserve in the Day-Ahead Market and must buy back
that position in Real-Time at a Real-Time MCP that is greater than the Day-Ahead MCP, the
Market Participant may be eligible for a make-whole payment. To be eligible, these costs must
be incurred during a time period in which the Resource is transitioning between configurations,
at the direction of SPP, and such cost is not due to any independent action of the Market
Participant. In such cases, the additional costs are equal to the difference between the average
Real-Time MCP and the Day-Ahead MCP multiplied by the Day-Ahead Market cleared
Operating Reserve MW amounts. Recovery of these costs associated with Contingency Reserve
is limited to the time period defined as the Transition State Time submitted in the Resource
Offer. Recovery of these costs associated with Regulation-Up and/or Regulation-Down is
limited to all Dispatch Intervals within the transition hour.
(4) The amount to each Asset Owner (AO) for each eligible Resource Settlement Location for a given
RUC Make-Whole Payment Eligibility Period is calculated as follows:
Proposed Tariff Language Revision

Attachment AE
8.6.5

Reliability Unit Commitment Make Whole Payment Amount
(1)

Asset Owners of Resources committed by the Transmission Provider with an RTBM
Resource Offer commitment status as defined under Sections 4.1(10)(b) and (c) of this
Attachment AE, are eligible to receive a RUC make whole payment. Asset Owners of
Resources committed by a local transmission operator to address a Local Emergency
Condition are eligible to receive a RUC make whole payment, except that, if the Market
Monitor determines such Resources were selected in a discriminatory manner by the local
transmission operator, as determined pursuant to Section 6.1.2.1 of this Attachment AE,
and such Resources were affiliated with the local transmission operator, then such
Resources are not eligible to receive a RUC make whole payment. A RUC make whole
payment is made to the Asset Owner when the sum of a Resource’s eligible RTBM StartUp Offer costs, No-Load Offer costs, Energy Offer Curve and Operating Reserve Offer
costs associated with actual Energy and cleared RTBM Operating Reserve is greater than
the Energy and Operating Reserve RTBM revenues received over the Resource’s RUC
make whole payment eligibility period.

Recovery of such compensation shall be

collected in accordance with Section 8.6.7 of this Attachment AE.
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(2)

A Resource’s RUC make whole payment eligibility period is equal to that Resource’s
RUC Commitment Period. For Resources with a RUC Commitment Period that begins in
one Operating Day and ends in the next Operating Day, two RUC make whole payment
eligibility periods are created. The first period begins in the first Operating Day in the
Dispatch Interval associated with the Resource’s RUC Commit Time and ends at the last
Dispatch Interval of the first Operating Day. The second period begins in the first
Dispatch Interval of the next Operating Day and ends in the Dispatch Interval associated
with the Resource’s RUC De-Commit Time.

(3)

The following cost recovery rules apply to each RUC make whole payment eligibility
period. Offer costs are calculated using the RTBM Offer prices in effect at the time the
commitment decision was made.
(a)

If the Transmission Provider cancels a Commitment Instruction prior to the start
of the associated RUC make whole payment eligibility period and the Resource is
not a Synchronized Resource, the Asset Owner will receive reimbursement for a
time-based pro-rata share of the Resource’s RTBM Start-Up Offer unless
precluded by Section 8.6.5(e) of this Attachment AE. Asset Owners may request
additional compensation through submittal of actual cost documentation to the
Transmission Provider. The Transmission Provider will review the submitted
documentation and confirm that the submitted information is sufficient to
document actual costs and that all or a portion of the actual costs are eligible for
recovery.

(b)

In order to receive the full amount of Start-Up Offer recovery within a RUC make
whole payment eligibility period, the Resource must be a Synchronized Resource
in at least one Dispatch Interval in the RUC make whole payment eligibility
period.

(c)

In order to receive recovery of No-Load Offer costs in any Dispatch Interval in
the RUC make whole payment eligibility period, the Resource must be a
Synchronized Resource in that Dispatch Interval.

(d)

There may be more than one RUC make whole payment eligibility period for a
Resource in a single Operating Day.

A single RUC make whole payment

eligibility period is contained within a single Operating Day.
(e)

A Resource’s RTBM Start-Up Offer costs are not eligible for recovery in the
following RUC make whole payment eligibility periods:
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(i)

Any RUC make whole payment eligibility period that is adjacent to the
end of a Day-Ahead Market make whole payment eligibility period;

(ii)

Any RUC make whole payment eligibility period for which a Resource is
a Synchronized Resource prior to this commitment period at a time one (1)
hour prior to that Resource’s RUC Commit Time less the Resource’s
Sync-To-Min Time; and

(iii)

Any RUC make whole payment eligibility period resulting from a RUC
Commitment Period that contains an hour for which the Resource was
self-committed.

(f)

For each RUC make whole payment eligibility period within an Operating Day, a
Resource’s RTBM Start-Up Offer is divided by the lesser of (1) the Resource’s
Minimum Run Time multiplied by twelve (12), rounded down to the nearest
whole interval, or (2) twenty-four (24) hours multiplied by twelve (12), and that
portion of the Start-Up Offer is included as a cost in each interval of the RUC
make whole payment eligibility period until the sum of these interval costs are
equal to the RTBM Start-Up Offer or until the end of the RUC make whole
payment eligibility period, whichever occurs first. If the Transmission Provider
cancels a start-up order prior to the start of the associated RUC Make-WholePayment Eligibility Period, all of the eligible pro rata share of the Resource’s
RTBM Start-Up Offer is allocated into the first interval of the RUC Make-Whole
Payment Eligibility Period.

(g)

To the extent that the full amount of the RTBM Start-Up Offer is not accounted
for in the last RUC make whole payment eligibility period in the Operating Day,
any remaining RTBM Start-Up Offer costs are carried forward for recovery in the
first RUC make whole payment eligibility period of the following Operating Day
provided that the Resource has not been committed in the Day-Ahead Market in
any hour of the first RUC make whole payment eligibility period as described in
(h) below.

(h)

If the Resource has been committed in the Day-Ahead Market in a period adjacent
to and following a RUC make whole payment eligibility period to the extent that
the full amount of the RTBM Start-Up Offer is not accounted for in the RUC
make whole payment eligibility period, any remaining RTBM Start-Up Offer
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costs are carried forward for recovery in the Day-Ahead make whole payment
eligibility period.
(i)

If a Resource has operated outside of its Operating Tolerance in any Dispatch
Interval, any cost associated with energy output above the Resource’s economic
operating point is not eligible for recovery for that Dispatch Interval where such
cost is calculated as described under Subsection 4(c) below.

(j)

If a Resource becomes non-dispatchable in any Dispatch Interval, any cost
associated with energy output above the Resource’s economic operating point is
not eligible for recovery for that Dispatch Interval where such cost is calculated as
described under Subsection 4(c) below.

(k)

If a Resource’s minimum operating limit is increased above the Resource’s
minimum operating limit that was used to make the commitment decision, the
increase is greater than the Resource’s Operating Tolerance and the Resource
remains dispatchable in any Dispatch Interval, any cost associated with energy
output above the Resource’s economic operating point is not eligible for recovery
for that Dispatch Interval where such cost is calculated as described under
Subsection 4(c) below.

(4)

The payment to each Asset Owner for each eligible Settlement Location for a given RUC
make whole payment eligibility period is calculated as follows:
RUC Make Whole Payment Amount =
Maximum of [Either Zero or (RUC Make Whole Payment Cost Amount in the RUC
Make Whole Payment Eligibility Period + RUC Make Whole Payment Revenue Amount
in the RUC Make Whole Payment Eligibility Period – Uninstructed Resource Deviation
Cost Disallowance – Non-Dispatchable Cost Disallowance – Minimum Limit Cost
Disallowance)]
(a)

An Asset Owner’s RUC Make Whole Payment Cost Amount for each eligible
Resource is equal the sum for all Dispatch Intervals in the RUC Make Whole
Payment Eligibility Period of (i) Start-Up Offer used to make commitment
decision, (ii) No-Load Offer used to make commitment decision, (iii) Energy cost
at minimum output as calculated from the Energy Offer Curve used to make
commitment decision, (iv) Energy cost above minimum output as calculated from
the Energy Offer Curve that applied to the current Dispatch Interval, and (v)
Operating Reserve cost associated with cleared Real-Time Operating Reserve as
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calculated from the Operating Reserve Offers except that Operating Reserve costs
associated with self-scheduled Operating Reserve where such self-schedules are
less than or equal to the amount of Operating Reserve cleared shall be set equal to
zero.
(b)

An Asset Owner’s RUC Make Whole Payment Revenue Amount for each eligible
Resource is equal the sum for all hours in the RUC Make Whole Payment
Eligibility Period of (i) revenue associated with Energy calculated by multiplying
actual Energy by Real-Time LMP (ii) the sum of the revenues calculated under
Section 8.6.2, 8.6.3 and 8.6.4 of this Attachment AE for that eligible Resource
(iii) Energy revenue associated with payments made under Section 8.6.6 of this
Attachment AE and (iv) amounts associated with settlement made under Section
8.6.15 of this Attachment AE.

(c)

An Asset Owner’s Uninstructed Resource Deviation Cost Disallowance, NonDispatchable Cost Disallowance, or Minimum Limit Cost Disallowance is equal
to the positive difference between the Resource’s Energy cost at actual output as
calculated from the Resource’s current Dispatch Interval Energy Offer Curve and
the Resource’s Energy cost at the Resource’s economic operating point as
calculated from the Resource’s current Dispatch Interval Energy Offer Curve.

(d)

A Resource’s economic operating point is the MW output where the cost on the
Resource’s current Dispatch Interval Energy Offer Curve first exceeds the RealTime LMP for that Resource.
Proposed Criteria Language Revision

N/A
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PRR Recommendation Report
MPRR
No.

233

Timeline

PRR
Day-Ahead Reliability Unit Commitment Assessment
Title
Normal
Expedited
Urgent Action
Provide explanation if Expedited and/or Urgent Action is selected:
Approve

Recommendation Action

Require additional information
Defer

Ranking

Reject

Refer

High
Yes, Estimated Cost: $33,044

Duration: 7 months

No

Impact Analysis Required

Protocol Section(s)
Requiring Revision

Type of Revision

Revision Description

Section No.: 1, 4.3.2; 4.4.1
Title: Glossary; Day-Ahead Reliability Unit Commitment; Intra-Day Reliability Unit
Commitment
Protocol Version: 23a
Correction/Clean-Up

Clarification

Design Enhancement

Design Change

SPP’s current Reliability Unit Commitment processes do not effectively handle the
transition from one operating day to the next. This has caused many instances of
resource(s) that are on-line, do not have a Day Ahead Market or Day Ahead RUC
commitment to be shut-down and a combination of ‘like’ resources and equal
MW’s to receive Intra-Day RUC commitments vs extending the resource(s)
currently on-line.
The MPRR proposes to change the assessment timeframe for the Day-Ahead
RUC process. The Day-Ahead RUC process would now have visibility into what is
currently on-line to more efficiently handle the transition from the current day to the
next operating day.
Yes – Section No: (Include a summary of impact and/or specific changes)

Tariff Implications or
Changes

Attachment AE Section 1 Definitions; Section 5.2 Day-Ahead Reliability Unit
Commitment
No
Yes – Section No: (Include a summary of impact and/or specific changes)

Criteria Impact or Changes
No
Working Group

Voting Record
Date of Vote: 2/10/2015

Vote: Unanimously Approved

Opposed: N/A
MWG

Abstained: N/A
Date of Vote: 3/17/2015
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Opposed: N/A
Abstained: N/A

ORWG

Date of Vote: 3/25/2015
Abstained: ITC
Date of Vote: 4/2/2015

Vote: Approved

MOPC

Date of Vote: 4/15/2015

Vote: Approved

Board/Members Committee

Date of Vote:

Vote:

Date

1/9/2015

Name
E-mail Address
Company
Phone Number

Terry Gates – AEP
tlgates@aep.com
AEP
614-716-6232

RTWG

Vote: Approved

Sponsor

Comment Author
Date
Comment Description
Comment Status

Comment Author
Date
Comment Description

Comment Status

Comments Received
Jim Gonzalez, SPP
1/29/2015
SPP recommends to undelete ”remainder of the Day-Ahead period and the”
because the ID-RUC will still assess the remainder of the Day-Ahead Period
following the completion of the Day-Ahead RUC.
These comments were taken into consideration by the MWG. MWG made some
language changes based on these comments at this time.

Comments Received
Micha Bailey on behalf of MWG
2/10/2015
MWG change the order of the proposed redlines for clarity. MWG wanted to put
the “remainder of the current” in front of Operating Day to let the reader know that
the Day-Ahead RUC and Intra-Day RUC run for the remainder of the current
Operating Day.
The MPRR was approved as modified in these comments. The approved
language is reflected in this recommendation report.

Proposed Protocol Language Revision

Glossary
Day-Ahead Reliability Unit Commitment (Day-Ahead RUC)
The process performed by SPP following the close of the DA Market and prior to the Operating day to
assess resource and operating reserve adequacy for the Day-Ahead period and the remainder of the
current Operating Day, commit and/or de-commit Resources as necessary, and communicate
commitment or de-commitment of Resources to the appropriate Market Participants as necessary.
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Intra-Day Reliability Unit Commitment (Intra-Day RUC)
The process performed by SPP following the completion of the DA RUC and throughout the Operating
day to assess Resource and Operating Reserve adequacy for the Operating Day, commit and/or decommit Resources as necessary, and communicate commitment or de-commitment of Resources to the
appropriate Market Participants as necessary.

4.3.2 Day-Ahead Reliability Unit Commitment
At 1700 hours or one hour following the posting of the DA Market results, whichever is later, SPP
begins the Day-Ahead RUC process to assess capacity adequacy during the Day-Ahead period and the
remainder of the current Operating Day. No later than 2000 hours or three hours following the start of
the DA RUC process, whichever is later, SPP shall communicate the results described under Section
4.3.2.3. SPP then updates the Current Operating Plan, if needed, and start-up and/or shutdown orders are
issued simultaneously for Resources other than DVERs and NDVERs for which SPP is calculating an
output forecast (these Resources are always assumed to be self-committed if available) which may be
anytime after 2000 hours.
The Day-Ahead RUC consists of four steps: (1) process RUC inputs; (2) execute RUC algorithm; (3)
evaluate and communicate RUC results; and (4) update Current Operating Plan as needed.

4.4.1 Intra-Day Reliability Unit Commitment
Following completion of the Day-Ahead RUC process, SPP performs Intra-Day RUCs at least every
four hours. Additionally, SPP continually evaluates the need for an Intra-Day RUC for the remainder of
the Day-Ahead period and the current Operating Day and the approved Day-Ahead period. and performs
additional Intra-Day RUCs at least every four hours. Consistent with the Day-Ahead RUC, these
additional Intra-Day RUCs assess capacity adequacy during the Operating Day. As soon as practicable
following completion of an Intra-Day RUC study, SPP will communicate the results described under
Section 4.4.1.3. SPP then updates the Current Operating Plan, if needed, and start-up and/or shutdown
orders to Resources other than DVERs and NDVERs for which SPP is calculating an output forecast
(these Resources are always assumed to be self-committed if available) are issued simultaneously which
may be any time after completion of an Intra-Day RUC study.
The Intra-Day RUC consists of four steps: (1) process RUC inputs; (2) execute RUC algorithm; (3)
evaluate and communicate RUC results; and (4) update Current Operating Plan as needed.
Proposed Tariff Language Revision

Attachment AE
Day-Ahead Reliability Unit Commitment (“Day-Ahead RUC”)
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The process performed by the Transmission Provider following the close of the Day-Ahead Market and
prior to the Operating Day to assess Resource and Operating Reserve adequacy for the Day-Ahead
period and the remainder of the current Operating Day, commit or de-commit Resources as necessary,
and communicate commitment or de-commitment of Resources to the appropriate Market Participants as
necessary.
Intra-Day Reliability Unit Commitment (“Intra-Day RUC”)
The process performed by the Transmission Provider following the completion of the Day-Ahead
Reliability Unit Commitment process and throughout the Operating Day to assess Resource and
Operating Reserve adequacy for the Operating Day, commit or de-commit Resources as necessary, and
communicate commitment or de-commitment of Resources to the appropriate Market Participants as
necessary.
5.2

Day-Ahead Reliability Unit Commitment
At 1700 hours Day-Ahead or one hour following the posting of the Day-Ahead Market
results, whichever is later, the Transmission Provider will begin the Day-Ahead RUC to assess
capacity adequacy during the Day-Ahead period and remainder of the current Operating Day.

6.1

Intra-Day Reliability Unit Commitment
The Transmission Provider will continually evaluate the need to execute an Intra-Day
RUC. The Transmission Provider will perform an Intra-Day RUC consistent with the timing
requirements specified in the Market Protocols. Consistent with the Day-Ahead RUC, these
Intra-Day RUCs assess capacity adequacy during the Operating Day.
Proposed Criteria Language Revision

N/A
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PRR Recommendation Report
MPRR
No.

234

Timeline

PRR
Trading Hubs and Resource Hubs
Title
Normal
Expedited

Provide explanation if Expedited and/or Urgent Action is selected:
Approve

Recommendation Action

Reject

Require additional information
Defer

Ranking

Refer

TBD
Yes, Estimated Cost: TBD

Impact Analysis Required

Protocol Section(s)
Requiring Revision

Type of Revision

Revision Description

Urgent Action

Duration:

No

SPP Staff will complete this section.
Section No.: 1; 4.2.2; 4.2.3; 4.3.1.1; 4.5.2.3; 4.5.2.3.1; 4.5.2.3.2; 4.5.5; 4.5.5.1;
5.2.2; 5.2.3; 5.3.3; 5.6.3; 7.1.1
Title: Glossary; Offer Submittal; Bid Submittal; DA Market Inputs; Settlement
Locations; Trading Hubs; Resource Hubs; Settlement Location LMPs and LMP
Components; Calculation of LMP at a Trading Hub Settlement Location; Candidate
LTCR Simultaneous Feasibility for LSEs; Candidate LTCR Simultaneous
Feasibility for non-LSEs; Simultaneous Feasibility; Monthly TCR Auction Clearing
and Simultaneous Feasibility; Day-Ahead Market System Outages
Protocol Version: 23a
Correction/Clean-Up

Clarification

Design Enhancement

Design Change

FERC Order ER13-1173-000 on 9/20/2013 rejected the Tariff modifications that
were in MPRR90. SPP believes that FERC rejected the language due to the lack
of clarification of the original MPRR versus an inappropriate design concept. This
MPRR takes another shot at modifying both Tariff and Protocol language to meet
the intent of the MWG.
The term ‘Market Hub’ is used in the Tariff, but the more granular terms ‘Trading
Hub’ and Resource Hub’ are used in the Protocols. This MPRR completely
removes the term ‘Market Hub’ and uses the specific hubs where necessary. The
approval and posting rules are separately defined for each hub type.
Yes – Section No: (Include a summary of impact and/or specific changes)

Tariff Implications or
Changes

Section 13.7 and Attachment AE Section 1.1; 3.1.1; 3.1.2; 4.1; 4.3; 7.1.1; 8.3
No
Yes – Section No: (Include a summary of impact and/or specific changes)

Criteria Impact or Changes
No
Working Group

Voting Record

Att 7bi4_MPRR 234 Recommendation Report

3/17/2015

Page 1 of 22

Date of Vote: 2/10/2015

Vote: Unanimously Approved

Opposed: N/A
Abstained: N/A
MWG

Date of Vote: 3/17/2015

Vote: Unanimously Approve RTWG’s modifications

Opposed: N/A
Abstained: N/A
RTWG

Date of Vote: 2/26/2015

Vote: Unanimously Approved with Modifications

ORWG

Date of Vote: 3/4/2015

Vote: Unanimously Approved with no reliability impact

MOPC

Date of Vote: 4/15/2015

Vote: Approved

Board/Members Committee

Date of Vote:

Vote:

Date

1/23/2015

Name
E-mail Address
Company
Phone Number

Sponsor
Nick Parker
nparker@spp.org
Southwest Power Pool
501-614-3574

Comment Author
Date

Comment Description

Comment Status

Comment Author
Date
Comment Description

Comments Received
Kevin Galke, CUS
2/5/2015
The inherent issue with having MP’s being able to create and alter hubs is that
whenever a point is added, removed, or the hub is reweighted, it impacts the value
of the hub as the underlying basket of goods changes.
Annual TCRs complicate this issue as the points become available for all parties,
not just the originating MP and the reweighting periods do not necessarily align
with the Annual TCR auction period. In the event of a third party sourcing or
sinking TCRs at one of these resource hubs, their position would change outside
of their control.
In the case of Annual TCRs there is also potential for gaming as a participant who
creates a hub, sources or sinks annual TCRs at that hub, and then alters the hub
after the award may benefit a TCR position (intentionally or unintentionally). The
only way to reasonably monitor this involves tracking the original hub nodes to
value the hub as defined when the TCR was awarded which creates undue work
on SPP.
The simplest solution is to make Resource and load hubs static once created. In
the event that a participant wishes to alter their hub, they would create a new hub
similar to the way Golden Spread handled GSPR2014HUB and GSPR2015HUB.
These comments were taken into consideration by the MWG. MWG made some
language changes based on these comments at this time.

Comments Received
Micha Bailey on behalf of MWG
2/10/2015
MWG worked off of the CUS comments and modifications to it. MWG proposed
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that Trading Hubs could be modified or deleted after it was created if the LMP at
the Hub can no longer be calculated. If the Trading Hub was modified or deleted,
then SPP will post the information within 30 days. MWG proposed that Resource
Hubs could not be modified after it was created, but could be terminated. Other
clarifying language was added.
The MPRR was approved as modified in these comments. The approved
language is reflected in this recommendation report.

Comment Status

Comment Author
Date
Comment Description
Comment Status

Comments Received
Brenda Fricano on behalf of the RTWG
2/26/2015
RTWG made clarifying changes to the Tariff.

Proposed Protocol Language Revision

1.

Glossary

Market Hub
A Resource Hub or Trading Hub.

4.2.2 Offer Submittal
Beginning seven days prior to the Operating Day, Market Participants may begin to submit
Offers for use in the DA Market and Offers for use in the RTBM. DA Market Offers may be
updated up to 1100 hours Day-Ahead and RTBM Offers may be updated 30 minutes prior to
each Operating Hour. The following business rules apply to Offer submittal:
(1)

Offers submitted for use in the DA Market are submitted independent from the Offers
submitted for use in the RTBM;

(2)

Market Participants have the option of specifying that the Offers submitted for use in the
DA Market also apply in the RTBM;
(a)

If this option is selected and a Resource has a Commitment Status of “Not
Participating” the submission will be rejected.

(3)

Submitted Resource Offers roll forward hour to hour until changed within each respective
market (DA Market and RTBM);

(4)

Offers may be submitted that vary for each hour of the Operating Day except Offer
parameters relating to unit commitment, as identified under Section 4.2.2.1, for which a
single value is submitted that rolls forward in each hour until updated;

(5)

Offers submitted for use in the RTBM are also used in the RUC processes;
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(6)

Resource Offers may only be submitted only at Resource Settlement Locations, Import
Interchange Transaction Offers may only be submitted only at External Interface
Settlement Locations; Virtual Energy Offers may be submitted at any Settlement
Location, including a Hub;

4.2.3 Bid Submittal
Beginning seven (7) days prior to the Operating Day, Market Participants are expected to begin
submitting Demand Bids and Virtual Energy Bids for the purchase of Energy in the DA Market
and/or Export Interchange Transaction Bids for the purchase of Energy in the DA Market or
RTBM. The following business rules apply to Bid submittal:
(1)

Bid submittal other than for a fixed Export Interchange Transaction Bid does not apply to
any of the RUC processes or the RTBM;

(2)

Submitted Bids do not roll forward hour to hour;

(3)

Demand Bids may only be submitted only at Load Settlement Locations, Export
Interchange Transaction Bids may only be submitted only at External Interface
Settlement Locations; Virtual Energy Bids may be submitted at any Settlement Location,
including a Hub;
Bid submittal for use in the DA Market is voluntary.
Bid submittal associated with a load pseudo-tied out of the SPP BA is not permitted.

(4)
(5)

4.3.1.1

DA Market Inputs

Inputs to the DA Market algorithm consist of:
(1)

DA Market Offers and Bids as submitted by Market Participants prior to 1100 hours DayAhead;
(a)

For Demand Bids, Virtual Energy Bids and/or Virtual Energy Offers submitted at
a Load Settlement Location that contains more than one PNode, SPP distributes
the Bid MW down to the associated PNodes using weighting factors for modeling
purposes as described under Section 4.1.2.1.6.

(b)

For Virtual Energy Bids and/or Virtual Energy Offers submitted at a Market
Trading Hub or Resource Hub Settlement Location and confirmed Interchange
Transactions submitted at an External Interface, SPP uses a common set of
weighting factors to distribute the Bid and/or Offer MWs down to PNodes
included in the Market Trading Hub, Resource Hub, or External Interface for
modeling purposes. These weighting factors are determined by SPP at the time
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the Trading Hub or External Interface is created and are not dependent upon
historical injections/withdrawals. Resource Hub weighting factors are determined
by SPP after coordinating with the requesting Market Participant.

4.5.2.3

Settlement Locations

Settlement Locations represent the next hierarchical level in the Commercial Model and have a
relationship to a single PNode or APNode. Energy supply and demand is financially settled at
the Settlement Locations based on the appropriate PNode or APNode LMP and Settlement
Location energy injection or withdrawal level. There are five (5) types of Settlement Locations:
Resource (including Pseudo-Tied Resources), Load (including Pseudo-Tied loads), Resource
Hub, Trading Hub, and Interface.

4.5.2.3.1

Trading Hubs Establishment

SPP must establish and maintain at least one Trading Hub in accordance with the criteria
specified in this Trading Hubs process. An existing Trading Hub may be modified or terminated
only in the event that existing PNodes in the commercial model change such that the LMP at that
Hub can no longer be calculated. SPP will not limit the number of Trading Hubs established at
any one time. Any Market Participant may utilize a Market Trading Hub for financial and
trading purposes in the DA Market, Real-Time Balancing Market, and/or ARR/TCR process. A
Market Trading Hub is a Settlement Location representing an aggregation of PNodes as defined
by this Trading Hubs Establishment process. The approval process for a Trading Hub as
proposed by either SPP or a Market Participant is as follows:
(1)

Submission of proposal of a Trading Hub to the MWG;

(2)

MWG review to determine if the proposed Trading Hub should be considered for further
analysis;

(3)

If approved for consideration, the Trading Hub proposal will be analyzed by SPP staff
based on the criteria listed in this Section 4.5.2.3.1;

(4)

SPP will bring back the results of the analysis at a subsequent meeting of the MWG for
review to determine a recommendation for the MOPC;

(5)

The MOPC will consider the proposed establishment, modification, or termination of a
Trading Hub and will provide its own recommendation to the SPP Board of Directors for
review and approval.
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SPP will post the identification of any approved establishment of a Market Trading Hub at least
45 days prior to the proposed effective date. The effective date of any initial Market Hub will be
consistent with the start of the TCR Market. SPP will post the identification of any modification
or termination of a Trading Hub within 30 days after SPP has determined that there is a need for
modification or termination.
SPP shall use the following criteria to establish all Market Trading Hubs:
(1)

Each Market Trading Hub shall contain a sufficient number of PNodes to ensure that a
Market Trading Hub Locational Marginal Price (LMP) can be calculated for that Market
Trading Hub at all times;

(2)

Each Market Trading Hub shall contain a sufficient number of PNodes to ensure that the
unavailability of, or an adjacent line outage to, any one PNode or set of PNodes would
have only a minor impact on the Market Trading Hub LMP;

(3)

Each Market Trading Hub shall consist of PNodes with a relatively high rate of service
availability; and

(4)

Each Market Trading Hub shall consist of PNodes among which Transmission Service is
relatively unconstrained.
A Market Trading Hub shall not encompass the combined loads and Resources of a
single vertically-integrated utility into a single Settlement Location.

(5)

SPP shall post the approved Market Hub at least 45 days prior to the proposed effective date.
Any newly aApproved establishment, modification, or termination of a Market Trading Hub will
be added to the commercial model consistent with the commercial model updates for existing
Market Participants set forth in Section 6.4, provided that the associated posting requirements
will be 45 day6 month window has been met.
4.5.2.3.21.1

Commented [NP1]: Pending MPRR228

Commented [NP2]: Pending MPRR228

Resource Hubs

A Resource Hub is a Settlement Location representing an aggregation of Resource PNodes as
defined by the Hubs Establishment process. SPP will not limit the number of Resource Hubs
established at any one time. The Resource Hub proposal may be comprised composed of any
combination of Resources PNodes that with which the requesting Market Participant
representshas affiliation, consistent with the criteria defined in the Hubs Establishment process in
Section 4.5.2.3.1. Proposals for creationthe establishment or termination of Resource Hubs shall
be submitted by the Market Participants to SPP via the SPP Market Registration Portal within the
Settlement Location update duration set forth in Appendix E. within the Settlement Location
update duration set forth in Appendix E. SPP will review and approval Resource Hubs based on
the criteria defined in this Resource Hubs process. SPP Market Monitoring Unit will review the
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Commented [NP3]: Pending MPRR228

proposed Resource Hub for consistency with the criteria defined in the Hubs Establishment
process in Section 4.5.2.3.1.SPP shall post any approved establishment of a Resource Hub at
least forty-five (45) days prior to the proposed effective date. SPP shall post any approved
termination of a Resource Hub at least six (6) months prior to the proposed effective date of the
termination which will coincide with the annual TCR auction period end.

4.5.2.3.1.2 Trading Hubs
SPP must establish and maintain at least one Trading Hub in accordance with the criteria
specified in the Hubs Establishment process in Section 4.5.2.3.1. In addition, any Market
Participant may propose the establishment of a Trading Hub through the submission of a hub
proposal to the MWG. SPP will not limit the number of Trading Hubs established at any one
time. The approval process for a Trading Hub as proposed by either SPP or a Market Participant
is as follows:
(1)

Submission of proposal of a Trading Hub via a Trading Hub proposal to the MWG;

(1)

MWG review to determine if the proposed Trading Hub should be considered for further
analysis;

(2)

If approved for consideration, the Trading Hub proposal will be analyzed by SPP staff
based on the criteria listed in 4.5.2.3.1;
SPP will bring back the results of the analysis at a subsequent meeting of the MWG for
review to determine a recommendation for the MOPCapproval or rejection of the
proposed Trading Hub;

Commented [NP4]: Pending MPRR228

The MOPC will consider the proposed establishment, modification, or deletion of a
Trading Hub and will provide its own recommendation to the SPP Board of Directors for
review and approval.

Commented [NP5]: Pending MPRR228

If approved by the MWG, the proposal will go to the MOPC for approval. If not approved by
the MWG, the Trading Hub proposal is considered rejected.

Commented [NP6]: Pending MPRR228

(3)

4.5.5 Settlement Location LMPs and LMP Components
For Settlement Locations that are associated with more than one PNode, the following
calculations are performed to calculate the Settlement Location LMPs and the associated LMP
Components. The LMPs for Settlement Locations associated with a single PNode are those
LMPs directly calculated by the DA Market software as described under Section 4.3.1.3 and the
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RTBM software as described under Section 4.4.2.3.4. All nodal LMPs are subject to the price
correction procedures described under Section 7. Resource Hub LMPs and the associated LMP
Components will be calculated using the same methodology as Trading Hubs as described in
Section 4.5.5.1.
4.5.5.1

Calculation of LMP at a Market Trading Hub Settlement Location

SPP calculates an LMP for each Market Trading Hub based on the LMPs for the set of PNodes
that comprise the Market Trading Hub. These Market Trading Hub LMPs are the weighted
average of the LMPs at the PNodes that comprise the Market Trading Hub. The weighting
factors for Market Trading Hubs are pre-determined and remain fixed as described under Section
4.3.1.1. These applicable weighting factors are applied for calculating an LMP, MCC and MLC
at a Market Trading Hub for both the DA Market and RTBM.
The LMP for Hub j is:
LMPHub j =

∑

(W k * LMP k )

∑

(W k * MCC k )

∑

(W k * MLC k )

k

The MCC for Hub j is:
MCCHub j =

k

The MLC for Hub j is:
MLCHub j =

k

Where:
(1) W k is the weighting factor for PNode k which is part of Hub j. The sum of
the weighting factors for all PNodes k must sum to 1.0;
(2) LMP k is the LMP for PNode k which is part of Hub j;
(3) MCC k is the Marginal Congestion Component of the LMP for PNode k
which is part of Hub j;
(4) MLC k is the Marginal Losses Component of the LMP for PNode k which
is part of Hub j.
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5.2.2

Candidate LTCR Simultaneous Feasibility for LSEs

A simultaneous feasibility test (SFT) is performed to determine the feasibility of all NITS
Candidate LTCRs, FPTP Candidate LTCRs, GFA NITS Candidate LTCRs and GFA FPTP
Candidate LTCRs identified as described under Section 5.1.2 for all LSEs. All LSE candidate
LTCRs are modeled as a generation injection at the source and a corresponding load withdrawal
at the sink. The feasibility analysis assures the modeling of the LSE candidate LTCRs does not
violate any normal transmission line thermal ratings under normal system conditions and does
not violate short-term Emergency transmission line thermal ratings following a single
contingency (N-1 contingency analysis). The SFT is performed consistent with the transmission
system loading analysis that is performed as part the Security Constrained Economic Dispatch
process in the DA Market and includes consideration of the impact of Parallel Flow.
(1)

5.2.3

The SPP Transmission System topology used in the SFT is the most up-to-date Network
Model.
(a)

For withdrawals at Settlement Locations containing more than one PNode, SPP
will distribute the Settlement Location withdrawal down to the PNode level using
load distribution percentages from the peak hour of the corresponding most recent
historical period (i.e. prior year peak). These load distribution percentages are
calculated using the methodology described under Section 4.1.2.1.6.

(b)

For injections at Market Resource Hubs, SPP will distribute the hub injection
down to the PNode level on a pro-rata basis using the weighting factors defined
when for the hub isResource Hubcreated.

Candidate LTCR Simultaneous Feasibility for Non-LSEs

A simultaneous feasibility test (SFT) is performed to determine the feasibility of all NITS
Candidate LTCRs, FPTP Candidate LTCRs, GFA NITS Candidate LTCRs and GFA FPTP
Candidate LTCRs identified as described under Section 5.1.2 for all non-LSEs. All non-LSE
candidate LTCRs are modeled as a generation injection at the source and a corresponding load
withdrawal at the sink. The feasibility analysis assures the modeling of the non-LSE candidate
LTCRs does not violate any normal transmission line thermal ratings under normal system
conditions and does not violate short-term Emergency transmission line thermal ratings
following a single contingency (N-1 contingency analysis). The SFT is performed consistent
with the transmission system loading analysis that is performed as part of the Security
Constrained Economic Dispatch process in the DA Market and includes consideration of the
impact of Parallel Flow.
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(1)

5.3.3

The SPP Transmission System topology used in the SFT is the most up-to-date Network
Model.
(a)

For withdrawals at Settlement Locations containing more than one PNode, SPP
will distribute the Settlement Location withdrawal down to the PNode level using
load distribution percentages from the peak hour of the corresponding most recent
historical period (i.e. prior year peak). These load distribution percentages are
calculated using the methodology described under Section 4.1.2.1.6.

(b)

For injections at Market Resource Hubs, SPP will distribute the hub injection
down to the PNode level on a pro-rata basis using the weighting factors defined
when for the hub isResource Hub created.

Simultaneous Feasibility

A simultaneous feasibility test (SFT) is performed in each round to ensure that the nominated
candidate ARRs, with nominated candidate ARR MW modeled as generation injection at the
source and a corresponding load withdrawal at the sink, do not violate any normal transmission
line thermal ratings under normal system conditions and do not violate short-term Emergency
transmission line thermal ratings following a single contingency (N-1 contingency analysis).
The SFT is performed consistent with the transmission system loading analysis that is performed
as part the Security Constrained Economic Dispatch process in the DA Market and includes
consideration of the impact of Parallel Flow. 100% of the SPP Residual Transmission System
Capability, as defined under Section 5.2.2(2), is made available during the analysis.
(1)

The SPP Transmission System topology used in the SFT is the most up-to-date Network
Model for all allocation periods, updated for planned maintenance outages.
(a)

For withdrawals at Settlement Locations containing more than one PNode, SPP
will distribute the Settlement Location withdrawal down to the PNode level using
load distribution percentages from the peak hour of the corresponding most recent
historical period (i.e. June, July, August, September, Fall, Winter and Spring).
These load distribution percentages are calculated using the methodology
described under Section 4.1.2.1.6.

(b)

For injections or withdrawals at Market Trading Hubs or Resource Hubs, SPP
will distribute the hub injection or withdrawal down to the PNode level on a prorata basis using the weighting factors defined when for the hub isTrading Hub or
Resource Hubcreated.

(c)

For GFA Carve Outs that will be nominated, an injection at the source and a
corresponding withdrawal at the sink will be included in the Annual ARR
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Allocation Process and will be subject to SFT. The capacity used in the allocation
will be the maximum allowable nomination as defined in section 5.3.2.

5.6.3

Monthly TCR Auction Clearing and Simultaneous Feasibility

The Auction is performed using a Linear Program algorithm to maximize the total TCR auction
value while ensuring that the cleared TCRs are also simultaneously feasible:
(1)

The SPP Transmission System topology used in the SFT will be the most up-to-date
Network Model, including planned maintenance outages, for the auction month;
(a)

For withdrawals at Settlement Locations containing more than one PNode, SPP
will distribute the Settlement Location withdrawal down to the PNode level using
load distribution percentages from the peak hour of the corresponding most recent
historical period (i.e. June for the month of July). These load distribution
percentages are calculated using the methodology described under Section
4.1.2.1.6.

(b)

For injections or withdrawals at Market Trading Hubs or Resource Hubs, SPP
will distribute the hub injection or withdrawal down to the PNode level on a prorata basis using the weighting factors defined when for the hub isTrading Hub or
Resource Hubcreated.

7.1.1 Day-Ahead Market System Outages
In the event that SPP is not able to solve the Day-Ahead Market resulting in no Day-Ahead
Market MCCs being produced for use in TCR settlement, SPP will use Real-Time Balancing
Market MCCs and Real-Time Balancing Market congestion dollars to settle TCRs. Settlement
of TCRs will still occur as part of the Day-Ahead Market settlement. In the event that SPP is not
able to solve the Day-Ahead Market, The Day-Ahead Market LMP, MLC, and MCP will be set
to zero. Day-Ahead Market MCCs will be replaced by hourly Real-Time Balancing Market
MCCs for the purposes of calculating the TCR Funding Amount described under Section
4.5.8.14. Resulting charges calculated under the TCR Daily Uplift Amount described under
Section 4.5.8.15 will be reversed and included as a miscellaneous adjustment and included under
the Revenue Neutrality Uplift Amount described under Section 4.5.12. This charge reversal will
allow any RTBM congestion revenue excess or shortfall amounts to be accounted for within the
Revenue Neutrality Uplift Amount.
For a Resource Settlement Location, the hourly substitute Day-Ahead MCC will be equal to the
Resource output weighted average of the Dispatch Interval MCCs for that Settlement Location in
the hour. For a load Settlement Location, the hourly substitute Day-Ahead MCC will be equal to
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the load consumption weighted average of the Dispatch Interval MCCs for that Settlement
Location in the hour. For an Interface, or a Market Trading Hub, or Resource Hub Settlement
Location, the hourly substitute Day-Ahead MCCs will be equal to the average of the Dispatch
Interval MCCs at that Settlement Location in the hour.
Day-Ahead Market Settlement of physical and virtual Energy, Operating Reserve and Bilateral
Settlement Schedules will not be performed. Settlement of physical Energy and Operating
Reserve will occur in the RTBM only and the Day-Ahead RUC process will be performed
assuming that there are no Day-Ahead Market commitments available.

Revised Proposed Tariff Language Revision

Section 13
13.7

Classification of Firm Transmission Service:
(a)
The Transmission Customer taking Firm Point-To-Point Transmission
Service may (1) change its Receipt and Delivery Points to obtain service
on a non-firm basis consistent with the terms of Section 22.1 or (2) request
a modification of the Points of Receipt or Delivery on a firm basis
pursuant to the terms of Section 22.3.
(b)

The Transmission Customer may purchase transmission service to make
sales of capacity and energy from multiple generating units that are
interconnected to the Transmission Provider's Transmission System. For
such a purchase of transmission service, the resources will be designated
as multiple Points of Receipt, unless (i) the multiple generating units are at
the same generating plant in which case the units would be treated as a
single Point of Receipt, or (ii) the generating units or plants comprise a
registered Market Resource Hub as defined in Attachment AE in which
case the units or plants also would be considered as a single Point of
Receipt.

In the event of a change in the ownership or control of

generation resources previously aggregated as a single Point of Receipt
under this provision, such generation may be disaggregated and treated as
multiple Points of Receipt, provided that all other terms of this Tariff and
the Service Agreement are met.
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Attachment AE
1.1

Definitions L

Loss Pool
A collection of either (i) Settlement Locations within a Settlement Area (a “Settlement Area Loss
Pool”), or (ii) all External Interfaces, Trading Hubs, and Market Resource Hubs located
throughout the Transmission System, that is used for the purpose of determining an Asset
Owner’s allocation of over-collected loss revenues in Sections 8.5.16 or 8.6.16 of Attachment
AE.

1.1

Definitions M

Market Hub
A Settlement Location consisting of an aggregation of Price Nodes.

1.1

Definitions R

Resource Hub
A Settlement Location consisting of an aggregation of Resource Price Nodes developed for
financial and trading purposes.

1.1

Definitions S

Settlement Location
A location of finest granularity for calculation of settlements in the Day-Ahead Market, RealTime Balancing Market, and TCR Market. The four five (45) types of Settlement Locations are:
Resource (including pseudo-tied resources), Load (including pseudo-tied loads), Market Trading
Hub, Resource Hub, and External Interface.
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1.1

Definitions T

Trading Hub
A Settlement Location consisting of an aggregation of Price Nodes developed for financial and
trading purposes.

3.1.1 MarketTrading Hub Establishment and Modification
The Transmission Provider must establish and maintain at least one Market
Trading Hub in accordance with the provisions of this section. In addition, the
Transmission Provider may establish additional Market Trading Hubs. The Transmission
Provider shall review the proposed establishment, modification or deletion termination of
a Market Trading Hub with stakeholders. The Markets and Operations Policy Committee
will consider the proposed establishment, modification, modification or deletion
termination of a Market Trading Hub and will provide its own recommendation regarding
such action to the SPP Board of Directors for review and approval. An existing Trading
Hub may be modified or deleted only in the event that the LMP at that Hub can no longer
be calculated. After the start of the Integrated Marketplace, tThe Transmission Provider
shall post any approved establishment of a Trading Hub at least forty-five (45) days prior
to the proposed effective date. The Transmission Provider shall post any modification
modification or deletion termination of a Market Trading Hub within 30 days after SPP
has determined that there is a need for modification or termination at least six (6) months
prior to the proposed effective date.
The Transmission Provider shall maintain and facilitate the use of a Market Hub
or Market Trading Hub(s) for the Day-Ahead Market and the RTBM, comprised of a set
of nodes within the SPP Balancing Authority Area, which nodes shall be identified by the
Transmission Provider on the Portal. The Transmission Provider shall use the following
criteria to establish Market Trading Hubs:
(1)
Each Market Trading Hub shall contain a sufficient number of nodes to

(2)

(3)

ensure that a Market Trading Hub Locational Marginal Price (“LMP”) can be
calculated for that Market Trading Hub at all times;
Each Market Trading Hub shall contain a sufficient number of nodes to
ensure that the unavailability of, or an adjacent line outage to, any one node or set
of nodes would have only a minor impact on the Market Trading Hub LMP;
Each Market Trading Hub shall consist of nodes with a relatively high rate of
service availability; and
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(4)

Each Market Trading Hub shall consist of nodes among which Transmission

(5)

Service is relatively unconstrained.
A Market Trading Hub shall not encompass the combined loads
and Resources of a single vertically-integrated utility into a single Settlement
Location.

3.1.2 Resource Hub Establishment
A Resource Hub is a Settlement Location representing an aggregation of
Resource Pnodes. The Transmission Provider will not limit the number of Resource
Hubs established at any one time. The Resource Hub proposal may be composed of any
combination of Resources with which the requesting Market Participant has affiliation.
Proposals for the establishment or termination of Resource Hubs shall be submitted to
The Transmission Provider by the Market Participants within the Settlement Location
update duration set forth in the Market Protocols. The Transmission Provider will review
and approve Resource Hubs based on the criteria defined in this Resource Hubs process.
The Transmission Provider shall post any approved establishment of a Resource Hub at
least forty-five (45) days prior to the proposed effective date. The Transmission Provider
shall post any approved termination of a Resource Hub at least six (6) months prior to the
proposed effective date of the termination which will coincide with the annual TCR
auction period end.
4.1

Offer Submittal
Beginning seven (7) days prior to the Operating Day, Market Participants may
begin to submit Offers for use in the Day-Ahead Market and Offers for use in the RTBM.
Day-Ahead Market Offers may be updated up to 1100 hours Day-Ahead and RTBM
Offers may be updated thirty (30) minutes prior to each Operating Hour.

Offer

submittals shall conform to the following:
(1)

Offers submitted in the Day-Ahead Market are independent from Offers
submitted in the RTBM;

(2)

Market Participants may specify that the Offers submitted in the Day-Ahead
Market also apply in the RTBM;
(a)

Such an Offer shall be rejected in the RTBM if the Market Participant has
submitted a Resource commitment status of “not participating” as
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described in Section 4.1(10)(e) of this Attachment AE and the Resource is
not participating in the Day-Ahead Market.
(3)

Submitted Resource Offers will automatically roll forward hour to hour until
changed within each respective market;

(4)

Offers may be submitted that vary for each hour of the Operating Day, except the
Offer parameters related to unit commitment as defined in the Market Protocols
for which a single value is submitted. These unit commitment Offer parameters
will automatically roll forward in each hour until updated;

(5)

Offers submitted for use in the RTBM are also used in the RUC;

(6)

Resource Offers may only be submitted at Resource Settlement Locations, Import
Interchange Transaction Offers may only be submitted at External Interface
Settlement Locations and Virtual Energy Offers may be submitted at any
Settlement Location, including a Market Hub;

7.1.1 Transmission Service Verification
In order for Eligible Entities to obtain candidate ARRs, the Transmission Provider
must first verify existing Transmission Service entitlements, including Transmission
Service entitlements that have been renewed in accordance with rollover rights since their
initial term. An Eligible Entity’s Transmission Service must span the entire monthly or
seasonal period for which ARRs are allocated to qualify for candidate ARRs in a
particular month or season.

For Transmission Service with rollover rights whose

deadline for providing notice of rollover occurs after the annual ARR verification but
before June 1, the Transmission Provider shall assume that the rollover will occur and
shall consider the Transmission Service entitlement to span the entire allocation year,
provided, however, that, if rollover rights for such Transmission Service are not exercised
by the applicable deadline, any ARRs associated with such Transmission Service shall
revert to the Transmission Provider effective on the date such Transmission Service
terminates. The Transmission Provider will verify Eligible Entity existing Transmission
Service entitlements as follows:
(1)

The following will be performed prior to each annual ARR allocation for Eligible
Entities taking Network Integration Transmission Service or Firm Point-To-Point
Transmission Service under the Tariff:
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(a)

The Transmission Provider will obtain source, sink and Reservation
Capacity information from the OASIS for each monthly and seasonal
period for which ARRs are allocated in which the Transmission Service
spans the entire period, or would if or when rolled over, for the current
annual allocation;
(i)

For a Transmission Service reservation with a source inside the
SPP Balancing Authority Area that is not a specific Resource or
Resource Market Hub, the Transmission Provider will determine
the load Settlement Location that most electrically corresponds to
the source on the Transmission Service reservation that will be
utilized as the source for candidate ARRs.

(ii)

For a Transmission Service reservation with a source outside of the
SPP Balancing Authority Area, the interface between the
Transmission Provider and the first tier Balancing Authority Area
associated with the transmission reservation will be utilized as the
source for candidate ARRs.

(iii)

For a Transmission Service reservation with a sink outside of the
SPP Balancing Authority Area, the interface between the
Transmission Provider and the first tier Balancing Authority Area
associated with the transmission reservation will be utilized as the
sink for candidate ARRs.

(b)

The Transmission Provider will provide this information to each Eligible
Entity for verification; and

(c)

Eligible Entities will notify the Transmission Provider within 2 weeks
following receipt of this information, identifying and correcting inaccurate
data on the OASIS. Otherwise, the Transmission Provider provided data
will be considered verified.

(2)

The following will be performed prior to each annual ARR allocation for the
Eligible Entity taking GFA service:
(a)

Each Transmission Owner shall register any GFA for which candidate
ARRs are to be provided to the Transmission Owner or the transmission
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customer under the GFA on the Transmission Provider’s OASIS. The
Transmission Owner must provide the Transmission Provider with source,
sink and Reservation Capacity information for each GFA on the
Transmission Provider’s OASIS by registering each GFA with the
Transmission Provider. The Transmission Provider will use source, sink,
and Reservation Capacity information from the GFA registration for each
monthly and seasonal period for which ARRs are allocated. If both parties
to the GFA are Market Participants with respect to the GFA load, then the
parties may jointly inform the Transmission Provider which Market
Participant will be allocated the candidate ARRs. If the parties to the GFA
do not so inform the Transmission Provider, or if only the Transmission
Owner that sold the GFA service is a Market Participant, then the
Transmission Owner that sold the GFA service will be allocated the
candidate ARRs associated with the GFA.
(i)

For a GFA with a source inside the SPP Balancing Authority Area
that is not a specific Resource or Resource Market Hub, the
Transmission Provider will determine the load Settlement Location
that most electrically corresponds to the source on the
Transmission Service reservation that will be utilized as the source
for candidate ARRs.

(ii)

For a GFA with a source outside of the SPP Balancing Authority
Area, the interface between the Transmission Provider and the first
tier Balancing Authority Area associated with the transmission
reservation will be utilized as the source for the candidate ARRs.

(iii)

For a GFA with a sink outside of the SPP Balancing Authority
Area, the interface between the Transmission Provider and the first
tier Balancing Authority Area associated with the transmission
reservation will be utilized as the sink for the candidate ARRs.

(b)

If the transmission customer under the GFA is receiving the candidate
ARRs, to the extent that the transmission service specified in the GFA is
identified as the equivalent of SPP Network Integration Transmission
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Service, the transmission customer under the GFA must provide the
historical peak loads being served under the GFA for the previous three
years.
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8.3

Calculation of Locational Marginal Prices, Locational Marginal Price Components,
and Market Clearing Prices
An LMP shall be calculated for each Meter Settlement Location for the DayAhead Market and RTBM and shall be calculated as the price at that location based on
the SCED and Operating Reserve clearing, the Dispatchable Resource Energy Offer
Curve, Operating Reserve Offer prices and Resource characteristics submitted by Market
Participants and data from the State Estimator. The following rules will be used in
calculating the LMPs:
(1)

LMPs are calculated by the Transmission Provider for each hour in the DayAhead Market and each Dispatch Interval in the RTBM as part of the SCED
solution described under Section 6.2.2 of this Attachment AE. In performing
these calculations, Dispatchable Resources will be eligible to set the LMP under
the following conditions:
(a)

The Dispatchable Resource must be operating below its maximum
capacity limit;

(b)

The Dispatchable Resource must be operating above its minimum capacity
limit; and

(c)

The Dispatchable Resource output must not be ramp rate constrained such
that the Dispatchable Resource cannot achieve the optimal desired
dispatch point under the economic dispatch.

(2)

The Transmission Provider shall calculate LMPs, MCCs and MLCs for use in
settlement as follows:
(a)

An LMP, MCC and MLC shall be calculated for each Meter Settlement
Location for each hour in the Day-Ahead Market and for every Dispatch
Interval in the RTBM.

(b)

The LMP, MCC and MLC for a load Settlement Location or a Demand
Response Load location with multiple Meter Settlement Locations for an
hour within the Day-Ahead Market or a Dispatch Interval within the
RTBM shall be equal to the load weighted average of LMPs calculated for
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Meter Settlement Locations aggregated to that Settlement Location or
Demand Response Load location for that hour or Dispatch Interval. The
load weights utilized in this calculation for the Day-Ahead Market shall be
based upon a historical Real-Time load calculated at each Meter
Settlement Location by the State Estimator and for the RTBM shall be
based upon the actual Real-Time load calculated at each Meter Settlement
Location by the State Estimator in that Dispatch Interval.
(c)

The LMP, MCC and MLC for a Resource Settlement Location for an hour
in the Day-Ahead Market and for a Dispatch Interval in the RTBM shall
equal the LMP, MCC and MLC calculated for that Settlement Location for
the Resource or, in the case of a Block Demand Response Resource, the
LMP, MCC and MLC calculated at the associated Demand Response
Load location.

(d)

The LMP, MCC and MLC for a Market Trading Hub Settlement Location
for an hour within the Day-Ahead Market or a Dispatch Interval within the
RTBM shall be equal to the weighted average of LMPs, MCCs and MLCs
calculated for Price Nodes within the Market Trading Hub aggregated to
that Market Trading Hub Settlement Location for that hour or Dispatch
Interval.

The weights utilized in this calculation for the Day-Ahead

Market shall be determined by the Transmission Provider, in consultation
with Market Participants, at the time the Market Hub is created.
(e)

The LMP, MCC and MLC for a Resource Hub Settlement Location for an
hour within the Day-Ahead Market or a Dispatch Interval within the
RTBM shall be equal to the weighted average of LMPs, MCCs and MLCs
calculated for Price Nodes within the Resource Hub Settlement Location
aggregated to that Resource Hub Settlement Location for that hour or
Dispatch Interval.

The weights utilized in this calculation shall be

submitted by the Market Participant at the time the Resource Hub
Settlement Location is created.
(fe)

The LMP, MCC and MLC for an External Interface Settlement Location for an hour

within the Day-Ahead Market or a Dispatch Interval within the RTBM shall be equal to the
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weighted average of LMPs, MCCs and MLCs calculated for Price Nodes within the External
Interface aggregated to that External Interface Settlement Location for that hour or Dispatch
Interval. The weights utilized in this calculation for the Day-Ahead Market and RTBM shall be
determined by the Transmission Provider at the time the External Interface is created
Revised Proposed Criteria Language Revision
N/A
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Revision Request Recommendation Report
Date: 2-27-2015

RR #: 51_MPRR238
RR Title: Regulation Deployment Clarification
SUBMITTER INFORMATION
Submitter Name: Raleigh Mohr

Company: SPP

Email: rmohr@spp.org

Phone: 501-482-2206
OBJECTIVE OF REVISION

The current implemented ramp sharing methodology allows for sharing between Energy and Regulation Up or Down Service. The
current language makes the distinction that ramp sharing only exists with Regulation Up Service. This MPRR is to clarify that
sharing exists for either product.
AGC system deploys Regulation starting with the 1st bucket. The language is updated to reflect the 1st bucket.
The revision adds Regulation-Down Service to be included in Ramp Sharing and changes the order to highest to lowest.
EXECUTIVE SUMMARY OF RECOMMENDATION
MWG recommends MOPC approved RR51_MPRR238 Regulation Deployment Clarification.

IMPACT ANALYSIS REQUIRED:

Yes

No

Estimated Cost: $

Estimated Duration:

Cost is a rough order of magnitude estimate, approx. +/-50%

Duration is a rough order of magnitude estimate, approx. +/-50%

Priority Rank for System Change:

1 – Critical

2 – High

3 – Medium

months

4 – Low
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Comment Author:
Description of Comments:
Status:
Comment Author:
Description of Comments:
Status:
PROPOSED REVISION(S) TO SPP DOCUMENTS
Business Practices

Criteria

Market Protocols
Page 2 of 4

4.1.6 Ramp Sharing
To reduce instances when ramping deficiencies across Hours in the DA Market or Dispatch Intervals in
the RTBM initiate unjustified Scarcity Pricing (i.e. Scarcity Pricing should only be initiated when there
is a capacity shortage) ramp sharing may be applied to clear sufficient amounts of Energy, RegulationUp Service, Regulation-Down Service and Spinning Reserve to meet the requirements. This is
accomplished through the use of tuning parameters within the SCED model that will allow sharing of
ramp ranging from no sharing of ramp to 100% sharing of ramp between Energy and Regulation-Up
Service, Regulation-Down Service and/or Energy and Spinning Reserve. SPP will update these tuning
parameters from time to time based upon historical system performance. If ramp sharing is applied, it
shall remain effective for all hours in the Day-Ahead Market, Reliability Unit Commitment, and RealTime Balancing Market. SPP will not implement ramp sharing in the RTBM that will result in the
inability to meet applicable NERC reliability standards and control performance requirements.
For example, if SPP institutes 20% ramp sharing between Energy and Spinning Reserve, this means that
the effective remaining Ramp Rate available for Spinning Reserve clearing is divided by (1 – 20%)
which may result in Spinning Reserve being cleared that is not 100% deployable.
Example:
Energy Ramp Rate = 10MW/min
Contingency Reserve Ramp Rate = 10 MW/Min
20 % Ramp sharing
As shown above the Energy Ramp Rate is 10 MW/min. Assuming Energy clears at 30 MW, Energy
occupies 30MW/5min or 6MW/min of the 10MW/min ramp rate available for Spinning Reserve
clearing. The remaining effective Ramp Rate available for Spinning Reserve clearing is 10 MW/min – 6
MW/min =4 MW/min which means 40 MWs of Spinning Reserve could be cleared (4MW/min * 10 min
= 40 MW) with no ramp sharing. With 20% ramp sharing, the amount of Spinning Reserve that could be
cleared is increased by dividing 40 MW by (1- 20%). This means based on 20% ramp sharing, we can
actually clear up to 40 MW / (0.8) or 50 MW of Spin.

4.4.3.3 Regulation Deployment
Regulation Deployment is limited to Resources that have cleared Regulation-Up Service and/or
Regulation-Down Service with a Control Status of “Regulating”. Regulation-Up Service and/or
Regulation-Down Service is deployed on specific Resources through Setpoint Instructions via the AGC
system. The deployment is on a pro-rata basis, based upon Regulation-Up Service and/or RegulationDown Service cleared MW and assigned priority group order. As the Intra-Day RUC is run, it will
populate the priority groups for each interval. Each of the Regulation-Up Service and Regulation-Down
Service cleared Resources will be assigned to a Regulation-Up Service and/or Regulation-Down Service
Page 3 of 4

priority group. If any Resources remain without a priority group assignment after the Intra-Day RUC is
run, then RTBM will assign these Resources to the lowest priority group. The AGC system deploys
starting with lowest highest priority group to highest lowest group in the respective direction when
regulation is needed in that direction. The number of priority groups is a configurable parameter that
may be adjusted from time to time. SPP will analyze the market operations and will recommend to the
MWG, ORWG and MOPC the number of priority groups it believes will produce the best operational
results.
Tariff (OATT)

Attachment AE
5.1.2.1 Clearing During Capacity Shortage
(1)

In the event of an Operating Reserve shortage in any hour that is not due to ramp
limitations, Scarcity Pricing shall be implemented.

(2)

In the event of a capacity shortage to meet the fixed Demand Bids and fixed firm Export
Interchange Transactions in any hour, the fixed Demand Bids and fixed firm Export
Interchange Transactions will be reduced on a pro-rata reduction basis based on the fixed
MW amounts to match the available capacity and Scarcity Pricing shall be implemented.

(3)

The Transmission Provider may implement sharing of ramping capability between
Energy and Operating Reserve product clearing to ensure, to the extent possible, that
short-term ramping deficiencies from hour to hour do not initiate Scarcity Pricing as
described in Section 8.3.4.2(2) of this Attachment AE. To the extent that ramp sharing is
implemented, it shall remain in effect in all hours of the Day-Ahead Market, in order to
clear sufficient amounts of Energy, Regulation-Up Service, Regulation-Down Service
and Spinning Reserve to meet the requirements. The Transmission Provider will not
implement ramp sharing that will result in the inability to meet applicable NERC
reliability standards and control performance requirements.

(4)

If a transmission constraint cannot be relieved due to a shortage of capacity in any hour,
the SCED algorithm will clear the bid-in demands on a pro-rata basis based upon the
impact on relieving the constraint.

Page 4 of 4

Revision Request Recommendation Report
Date: 2/27/2015

RR #: 52_MPRR239
RR Title: Federal Service Exemption Guidelines
SUBMITTER INFORMATION
Submitter Name: Micha Bailey

Company: Southwest Power Pool

Email: McBailey@spp.org

Phone: 501-688-2522
OBJECTIVE OF REVISION

MPRR 180 was written to allow Federal Service Exemptions (FSEs) to be exempted from Congestion and Losses in the Day-Ahead
Market as described by the Tariff. This was achieved by mirroring the rules and settlement process for Grandfather Agreements
(GFAs). Upon further review of FSEs, it was discovered that more clarification was needed to the rules that guide FSEs. The
settlement process will remain the same.

EXECUTIVE SUMMARY OF RECOMMENDATION
MWG recommends MOPC approve RR52_MPRR239 Federal Service Exemption Guidelines.

IMPACT ANALYSIS REQUIRED:

Yes

No

Estimated Cost: $

Estimated Duration:

Cost is a rough order of magnitude estimate, approx. +/-50%

Duration is a rough order of magnitude estimate, approx. +/-50%

Priority Rank for System Change:

1 – Critical

2 – High

3 – Medium

months

4 – Low

SPP DOCUMENTS IMPACTED
Market Protocols
Criteria
Tariff (OATT)
Business Practice

Protocol Section(s): 4.2.1.1; 4.5.3.2 Protocol Version: 25.a
Criteria Section(s):
Criteria Date:
Tariff Section(s): Attachment AE Section 8.2.3 FSE and Section 8.2.3.1 FSE Schedules
Business Practice Number:
WORKING GROUP REVIEWS AND RECOMMENDATIONS
List Primary and any Secondary/Impacted WG Recommendations as appropriate

Primary Working Group: MWG

Date: 3/18/2015
Vote: Unanimously approved

Reason for Opposition:

Secondary Working Group:
RTWG

Date: 3/25/2015
Vote: Approved with modification
Abstained: ITC
Opposed:

Reasons for Opposition:
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Secondary Working Group:
ORWG

Date: 4/2/2015
Vote: Approved
Abstained:
Opposed:

Reasons for Opposition:

MOPC

Date: 4/15/2015
Vote: Approved
Abstained:
Opposed:

Reasons for Opposition:

BOD/Member Committee

Date:
Vote:
Abstained:
Opposed:

Reasons for Opposition:

COMMENTS
Comment Author: Erin Cathey on behalf of MWG
Description of Comments: Statutory Load Obligations is a defined term in the Tariff. Updated all instances of Statutory Load, to
state Statutory Load Obligations.
Status: MWG approved modifications
Comment Author: Erin Cathey on behalf of RTWG
Description of Comments: In Attachment AE, Section 8.2.3.1, (iv): FSE Schedules – RTWG specified the type of imports to be
included, “Federal Power-Western-UGP resource”

Status:
PROPOSED REVISION(S) TO SPP DOCUMENTS
Business Practices

Criteria
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Market Protocols

4.2.1.1

Day-Ahead Market

(A) Each Market Participant with registered load must satisfy the must offer obligation for each
Asset Owner associated with that registered load as set forth in Section 4.2.1.1 based on the
following criteria:
(1)

A Market Participant’s load for an Asset Owner for purposes of this section shall be equal
to the Market Participant’s maximum hourly Reported Load for that Asset Owner for the
Operating Day. When an Asset Owner selling power under a bilateral contract has
registered the load of the Asset Owner that is buying power under the bilateral contract as
described under Section 6.2.8, the buyer’s Reported Load shall be reduced by the amount
of the buyer’s load registered by the seller and the seller’s Reported Load shall be increased
by the amount of the buyer’s load registered by the seller.

(2)

A Market Participant’s daily Operating Reserve obligation for an Asset Owner shall be
equal to the sum of that Market Participant’s maximum daily Regulation-Up Service,
Regulation-Down Service and Contingency Reserve obligation for that Asset Owner as
calculated by SPP as described in Section 4.1.3(4).

(3)

Resources submitted with a Commitment Status of Market, Self or Reliability may be used
to satisfy this requirement.

(4)

A load-serving Market Participant’s net resource capacity, for an Asset Owner for purposes
of this section shall include:
(a)

Offered capacity by Resources identified in (3) above less the Operating Reserve
obligation identified in (2) above; and

(b)

Firm Power purchases less the Firm Power sales, except that, if the seller has
registered the buyer’s load associated with a firm power sale, such firm power sale
shall not act to increase the buyer’s net resource capacity or act to reduce the seller’s
net resource capacity.
(i)

For purposes of this Section 4.2.1.1, firm power purchases and firm power
sales shall mean sales and purchases that are deliverable with service
comparable to Firm Point-To-Point Transmission Service or Firm Network
Integration Transmission Service with the supplier assuming the obligation
to provide both capacity and energy. Additionally, firm power purchases
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shall include an Asset Owner’s share of a Jointly Owned Unit to the extent
that such shares have not been registered as separate Resources either under
the JOU Individual Resource Option or the JOU Combined Resource Option
as described under Section 4.2.2.5.4.

In order to verify firm power

purchases and firm power sales, supporting documentation must be provided
to the Market Monitor upon request. Market Participants have the option to
input information regarding firm power purchases and firm power sales into
the Market Monitor website. If no information is input into this website, the
Market Monitor will contact the Market Participant for that information.
The Market Monitor may confirm the firm purchase or sale with the
counterparty and will include the transacted MWs to calculate net resource
capacity for both purchaser and seller. If one of the parties dispute the firm
purchase or sale to the Market Monitor, then the firm purchase or sale will
not be used in the calculation of either the purchaser’s or seller’s net
resource capacity.
(B) A Market Participant’s compliance with the must-offer obligation for an Asset Owner is as
follows:
(1)

A Market Participant that has offered all of its available Resources for an Asset Owner with
a Commitment Status of Market, Self, or Reliability for an hour of the Operating Day is
deemed to be compliant with the must-offer requirement for that Asset Owner for that hour
regardless of its maximum hourly Reported Load and/or Operating Reserve obligation.
(a)

A Market Participant that does not have any registered Resources for an Asset Owner
has met the must-offer requirement for that Asset Owner because it does not have any
Resources with a Commitment Status of Not Participating for that Asset Owner.

(2)

A Market Participant that does not meet the condition described in (B)(1) above for an
Asset Owner for an hour of the Operating Day, but has net resource capacity for that Asset
Owner for that hour greater than or equal to 90% of its load for that Asset Owner, as
described in (A)(1) above, is deemed to be compliant with the must-offer requirement for
that Asset Owner for that hour.

(3)

To the extent a Market Participant does not meet the conditions for an Asset Owner
described in either Section (B)(1) and (2), the Market Participant shall be deemed
noncompliant with the must-offer requirement for that Asset Owner for that hour and will
be assessed a penalty for that Asset Owner for that hour as described in Section 4.2.1.1.1.
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(4)

Resources used as the source of a GFA Carve Out or FSE must be offered, if available,
with a sufficient capacity to cover the GFA Carve Out Schedule or FSE Schedule. GFA
Carve Out or FSE treatment is only available to the extent that the Resources are offered
into the DA Market using a Commitment Status of Market, Self or Reliability. To the
extent the source is external, an Import Interchange Transaction must be submitted in the
DA Market with a sufficient capacity to cover the GFA Carve Out Schedule or FSE
Schedule.
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(C) The Market Monitor shall monitor a Market Participant’s load, Operating Reserve obligation,
offered Resources and net resource capacity, for an Asset Owner for each hour of the Operating
Day to determine whether the Market Participant has complied with the must offer obligation for
that Asset Owner set forth in Section 4.2.1.1 B.
4.5.3.2
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GFA Carve Out or FSE Schedules – Internal

The GFA Responsible Entity must submit GFA Carve Out Schedules for all of the energy actually
transacted under the GFA. These GFA Carve Out Schedules or FSE must be submitted in accordance
with the requirements of Section 4.5.3, as specifically modified in Section 4.5.3.2.
In order to be
eligible for FSEs, Western-UGP Federal Hydro Resources must be submitoffered and cleared in the
Day-Ahead Market. Western-UGP must submit the FSE Schedules for all of the Federal Resources and
Statutory Load Obligations of the energy actually transacted under the FSEaccording to the rules
described below.
(1)

Western-UGP must submit an FSE Schedule for Resources used as the source of an FSE that is
equal to the lesser of (i) Resource cleared amount in the Day-Ahead Market or (ii) the actual
submitted Meter output of the Resource in Real-Time.

(2)

Western-UGP must submit an FSE Schedule for Statutory Load Obligations of an FSE that is
equal to the lesser of (i) Statutory Load Obligations that is cleared in the Day-Ahead Market or
(ii) Statutory Load Obligations’ share of actual submitted Meter output of the Resource in RealTime minus the losses as described in the SPP Tariff.

(3)

The sum of the FSE Schedule for Resources plus Imports excluding the losses as described in the
SPP Tariff will not be greater than the FSE Schedule for Statutory Load Obligations plus
Exports.

These GFA Carve Out Schedules or FSE must be submitted in accordance with the requirements of
Section 4.5.3, as specifically modified in Section 4.5.3.2. If no energy is transacted under the GFA or
FSE, then no schedule is required and no GFA Carve Out or FSE treatment will be provided. Up to four
(4) DA Market GFA Carve Out or FSE Schedules for energy may be required for each GFA Carve Out
or FSE transaction:
(1)
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GFA Carve Out or FSE Schedule #1
(a) Seller: MP responsible for the source
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(2)

(3)

(4)

(b) Buyer: GFA Responsible Entity or Western-UGP
(c) Settlement Location: Source Settlement Location of the GFA or FSE transmission service
GFA Carve Out or FSE Schedule #2
(a) Seller: GFA Responsible Entity or Western-UGP
(b) Buyer: GFA Carve Out or FSE account
(c) Settlement Location: Source Settlement Location of the GFA or FSE transmission service
GFA Carve Out or FSE Schedule #3
(a) Seller: GFA Carve Out or FSE account
(b) Buyer: GFA Responsible Entity or Western-UGP
(c) Settlement Location: Sink Settlement Location of the GFA or FSE transmission service
GFA Carve Out or FSE Schedule #4
(a) Seller: GFA Responsible Entity or Western-UGP
(b) Buyer: MP responsible for the sink
(c) Settlement Location: Sink Settlement Location of the GFA or FSE transmission service

If the Market Participant that is responsible for the source is the same as the GFA Responsible Entity or
is Western-UGP, then #1 above does not apply. If the Market Participant that is responsible for the sink
is the same as the GFA Responsible Entity or is Western-UGP, then #4 above does not apply. The seller
receives an increase in load obligation equal to the specified MW amount and the buyer receives a
reduction in load obligation equal to the transacted MW amount at the specified Settlement Location.
These Schedules will be settled at DA Market prices.
The GFA Responsible Entity or Western-UGP is responsible to ensure the consistency of the GFA
Carve Out or FSE Schedules. The Market Monitor will monitor for gaming by GFA or FSE customers
and such instances will be reported to the Commission’s Office of Enforcement, or its successor
organization.
The Transmission Provider shall publish a quarterly report listing the costs allocated to the market
caused by the associated GFA Carve Outs or FSE. The report should also provide hourly and monthly
deviations associated with the GFA Carve Out or FSE Schedules.
The FSE Schedule representing a Resource will include provision of physical losses. The FSE Schedule
representing a load will not include the physical losses.
4.5.3.3
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GFA Carve Out or FSE Schedules – External

In addition to 4.5.3.2, if the source or sink of the energy receiving GFA Carve Out or FSE treatment is
external to the SPP BA, a Fixed Interchange Transaction must be submitted and confirmed in the DA
Market with sufficient capacity to cover the GFA Carve Out or FSE Schedule. The GFA Responsible
Entity will ensure the values of the GFA Carve Out Schedules are equal to the lesser of the Day-Ahead
cleared MW volume, energy actually transacted under the GFA or the Real-Time hourly Interchange
Transaction MW volume. Western-UGP will ensure the values of the FSE Schedules are equal as
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described belowto the lesser of the Day-Ahead cleared MW volume, energy actually transacted under
the FSE or the Real-Time hourly Interchange Transaction MW volume.
(1)

Western-UGP must submit an FSE Schedule for Interchange Transaction MWs used as the
source of an FSE that is lesser than or equal to the lesser of (i) Asset Owner’s cleared Import
quantity in the Day-Ahead Market or (ii) Asset Owner’s cleared Import quantity in the RealTime Balancing Market.

(2)

Western-UGP must submit an FSE Schedule for Interchange Transaction MWs of an FSE that is
lesser than or equal to the lesser of (i) Asset Owner’s cleared export quantity in the Day-Ahead
Market or (ii) Asset Owner’s cleared export quantity the Real-Time Balancing Market.

Tariff (OATT)

Attachment AE
8.2.3 FSE
Western-UGP shall not be charged for the cost of congestion and marginal losses for actual energy
(MWh) transacted from Federal Power-Western-UGP resources across the UMZ to Western-UGP’s
Statutory Load Obligations as stated in Section 39.3(e)(ii) of this Tariff.
(a) FSE treatment is only available to the extent that the Resources are offered and cleared into
the Day-Ahead Market using a commitment status as described in Section 4.1(10) (a) or (b)
of this Attachment AE. To the extent a Federal Power-Western-UGP resource is external to
the Energy and Operating Reserve Markets, an Import Interchange Transaction must be
submitted and cleared in the Day-Ahead Market with sufficient capacity to cover the FSE
Schedule.
(b) The Transmission Provider will remove charges for cost of congestion and cost of marginal
losses from the Settlement Statement as provided in Section 10.1(5) of Attachment AE, only
if Western-UGP submits a FSE Schedule and E-Tag (if applicable) according to the
procedures specified in Section 8.2.3.1 of Attachment AE for the Day-Ahead Market for the
FSE transaction, consistent with the FSE Settlement Locations, and within the maximum
MW capacity permissible under the FSE. Western-UGP must update the FSE Schedule after
the close of the Day-Ahead Market with the lesser of (i) the cleared amount in the DayAhead Market or (ii) actual energy transacted that corresponds to the FSE.
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(c) The Transmission Provider shall account for the FSE in the TCR Markets, but shall not
allocate ARRs or assign TCRs to Western-UGP for a FSE.
(d) Western-UGP is responsible for coordinating the FSE Schedule data and ensuring the
consistency of the FSE Schedules. The Market Monitor will monitor FSE Schedules in
accordance with Section 4.6 of Attachment AG of this Tariff.
(e) The FSE Schedule associated with a Federal Power-Western-UGP resource will include
provision of physical losses in accordance with Attachment M of this Tariff. The FSE
Schedule associated with Statutory Load Obligations will not include the physical losses.
8.2.3.1 FSE Schedules
Western-UGP shall create FSE Schedules for all energy transacted under the FSE, as described
in the Market Protocols. For FSE Schedules, Western-UGP shall submit:
(i) FSE Schedules for the Resource Settlement Location within the Energy and Operating
Reserve Markets.;
(a) The FSE Schedule for the Resource shall be equal to the lesser of (1) the
cleared amount in the Day-Ahead Market or (2) the submitted Meter in RealTime.
(ii) FSE Schedules for the Load Settlement Location or FSE Transfer Point within the
Energy and Operating Reserve Markets.;
(a) The FSE Schedule for Statutory Load Obligations shall be equal to the lesser
of (1) the cleared amount in the Day-Ahead Market or (2) the submitted Meter in
Real-Time.
and (iii) Aan E-Tag for FSE transactions with Resource Settlement Location or Load
Settlement Location external to the Energy and Operating Reserve Markets.
(a) The FSE Schedule for an import shall be equal to the lesser of (1) Asset
Owner’s cleared import quantity in the Day-Ahead Market or (2) Asset Owner’s
cleared import quantity in Real-Time.
(b) The FSE Schedule for an export shall be equal to the lesser of (1) Asset
Owner’s cleared export quantity in the Day-Ahead Market or (2) Asset Owner’s
cleared export quantity in Real-Time.
(iv) The sum of the FSE Schedule for Resources plus Federal Power-Western-UGP
resource imports excluding the losses submitted as described in Attachment M of the
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Tariff will not be greater than the FSE Schedule for Statutory Load Obligations plus
exports.
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Southwest Power Pool, Inc.
Market and Operations Policy Committee
Recommendation to the Board of Directors
MPRR 240
April 28, 2015

Organizational Roster
The following members represent the Market Working Group:
Richard Ross, AEP, Chairman
Gene Anderson, OMPA, Vice Chairman
Shawn McBroom, OGE
Lee Anderson, Lincoln Electric System
Amber Metzker, Xcel Energy
Neal Daney, KMEA
Jim Flucke, KCPL
Clifford Franklin, Westar Energy, Inc.
Kevin Galke, City Utilities, Springfield, MO
Chris Lyons, Constellation Energy Commodities Group
Rick McCord, EDE
Matt Moore, Golden Spread Electric Cooperative
Aaron Rome, Midwest Energy, Inc.
Ann Scott, Tenaska Power Services Co.
Ron Thompson, NPPD
Bruce Walkup, AECC
Rick Yanovich, OPPD
Valerie Weigel, Basin Electric Power Co.
Background
Please see the MPRR Recommendation Report for MPRR 240 that was included in the MOPC April 14-15, 2015
background materials.
Analysis
Please see the MPRR Recommendation Report for MPRR 240 that was included in the MOPC April 14-15, 2014
background materials.
Action Requested: Approval of MOPC’s request on MPRR 240
Recommendation
The MOPC recommends that the BOD approve its request regarding Revision Requests.

Att 7bii_MWG-RR53-MPRR Recommendations MPRR 240
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APPROVAL: MOPC
April 14-15, 2015
Passed with four abstentions-ITC Great Plains, Midwest Gen, LLC. CUS, NPPD

RR_MPRR
Number
53_240

Description
Calibration Clarification with
Statutory Load

MWG Meeting
Vote

RTWG Meeting
Vote

ORWG Meeting
Vote

4/1/2015 – Approved
AEP – opposed
OGE, Xcel, CUS and
Midwest – abstain

To be reviewed

To be reviewed

Att 7bii_MWG-RR53-MPRR Recommendations MPRR 240
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Revision Request Recommendation Report
Date: 4/1/2015

RR #: RR53_MPRR240
RR Title: Calibration Clarification with Statutory Load
SUBMITTER INFORMATION
Submitter Name: Micha Bailey

Company: Southwest Power Pool

Email: mcbailey@spp.org

Phone: 501-688-2522
OBJECTIVE OF REVISION

The Real-Time Reported Meter Amount for Statutory Load Obligations from Western-UGP is based on the Day-Ahead committed
Load and is not an actual meter reading. Therefore, there are no meter error or calibration adjustments for Statutory Load
Obligations.
Calibration is not applicable to the Statutory Load Obligations. Calibration can be applied to the remaining portion of the WesternUGP Load that is not part of the Statutory Load Obligations.
This MPRR will add new language to exempt Western-UGP Load from Calibration.
EXECUTIVE SUMMARY OF RECOMMENDATION
MWG recommends MOPC approve RR53_MPRR240 Calibration Clarification with Statutory Load pending the RTWG and
ORWG review.

IMPACT ANALYSIS REQUIRED:

Yes

No

Estimated Cost: $15,040

Estimated Duration: 4 months

Cost is a rough order of magnitude estimate, approx. +/-50%

Duration is a rough order of magnitude estimate, approx. +/-50%

Priority Rank for System Change:

1 – Critical

2 – High

3 – Medium

4 – Low

SPP DOCUMENTS IMPACTED
Market Protocols
Criteria
Tariff (OATT)
Business Practice

Protocol Section(s): 4.5.9.1
Protocol Version: 26a
Criteria Section(s):
Criteria Date:
Tariff Section(s): Attachment AE Section 8.6.1.1 Adjustments to Reported Load
Business Practice Number:
WORKING GROUP REVIEWS AND RECOMMENDATIONS
List Primary and any Secondary/Impacted WG Recommendations as appropriate

Primary Working Group: MWG

Date: 4/1/2015
Vote: Approved
Abstained: OGE, Xcel, CUS and Midwest
Opposed: AEP
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Reason for Opposition:
Richard Ross (AEP) I opposed MPRR240 regarding the exemption of portions of “co-served load” because the
changes outlined in the RR are not necessary to accomplish the stated business objective. If the metered load were all
reported under a single settlement location the federal energy deliveries could then be facilitated through the use of a
Bilateral Settlement Schedule. This seems logical given the FSE related carve out from congestion and losses provided
for to such deliveries, I understand, will already going to require the use of BSS. Such an approach can be
accomplished through the existing systems and will not require a shifting of calibration to other loads in the
zone. Although not stated in the original proposal, it was learned during the meeting that there are other business
terms/issues this would address for WAPA & their customers. It is unclear if these additional unwritten issues could be
addressed through the use of BSS or other existing market features; but the stated/written objective can be addressed
with the existing systems. Additionally, I oppose the selective application of this co-serve load and disaggregation of
transmission service to certain customers and not all customers. Even without this requested exemption, these options
should be provided to other network loads to facilitate their existing bilateral contracts participation in the
market. Historically, SPP has refused such requests made on behalf of customers in other zones.

Secondary Working Group:

Date:
Vote:
Abstained:
Opposed:

Reasons for Opposition:

Secondary Working Group:

Date:
Vote:
Abstained:
Opposed:

Reasons for Opposition:

Secondary Working Group:

Date:
Vote:
Abstained:
Opposed:

Reasons for Opposition:
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Date: 4/15/2015

MOPC

Vote: Approved
Abstained: ITC Great Plains, Midwest Gen, CUS, NPPD, MJMEUC
Opposed:
Reasons for Opposition:

BOD/Member Committee
Recommendation:

Date:
Vote:
Abstained:
Opposed:

Reasons for Opposition:

COMMENTS
Comment Author:
Description of Comments:
Status:
Comment Author:
Description of Comments:
Status:
PROPOSED REVISION(S) TO SPP DOCUMENTS
Market Protocols

4.5.9.1
(1)

Real-Time Asset Energy Amount
The Real-Time Asset Energy Amount can be either a credit to an Asset Owner or a
charge to an Asset Owner and is calculated on a net basis at each Settlement Location for:
(a)

The difference between actual metered supply MWh amounts in a Dispatch
Interval and cleared Resource Offers in the DA Market;

(b)

The difference between actual metered demand MWh amounts in a Dispatch
Interval and all cleared Demand Bids in the DA Market; and
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(c)

Real-Time Bilateral Settlement Schedules for Energy in a Dispatch Interval.

The net amount to each Asset Owner (AO) for each Settlement Location in a Dispatch Interval is
calculated as follows:
#RtEnergy5minAmt a, s, i = RtLmp5minPrc s, i
* [ (RtBillMtr5minQty a, s, i - DaClrdHrlyQty a, s, h )

-

∑

RtEnFinHrlyQty

a, s, t, h

] / 12

t

Where,
(a)

The 5-minute billable meter determinant at the Settlement Location level is the
sum of the 5-minute billable meter determinants at the Meter Data Submittal
Location level as shown in the formula below. Most Settlement Locations will be
comprised of only one Meter Data Submittal Location, but in certain cases a
single Settlement Location will represent multiple Meter Data Submittal
Locations, each of which is in a separate Settlement Area. Since the calibration
function must be performed within Settlement Area boundaries, it is done before
summing the data to the Settlement Location level. The 5-minute determinants
are expressed in terms of levelized MW at both the Settlement Location and
Meter Data Submittal Location level.

RtBillMtr5minQty a, s, i =

∑

RtMlBillMtr5minQty a, ml, i

ml

(b)

The 5-minute billable meter determinant at the Meter Data Submittal Location
level is the sum of the 5-minute adjusted meter determinant and the 5-minute
calibration meter determinants at the Meter Data Submittal Location level as
shown in the formula below. Both 5-minute determinants are expressed in terms
of levelized MW.
RtMlBillMtr5minQty a, ml, i =
RtAdjMtr5minQty
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a, ml, i

+ RtCalMtr5minQty

a, ml, i

(c)

For Resource and load assets, the 5-minute adjusted meter determinant is a
hierarchal selection among 1) 5-minute submitted actual meter reading, 2)
profiled hourly submitted actual meter reading and 3) default 5-minute state
estimator value. Registration records whether 5-minute or hourly meter data
submittals are selected. The methodologies are mutually exclusive for any given
period. Market Participants who choose to submit their actual hourly meter
reading into 5-minute intervals must use a profiling method consistent with the
method described below using a data source as described in Appendix D Section
10.1.1. Under the Marginal Loss approach, it is assumed that meter submissions,
with the exception of those with a “top-down load” relationship to the Settlement
Area – generally those for which a top-down calculation is used – are net of
transmission losses. Losses will be backed out of load submittals for the “topdown load”.
For Demand Response Resources, the hierarchy is the same for submitted data,
but instead of defaulting to the State Estimator data, the Resource output is
calculated as the maximum of zero or the difference between (i) and (ii) below. If
the baseline hourly load profile of the DRL was not submitted, the State Estimator
snapshot will be used for this value in (i) below.
(i)
The minimum of (1) the hourly baseline load profile of the DRL submitted
for the Demand Response Load, or (2) the State Estimator snapshot for the
Demand Response Load for the 5 minute interval immediately preceding
the first dispatch interval (i = -1)
(ii)
The Adjusted Meter Quantity for the DRL for each 5 minute interval.
Registration records whether meter submittals are permitted or if the Demand
Response resource must rely solely on the calculated resource output. For loads
in which a Demand Response Resource is imbedded within a Settlement
Location, the response is added to the load meter data “grossing-up” the MW to
avoid introducing deviation between DA Market cleared Energy and the billable
meter quantity. 5-minute adjusted meter, state estimator, SCADA and gross-up
determinants are expressed in terms of levelized MW and both hourly and 5minute submitted actual determinants are in terms of MWh. The formula for
the 5-minute adjusted meter determinant is shown below.
IF EXISTS { RtActMtr5minQty

a, ml, i

#RtAdjMtr5minQty a, ml, i =

Page 5 of 16

} THEN

RtActMtr5minQty a, ml, i * 12 + RtLoadGrossUp5minQty

a, s, ml, i

- {IF TOPDOWNLOAD(ml) THEN RtSELoss5minQty sa, i , ELSE 0 }
ELSE
IF EXISTS { RtActMtrHrlyQty

a, ml, h

} THEN

#RtAdjMtr5minQty a, ml, i = RtSE5minQty
+ { ( RtActMtrHrlyQty

a, ml, h

a, ml, i

- ∑ RtSE5minQty

a, ml, i

/ 12)

i

* {IF (

∑

ABS (RtSE5minQty a, ml, i ) > 0 THEN [ABS (RtSE5minQty a, ml,

i

i)

/

∑

ABS ( RtSE5minQty a, ml, i ) ], ELSE 1 /12 } * 12 }

i

+ RtLoadGrossUp5minQty a, s, ml, i
- { IF TOPDOWNLOAD(ml) THEN RtSELoss5minQty sa, i , ELSE 0 }
ELSE
IF { DRR } THEN
#RtAdjMtr5minQty a, ml, i =
MAX [( MIN ( RtBaseLineHrlyQty a, ml(drl) , h , RtSE5minQty a, ml(drl),

i = -1

)

– RtAdjMtr5minQty a, ml(drl), i ) , 0 ] * (-1)
ELSE
#RtAdjMtr5minQty a, ml, i =
RtSE5minQty a, ml, i + RtLoadGrossUp5minQty
(d)

a, s, ml, i

The 5-minute load gross-up determinant is the inverse of the 5-minute adjusted
meter determinant for the Demand Response resource which is behind the meter
of the load. The 5-minute load gross-up determinant is expressed in terms of
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levelized MW. The formula for the 5-minute load gross-up determinant is shown
below.
RtLoadGrossUp5minQty a, s, ml, i =

∑

RtAdjMtr5minQty a, ml(drr), i * (-1)

ml (drr )

(e)

The 5-minute calibration meter determinant is the hourly quantity, profiled by
State Estimator data into 5-minute intervals as shown in the formula below. The
5-minute calibration meter determinant is expressed in terms of levelized MW.
The formula for the 5-minute calibration meter determinant is shown below.
#RtCalMtr5minQty a, ml, i =
If RtCalMtrHrlyQty

a, ml, h

=0

THEN 0
ELSE
RtSE5minQty a, ml, i

+ { (RtCalMtrHrlyQty a, ml, h -

∑

RtSE5minQty a, ml, i / 12)

i

* {IF

∑

ABS(RtSE5minQty a, ml, i > 0 THEN [ ABS(RtSE5minQty

a, ml, i

i

)/

∑

ABS(RtSE5minQty

a, ml, i

) ] , ELSE 1/12} * 12 }

i

(f)

The hourly calibration meter determinant is the weighted distribution of
Settlement Area residual among load in the Settlement Area (excluding Resources
and load pseudo-tied into SPP, but not accounted for in the submittal of
interchange of any Settlement Area). The hourly calibration meter determinant is
expressed in terms of levelized MW. The Statutory Load Obligations in WesternUGP will be exempted from calibration. The formula for the hourly calibration
meter determinant is shown below.
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IF IsPsgiPsli (ml)
THEN
#RtCalMtrHrlyQty a, ml, h = 0
ELSE
#RtCalMtrHrlyQty

a, ml, h

= RtResMtrHrlyQty

sa, h

* [ MAX ( ( ( 1 – AoIsExemptLoadDlyFlg a, ml, d ) * RtAdjMtrHrlyQty sa, a,
ml, h ) , 0 )

/

∑

MAX ( ( ( 1 – AoIsExemptLoadDlyFlg a, ml, d ) * RtAdjMtrHrlyQty

ml

sa, a, ml, h

(g)

),0)]

The hourly adjusted meter determinant is the sum of the 5-minute adjusted meter
determinant divided by 12. The hourly adjusted meter determinant is expressed in
terms of levelized MW. The formula for the hourly adjusted meter determinant is
shown below.
#RtAdjMtrHrlyQty a, ml, h =

∑

RtAdjMtr5minQty a, ml, i / 12

i

(h)

The hourly residual load determinant is the net difference between generation &
load (excluding Resources and load pseudo-tied into SPP, but not accounted for in
the submittal of interchange of any Settlement Area), interchange and losses per
Settlement Area. Hourly Net Actual Interchange is derived as the sum of the
hourly metering submitted for aggregate ties between interconnected Settlement
Areas. Missing tie values are replaced with State Estimator values. The hourly
residual determinant is expressed in terms of levelized MW. The formula for the
hourly residual load determinant is shown below.
RtResMtrHrlyQty sa, h = (

∑ ∑
a

ml

RtAdjMtrHrlyQty sa ,a, ml, h }
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{ IF IsPsgiPsli (ml) THEN 0 ELSE

+ RtSaNetActIchngHrlyQty

sa, h

+

∑

RtSELoss5minQty sa, i / 12) * (-1)

i

(2) For each Asset Owner, an hourly amount is calculated at each Settlement Location. The
amount is calculated as follows:

∑

RtEnergyHrlyAmt a, s, h =

RtEnergy5minAmt a, s, i

i

(3) For each Asset Owner, a daily amount is calculated at each Settlement Location. The
amount is calculated as follows:
RtEnergyDlyAmt a, s, d =

∑

RtEnergyHrlyAmt a, s, h

h

(4) For each Asset Owner associated with Market Participant m, a daily amount is calculated.
The daily amount is calculated as follows:
RtEnergyAoAmt a, m, d =

∑

RtEnergyDlyAmt a, s, d

s

(5) For each Market Participant, a daily amount is calculated representing the sum of Asset
Owner amounts associated with that Market Participant. The daily amount is calculated as
follows:
RtEnergyMpAmt m, d =

∑

RtEnergyAoAmt a, m, d

a

(6) For FERC Electric Quarterly Reporting (EQR) purposes, SPP calculates net Dispatch
Interval sales volume in excess of DA Market amounts and associated prices and calculates
net Dispatch Interval purchases when Real-Time sales volume less than DA Market sales
volume and associated prices that are associated with this Charge Type for each Asset Owner
as follows:
(a)

#EqrRtAssetEnergy5minQty a, s, i =
Max ( 0, -1 * [ (RtBillMtr5minQty a, s, i - DaClrdHrlyQty
-

∑

RtEnFinHrlyQty

a, s, t, h

] / 12)

t
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a, s, h

)

+
{ IF #EqrDaAssetEnergyHrlyQty

a, s, h

> 0 THEN

Min ( 0, -1 * [ (RtBillMtr5minQty a, s, i - DaClrdHrlyQty
-

∑

RtEnFinHrlyQty

a, s, t, h

] / 12) }

t

(b)

IF #EqrRtAssetEnergy5minQty
THEN

a, s, i

<>0

#EqrRtAssetEnergy5minPrc a, s, i = RtLmp5minPrc s, i
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a, s, h

)

The above variables are defined as follows:
Variable

Unit

Settlement
Interval

Definition

$

Dispatch
Interval

$/MW

Dispatch
Interval

DaClrdHrlyQty a, s, h

MWh

Hour

RtBillMtr5minQty a, s, i

MW

Dispatch
Interval

RtActMtr5minQty a, ml, i

MWh

Dispatch
Interval

RtActMtrHrlyQty a, ml, h

MWh

Hour

RtMlBillMtr5minQty

MW

Dispatch
Interval

MW

Dispatch
Interval

Real-Time Energy Amount per AO per Settlement Location per
Dispatch Interval - The amount to AO a for deviations between RealTime actual Energy amounts and net cleared energy offers and bids at
Settlement Location s for the Dispatch Interval i.
Real-Time LMP - The RTBM LMP at Settlement Location s for
Dispatch Interval i.
Day-Ahead Cleared Energy Quantity per AO per Settlement Location
per Hour in the DA Market – The value described under Section
4.5.8.1.
Real-Time Billing Meter Quantity per AO per Settlement Location per
Dispatch Interval - The Dispatch Interval metered quantities for AO a
Resources and load at Settlement Location s in Dispatch Interval i used
by SPP for settlement purposes.
Real-Time Actual Meter Quantity per AO per Meter Data Submittal
Location per Dispatch Interval - The Dispatch Interval metered
quantity, in MWh, for AO a’s Resources and load directly submitted by
the Market Participant.
Real-Time Actual Meter Quantity per AO per Meter Data Submittal
Location per Hour - The hourly metered quantity, in MWh, for AO a’s
Resources and load directly submitted by the Market Participant.
Real-Time Billing Meter Quantity per AO per Meter Data Submittal
Location per Dispatch Interval - The Dispatch Interval
RtAdjMtr5minQty a, ml, i quantities adjusted to account for calibration
Energy for AO a load at Meter Location ml in Dispatch Interval i.
Real-Time Calibration Meter Quantity per AO per Meter Data
Submittal Location per Dispatch Interval - The Dispatch Interval
calibration quantities calculated by SPP for AO a at load at Meter Data
Submittal Location ml in Dispatch Interval i.

RtEnergy5minAmt

RtLmp5minPrc

a, s, i

s, i

RtCalMtr5minQty

a, ml, i

a, ml, i
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MWh

Hour

AoIsExemptLoadDlyFlg a, ml, d

None

None

RtLoadGrossUp5minQty a, s, ml, i

MW

Dispatch
Interval

RtSE5minQty

MW

Dispatch
Interval

RtBaseLineHrlyQty a, ml(drl), h

MWh

Hour

RtSELoss5minQty

sa, i

MW

Dispatch
Interval

RtResMtrHrlyQty

sa, h

MWh

Hour

None

None

MWh

Hour

RtCalMtrHrlyQty

a, ml, h

a, ml, i

IsPsgiPsli (ml)

RtSaNetActIchngHrlyQty

sa, h

Real-Time Calibration Meter Quantity per AO per Meter Settlement
Location per Hour- The Dispatch Interval calibration Energy quantities
calculated by SPP for AO a at load at Meter Data Submittal Location
ml in Hour h.
Asset Owner Load is Exempt from Calibration Flag per AO per MDSL
per Operating Day. – This flag is set to 1 when the Asset Owner has
Load that is exempt from Calibration.
Real-Time Load Gross Up per AO per Meter Settlement Location per
Dispatch Interval - The Dispatch Interval load gross up associated
with a Demand Response Reserve for AO a at load Meter Data
Submittal Location ml associated with Settlement Location s in
Dispatch Interval i.
Real-Time State Estimator Quantity per AO per Meter Data Submittal
Location per Dispatch Interval - The Dispatch Interval State Estimator
value for AO a at Meter Data Submittal Location ml in Dispatch
Interval i.
Real-Time Base Line Load Quantity per AO per Demand Response
Load Meter Data Submittal Location per Hour – The estimated
consumption value associated with AO a’s Demand Response Load as
submitted prior to Operating Hour h.
Real-Time State Estimator Losses per AO per Settlement Area per
Dispatch Interval - The Dispatch Interval State Estimator total losses
value for Settlement Area sa in Dispatch Interval i.
Real-Time Residual Load per Settlement Area per Hour - The hourly
Residual Load for Settlement Area sa in Hour h.
A Logical operation of the Meter Data Submittal Location to determine
if it is of type PSGI or PSLI – a Resource or load pseudo-tied into
SPP, but not accounted for in the submittal of interchange of any
Settlement Area
Real-Time Net Actual Interchange per Settlement Area per Hour - The
sum of hourly actual interchange values submitted for Settlement Area
sa in Hour h.

Page 12 of 16

RtAdjMtr5minQty a, ml, i

MW

Dispatch
Interval

RtAdjMtrHrlyQty

MWh

Hour

MWh

Hour

$

Hour

RtEnergyDlyAmt a, s, d

$

Operating
Day

RtEnergyAoAmt

$

Operating
Day

$

Operating
Day

RtEnFinHrlyQty

sa, a, ml, h

a, s, t, h

RtEnergyHrlyAmt

a, s, h

a, m, d

RtEnergyMpAmt m, d

Real-Time Adjusted Actual Meter Quantity per AO per Meter Data
Submittal Location per Dispatch Interval - The Dispatch Interval
metered quantity, in MW, for AO a’s Resources and load calculated by
SPP to account for load adjustments related to Demand Response
Resources and to calculate a default value if RtActMtrHrlyQty a, ml, h
or RtActMtr5minQty a, ml, i is not submitted.
Real-Time Adjusted Actual Meter Quantity per AO per Meter Data
Submittal Location per Hour - The hourly metered quantity, in MWh,
for AO a’s Resources and load calculated by SPP to account for load
adjustments related to Demand Response Resources and to calculate a
default value if RtActMtrHrlyQty a, ml, h or RtActMtr5minQty a, ml, i
is not submitted for AO a at Meter Data Submittal Location ml in
Settlement Area sa in Hour h.
Real-Time Asset Bilateral Settlement Schedule for Energy per AO per
Settlement Location per Transaction per Hour - The amount specified
by the buyer AO and seller AO in a RTBM Bilateral Settlement
Schedule for Energy at Asset Settlement Location s, for transaction t,
for the Hour. The buyer AO amount is a positive value and the seller
AO amount is a negative value.
Real-Time Energy Amount per AO per Settlement Location per Hour The amount to AO a for deviations between Real-Time actual Energy
amounts and net cleared energy offers and bids at Settlement Location
s for the Hour.
Real-Time Energy Amount per AO per Settlement Location per
Operating Day - The amount to AO a for deviations between RealTime actual Energy amounts and net cleared energy offers and bids at
Settlement Location s for the Operating Day.
Real-Time Energy Amount per AO per Operating Day - The amount to
AO a associated with Market Participant m for deviations between
Real-Time actual Energy amounts and net cleared energy offers and
bids for the Operating Day.
Real-Time Energy Amount per MP per Operating Day - The amount to
MP m for deviations between Real-Time actual Energy amounts and
net cleared energy offers and bids for the Operating Day.
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EqrRtAssetEnergy5minQty

a, s, i

MWh

Dispatch
Interval

EqrRtAssetEnergy5minPrc

a, s, i

$/MWh

Dispatch
Interval

none
none
none
none
none

none
none
none
none
none

none
none
none
none
none
none

none
none
none
none
none
none

a
h
i
s
t

ml(drr)
ml(drl)

sa
ml
d
m

Real-Time Electric Quarterly Reporting net Asset Energy Transactions
per AO per Settlement Location per Dispatch Interval– AO a’s RTBM
Energy sale at Resource Settlement Location s in excess of the amount
cleared Day-Ahead, net of Bilateral Settlement Schedules, in Dispatch
Interval i or AO a’s RTBM Energy purchase at Resource Settlement
Location s created when the actual Real-Time output is less than the
amount cleared Day-Ahead, net of Financial Schedules, in Dispatch
Interval i, for use by AO a in reporting such sales/purchases to FERC
in accordance with FERC EQR requirements.
Real-Time Electric Quarterly Reporting net Asset Energy Transactions
Prices per AO per Settlement Location per Dispatch Interval – AO a’s
prices associated with non-zero EqrRtAssetEnergy5minQty a, s, i
quantities in Dispatch Interval i for use by AO a in reporting such sales
to FERC in accordance with FERC EQR requirements.
An Asset Owner.
An Hour.
A Dispatch Interval.
A Settlement Location.
A single tagged Interchange Transaction, a single virtual energy
transaction, a single Bilateral Settlement Schedule, a single contracted
Operating Reserve transaction, a single TCR instrument, a single ARR
award or a single Reserve Sharing Event transaction.
A Demand Response Resource Meter Data Submittal Location.
A Demand Response Load Meter Data Submittal Location.
A Settlement Area.
A Meter Data Submittal Location.
An Operating Day.
A Market Participant.
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Tariff (OATT)

Attachment AE
1.1 Definitions S

…
State Estimator
A standard industry tool that produces a power flow model based on available Real-Time metering
information, information regarding the current status of lines, generators, transformers, and other
equipment, bus load distribution factors, and a representation of the electric network, to provide a
complete description of system conditions, including conditions at busses for which Real-Time
information is unavailable.

Statutory Load Obligations
As defined in Section 1 of the Tariff.

Supplemental Qualified Resource
A Resource that has met the requirements to be eligible to submit Supplemental Reserve Offers into the
Energy and Operating Reserve Markets.

…
8.6.1.1 Adjustments to Reported Load
The Transmission Provider shall make any necessary adjustments to the Asset Owner
submitted Reported Load values as follows:
(1)

The sum of the Reported Load within a Settlement Area must equal the Settlement Area
Net Load. To the extent that the Transmission Provider observes that a difference exists,
the Transmission Provider shall adjust each Asset Owner’s Reported Load within the
Settlement Area on a pro rata basis such that the sum of Reported Load within the
Settlement Area is equal to the Settlement Area Net Load. To the extent that the
Reported Load is associated with Statutory Load Obligations, the Reported Load shall
not be adjusted.
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(2)

To the extent that the Reported Load is associated with a Meter Data Submittal Location
that includes a Demand Response Load, the Transmission Provider shall adjust such
Reported Load by adding all associated calculated or submitted Demand Response
Resource output to such Reported Load, where the calculated Demand Response
Resource output is as described under Section 4.1.2.1(1)(b) of this Attachment AE.

(3)

To the extent that the Reported Load for a specific Meter Data Submittal Location is the
Residual Load for the Settlement Area, the Transmission Provider shall reduce such
Reported Load by the associated State Estimator Settlement Area losses.

SPP Criteria

SPP Business Practices
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Southwest Power Pool, Inc.
Markets & Operations Policy Committee
Recommendation to the Board of Directors
April 28, 2015

Organizational Roster
The following members represent the Operating Reliability Working Group:

American Electric Power
CLECO
Southwestern Public Service
Westar Energy
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Oklahoma Gas & Electric
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The following stakeholders participated in group discussions:

American Electric Power
Southwestern Public Service
Nebraska Public Power District
Omaha Public Power District
Kansas City Power & Light
Lincoln Electric System
Sunflower Electric Cooperative
City Utilities of Springfield
Southwestern Power Administration
Oklahoma Gas & Electric

Mr. Dennis Sauriol
Mr. Kyle McMenamin
Mr. Ron Gunderson
Mr. Todd Gosnell
Mr. Jim Useldinger
Mr. Steve Haun
Mr. Allan George
Mr. John Stephens
Mr. Michael Wech
Mr. Greg Mcauley

Background
The ORWG approved the attached revision to SPP Criteria Appendix 7 on December 18, 2014.
SPP Staff conducted an internal process review during 2014 and one of the resulting action
items was to review the possibility of editing the advance notification requirements and clarify
the treatment of new facilities as they are implemented in the SPP EMS and other modeling
systems.
Analysis
In a meeting on December 18, 2014, the ORWG evaluated and approved the attached Criteria
Revision Request #016 with a vote of 10 in favor, none opposed, no abstentions.
Recommendation
The MOPC recommends that the BOD approve the attached revision to Criteria as noted in
CRR016.

APPROVAL: MOPC

April 14-15, 2015

Passed unanimously

Criteria Revision Request
CRR
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Criteria Section(s)
Requiring Revision
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Title

Criteria Appendix 7 revision and clarification regarding new facilities

Section No.: Appendix 7
Title: Reliability Coordinator Data Specification and Collection
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Normal

Expedited

No

Urgent Action

Requested Resolution
Provide explanation if Expedited and/or Urgent Action is selected:

Type of Revision

Correction/Clean-Up
Policy Change

Clarification

Revision Description

Reason for Revision

SPP Staff conducted an internal process review during 2014 and one of the
resulting action items was to review the possibility of editing the advance
notification requirements and clarify the treatment of new facilities as they
are implemented in the SPP EMS and other modeling systems.

Standard change

Yes – Section No.: (Include a summary of impact and/or specific changes)

Tariff Implications or
Changes
No
Yes - Section No.: (Include a summary of impact and/or specific changes)

Protocol Implications or
Changes
No

Date

12/18/2014

Name
E-mail Address
Company
Phone Number

Eddie Watson
ewatson@spp.org
Southwest Power Pool

Date

12/18/2014

Sponsor

Revision
Name
E-mail Address
Company
Phone Number

Proposed Criteria Language Revision

Reliability Coordinator Data Specification and Collection
Introduction
The data and terms described here are intended as a definition and clarification of the electric system
security data required by SPP Criteria and NERC Standards. Each term is defined and its current or
expected method of exchange is specified.
Assumptions and Standard Conventions
1. All presently telemetered values must be supplied as specified in this appendix.
2. Any registered entity that cannot meet some portion of the requirements of this appendix may
seek a waiver from the Operating Reliability Working Group (ORWG). The request for waiver
shall indicate, if appropriate, when the registered entity will comply with the requirement for
which the waiver is being sought.
3. It is assumed that Ampere measurements are used only for thermal limits calculations, and
therefore, only an absolute value is required.
4. With respect to sign convention, positive is expected to be out of the bus and out of the
generating unit at the point of measurement. The ISN Data Definition File, Usage Multiplier
value must be defined as a negative value (normally –1.0) if the measurement does not follow
this convention.
5. The ICCP standard does not discuss the scaling of analog quantities. Conversion to correct units
is the responsibility of the originating host. Where that is not possible, the Usage Adder and
Usage Multiplier values on the ISN Data Definition File must define the appropriate scaling
factors. Sign (direction) conversion is the responsibility of the receiver.
6. ICCP data will be exchanged via the following blocks:
• BLOCK 1: Periodic dataset at the defined periodicity
• BLOCK 2: Exception triggered dataset, Report by Exception, 5 second buffering period, 10
minute integrity (full dataset) transmission.
7. The acceptable values assigned to the indication status point are prescribed in IEC 870-6-802
TASE.2 Object Models, Section 8.1 Use of Indication Point Models. Specifically, the following
values are expected:
• 0 Between
• 1 Tripped, Open, Off, Out-of-service
• 2 Closed, On, In-service
If the sender of the data cannot accommodate the above standard, documentation of the
possible values and their meaning must be provided to SPP.
8. All measurements to be exchanged via ICCP will be defined in the NERC ISN Data Definition File.
The ISN Data Definition File will be updated per the following criteria: SPP Criteria Appendix 7

•

•
•

At least 14 calendar days prior to a planned topology change but not effective until notified
by company representative. Changes submitted within the 14 day requirement, will be
evaluated and accepted at the discretion of the SPP RC.
Within 20 business days, upon request of SPP.
Six months elapsed since last submitted.

9. Each Transmission Operator and Balancing Authority shall provide topological updates, including
System One-Line Diagrams, in a format acceptable to SPP. The topological updates will be
provided per the following timing criteria:
• At least 21 calendar days prior to the first day of the month in which the applicable topology
change is scheduled to become energized in the revised SPP transmission system. (Note The submitted topology change will be implemented in the SPP models on the first of the
applicable month along with other scheduled changes; however, the applicable new or
revised equipment will be placed in “outage” until the date it is scheduled to be energized a
topology change becoming effective (i.e. energizing the revised system). Changes submitted
within the 21 day requirementafter the deadline, will be evaluated and accepted at the
discretion of the SPP RC.
• Within 20 business days, upon request of SPP.
10. Each Transmission Operator and Balancing Authority shall provide model data updates, such as
line and transformer ratings (for the EMS model), optional SCADA limits (used for
display/operator alarming), line characteristics, transformer characteristics, and unit
characteristics in a format acceptable to SPP. The model data updates will be provided per the
following timing criteria:
• At least 7 calendar days prior to the updated system model data becoming effective (i.e.
energizing the revised system). Changes submitted within the 7 day requirement, will be
evaluated and accepted at the discretion of the SPP RC.
• Within 20 business days, upon request of SPP.
11. Each Transmission Operator and Balancing Authority shall provide to SPP, either gross or net
generation measurements (MW and MVAR). If gross measurements are supplied, the station
auxiliary measurements must also be supplied so that net measurements can be derived.
12. Changes to Model data or system topology information shall be provided to SPP via the
ENGModelChanges@spp.org email address.
13. Changes to ISN Data Definition Files shall be provided to SPP via the
OpsEMSEng@spp.org email address.
14 Where written/email notification is indicated, if email is unavailable, phone /satellite phone
communication or fax communication of data or outages is satisfactory.
Node Connectivity Requirement
SPP operates ICCP nodes at both the primary and disaster recovery (backup) sites. Both the primary and
backup site ICCP servers feed real-time data to the primary and backup site Energy Management
Systems. To ensure maximum availability of ICCP data required for operating reliability, the following
connectivity requirements are required:

• SPP members are required to configure their ICCP servers to connect to the SPP primary and
backup sites concurrently and to make the same Block 1 and Block 2 data available to both
nodes.
SPP Criteria Appendix 7
• SPP will normally reference the same ICCP Object ID from both nodes when reading member
data, thus imposing no additional maintenance workload upon the member companies.
• Members operating a backup site may choose to concurrently serve data fromthat site. In that
instance, SPP will configure the SPP primary ICCP node to communicate with the member’s
primary site node and will configure the SPP backup site ICCP node to communicate with the
member backup site node. This is required per the TASE.2 standard and NERC Standard COM001-1.1 R1.4.
• SPP will configure the SPP backup site ICCP nodes to serve data to member sites using a
separate and distinct ICCP Object ID in order to permit them to concurrently read operating
reliability data from redundant nodes. This is required per the TASE.2standard and NERC
Standard COM-001-1.1 R1.4.

Revision Request Recommendation Report
RR #: 72

Date: 3/23/2015

RR Title: Recovery of Transmission Owner Selection Process Implementation Costs and IEP Evaluation Clarification
SUBMITTER INFORMATION
Submitter Name: Ben Bright

Company: SPP

Email: bbright@spp.org

Phone: 501-614-3965
OBJECTIVE OF REVISION

This Revision Request is designed to implement a Board of Directors’ directive that SPP recover its costs associated with
implementing the Transmission Owner Selection Process by collecting $2,000 from each RFP proposal and deposit that is
submitted.
SPP’s implementation costs will be recovered from those who benefit (i.e., Transmission Owner Selection Process participants)
rather than from other SPP customers through the SPP Tariff Administration Charge.
EXECUTIVE SUMMARY OF RECOMMENDATION
The MOPC recommends that the BOD approve its request regarding Revision Request 72.

IMPACT ANALYSIS REQUIRED:

Yes

No

Estimated Cost: $

Estimated Duration:

Cost is a rough order of magnitude estimate, approx. +/-50%

Duration is a rough order of magnitude estimate, approx. +/-50%

Priority Rank for System Change:

1 – Critical

2 – High

3 – Medium

months

4 – Low

SPP DOCUMENTS IMPACTED
Market Protocols
Criteria
Tariff (OATT)
Business Practice

Protocol Section(s):
Protocol Version:
Criteria Section(s):
Criteria Date:
Tariff Section(s): Attachment Y Sections III.2(c) and III.2(e)
Business Practice Number:
WORKING GROUP REVIEWS AND RECOMMENDATIONS
List Primary and any Secondary/Impacted WG Recommendations as appropriate

Primary Working Group:
RTWG

Date: 3/25/2015
Vote: Unanimously Approved
Abstained:
Opposed:

Reason for Opposition:

Secondary Working Group:

Date:
Vote:
Abstained:
Opposed:

Reasons for Opposition:
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Secondary Working Group:

Date:
Vote:
Abstained:
Opposed:

Reasons for Opposition:

Secondary Working Group:

Date:
Vote:
Abstained:
Opposed:

Reasons for Opposition:

MOPC Recommendation:
MOPC to BOD

Date: April 14-15, 2015
Vote: PASSED UNANIMOUSLY
Abstained:
Opposed:

Reasons for Opposition:

BOD/Member Committee
Recommendation:

Date:
Vote:
Abstained:
Opposed:

Reasons for Opposition:

COMMENTS
Comment Author:
Description of Comments:
Status:

describes any action taken on the comment. SS will complete this… Comments incorporated, comments rejected…

Comment Author:
Description of Comments:
Status:
PROPOSED REVISION(S) TO SPP DOCUMENTS
Market Protocols
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Tariff (OATT)

III.

TRANSMISSION OWNER SELECTION PROCESS FOR COMPETITIVE UPGRADES
2)

Transmission Owner Selection Process
c)

Request for Proposals

The Transmission Provider shall issue an RFP for each Competitive Upgrade,
which shall contain information including, but not limited to:

i)

An overview of the purpose for the RFP including the need for the
Competitive Upgrade, regulatory context and authority, and other
necessary information.

ii)

The minimum RFP Proposal submission requirements.

iii)

Minimum design specifications.

iv)

The date regulatory approvals are required to be completed as determined
by the Transmission Provider.

v)

A requirement that the RFP Proposal provide the following information
specific to the Competitive Upgrade:

(1)

financial information, including but not limited to demonstration of
financing

(including

a

reasonable

contingency);

detailed

engineering and construction cost estimate; itemized revenue
requirement calculations for each RFP Respondent and CU
Participant that proposes to have revenue requirements under this
Tariff; and financial and business plans, including the nature of
any FERC incentives any RFP Respondent or CU Participant
intends to request;
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(2)

engineering information, including but not limited to engineering
design of the project and technical requirements;

(3)

construction information, including but not limited to anticipated
project timeline including timeline for all necessary regulatory
approvals, equipment acquisition, description of applicable rightsof-way and real

estate acquisition, description of routing,

description of permitting, description of outage clearance(s), and
identification of the party responsible for construction;

(4)

operations and maintenance information, including but not limited
to demonstration of operations, statement of which entity will be
operating and maintaining the transmission facility, storm and
outage response plan, maintenance plan, staffing, equipment, crew
training, and record of past maintenance and outage restoration
performance;

(5)

safety information, including but not limited to identification of the
internal safety program, contractor safety program, and safety
performance record;

(6)

for a Multi-Owner RFP Proposal, such information with respect to
CU Participants as is required for evaluation of the RFP Proposal
under the criteria set forth in Sections III.2(c)(v)(2) - (5) of this
Attachment Y given the proposed percentage share of ownership
or interest in the Competitive Upgrade by each RFP Respondent
and CU Participant; and

(7)

identification of information in the RFP Proposal that the RFP
Respondent considers to be confidential.

vi)

A requirement that the RFP Proposal demonstrate that each RFP
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Respondent (and, in the case of a Multi-Owner RFP Proposal, the CU
Participants as set forth below) possesses the necessary financial strength
by providing one of the following:

(1)

demonstration that each RFP Respondent continues to satisfy the
financial criteria set forth in Section III.1(b)(ii)(1) or (2) of this
Attachment Y and that the Competitive Upgrade does not exceed
30% of the total capitalization of the RFP Respondent or its parent
Guarantor;

(2)

demonstration of conclusive evidence of the ability to obtain a
performance bond in an amount equal to the total cost of the
Competitive Upgrade, including financing costs and a 3020%
contingency, from an insurance or surety company with an A.M.
Best “Financial Strength Rating” of Superior (A++, A+) or
Excellent (A, A-) and an adjusted “Policy Holder Surplus” of
$500,000,000 or more; or

(3)

demonstration of conclusive evidence of the ability to obtain a
letter of credit in an amount equal to the total cost of the
Competitive Upgrade, including financing costs

and a 3020%

contingency, from a financial institution that satisfies the
requirements set forth in Attachment X Section 7.1.3.2 of this
Tariff.

For purposes of this requirement, “conclusive evidence” shall mean a
letter from a bonding agent or bank indicating approval of or willingness
to provide the required performance bond or letter of credit to the RFP
Respondent.
In the case of a Joint RFP Proposal, the financial obligations shall be met
by each RFP Respondent based upon the portion of the facility to be
owned and operated by each RFP Respondent. In the case of a MultiPage 5 of 13

Owner RFP Proposal, the financial obligations can either be met by the
identified RFP Respondents or by a combination of RFP Respondents and
CU Participants based upon the proposed share of ownership of or interest
in the Competitive Upgrade. In either case, such allocation of ownership
or interest and each RFP Respondent’s and/or CU Participant’s share of
financial responsibility shall be set forth in detail in the RFP Proposal.

vii)

Information exchange requirements including but not limited to,
identification of data required to be provided to the Transmission Provider
in accordance with NERC reliability standards and CEII requirements.

viii)

A description of the proposal evaluation procedure, including the
statement of proposal evaluation methodology and criteria for acceptable
proposals.

ix)

A requirement that the each RFP Respondent agrees to pay, as outlined in
Section III.2(e) of this Attachment Y: (1) a deposit for each RFP Proposal
submitted for with the RFP Proposal’s share of the Transmission
Provider’s costs to administer the Transmission Owner Selection Process;
and (2) any additional costs that are assessed after the completion of the
Transmission Owner Selection Process costs determined in accordance
with Section III.2(e).

x)

A requirement that each RFP Respondent, and in the case of a MultiOwner RFP Proposal, each CU Participant, disclose any credit rating
changes, bankruptcies, dissolutions, mergers, or acquisitions within the
past five (5) years of the RFP Respondent or CU Participant or its parent,
controlling shareholder, or entity providing a Guaranty pursuant to Section
III.1(b)(ii)(2) of this Attachment Y.

xi)

A requirement that each RFP Respondent provide its Internal Revenue
Service Tax Identification Number.
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xii)

A requirement that the RFP Respondent declare whether it may seek to
assign the Competitive Upgrade to an Affiliate pursuant to Section
III.2(d)(xi) of this Attachment Y if selected as the DTO for the
Competitive Upgrade, along with a description of such Affiliate.

xiii)

A requirement that a Joint RFP Proposal:

(1)

Clearly and specifically identify each RFP Respondent’s respective
roles and responsibilities (as well as each RFP Respondent’s
respective percentage of responsibility) for finance, construction,
ownership, operation, maintenance, and restoration of the
Competitive Upgrade in such a manner that one hundred (100)
percent of the responsibilities for the Competitive Upgrade are
identified;

(2)

Specify each RFP Respondent’s qualifications and responsibilities
for satisfying the requirements set forth in Sections III.2(c)(v) and
III.2(c)(vi) of this Attachment Y; and

(3)

Provide as part of the Joint RFP Proposal submission any
agreements between or among the RFP Respondents governing the
division of roles and responsibilities.

xiv)

A requirement that each RFP Respondent participating in a Joint RFP
Proposal acknowledges and agrees that:

(1)

Each RFP Respondent shall be jointly and severally liable for all
aspects of finance and construction of the Competitive Upgrade,
such that, if the Joint RFP Proposal is selected by the Transmission
Provider, the other RFP Respondent(s) shall be liable for the
defaulting RFP Respondent’s(s’) obligations in the event that one
or more RFP Respondent(s) defaults on its obligations; or
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(2)

In the event that each RFP Respondent does not agree to be jointly
and severally liable as set forth in Section III.2(c)(xiv)(1) of this
Attachment Y, if the Joint RFP Proposal is selected by the
Transmission Provider, the Transmission Provider shall reevaluate
the entire Competitive Upgrade pursuant to Section III.2(g) of this
Attachment Y if one or more RFP Respondent(s) defaults on its
obligations with respect to the Competitive Upgrade.

xv)

A requirement that a Joint RFP Proposal identify a single point of contact
for the Joint RFP Proposal, who will represent all RFP Respondents in any
communications with the IEP or the Transmission Provider with respect to
the Joint RFP Proposal.

xvi)

A requirement that each Multi-Owner RFP Proposal shall provide
sufficient detail to enable a thorough evaluation of the RFP Proposal
including information regarding:

(1)

the identity of each RFP Respondent and CU Participant;

(2)

any division of ownership of or interest in the Competitive
Upgrade;

(3)

any agreements between or among the RFP Respondents and CU
Participants regarding the ownership of or interest in the
Competitive Upgrade sufficient to establish the ability of the RFP
Respondent(s) to perform the obligations of a DTO; and

(4)

xvii)

the timing of any such transfer of ownership or interest.

A requirement that the RFP Respondent acknowledges and agrees that
notwithstanding any defaults of any CU Participant on its obligations
under any participation agreements, the RFP Respondent is responsible for
all aspects of the Competitive Upgrade. Further, if the Multi-Owner RFP
Proposal is also a Joint RFP Proposal, the proposal must specify which
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RFP Respondent will be responsible for any CU Participant default.

xviii) A requirement that:

(1)

Each RFP Respondent agree to execute the SPP Membership
Agreement as a Transmission Owner if the RFP Proposal is
selected by the Transmission Provider, if it has not already done
so; and

(2)

Each CU Participant in a Multi-Owner RFP Proposal shall agree in
writing to execute the SPP Membership Agreement as a
Transmission Owner at such time that the entity is first eligible to
execute the Membership Agreement as a Transmission Owner, if it
has not already done so.

xix)

The deadline for all RFP Proposal submissions. The deadline shall be one
hundred eighty (180) calendar days from the date the RFP is issued (“RFP
Response Window”). The Transmission Provider may reduce the RFP
Response Window to no less than ninety (90) days based on, but not
limited to, the Competitive Upgrade’s need date or scope. If the final day
of the RFP Response Window falls on a weekend or a holiday recognized
by the Transmission Provider, the due date for RFP Proposals shall be the
next Business Day.

d)

RFP Process and Timeline

vi)

Upon the closing of the RFP Response Window, the Transmission
Provider shall provide the RFP Proposals to the IEP.

The IEP shall

review, score, and rank all RFP Proposals and submit its recommendation
to the SPP Board of Directors based upon selection criteria outlined in
Section III.2(f) of this Attachment Y. The identity of RFP Respondents
that submitted the RFP Proposals shall not be disclosed to the SPP Board
of Directors as part of the IEP’s recommendation. The IEP’s
Page 9 of 13

recommendation shall be submitted to the SPP Board of Directors within
sixty (60) calendar days of the initiation of the IEP’s review (“Review
Period”). Upon IEP request, the Oversight Committee may extend the
Review Period an additional thirty (30) calendar days. Notification of
such extension shall be provided to the SPP Board of Directors and posted
on the Transmission Provider’s website.

(1)

During its review, the IEP may initiate communication with RFP
Respondents to obtain answers to any additional questions about
proposals, and any such communications shall be documented by
the IEP.

Lobbying of the IEP by, or on behalf of, any RFP

Respondent or CU Participant is prohibited, and may result in the
Transmission Provider disqualifying the RFP Respondent and the
RFP Proposal from the RFP process. The IEP shall score and rank
each RFP Proposal in a non-discriminatory manner based upon the
information supplied in the RFP Proposal or and information, if
any, obtained during the Review Period.

(2)

The IEP shall compile an internal report for the Transmission
Provider detailing the process, data, results of its deliberations, and
its recommended RFP Proposal and an alternate RFP Proposal for
each Competitive Upgrade. The Transmission Provider shall be
responsible for producing two redacted versions of the internal
report, a Board of Directors report and a public report. The Board
of Directors report shall exclude the names of the RFP
Respondents. The public report shall exclude the names of RFP
Respondents and any confidential information obtained during the
Transmission Owner Selection Process. No later than fourteen
(14) calendar days prior to the SPP Board of Directors meeting
during which the SPP Board of Directors will consider the IEP
recommendation, the public report shall be posted on the
Transmission Provider’s website and the Board of Directors report
shall be provided to the SPP Board of Directors.
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e)

Transmission Owner Selection Process Deposit and Cost Calculation

i.

Each RFP Proposal shall pay its share of the Transmission Provider’s total
cost incurred to implement and administer the Transmission Owner
Selection Process for each Competitive Upgrade, as calculated pursuant to
this Section III.2(e). At the time of submission of each RFP Proposal,
each RFP Respondent (or for a Joint RFP Proposal, the RFP Respondents
collectively) shall submit a Transmission Owner Selection Process deposit
for each RFP Proposal, which shall be, determined as follows (based on
the value of the Competitive Upgrade as identified in the SPP
Transmission Expansion Plan approved by the SPP Board of Directors):

Small Project (less than $10 million):

$10,000 deposit

Medium Project
(between $10 million and $100 million):

$25,000 deposit

Large Project (greater than $100 million):

$50,000 deposit

The Transmission Provider shall hold each RFP Proposal’s Transmission
Owner Selection Process deposit in a segregated interest-bearing account
in the name(s) of the RFP Respondent(s) tied to the RFP Respondent’s(s’)
Internal Revenue Service Tax Identification Number(s).

ii.

The Transmission Provider shall determine the actual Transmission Owner
Selection Process costs at the completion of the process, and all RFP
Respondents will make additional payments or obtain refunds based on the
reconciliation of Transmission Owner Selection Process deposits collected
and actual Transmission Owner Selection Process costs.
Transmission

Owner

Selection

Process

costs

shall

include

The
the

Transmission Provider’s staff and administrative costs associated with
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implementing and administering the Transmission Owner Selection
Process. The costs shall be calculated and recovered as follows:

(1)

The Transmission Provider’s administrative costs shall include all
costs associated with administering the Transmission Owner
Selection Process for the Competitive Upgrade and all costs
associated with administering the IEP process for the Competitive
Upgrade, including the identification, recruiting, hiring, and
retention of industry experts to serve on the IEP(s). The costs shall
be allocated to each RFP Proposal on a pro-rata share basis,
calculated by taking the total Transmission Owner Selection
Process costs for each Competitive Upgrade and dividing by the
number of RFP Proposals submitted for that Competitive Upgrade.

(2)

The Transmission Provider’s implementation costs shall be
recovered by imposing a $2,000 charge on all RFP Proposals until
all of the Transmission Provider’s costs to develop and implement
that Transmission Owner Selection Process and IEP process have
been

recovered

(“Implementation

Cost

Charge”).

The

Transmission Provider’s implementation costs shall include staff
time and all costs associated with developing the processes and
procedures to implement the Transmission Owner Selection
Process and the IEP process, and any costs associated with the
development and administration of the Transmission Owner
Selection Process that are not specifically attributable to an
individual Competitive Upgrade.

(3)

The Transmission Provider will add the costs calculated under
Section III.2(e)(ii)(1) of this Attachment Y and the Implementation
Cost Charge set forth in Section III.2(e)(ii)(2) of this Attachment
Y, and the total shall represent each RFP Proposal’s total
Transmission Owner Selection Process costs. The Transmission
Provider will recover each RFP Proposal’s total Transmission
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Owner Selection Process costs from its Transmission Owner
Selection Process deposit, and shall invoice each RFP Respondent
for any costs exceeding the amount of its deposit.

If any

Transmission Owner Selection Process deposit funds remain, Tthe
Transmission Provider shall refund to each RFP Respondent any
unused deposit amounts with interest earned on such deposits.

iii.

If an RFP proposal is disqualified from further consideration pursuant to
Section III.2(d)(iv) of this Attachment Y, the Transmission Provider shall
refund to the RFP Respondent that submitted the disqualified RFP
Proposal ninety (90) percent of its Transmission Owner Selection Process
deposit funds remaining after the Transmission Provider recovers the
Implementation Cost Charge. and sSuch disqualified RFP Proposal shall
not be required to pay any of the subject to the true-up adjustment
calculated by the Transmission Provider’s costs calculated pursuant to in
accordance with Section III.2(e)(ii)(1) of this Attachment Y.

iv.

If the SPP Board of Directors withdraws an RFP pursuant to Section
III.2(d)(v) of this Attachment Y, the Transmission Provider shall refund to
each RFP Proposal submitted in response to the withdrawn RFP ninety
(90) percent of its Transmission Owner Selection Process deposit funds
remaining after the Transmission Provider recovers the Implementation
Cost Charge.

SPP Criteria

SPP Business Practices
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Southwest Power Pool, Inc.
FINANCE COMMITTEE
Recommendation to the Board of Directors
April 2, 2015
2014 Financial Audit Acceptance

Organizational Roster
The following persons are members of the Finance Committee:
Harry Skilton
Larry Altenbaumer
Kelly Harrison
Sandra Bennett
Mike Wise
Laura Kapustka

Director
Director
Westar Energy
AEP
Golden Spread Electric Coop
Lincoln Electric System

Background
SPP annually engages a Certified Public Accounting firm to audit its financial statements and accounting
controls. SPP has engaged BKD, LLC to perform audits of its financial reports since fiscal year 2014.
SPP last performed a request for proposal for the financial audit engagement in July 2013.
Analysis
BKD, LLC has completed and published its audit of SPP’s 2014 financial results. The Finance
Committee, at its April 2, 2015 meeting met with representatives of BKD, LLC and discussed their
findings, specifically focusing on: 1) adequacy of SPP’s accounting policies and procedures, 2) adequacy
of internal control procedures and the extent tested, and 3) any areas of weakness or concern that SPP
should address going forward. Additionally, the Committee discussed the restatement of 2013’s results.
Recommendation
The Finance Committee recommends the SPP Board of Directors accept in its entirety the 2014 audit
report and findings of BKD, LLC.
Approved:

Finance Committee

Action Requested:

Approve Recommendation

April 2, 2015

Southwest Power Pool, Inc.
FINANCE COMMITTEE
Recommendation to the Board of Directors
April 2, 2015
2015 Benefit Plan Funding

Organizational Roster
The following persons are members of the Finance Committee:
Harry Skilton
Larry Altenbaumer
Kelly Harrison
Sandra Bennett
Mike Wise
Laura Kapustka

Director
Director
Westar Energy
AEP
Golden Spread Electric Coop
Lincoln Electric System

Background
The SPP Finance Committee is charged with reviewing reports from the plan’s actuary, establishing funding policies,
and recommending annual funding levels for the plans to the SPP Board of Directors. SPP engaged Osborn,
Carreiro & Associates (“the Actuary”) to prepare actuarial valuation reports of the SPP Defined Benefit Retirement
Plan and SPP Post-retirement Benefits Plan as of January 1, 2015.

Analysis
SPP Defined Benefit Retirement Plan
The report identifies 2015 accounting expense for this plan as well as minimum and maximum contributions for the
plan. The Actuary determined 2015’s minimum contribution level to be $3.31 and maximum suggested level to be
$3.76. SPP’s 2015 budget anticipated contributions to the defined benefit pension plan of $3.00.
The schedule below illustrates the historical funding of the SPP Defined Benefit Retirement Plan:

1

2011

2012

2013

2014

2015

Maximum Contribution (tax deductible)

$9.21

$16.88

$26.59

$32.11

$37.20

Minimum Contribution
Actuary Suggested Contribution
Actual Contribution

$2.23
3.13
3.13

$1.33
3.89
3.89

$2.33
4.01
4.01

$2.50
3.66
3.66

$3.31
3.76

Projected Benefit Obligation (PBO)
Accumulated Benefit Obligation (ABO)
Fair Value of Plan Assets
Discount Rate 1

$28.92
22.32
25.26
6.50%

$38.01
29.58
31.30
6.25%

$44.09
34.67
41.16
5.50%

$50.70
40.00
45.90
5.50%

Plan Assets vs. PBO
Plan Assets vs. ABO
Total Participants
Benefits Paid

-$3.66
2.95
583
$0.14

-$6.71
1.72
643
$0.18

-$2.93
6.49
672
$0.26

-$4.80
5.90
698
$0.43

Based on the Corporate Bond Yield Curve prescribed by the U.S. Treasury Department and reflect the twenty four month average of investment
grade corporate bonds with maturities of greater than 15 years all as defined in Section 102, Title I of the Pension Protection Act of 2006.

SPP Defined Benefit Retirement Plan Fund Status as of December 31, 2014
The fund had total assets of $45.90 versus an Accumulated Benefit Obligation of $40.00, Projected Benefit Obligation
of $50.70 and termination value of approximately $40.00. The Actuary estimates participants active on January 1,
2015 will accrue $3.80 in benefits during fiscal year 2015. Finally, the value of the early retirement feature of the
Defined Benefit Retirement Plan is estimated to be $5.00.

SPP Post-retirement Benefits Plan
In 1995, the Board of Directors approved retiree medical coverage for all SPP employees who retire at their Normal
Retirement Date as defined in the SPP Defined Benefit Retirement Plan. The Board also awarded benefits under this
plan to those employees of record on January 1, 1996 who retire between the ages of 55 - 65. The SPP Board acted
in 2006 to limit benefits from this plan to only those employees hired prior to June 1, 2006. As of January 1, 2015
SPP had 124 active employees covered by this plan and 12 retirees.
The Actuary estimated 2015 net periodic post-retirement benefit cost to be $1.48. This computation is based on a
5.50% discount rate and retirement at age 65. The health care cost trend was assumed to increase 10% next year,
9% the year after and so on down to 5% and remain there thereafter. SPP’s 2015 budget allocates $0.00 in funding
for post-retirement benefits. Prior to 2015, SPP has used the net periodic post-retirement benefit cost as a proxy for
determining the amount of contribution to the plan annually. During preparation of the 2015 SPP Operating Budget,
SPP determined the plan was appropriately funded and did not require additional cash contributions during 2015.
2011

2012

2013

2014

2015

Actual Contribution 2
Pension Cost

$0.51
0.51

$0.45
0.45

$0.54
1.47

0.41
1.44

1.48

Accumulated Benefit Obligation (ABO)
Fair Value of Plan Assets 2
Funded Status vs. ABO

$5.30
6.44
1.14

$5.95
6.75
0.80

$7.35
7.96
0.61

$8.00
9.66
1.66

Plan Participants – Active
Plan Participants – Retired

149
4

146
5

133
7

124
12

$8.90

Recommendation
Approve 2015 funding of the SPP Post-retirement Benefits Plan at $0.00.
Approve 2015 funding of the SPP Retirement plan at $3.76.

Approved:

Finance Committee

Action Requested:

Approve Recommendation

April 2, 2015

2
The Post-retirement Healthcare plan is an unfunded plan and therefore has no plan assets. The plan sponsor has set aside specific assets with the
intent to use those assets to pay benefits under the plan.

Southwest Power Pool, Inc.
CORPORATE GOVERNANCE COMMITTEE
Recommendation to the Board of Directors and Members Committee
April 28, 2015
Amendments to Membership Agreement

Background
Basin Electric Power Cooperative (“Basin Electric”), along with the Western Area Power Administration/Upper
Great Plains, and Heartland Consumers Power District, are Members of SPP. Basin Electric requested certain
amendments be made to its SPP Membership Agreement. Corn Belt Power Cooperative, Northwest Iowa Power
Cooperative, and East River Electric Power Cooperative, Inc., are generation and transmission cooperative
members of Basin Electric. Each has stated its intent to become an SPP Member under materially the same terms
as those of the Basin Electric Membership Agreement Amendment which was approved by the SPP Board of
Directors on June 9, 2014, and accepted by the Federal Energy Regulatory Commission.
Analysis
The amendments proposed are designed to address the interconnected nature between these Basin Electric
members and the Integrated System. Each entity will execute an SPP Membership Agreement; the appropriate
amendments will be attached to their respective Agreements. The terms contained in the amendments are
identical to each other.
The Corporate Governance Committee considered and approved Membership Agreement Amendments for these
three entities as follows:
1) Dispute Resolution: Disputes under the Membership Agreement or SPP Bylaws will be subject to binding
dispute resolution under Section 3.13 of the SPP Bylaws only with consent of the entity’s Board and subject
to terms and conditions the entity’s Board may impose.
2) Withdrawal Rights: Allows the entity to terminate membership with less notice than prescribed in Section
4.2.2 of the Membership Agreement if: Basin Electric withdraws; or Western UGP withdraws; or FERC finds
SPP has not complied with the Membership Agreement Amendments of the Entity, Basin and Western. If
Basin withdraws, the entity’s withdrawal is effective the same date and the entity is subject to the financial
withdrawal obligations of Membership Agreement.
3) Obligation to Build: The entity’s obligation to construct transmission facilities is subject to the discretionary
authority of its Board of Directors. The entity’s Board will not supplant any state regulatory authority over
siting or permitting under state law.
Recommendation:
Approval of the SPP Membership Agreement Amendments of Corn Belt Power Cooperative, Northwest Iowa Power
Cooperative, and East River Electric Power Cooperative, Inc., as outlined above and as reflected in the
Amendments to the SPP Membership Agreement (attached).
Approved:

Corporate Governance Committee

Action Requested:

Approve recommendation

April 16, 2015

Southwest Power Pool, Inc.
CORPORATE GOVERNANCE COMMITTEE
Recommendation to the Board of Directors
February 26, 2015

Vacancy

Background
There is one Transmission Owner vacancy on the Human Resources Committee. In accordance with
SPP’s Bylaws, the Corporate Governance Committee recommends a candidate to the Board of Directors
for consideration and appointment to the Human Resources Committee.
Analysis
The Corporate Governance Committee considered two candidates, his/her backgrounds, geographic
needs for this positions, and having an HRC representative who is also on the Members Committee. After
discussion, the Corporate Governance Committee passed a motion to recommend Tom Kent of the
Nebraska Public Power District for the open position on the Human Resources Committee.
Recommendation
The Corporate Governance Committee recommends the appointment of Tom Kent of the Nebraska
Public Power District, to serve on the Human Resources Committee..
Approved:

Corporate Governance Committee:

Action Requested:

Approve recommendation

February 26, 2015

Southwest Power Pool, Inc.
CORPORATE GOVERNANCE COMMITTEE
Recommendation to the Board of Directors
February 26, 2015

Vacancy

Background
There is one Transmission Owner vacancy on the Strategic Planning Committee. In accordance with
SPP’s Bylaws, the Corporate Governance Committee recommends a candidate to the Board of Directors
for consideration and appointment to Strategic Planning Committee.
Analysis

The Corporate Governance Committee considered four candidates, his/her backgrounds, and the
balance of member representation on the various SPP committees. After discussion, the Corporate
Governance Committee passed a motion to recommend Mike Deggendorf of Kansas City Power and
Light for the open position on the Strategic Planning Committee.
Recommendation
The Corporate Governance Committee recommends the appointment of Mike Deggendorf of Kansas City
Power and Light, to serve on the Strategic Planning Committee.
Approved:

Corporate Governance Committee:

Action Requested:

Approve recommendation

February 26, 2015
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ABOUT BOSTON PACIFIC COMPANY, INC.
Boston Pacific Company, Inc. (Boston Pacific) is a consulting and investment services
firm, located in Washington, D.C., specializing in the electricity and natural gas industries. For
28 years, we have provided information and insight to our clients who span the full range of
stakeholders: state regulatory commissions, regional transmission organizations, energy
consumers, competitive power producers, electric utilities, gas pipeline companies, and electric
transmission companies. We are nationally recognized experts on the electricity business as
documented by our service as expert witnesses throughout North America. Boston Pacific also
is an industry leader in designing and monitoring major power procurements of every type for
state commissions across the country, as well as open seasons for merchant transmission lines.
In addition, Boston Pacific has extensive, hands-on experience with a full range of power
technologies including clean coal, on- and off-shore wind, geothermal, waste-to-energy, solar
photovoltaics, and natural gas-fired combined-cycle. For 11 years, we have served as an
independent advisor to the Board of Directors of the Southwest Power Pool Regional
Transmission Organization (RTO) on a full range of issues related to market design and
operation.
For more information on Boston Pacific, please visit us at www.bostonpacific.com.

DISCLAIMER
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shall not be considered or relied upon as market advice. Boston Pacific makes no representations
or warranties of any kind, express or implied, with respect to the accuracy or adequacy of the
information contained herein. Boston Pacific shall have no liability to recipients of this
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(4) any loss of business or other consequential loss or damage whether or not resulting from any
of the foregoing.
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I. Executive Summary

T

his is the fifth year in which Boston Pacific Company, Inc. (Boston Pacific) has

prepared a separate Annual Looking Forward Report for the Southwest Power Pool (SPP) Board
of Directors (Board). As with the first four, this report is intended to contribute to the longerterm strategic planning by the Board. To that end, we focus on broad market and regulatory
events that (a) could potentially have a significant impact on SPP’s markets and/or (b) could
require the Board’s special attention. Boston Pacific greatly appreciates the input to and
guidance for this report provided by the Board’s Oversight Committee.
This year’s report comes at an exciting time for SPP, which has recently expanded its
footprint to include the Basin Electric Power Cooperative (Basin), the Heartland Consumers
Power District (Heartland), and the Western Area Power Administration’s Upper Great Plains
Region (UGP) (collectively, the Integrated System). These new members add to SPP over 3
million new customers and about 9,500 miles of transmission lines located in seven states;1 the
addition increases SPP’s size by approximately 20 percent. While these entities will not be full
members until October 2015 following the completion of various transmission upgrades, joining
SPP was estimated to provide $310 million in net benefits over the first ten years. Figure 1.1
shows SPP’s expanded footprint to include the Integrated System.

1

The seven states in the Integrated System include portions of North Dakota, South Dakota, Montana, Wyoming,
Minnesota, Iowa, and Nebraska.
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Figure 1.1. SPP’s Expanded Footprint

This year’s Report covers eight topics: (a) an update on EPA’s continued environmental
campaign, (b) an update on the shale gas revolution, (c) an update on the changing utility model,
(d) physical grid security, (e) federal-state jurisdictional issues in the electricity business, (f)
thoughts on a framework for considering transmission investments, (g) smart grid, and (h) the
prospects for exporting power from SPP’s renewable energy resources, especially wind.

A. EPA’s Continued Environmental Campaign
The future of coal-fired generation is largely being determined by Environmental
Protection Agency (EPA) regulations. Four primary EPA regulations are reshaping the power
6

sector by causing the shutdown or retrofitting of coal-fired generation: (1) the Cross-State Air
Pollution Rule (CSAPR); (2) Mercury and Air Toxics Standards (MATS); (3) the Cooling Water
Intake Structures regulation, otherwise referred to as 316(b); and (4) the disposal of Coal
Combustion Residuals from Electric Utilities regulation (CCR). The U.S. Government
Accountability Office (GAO) recently confirmed that the estimated impact that these regulations
will have on coal-fired power generation is at the high-end of previous estimates. In total,
roughly one-third of all coal plants are estimated to be retired or retrofitted as a result of these
regulations.2
Additionally, EPA’s proposed regulations on carbon emissions from new and from
existing power plants could place even more pressure on coal units and impact other types of
fossil fuel resources, too. EPA’s proposed Clean Power Plan aims to achieve a 30 percent
reduction in carbon dioxide (CO2) emissions from the power sector by 2030 as compared to
emissions in 2005.3 It would limit CO2 emissions from existing power plants and would
essentially require carbon capture and sequestration for newly built coal-fired generation. In
terms of the possible impact of compliance with the Clean Power Plan, the North American
Electric Reliability Corporation (NERC) raised concerns about reliability and estimated that
implementation of the Clean Power Plan could result in a reduction in capacity between 108 and
134 gigawatts (GW) by 2020.4 That is roughly 2.5 to 3 times the estimated 42 GW of
retirements caused by the four EPA regulations listed above.5 Although, as a counterpoint, we
note that a report released by the Brattle Group concluded that there is sufficient flexibility in the
Clean Power Plan such that reliability is unlikely to be materially affected.
As to the cost of compliance with EPA’s Clean Power Plan, studies conclude that
regional compliance strategies would be cheaper than state-by-state compliance plans. The
Midcontinent Independent System Operator (MISO) conducted analysis of the proposed Clean
Power Plan and found that regional compliance options could save approximately $3 billion
annually, as compared to compliance plans that are consistent with EPA’s state-by-state
“building blocks” approach.6 PJM Interconnection (PJM) also came to the same conclusion that
MISO did, in that regional approaches were seen to be less expensive than state-by-state
approaches. In particular, state-by-state compliance would be nearly 30 percent more expensive
in 2020 than a regional approach – nearly $45 billion versus $35 billion.7 Given that the regional
approach appears to be the lower cost option for compliance, we believe that it could be
constructive for SPP to facilitate a regional compliance plan with its member states if the Clean
Power Plan regulation is finalized.

2

According to the GAO report in 2012, there was 309,680 MW of coal-fired capacity. EPA Regulations and
Electricity: Update on Agencies’ Monitoring Efforts and Coal-Fueled Generating Unit Retirements, GAO, August
2014, 5, 15.
3
Overview of the Clean Power Plan: Cutting Carbon Pollution from Power Plants, U.S. Environmental Protection
Agency, June 2014.
4
Potential Reliability Impacts of EPA’s Proposed Clean Power Plan: Initial Reliability Review, NERC, November
2014, 2.
5
Ibid.
6
GHG Regulation Impact Analysis – Initial Study Results, MISO, September 17, 2014.
7
Sotkiewicz and Abdur-Rahman, EPA’s Clean Power Plan Proposal Review of PJM Analyses Preliminary Results,
PJM, November 17, 2014, 56.
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B. The Shale Gas Revolution
Based on current metrics, there is no slowdown in the momentum of the shale gas
revolution. The growth story continues and is being underpinned by (a) increasing shale gas
production, which grew six-fold from 2007 to 2013, (b) shale gas displacing some conventional
gas production and making up 40 percent of total natural gas extracted in 2013,8 and (c) dramatic
growth in shale gas reserves with total proved natural gas reserves having grown by 80 percent
from 2003 to 2013 and shale gas reserves accounting for 45 percent of total proved reserves in
2013.9 As a result, natural gas prices, though volatile, remain relatively low at about $3/MMBtu
at Henry Hub through the first two months of 2015.10 Furthermore, this growth in natural gas
production has been met by growth in demand, with electricity from natural gas-fired power
generation increasing as a share of total generation from 18 percent to 30 percent in 2012.11
Though there is no arguing the past and current strength of the shale gas revolution, there
is debate about exactly how robust its future will be. Mainstream projections, as represented by
the U.S. Energy Information Administration’s (EIA’s) 2014 Annual Energy Outlook, are that
shale gas production will continue to grow through 2040. However, despite that increased
production, EIA forecasts natural gas prices to increase by 2.9 percent in real terms per year as
production shifts into areas where natural gas recovery is more difficult and costly.12 In large
part, EIA’s assumptions about future natural gas production and prices are supported by
estimates of significant shale gas reserves and assumptions that advances in technology and
successful exploration will continue to produce more recoverable resources. But questions about
the nature of shale gas resources below ground is where much of the debate lies. One skeptical
analyst, David Hughes, a geoscientist who had spent 32 years with the Geological Survey of
Canada, produced an estimate of recoverable reserves in the major shale gas plays that is 39
percent below EIA’s estimate.13
In addition to below-ground risks, the future of the shale gas revolution also is subject to
above-ground risks. Many of these risks concern new regulations for or even bans on hydraulic
fracturing. Regulations are likely to arise from worry over impacts on public health,
environmental harm, and earthquakes. The potential impact for regulations to limit shale gas
production is real, as shown by New York State’s ban on hydraulic fracturing announced in
December 2014. In addition to regulation, the courts are also involved. Notably, the Oklahoma
Supreme Court is hearing a lawsuit that could decide whether shale gas producers can be found
liable for earthquakes.
Finally, another above-ground risk that could lead to increased demand and higher
natural gas prices is the export of liquefied natural gas (LNG). Thus far, five LNG export
terminals have been approved. If, in addition to these five, fourteen other currently proposed
8

EIA, Natural Gas Gross Withdrawals and Production, release date February 27, 2015.
EIA, U.S. Crude Oil and Natural Gas Proved Reserves, Table 8, released December 4, 2014.
10
EIA, Henry Hub Natural Gas Spot Price, release date March 11, 2015.
11
EIA, Electric Power Annual, Table 3.1.A, release date December 12, 2013.
12
EIA, Annual Energy Outlook 2014, April 2014 (2014 EIA Annual Energy Outlook),MT-21.
13
Hughes, Drilling Deeper: A Reality Check on U.S. Government Forecasts For a Lasting Tight Oil & Shale Gas
Boom, post carbon institute, October 2014, 15.
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terminals are also approved, the combined export capacity could exceed the total amount of
natural gas used by the electricity sector in 2013.
C. Update on the Changing Utility Model
In last year’s Looking Forward Report, we noted that (a) decentralized technologies have
already impacted the operation of the electric power grid, (b) are projected to play a greater role
going forward, and (c) though there are concerns about distributed generation becoming an
existential threat to the traditional bulk electric system, it may be better to think of decentralized
technologies as complements to, not competitors for, the grid. This year, we update our findings
to provide the Board with a view of what is happening with decentralization and the attempts to
use it to compete with centralized power. While there is no conclusive evidence suggesting that
widespread decentralization is imminent, we find constructive activity on a number of fronts that
may suggest an emerging challenge to the traditional utility model.
First, increased adoption of and cost reductions in distributed energy technologies –
especially solar photovoltaics – mean that they may become cost competitive with centralized
generation in some higher-cost jurisdictions for energy generation. Data from the Lawrence
Berkeley National Laboratory, for example, suggests that the installed price per watt of solar
photovoltaic capacity has fallen 50 percent from 2009 to 2013.14 Separately, SolarCity, the
largest U.S. solar installer, is targeting an installed cost of just $1.20/watt for solar capacity, a
42.6 percent decline from its current costs.15 Adoption of distributed solar continues to increase,
driven by cost reductions, favorable public policy, and lower cost financing through use of
securitized products.
Second, through private innovation, new business models are emerging that seek to apply
these new technologies to challenge the traditional utility model. These offerings include: (a)
efforts by two major American companies – SolarCity and Tesla Motors – to combine distributed
solar generation with battery storage; (b) so-called “virtual power plants,” which are
aggregations of distributed generation, energy storage, and demand-side resources – linked
together by smart grid technology – to be a single, dispatchable resource; and (c) new ways to
aggregate load resources to offer value to wholesale markets, including an example of a
company that is aggregating electric home heating systems to provide frequency response service
in PJM.
Third, utilities are starting to feel financial pressure from a combination of (a)
competition from decentralized technologies, sometimes driven by public policies like net
metering for distributed generation (b) slow demand growth – EIA estimates growth to average
just 0.9 percent per year through 2040,16 and (c) rising capital expenditures to maintain the grid
and accommodate environmental compliance. One indicator of this financial pressure comes
from Barclays, an international bank, which recently downgraded electric utility bonds, noting in
14

Lawrence Berkeley National Laboratory, “Tracking the Sun VII,” September 2014, 13.
Bullis, “Solar City and Tesla Hatch a Plan to Lower the Cost of Solar Power,” MIT Technology Review,
September 19, 2014.
16
2014 EIA Annual Energy Outlook, MT-16.
15
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its analysis that “[i]n the 100+ year history of the electric utility industry, there has never before
been a truly cost-competitive substitute available for grid power…[w]e believe that solar [plus]
storage could reconfigure the organization and regulation of the electric power business over the
coming decade.”17
Fourth, some regulators are working to reform the regulatory compact with utilities to
encourage the growth of these distributed energy resources. The most complete state regulatory
reform effort currently underway is New York’s Reforming the Energy Vision initiative, which
grants to utilities a new role as Distribution System Platform Providers – essentially an
independent system operator for distributed energy resources – so that these new technologies
and business models can be incorporated into distribution systems. The initiative also seeks to
reform ratemaking to provide utilities with the financial incentives to take on this new role.

D. Physical Grid Security
Two recent, notable events have brought significant attention to and intensified a nationwide discussion about the vulnerabilities of the grid. In April of 2013, gunmen opened fire at
one of Pacific Gas and Electric’s substations causing damage to 17 high voltage transformers
which led to grid operators having to respond quickly to avert a blackout. In March of 2014, a
leaked analysis by the Federal Energy Regulatory Commission (FERC) showed that disabling as
few as nine of this type of substation during a time of peak electricity demand reportedly could
cause a “coast-to-coast blackout.”18
High voltage transformers are critical to the grid’s operations since they serve as the
backbone of the electric grid by handling the bulk of the flow of the nation’s electricity.
However, recent analysis shows that they are the most vulnerable to an intentional physical
attack. This is due to a number of factors, including (a) the sheer size of the equipment making it
easy to identify and, therefore, an easy target for a physical attack, (b) its penetrability to
gunshots, (c) a lack of security measures and human presence if remotely located, (d) not being
easily interchangeable, (e) long manufacturing lead times, (f) high cost, and (g) difficulty in
transporting equipment.
Yet, despite the risk from physical attack on high voltage transformers, there are other
threats such as storms and earthquakes that could have equal or greater impact with a much
higher chance of actually occurring. Accordingly, while we believe that improving defensive
measures and deterrents to physical attacks are important, since all future attacks may not be
preventable, resiliency should be emphasized. Investments in resiliency such as in redundant
transmission lines or substations would allow the affected transmission system to respond and
recover faster. In any case, investment decisions should be based on which investments would
provide the greatest system-wide net benefits.

17
Michael Aneiro, “Barclays Downgrades Electric Utility Bonds, Sees Viable Solar Competition,” Barron’s Income
Investing, May 23, 2014.
18
Paul W. Parfomak, Physical Security of the U.S. Power Grid: High –Voltage Transformer Substations,
Congressional Research Service, June 17, 2014, 6.
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E. Blurred Jurisdictional Lines
In 2013, judges in two separate decisions in U.S. District Court – one in New Jersey, the
other in Maryland – ruled that federal law preempted state law with respect to important resource
choice decisions. In both cases, the states sought long-term contracts for new generation because
of reliability concerns for their ratepayers. The basis for each of these landmark decisions – that
FERC alone sets wholesale rates and the states’ programs violated the Supremacy Clause of the
U.S. Constitution – threatened to upset the longstanding jurisdictional coexistence between state
and federal regulators. Since then, there have been other developments in the jurisdictional split
between the states and the federal government.
First, in the New Jersey and Maryland cases, both states have petitioned the U.S.
Supreme Court for consideration of the two decisions. If unsuccessful, states may no longer be
able to procure new generation even when faced with reliability concerns. This could be
problematic in states with federal capacity markets. As a backdrop, note that, according to the
American Public Power Association, 97.6 percent of new capacity that was built in 2013 was
either utility- or customer-built, or backed by a long-term, power purchase agreement, while just
0.1 percent of the new capacity was constructed for sale into RTO markets without any
supplemental assistance.19 Moreover, the courts’ decisions may endanger other state programs
such as full requirements electricity service for default service customers and renewable
resources pursuant to state Renewable Portfolio Standards (RPS). This may be all the more
reason for states in the SPP footprint to avoid capacity markets altogether and maintain
jurisdiction over resource adequacy and new generation.
Second, in May 2014, the D.C. Court of Appeals vacated FERC Order No. 745, which
required RTOs and Independent System Operators (ISOs) to compensate demand response
providers at full locational marginal prices in the energy market. The Court concluded that
demand response is a retail transaction, not a wholesale transaction, and thus is under the sole
jurisdiction of the states, not FERC. FERC has appealed the case to the U.S. Supreme Court,
arguing that the D.C. Court of Appeals decision threatens significant damage to U.S. electricity
markets and throws into question whether FERC has authority to permit the participation of
demand response providers in wholesale-electricity markets at all. After the decision, some
parties have challenged FERC’s regulation of the capacity markets, where demand response
participation is substantial.
Third, an emerging potential front in the jurisdictional divide between states and the
federal government involves sales from distributed generation. While discussion of distributed
generation is dominated by talk of net metering policies, some are raising a more fundamental
question: are sales by retail customers with distributed generation resources back to the grid a
wholesale or retail transaction? Today, sales from distributed generation resources are
considered FERC-jurisdictional, and FERC has rejected efforts by states to regulate some
distributed generation. But a recent article in the Energy Law Journal argues that FERC cannot
claim jurisdictional over wholesale sales from distributed generators that are intrastate; that is,
both the seller and the buyer are in a single state and on local distribution facilities. These are
19

“Power Plants are not Built on Spec,” American Public Power Association, 2014, 2.
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intrastate wholesale transactions that, as result of not being interstate, should be considered state
jurisdictional.
Fourth, another emerging potential issue involves RTOs’ role in providing service at just
and reasonable rates pursuant to the Federal Power Act while also helping states comply with
EPA’s proposed Clean Power Plan’s emissions reductions. So far, we have not seen much
evidence suggesting that RTOs will have trouble complying with these two federal standards (if
the Clean Power Plan is adopted). For example, the proposed Clean Power Plan offers options
for meeting emissions reductions, including pricing carbon, which can be added to a RTO’s
commitment and dispatch software to encourage the lowest-cost result. However, questions
remain over FERC’s ability to alter or reject an RTO-proposed compliance plan. Some parties
suggest that, at minimum, it may be advantageous for similarly-situated states – like states within
the same RTO – to collaborate on developing a uniform compliance strategy, such as a single,
regional price for carbon to be included in market dispatch.

F. Thinking About a Framework for Evaluating Transmission Investments
One of the Board’s most important functions is reviewing and approving transmission
investments. Those investments can be significant: in 2012, 2013, and 2014, SPP has issued
“notice to construct” letters for new transmission projects totaling $1.52 billion,20 $1.64 billion,21
and $1.48 billion,22 respectively. More recently, SPP approved another $270 million of
additional transmission investment in early in 2015.23 Complicating this function of the Board
are a series of challenging, disparate issues that sometimes lead to debate between reasonable
people about whether new transmission is needed and, if so, which project(s) best address the
need. In this chapter, we provide the Board with thoughtful intelligence on these issues.
The first issue we identify is the potential for general pushback by customers against
paying for additional transmission investments, even when those investments are projected to
have benefits. One example comes from Public Service Electric & Gas Company (PSE&G) in
New Jersey, where, in the wake of the impact of Superstorm Sandy – $12 billion in lost
economic activity and 7,300 job losses24 – the utility developed its voluntary $3.9 billion
“Energy Strong” proposal to strengthen its electric and gas systems against severe weather
conditions.25 Despite findings of benefits commensurate with its costs, PSE&G faced pushback
from numerous parties and eventually settled on a scaled-back $1.22 billion investment. Another
example of customer attitudes toward paying for additional transmission investment comes from
General Electric’s Digital Energy group, which in 2014 released the results of its Grid Resiliency

20

Southwest Power Pool, “2013 SPP Transmission Expansion Plan Report,” January 29, 2013, 4.
Southwest Power Pool, “2014 SPP Transmission Expansion Plan Report,” January 6, 2014, 7.
22
Southwest Power Pool, “2015 SPP Transmission Expansion Plan Report,” January 5, 2015, 7.
23
Rich Heidorn Jr., “Falling Oil Prices, Wind Exports Raise Concerns about SPP Transmission Expansion,” RTO
Insider, January 19, 2015.
24
Peter Fox-Penner, William Zarakas, “Analysis of Benefits: PSE&G’s Energy Strong Program,” The Brattle
Group, October 7, 2013, xi.
25
Ibid., viii.
21
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Survey noting that just 38 percent of U.S. adults aged 18 and over are willing to pay an
additional $10 per month to ensure the grid is more reliable.26
A second issue related to valuing transmission investments is quantifying the value of
reliability benefits. Reliability is about reducing outages, and outages can be expensive, costing
the U.S. between $20 billion and $150 billion annually.27 Estimating the value of added
reliability can be done through the use of metrics – such as the value of lost load – that seek to
measure the economic value from avoiding outages. (SPP uses such metrics in its planning.)
These metrics can be imperfect, however, as they can be volatile and dependent on assumptions.
A third issue is the accommodation of renewable power exports. Moving remotelylocated wind and solar to load centers outside of SPP typically requires new transmission
investment, and it should be of no surprise that SPP customers may have concerns in paying a
share of the costs of this investment. We tee up some fair questions related to exports, such as:
Are exporters of SPP wind (and the importing buyers in another control area) being allocated
their fair share of transmission upgrades and firm transmission service costs through the
interconnection process and through paying for firm transmission service? We also note that
one way to bypass the complexities of cost allocation for grid expansion projects to support SPP
wind power exports is through the use of high voltage direct current (HVDC) transmission
projects.
A fourth issue challenging transmission planners is load forecasting, one of the most
important variables in a transmission plan and one that is inherently uncertain and that can vary
substantially by region. We have seen concerns that transmission planners’ forecasts – or those
by its members – may be too high, leading to overinvestment in transmission. This places a
premium on the importance of (a) regularly updating (and sharing) load forecasts for SPP
member load serving entities and (b) using sensitivity analyses on load when the Board considers
proposals for new transmission investments.
Lastly, we consider the issue of decentralized technologies’ potential competition to
provide services typically reserved for new transmission investments. There is what we would
term some “intelligent chatter” from credible voices suggesting decentralized solutions may be
around the corner, including some promising examples of storage and microgrid investment and
performance. However, there also are credible sources of caution about the effectiveness of
decentralized technologies, especially in displacing grid services. London Economics, for
example, concludes that decentralized technologies may only be able to provide partial services
as compared with full network transmission service, which provides the full suite of energy,
capacity, and ancillary services on a continuous basis.28
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G. Smart Grid
Over the past several years, there has been a relative surge in smart grid investment,
mainly due to a joint cost sharing program between the private sector and the federal government
that began in 2009. The electricity industry spent $18 billion on smart grid technologies from
2010 to 2013. Nearly half of that amount came from investments made under the American
Recovery and Reinvestment Act of 2009 (ARRA), totaling about $8 billion.
While “smart grid” is a broad term that can refer to a range of technologies, we focus
here on advanced metering infrastructure (AMI) and, in particular, smart meters, as it has been
the most popular application of smart grid technology. Its primary benefit is that it can facilitate
two-way and real-time communications between the utility and the customer. Such technologies,
if adopted by enough customers, can have an impact by reducing peak electricity demand and,
thereby, potentially deferring new capacity needs through various time-based rate programs.
Oklahoma Gas and Electric Company (OG&E) ran a pilot program to test a new time-based rate
program over a two-year period. The program resulted in peak demand reductions and an
average bill reduction of $150 per customer during the summer. Due to the favorable results,
OG&E stated that it would roll out the program to “20% of their customers (120,000) by 2016,
with the aim of deferring investment in about 170 MW of power plant capacity.”29
While AMI has seen impressive growth over the past several years, a big part of it has
been due to ARRA funding which will end in 2015. Given that, there are questions about
whether the industry will be able to maintain momentum. Other issues such as cybersecurity will
play an important role in further customer adoption of smart grid technologies. Despite these
issues, AMI, if deployed effectively, can promote the centralized grid by making it more
efficient, reliable, and resilient. Therefore, we recommend that the SPP Board continue to
communicate with its members to: (a) see what type of efforts, if any, they have implemented
with respect to smart grid and (b) if they have made such efforts, see how SPP can add value to
its members’ smart grid investments.

H. Wind (and Solar) Exports from SPP’s Footprint
SPP has been described as the “Saudi Arabia” of wind resources and may soon have a
substantial amount of solar power. While SPP uses much of that wind energy internally – wind
provided 11 percent of total generation in 2013 and provided as much as 33.4 percent of total
SPP load on a single day in 201330 – it is natural to consider export possibilities to areas less rich
in renewable resources. In this chapter, we explore that opportunity for exports, focusing
particularly on sales to the southeast. We explore issues of (a) supply, (b) demand, and (c)
transport of renewable exports and conclude with a potential next step for SPP’s consideration.
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Regarding supply, the prospects for exports are bright. SPP is in a geographical sweet
spot with between 60,000 MW and 90,000 MW of wind potential31 and strong solar potential –
especially in eastern New Mexico – where approximately 2,000 MW have recently been added
to the SPP interconnection queue.32
Regarding demand, however, challenges abound. Only one southeastern state – North
Carolina – has a renewable portfolio standard. And, though Production Tax Credit (PTC)eligible wind – which according to the Lawrence Berkeley National Laboratory averaged a 2.1
cents per kWh price in 201333 – could be economically attractive in the southeast, the total cost
of wind must also include the cost of transmission, which can be significant. SPP’s wind may,
however, also provide economic benefits to the southeast through diversification. A recent IHS
study found that diversification saves U.S. ratepayers $93 billion per year.34 Because the
southeast states have relied on expensive clean coal and nuclear projects to address
environmental policies, they now may be more open to a different approach.
Regarding transport, it is likely that SPP will need additional transmission expansion to
accommodate significant amounts of exports, as evidenced by SPP’s own scenario analysis in its
transmission planning process. One way to export wind is over the alternating current (AC)
system, which could provide reliability benefits in SPP (through a more robust grid) and a
greater sharing of the costs of such projects among a larger number of beneficiaries. However,
such projects may be expensive, may require expanded interregional coordination with SPP’s
neighbors, and may test system operators’ ability to maintain reliable grid operations despite
higher wind penetration. A second way to export wind would be through new HVDC
transmission projects, which offer a less complex cost allocation and lesser system impacts.
However, HVDC projects can be expensive and difficult to site and permit.
Going forward, SPP can begin by considering its own value proposition for wind. The
primary benefit to SPP states from additional wind exports will likely be economic, in the form
of new jobs in states like Oklahoma, Kansas, Texas, and Nebraska. If SPP considers it
worthwhile to pursue wind exports, it may consider playing the role of facilitator of further
discussions between developers, policymakers, legislators, and utilities by hosting a free-ofcharge expo in a major target market city in the Southeast, which could be funded, attended, and
staffed by wind and transmission developers seeking to secure buyers for SPP export projects.
Developers could use the opportunity to demonstrate the benefits of SPP’s renewable power.
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II. EPA’s Continued Environmental
Campaign (An Update)

E

PA regulations continue to be a driving force in the shutdown or retrofitting of coal-

fired generation which is reshaping the power sector. This chapter first updates the status and
impacts of key EPA regulations, beginning with an update on four regulations that primarily
affect coal-fired generation: (1) the Cross-State Air Pollution Rule, or CSAPR; (2) Mercury and
Air Toxics Standards, or MATS; (3) Cooling Water Intake Structures regulation, otherwise
referred to as 316(b); and (4) Disposal of Coal Combustion Residuals from Electric Utilities
regulation, or CCR. According to estimates from the GAO, roughly one-third of all coal plants
will be retired or retrofitted as a result of these regulations.
The chapter then turns to the status and estimated impacts of EPA’s proposed regulations
on carbon emissions from new and existing power plants. State and regional energy regulators
and other organizations are studying the impacts of these regulations, and how best to comply.
The analyses covered in this chapter make two things clear. First, the impact of these regulations
on carbon emissions may be several times as large as the other regulations combined. It is
possible that every large fossil-fueled power plant will be affected by these regulations,
16

especially if states decide to implement regulations with a cap-and-trade approach. Second, as to
the regulations on existing power plants, called EPA’s Clean Power Plan, several initial impact
analyses agree that regional compliance strategies would be cheaper than state-by-state
compliance plans. RTOs/ISOs may have a role in implementing regional compliance strategies.
Finally, because one path for implementing regional compliance options for the Clean
Power Plan is through cap-and-trade style markets, the chapter closes with an update on current
carbon prices in the U.S. from existing cap-and-trade markets and other sources.
A. Updates on Four EPA Regulations Affecting Coal-Fired Generation
For several years, the electric sector has been planning for generation retirements caused
by a series of EPA regulations. Now these retirements are beginning to occur, as compliance
deadlines approach in 2015 and 2016. An August 2014 report from the GAO provides a status
report on these EPA regulations CSAPR, MATS, Cooling Water Intake Structures regulations
316(b), and CCR.35 It is an update on a similar 2012 report. A key takeaway from this GAO
report is that estimates of coal-fueled generation unit retirements in the near future have
increased since they were originally made in 2012. The GAO report now confirms the high end
of its previous estimates that 13 percent, or 42,192 MW of capacity, will be retired between 2012
and 2025. According to the GAO report, RTOs identified an additional 7,000 MW of capacity
that is at risk of being retired. While not all of these retirements will directly be caused by EPA
regulations, the report states that about three-quarters were expected to occur by the end of 2015,
which is consistent with the MATS compliance deadline. The expected level of coal-fueled
retirements each year is shown in Figure 2.1, which indicates that 2015 is the year with the most
expected retirements with almost 14,000. This is about the same as the total amount of
retirements as between 2000 and 2011.36
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Figure 2.1. Actual and Planned Retirements of Coal-Fueled Electricity Generation Units
2000-2025 (Net Summer Generating Capacity, thousand MW)

Source: EPA Regulations and Electricity: Update on Agencies’ Monitoring Efforts and Coal-Fueled Generating
Unit Retirements, GAO, August 2014. GAO analysis of SNL Financial Data.

In addition to the 42,192 MW of units expected to be retired, the GAO report noted an
additional 70,000 MW of generation is expected to be retrofitted to meet regulations. This
means that about one-third of coal fired capacity will be retired or retrofitted between 2012 and
2025.37 This is a much higher rate of retrofits and retirements than in the past. For example,
over a similar number of years, between 2000 and 2011, the GAO report notes that less than
14,000 MW of coal-fueled units were retired.38
According to the PJM State of the Market Report for the third quarter of 2014, just over
half of the 42,192 MW of retirements expected by the GAO report are estimated to occur in the
PJM region. That PJM report showed that over 25,000 MW of PJM generation retired or was
planned to retire beginning in 2012.39 According to MISO’s most recent State of the Market
report, it expects approximately 8,100 MW of coal-fired retirements.40 For SPP, as of a 2012
member survey, 1,089 MW of generation was expected to be retired as a result of EPA
regulations.41
Even as many units are retiring, the regulations forcing the retirements still face some
amount of uncertainty. For example, depending on the outcome of pending litigation on the
37
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MATS rule before the U.S. Supreme Court, some plants could be brought out of retirement.42 As
reported in last year’s Looking Forward Report, the MATS rule had been upheld in legal
challenges, including at the D.C. Circuit Court. However, on November 25, 2014, the Supreme
Court agreed to hear challenges to the MATS rule brought by industry groups and a consortium
of 21 states. The challenge asks the Supreme Court to consider whether it was reasonable for the
EPA to ignore costs when deciding whether to regulate, and only consider costs later, when
issuing specific pollution standards.43 According to legal analysts consulted for an article by
Bloomberg BNA44, it was surprising that the Supreme Court decided to hear the case at all
because EPA’s approach seemed consistent with Supreme Court precedent. These analysts went
on to say that the fact that the Supreme Court decided to hear the case at all could indicate a
willingness to require the EPA to consider costs in more circumstances. Oral argument is set for
March 25, 2015, and a ruling is likely to occur sometime by the end of the Supreme Court’s term
in June.45
While the MATS rule is still going through legal proceedings, the CSAPR rule appears to
have finally emerged from an extended legal limbo. The CSAPR rule is designed to limit sulfur
dioxide (SO2) and nitrogen oxides (NOx) emissions from upwind states so that downwind states
can comply with ozone and/or fine particulate National Ambient Air Quality Standards. The
CSAPR rule was finalized in 2011, but has been tied up in court proceedings ever since. Most
recently, the Supreme Court upheld EPA’s rule on April 29, 2014.46 On December 3, 2014 EPA
published in the Federal Register an interim final rule that was in effect as of that date. At that
time, EPA also published limits on SO2 and NOx emissions, in tons, for each affected unit.47
Note that affected units are present in eight of the nine states that SPP is currently in, excluding
New Mexico.
The other two regulations covered by the GAO report, the 316(b) Cooling Water Intake
Structures regulations and CCR rules, were both finalized in the past year. EPA’s Cooling Water
Intake Structures regulation require electric generating units to limit fish mortality.48 This
regulation was being finalized shortly after last year’s Looking Forward Report. Specific
deadlines will be established by permitting authorities, which are generally state agencies.49 The
CCR rule, as discussed in last year’s Looking Forward Report, was to be finalized in December
2014. At that time, EPA decided to classify CCR as non-hazardous waste, rather than hazardous
42
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waste. Industry welcomed this decision, as it reduced direct compliance costs and allowed
companies to continue to sell CCR as an input to products such as cement, concrete and
wallboard.50 EPA’s original estimate of the effect on electricity rates of CCRs being classified as
a non-hazardous pollutant was just 0.2 percent.51
B. Status of EPA’s Regulations on Carbon Emissions from Power Plants
EPA’s proposed regulations on carbon emissions cover both new and existing power
plants. Regulations on new plants were initially proposed on September 20, 2013 and discussed
in last year’s Looking Forward Report. In their current form, those regulations require coal
plants and natural gas plants that are 100 MW or larger to limit carbon emissions. Coal plants
would be limited to 1,100 lbs CO2/MWh (or a 7-year average emission rate of 1,000 – 1,050 lbs
CO2/MWh) while natural gas plants roughly 100 MW and larger would be limited to 1,000 lbs
CO2/MWh and smaller natural gas plants would be limited to 1,100 lbs CO2/MWh. The impact
– and it is a major impact – is that new or modified coal plants would be required to install
carbon capture and sequestration technology to meet these proposed regulations.52
EPA’s proposed Clean Power Plan will limit emissions from existing power plants.
These regulations, as a whole, are designed to achieve a 30 percent reduction in CO2 emissions
from the power sector by 2030 as compared to 2005. To calculate the proposed target for each
state, EPA began with that state’s 2012 average rate of emissions per MWh for covered fossilfuel units. EPA then applied four “building blocks:”53
1. Improve coal units’ heat rates by 6 percent.
2. Use lower emitting power sources more by dispatching existing and under-construction
natural gas combined cycle units to up to a 70 percent capacity factor.
3. Use more zero- and low-emitting power sources, consistent with maintaining nuclear
generation and the average renewable portfolio standard in that state’s region.
4. Using electricity more efficiently, by increasing energy efficiency to as much as 1.5
percent annually, and 10.7 percent in total by 2030.
However, these four building blocks are simply how EPA calculated the targets. States
are able to develop compliance plans of their choosing to meet these targets, they are not
required to use these same methods of reducing emissions. In fact, EPA’s Clean Power Plan
proposal envisions methods to allow states to use cap-and-trade programs, or another method of
pricing emissions, at least implicitly. Specifically, the Clean Power Plan includes a method for
states to convert between an average carbon emissions rate per MWh and a calculation of
“mass,” or total quantity, of allowed carbon emissions. This is useful because it is more practical
50
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to create cap-and-trade programs to control the mass of emissions than the rate of emissions.
Systems that reduce emissions by pricing carbon are generally recognized to be more efficient
than a command-and-control approach that requires power plants to take specific types of actions
to reduce emissions.
EPA’s proposal also included an alternative, and less stringent, set of emission rate
targets that it requested comment on. These alternative targets represent emissions performance
that EPA believes is achievable by 2025 instead of 2030. These alternatives were for a coal heat
rate improvement at 4 percent instead of 6 percent, a capacity factor for natural gas combined
cycle units of 65 percent instead of 70 percent, and energy efficiency improvements of 1 percent
as opposed to 1.5 percent.54
On October 28, 2014 EPA issued a notice of data availability to allow for additional
comment on specific aspects of the Clean Power Plan. Aspects that EPA brought up included (a)
giving states more flexibility to meet emissions reductions, including phasing in the assumed
contribution of higher levels of natural gas dispatch; (b) whether assumptions about the
availability of natural gas combined cycle generation are too stringent or too weak for different
states; (c) details about how renewable energy potential is calculated within a region; (d) how
renewable energy is assumed to contribute to lowering the average emissions rate; and (e)
whether it is appropriate to use 2012 as the single base year from which to calculate emission
rate reductions, as opposed to another year or combination of years.55
EPA’s current plan for finalizing carbon regulations is to issue final rules this summer on
new, modified, and reconstructed power plants as well as final rules on the Clean Power Plan
affecting existing sources. In the summer of 2016, states will submit complete compliance plans
or initial plans with requests for 1- or 2-year extension. For states that do not submit plans, EPA
will issue a final federal plan for meeting Clean Power Plan. The proposed beginning of the
Clean Power Plan compliance period is summer of 2020.
Like every EPA regulation, there are risks to these carbon regulations going forward as
planned by EPA. Some risks are political, including efforts to encourage states to not comply
with these regulations. For example, Senate Majority Leader Mitch McConnell wrote an op-ed
on March 3, 2015 that encouraged states to refuse to go along with these regulations.56 This
approach is also represented in white papers such as one released by the Federalist Society in
November 2014 titled EPA’s Section 111(d) Carbon Rule: What if States Just Said No?57
C. Impacts of EPA’s Clean Power Plan
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There have been several analyses of the potential impact of EPA’s Clean Power Plan on
carbon emissions from existing power plants, including analyses from NERC and RTOs/ISOs.
Common conclusions from these analyses are that compliance may be expensive, and that
regional approaches to compliance are less expensive than state-by-state compliance.
NERC released a study titled Potential Reliability Impacts of EPA’s Proposed CPP on
November 5, 2014.58 This initial reliability review of the proposal noted both the potentially
large impact of the Clean Power Plan and some potential challenges and reliability concerns,
especially given the constrained timetable for implementation. NERC summarized EPA’s own
Regulatory Impact Assessment of the Clean Power Plan as indicating it would reduce generation
capacity “by between 108 and 134 GW by 2020”59 depending on whether states choose to
implement compliance plans regionally or state-by-state. These estimates of likely retirements
are roughly 2.5 to 3 times the 42 GW estimates of retirements caused by the set of EPA
regulations MATS, CSAPR, 316(b) and CCR discussed earlier in this chapter. NERC went on to
say that “The number of estimated retirements identified in the EPA’s proposed rule may be
conservative if the assumptions prove to be unachievable. Developing suitable replacement
generation resources to maintain adequate reserve margin levels may represent a significant
reliability challenge, given the constrained time period for implementation.”60
NERC’s main concerns about EPA’s plans included:





“Assumed heat rate improvements for existing generation may be difficult to achieve:”61
“Increased dependence on renewable energy generation will require additional
transmission to access areas that have higher-grade wind and solar resources (generally
located in remote areas).”62
“Increased natural gas use will require pipeline expansion to maintain a reliable source of
fuel, particularly during the peak winter heating season.”63
EPA’s assumptions about energy efficiency may also be aggressive.

Overall, NERC has reliability concerns about the Clean Power Plan:
More time for [Clean Power Plan] implementation may be needed to accommodate
reliability enhancements: State and regional plans must be approved by the EPA, which is
anticipated to require up to one year, leaving as little as six months to two years to
implement the approved plan. Areas that experience a large shift in their resource mix are
expected to require transmission enhancements to maintain reliability. Constructing the
resource additions, as well as the expected transmission enhancements, may represent a
significant reliability challenge given the constrained time period for implementation.64
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As an opposing viewpoint, The Brattle Group released a report in February 2015 that
assessed NERC’s initial reliability review. The Brattle report concluded that there is sufficient
flexibility in the Clean Power Plan such that reliability is unlikely to be a concern:
Following a review of the reliability concerns raised and the options for mitigating them,
we find that compliance with the [Clean Power Plan] is unlikely to materially affect
reliability. The combination of the ongoing transformation of the power sector, the steps
already taken by system operators, the large and expanding set of technological and
operational tools available and the flexibility under the [Clean Power Plan] are likely
sufficient to ensure that compliance will not come at the cost of reliability.65
The discrepancy between these analyses was noted during a panel at the NARUC Winter
Conference on February 16, 2015. Gerry Cauley, President of NERC, was asked whether this
Brattle report led him to question any of NERC’s conclusions on the reliability impacts of the
Clean Power Plan. He declined to get into specifics, but essentially said no. He stated that the
Brattle report repeats assertions made by EPA in support of its draft regulation, like the potential
for coal plant efficiency gains, which NERC believe are not true.
Other analyses have been issued by RTOs. As the Board is aware, SPP’s own analysis of
the potential reliability impacts of the Clean Power Plan noted that “EPA projections represent
approximately a 200% increase in retired generating capacity compared to SPP’s current
expectations.”66 The implications of EPA’s anticipated retirements indicate that significant
capacity will need to be constructed in the SPP region to meet SPP’s reserve margin.
In evaluating the impacts of the projected [electric generating unit] retirements on SPP’s
reserve margin, SPP utilized current load forecasts, currently planned generator
retirements and additions, as well as the retirements projected by the EPA. The
Assessment showed that by 2020, SPP’s reserve margin would fall to 4.7%, which is
8.9% below our minimum reserve margin requirement. Out of SPP’s fourteen loadserving members impacted by the EPA’s projected retirements, nine would be deficient
in 2020. Furthermore, SPP found that its anticipated reserve margin would fall to -4.0%
in 2024, increasing the number of deficient load serving entities to ten. These anticipated
reserve margins represent a generation capacity deficiency of approximately 4.6 GW in
2020 and 10.1 GW in 2024.67
SPP noted that the current timeline to implement EPA’s proposed Clean Power Plan may
not leave enough time for states to develop and approve plans, for the necessary coordination
beyond typical regional planning efforts, broader system assessments of the bulk power system
and natural gas pipeline and storage systems, and construction and mitigation measures to
accommodate retrofits and retirements.68
MISO analysis of the proposed Clean Power Plan found that regional compliance options
could save approximately $3 billion annually, as compared to compliance plans that are
consistent with EPA’s “building blocks” approach. This is not surprising, as MISO calculated
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that the cost per ton of CO2 reduced for some of EPA’s building blocks was quite high. For
example, meeting EPA’s building block 3, which is largely about fulfilling state renewable
energy targets, could cost $237/ton CO2 emissions reductions. This is MISO’s estimate of the
cost of adding enough wind to meet the incremental regional non-hydro renewable energy target.
A regional approach, however, required a $38/ton CO2 price.69
PJM modeled several scenarios for complying with the Clean Power Plan. PJM came to
the same conclusion that MISO did, in that regional approaches were seen to be less expensive
than state-by-state approaches. In particular, state-by-state compliance was modeled as being
nearly 30 percent more expensive in 2020 than a regional approach – nearly $45 billion versus
$35 billion. Also, as opposed to an estimated 8,000 MW of generation at risk of being retired by
2020 if compliance is done on a regional basis, almost 11,000 MW of additional generation is
estimated to be at risk of retirement by 2020 if compliance was done state-by-state.70 PJM’s
analysis also argued that, depending on the exact scenario modeled, the resulting CO2 price in
2020 to limit carbon emissions appropriately ranges from at or near zero to about $40/ton. A
scenario consistent with EPA’s assumptions for implementing the Clean Power Plan would
produce very modest carbon prices. A scenario that had lower renewable energy and energy
efficiency, in line with trend growth in PJM renewable energy and energy efficiency, would
imply carbon prices that are higher, but still near the lower end of this range.71
D. Existing Carbon Pricing in the U.S.
As suggested by the RTO analyses of the Clean Power Plan, regional compliance is likely
to be less expensive than state-by-state compliance. A regional approach may be accomplished
via regional cap-and-trade markets that will price greenhouse gas emissions. As noted above,
MISO indicated that a regional approach may require a carbon price of $38/ton. PJM noted that
a wide range of potential carbon prices, from near zero to $40/ton, could be consistent with the
carbon emissions reductions sought by the EPA depending on factors such as natural gas prices
and the pace of renewable energy generation construction.
To give some context to these estimates of the carbon price needed for the MISO and
PJM regions to comply with the Clean Power Plan, Figure 2.2 below presents actual prices for
carbon allowances in recent auctions held by existing carbon cap-and-trade markets in the U.S.
These two carbon markets are the Regional Greenhouse Gas Initiative (RGGI) in the Northeast
and Mid-Atlantic, and the California Cap-and-Trade Program. As can be seen, carbon allowance
prices in RGGI have recently risen from about $2/ton – which is near the floor price – to nearly
$6/ton, which is the level at which additional allowances will be released, to limit further price
increases. The carbon allowance price in California’s market has held relatively stable at about
$12/ton, which is just above the current floor price of $11.34/ton.72 These existing carbon prices,
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which are already accounted for in functioning energy markets, are at the low end of the range of
carbon prices that may be needed to comply with the Clean Power Plan in some regions,
depending on the stringency of the final regulations.
Figure 2.2. Carbon Allowance Auction Settlement Prices ($/metric ton)
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Source: RGGI, California Air Resources Board, author’s calculations. RGGI uses short tons and California uses
metric tons. Thus, RGGI’s prices are converted to metric tons for comparison.

In addition to these existing cap-and-trade markets, a number of electric utilities and
other major companies are beginning to use carbon pricing in their corporate planning. These
companies factor an implied cost of carbon into their corporate decision-making to limit
corporate carbon emissions or to prepare for an external cost to emitting carbon.
According to a September 2014 report from the Carbon Disclosure Project, at least 14
companies in North America, presented below in alphabetical order, disclose an explicit carbon
price ($U.S./ton):73 these prices range from $6/ton to $80/ton. The conclusion is that the
internal planning processes of at least some firms may already be consistent with a world in
which carbon regulations are placed on the electricity sectors, and possibly other sectors as well.




Ameren Corporation: $30
Cenovus Energy Inc.: $16-65
ConocoPillips: $8-46
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Encana Corporation: $10-80
Exxon Mobil Corporation: $60-80
Google: $14
Mars: $20-30
Microsoft Corporation: $6-7
TD Bank Group: $10
Teck Resources Limited: $30-60
TransAlta Corporation: $15-23
Walt Disney Company: $10-20
Xcel Energy Inc: $20
E. Conclusion

Amid all that EPA is doing to reshape the electricity sector, there are several conclusions
that the Board can draw.
1. Current estimates of the impact of EPA regulations that are currently being implemented,
which include MATS, CSAPR, 316(b) and CCR, is that they are hitting coal-fired
generation hardest. As reported by the GAO, these regulations are estimated to cause
fully one-third of coal-fired to be retired or retrofitted.
2. EPA’s proposed regulations on carbon emissions from new generation prevent any new
conventional coal generation from being built. Coal generation will not be allowed under
these proposed regulations without being constructed with carbon capture and
sequestration technology.
3. EPA’s proposed regulations on carbon emissions from existing generation, called the
Clean Power Plan, could impact all coal generation, as well as large natural gas fired
generation.
4. The reliability impacts of EPA’s Clean Power Plan are estimated to be significant, but
can be reduced through regional compliance approaches.
5. As with all environmental regulations, it is important to remember that EPA’s carbon
regulations have only been proposed thus far, and may change substantially before being
finalized. Once finalized, these regulations will face inevitable court challenges.

26

III. The Shale Gas Revolution (An Update)

T

he last several Looking Forward Reports have each discussed extensively the

ongoing shale gas revolution brought about by hydraulic fracturing and horizontal drilling
technologies. These reports have discussed natural gas prices, estimates of the amount of shale
gas that is ultimately recoverable, and possible changes in demand for natural gas, including
LNG exports. They have also discussed potential environmental regulations of shale gas that
could limit future extraction.
The availability and price of natural gas continues to be an important issue for the Board,
as indicated by the 48 percent of the time in 2013 that natural gas is on the margin in SPP, and
thereby setting the SPP’s spot energy price.74 Given that, the chapter revisits the state of the
natural gas business in the U.S., finding that the shale gas revolution is alive and well. Evidence
of this includes strong levels of production of shale gas and natural gas in general, low prices,
and increasing levels of natural gas-fired power generation.
Though current estimates are that the shale gas revolution will continue, there is debate
about the extent to which it will continue and for how long. The future of the shale gas
74
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revolution relies, to a large extent, on the shale resources in the ground. The chapter describes
mainstream estimates of shale gas resources, as represented by EIA projections, as well as more
skeptical estimates which reveal the complex debate over recoverable shale gas reserves. The
chapter then turns to the need for additional natural gas pipeline development to ensure that
natural gas can be delivered as sources of production and demand grow and shift. A recent
report from the Department of Energy concludes that pipeline development over the next 15
years is likely to be less than was needed over the past 15 years largely because areas of
production and consumption are now closer. Next, the chapter presents several examples of
environmental concerns, including earthquakes and water usage and drinking water
contamination. Most such environmental concerns are addressed at the state and local levels.
Finally, the chapter ends with a short discussion about the expanding potential for LNG exports.
It points to recent approvals of several large LNG export terminals to say that LNG exports could
be another major source of demand for U.S. natural gas, on the scale of the current electric
sector.
A. The Shale Gas Revolution Continues
As of the writing of this chapter, it is clear that the shale gas revolution is continuing.
This means that natural gas production from shale resources continues to be strong and growing,
and, as a result, natural gas prices remain low even as the use of natural gas continues to grow.
To give some sense of the scale of this revolution, note that EIA data indicates that production of
natural gas from shale resources has increased six-fold between 2007 and 2013, and has grown
from 8 percent of all natural gas withdrawals in the U.S. in 2007 to 40 percent in 2013. At the
same time, production from other sources has declined by 20 percent, suggesting that shale gas is
replacing conventional production of natural gas. The total result is an overall increase of 22
percent in natural gas production from 2007 to 2013.75
This boom in natural gas production has kept prices relatively low. Figure 3.1 below
shows the Henry Hub daily spot price, as given by EIA, 1997 through early 2015. Though
current Henry Hub spot prices – which have averaged about $3/MMBtu so far in 2015 – are not
as low as in 2012 when prices dipped as low as $1.82/MMBtu on April 20, current prices are
much lower than they were in 2008, before the shale gas revolution. In 2008, prices spiked as
high as $13.31/MMBtu, on July 2.76
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Figure 3.1. Henry Hub Natural Gas Spot Price ($/MMBtu)
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Source: EIA, daily nominal spot price

These low prices have been one of the drivers of the increased use of natural gas in the
electric sector (the other main driver being increasingly strict environmental regulations on coal,
as discussed in chapter 2). According to EIA, between 2002 and 2012 natural gas-fired power
generation increased 77 percent, growing as a share of total electricity generation in the U.S.
from 18 percent to 30 percent.77 This historical growth is shown on the left side of Figure 3.2
below, which is a graph from EIA’s 2014 Annual Energy Outlook of the share of electricity
generated from different fuels. Further, the right side of that graph shows that EIA expects this
growth in the share of natural gas-fired generation to continue, though at a reduced pace, with
natural gas making up 35 percent of total generation in 2040.78
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Figure 3.2. Electricity Generation by Fuel in EIA’s 2014 Annual Energy Outlook Reference
Case (billion MWh)

Source: EIA Annual Energy Outlook 2014, page MT-16

Underlying all of this growth in shale gas and natural gas, quite literally, are the shale gas
reserves. Through improvements in technology and increased exploration, total natural gas
reserves have grown sharply in the last decade. EIA’s estimate of the total U.S. natural gas
proved reserves is shown in Figure 3.3. From the end of 2003 to the end of 2013, these reserves
have increased by 80 percent. 79
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Figure 3.3. U.S. Total Natural Gas Proved Reserves (trillion cubic feet)

Source: EIA, U.S. Crude Oil and Natural Gas Proved Reserves

The size of that increase in proved reserves (156,849 billion cubic feet)80 is almost
identical to the size of EIA’s estimated shale gas reserves (159,115 billion cubic feet).81 At the
end of 2013, 45 percent of EIA’s estimate of total proved reserves was composed of shale gas
reserves.82
B. Natural Gas Price and Supply Projections
Traditionally, natural gas has been a relatively volatile resource sector, as shown by
Henry Hub spot prices in Figure 3.1 above. This volatility is one reason why we have stated in
past Looking Forward Reports that the Board should maintain a healthy skepticism when
evaluating price forecasts and projections, which typically do not show such volatility. This is
either because they discount how volatile the future is likely to be, or more reasonably, are
simply unable to predict it. The result is that projections of natural gas production and prices
tend to appear much more stable than the future is likely to be. This section of the chapter
examines EIA’s current projection for natural gas, as an example of mainstream opinion. It then
discusses uncertainty around estimates of natural gas reserves.
A current mainstream scenario for future natural gas prices, as represented by EIA’s 2014
Annual Energy Outlook, is for steady increases. EIA says that in its Annual Energy Outlook
2014 Reference scenario, natural gas reserves are “abundant” but production costs will increase
over time as “producers move into areas where the recovery of natural gas is more difficult and
expensive.”83 Figure 3.1 below shows the increase in natural gas price projected by EIA. Prices,
80
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in real terms, are assumed to increase from $3.74/MMBtu in 2015 to $7.65/MMBtu in 2040, or
2.9 percent annually.

Figure 3.4. Annual Average Henry Hub Spot Natural Gas Prices in EIA’s 2014 Annual
Energy Outlook Reference Case ($2012 per MMBtu)

Source: EIA Annual Energy Outlook 2014, page MT-21

A major driver of long-term price expectations for natural gas is the supply picture for
shale gas. Although the shale gas revolution is well established in today’s natural gas markets,
there is little long-term data on production from shale gas fields and wells, so there remains
significant uncertainty around estimates of future shale gas production. This uncertainty is
reflected in the ongoing debate about natural gas reserves.
To begin to understand this debate, consider EIA’s current estimates of natural gas
reserves. EIA projects that between 2012 and 2040 there will be a 56 percent increase in total
U.S. dry gas production.84 Shale gas production, which is shown in Figure 3.5 as the top slice of
production, is assumed to drive the majority of this growth, increasing from 40 percent of all
production in 2012 to 53 percent in 2040.
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Figure 3.5. U.S. Natural Gas Production by Source in EIA’s 2014 Annual Energy Outlook
Reference Case (trillion cubic feet)

Source: EIA Annual Energy Outlook 2014, page MT-23

It is difficult to give some measure of how likely this projection is because long-term
production projections tend to be revised significantly, even from one year to the next. For
example, as opposed to the 56 percent growth in natural gas production currently projected,
EIA’s 2013 Annual Energy Outlook had projected an increase between 2011 and 2040 of 44
percent.85 That is, in the span of one year EIA’s current view projections of long-term growth of
natural gas production by 2040 increased by 12 percentage points.
On top of this variability in EIA’s own estimates of natural gas production, there is
uncertainty raised by the existence of other, differing analyses. Some are more optimistic, other
less so.86 Two of the more prominent and technical alternative analyses have both been less
optimistic than EIA about estimates of shale gas reserves, which have led them to issue lower
projections for natural gas production. The debate about these analyses, at a minimum,
highlights the uncertainty faced in natural gas forecasts.
The first of the two alternative estimates of natural gas reserves that are discussed in this
chapter is from David Hughes, a geoscientist who had spent 32 years with the Geological Survey
of Canada. One of Hughes’s credentials with respect to EIA estimates is a December 2013 study
in which he referred to EIA’s estimates of the recoverable barrels of tight oil in California’s
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Monterey shale play as “wildly overoptimistic.”87 Within 6 months the EIA revised their
estimates downward by 96 percent.88
In 2014, Hughes released a broader report that examines the top seven shale gas plays in
the country, which he says account for 88 percent of EIA’s 2014 estimated U.S. shale gas
production.89 He concludes that shale gas production will fall off much faster than the EIA
projects. From 2014-2040, cumulatively, Hughes’s study shows the seven shale plays
underperforming their EIA projection by 39 percent. In 2040, Hughes estimates daily production
from the seven shale plays to be only approximately one-third that of EIA’s estimate.90
Hughes offers several critiques of EIA’s methodology for estimating future shale gas
production. One of them is that EIA does not properly analyze declining production at “sweet
spots” – areas that are particularly productive, in boosting current production numbers.91 For
example, in discussing the large Marcellus shale play, Hughes argues that “prices will have to
increase to justify drilling in lower quality parts of the play when sweet spots are exhausted.”92
Another critique from Hughes is that EIA assumes that significant additional resources will
continue to be found over time and that technology will continue to improve to increase
extraction.93 Hughes says that EIA assumes that between 74 and 110 percent of all unproved
reserves, which have not been proven to be economically recoverable, plus all proved reserves of
the seven major plays will be extracted by 2040. Hughes believes that to be “highly
speculative.”94
Hughes also argues that many analysts, EIA included, are too confident that advances in
hydraulic fracturing technology will lead to increases in shale gas production. As proof of his
concerns over the limits of hydraulic fracturing, Hughes offers evidence that productivity per
well in some shale gas plays has stagnated or even declined in recent years.95
The other alternative analysis is from the Bureau of Economic Geology at the University
of Texas at Austin (BEG), which is studying four major shale plays. BEG’s methodology
examines wells at a more granular level of analysis than EIA does, each square mile rather than
at a county level. This square mile analysis is then aggregated to create production estimates for
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each entire shale play.96 BEG’s methodology allows them to model the productivity of wells at
different price points, and assumes advances in technology and recovery factors for each well.97
So far BEG has completed its analysis on two shale plays. The results, as compared to
EIA’s analysis, is lower estimated ultimate recovery amounts. In the Barnett shale play, BEG
calculated that 45 trillion cubic feet of gas could ultimately be recovered, which is about 16
percent below EIA’s estimate of 53.3 trillion cubic feet recovered by 2040.98 In the Fayetteville
play, BEG estimated ultimate recovery amount of 18.2 trillion cubic feet is about 56 percent
below EIA’s estimate of 41.5 trillion cubic feet recovered by 2040.99
A recent EIA Working Paper discussed improving EIA’s model performance by using a
more granular level of analysis for estimating reserves, like the BEG methodology, as opposed to
its current methodology looking at county-level production. The authors of the paper point out
that EIA’s current method – which assumes that all wells in a county will have similar
production levels – may overweight the sweet spots that are drilled first. The effect would be to
overestimate the production potential of that county.
“A county might have a population of wells within a small area of geologic favorability,
and the operative model uses those results across a potentially much larger area, when in
fact, the geologic favorability is concentrated in a small area and future results in that
county are likely to be much poorer. The presence of the geology necessary for
production might not even exist in the remainder of the county….
Across large resource plays this issue may be significant in the aggregate because of
resource concentrations and increased well productivity in areas with more favorable
rock properties within the same formation. Past experience has shown that industry will
locate and focus on drilling in sweet spots for the enhanced production performance these
areas offer. However, well productivities are described by a distribution of results, with
the more productive end of this distribution residing within sweet spot areas. Future
development of the same formation will expand beyond sweet spot areas based on
industry considerations of economic viability. This changes the portion of the
productivity distribution from which new drilling samples, and leads to a different
average outcome as drilling results are projected into less productive parts of a given
formation.”100
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Still, EIA’s estimates in its 2014 Annual Energy Outlook may prove to be right. This is
despite the technical and more granular nature of the alternate analyses and the EIA Working
Paper which suggests EIA could improve their methodology to be more like these alternative
analyses. For one, these alternate studies could be too conservative – discounting likely
increases in technology and the potential for finding new sources of natural gas. In fact, as cited
in a Nature article, “Members of the Texas team are still debating the implications of their own
study. [Principal Investigator Scott W.] Tinker is relatively sanguine, arguing that the team's
estimates are “conservative,” so actual production could turn out to be higher.”101 Second, EIA
may also turn out to be right if geologic exploration and technical development continue to be
more successful than assumed by these alternate analyses. As shown in Figure 3.3 above, natural
gas reserves fluctuate over time. Reserves increase with successful geologic exploration and
improvements in technology. Reserves decrease as gas is extracted. The only thing that is
certain is uncertainty.
C. Natural Gas Pipeline Developments
The shale gas revolution has shifted the geography of natural gas extraction and the
directions of natural gas pipeline flows. This raises the question of whether there is sufficient
natural gas pipeline capacity to serve the growing demand from the electric power sector.
Without sufficient pipeline capacity, the shale gas revolution can seemingly pass entire regions
by. Alternatively, ample supply may be ready to serve demand elsewhere, but is locked in due to
limited pipeline capacity, as in Pennsylvania and other states in and around the Marcellus and
Utica formations, where prices have recently been half as much as at Henry Hub.102
Here we examine a February 2015 report from the Department of Energy titled “Natural
Gas Infrastructure Implications of Increased Demand from the Electric Power Sector.” This
report models how much natural gas pipeline development will be needed over several scenarios.
A key finding of the report is that while pipeline capacity expansion is needed, the amount of
pipeline capacity expansion needed over the next fifteen years, 38 to 42 billion cubic feet per day
between 2015 to 2030, is only about one-third of the historical rate of pipeline capacity
expansion, which was 127 billion cubic feet per day between 1998 to 2013.103
There are at least two reasons that the amount of pipeline construction needed going
forward is projected to be less than the amount of construction in the recent past. One reason is
higher utilization of existing pipeline. Average capacity utilization between 1998 and 2013 was
54 percent, and this is projected to increase to 57 percent by 2030 in the report’s reference
case.104 Another reason is that flow patterns for natural gas have evolved.105 Shale gas
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development and increased demand for natural gas has brought sources of production and
demand closer together.106
In addition to the reference case, two other scenarios analyzed the incremental pipeline
capacity needs under a national carbon policy.107 The report found that the additional capacity
needs are modest, at four to ten percent of the reference case additions, depending on the specific
assumptions used for coal retirements.108
As for natural gas pipeline capacity in the SPP region, this report suggests that only a
small portion of the additional capacity will be needed in the SPP region. SPP also appears to
avoid significant pipeline expansion in case of a national carbon policy. The report states that
“regions in which coal-fired generation is replaced with a greater amount of renewable power,
such as MRO and SPP, do not demand as much incremental natural gas as other regions.”109
D. Environmental and Regulatory Issues
Since the 2012 Annual Looking Forward Report, the reports and analysis that we have
reviewed on the impacts of hydraulic fracturing on the environment have come to the same
general conclusion – “When done properly, horizontal drilling methods used to release shale gas
may not carry more risk than traditional vertical oil and gas drilling.”110 However, this certainly
does not mean that hydraulic fracturing is riskless, or that some jurisdictions would not prefer to
heavily regulate or ban the practice altogether. Thus, as in previous Looking Forward Reports,
we continue to examine the concerns about hydraulic fracturing and whether they are leading to
regulations and restrictions that could limit shale gas production.
This section discusses selected changes in state and local regulations, the effect of
hydraulic fracturing on earthquakes, and water use and contamination. In the last year, there
does not appear to have been much movement for federal action to limit hydraulic fracturing,
through there have been numerous state and local regulations passed and court cases heard on the
issue. Our conclusion remains that these issues bear continued monitoring.
1. State regulations on hydraulic fracturing
States are the primary venue for regulations related to shale gas and hydraulic fracturing.
A 2013 report from the think tank Resource for the Future (RFF) studied state regulations and
came to several conclusions.111 First, these regulations are rapidly changing, consistent with the
rapid change of pace of the shale gas industry itself and public attitudes towards it. Anecdotal
evidence, discussed below, confirms that this rapid change has continued through 2014. Second,
RFF concluded that states regulate shale gas and hydraulic fracturing very differently. This is
consistent with a regulatory framework that is in flux. Though the RFF report found it difficult
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to identify specific differences between states that could account for the variance in regulations,
it did identify that states with more resource development tend to regulate more broadly. This
was thought to be due to these states having more of a need to regulate. One of the few other
variables that RFF found that could explain some of the variance in regulations across states was
the type of drinking water that a state relied on. The RFF report stated that “Evidence suggests
that states that rely more on surface water are likely to have more water regulations, and that
those that rely more on groundwater are likely to have more stringent groundwater
regulations.”112 This suggests ongoing concerns about the impact of hydraulic fracturing on
drinking water supplies.
Turning now to examples of new state regulations, perhaps the most high-profile
regulation of the past year was from New York, which sits on parts of the large Marcellus and
Utica shale gas plays. In December 2014, Governor Cuomo shifted a moratorium on hydraulic
fracturing to an outright ban.113 Because the moratorium had meant that there had been no shale
gas production as of yet, this ban will not actually reduce natural gas production.114 It will
however limit natural gas’s potential growth. In issuing this ban, New York joined Vermont and
several other jurisdictions around the country.115
Governor Cuomo’s administration based its decision on a determination that there were
uncertainties about the risks of potential health and environmental impacts to allow hydraulic
fracturing.116 Coinciding with the ban, the New York State Department of Health issued a report
on the potential consequences of hydraulic fracturing. That report says that a number of ongoing
studies – some of which are not scheduled to be completed for years – would help remedy the
deficit of data, but that any one study alone would not be sufficient.117 One conclusion to draw is
that, absent a Governor with significantly different beliefs, New York is unlikely to allow
hydraulic fracturing for many years. The Department of Health report also summarized the wide
array of New York’s environmental and health outcome concerns in the following list:118


“Air impacts that could affect respiratory health due to increased levels of particulate
matter, diesel exhaust, or volatile organic chemicals.



Climate change impacts due to methane and other volatile organic chemical releases to
the atmosphere.



Drinking water impacts from underground migration of methane and/or fracking
chemicals associated with faulty well construction.



Surface spills potentially resulting in soil and water contamination.
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Surface-water contamination resulting from inadequate wastewater treatment.



Earthquakes induced during fracturing.



Community impacts associated with boom-town economic effects such as increased
vehicle traffic, road damage, noise, odor complaints, increased demand for housing and
medical care, and stress.”

In other states where hydraulic fracturing is already happening at any significant scale,
the debate that we have seen most frequently in the past year has been between (a) state laws and
regulations that generally allow hydraulic fracturing and (b) localities that want to enact more
restrictive regulations. Localities have met different results in different states. In Pennsylvania,
localities have won court cases allowing them to restrict hydraulic fracturing more than the state
does. However, the opposite has occurred in Ohio and Colorado where state law has
prevailed.119
2. Earthquakes
As discussed in last year’s Looking Forward Report, there has been a significant increase
in the number of earthquakes where hydraulic fracturing is occurring. Last year’s report
concluded that these earthquakes appear to be tied to the use of injection wells, which are used in
hydraulic fracturing and for many other purposes.120 In fact, research has tied earthquakes to
injection wells for decades, long before hydraulic fracturing became common.121
News about earthquakes this past year largely confirmed our previous discussions.
Reports continue to be released about the increasing frequency of earthquakes. For example, in
May, 2014 the Seismological Society of America released a notice which said that each year
from 2010 to 2012, the U.S. Geological Survey registered, on average, 100 earthquakes
measuring 3.0 and larger. This was many more than the just 21 such earthquakes, on average,
observed per year from 1967 to 2000.122 Also, a study published in the journal Science linked a
swarm of earthquakes, “which accounted for 20% of the seismicity in the central and eastern
United States between 2008 and 2013,” to Jones City, Oklahoma from injection wells used in
hydraulic fracturing.123
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These earthquakes in Oklahoma have led to at least one major state court case. The state
Supreme Court agreed to hear the lawsuit of a woman who was injured in an early November,
2011 earthquake in Prague, Oklahoma which registered a magnitude 5.7 and destroyed 13
homes. She is suing two companies that operate injection wells in that area. At the time of
writing, no decision had been rendered. However, one of the defendant corporations is
concerned that a finding of legal liability for earthquakes could make it cost prohibitive to
conduct hydraulic fracturing in the state.124
Other states are also facing earthquakes. A sampling of official reactions suggest that the
typical response has been to increase monitoring, but not to significantly increase barriers to
hydraulic fracturing; this could be termed a “wait and see” approach. Some examples of state
action with regards to earthquakes induced by shale gas development include:


Colorado, in 2011, began asking a state geologist to review permit applications for new
or expanded injection wells after a 5.3 magnitude earthquake.125



The Ohio Department of Natural Resources announced in April of 2014 that it would
require “New permits… for horizontal drilling within 3 miles of a known fault or area of
seismic activity greater than a 2.0 magnitude would require companies to install sensitive
seismic monitors. If those monitors detect a seismic event in excess of 1.0 magnitude,
activities would pause while the cause is investigated. If the investigation reveals a
probable connection to the hydraulic fracturing process, all well completion operations
will be suspended.”126



In Texas in October 2014, “The three-member Texas Railroad Commission voted
unanimously to adopt the rules, which require companies to submit additional
information – including historic records of earthquakes in a region – when applying to
drill a disposal well. The proposal also clarifies that the commission can slow or halt
injections of fracking waste into a problematic well and require companies to disclose the
volume and pressure of their injections more frequently.”127

3. Water Use and Contamination
In previous Looking Forward Reports we have discussed the effect of hydraulic
fracturing on water use and contamination.128 Several studies released in the past year have shed
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light on water usage and causes of water contamination related to hydraulic fracturing. These
studies imply that the risks to water from hydraulic fracturing are not much greater than from
conventional oil and gas drilling.
One study from the University of Texas Austin indicates that the total amount of water
used in hydraulic fracturing for oil production is consistent with the low end of the range of
water used in conventional oil production techniques. That is, to the extent water usage has
increased as a result of hydraulic fracturing, it appears to be due to an increase in resource
extraction, not because hydraulic fracturing uses more water than other techniques.129 Of course,
this does not mean the increased water usage as a result of additional hydraulic fracturing is not a
concern. As we discussed in the 2013 Looking Forward Report, water acquisition is an
important concern, even if it is highly localized. As a result, more and more drillers are using
wastewater or brackish water in their operations.130
In addition to the absolute amount of water being used, water contamination continues to
be a concern, as discussed above in reference to the RFF report and some of the concerns cited in
the New York ban on hydraulic fracturing. However, two recent studies on this issue suggest
that water contamination from hydraulic fracturing may be limited and, to the extent it does
occur, linked not necessarily to the practice itself, but to faulty wells. A Department of Energy
effort independently monitored the hydraulic fracturing process and for 18 months afterwards, at
a site in southwestern Pennsylvania. Though there were technical issues that limited the extent
of the monitoring, the team found no evidence that the hydraulic fracturing fluid injected far
below drinking water migrated upward to contaminate that drinking water.131 A separate effort,
published in the Proceedings of the National Academy of Sciences, studied drilling sites in
Pennsylvania and Texas and found that faulty well construction, not hydraulic fracturing itself,
were the cause of water contamination.132 These studies suggest that – at least in the geologic
formations studied – hydraulic fracturing may not cause any more environmental concern than
other forms of resource extraction such as conventional oil and gas production. To the extent
regulations are imposed on hydraulic fracturing, research results like these suggest that the
regulations will be on how hydraulic fracturing is done and on the technical aspects of the wells
used, as opposed to limiting the practice itself.
E. Liquefied Natural Gas Exports
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The U.S. is currently a net importer of natural gas, due largely to Canadian imports and
scant exports. However, the EIA projects this to change and that the U.S. will become a net
exporter of natural gas in 2018, driven by LNG export terminals, exports to Mexico, and
declining imports from Canada.133
LNG exports have the potential to be another significant source of demand, which would
put upward pressure on natural gas prices. Though there remains significant uncertainty about
the future scale of U.S. LNG exports, information exists about currently approved and proposed
applications for LNG export terminals. There have been five export terminals approved by
FERC thus far, totaling 9.22 billion cubic feet of export capacity per day.134 This is 41 percent
as much natural gas as was used by the electricity sector in 2013 – 22.3 billion cubic feet per
day.135 However, in addition to these five approved export terminals, another 14 export
terminals have been proposed to FERC.136 If all currently approved and proposed LNG export
terminals are approved, constructed, and operated at their peak capacity, total LNG exports
would be 24.6 billion cubic feet per day. This is slightly more than the total amount of natural
gas used by the electricity sector in 2013.137
F. Conclusion
Natural gas, and shale gas in particular, continues to be a driving force in the electricity
sector, as demonstrated by continued low natural gas prices, increasing production, and
increasing use for electricity generation. Whether the shale gas revolution continues into coming
decades is uncertain. There exist both below ground and above ground risks to continuing the
shale gas revolution. Below ground, estimates by EIA and others of a robust future of shale gas
generation depends in part on whether current estimates of abundant shale gas reserves below
ground prove to be accurate. While other recent technical analyses of shale gas reserves have
not disproved EIA’s projections, these analyses have at least revealed the uncertainty inherent in
predicting future natural gas production and prices.
Above ground, the clearest risk is from more restrictive regulations. So far, we have not
seen significant moves to restrict hydraulic fracturing at the federal level, but some states and
localities have gone so far as to ban it – New York being a prominent example. Concerns
continue to exist around the earthquakes that continue to be linked to injection wells used in
hydraulic fracturing and other practices. However, in terms of water contamination, the practice
of hydraulic fracturing itself has not yet been identified as a major culprit. Research has instead
pointed to poor well construction. However, further research is needed. Additionally, concerns
still exist over the absolute quantity of water being used in many forms of resource extraction,
which can aggravate drought conditions.
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Finally, even if natural gas supply continues to grow due to shale gas production, natural
gas demand is uncertain and may significantly affect prices. LNG exports could significantly
increase demand for natural gas, putting pressure on natural gas prices.
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IV. Update on the Changing Electric Sector
Business Model

A. Introduction

L

ast year’s Looking Forward Report noted increasing interest and discussion of

distributed generation and other decentralized technologies. We noted that these technologies
have already impacted the operation of the electric power grid and are projected to play a greater
role going forward.138 We looked at concerns about distributed generation becoming an
existential threat to the traditional bulk electric system, while noting an Electric Power Research
Institute (EPRI) report139 that suggested that the grid and decentralized technologies are best
thought of as complements, not competitors, and that an integrated grid, with both centralized
and distributed components, is more likely. EPRI stated, for example, that for average
homeowners to separate from the grid completely through a combination of solar and batteries
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would be hundreds of dollars per month more expensive than remaining on the grid, even with
expected cost reductions over the next decade.140
We concluded in the 2014 Looking Forward Report that, at this point, “there is no
definitive answer to whether and to what extent distributed technologies will represent a head-on
competitive threat to the existing utility network model.”141 We noted that distributed generation
already exists widely, with capacity equal to one-fifth that of centralized generation, but that
most of it is used primarily by customers to provide emergency, backup power when grid power
is not available. As noted by the U.S. Department of Energy (DOE), “[w]hile many electric
utilities have evaluated the costs and benefits of [distributed generation], only a small fraction of
the [distributed generation] units in service are used for the purpose of providing benefits to
electric system planning and operations.”142
This year, we build on and update last year’s findings to provide the Board with a view of
what is happening in the area of decentralization and the attempts to compete with centralized
power. The Board should be aware that there is activity on a number of fronts, including (a) cost
reductions and technological advances in decentralized resources, and other drivers of new
electric sector business models, (b) innovation by private industry to develop decentralized
business models, (c) continued financial pressures on traditional utilities via rising costs and flat
demand, and (d) regulatory initiatives to provide decentralized technologies (and businesses) to
compete with utility power. We expand on these four points below, including some pertinent
examples and evidence of this ongoing activity. As we noted in the 2014 Looking Forward
Report, “[i]n the extreme, decentralized technologies could represent a competitive threat to the
existing, centralized power grid” leading some to suggest that “the grid could be relegated to
backing up distributed resources.”143 While we do not see evidence that such a result is
inevitable, the Board should be aware that there is significant activity in the private and public
sector that could lead to fundamental changes in the electricity business.
B. Cost Reductions and Technological Advances in Decentralized Resources
There are several drivers opening up space for new electric sector business models to
deliver distributed energy solutions. One driver, for example, is that distributed energy solutions
offer customers ways to be proactive about their energy production and use that until recently
were not possible. But perhaps the biggest drivers are the cost reductions and technological
advancements that have been made in decentralized resources.
A commonly cited form of distributed energy technology is solar photovoltaic,
sometimes combined with batteries. The growth in solar photovoltaic generation and decline in
its costs – as we have discussed in the past144 – has continued. Figure 4.1, which is taken from a
recent report from Lawrence Berkeley National Laboratory, shows the steady decline in the
installed price of solar photovoltaics that has occurred since 1998. As shown in the figure, the
140

EPRI Report, 23.
2014 Looking Forward Report, 5.
142
U.S. Department of Energy, The Potential Benefits of Distributed Generation and Rate-Related Issues that May
Impede Their Expansion, February 2007, iii.
143
2014 Looking Forward Report, 5.
144
2014 Looking Forward Report, 47.
141

45

installed price per watt of solar photovoltaic capacity has fallen especially since 2009, when it
dropped from about $8/watt in 2009 to near $4/watt in 2013, a decline of roughly 50 percent.
Figure 4.1. Installed Price of Residential and Commercial Solar Photovoltaics over Time

Source: Lawrence Berkeley National Laboratory, Tracking the Sun VII, September 2014, p. 13

Other sources show even lower prices for solar photovoltaics today. A recent report from
Lazard, a large financial services firm, assumes that by 2017, the levelized cost of power from
residential rooftop solar will be $130/MWh, or $2.20/watt.145 SolarCity, the largest U.S. solar
installer, which is discussed later in this chapter, says that its current installed cost is already
down to $2.09/watt.146 Additionally, as an example of the potential future declines in the cost of
solar, SolarCity says that its current expansions of scale will help it to continue to reduce costs.
It is targeting an installed cost of just $1.20/watt of solar capacity, a further 42.6 percent decline
from current costs.147 These installed costs suggest that in certain locations, distributed solar
generation may become competitive with centralized power generation for energy.
Alongside the decline in price, the adoption of distributed solar resources continues to
increase. According to a report from NREL, analysts expect that the strong growth in distributed
solar installations in recent years will continue through 2016, when federal tax incentives are
scheduled to expire. The report goes on to say that even after the expiration of federal tax
incentives, the distributed solar market is expected to continue to remain strong, primarily due to
(a) cost reductions, (b) high market prices for distributed solar in the U.S., and (c) lower cost
financing vehicles in the solar market using securitized products, like those recently developed
by SolarCity, Mosaic, and NRG. Figure 4.2 below shows historical, current, and projected
distributed solar installations.
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Figure 4.2. U.S. Distributed Solar Photovoltaic Installations

Source: Feldman and Lowder, Banking on Solar: An Analysis of Banking Opportunities in the U.S. Distributed
Photovoltaic Market, NREL, November 2014, 16.

Though solar is the most prominent source of distributed energy services, it is not the
only source that is growing in technical sophistication and declining in cost. For example,
hydrogen fuel cells “are electrochemical devices that combine hydrogen and oxygen to produce
electricity, water, and heat. Unlike batteries, fuel cells continuously generate electricity as long
as a source of fuel is supplied.”148 According to a report by the U.S. DOE, “[f]uel cells do not
burn fuel, making the process quiet, pollution free and two to three times more efficient than
combustion.”149 Cost reductions in stationary fuel cells appear to be substantial. The DOE Fuel
Cell Report noted several examples of fuel cell manufacturers reducing costs per kW of up to 75
percent per kW over roughly the last decade; in one instance, the cost per kW for one fuel cell
manufacturer is $2,500/kW.150
Batteries are also poised to reduce the demands on the bulk energy system by shifting
demand to off-peak periods, and by providing various ancillary services which will allow more
intermittent distributed generation to be incorporated. A recent EPRI report estimates that
installed battery costs today are $697/kWh of storage capacity.151 The Lazard report assumes
similar capital costs and calculates that, with a $60/MWh cost to charge the battery, the levelized
cost of energy would be between $265/MWh and $324/MWh.152 However, battery technology is
expected to see substantial cost reductions going forward. The EPRI report estimates that the
costs of batteries for residential customers will decline by almost 40 percent in the next decade,
to $422/kWh of storage capacity in 2025.153 Other analysts are even more optimistic. A recent
study from The Brattle Group cited a projection of installed costs of battery systems of

148

2013 Fuel Cell Technologies Market Report, U.S. Department of Energy, Energy Efficiency & Renewable
Energy Fuel Cell Technologies Office, November 2014, (DOE Fuel Cell Report) 1.
149
DOE Fuel Cell Report, 1.
150
DOE Fuel Cell Report, 45.
151
Residential Off-Grid Solar Photovoltaic and Energy Storage Systems in Southern California, EPRI, September
2014, (EPRI Storage Report), viii.
152
Lazard LCOE Report, 2.
153
EPRI Storage Report, viii.

47

$350/kWh in 2020.154 In that same report, Brattle also noted forecasts by Morgan Stanley and
Tesla Motors that forecasted battery-only costs of $125/kWh to $150/kWh and $110/kWh,
respectively, in “the near future.”155
C. Private Innovation to Develop Decentralized Business Models
We now turn to describe a selection of new business models that are being developed to
harness technology advances. These models seek to apply new technology to challenge existing
regulatory constructs, the traditional relationship between utilities and customers, and the
monopoly of the transmission grid.
1. Distributed Solar
One prominent example of a new business model challenging tradition is distributed solar
photovoltaic panels, which as we explained in the previous section, have seen cost decreases in
recent years. Distributed solar panels can provide local energy generation and, often
incentivized by net metering regulations, sales of excess generation to the grid. When combined
with a battery, these systems can provide a measure of resilience against grid outages and, as
new markets for distribution systems develop – like the example of New York’s “Reforming the
Energy Vision” initiative we explain below – other services, including ancillary services, for the
grid.
The growth in solar panel installations has challenged utilities in at least two ways. First,
according to a recent article in Electric Light & Power, solar PV growth has challenged utilities
operationally; the intermittency of distributed solar cane lead to “voltage fluctuations…reverse
power flow, reduced switching flexibility, lack of visibility of actual circuit loads…increased
O&M costs for voltage regulation equipment, and transmission-level aggregation issues.”156
Second, distributed solar has challenged utilities financially, especially through the use of net
metering programs, which credit distributed solar customers for power they generate and often
pay them the full-bundled retail rate for excess power they sell to the grid. As we noted in last
year’s Looking Forward Report, some contend that because distributed solar customers are paid
the retail rate – which averaged 12.5 cents per kWh – solely for their generation that would
otherwise sell for “near or below 3 cents per kWh,” “net metering allows the owners of
distributed generation to effectively sell their energy at prices between two and six times the
market price for energy.”157 Utilities, meanwhile, may be concerned that incentives for investing
in distributed solar – like net metering programs – will cause some of their customers to buy less
of their product; as the utility must still incur costs to maintain the distribution and transmission
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infrastructure, it may need to pursue rate increases, which could further incentivize utility
customers to invest in distributed solar.
One large Arizona utility, Salt River Project, recently responded to this concern by
approving a new tariff for residential solar customers. This tariff introduces a demand charge
based on a customer’s peak energy usage, making their bill more like that of a commercial
customer. The effect is about $50 per month extra to the average solar user’s bill, making a basic
solar energy installation less cost effective.158 Salt River Project has stated that customers can
reduce the size of this demand charge by “reduc[ing] demand during on-peak
periods,…installing load controllers, using battery technologies, and by shifting load to off-peak
periods.”159
The largest distributed solar installer in the U.S., SolarCity, has already filed suit against
the tariff change.160 However, at the same time, SolarCity has also been adapting its business
model and product offerings to adapt to the reality represented by Salt River Project’s tariff
change. Since December 2013, SolarCity has been targeting utility demand charges by offering
a package of solar panels, batteries, and software that can target and reduce peak energy
demand.161
SolarCity is also evolving its business model from marketing and installing third-party
solar panels and related systems to a more vertically integrated approach that incorporates solar
panel and battery manufacturing. In June 2014, SolarCity agreed to purchase solar panel maker
Silevo.162 It is currently planning a large solar panel manufacturing facility that could, with other
continued advances, reduce the cost of installed solar systems from $2.09/watt today to
$1.20/watt. Alongside that effort, SolarCity is part of the plan announced in September 2014 by
its sister company, Tesla Motors, for a battery factory in Nevada that could produce as many
lithium-ion batteries as are currently produced worldwide. These batteries could be used both in
cars and on the grid. Elon Musk, SolarCity’s chairman and CEO of Tesla Motors, said that the
battery factory could help lower the cost of batteries by about two-thirds and that in the next five
to ten years, every SolarCity installation will include battery backup.163
2. Virtual Power Plants
Another emerging challenge to the traditional utility model involves “virtual” power
plants, which Navigant Research defines as “a system that relies upon software and a smart grid
to remotely and automatically dispatch and optimize distributed energy resources via an
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aggregation and optimization platform linking retail to wholesale markets.”164 In other words,
virtual power plants are aggregation of distributed generation, energy storage, and customer load
into a system that can be treated, from the utility’s perspective, as a single, dispatchable resource.
Using smart grid and communications technology, established firms such as Siemens and Ventyx
are seeking to commercialize this approach, with Siemens having already created systems in
excess of 20 MW.165 These virtual power plants could be another challenge to the assumption
that meeting load growth requires adding centralized generation and associated transmission.
A specific example of the virtual power plant comes from Duke Energy. Duke’s pilot
project “at a substation in Charlotte, N.C. …. includes a 50-kilowatt solar array, a 500-kilowatt
zinc bromide battery and about 100 households equipped with a home energy management
system.” 166 This pilot project used smartgrid technology and automated systems to arbitrage
energy production, storage and demand across volatile renewable energy (solar), batteries, and
customer load. In short, this system located on the local distribution grid was able to choose how
to manage the battery storage capacity, in conjunction with the distributed energy production and
local energy demand, to determine when it was most cost effective to buy and sell power from
the grid or to send signals to homeowners’ appliances to reduce demand during high load events.
Representatives from Duke Energy and their project partner presented on the pilot project, saying
normal operations “would result in a net loss of over a dollar, while managing all these resources
as a system results in a net income of over four dollars.” These representatives described the
project in their own words:
Utilities in general are seeking ways to curtail electricity at peak time, such as the middle
of a hot summer day, when they may need to fire up expensive and polluting auxiliary
power plants to meet high demand. Rather than bring on new power capacity during peak
times, the McAlpine Creek substation draws stored electricity from the battery and
level[s] off demand through the residential energy management system. Consumers can
volunteer to have their air conditioner thermostat adjusted or other appliances turned off
for a short period to reduce energy usage. The information about power reduction-aggregated across the different homes--is communicated back to Duke via a network so
the utility can supply electricity to meet adjusted demand.167
3. Demand Side
The increasing power and pervasiveness of two-way communications technology is
opening the demand side of the grid to new business models. Some companies have deployed
demand response in electricity markets by applying advanced analytics on top of data and
communications made possible by the smart grid. Companies are now taking the capabilities of
demand a step further by aggregating specialized types of load to offer ancillary services. One
example is VCharge, which has access to hundreds of home electric heating units. These units
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may be large ceramic bricks or water tanks that were originally designed to be heated over the
course of about five hours using cheap power – typically overnight – and then release the stored
heat into the home for up to twenty-four hours. Now, however, with advances in networking
technology and software, these devices can be aggregated and monitored to act like one system.
VCharge buys power on behalf of its customers to power the home heating units, seeking to buy
when energy is attractively priced. At the same time, VCharge bids into both PJM’s and ISO
New England’s energy and frequency response markets, which provide payments to loads that
can change their energy consumption in seconds. Using this model, VCharge promises to save
its customers 25 percent on heating costs while still producing a profit. The result is a form of
energy storage that costs a little over $15 per kWh, dramatically lower than typical installed grid
battery projects. VCharge has launched projects in Pennyslvania, Massachusetts, and Maine. A
number of other firms are using similar business models, aggregating resources like water
pumps, cold storage units and building heating and cooling systems.168
There is one substantial uncertainty related to such demand-side participation in
wholesale electricity markets. On May 23, 2014, the U.S. Court of Appeals issued a decision
vacating FERC Order No. 745, ruling that demand response is a retail product under state, not
federal, jurisdiction.169 (FERC Order No. 745 mandated that demand response providers be paid
the full locational marginal price in wholesale energy markets.) As we explain in chapter 6, that
ruling has been stayed and is pending appeal at the U.S. Supreme Court, casting uncertainty on
the future of demand response participation in wholesale markets.
D. Financial Pressure on Utilities
1. Pressure from Decentralized Technologies
These emerging challenges to traditional reliance on the bulk energy system have begun
to create financial pressure on at least some utilities. As noted above, distributed solar
installations have challenged utilities. As noted in a recent McKinsey publication:
“Depending on the market, new solar installations could now account for up to half of
new consumption (in the first ten months of 2013, more than 20 percent of new US
installed capacity was solar). By altering the demand side of the equation, solar directly
affects the amount of new capital that utilities can deploy at their predetermined return on
equity. In effect, though solar will continue to generate a small share of the overall US
energy supply, it could well have an outsize effect on the economics of utilities—and
therefore on the industry’s structure and future.170
The potential for distributed generation, and solar in particular, to reduce utility rates of
return was also borne out by a recent Lawrence Berkeley National Laboratory study. This study
analyzed in detail the impact of distributed solar penetration on the financial returns of a large
Southwestern U.S., vertically integrated utility and a utility in the Northeast that only delivers
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power and does not own any generation. The conclusion was that the utilities’ earnings and
return on equity would be materially impacted even at low rates of solar penetration. At a level
of penetration of 10 percent, the earnings for the Southwestern and Northeastern utilities would
be reduced by 8 and 15 percent, respectively. Because costs do not fall at the same rate as
revenues, the average return on equity of these two utilities would fall by 23 basis points (3
percent) and 125 basis points (18 percent), respectively.171
In recognition of these potential financial challenges, in May 2014 Barclays downgraded
bonds from the electric utility industry due to the threat from distributed solar technology and
storage. Barclays pointed to the unique nature of solar plus storage as a potentially costcompetitive substitute for grid power:
Electric utilities… are seen by many investors as a sturdy and defensive subset of the
investment grade universe. Over the next few years, however, we believe that a
confluence of declining cost trends in distributed solar photovoltaic (PV) power
generation and residential-scale power storage is likely to disrupt the status quo. Based on
our analysis, the cost of solar + storage for residential consumers of electricity is already
competitive with the price of utility grid power in Hawaii. Of the other major markets,
California could follow in 2017, New York and Arizona in 2018, and many other states
soon after.
In the 100+ year history of the electric utility industry, there has never before been a truly
cost-competitive substitute available for grid power. We believe that solar + storage
could reconfigure the organization and regulation of the electric power business over the
coming decade. We see near-term risks to credit from regulators and utilities falling
behind the solar + storage adoption curve and long-term risks from a comprehensive reimagining of the role utilities play in providing electric power.172
Barclays was also quoted as saying that investors may be missing the technology-driven
shifts that could lead to changes in the existing “regulatory compact” that investors are relying
on for stable utility returns.
Valuations suggest credit investors are depending on the ‘regulatory compact,’ (whereby
the monopoly utility agrees to invest in assets to service customers in return for prices
that are set to allow them a reasonable return) to give sufficient protection from industry
changes. While the regulator/utility construct has usually resulted in low-risk returns to
credit in the past, technological change creates precisely the environment where slowermoving incumbents and their regulators can fall behind the curve, risking credit volatility,
or disrupt the regulatory compact, possibly leading to unexpected losses for bondholders.
Investors may be also wary of optimism about solar power, given a recent history of
losses in that industry. We believe that sector spreads should be wider to compensate for
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the potential risk of regulator missteps and/or a permanent change in the utility business
model.
Whether because of biases or analytical complexity, the market (and its constituent
prognosticators) has tended to be late in pricing technology-driven shifts, particularly in
industries that have had stable operating models (such as telcos and airlines).173
However, other financial analysts are not convinced of the threat to utilities. In January
of this year, Moody’s announced that “despite falling battery costs, consumers [are] unlikely to
defect from utilities.”174 Moody’s argues that the size of battery systems needed before
ratepayers can leave the grid is often understated, as analysts fail to account for the variability in
usage. Moody’s analysis suggested that the capital cost of batteries would have to fall by
approximately 95 percent or more, from $500-600 per kWh today to $10-30 per kWh. Aside
from battery costs, Moody’s stated that “solar generation is required in a solar-battery
combination,” and that “the number of households with rooftop solar is very small and the vast
majority of them rely on net energy metering economics.”175 Additionally, Moody’s argued that
leaving the grid would require lifestyle adjustments – such as monitoring battery charge levels –
that would be “unacceptable to most people.”176
2. Slow Electricity Demand Growth
Another emerging financial challenge facing utilities is slow or flat electricity demand
growth. Slow demand growth limits utilities’ ability to increase revenues and provides fewer
kWh over which to spread incremental fixed costs. The 2013 Looking Forward Report discussed
slow demand growth in reference to a Deloitte report that suggested that there is a “potential for
slow, stagnant, or even declining electricity consumption.”177
The 2014 EIA Annual Energy Outlook supports the view that demand growth is likely to
be modest, at best, going forward. As shown in Figure 4.3 below, U.S. electricity demand
growth has decreased sharply since the 1950s. Specifically, EIA’s calculated trendline for
electricity demand has declined from about 10 percent in the 1950 to about 2 percent in the
1990s, to about 1 percent today. In fact, EIA’s projection for demand growth is 0.9 percent
annually from 2012 through 2040.
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Figure 4.3. Historical and Forecasted U.S. Electricity Demand Growth Rates in EIA’s 2014
Annual Energy Outlook Reference Case (percent)

Source: EIA Annual Energy Outlook 2014, Figure MT-29, p. MT-16

Additionally, if the EPA Clean Power Plan is implemented in something like its current
form, there will be a further incentive for energy efficiency, reducing demand growth further. As
discussed in chapter 2 of this report, the Clean Power Plan assumes that one way to reduce
carbon emissions is by energy efficiency measures of between 1.0 and 1.5 percent annually. Any
additional energy efficiency measures from potential Clean Power Plan regulations are not
accounted for in EIA’s projections, which assumes current law.
3. Rising Expected Capital Expenditures by Utilities
Utilities also may face financial pressure in the form of rising capital expenditures to
maintain the grid, environmental compliance, and cyber and physical security. We have noted
these concerns in past Looking Forward Reports. Specifically, we have noted that, by one
estimate, “the electricity industry is expected to spend over $2 trillion between 2010 and 2030
for environmental compliance and upgrading the grid.”178 We have seen estimates of utility
spending on cybersecurity of up to $79 billion by 2020.179 We have noted that such increases in
capital expenditures by utilities – especially in conditions of flat or slow demand growth – could
lead to rate increases, which could make decentralized technologies more attractive.
E. Regulatory Initiatives Allowing Decentralized Technologies to Compete with
Utilities
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A fourth area of activity related to decentralization and its attempts to compete with
centralized power involves the regulation of utilities. Utilities may resist integrating
decentralized technologies into their operations because the typical regulatory structure does not
necessarily provide incentive to do so. Regulations tend to provide utilities with a stable way to
earn a return for building more centralized generation and for investing in distribution and
transmission systems. Changing utility incentives and providing decentralized technologies and
new business models a chance to compete may require a new regulatory approach.
One such example of a regulator seeking to revise the role of the traditional electric
utility is New York’s Reforming the Energy Vision (REV) initiative. This is an example of a
major state regulator – the New York Public Service Commission, or New York PSC – which
seeks to “reform New York State’s energy industry and regulatory practices” to “promote more
efficient use of energy, deeper penetration of renewable energy resources such as wind and solar,
wider deployment of ‘distributed’ energy resources, such as micro grids, on-site power supplies,
and storage.”180 This effort – while not finalized and still under consideration – seeks to
establish markets at the utility distribution level that allow and encourage the customer side of
the grid to be on par with centralized generation and the bulk energy system.
REV requires utilities to modernize infrastructure and operations, particularly
communications and data management, to allow more participation by customers and third
parties. As described by the New York PSC, “Each utility will serve as the platform for interface
among its customers, aggregators, and the distribution system… Simultaneously the utility will
serve as a seamless interface between aggregated customers and the [New York Independent
System Operator, or NYISO],” while NYISO wholesale markets “will evolve to properly value
load management,” including distributed generation.181 The New York PSC went on to say that:
Distribution utilities will play a pivotal role, representing both the interface among
individual customers and the interface between customers and the bulk power system.
The utility as Distributed System Platform Provider (DSPP) will actively coordinate
customer activities so that the utility’s service area as a whole places more efficient
demands on the bulk system, while reducing the need for expensive investments in the
distribution system as well. The function of the DSPP will be complemented by
competitive energy service providers; both generators of electricity and retailers of
commodity will expand their business models to participate in Distributed Energy
Resources (DER) markets coordinated by the DSPP.182

This effort will require revising the existing regulatory paradigm. On February 26, 2015,
the New York PSC adopted a “policy framework” for the development of markets for distributed
energy resources. This framework restricts utility ownership of distributed energy resources to
(a) resources located on utility property, (b) where a market for such technology does not already
180
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exist (such as in low and moderate income households), or (c) for demonstration projects. This
framework also instructs the utilities to make it much easier for customers to interact with the
utility and obtain interconnection approvals for distributed resources. As part of this effort New
York electric utilities are each required to file a Distributed System Implementation Plan by
December 15, 2015. At that time, customers should be able to apply online for approval of
smaller distributed energy systems such as residential solar, with automatic and timely impact
studies and final decision.183 In addition to developing new markets, the REV initiative will
develop new utility ratemaking that provides incentives for utilities to connect more distributed
resources. New York PSC Staff are scheduled to issue a straw proposal on ratemaking on June
1, 2015.184
In its REV initiative, the New York PSC is “informed by” regulatory developments in
several jurisdictions, including “integration of distributed resources in California and Hawaii,
consumer markets and emerging technologies in Texas, grid modernization in Massachusetts,
and performance ratemaking in Minnesota and the United Kingdom.” REV also notes the
research, demonstrations, and expertise from U.S. national laboratories and the Electric Power
Research Institute.185
F. Conclusion
To sum up, there is a significant amount of activity underway in the area of decentralized
technologies. Costs distributed generation, storage, and other decentralized technologies have
come down; private businesses are spurring innovation in delivering distributed electricity
services via new business models; and regulators are looking at new ways of taking advantage of
the opportunity that decentralized technologies may provide by developing new regulations that
give decentralized technologies the chance to compete with traditional utilities. Utilities,
meanwhile, may be under financial pressure by potential competition from decentralized
resources – among other financial pressures – as highlighted by the Barclays downgrade of the
electric utilities sector. If this trend continues, it may impact the transmission needs of the
traditional bulk energy system. The Board should stay informed to be able to stay ahead of these
developments. First, to stay abreast of ongoing developments, the Board could reach out to SPP
utility members for information on developments in distributed generation in their areas.
Second, the Board should note what is happening in other regions of the country that are
experimenting with new, decentralized energy services, in regions and markets where electricity
from traditional, centralized utility generation is highest in cost and where state regulators are
doing the most to reform utility regulations. For example, utilities in Hawaii are already under
pressure from distributed solar installations because of Hawaii’s favorable climate and high
average price of residential power.186 Other states deserving of attention may include California
– which is typically more likely to develop aggressive public policy – and New York, with an
eye toward its REV initiative. By keeping abreast of some of the key developments in these
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states going forward, the Board will be better prepared if advances in distributed technology and
regulatory reform are successful and these challenges come to SPP.
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V.

Physical Grid Security

A. Introduction

I

n April of 2013, there was a well-documented and high profile physical attack on one

of Pacific Gas and Electric Company’s high voltage substations that supplies power to the
Silicon Valley. Gunmen arrived in the vicinity of the substation undetected and then opened fire
at the substation for 19 minutes. Before police arrived on-site, the gunmen were able to flee
without being apprehended. Since the incident, nobody has been arrested or charged. The attack
resulted in 17 high voltage transformers being damaged and grid operators having to reroute
power around the site and asking power plants in the Silicon Valley to generate more electricity
to avoid a blackout.187
In March of 2014, a leaked FERC analysis heightened concerns about sabotage. The
report identified 30 critical high voltage transformer substations across the continental U.S. The
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analysis noted that disabling as few as nine of these substations during a time of peak electricity
demand reportedly could cause a “coast-to-coast blackout.”188
Since then, FERC and NERC have taken action to define new regulatory standards for
physical grid security. Reliability Standard CIP-014-1 was approved in November 2014 to
enhance physical security measures for the most critical bulk power system facilities.189
Notably, the substation attack and the FERC analysis have brought significant attention to and
intensified a nation-wide discussion about the vulnerabilities of the grid and how to prevent and
mitigate the impacts of future attacks. In this section, we point to key findings from a report by
the Congressional Research Service and a white paper from Battelle.190
B. Vulnerabilities to Physical Attacks
In the United States, the electric power grid is comprised of over 9,000 electric
generating units connected to over 200,000 miles of high voltage transmission lines rated 230
kilovolts (kV) or greater that are supported by large towers.191 Within this network of high
voltage lines are large transformers that allow voltage levels to be adjusted to efficiently and
safely move power across the network. The importance of high voltage transmission is that
greater amounts of electricity can be delivered with fewer losses. High voltage transformers
make up less than 3 percent of transformers in substations across the U.S., but manages the flow
of 60 percent to 70 percent of the nation’s electricity,192 thus serving as critical nodes in the
network and the backbone of the electric power grid. Figure 5.1 shows a map of the high voltage
transmission system with the colored lines representing different levels of voltage and the dots
representing substations.
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Figure 5.1. High Voltage Transmission System of the U.S.193

Source: Congressional Research Service

According to the Congressional Research Service report, high voltage transformers are
considered to be the most vulnerable to an intentional physical attack.194 Their susceptibility is
primarily due to their size, design, and location. The size of a transformer is generally tied to the
level of its rated voltage. For example, transformers that are used to step down voltages for
residential use are small enough to be mounted on a pole.195 On the other hand, a three-phase
765 kV transformer could be the size of an average new single-family house.196 At such a
massive size, they are easy to identify and, therefore, easy targets for a physical attack.
The design of a transformer, regardless of size, basically consists of the essential voltage
transforming elements of copper wire windings wrapped around a metallic core that is insulated
and housed in a protective casing that is typically made from 5/8 to 3/4 inch thick steel.197 A
gunshot powerful enough to penetrate the steel casing could easily cause irreparable damage to
the transformer. Furthermore, larger transformers generate waste heat during operation, so they
are equipped with a cooling system that involves circulating oil and external radiators. A 345 kV
transformer may be equipped with 29,000 gallons of cooling oil.198 The cooling oil is usually
193
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contained in an external tank to the main transformer casing. If the cooling oil tank is penetrated
by a gunshot, the oil would ignite and cause fire damage to the substation.199
High voltage transformers are located in network substations where transmission lines
meet and other electric equipment are installed. Such substations may be found near electric
generating plants, urban centers, or in remote locations. Depending on the location, security and
the number of personnel on-site may vary. Substations in remote locations may have minimum
security features and may lack a human presence. Often, substations are not guarded during
normal operating circumstances and are simply enclosed by chain-link fence.200 Even with
visual monitoring devices for detecting intrusion, if someone is able to get beyond the fencing,
the response time for law enforcement to arrive may not be quick enough to prevent sabotage.
The Congressional Research Service states that “the main risk from a physical attack
against the electric power grid – primarily towers and transformers – is a widespread power
outage lasting for days or longer.”201 This points to a big challenge with respect to replacing
multiple high voltage transformers that could be damaged or rendered inoperable from such a
physical attack. Most high voltage transformers are unique and are custom designed and
manufactured for specific network requirements and, therefore, generally cannot be
interchanged.202 Consequently, the lead times from procurement to delivery of a new high
voltage transformer can range from five to 12 months for domestic production and six to 16
months for foreign production.203 If demand is high, lead times can be greater than 18 months.204
High voltage transformers are also high cost. According to the Congressional Research
Service, depending on rated voltage and configuration, a single transformer can range from $2
million to $7.5 million before transportation and installation costs.205 Given the cost, physical
attributes, and life expectancy of each unit, which is estimated to be 38 to 40 years,206 it is not
practical for utilities to carry spare high voltage transformers.
Finally, the sheer size of high voltage transformers presents logistical challenges in terms
of transporting a unit to its intended site. Because of their weight and dimensions, there are few
transportation options and most high voltage transformers have to be transported by special
railcars, of which there are only about 30 in North America.207 As a result, in an emergency
situation, it could be difficult expediting transportation for a replacement transformer.208
C. Recommendations
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While there are certainly risks to the electrical power grid from a physical attack on a
high voltage transformer as was evidenced by the 2013 attack on Pacific Gas and Electric’s
substation, it did not result in a widespread and sustained blackout. In fact, as previously
discussed, the impact was mitigated by the response to the situation, by rerouting power around
the substation and increasing generation at load. Even with the potential for a coordinated attack
on multiple high voltage transformers that could lead to a catastrophic blackout, it would require
“acquiring operational information and a certain level of sophistication on the part of potential
attackers.”209 Furthermore, Battelle, in a white paper responding to a 2014 FERC Order
directing NERC to develop reliability standards for physical security of the bulk power system,
states that “there remain several other threats which are equally or more significant in terms of
potential impacts, and with a much higher likelihood of occurrence based on historical
observations.”210 Battelle further states that “environmental events (storms, earthquakes, etc.)
and equipment and operational failures, in particular, are historically far more likely than
physical attacks. Storms and earthquakes are also much more likely to create widespread, nearly
simultaneous impacts (e.g., Hurricane Sandy) than even a large scale, coordinated terrorist
attack.”211 Accordingly, Battelle believes that a comprehensive approach to identifying
vulnerabilities will lead to investments in security that are more cost-effective across a range of
threats.212
We believe that improving defensive measures and deterrents to physical attacks are
important, but because all future attacks may not be preventable, resiliency should be
emphasized. Investments in resiliency would allow the affected transmission system to recover
faster by incorporating enhanced grid management and control software and systems, additional
protection equipment and redundancies through additional transmission lines or substations.
Terry Boston, chief executive officer of PJM, shared a similar sentiment in a recent presentation
to the National Association of State Energy Officers, urging caution with investments that just
harden infrastructure and saying that redundancy and resiliency of the grid is far more important
than physical security.213 In any case, planned investments in physical security should be
compared to alternatives that increase the resiliency of the grid by determining which
investments provide the greatest system-wide net benefits.
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VI. Blurred Jurisdictional Lines

A. Introduction

I

n 2013, judges in two separate decisions in U.S. District Court – one in New Jersey,

the other in Maryland – ruled that federal law preempted state law with respect to important
resource choice decisions. In both cases, the states sought long-term contracts for new
generating capacity through competitive procurements because of reliability concerns for their
ratepayers. The basis for both judges’ decisions to preempt the states was that FERC alone could
determine wholesale rates for electricity, and that states’ long-term procurement efforts in these
two cases violated the Supremacy Clause of the U.S. Constitution. The courts’ logic could
destabilize the jurisdictional coexistence between states and the federal government, as many
state programs use a similar structure to those in New Jersey and Maryland.
Since then, there have been additional developments in the split between state and federal
jurisdiction in the electricity business. These developments, which we explain in turn, could
have additional negative impacts. Below, we explain each of the jurisdictional issues, including
(a) resource adequacy, (b) demand response, (c) distributed generation, and (d) consideration of
emissions in system dispatch. We conclude with one potential solution below to the
jurisdictional split between state and federal regulators, i.e., that jurisdiction be split on long63

term (states) vs. short-term (FERC).
B. Jurisdictional Issue 1: Resource Adequacy
In 2011, regulators in New Jersey and Maryland had a problem. Both states, which relied
heavily on imported power from elsewhere on the transmission grid, had been warned by PJM
and some utilities that because of delays in the expected completion dates for new transmission
projects, both states might face significant capacity shortfalls and even the possibility of
brownouts or rolling blackouts. Making matters worse, (a) both states’ generation portfolios
were aging and a significant portion was at risk for retirement, (b) load for both states were
volatile and difficult to predict, and (c) both states had aggressive renewable portfolio standards
that required conventional generation to support its intermittent nature.214
This threat to reliability was not supposed to happen in New Jersey and Maryland, since
both states were participants in PJM’s wholesale markets, including its capacity market, the
Reliability Pricing Model, or RPM. RPM was designed to attract investment in new generation
when and where it was needed, but in the eyes of Maryland and New Jersey regulators, RPM
was not delivering local, conventional generation to serve its states’ ratepayers. So, Maryland
and New Jersey each conducted competitive procurement for new gas-fired generation, a
function open only to the states—neither FERC nor PJM can order new generation to be built.
These procurements resulted in contracts for almost 2,000 MW of new gas-fired generation for
New Jersey and 661 MW in Maryland.
Numerous parties, mostly companies owning generation elsewhere in PJM, challenged
these contracts in cases that reached U.S. District Court. The plaintiffs in both cases argued that
because FERC had created a capacity market within PJM, the states were preempted from
playing their traditional role in resource planning. In the Maryland case, the judge found that the
Maryland procurement violated the Supremacy Clause of the U.S. Constitution because it “set”
prices for sales of wholesale capacity and energy,215 and in New Jersey, the judge concluded the
same.216 Both states appealed the respective decisions; separate court decisions denied both
appeals.217 Both states have petitioned the U.S. Supreme Court for consideration of the two
decisions.218 The states will have to convince the Supreme Court that the New Jersey and
Maryland decisions were bad law. Regardless of whether they succeed, the decisions can have
negative policy implications.219 Again, only states can order new generation to be built; FERC
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and the RTOs can only set up markets that provide incentives to build new generation when and
where it is needed.
Some data suggests, however, that FERC-jurisdictional capacity markets may not be
working as planned. According to the American Public Power Association, 97.6 percent of new
capacity that was built in 2013 was either utility- or customer-built, or backed by a long-term,
power purchase agreement (PPA).220 Of the remaining 2.4 percent of that capacity, the “vast
majority” received external funding such as grants from the American Reinvestment and
Recovery Act or a state or foundation.221 In other words, “just 0.1% of the new capacity was
constructed for sale into the markets without any supplemental assistance.”222 Moreover, the
American Public Power Association notes that “when broken down geographically, only 6% of
all capacity constructed in 2013 was built within the footprint of the RTOs with mandatory
capacity markets.”223
Even in periods of high prices, RTO capacity markets have not always delivered new
generation when and where it is needed. For example, in the instances of New Jersey and
Maryland, average prices as high as $167.91/MW-day and $177.04/MW-day, respectively, were
not enough to attract significant, local investment in new generation; instead, capacity bids in
PJM were largely from demand response and deferred retirements of existing generation.224 This
is because RTO capacity markets are short-term in nature; in PJM, for example, generators
receive a one-year contract three years in advance. In contrast, state procurements of new
generation offer long-term contracts, often 10-, 15-, or 20-year PPAs. No wonder, then, the
American Public Power Association data is so skewed toward utility-builds and long-term PPAs.
If the New Jersey and Maryland decisions are not overturned by the Supreme Court,
states that participate in wholesale capacity markets may no longer have the tools to mitigate
long-term threats to reliability for their ratepayers. This could challenge such states going
forward. NERC has forecasted resource adequacy shortfalls over the coming years for multiple
organized markets, including New York ISO, MISO, and the Electric Reliability Council of
Texas, or ERCOT,225 while both ISO New England226 and PJM227 have proposed
“enhancements” to their capacity market design to increase reliability and mitigate concerns
following poor capacity resource performance during the winter of 2013-2014.
For SPP states and others like them, they may be wise to avoid capacity markets
altogether and maintain jurisdiction over resource adequacy and new generation. But the courts’
decisions on federal preemption as it relates to resource adequacy could have negative impacts
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for all states, not just those in organized capacity markets. States’ efforts to procure (a) full
requirements electricity service for its default service customers, (b) renewable resources
pursuant to state Renewable Portfolio Standards, (c) demand-side products, (d) peaking capacity,
and (e) utility rate-base generation could all be in danger if the New Jersey and Maryland cases
are not overturned.228 This is because each of these state actions sets the price paid for an
electricity product – substituting a state price for a federal price – an action that the courts say is
in violation of the Supremacy Clause of the U.S. Constitution.229 SPP should stay aware of the
outcome of the state appeals to the Supreme Court.
C. Jurisdictional Issue 2: Demand Response
A second major decision related to the state-federal jurisdictional split came in May
2014, when the D.C. Court of Appeals issued a split decision230 to vacate FERC Order No.
745.231 Order No. 745 required RTOs and ISOs to compensate demand response providers at
full locational marginal prices in the energy market.232 The Court’s decision focused primarily
on a jurisdictional argument, deciding that demand response is a retail transaction, not a
wholesale transaction, and thus is under the sole jurisdiction of the states, not FERC.233 The
D.C. Court of Appeals later heard and denied a petition for en banc review of its decision.234
The Court’s decision effectively rejects FERC’s attempt to regulate demand response in
the wholesale energy market on purely jurisdictional grounds, noting that “FERC’s authority
over demand response resources is limited: its role is to assist and advise state and regional
programs.”235 Unlike the New Jersey and Maryland capacity cases, in which the courts ruled for
federal preemption of state action, here, the Court determined jurisdiction over demand response
in the energy markets is state jurisdictional.
Similar to the potential impacts of the New Jersey and Maryland cases, the implications
from the demand response decision could be substantial. In January 2015, FERC appealed the
case to the U.S. Supreme Court,236 arguing that the D.C. Court of Appeals decision “threatens
significant damage to the Nation’s wholesale-electricity markets,”237 is contrary to FERC’s
“statutory responsibility to ensure that [wholesale] rates are just and reasonable,”238 and that the
decision’s holdings “throws into serious question whether FERC may review any of the rules
established by wholesale-market operators to govern demand-response participation—or perhaps
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even whether it has authority to permit the participation of demand-response providers in
wholesale-electricity markets at all.”239
Indeed, while the D.C. Court of Appeals decision applied only to the energy markets,
focus among market participants, RTOs, and regulators quickly turned to the capacity markets,
where demand response participation is much greater than in the energy markets, and thus is a
larger concern. PJM, for example, which cleared 11,000 MW of demand response in its most
recent capacity auction, is involved in a proceeding regarding the potential extension of the D.C.
Court of Appeals decision to the capacity markets. FirstEnergy, a utility in PJM, filed a
complaint at FERC requesting that PJM nullify all existing terms in the PJM tariff allowing
demand response resources to participate in PJM’s capacity markets and that PJM recalculate the
results of its most recent capacity auction without demand response participation.240 A similar
complaint was filed in ISO New England by the New England Power Generators Association,
focusing only on future capacity auctions.241
Undoubtedly, there is significant uncertainty surrounding demand response. The D.C.
Court of Appeals granted FERC’s request and issued a stay of the mandate while FERC pursues
its appeal at the Supreme Court.242 FERC, in the meantime, is (a) pursuing its appeal to the
Supreme Court, (b) continuing to regulate demand response as if it has the jurisdiction to do so,
as evidenced by its recent approval of the integration of demand response into ISO New
England’s operating reserve and forward reserve markets,243 and (c) is engaged in behind-thescenes preparation for how to proceed if its petition to the Supreme Court is unsuccessful.244
For SPP, where demand response participation is smaller and there is no capacity market,
this issue has less impact. However, as we have pointed out in the past, demand response
participation can provide significant benefits for SPP ratepayers and the Integrated Marketplace
introduces new opportunities for demand response resources and forecasted demand response
participation in SPP continues to rise.245 SPP will want to be aware of the ultimate resolution of
this case; if upheld, the states will take over exclusive jurisdiction of demand response, and
RTOs will be forced to find innovative ways to accommodate and encourage continued
participation of demand response programs. PJM, for example, has developed a “contingency
measure” if the Supreme Court appeal is unsuccessful that would allow entities to submit
“curtailment commitment bids” that would reduce the amount of capacity PJM procures in the
next capacity auction in May.246
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Moreover, the decision on demand response represents another jurisdictional case where
the court’s interpretation of the law may be correct, but the policy implications are bad. FERC
(and the RTOs) had successfully integrated substantial demand response into wholesale markets
across the country. Much of that progress could now be undone. Worse, unlike the New Jersey
and Maryland capacity cases, states do not necessarily want exclusive jurisdiction over demand
response. Indeed, several states filed petitions in support of FERC’s appeals, arguing that
demand response helps lower ratepayer costs and improves reliability.247 At the conclusion of
this chapter, we address a potential solution to this concern.
D. Jurisdictional Issue 3: Distributed Generation
A third, potential front in the jurisdictional divide between states and the federal
government could be sales from distributed generation. While the discussion of distributed
generation can often focus on how such resources are compensated – net metering policies, grid
reliability charges, etc. – a more fundamental question may require attention: are sales by retail
customers with distributed generation resources back to the grid a wholesale or retail
transaction?
Distributed generation resources differ from centralized generators in their need for the
transmission grid to deliver their power. Centralized generators use the high voltage grid to
deliver power to load; distributed generation resources do not, instead providing power directly
to the local distribution grid. This creates the possibility that sales from distributed generation
resources are retail transactions that should not be subject to FERC jurisdiction, according to a
recent article in the Electricity Law Journal.248
The Lindh-Bone Article explains that today, sales from distributed generation resources
are considered FERC-jurisdictional. The authors explain that generators seeking to interconnect
to the grid (including distributed generators) are subject to “FERC jurisdiction…when the
planned interconnection is to a facility already subject to an [Open Access Transmission Tariff]
and made for the purpose of either transmitting in interstate commerce or selling at wholesale in
interstate commerce.”249 Further, the authors note that FERC has made it clear that it asserts
jurisdiction “[o]nly if the end-use customer…is considered to have made a net sale of energy to a
utility…”250 Only sales from Qualifying Facilities are exempted from FERC jurisdiction.251
The authors assert that this approach to jurisdiction of sales from distributed generation is
flawed. They claim that “the states have complete authority, emanating from their organic police
powers, to regulate not only the rates and terms of such sales, but also the terms by which the
247
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generators interconnect to the distribution grid.”252 They claim that, in its past rulings, FERC has
improperly assumed that “all wholesale sales on the interconnected grid in North
America…occur in interstate commerce” including “a residential photovoltaic system, servicing
a retail customer receiving and exporting power solely from and to local distribution facilities,”
thus subjecting such customers to FERC jurisdiction.253 The authors argue that a sale from
distributed generators that “occurs on local distribution facilities to satisfy a buyer’s loads
collocated on the local distribution facilities” is an “intrastate wholesale” transaction that should
be considered “state jurisdictional.”254 The authors conclude that it was “Congress’s intent” to
exempt from federal regulation energy sales not occurring in interstate commerce,255 noting the
FPA’s clear language that “[FERC]…shall not have jurisdiction…over facilities used in local
distribution or only for the transmission of electric energy in intrastate commerce.” 256 Thus,
say the authors, FERC’s “interpretation of its jurisdiction disregards the potential for such
intrastate wholesales” and “impermissibly writes out of the statute the ‘local distribution’
exemption from federal jurisdiction.”257
To date, the issue of distributed generation’s participation in selling electricity has
focused on policy, not jurisdiction. As we note in chapter 4, net metering rules and grid access
charges – driven by state public policy – has been a major driver of investment in distributed
generation and has been a primary part of discussion about distributed generation. Going
forward, however, this could be an emerging jurisdictional issue with real consequences for
states and customers. In California, for example, FERC rejected a request by the California
Public Utilities Commission (CPUC) “to confirm that a ‘feed-in tariff’ promulgated by the
CPUC under a [California] statute…was lawful and not preempted by federal law.”258 The feedin tariff would set CPUC-jurisdictional prices for power from generators 20 MW or less that met
certain environmental requirements.259 FERC found, however, that this action by the CPUC
would represent “impermissible wholesale rate-setting by the CPUC” because it would set rates
“for wholesale sales in interstate commerce by public utilities” and is thus “preempted by the
[Federal Power Act].”260 One party made the argument that “sales of power under distributionlevel feed-in tariffs cannot be interstate commerce because the power sold does not enter the
bulk transmission system or interstate commerce, but remains on the state-regulated distribution
system.”261 FERC disagreed, noting that its authority from the Federal Power Act “to regulate
sales for resale of electric energy and transmission in interstate commerce is not dependent on
the location of generation or transmission facilities, but rather on the definition of…wholesale
sales contained in the Federal Power Act.”262
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E. Jurisdictional Issue 4: Considering Emissions in Dispatch
Another potential jurisdictional issue that could be coming the Board’s way soon
involves compliance with EPA’s proposed Clean Power Plan. However, this issue is less about
federal versus state jurisdiction, than the overlapping regulations of two federal agencies.
Under the Federal Power Act, SPP’s rates must meet the “just and reasonable” standard.
Soon, SPP and the other RTOs may also be required to help states meet emissions reductions
included in EPA’s Clean Power Plan. This, in theory, could complicate RTOs’ efforts as they
attempt to meet the just and reasonable rates standard at FERC and help member states comply
with the Clean Power Plan emissions reduction requirements. While we have not seen much
evidence suggesting that RTOs will have trouble complying with these two federal standards (if
the Clean Power Plan is adopted), we have seen plenty of activity among RTOs, state regulators,
and policy experts on how best to meet the requirements of the Clean Power Plan while also
maintaining efficiency in electricity markets.
In its draft Clean Power Plan, the EPA provides states with flexibility in meeting carbon
reduction requirements, noting that “there are a number of different ways that states can design
programs that achieve required reductions while working within existing market mechanisms
used to dispatch power effectively in the short term and to ensure adequate capacity in the long
term.”263 One method is to “monetize” the cost of compliance and “work within the least cost
dispatching principles that are key to operation of our electric power grid.”264 In other words,
RTOs like SPP can consider adding the cost of emissions to generators into its dispatch
methodology.
In a recent paper, William Hogan argues that “pricing carbon is the only way to maintain
the integrity of the electricity market design”265 that is inherent in locational marginal pricingbased markets, like SPP’s. However, Dr. Hogan warns that the “Clean Power Plan…[is] only
loosely connected to the underlying social cost of carbon or the workings of electricity
markets.”266 He suggests that a carbon tax is the “most direct means” to price carbon so that the
“tax becomes part of the marginal cost for carbon emitting plants” allowing for “a seamless
integration with short-run economic dispatch.”267 FERC Commissioner Cheryl LaFleur, in a
recent speech, said that it is critical that the price signals of nodal markets not be compromised in
accommodating the requirements of the Clean Power Plan.268
RTOs are preparing for this new complication in their role in dispatching the system.
PJM, for example, has conducted an analysis of potential methods for meeting emissions
reductions requirements of states in the PJM region through consideration of the cost of
carbon.269 In one scenario, PJM assumed a single price for carbon that is applied to all carbon263
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emitting generators across the PJM footprint; in a second, PJM assumed that each PJM state has
its own unique price for carbon, whereby PJM applied a carbon price to each generator based on
the state in which it is located.270 In both instances, PJM dispatched resources across its footprint
to determine the least cost mix to meet load while not violating emissions limits imposed by the
Clean Power Plan.271
PJM’s analysis may have important lessons for SPP. As noted earlier, under the draft
Clean Power Plan, states will have flexibility in meeting emissions reductions requirements.
That flexibility includes the possibility of collaboration between similarly-situated states – like
states within the same RTO – to develop a uniform compliance strategy, such as a single,
regional price for carbon to be included in market dispatch. PJM’s analysis suggests that this
approach – as opposed to an approach where each state has its own unique price for carbon –
could result in lower carbon prices and lower overall costs to load.272
It therefore may be beneficial for SPP’s states to collaborate in complying with the Clean
Power Plan so as to maximize efficiencies in meeting state-by-state plans and helping SPP to
continue meet its obligations under the Federal Power Act in providing reliable service at just
and reasonable rates. To that end, SPP may want to consider serving as a forum for the states to
collaborate on their individual compliance plans, perhaps by collaborating with the Regional
State Committee. While potentially worthwhile, this may not be easy, especially because some
SPP states are only partial participants in the SPP markets, such as in New Mexico (where one
utility, Southwestern Public Service Company, is an SPP market participant and the rest of the
state falls outside of any organized market) and Louisiana (where AEP is an SPP market
participant but other utilities, like Entergy, are in another organized market, MISO). (SPP’s
RTO footprint is shown in Figure 6.1 below.) Moreover, FERC Commissioner Cheryl LaFleur
recently suggested the possibility that utilities could end up switching RTOs if neighboring
RTOs develop different compliance plans,273 choosing the compliance plan they consider better
suited for their interests and those of their ratepayers.
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Figure 6.1. SPP RTO Footprint

Even so, some have raised concerns about what the Clean Power Plan, if approved, will
do to the jurisdictional landscape of the electricity business. FERC Commissioner Tony Clark,
in testimony before the U.S. House of Representatives,274 said that the proposed Clean Power
Plan “has the potential to comprehensively reorder the jurisdictional relationship between the
federal government and the states as it relates to the regulation of public utilities and energy
development” and described the potential for a future “jurisdictional train wreck.”275 He stated:
[E]ven if all states in a region band together under the regional grid operator, any
changes to the wholesale markets must necessarily be vetted and approved by
FERC. [FERC] would be charged with the awkward task of evaluating
274
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fundamental wholesale market design changes driven by environmental priorities
approved by the EPA. Yet FERC is an economic and reliability regulator. Any
decisions made by FERC must be rooted not in the Clean Air Act, but in our ‘just
and reasonable’ and ‘not unduly discriminatory or preferential’ rate standard in
the Federal Power Act. FERC’s ability to alter or reject an RTO-proposed
compliance mechanism would present a conflict with EPA’s evaluation of the
compliance plans. Absent Congress stepping in and clearly defining FERC
authority and EPA authority, it is not hard to envision a future jurisdictional train
wreck.276
F. A Practical, Fair Jurisdictional Split
One potential clean split between federal and state jurisdiction that we have previously
endorsed is to render to the states the market for long-term products (greater than one year) and
leave short-term products to the federal government.277 As we have explained elsewhere, shortterm markets and long-term markets can and do coexist and benefit each other.278 We provided
the example of the housing market as illustrative:
[I]n the housing market, there are renters and buyers. These are two different
product markets. Buying a house is a long-term product. The buyer gets a
guaranteed place to live and a guaranteed price in the form of a mortgage
payment. The buyer, however, takes on the added risk of upkeep and a long-term
financial commitment. Renting is a short-term product; a place to live isn't
guaranteed beyond the rental contract and neither is the price, and the risks of
long-term ownership aren't taken on. These markets are separate despite the fact
that they "affect" each other. Buying a house that was a rental decreases the
supply of houses for rent and could increase rental prices. Building too many
houses for the long-term buying market could force a crash in the rental market if
the new supply is converted into rentals. Despite this, no economist would
propose shutting down the house-buying market to preserve a higher-priced rental
market.279
Splitting jurisdiction in this manner between the states and the federal government may
help mitigate some of the negative consequences that may be caused by the recent court cases in
New Jersey, Maryland, and related to demand response. It would allow FERC to maintain its
jurisdiction over its short-term capacity markets, like that in PJM, while also allowing states the
ability to respond to long-term threats to reliability using existing authority over resource
adequacy. FERC markets can protect against undue interference from long-term procurements
by states through measures such as the Minimum Offer Price Rule in PJM, which prevents
uneconomic entry. The short-term/long-term jurisdictional split would also allow FERC to
continue regulating demand response – a result many states favor – which would preserve the
gains made by demand response resources in recent years while also avoiding having to
276
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potentially unwind thousands of megawatts of demand response contracts. FERC could also
retain its authority over sales from distributed generation resources that implicate interstate
commerce.
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VII. Thoughts on a Framework for Evaluating
Transmission Investments

A. Introduction

O

ne of the Board’s most important functions is reviewing and approving transmission

investments that expand and strengthen the grid so that system power can be more reliably and
economically delivered to load. Those investments can be significant: in 2012, 2013, and 2014,
SPP has issued “notice to construct” letters for new transmission projects totaling $1.52
billion,280 $1.64 billion,281 and $1.48 billion,282 respectively. More recently, SPP approved
another $270 million of additional transmission investment in early in 2015.283
This chapter explores five issues that may confront the Board as it considers proposed
transmission investments going forward: (a) decentralized technologies, which have been
suggested to be a competitive alternative to the grid; (b) exports of renewables, which often
280
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require transmission investment and can complicate the assignment of costs to beneficiaries; (c)
load forecasts, which have flattened across the country and made some projects unnecessary; (d)
general customer pushback against rising costs; and (e) how best to reflect reliability benefits.
The five issues we include in this chapter are challenging and reasonable people may
disagree. Our purpose is to make sure the Board is informed with thoughtful intelligence on
these matters from both sides. Our work in this Report complements, to some degree, the work
of SPP’s engineering staff to study the direct economic benefits of transmission that SPP has
built in previous years, in terms of lower electricity costs for customers.284
B. Issues Challenging Transmission Planners
1. Decentralized Technologies: An Alternative to System Power?
Decentralized technologies can impact transmission plans in two ways. First, as we
noted in last year’s Report, transmission planners that do not incorporate increases in distributed
generation in their transmission planning process risk overbuilding the grid with unneeded
transmission projects, according to Synapse Energy Economics.285 Second, decentralized
technologies can potentially be a competitive alternative to transmission expansion projects and,
thereby, reduce the need for such projects. Decentralized technologies can help keep power off
of the system, by (a) generating it locally (via distributed generation resources), (b) allowing a
customer to isolate itself from the grid (via a microgrid), or (c) by not consuming power (via
conservation, energy efficiency, or demand response). It is this second impact we focus on in
this chapter.
Is decentralized power a true, competitive alternative to system power, analogous to
wireless telecommunications competing against traditional landline telecommunications? There
is what we would term “intelligent chatter” from credible voices suggesting it may be.
Accenture, for example, suggests that decentralized technologies will continue to grow and
negatively impact utilities’ sales. Accenture states: “Continued growth of distributed energy
resources and energy efficiency measures could cause significant demand disruption and drive
down utilities’ revenues by up to $48 billion a year in the U.S. and €61 billion a year in Europe
by 2025.”286 (For context, according to data from the EIA, utility revenues in the U.S. were
approximately $315 billion in 2013,287 so a reduction of $48 billion would approximately a 15
percent reduction in revenues.) Another source is a chairman emeritus from The Brattle Group,
who asks: “What kind of industry would invest $1 trillion or $2 trillion simply to sell less and
less of its products as its customers took control, and made more of their own energy, and other
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companies grabbed a larger and larger share of the value chain?”288 He concludes that utilities
are on a “train wreck” path.289
In addition, there is substantial anecdotal evidence of decentralized investment.
Regarding microgrids, we note that: (a) the U.S. DOE has granted approximately $8 million for
seven microgrid projects across the U.S.;290 (b) Twentynine Palms and other military bases are
investing in microgrids for weather, physical and cyber security reasons, and saving up to $10
million per year in energy costs;291 (c) NRG has teamed up with Green Mountain Power in
Vermont to build a microgrid for the town of Rutland, Vermont, with the goal of “largely” taking
the town off the grid;292 and (e) the Princeton University microgrid, which we highlighted in last
year’s Report,293 reportedly performed seamlessly during the 2014 polar vortex, operating on
fuel oil for 36 straight hours before seamlessly switching back to grid power when system
conditions had improved.294
Regarding the distributed generation technology using rooftop solar PV installations, its
growth in the U.S. continues. According to the American Public Power Association, there is
approximately 6.4 GW of distributed rooftop solar PV installed in the U.S. today, and that
number is expected to grow to 9 GW by 2016 and up to 20 GW by 2020.295 Michigan State
University researchers, meanwhile, have developed a transparent solar cell that can be placed
over windows for homes, commercial buildings, and any other surface with a clear surface.296
Regarding electricity storage, which can be decentralized and also part of a microgrid,
Citi estimates that the global market for energy storage investment could be as high as $400
billion for 240 GW, excluding car batteries.297 Several storage projects are in place in organized
markets across the U.S., including the 64 MW AES Laurel Mountain integrated battery-based
project in West Virginia (which is integrated with a 98 MW wind farm)298 and a 3 MW PJM
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regulation ancillary services battery demonstration project at the East Penn Manufacturing
facility,299 which is part of the U.S. DOE’s Smart Grid Storage Demonstration Program.300
While there is intelligent chatter about progress with decentralized technologies, there
also are credible sources of pushback against the effectiveness of decentralized technologies,
especially in displacing grid services. London Economics, in a recent report looking at
decentralized technologies’ role and participation in the transmission planning process,301 found
that decentralized technologies “are increasingly being put forth as possible solutions in lieu of
transmission infrastructure.”302 However, according to London Economics, decentralized
technologies “are rarely a complete substitute to transmission.”303 For example, London
Economics concludes that decentralized technologies (a) often have “shorter economic lives”
than transmission, (b) may “provide benefits to a smaller or more localized geographical segment
of customers” than transmission, or (c) may only be able to provide partial services compared
with transmission, which can provide the full suite of energy, capacity, and ancillary services on
a continuous basis.304
Another recent article, co-authored by the Executive Director of the Harvard Electricity
Policy Group and published in The Electricity Journal,305 argues that distributed solar generation
“is the most expensive form of renewable generation that is widely used today”306 that has been
the beneficiary of pricing mechanisms, such as net metering, that “overvalues both the energy
and capacity of solar [distributed generation], imposes cross-subsidies on non-solar residential
customers, and is socially regressive because it effectively transfers wealth from less affluent to
more affluent customers.”307 The authors state that distributed solar generation “has energy
value, the potential for reducing some transmission costs, and…some capacity value” as well as
“positive environmental value,” and “ought to be compensated accordingly.”308 To that point,
the authors argue that policy and pricing matter for properly valuing distributed solar, and that
certain incentive-based pricing policies, including net metering, “severely diminish” distributed
solar’s value and renders it “not a cost-effective means of reducing carbon emissions.”309
Additionally, in a recent speech, Terry Boston, CEO of PJM, made the point that
decentralized technologies may have a difficult time meeting the same standard of reliability as
the grid.310 He noted that during Superstorm Sandy, 50 percent of the distributed generation
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units installed at New York City’s hospitals failed at some point during the three days of the
storm’s aftermath.311 He explained that just adding distributed generation to various points of
the distribution grid is not sufficient; such units require regular maintenance, just like system
generation resources. Boston also noted the complexity, precision, and quality of the bulk grid
and its importance in discussing alternatives to grid service, and said that in discussing
decentralized alternatives, the quality of service such resources can provide matters.312
One final point related to decentralized technologies is that they can be dependent on
public policy. Like wind resources (which have been driven by state RPS standards and the
PTC) and efficiency gains (driven by federal mandates on new products), decentralized
technologies can be reliant on public policy in the form of money and mandates. One example
of public policy driving investment in decentralized technologies is subsidies for microgrids,
which can be very expensive on their own: the Princeton University microgrid cost
approximately $100 million.313 Subsidies, such as those from the U.S. DOE highlighted above,
may help defray costs. A second example is net metering; 44 states plus the District of Columbia
employ net metering standards314 (See Figure 7.1, below), which require utilities to give credit to
customers for energy generated behind the retail meter, often paying retail prices for customer
generation in excess of the customer’s own use that is delivered to the utility.315 Policies such as
these help drive the growth of decentralized technologies, but such public policies can also be
fickle and uncertain. For example, Hawaii Electric Company recently proposed to end its net
metering program, replacing it with an alternative tariff structure that would substantially cut
compensation to distributed customers,316 while other states, including Arizona317 and
Oklahoma,318 are considering (or have adopted) new fees for distributed generation customers,
which require customers with distributed generation to pay a fee to utilities.
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Figure 7.1. State Net Metering Policies319

Source: National Conference of State Legislatures

In summary, at least four principles are suggested to guide this discussion of
decentralized technologies and their potential impact on transmission planning. First, if
considering decentralized solutions as a competitive alternative to system power and
transmission expansion, comparability of service matters, as noted by PJM CEO Terry Boston.320
It remains to be seen if decentralized technologies can achieve the same level of reliability as the
grid, and at what cost. Second, in assessing decentralized technologies, consider combinations
of decentralized solutions, not just each option on its own. This may help overcome the
limitations of decentralized options on their own, as noted by London Economics in its Report.
Third, it may help to recognize decentralized technologies’ dependence on public policy, which
can be fickle. Experience with net metering helps illustrate this point. Fourth, it may help to
consider existing decentralized resources (e.g., distributed generation) when forecasting load in
planning new transmission investments. In 2013, Synapse Energy Economics issued a report
warning ISO New England – which Synapse notes could reach 2,855 MW of distributed
generation by 2021321 – of that risk, stating that ISO New England does not incorporate increases
in distributed generation in its transmission planning process, and as a result, will over estimate
its load forecasts and overbuild the transmission system with unneeded projects.322
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2. Exports of Renewables
A second issue currently challenging transmission planners involves the accommodation
of new renewable resources, especially those that are meant for export to other control areas.
The simple fact is that wind and solar resources are often located far from load centers, so
developing sufficient transmission is essential to moving renewable power to where it is
demanded.323 As a result, new renewable resources often require new transmission investments.
The challenge for transmission planners is to match cost allocation to beneficiaries, especially
when it comes to exports. For example, we have heard concerns of internal customers who are
allocated transmission costs for projects that help to deliver wind exports to another region.324
With renewable resource investment expected to continue to grow in SPP and elsewhere, this is
an issue that may challenge SPP for the foreseeable future.
Some might say that transmission projects (and their costs) that support wind power
generated and consumed in the SPP footprint – even if the wind power is consumed in a different
SPP state than that in which it was generated – will (a) be appropriately considered under the
existing SPP ITP process and Highway-Byway cost allocation mechanism and (b) has the
potential to lower market prices for all SPP customers. That is, they might reason that electrons
disregard state borders and can thus produce economic benefits across the SPP footprint.
For exports of wind power outside the SPP footprint, however, it may be said by some
that planning and cost allocation issues become more difficult and complex with such exports.
These are fair questions to ask. Does transmission investment to support such export
transactions yield benefits that accrue to internal SPP load? Are exporters of SPP wind (and the
importing buyers in another control area) being allocated their fair share of transmission
upgrades and firm transmission service costs through the interconnection process and through
paying for firm transmission service? Would issues of planning and cost allocation for projects
that support exports be best handled through interregional planning processes with other control
areas, so that projects may be planned and the costs shared according to the benefits that accrue
to each area (i.e., to SPP and to the importing control area)?
One way to bypass the complexities of grid expansion projects to support SPP wind
power exports is through the use of HVDC transmission, an option generally advocated by PJM
CEO Terry Boston325 and by MISO in a recent presentation on a HVDC “network.”326 HVDC
projects – while expensive and difficult to develop and build – offer benefits over AC solutions,
including a simpler cost allocation, the ability to move power over long distances, fewer
concerns about parallel flows on other systems, and a risk profile that requires a merchant
developer to shoulder the market risk of the project.
3. Load Forecasts
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A third issue challenging transmission planners is load forecasting. Load forecasts are
one of the most important variables in a transmission plan, as load growth often causes or speeds
up the need for new transmission to maintain reliability. The challenge for transmission planners
is getting the forecast to be reasonably accurate. A load forecast that is too high could result in
overbuilding the grid, while load forecasts that are too low could delay or prevent needed
transmission investment to maintain reliability.
We have seen concerns that transmission planners’ forecasts – or those by its members –
may be too high, leading to overinvestment in transmission.327 SPP’s most recent experience
highlights how uncertain load forecasts can be and how important they are to transmission plans.
SPP’s membership recently recommended that the Board withdraw its approval for SWEPCO’s
$116 million Kings River-Shipe Road 345-kV line in northwest Arkansas because of a “50%
drop in load growth rates in the area critical to the project’s need.”328 Soon thereafter, SWEPCO
announced it would no longer pursue building the line. Load projections are inherently
uncertain, and as we noted in the 2013 Looking Forward Report, there is a “potential for slow,
stagnant, or even declining electricity consumption.”329 The 2014 EIA Annual Energy Outlook
continues to support the view that demand growth is likely to be modest going forward. As
shown in Figure 7.2 below, the trend has been downward for decades; EIA’s projection for
demand growth is just 0.9 percent annually from 2012 through 2040.
Figure 7.2. Historical and Forecasted U.S. Electricity Demand Growth Rates in EIA’s 2014
Annual Energy Outlook Reference Case (percent)

Source: EIA Annual Energy Outlook 2014, Figure MT-29, p. MT-16

Importantly, too, load growth and load forecasts can vary significantly by region and by
utility. For example, some have noted that portions of SPP’s load forecasts are driven by the
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outlook for natural gas and oil production operations.330 For such areas, changes in forecasts for
gas and oil production activity could have a substantial impact on load forecasts, potentially
adding a premium to the importance of regularly updating (and sharing) load forecasts for SPP
member load serving entities. Even with such updates, load forecasts are inherently uncertain;
this suggests at least the use of sensitivity analyses on load when the Board considers proposals
for new transmission investments.
4. General Customer Pushback Against Paying for Transmission
Beyond the specifics of the first three issues identified above – potential competition
from decentralized technologies, projects to support exports of renewables, and load forecasting
– there also exists the potential for general pushback by customers against paying for additional
transmission investments. Any discomfort among SPP customers and members would not be
unique, as we have seen examples elsewhere of customer reluctance to pay for transmission
expansion.
One example comes from PSE&G in New Jersey, where, following the impacts of
Superstorm Sandy, the utility developed its voluntary “Energy Strong” proposal to strengthen its
electric and gas systems against severe weather conditions.331 Superstorm Sandy had a
substantial impact on the greater PSE&G area; the average outage for an affected customer was
3.5 days,332 and a macroeconomic analysis conducted by the Edward J. Bloustein School of
Planning and Public Policy at Rutgers University found that “Superstorm Sandy was responsible
for roughly $12 billion in lost economic activity, 7,300 job losses, significantly lower tax
revenues and higher governmental costs in 2012 alone.”333 PSE&G developed its Energy Strong
proposal to “mitigated outages to electric and gas service that would otherwise occur as a result
of major weather events,”334 and hired The Brattle Group to conduct an analysis that estimates
the benefits that may be realized from PSE&G’s proposed investments. Those investments
totaled $3.9 billion over a ten year period, $2.8 billion of which is associated with investments in
the electric system.335 The Brattle Group provided a “conservative” estimate that PSE&G’s
Energy Strong program’s electric grid investments would provide benefits to customers
“resulting from mitigated outages over the course of a three day outage of $1.92 billion”336 and
that “the cumulative duration of outages necessary” to break even on PSE&G’s $2.8 billion
investment would be approximately 3.08 days.337
Despite both these findings by Brattle in its PSE&G Report, and Rutgers’ $12 billion in
estimated lost economic activity as a result of Superstorm Sandy, some parties pushed back
330

RTO Insider Article.
“PSE&G Reaches $1.22 Billion Settlement in Energy Strong Proceeding,” Transmission & Distribution World
Magazine, May 7, 2014 (T&D Article), available at http://tdworld.com/distribution/pseg-reaches-122-billionsettlement-energy-strong-proceeding.
332
Peter Fox-Penner, William Zarakas, “Analysis of Benefits: PS&EG’s Energy Strong Program,” The Brattle
Group, October 7, 2013, (Brattle PSE&G Study), xi.
333
Brattle PSE&G Study, vii.
334
Brattle PSE&G Report, vi.
335
Brattle PSE&G Report, viii.
336
Brattle PSE&G Report, xi.
337
Brattle PSE&G Report, xi.
331

83

against the proposed spending, including groups representing ratepayers.338 While some
pushback was against assumptions made in the Brattle PSE&G Report, others claimed that the
upgrades were too expensive for the average consumer and argued for a less costly and more
focused upgrade effort.339 PSE&G eventually settled with all parties on a scaled-back package
of investments of $1.22 billion, less than $1 billion of which will go to electric system
investments.340 Importantly, to see the full context, note that PSE&G’s ratepayers have seen
large increases in their transmission rates in recent years for other reasons – transmission rates
are up almost 159 percent in 2015 when compared to transmission rates in 2012.341
Transmission rates have climbed high enough to be comparable to capacity costs in PJM’s
capacity market; the most recent base residual auction (for the 2017-2018 delivery period)
yielded a localized price of $215/MW-day for PSE&G,342 while PSE&G’s most recent
transmission charge for its share of transmission expansion projects in PJM totaled
$199.15/MW-day.343
Another example of customer attitudes toward paying for additional transmission
investment comes from General Electric’s Digital Energy group, which in 2014 released the
results of its Grid Resiliency Survey “measuring the U.S. public’s current perception of the
power grid, its experiences and its future expectations.”344 The survey was conducted in May
and June of 2014, shortly following a “very active 2014 winter storm season that led to several
power outages, impacting millions of Americans.”345 The GE Grid Survey found that just 38
percent of U.S. adults aged 18 and over are “willing to pay an additional $10 per month to ensure
the grid is more reliable.”346 To account for differences among consumers that have experienced
more recent outages than others, the GE Grid Survey separated its results by those living east of
the Mississippi River and those living west of the Mississippi, noting that “consumers living east
of the Mississippi experienced nearly three times as many power outages on average than those
living west of the Mississippi.”347 Still, the GE Grid Survey found that just 41 percent of
customers living east of the Mississippi River and 34 percent of customers living west of the
Mississippi are “willing to pay an additional $10 per month to ensure the grid is more
reliable.”348
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5. Estimating Reliability Benefits of Avoidance of Outages, Grid Security
Enhancements
Transmission investment can lower the cost of electricity to customers through reductions
in fuel costs. (The SPP engineering group’s ongoing study of the benefits of transmission is
seeking to measure this benefit.) Transmission investment can also increase system reliability.
Estimating the value of reliability benefits can be done through the use of metrics that seek to
measure the economic value from avoiding outages. As noted below, SPP uses these metrics in
its analysis of transmission investments. Estimates of the value of reliability benefits can vary
widely; we explore some studies of the value of reliability benefits below.
Reliability, at its core, is about keeping the electricity flowing to customers. Because
customers do not use electricity as an end in itself, but rather as a means to run industrial
processes and keep the lights on at their businesses, schools, hospitals, and homes, outages have
real economic consequences for customers and the overall economy. Between 2003 and 2012,
an estimated 679 widespread power outages occurred due to severe weather alone.349 The costs
of such outages can be significant, estimated to cost the U.S. between $20 billion and $150
billion annually.350 The November 1965 blackout in the northeastern U.S. and Canada impacted
roughly 30 million people and had initial estimates of economic losses of $100 million in 1965
dollars;351 adjusted for inflation, that figure is approximately $750 million today. The August
2003 blackout in the northeastern U.S. and Canada impacted approximately 50 million people
and resulted in an estimated $4 billion to $10 billion in economic damage.352 More recently, the
September 2011 blackout that impacted parts of southern California, Arizona, and Mexico
resulted in economic losses of approximately $100 million.353 And, as noted earlier in this
chapter, “Superstorm Sandy was responsible for roughly $12 billion in lost economic activity,
7,300 job losses, significantly lower tax revenues and higher governmental costs in 2012
alone.”354 The costs of these outages include “lost output and wages, spoiled inventory, delayed
production, inconvenience and damage to the electric grid.”355
Since outages have costs, and reliability enhancing-transmission investment can mitigate
the frequency and duration of outages, then it should be possible to estimate the economic
benefits of such transmission investments. Indeed, the “value of lost load,” or VOLL, is the
traditional metric by which “the value that customers place on mitigating power outages” is
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measured.356 VOLLs “represent the values to customers of avoiding the loss of power; that is,
estimates of the economic damages that they would realize as a result of a power outage.”357
VOLLs vary by customer class and can vary across estimates. As noted by The Brattle
Group:
Estimating the VOLL is largely a survey-based process through which utility customers
value the economic impacts that varying levels of outages have upon their households
and/or businesses. Accordingly, VOLLs need to be estimated separately for the various
customer classes, because the impact of an outage can differ significantly among
residential customers (who are inconvenienced by an outage and, if the outage duration is
long enough, will incur out-of-pocket costs) and commercial and industrial customers
(for which a loss of power will likely have an impact on production processes, result in a
loss of sales and revenue and/or involve out-of-pocket costs). The accuracy of the VOLL
estimate depends upon the quality of the survey methodology, instrument and procedure.
Thus, estimates of VOLLs are an informative but non-perfect measure of service value.358
Brattle Group, for its part, has estimated VOLLs for residential customers to be between
$1,500/MWh and $3,000/MWh (in $2006) and well in excess of $10,000/MWh for commercial
and industrial customers (in $2006).359
Once estimated, VOLLs can then be used to quantify some portion of the reliability
benefits that would accrue as a result of investments in new transmission to buttress reliability.
For example, The Brattle Group’s aforementioned study of PSE&G’s Energy Strong proposal
estimated $1.92 billion in reliability benefits (mitigating outages and the associated economic
losses) based on its estimation of VOLLs across PSE&G customer classes.360 SPP, for its part,
also uses estimates of VOLL in its estimates of transmission investment benefits which is taken
from “existing studies and literature.”361 SPP determines the total reduction in outage hours
expected to result from the proposed transmission investment and multiplies that amount by the
VOLL, producing the total expected monetary benefit related to reliability from that project.362
Another consideration regarding the reliability benefits of transmission investments
involves grid security, both physical and cyber. As we point out in chapter 5, enhancing grid
security may be less about preventing the next attack – i.e., bulletproofing transformers against
physical threats – and more about making the grid more resilient so as to mitigate the impact of
such attacks. Additional investment in the grid can deliver such resiliency benefits and may be
considered in a transmission valuation framework. One challenge may be to account for the
changing risk to the grid related to outages caused by physical or cyber-attacks. Historical
outage data, for example, may only include weather-driven outages and other forced outages, not
necessarily capturing the risk of outages caused by physical or cyber-attacks.
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It is also worth noting that while transmission planners can estimate the costs and benefits
of transmission solutions, including reliability benefits, such analyses do not demonstrate
transmission’s cost effectiveness compared to alternative solutions – i.e., non-transmission
alternatives, such as decentralized technologies. Some say that the grid may not be the only
option in providing reliable service, especially as technological capabilities change over time. In
addition, non-transmission alternatives and decentralized solutions may not be subject to the
same vulnerabilities as the transmission system, such as outages from severe weather.
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VIII. Smart Grid

A. Introduction

A

ccording to the Department of Energy’s 2014 Smart Grid System Report, the

electricity industry spent $18 billion on smart grid technologies from 2010 to 2013.363 Nearly
half of that amount came from investments made under the American Recovery and
Reinvestment Act of 2009 (ARRA), totaling about $8 billion.364 The ARRA investments were
primarily made by utilities that received grants from the federal government. The U.S. DOE was
tasked with overseeing those investments and its report describes the deployment of different
technologies and their benefits. Herein, we explore the status of smart grid investment and
technology, its impacts on the grid, and where the industry is headed.
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B. Technology, Benefits, and Costs
Because “smart grid” is a broad term, it is important to understand what it encompasses.
Despite varying definitions, in general, “smart grid” refers to certain applications of technology
that enhance the existing grid. The Pacific Northwest National Laboratory (PNNL) recently
stated that “a smart grid uses digital technology to improve the reliability, security, flexibility,
and efficiency of the electric system, from large generation through the delivery systems to
electricity consumers and a growing number of distributed generation (DG) and storage
resources.”365 There is a wide range of smart grid applications for different segments of the grid.
These can include (a) digitally based equipment at high voltage substations to instantaneously
monitor voltage, current, and frequency to better detect and react to disturbances, (b) devices that
automatically locate and isolate faults at the distribution level, or (c) replacing older electric
meters with more advanced meters with digital two-way communications that can increase the
operational efficiency of utilities.366 Figure 8.1 shows historical and projected investment for
different smart grid technologies.367

Figure 8.1. Historical and Projected U.S. Smart Grid Investment

Source: U.S. Department of Energy, 2014 Smart Grid System Report, August 2014, 3.

In recent years, the most popular application of smart grid technology has been the
integration of advanced metering infrastructure (AMI), which includes smart meters.368 Much of
the growth in AMI has been due to ARRA funding which began in 2009. Under ARRA, the
Smart Grid Investment Grant (SGIG) provided for joint cost sharing of smart grid projects
whereby the federal government would financially support investments made by utilities.369
There are a total of 99 SGIG projects with a combined budget of about $8 billion. The federal
share is about $3.4 billion. Projects were chosen by a merit-based competitive solicitation.370
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The key feature of smart meter technology is the capability to allow two-way
communication between the utility and the customer. This provides several benefits. The
primary benefit is that it can serve as a gateway for the transfer of detailed information as well as
allow customers to have greater control over its energy usage when coupled with certain
customer-based devices, such as intelligent thermostats and in-home displays.371 The coupling
of AMI and customer-based devices can increase the effectiveness of time-based rate programs,
including time-of-use rates, critical peak pricing, variable peak pricing, etc., that encourage
customers to adjust their consumption based on price.372 If these programs are adopted by
enough customers, it can have an impact on reducing peak electricity demand and thereby
potentially defer new capacity needs.373
OG&E, a regulated utility in SPP’s service territory, invested about $293 million in smart
grid technologies with $130 million of that amount coming from SGIG funding.374 As a part of
its investment, it tested a pilot program for a new time-based rate over a two-year period which
involved the participation of 4,670 customers. The new time-based rate provided prices that
varied daily in order to cause a behavioral change in the participants’ pattern of electricity
consumption and a reduction in peak demand. The program resulted in a peak demand reduction
of 1.8 kW per customer during critical events and an average reduction of 1.3 kW per customer
during non-event peak periods. The average bill reduction during the summer was over $150 per
customer. Due to the favorable results, OG&E stated that it would roll out the program to “20%
of their customers (120,000) by 2016, with the aim of deferring investment in about 170 MW of
power plant capacity.”375
AMI also provides benefits that can enable enhanced operational capabilities and yield
improvements in efficiencies. Some examples include (a) lower personnel and transportation
costs due to remote meter reading, (b) improved outage management from meters that alert
utilities when customers lose power, (c) improved billing and customer support, and (d) allowing
measurement of two-way power flows for customers who have on-site generation.376
A recent U.S. DOE case study on Duke Energy’s efforts in deploying smart grid
technologies for its Ohio and Carolinas customers shows that its smart grid program has resulted
in a range of operational efficiencies. In 2007, Duke initiated a 10-year smart grid program to
chiefly deploy AMI and distribution technologies across the states it serves. In 2009, Duke
received $200 million from ARRA funds, giving it a total budget of $555 million. With that
money, it installed 966,000 smart meters in its Ohio and Carolinas territories and estimated that,
over a 20-year period, benefits would amount to about $382.8 million on a net present value
basis. Benefits were primarily derived from avoided operations and maintenance costs from
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continuous voltage monitoring and remote meter reading. Currently, Duke is ahead of schedule
in terms of meeting its benchmark estimate of benefits.377
According to the U.S. DOE, in 2013, there was approximately 46 million smart meters
nationwide. The U.S. DOE expects that number to grow to 65 million in 2015 which would
equal roughly 45 percent of total meters in use in 2013.378 However, the growth in AMI has
been concentrated. Nearly 75 percent of AMI installations to date have occurred in only 10
states and in the District of Columbia. The main contributing factors for such growth are a
combination of “state legislative and regulatory requirements for AMI, ARRA funding, and by
specific cost recovery mechanisms in certain regions.”379
In terms of cost, according to the U.S. DOE, the cost per smart meter deployed generally
has been between $120 and $240. These costs are calculated from the deployment costs of the
AMI portion of a sample of nine utility smart grid projects that received total ARRA funding
greater than $100 million. Some of the variations in costs per smart meter are a result of
different customer class deployments, smart meter capabilities, and infrastructure requirements.
Figure 8.2 below provides these costs per meter.380
Figure 8.2. Number of AMI Meters Installed and Associated Deployment Cost by Utility
Utility

States

Florida Power & Light Company

Florida
Indiana, Kentucky, North
Duke Energy Business Services, LLC
Carolina, Ohio, South Carolina
PECO
Pennsylvania
CenterPoint Energy Houston Electric, LLC Texas
Oklahoma Gas & Electric Company
Arkansas, Oklahoma
Potomac Electric Power Company
Maryland
Sacramento Municipal Utility District
California
Baltimore Gas and Electric Company
Maryland
Electric Power Board of Chattanooga
Georgia, Tennessee

AMI Meters Deployment Cost per
Installed
Cost
Meter
3,068,136 $373,231,325 $121.65
1,062,169 $134,687,185 $126.80
784,253
2,130,737
818,415
552,982
617,502
575,081
175,116

$118,400,057
$330,701,313
$153,693,666
$114,625,126
$130,859,704
$129,191,052
$41,861,000

$150.97
$155.21
$187.79
$207.29
$211.92
$224.65
$239.05

Source: United States Department of Energy, smartgrid.gov, author’s calculations.

As a point of comparison, another utility, Consolidated Edison, which was a recipient of
ARRA funding but not for AMI,381 recently filed a rate case with plans to roll out its “advanced
metering initiative” over an eight-year period and spend $1.5 billion for smart electric and gas
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meters. The cost of each meter is estimated to be $270 with installation, about 13 percent higher
than the high-end of the sampled range shown in Figure 8.2.382
Despite the cost data that is currently available, it is still too early to tell which direction
costs will go. We would expect that as a technology matures that costs will decrease over time,
but other factors can influence the cost such as state energy programs and regulations. It is also
too early to determine the full amount of benefits as customer-based devices have not caught up
with the growth in AMI.383 Customer-based devices are necessary to effectively realize savings
from time-based rate programs since they provide more awareness and control of energy usage
for the user.384
C. Key Issues and Recommendations
ARRA funding provided significant support for the growth in smart grid technologies,
and in particular for AMI over the past six years, but as the program winds down in 2015, there
are questions about whether the industry will be able to maintain momentum. AMI is just one
part of the smart grid. To fully implement smart grid, investment in other areas such as
distribution automation and transmission system upgrades must also be made. The Electric
Power Research Institute estimates that spending of $338 to $476 billion will be needed over a
20-year period across the country.385 That would mean, without public money, the industry
would have to spend, on average, $17 to $24 billion per year. Whether that is feasible will
depend on many factors, but as we know from the wind energy industry, without federal
subsidies, growth can come to a halt.
Furthermore, a fully functioning and efficient smart grid is all about the convergence of
all parts of the grid through digital communications and control. Customer participation is
essential and there are concerns. For example, technologies such as smart meters that serve as a
gateway for two-way communications between the customer and the utility over a digital
network, through connected customer-based devices, raise concerns about security and privacy.
Among other factors, cybersecurity will be a critical issue in further customer adoption of smart
grid in the future.386 While cybersecurity is becoming more of a focus in the electricity industry,
it already has received significant attention from well-documented cyber-attacks that have
occurred in other industries and organizations such as banking, media, healthcare, and
government. Over the past several years, the National Institute of Standards and Technology has
been developing a comprehensive framework for organizations to create effective strategies for
implementing smart grid cybersecurity. This is a notable step because it recognizes “that the
electric grid is changing from a relatively closed system to a complex, highly interconnected
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environment.”387 Still, no matter how much progress is made, it is likely that consumers who are
concerned about such vulnerabilities may not fully adopt the customer-based technologies such
as intelligent thermostats that would allow them to better participate in time-based rate programs
and manage their energy usage.
As already noted, smart grid is defined as a way to “enhance the existing grid.” It can
actually help maintain the longevity of the centralized grid by making it more efficient, reliable,
and resilient. Even though AMI is a downstream smart grid technology and may not have a
direct impact to SPP, considering the growth that has taken place thus far, we recommend that
the SPP Board continue to communicate with its members to: (a) see what type of efforts, if any,
they have implemented with respect to smart grid and (b) if they have made such efforts, see how
SPP can add value to its members’ smart grid investments.
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IX. Wind (and Solar) Exports From SPP’s
Footprint

S

PP has been described as the “Saudi Arabia” of wind resources.388 While SPP uses

much of that wind energy internally – wind provided 11 percent of total generation in 2013 and
provided as much as 33.4 percent of total SPP load on a single day in 2013389 – it is natural to
consider export possibilities to areas less rich in renewable resources. In this chapter, we explore
that opportunity for exports, focusing particularly on sales to the southeast.
We begin by considering potential supply of wind and also solar resources in SPP. Next,
we look at potential demand for SPP’s wind and solar in other areas, especially the southeastern
U.S. Then, we turn to transport of wind and solar exports, either through use and expansion of
the existing AC grid or through use of HVDC projects. We conclude by noting SPP’s potential
role as a facilitator of export transactions. We consider SPP’s value proposition in exporting its
wind and solar resources, and we provide evidence that SPP has the supply to effectuate exports,
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but faces hurdles related to both demand and transport. We offer a potential next step for SPP’s
consideration.
A. Supply
SPP’s renewable energy potential is enviable. Its geographic location has some of the
best potential wind resources in the U.S., primarily from Oklahoma, Texas, Kansas, and
Nebraska. In addition, there is significant solar potential, especially in eastern New Mexico.
SPP has estimated its total wind potential in its footprint to be between 60,000 and 90,000
MW,390 which is more energy than SPP uses during its peak demand.391 Figure 9.1 below
illustrates the unique abundance of SPP’s wind resources, while Figure 9.2 shows U.S. solar PV
potential.
Figure 9.1. U.S. Annual Average Wind Speed392

Source: NREL

Figure 9.2. U.S. Solar PV Potential393
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Source: NREL

SPP has realized a significant amount of wind generation. By the end of 2013, SPP had
8,405 MW of total registered wind capacity.394 (According to conversations we have had with
SPP personnel, that number has grown to approximately 9,200 MW.395) SPP also has over
19,000 MW of wind resources under development.396 SPP’s geographic location and recent
technological improvements in the manufacturing of wind turbines has resulted in capacity
factors approaching 45 percent.397 Figure 9.3 shows the average wind capacity factor for the
years 2009 through 2013 across all hours of each year separated by load percentile. The figure
shows, for example, that in 2013, SPP wind resources had a capacity factor of over 40 percent in
hours in which SPP load was in the lowest 25th percentile.
Figure 9.3. Wind Capacity Factor Compared to Load Percentiles 2009 - 2013398
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Source: 2013 SPP State of the Market Report, 35

SPP’s solar potential has so far remained largely untapped, but that may soon change.
Approximately 2,000 MW of solar resources – largely from New Mexico – have recently been
added to the SPP interconnection queue.399

B. Demand
Turning to potential export demand for SPP’s renewable resources, especially its wind,
there are at least three potential drivers. First, and by far the most important, is public policy
mandates for purchasing renewable energy, such as state renewable energy portfolio standards
(RPS). Second is economics, which can also be driven by public policy through tax incentives
and other financial subsidies provided to renewable developers to make their generation more
cost competitive. Third is desire to diversify resource portfolios. We look at all three of these
drivers in this section.

1. RPS Mandates
More than perhaps any other driver, state requirements for renewable energy purchases –
through RPS mandates – matter considerably to assessing a state or region’s demand for
renewable energy. Twenty-nine states, plus the District of Columbia, have renewable portfolio
standards; nine more have renewable portfolio goals. Focusing on southeastern U.S. states, only
one state – North Carolina – has a renewable portfolio standard, and only one other – South
399
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Carolina – has a renewable portfolio goal.400 The other southeastern states – Tennessee,
Mississippi, Alabama, Georgia, and Florida – have no renewable portfolio standards or goals.
Figure 9.4 below visually demonstrates the lack of RPS in the southeast.

Figure 9.4. U.S. RPS Policies

Source: Database of State Incentives for Renewables & Efficiency

Thus, most of the states that make up what appears to be a prime market for SPP exports
of renewables have no legal mandate to make renewable purchases. Only North Carolina has an
RPS mandate, which requires utilities to purchase 12.5 percent of its energy from renewable
resources by 2021 and its cooperatives and municipal utilities to purchase 10 percent of their
power from renewable resources by 2018.401 North Carolina is particularly distant from SPP’s
wind resources, raising the potential cost for transportation, and with part of North Carolina in
another organized market (PJM), utilities in that state have other, closer options to meet
renewable portfolio requirements.
Other states in the southeast, meanwhile, have only some tax and other financial
incentives at the state and local level available to renewable energy developers, but no state-wide
mandates. South Carolina’s renewable portfolio “goal” relates only to distributed generation
within its state borders.402 All this suggests that, unless and until new mandates from state
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legislatures emerge in the southeast, other factors will have to drive demand for SPP’s wind
exports.
It is important, too, to note risk related to state RPS mandates and other environmental
public policy, such as federal regulations from the U.S. EPA. Not all mandates are equal in
dictating which technologies qualify and which do not. For example, some RPS mandates, such
as in North Carolina,403 have explicit carve outs for solar PV, while other states (like New York)
do not. Future environmental regulations are inherently uncertain and may not mandate or
provide credit for wind purchases, which would hurt SPP’s odds of exporting wind power. This
risk covers not just potential future RPS standards in states currently without them, but also
federal policies, such as the U.S. EPA’s Clean Power Plan. If, when finalized, that rule affords
flexible implementation that allows states to consider alternatives to renewable resources in
meeting environmental goals, or gives little or no credit to states for power from renewable
resources, potential demand for SPP exports may be negatively impacted.
2. Economics
Renewable power – specifically wind – can provide attractive prices to potential buyers if
able to take advantage of federal subsidies. The federal PTC – which provides a tax subsidy of
2.3 cents per kWh after tax404 – has helped drive down costs of wind power to previously
unprecedented levels. For example, according to a presentation from Ryan Wiser of the
Lawrence Berkeley National Laboratory, the average price for PPAs for wind power from the
U.S. interior region was 2.1 cents per kWh, or $21 per MWh.405
Such low prices would be attractive to any state in the U.S. Wholesale power prices in
the U.S. as measured at major hubs ranged between approximately $38/MWh to $75/MWh, as
shown in Figure 9.5 below. Note that the Southern hub, located at the Alabama-Georgia border,
saw average spot prices of $42.45/MWh.
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Figure 9.5. Average Wholesale Spot Electricity Prices in 2014406

Source: EIA

Nevertheless, it is important to point out a major risk and a major cost associated with
PTC-eligible wind. The risk is that the economic viability of these wind resources are highly
dependent on the PTC, and thus is at constant risk of losing their primary economic driver.
Currently, the PTC was renewed for 2014 and thus any wind project for which construction has
begun and that has incurred 5 percent of its total costs before January 1, 2015, is eligible for the
PTC.407 The PTC has not yet been renewed beyond 2014. If, the PTC is not renewed beyond
2014, wind resources without the PTC would be less cost competitive with other sources of
generation.
The additional cost associated with wind and solar generation is that of transmission.
Renewable resources tend to be located far from load, making transmission investment an
important consideration in the overall cost of wind and solar resources. This is especially true in
the case of SPP exports, which may have to be transported across several states. Indeed, in
SPP’s most recent 20-year Integrated Transmission Plan, SPP estimated a need for $8.05 billion
in new transmission investment to accommodate a scenario with large amounts of additional
wind power, 10 GW of which was exported outside of SPP.408 We address this issue in the next
section.

3. Diversification Benefits

406

U.S. Energy Information Administration, “Today in Energy,” January 12, 2015, available at
http://www.eia.gov/todayinenergy/detail.cfm?id=19531. Figure 9.5 also shows the percentage change in average
wholesale spot prices from 2013 to 2014.
407
Database of State Incentives for Renewables & Efficiency, “Renewable Electricity Production Tax Credit
(PTC),” last updated December 22, 2014, available at
http://dsireusa.org/incentives/incentive.cfm?Incentive_Code=US13F.
408
Southwest Power Pool, “2013 Integrated Transmission Plan 20-Year Assessment Report,” July 30, 2013 (SPP
2013 ITP), 94.

100

A third potential driver of demand for SPP wind exports is diversification. Historically,
diversification of resource portfolios can be said to lower risks and decrease electricity price
volatility than less diverse portfolios. Thus, if the price of a particular fuel rises sharply, more
diversified portfolios are less impacted than those more singularly reliant on that fuel. Adding
renewable resources, therefore, to traditional generation portfolios is one way to encourage
benefits of diversification.
One recent study by IHS Energy attempts to quantify that benefit.409 The IHS Diversity
Study compares two portfolios: first, the existing U.S. generation mix, which features
approximately 40 percent coal, 27 percent gas, 20 percent nuclear, 7 percent hydroelectric, 4
percent wind, and small amounts of solar, oil, and other technologies; second, a “Reduced
Diversity” case, in which approximately 33 percent of installed capacity is from wind and solar,
62 percent is from natural gas, and 5 percent is from hydroelectric.410 The IHS Diversity Study
claims that “[t]he current diversified portfolio of US power supply lowers the cost of generating
electricity by more than $93 billion per year, and halves the potential variability of monthly
power bills compared to a less diverse supply.”411
The overall takeaway from the IHS Diversity Study is that it confirms the conventional
wisdom that a diverse portfolio of generation resources can lower the cost of generating
electricity. However, there is an additional nuance to the Study which is that “more diversity”
does not mean “more renewables;” on the contrary, the “Reduced Diversity” case, which
“increases average wholesale power prices by about 75% and retail power prices by 25%,”412
models substantially more wind and solar than the current U.S. generation mix. The IHS
Diversity Study is a warning against overreliance on wind, solar, and natural gas resources, and
therefore any diversification benefits associated with additional wind and solar from SPP’s
exports may be dependent on the buying utility’s existing resource portfolio and whether buying
wind (or solar) from SPP increases or decreases diversity for the buyer.
One additional point related to resource diversity is how each state has used renewables
to address environmental policies, both existing and future. Some states, like many SPP states,
have procured significant amounts of renewable resources, especially wind, in response to RPS
standards or federal environmental regulations. Other states – especially those in the southeast –
have pursued non-renewable investments, such as integrated gasification combined cycle (IGCC)
and/or nuclear generation. Going forward, these states may be more receptive to procuring
power from renewable resources to help diversify their response to current and future
environmental regulations, if only because some of the IGCC and nuclear investments have
resulted in substantial cost overruns and delays. For example, the expansion of Southern
Company’s Vogtle nuclear facility in Georgia, which was expected to cost $6.1 billion and be
completed by 2016.413 Current estimates for Vogtle’s expansion are to be completely online by
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mid-2020 at a cost of $7.4 billion.414

C. Transport
Even with ample supply in SPP and sufficient demand for SPP exports, the third issue
related to SPP’s export potential is transmission of those exports. To export, SPP needs
transmission capacity to do so. More than likely, SPP will need additional transmission
expansion to accommodate significant amounts of exports. As noted earlier, in its most recent
20-year transmission plan, SPP modeled a future scenario that assumed a 20 percent federal
Renewable Electricity Standard that required approximately 16.5 GW of nameplate wind
capacity, plus approximately 10 GW of additional wind generation to be exported outside of
SPP.415 Under that scenario, SPP estimated a need for a total of $9 billion of additional
transmission investment ($8.05 billion of which is needed to accommodate the additional wind
generation), totaling 6,766 total miles of new transmission lines and 22 new transformers.416

Figure 9.6. Hypothetical Transmission Buildout Needed to Accommodate 20 percent
Federal RPS plus 10 GW of SPP Wind Exports417

Source: 2013 SPP ITP, Figure 13.3
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There are two primary options for transmission expansion to accommodate wind exports:
(a) expansion of the AC grid, using both SPP’s existing ITP process and its interregional
planning efforts with neighboring control areas; and (b) new HVDC lines. Both options offer
benefits and challenges.
Building out the AC grid has the advantage of using SPP’s existing ITP process, which
considers reliability, economic, and public policy projects at once. It also allows SPP to use its
existing Highway-Byway cost allocation mechanism, which can allow for greater cost sharing
among all entities that benefit from new projects. Further, building out the AC grid may have
ancillary benefits related to increasing the reliability of the SPP system.
Expansion of the AC system will not be without challenges, however. First, it is
expensive. As noted above, SPP’s own analysis suggests a need for $9 billion in additional
transmission investment to accommodate a scenario with 20 percent federal Renewable
Electricity Standard and 10 GW of wind exports from SPP.418 Significant new wind resource
penetration on the SPP grid may also test system operators’ ability to maintain reliable grid
operation. And as we note in chapter 7 of this Report, SPP will want to be wary of customer
recoil against paying for additional transmission investment, especially if such investment is
perceived to primarily benefit wind developers instead of internal customers. Indeed, it has been
suggested that SPP’s Highway-Byway approach is “not appropriate” for export projects.419 SPP
wind exports may impact flows on other neighboring transmission systems, potentially requiring
SPP to compensate those systems. Second, it will require interregional coordination and
investment with neighboring control areas. As noted by the Brattle Group in a recent report for
The Nebraska Power Review Board, exports out of SPP to the east, including the southeastern
states, “would be challenging because the interregional transmission planning efforts of SPP and
MISO are currently still under development and will need significant improvements before they
are able to effectively plan large transmission upgrades across the RTOs’ boundaries.”420 Brattle
continues that “those improvements will take a few years to materialize and, once transmission
upgrades across the seams are identified and approved, a few more years will be required for
their development and construction.”421 Brattle finds that exporting SPP wind to the west – i.e.,
to the Western Electricity Coordinating Council, or WECC – “will be particularly challenging
due to the cost of building transmission across the Eastern and Western interconnections” and
that “overcoming transmission constraints…would impose significant costs” on ratepayers.422
A second option for transporting SPP wind exports is through new HVDC transmission
projects. HVDC projects “offer developers the chance to transmit excess, cheaper power over
long distances to load pockets with high prices, and/or move renewable energy from remote
locations to load centers in states with renewable portfolio standards.”423 HVDC solves some of
the issues related to AC expansion, particularly by simplifying the cost allocation and
interregional aspects of new infrastructure investment. This is because HVDC has a more
“limited system impact than alternating current (AC) lines; for example, since HVDC projects
418
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are controllable, they do not produce parallel flows (i.e., loop flows) on the system.”424 In
addition, HVDC projects are typically merchant transmission projects, which means that a
private, non-incumbent transmission owner takes the entirety of the project’s market risk and
assigns costs only to customers that voluntarily purchase service on the project.
However, HVDC also has costs and risks. First, HVDC is also expensive and requires
substantial margins to justify the risks to merchant developers. For example, Clean Line Energy
Partners, a merchant transmission developer pursuing at least five merchant transmission projects
across the U.S., estimates that four of those projects will cost between $2 billion and $2.5
billion.425 Second, siting and permitting HVDC lines can be a lengthy, uncertain process,
especially for projects that cross multiple jurisdictions. Several merchant lines under
development have not met their initial estimated energization dates, having been subject to long
local, state, and federal regulatory review processes.426
Clean Line Energy Partners’ Plains & Eastern transmission line is one example of a
merchant HVDC project under development. The proposed project route, shown below in
Figure 9.7, would deliver up to 3,500 MW of wind power from the Oklahoma panhandle region
approximately 700 miles to the “Mid-South and Southeastern United States.”427 Clean Line
states that the “development and construction of the Plains & Eastern [project] is estimated to
cost approximately $2 billion and will make possible more than $7 billion of new renewable
energy investments.”428 Clean Line has received regulatory approvals in Oklahoma and
Tennessee429 and has other pending regulatory proceedings, including at the U.S. DOE.430

Figure 9.7. Proposed Route for Clean Line’s Plains & Eastern Project431
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Source: Clean Line Energy Partners, “Plains & Eastern Clean Line Overview,” available at
http://www.plainsandeasterncleanline.com/site/page/project-description

A second Clean Line project – the $2 billion Rock Island project – would connect up to
3,500 MW of wind from northeast Nebraska and the WAPA Upper Great Plains area to eastern
power markets.432 The Rock Island project has received regulatory approvals at FERC and in
Illinois, with approval still pending in Iowa.433 That project’s proposed route is below in Figure
9.8.

Figure 9.8. Proposed Route for Clean Line’s Rock Island Project434

Source: Clean Line Energy Partners, “Rock Island Clean Line Overview,” available at
http://www.rockislandcleanline.com/site/page/project-description

D. Bottom Line and Next Steps
Summing up, the prospects for exports of SPP’s wind requires excess wind supply in
SPP, sufficient demand in another control area for imported wind, and adequate transmission to
transport the exported wind power reliably. Regarding supply, the picture is positive, as SPP has
the excess wind power supply to export with substantially more wind (plus 2,000 MW of solar)
under development. Regarding demand, challenges abound, as the southeastern states lack
renewable portfolio standard mandates and the economics of wind are reliant on subsidies, like
the PTC. Regarding transport, more exports likely mean more transmission investment and
interregional collaboration with other control areas, or could require new HVDC lines.
Going forward, SPP can begin by considering its own value proposition for wind. The
primary benefit to SPP states from additional wind exports will likely be economic, in the form
of new jobs in states like Oklahoma. For example, Clean Line estimates that its Plains & Eastern
project will provide “more than 5,000 construction jobs and over 500 direct jobs maintaining and
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operating the wind farms and the transmission line,”435 plus indirect jobs such as manufacturing
of turbines, towers and cable, and hospitality. An ancillary benefit, if exports are transported
over the AC grid, is any additional reliability which accrues to the benefit of the existing SPP
grid from AC expansion projects.
Next, SPP should consider its target markets for its exports. For example, the
southeastern states have yet to adopt RPS standards and instead have focused on nuclear and
clean coal investments, some of which have turned out more costly than originally projected.
These states may be ready for a new approach in addressing environmental policy, one that
involves renewable resources beyond small pilot and distributed projects.
If SPP considers it worthwhile to pursue wind exports, it may consider playing a role of
facilitator of further discussions between developers, policymakers, legislators, and utilities.
One idea for SPP’s consideration is to host a free-of-charge expo in a major target market city,
which could be funded, attended, and staffed by wind and transmission developers seeking to
secure buyers for SPP export projects. Attendees could include utilities that may purchase
renewable power imports, state public utilities commissions, state legislators, and wind and
transmission developers. Developers could use the opportunity to demonstrate (a) the economics
of SPP’s wind exports, (b) the benefits of a more diverse portfolio, one which includes additional
renewable power, and (c) the environmental compliance benefits of renewable power.
In addition, SPP should continue to work with its neighbors on developing mechanisms
for interregional coordination on new transmission investment. As noted by the Brattle Group,
“few effective and actionable planning processes currently exist for transmission upgrades across
regional boundaries.”436 Finalizing a process for planning and allocating cost of transmission
projects that span multiple regions will lower the barriers to getting new projects built to support
additional SPP renewable power exports.

435

Clean Line Energy Partners, “Plains & Eastern Clean Line Benefits,” available at:
http://www.plainsandeasterncleanline.com/site/page/benefits.
436
Brattle Export Study, 33.
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PURPOSE

A. Report contributes to longer-term strategic
planning by the Board
B. Eight issues in all, including three updates

2

1

ISSUES
I.

Blurred Jurisdictional Lines

II.

Update on the Changing Electric Sector Business Model
(Update)

III.

Thoughts on a Framework for Evaluating Transmission
Investments

IV.

Wind (and Solar) Exports from SPP’s Footprint

V.

EPA’s Continued Environmental Campaign (Update)

VI.

The Shale Gas Revolution (Update)

VII.

Physical Grid Security

VIII.

Smart Grid
2

I. BLURRED JURISDICTIONAL LINES
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I. BLURRED JURISDICTIONAL LINES
A. Four Jurisdictional Developments
1.
2.
3.
4.

Resource Adequacy
Demand Response
Sales from Distributed Generation
Environmental Dispatch

3

I. BLURRED JURISDICTIONAL LINES
B. Resource Adequacy
1. Maryland,1 New Jersey2 Cases from 2013
2. Courts: States violated Supremacy Clause3
3. Boston Pacific PUF Article: Bad Policy
a. Risks reliability: 0.1 percent of new generation is
built for RTO capacity market revenues4
b. Threatens other programs: RPS, default service
c. Better split: States get Long-Term, FERC Short-Term

4. Seeking consideration at U.S. Supreme Court5
1. “Memorandum of Decision,” Case 1:12-cv-01286MJG, In the U.S. District Court for the District of Maryland, Sept. 30, 2013, 111-112.
2. “Memorandum,” Civil Action No. 11-745, In the U.S. District Court for the District of New Jersey, Oct. 11, 2013, 54.
3. United States Court of Appeals for the Third Circuit, Case No. 12-4330, September 11, 2014; United States Court of Appeals for the Fourth
Circuit, Case No. 13-2419, May 13, 2014.
4. “Power Plants are not Built on Spec,” American Public Power Association, 2014, 2.
5. “Petition for a Writ of Certiorari,” CPV Power Development, Inc., et al. v. PPL EnergyPlus, LLC, et al., February 11, 2015; “Petition for a
Writ of Certiorari,” Douglas R. M. Nazarian, et al., v. PPL EnergyPlus, LLC, et al., February 11, 2015.

4

I. BLURRED JURISDICTIONAL LINES
C. Demand Response
1. Court vacates FERC Order No. 745: Demand
Response is Retail, not Wholesale6
2. Bigger threat: Capacity Markets
3. Petition to appeal at U.S. Supreme Court is
pending7

6. Electric Supply Ass’n v. FERC, No. 11-1486, et al.
7. “Petition for a Writ of Certiorari,” Federal Energy Regulatory Commission vs. Electric Power Supply Association, et al.
5

I. BLURRED JURISDICTIONAL LINES
D. Sales from Distributed Generation
1. Existing policy: FERC oversees all, unless from
QFs
2. Challenge: What if intrastate?8

E. Environmental Dispatch
1.
2.
3.
4.

Clean Power Plan: Pricing carbon?
FERC Just and Reasonable Standard
Early chatter is positive
State collaboration encouraged

8. Frank R. Lindh, Thomas W. Bone, Jr., “State Jurisdiction over Distributed Generators,” Energy Law Journal, Volume 34,
No. 2, December 16, 2013.
6

II. UPDATE ON THE CHANGING
ELECTRIC SECTOR BUSINESS MODEL
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II. UPDATE ON THE CHANGING
ELECTRIC SECTOR BUSINESS MODEL

A. Summary (update)
1. No conclusive evidence that widespread
decentralization is imminent
2. “Intelligent chatter” about constructive steps
3. But also some pushback

7

II. UPDATE ON THE CHANGING
ELECTRIC SECTOR BUSINESS MODEL
B. Cost Reductions in Decentralized Tech
1. Solar PV
a. Solar City: $1.20/watt target9
b. Berkeley Labs10

9. Bullis, “Solar City and Tesla Hatch a Plan to Lower the Cost of Solar Power,” MIT Technology Review, September 19,
2014.
10. Lawrence Berkeley National Laboratory, Tracking the Sun VII, September 2014, p. 13.

8

II. UPDATE ON THE CHANGING
ELECTRIC SECTOR BUSINESS MODEL

C. Private Innovation: New Decentralized
Business Models
1. Distributed Solar
2. Virtual Power Plants

9

II. UPDATE ON THE CHANGING
ELECTRIC SECTOR BUSINESS MODEL

D. Financial Pressure on Utilities
In the 100+ year history of the electric utility industry, there has never before
been a truly cost-competitive substitute available for grid power. We believe that
solar + storage could reconfigure the organization and regulation of the electric
power business over the coming decade. We see near-term risks to credit from
regulators and utilities falling behind the solar + storage adoption curve and longterm risks from a comprehensive re-imagining of the role utilities play in
providing electric power.

-Barclays, May 201411

11. Michael Aneiro, “Barclays Downgrades Electric Utility Bonds, Sees Viable Solar Competition,” Barron’s Income
Investing, May 23, 2014.
10

II. UPDATE ON THE CHANGING
ELECTRIC SECTOR BUSINESS MODEL

E. Regulatory Initiatives
1. New York PSC’s “Reforming the Energy Vision”
initiative
a. Utility as “ISO” for distributed resources

11

III. FRAMEWORK FOR EVALUATING
TRANSMISSION INVESTMENTS
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III. FRAMEWORK FOR EVALUATING
TRANSMISSION INVESTMENTS
A. One of Board’s most important roles
1. NTCs: $1.52 billion (2012); $1.64 billion
(2013); $1.48 billion (2014)12

B. Five different, disparate issues
1. Customer pushback
2. Reliability benefits
3. Decentralized alternatives

12. Southwest Power Pool, “2013 SPP Transmission Expansion Plan Report,” January 29, 2013, Southwest Power Pool,
“2014 SPP Transmission Expansion Plan Report,” January 6, 2014, Southwest Power Pool, “2015 SPP Transmission
Expansion Plan Report,” January 5, 2015.
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III. FRAMEWORK FOR EVALUATING
TRANSMISSION INVESTMENTS
C. Customer Pushback
1. PSE&G “Energy Strong”
2. GE Digital Energy: Just 38% would spend
$10/month more to ensure reliability13

D. Reliability Benefits
1. Value of Lost Load
2. Cost of U.S. outages: $20 billion to $150
billion/year14
13. GE Digital Energy, “Grid Resiliency Survey,” August 14, 2014.
14. Johannes Pfeifenberger, “Reliability and Economics: Separate Realities or Part of the Same Continuum?,” The Brattle
Group, Presented to the Harvard Electricity Policy Group, December 1, 2011.
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III. FRAMEWORK FOR EVALUATING
TRANSMISSION INVESTMENTS
E. Decentralized Alternatives
1. Microgrid, storage, PV success stories
2. Comparability
3. Public Policy Dependence

14

IV. WIND (AND SOLAR) EXPORTS
FROM SPP’S FOOTPRINT
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IV. WIND (AND SOLAR) EXPORTS
FROM SPP’S FOOTPRINT
A. Purpose: Exploring additional exports of
wind (and solar) power, especially to
southeast
1.
2.
3.
4.

Supply
Demand
Transport
Next Steps
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IV. WIND (AND SOLAR) EXPORTS
FROM SPP’S FOOTPRINT
B. Supply: SPP the “Saudi Arabia” of wind

16

IV. WIND (AND SOLAR) EXPORTS
FROM SPP’S FOOTPRINT
B. Supply: Substantial Solar
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IV. WIND (AND SOLAR) EXPORTS
FROM SPP’S FOOTPRINT
C. Demand
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IV. WIND (AND SOLAR) EXPORTS
FROM SPP’S FOOTPRINT
C. Demand
1. Economics
a. PTC-wind PPAs averaged 2.1 cents per kWh (or
$21/MWh) in 201315
b. Reliant on PTC
c. Must consider cost of transport, risk
d. Diversity Benefits: IHS estimates $93 billion/year

15. “2013 Wind PPA Prices In U.S. Interior Averaged 2.1 Cents/kWh (Windpower 2014),” Clean Technica, May 8, 2014.
19

IV. WIND (AND SOLAR) EXPORTS
FROM SPP’S FOOTPRINT
D. Transport
1. AC Expansion
a.
b.
c.
d.

Reliability Benefits
Existing SPP processes
Expensive
Interregional Coordination

2. HVDC
1. Cleaner cost allocation, system impacts
2. Expensive, difficult to permit
20

IV. WIND (AND SOLAR) EXPORTS
FROM SPP’S FOOTPRINT
E. Next Steps
1. Consider SPP value proposition
a. Lower LMPs, Jobs, Reliability

2. Consider Target Market
a. Southeast ready to diversify after clean coal, nuke?

3. If still interested, consider hosting expo
a. Developers pay, present
b. Utilities, regulators, legislators attend

4. Work with neighbors on interregional planning
21

V. EPA’S CONTINUED
ENVIRONMENTAL CAMPAIGN
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V. EPA’S CONTINUED
ENVIRONMENTAL CAMPAIGN
A. Future of coal-fired generation being
driven by four primary EPA regulations
1. CSAPR, MATS, 316(b), and CCR
2. GAO: one-third of all coal plant capacity to
be retired or retrofitted16

16. According to the GAO report in 2012, there was 309,680 MW of coal-fired capacity. EPA Regulations and Electricity: Update on
Agencies’ Monitoring Efforts and Coal-Fueled Generating Unit Retirements, GAO, August 2014, 5, 15.
22

V. EPA’S CONTINUED
ENVIRONMENTAL CAMPAIGN
B. Clean Power Plan will pressure coal even
more
1. 30% reduction in CO2 emissions from power
sector17
2. Applies to both existing and new power plants
3. NERC study estimates between 108 and 134
GW in capacity reductions18

17. Overview of the Clean Power Plan: Cutting Carbon Pollution from Power Plants, U.S. Environmental Protection Agency, June 2014.
18. Potential Reliability Impacts of EPA’s Proposed Clean Power Plan: Initial Reliability Review, NERC, November 2014, 2.
23

V. EPA’S CONTINUED
ENVIRONMENTAL CAMPAIGN
C. Clean Power Plan: Regional vs. state-bystate compliance
1. MISO: Regional approach saves $3 billion19
2. PJM: State-by-state compliance more expensive
in 2020 - $45 billion vs $35 billion20

19. GHG Regulation Impact Analysis – Initial Study Results, MISO, September 17, 2014.
20. Sotkiewicz and Abdur-Rahman, EPA’s Clean Power Plan Proposal Review of PJM Analyses Preliminary Results, PJM,
November 17, 2014, 56.
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VI. THE SHALE GAS REVOLUTION
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VI. THE SHALE GAS REVOLUTION
A. No slowdown in momentum in near-term:
1. Shale gas production grew six-fold from 2007 to
2013, with total production of natural gas
increasing by 22% in same period21
2. Shale gas was 40% of total natural gas extracted in
201322
3. Total proved natural gas reserves grew 80% from
2003 to 2013, with shale gas reserves accounting
for 45% of total proved reserves in 201323

21. EIA, Natural Gas Gross Withdrawals and Production, release date February 27, 2015.
22. Ibid.
23. EIA, U.S. Crude Oil and Natural Gas Proved Reserves, Table 8, released December 4, 2014.
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VI. THE SHALE GAS REVOLUTION
4. Natural gas prices in 2015 remain historically low
around $3/MMBtu24
Henry Hub Natural Gas Spot Price ($/MMBtu)

1997
1998
1999
2000
2001
2002
2003
2004
2005
2006
2007
2008
2009
2010
2011
2012
2013
2014
2015

$20
$18
$16
$14
$12
$10
$8
$6
$4
$2
$0

24. EIA, Henry Hub Natural Gas Spot Price, release date March 11, 2015.
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VI. THE SHALE GAS REVOLUTION
5. EIA forecasts natural gas will account for 35% of
electricity generation in 2040, up from 30% in 201225
Electricity Generation by Fuel in EIA’s 2014 Annual Energy Outlook
Reference Case (billion MWh)26

25. 2014 EIA Annual Energy Outlook, Table A8.
26. EIA Annual Energy Outlook 2014, MT-16.
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VI. THE SHALE GAS REVOLUTION
B. Uncertainty for the long-term
1. Below-ground risks
a.

EIA projects shale gas production growth to continue, but forecast
natural gas prices increasing at 2.9% (in real terms) annually27

b.

Expert studies are skeptical about EIA’s estimate of reserves,
production, and technological innovation

27. EIA, Annual Energy Outlook 2014, April 2014 (2014 EIA Annual Energy Outlook), MT-21.
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VI. THE SHALE GAS REVOLUTION
2. Above-ground risks
a.

New York’s ban on hydraulic fracturing

b.

Oklahoma Supreme Court case on liability for man-made
earthquakes

c.

Potential for significant LNG exports

29

VII. PHYSICAL GRID SECURITY
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VII. PHYSICAL GRID SECURITY
A. Two important events led to nation-wide

debate about grid vulnerabilities
1. 2013 high-profile sabotage of PG&E’s substation
2. Leaked FERC analysis shows “coast-to-coast
blackout” possible from multiple substation
attacks28

28. Paul W. Parfomak, Physical Security of the U.S. Power Grid: High –Voltage Transformer Substations, Congressional
Research Service, June 17, 2014, 6.
30

VII. PHYSICAL GRID SECURITY
B. Resiliency may be better solution than
physical hardening
1. Other threats more likely to occur with equal or
greater impact (e.g. storms, earthquakes)
2. Investments to allow an alternative route of power

31

VIII. SMART GRID
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VIII. SMART GRID
A. Recent surge in smart grid investment
1. $18 billion spent on smart grid technologies from 2010
to 2013 with nearly half from federal funding
2. Mostly directed to advanced metering infrastructure
Historical and Projected U.S. Smart Grid Investment29

29. U.S. Department of Energy, 2014 Smart Grid System Report, August 2014, 3.
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VIII. SMART GRID
B. AMI provides benefits via two-way and

real-time communications
1. Reduce peak demand, and potentially, defer new
capacity needs
2. Example: OG&E will roll out time-based rate
program to 20% of customers with aim to defer
investment of 170 MW of power plant capacity30

30. United States Department of Energy, Demand Response Defers Investment in New Power Plants in Oklahoma, April
2013.
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VIII. SMART GRID
C. Can industry maintain momentum?
1. Federal funding ends in 2015
2. Cybersecurity issues

34
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– TWG
 2016 ITPNT Scope

– Stakeholder Prioritization TF
– Transmission Planning
Improvement TF
– Regional Cost Allocation Review
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Action Items

3

MWG

4

Summary – Phase 1 Mitigated Offer Design
•

SPP Board of Directors rejected Mitigated Offer changes
(MPRR 197) on 12/9/2014
–

•

Directed MOPC to develop Mitigated Offer changes that
were supported by a broader scope of members and
MMU

MOPC formed the Mitigated Offer Strike Team (MOST)
–

Members of this team represent two conflicting
Mitigated Offer approaches


VOM Cost Clarification (MPRR 197)



Default VOM (MPRR 213)

5

Strike Team Proposal to MOPC (Phase 1)
•

Default VOM used as for Phase 1 solution

•

Tariff should also include:
–

Specific process for default VOM calculation

–

Additional language on cost based rate calculation

–

Define process for requesting reference levels above
default levels

–

Define an adder that allows recovery of other costs for
Frequently Mitigated Resource

6

Strike Team Proposal to MOPC
•

•

MOPC asked to endorse the further development of the
Strike Team design approach, with the April MOPC
meeting as the target for completion.
–

Phase 1 Revision Requests and Impact Studies, and

–

Phase 2 market related solutions added

MOPC approved Strike Team proposal on 1/13/2015

7

Summary of Cost Based Design
•

Table of Default VOM values calculated by MMU
–

–

•

MP must use a VOM cost less than or equal to Default
VOM to develop their Mitigated Offers unless they
request Resource specific VOM cost
Default VOM values reviewed annually with MWG

Resource specific VOM values may be used
–

MPs must submit VOM cost data to MMU for review and
approval

–

Cost component language includes examples of FERC
accounts

8

Summary of Cost Based Design
•

Frequently Mitigated Resources (FMRs) Adder
–

MP must submit required cost data to MMU for review
and approval, if MP wants FMR Adder


–

Must meet market power percentage thresholds


–

•

FMR eligible cost data more inclusive than VOM cost data
MMU/SPP monitors and notifies MP when threshold met

Revenue must be less than Annual Avoidable Cost


Revenues and cost are based on a rolling 12-month basis



Determined by MMU based on MP supplied cost information

SPP and MMU to review root cause and report
findings to MWG

9

Interim Mitigated Offer Process Summary
Default
VOM?

Start

Yes

Cost
Based
Offer

AAC Data
Submitted?

No

No

Cost Based
VOM
Approved?

No

Yes

Eligible for FMR Adder?
Cost
Recovery

No

Mitigation
Level

Yes

Yes
Fuel Price
& Heat
Rate

Apply FMR
Adder to CB
Offer
MP Submits
Mitigated
Offer

MP Requested
Cost Recovery
Analysis?

Report
Root Cause
to MWG

10

Other RTO/ISO Activity
Feature
Cost based VOM
Default VOM
(by fuel type)
Annual Avoidable
Cost
FMR Adder

PJM

MISO
X

ERCOT NYISO CAISO ISONE
X

X

X
X

X

X
X

X

11

Revision Request 69 – Impact Analysis
•

Estimated Cost: $220,000 implementation cost and an
annual fee of $75,000 for maintaining the system
–

•

Estimated Duration: 5 months
–

•

Cost is rough order of magnitude estimate, ~ +/- 50%
Duration is rough order of magnitude estimate, ~ +/- 50%

Impacted Systems: Market Monitoring Data Depository
(MMDD)
–

Addition of a new module to the MMDD to accommodate
entry of data by Market Participants who have requested the
FMR Adder.
12

MMU Presentation

13

RR69 Variable O&M
•

Working Group Voting Results
–

MWG rejected 3/16/2015


–

RTWG approved 4/2/2015


–

•

Eleven oppositions and two abstentions
One abstentions

ORWG rejected 4/2/2015

MOPC recommends BOD approve RR69
–

Two opposed (Golden Spread, Exelon), and four
abstentions (ITC Great Plains, OGE, OGE Transmission,
NPPD)
14

Phase 2 Philosophy
• Phase 1 Mitigated Offer is cost based
• Phase 2 adds market based values to Phase
1 design

Summary of Final Design
•

SPP MMU will calculate Reference Prices for use in
mitigation:

–

Method 1 - Resource Specific Offer Based

–

Method 2 - LMP Based

–

Method 3 - Cost Based

–

Final Resource specific Reference Price criteria needs to
be determined

–

MPs no longer submit Mitigated Offers


•

Final Reference Price is automatically applied by MMU

FMR Adder and Backstop Process
16

Method 1 - Resource Specific Offer Based
•

Calculated for Resources with sufficient cleared
competitive offers over a rolling 90-day period
–

Competitive offers are cleared Resource Offers for
which the Resource has no significant impact on any
constraints

•

Calculated as Mean or Median of that Resource’s
cleared and dispatched competitive offers over
previous 90-day period.

•

Both DA Market and RTBM Offers are used

•

Adjusted daily for fuel price changes
17

Method 2 - LMP Based
•

Calculated as Mean of LMP for lowest priced 25% of
the hours the Resource was dispatched over previous
90-day period on a rolling basis.

•

Adjustments allowed daily for fuel price changes

18

Method 3 – Cost Based
•

Same method as Phase 1 Mitigated Offers

•

MMU calculates and submits the values
–

Original design and Phase 1 Mitigated Offers were
calculated by the Market Participant

–

MMU was required to shadow the calculations

–

MMU calculation could override the Market Participant
calculation

–

Current process results in both Market Participant and
MMU needing to calculate the Mitigated Offer

19

Final Mitigated Offer Process Summary
Default
VOM?

Yes

Cost
Based Ref
Level

ACR Data
Submitted?

No

No

No

Cost Based
VOM
Approved?

LMP
Based Ref
Level?

No

Yes

Eligible for FMR Adder?
Cost
Recovery

No

Mitigation
Level

Yes

Yes
Fuel Price
& Heat
Rate
Yes

Apply FMR
Adder to CB
Ref. Level
SPP Posts
Ref. Level

No
Offer
Based Ref
Level?

Yes

MP Requested
Cost Recovery
Analysis?

Report
Root Cause
to MWG

Start
20

Rough Impact Assessment
•

The following costs are not final

•

Development Cost
–

•

•

Rough estimate of $1,500,000 to $2,000,000

SPP Staffing
–

4.5 additional SPP Staff

–

Cost: $652,500

Cost and staffing is dependent on whether or not the
solution is vendor-hosted or SPP-hosted

21

RR49_MPRR 236 Short-Term Reliability Unit
Commitment
•

Background:

–

SPP proposed a Short-Term RUC study




•

•

Included in the Intra-Day RUC processes
– Study window of 3 hours and 15-minute interval duration
– Solves in 5-10 minutes
Purpose is to recommend commitments and extensions with more granularity
than 1 hour and reduce number of real-time manual commitments

RR49_MPRR 236 proposes to:
–

Remove the language that defines Intra-Day RUC studies using MTLF
exclusively and STLF being exclusively used by RTBM

–

Remove the constraint on Intra-Day RUC studies to use hourly
commitment time blocks

Impact Analysis:
–

$334,542 and 7 months to complete, with an estimated ROM of +/50%
22

RR49_MPRR 236 Short-Term Reliability Unit
Commitment
•

Working Group Voting Results
–

MWG approved 3/17/2015


–

RTWG approved 3/25/2015


–

•

Two oppositions and four abstentions
One opposition and three abstentions

ORWG unanimously approved 4/2/2015

MOPC recommends BOD approve RR49_MPRR 236
–

Two opposed (Golden Spread, NPPD) and four
abstentions (ITC Great Plains, CUS, Dogwood, Midwest
Gen)
23

Marketplace Revision Requests’ Dollar Impact
• Approved Revision Requests with system changes
addressing enhancements/defects
RRs - MPRRs
RR6_MPRR151
RR14_MPRR182
RR16_MPRR190
RR17_MPRR191
RR18_MPRR196
RR34_MPRR221
RR35_MPRR222
RR25_MPRR211
RR46_MPRR233
RR49_MPRR236
RR53_MPRR240

Estimated Cost MWG Approval Date Estimated Implementation
$ 29,341.00
7/22/2014
Qtr 2, 2015
$ 77,200.00
5/20/2014
Qtr 2, 2015
$
4,000.00
8/19/2014
Qtr 1, 2016
$ 124,285.00
7/22/2014
Qtr 2, 2015
$ 51,131.00
10/21/2014
Qtr 1, 2016
$ 332,000.00
12/16/2014
Qtr 3, 2015
$ 15,813.00
12/17/2014
Qtr 2, 2015
$
4,400.00
2/10/2015
TBD
$ 33,044.00
2/10/2015
TBD
$ 334,542.00
3/17/2015
TBD
$ 15,040.00
4/1/2015
TBD
$ 1,020,796.00
Total
24

ESWG
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Introduction – Lanny Nickell
•

In October 2014, the SPP BOD directed SPP “For the
three year planning cycle commencing in January
2015… request a waiver from FERC of 1) the
requirements to perform the ITP20 and 2) the timing
requirements related to the ITP10 to permit SPP to
commence the ITP10 in January 2015, to be completed
no later than January 2017.”
–

•

EPA Clean Power Plan section 111(d) impacts,
nationwide 30% reduction of C02 by 2030, final rule
expected June, 2015

ESWG has discussed how to approach the scope and
timeline for the next 2017 ITP10
26

PROCESS
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ESWG Proposed Scope Process Summary
•

•

Propose an expanded set of potential scenarios/drivers
–

MOPC/SPC provided feedback in January meetings

–

Narrowed down to four proposed futures for the April MOPC
Meeting

–

Remaining scope details finalized in July 2015

Phased approach
–

Phase 1: discussed multitude of potential
scenarios/drivers

–

Phase 2: reduced list by ranking of occurrence/impact

–

Phase 3: propose set of futures around drivers
28

Proposed Futures
•

Four futures driven by EPA Clean Power Plan Section
111(d) impacts

•

Future 1
–

•

Future 2
–

•

State Level Clean Power Plan solution

Future 3
–

•

Regional Clean Power Plan solution

No Clean Power Plan solution incorporated

Future 4
–

Clean Power Plan ‘Extreme Case’

29

Future 1 – Regional Clean Power Plan Solution
Assumes that the EPA Clean Power Plan will be
implemented at a Regional level by meeting
emissions targets within the SPP footprint.
Additional significant features include:
– Competitive Wind (Sub $24/MWh prices)
– High availability of natural gas due to hydraulic
fracturing (fracking)
– Large scale solar generation development
– Load growth as expected
30

Future 2 – State Level Clean Power Plan Solution
Assumes that the EPA Clean Power Plan will be
implemented at a State level under the following
conditions:
– Each state has its own compliance plan and each
utility meets the EPA determined emission rate
– Competitive Wind (Sub $24/MWh prices)
– High availability of natural gas due to hydraulic
fracturing
– Large scale solar generation development
– Load growth as expected

31

Future 3 – No Clean Power Plan Solution
Assumes that the EPA Clean Power Plan is not
implemented, and also assumes the following
significant features:
– Competitive Wind (Sub $24/MWh prices)
– High availability of natural gas due to hydraulic
fracturing (fracking)
– A mix of large-scale solar generation
development along with smaller scale solar
generation methods such as rooftop
– Increased load growth (ESWG Recommendation)
– Normal load growth (MOPC Recommendation)

32

Future 4 – Clean Power Plan ‘Extreme Case’
Assumes Clean Power Plan is implemented in a manner that
the current electrical grid is least prepared including:
– Onerous Carbon Tax
– Enhanced metric for retiring generating units (age, size)
– Loss of Production Tax Credit, resulting in higher wind
prices
– Lower availability of natural gas due to hydraulic
fracturing (fracking) regulation
– A higher number of Large Scale Solar generators
– Decreased load growth
– MOPC recommended cutting this future

33

Futures Development – Key Drivers
Driver

Regional CPP

State CPP

No CPP

Extreme Case

CPP Disposition

Regional compliance

State Compliance

No CPP Appoved

CPP approved

Competitive Wind

Yes

Yes

Yes

No PTC,
Higher Wind Prices

High

High

Low
Large Scale
Decreased

NG Supply Due to Fracking High
Solar Development
(Substantial)

Large Scale

Large Scale

Mix of Large Scale and
Roof Top

Load Growth

As Expected

As Expected

Increased (ESWG)
Normal (MOPC)
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Recommendations
•

ESWG Presented 4 futures to MOPC showing that F1F3 (Regional 111D, State 111D, no 111D) are higher
priority as recommended by ESWG. Also, recommend
the low load growth and low gas supply drivers from
F4 as a sensitivity in F3 should F4 be eliminated.

•

ESWG has not yet substantially discussed how these
futures would be utilized to construct a recommended
portfolio.

•

MOPC voted to approve Futures 1, 2, &3 and change
the load growth to normal on Future 3.
35

TIMELINE
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2017 ITP10 Scope Timeline
OCT

NOV

DEC

JAN

FEB

MAR

APR

MAY

JUN

ESWG & TWG propose multiple 13
futures (for MOPC & SPC)

ESWG & SPC
narrow futures 14

Remaining Scope Details

Working Group/Task Force Approval

Member Review/Feedback Period

Milestone Period
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STAFF

38

AGGREGATE STUDY WAIVER
REQUEST
39

Summary
•

Transmission Service Request 80912733
•

Western Farmers Electric Cooperative (WFEC)

•

Aggregate Study 2015-AG1

•

Requested Capacity: 100 MW

•

New wind resource

•

Requested Term: 19.75 years (9/1/2015 – 6/1/2035)

•

Transmission service request is not eligible for Base Plan funding under
Attachment J because the wind/load ratio exceeds 20% in the first year.

•

The wind/load ratio for this request is 25% in the first year, and
remains above 20% through 2025.

•

Waiver request must be presented to SPP Board at the regular April
meeting in order to meet the 120-day (July 3) tariff deadline.
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20% Wind/Load Ratio Background
SPP’s April 24, 2009 filing letter in Docket ER09-1039: Part III.C
•

Limit recognizes the operational challenges of integrating large
amounts of intermittent generation, such as wind, into the SPP
transmission system.

•

The Commission previously has recognized SPP's need to safeguard its
ability to reliably serve load by imposing limits on the amount of
generation that can be injected into the SPP transmission system.

•

CAWG suggested a 20% limit that was subsequently endorsed by the
RSC.

•

This is consistent with the Renewable Portfolio Standards requirements
that have been adopted within SPP's region.

41

WFEC View of 20% Limit
•

Changes since the 20% limit was approved
–

The SPP Integrated Marketplace has demonstrated its
ability to balance generation-to-load control.

–

IM protocols require all new intermittent resources to
be dispatchable (DVER).

–

Generator Interconnection Agreement provisions now
require power factor to be maintained within +/- 95%

•

Any operational challenges will exist even if the wind
farm does not gain DR status.

•

20% limit is arbitrary and WFEC exceeds the ratio only
slightly.
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Customer Support for Waiver Request
WFEC cites the following points in support of its request for
waiver of the eligibility requirements:
1. SPP OATT Attachment J Section III.C.2.i, which states that
one factor to be considered in evaluating waiver requests
is:
“There are insufficient competitive resource alternatives for
one or more Transmission Customers”
“Intermittent resources continue to be a less costly energy
alternative to fossil fuel power plant construction while providing
some level of capacity as well.”
2. Power Purchase Agreement covers a term of 20 years—“much
longer than the required 5-year minimum.”
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Customer Support for Waiver Request, cont.
3. Commitment to renewable energy and a diversified
portfolio supports delivery of wind generation into the SPP
region.
4. Commitment lessens WFEC’s carbon emissions in the wake
of more EPA regulations.
5. WFEC’s projected future load growth is substantial. Oil and
gas industry continues to increase in WFEC area.
6. Load growth will decrease the wind/load ratio below 20%
in near future.
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SPP Staff Analysis
•

Insufficient Competitive Resource Alternatives
–

The Attachment J consideration for “insufficient competitive
resource alternatives” implies that there may be a basis for waiving
the requirement when this situation exists.

–

In order to reach this conclusion, the customer should be able to
demonstrate that either there are no alternatives, or the
alternatives that exist are not competitive.

–

The customer states that the resource has economic advantages
over other alternatives and would bring regulatory and
environmental benefits.

–

These advantages don’t by themselves support a finding that there
are insufficient competitive resource alternatives.
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SPP Staff Analysis
•

The 20% wind/load ratio limit
–

Limits the costs borne by SPP ratepayers to support
integration of resources that have both operational
challenges and limited value as a capacity resource.

–

Recommended by CAWG and approved by RSC.

–

Customer’s existing wind DRs result in a wind/load ratio
of 19%. With this request, the ratio would increase to
25% in the first year. It would remain above 20%
through at least 2025.

–

No compelling reason to waive the 20% requirement in
this specific case.
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Options for Customer
•

Proceed with waiver request to MOPC and BOD

•

Proceed with study without waiver and either:

•

–

Un-designate existing resources to meet the
requirement

–

Withdraw if substantial costs are allocated

–

Accept any directly assigned upgrade costs


Receive revenue credits, or



Pursue incremental LTCR for upgrades

Withdraw from study process and request designation
in future when the situation changes
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SPP Staff Recommendation
•

SPP Staff Recommendation
SPP Staff recommends that the waiver not be approved.
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WALKEMEYER - N. LIBERAL REEVALUATION
49

Overview
•

Walkemeyer – N. Liberal 115 kV line Re-evaluation
–

Background

–

Planning Guide

–

Quantitative Analysis


Reliability



Economic

–

Qualitative Considerations

–

MOPC Review

–

Recommendation to Board
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Background
•

•
•

January: BOD approved the 2015 ITPNT & 2015 ITP10 as
presented, while requesting a re-evaluation of the 21 mile
115 kV line from Walkemeyer – North Liberal and
associated projects
In response to Sunflower’s suggestion that redispatch of
existing generation in the area could mitigate the need
Projects being re-evaluated included:
–

–

Hitchland - Finney tap, transformer, one-mile line, and new
substation (Phase 1)


2014 E&C Costs = $17.8 M



Recommended by 2015 ITPNT with In-Service Date of 2018

21-mile Walkemeyer to North Liberal 115 kV line (Phase 2)


2014 E&C Costs = $17.5 M



Recommended by 2015 ITP10 with In-Service Date of 2019

Proposed Planning Guide
•

Sunflower provided a new planning guide requesting
58 MW of support from CRS for this re-evaluation

•

Use when load level in the area reaches value where
potential violations (thermal or voltage) begin
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Projects Located in Southwestern Kansas

Phase 1
CR1 & CR2 (CRS)
Cimarron River Sta.

Phase 2
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Analysis
•

•

Quantitative
–

Reliability of planning guide vs. transmission expansion

–

Economics of planning guide vs. transmission expansion

Qualitative Reliability Considerations
–

Generation unit specific characteristics

–

Appropriateness of Reliability Must-Run (RMR) solution
to address long-term planning needs
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Reliability Analysis
•

Began with ITP10 models for 2024 SP Future 1

•

Applied each solution to the base models

•

Performed N-1 Contingency Analysis for each solution

•

Determined system needs resolved and unresolved by
each solution
–

Thermal needs

–

Voltage needs
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Options Evaluated and Reliability Results
In-Service
Date

•
•

Option 1

Option 2

Option 3

2018

Phase 1 Upgrades:
345/115 kV transformer, 1
mile 115 kV line, new
substation

Phase 1 Upgrades:
345/115 kV transformer, 1
mile 115 kV line, new
substation

Dispatch CR1 & CR2
at 58 MW

2019

Dispatch of CR1 & CR2 as
needed

Phase 2 Upgrade: 21 mile
115 kV Line

All Options solve all Thermal and Voltage Violations
Estimated longevity of Voltage Violations mitigation*
–
–
–

Option 1 ≈ Until 2045
Option 2 ≈ Until 2069
Option 3 ≈ Until 2029

*Assumptions: 0.88% annual load growth, constant P-Q ratio
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Economic Analysis – Option 1
• Transmission cost includes ATRR for Phase 1 beginning in
2019 and Phase 2 beginning in 2030
• CRS dispatch needed for ~40 hours across 45 days (2024)
• Phase 2 of project in-service upon CRS retirement

• Phase 1 is Walkemeyer tap,
transformer, one-mile line, new
substation
• Redispatch cost is increase in
Adjusted Production Cost (APC)
from the dispatch of CRS
• Phase 2 is 21-mile Walkemeyer
to North Liberal 115 kV line
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Economic Analysis – Option 2
• Transmission cost includes ATRR for Phase 1 and Phase 2
beginning in 2019
• No dispatch from CRS needed
• CRS retirement does not affect Option 2

Option 2 includes Walkemeyer
tap, transformer, one-mile line,
new substation, and 21-mile line
from Walkemeyer Tap to North
Liberal
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Economic Analysis – Option 3
• Transmission cost includes ATRR for Phase 1 and Phase 2
beginning in 2030
• CRS dispatch needed for ~1000 hours across 184 days (2024)
• Both Phases 1 & 2 in-service upon CRS retirement

• Option 3 is the dispatch of CRS
at 58 MW
• Walkemeyer tap, transformer,
one-mile line, new substation,
and 21-mile line from
Walkemeyer Tap to North
Liberal in 2030
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Economic Analysis – All Options

60

Economic Analysis – All Options

Reliability Option

2015 Present Value

Option 1

$68,407,668

Option 2

$67,519,835

Option 3

$78,445,454
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Alternative Economic Analysis
•

Alternative Cost Calculation
–

Use 8% discount rate to bring deferred upgrades
associated with Options 1 and 3 back to 2015 dollars
Reliability Option

2015 Present Value

Option 1

$49,219,696

Option 2

$67,519,835

Option 3

$46,986,197
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Qualitative Analysis
•

•

Unit Specific Characteristics
–

45-50 years in service

–

Uncertain capacity availability after 2025

–

30 hour startup for CR1, 30 minute startup for CR2

Appropriateness of RMR generation solution to
address long-term planning needs
–

SPP staff believes that in general, RMR should only be
considered short term solutions

–

2015 ITP10 was performed so that transmission
solutions were preferred over RMR
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MOPC Review
•

Staff recommended NTCs be issued according to the
needs in the 2015 ITPNT and 2015 ITP10 performed in
accordance with the respective study scopes

•

Motion was to endorse staff’s recommendation

•

Motion failed with 63.8% in favor

•

MOPC did not propose an alternative
recommendation
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Recommendation to Board
•

Staff recommends construction of Phase 1 and Phase 2 of
the transmission project by 2018 and 2019, depicted as
Option 2 in SPP’s evaluations, because Option 2:
–
–
–
–

•

Best meets long-term system reliability needs
Does not conclusively cost more to ratepayers and clearly
minimizes reliability risk compared to the other options
Best assures compliance with the newly effective TPL-001-4
Reliability Standard
Was determined consistent with the manner in which the 2015
ITP10 was performed

Staff requests the Board issue NTCs for these upgrades
according to the needs in the 2015 ITPNT and 2015 ITP10,
performed in accordance with the respective study scopes
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Information

66

RTWG
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Z2 Crediting Project History
•

System complexities encountered as the project evolved

•

Challenges in establishing common understanding of
requirements and system functions

•

As a result of these issues, Staff reorganized the project
team and undertook comprehensive review of the
system requirements

•

Consultation with chairs of RTWG and Crediting Process
Task Force
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Current Project Status
• System development and testing were
temporarily suspended for requirements update
• Team requested an updated proposal from
original bidding vendor and compared timing
and cost with OATI’s
• Team recommended changing project
implementation in order to reduce the time to
complete the project
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Preliminary Revision of Project Schedule
Phase

Estimated Start

Estimated End

Functional Design

April 27, 2015

September 23, 2015

Technical Design

June 1, 2015

October 6, 2015

Development & Unit Test / FAT

June 29, 2015

November 24, 2015

Site Acceptance / Integration Test*

August 11, 2015

December 18, 2015

End-to-End Test*

December 28, 2015

January 13, 2016

Solution Deployment*

January 14, 2016

January 18, 2016

•

SPP Activities – implementation will provide remote development support only.

•

Note: The schedule may need to be revised based upon signing of the Task Order and changes
discovered during the functional design phase of the project
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Upcoming Steps for SPP Staff & Implementation
Partners
• Complete functional design, review, and approval
•

Update SPP’s business process and interface
development schedule

•

Provide member educational material

•

Update audit controls

•

Testing preparation
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Member Education
•

Educational sessions to be held from 9 a.m. to noon on
May 5 and May 6, 2015
–

Can be attended either in-person or by teleconference

–

Duplicate sessions for scheduling convenience. The same
material to be covered in each.

•

Sign-up available through the link emailed to the MOPC
exploder on April 6. Links also provided to the RTWG,
CWG, and CAWG.

•

Materials from the conference will be used to create
computer-based education for future reference
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Individual Company Meetings
•

Companies may schedule a meeting with SPP to discuss
upgrades for which they paid directly assigned cost

•

Information that can be provided include cost and
impacts on the upgrades

•

A forecast of credits will not be provided. Accurate
credit calculation is dependent on the Z2 software
system under development

•

Limited number of in-person meetings can be
scheduled on the afternoons of May 5 and 6

•

Meetings can be scheduled at other times using RMS
and can be either in-person or by teleconference
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TWG
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Ensuring a reliable tomorrow

2016 ITPNT Scope
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2016 ITPNT Scope
•

Study scope similar to previous ITPNT assessments

•

Study years: 2017 – 2020

•

Enhancements
–

CBA scenario equal to Scenario 0 & 5

–

Improved wind dispatch in CBA scenario

–

Integrated System (IS) will be included as a member

–

NERC TPL-001-4 reliability standard informational analysis

–

Posting of short term reliability needs

–

Improved coordination with neighboring systems by
mirroring input and review processes used with SPP
members
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2016 ITPNT Schedule
Item

Approval By

Start Date

Completion Date

Scoping

TWG

November 2014

March 2015

Model Development (S0, S5 & CBA)

TWG

March 2015

September 2015

Reliability Assessment

TWG

May 2015

September 2015

DPP Response Window

TWG

September 2015

October 2015

Solution Development

TWG

October 2015

November 2015

Final Reliability Assessment

TWG

Review report*

TWG

February 2016

March 2016

Final report with recommended
Project Plan

TWG

February 2016

March 2016

March 2016

MOPC/BOD

* Short Term Reliability Posting Window comment period

April 2016
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Endorsement
•

The MOPC endorsed separately posting potential
violations identified using the NERC TPL-001-4
standard Table 1 planning events that do not allow for
non-consequential load loss or curtailment of firm
transmission service for informational purposes only
and a summary will be prepared for presentation to
the MOPC

•

The MOPC endorsed the 2016 ITPNT Scope, including
automatic recommendation of NTCs from the CBA
Scenario
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SPTF

79

TPITF
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Transmission Planning Improvement Task Force
• Purpose: Develop recommendations that will produce more

progressive, forward-thinking, regional planning processes
that are more responsive to the continued growth of SPP’s
transmission system, markets, challenges and opportunities
presented by changing federal and state energy and
environmental regulations, and NERC compliance
requirements.

• Representation:
– Brian Gedrich (Chairman), NextEra Energy

Jason Atwood (Vice-Chairman), NTEC

– Alan Myers, ITC Great Plains

Mo Awad, Westar Energy

– Bruce Cude, Xcel/SPS

John Krajewski, NE Power Review Board

– Adam McKinnie, Missouri PSC

Lloyd Kold, GSEC

– Steve Sanders, WAPA

Wayman Smith, AEP

– Antoine Lucas (Secretary) SPP
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Scope of Activities
• The methodologies and modeling practices used in the
Generator Interconnection Studies; Aggregate Transmission
Service Studies; Integrated Transmission Planning (Near
Term, 10, and 20), SPP TPL Compliance Assessments and the
MDWG model development process to ensure effectiveness,
consistency, and to determine if any gaps exist between the
various processes. Where appropriate, the TPITF will
collaborate with the SPP committees and working groups
involved in the development and approval process for SPP
planning.
• Utilization of data, including data collected by operations
that will benchmark, to the best ability, the real-time and
planning horizon assessments to ensure consistency in the
planning process.
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Scope of Activities (cont.)
• The appropriateness of the planning cycle and assessments,
including but not limited to, the effectiveness of using
production cost modeling in more assessments;
development, use, and weighting of futures, scenarios and
sensitivities; the metrics used to evaluate proposed projects,
in particular those that evaluate the impact on rate payers,
and planning the transmission system beyond the traditional
planning criteria of first contingency (“N-1”) in accordance
with the approved NERC Standard TPL-001-4.
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RARTF
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RARTF Update
• History of RCAR II
– Planned to be completed after 2015 ITP10; to include
ITP10 and ITPNT approved projects
– Utilize same models and assumptions
– RCAR I deficient zone projects studied as part of ITP10

• Stakeholder concerns
– After the completion of ITP10 stakeholders voiced
concerns over model accuracy
 KCPL decision on Montrose units
 EDE concerned over generation modeling
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RARTF Update
•

RARTF Action
–

Feb 27 – RARTF asked staff to look at options of
addressing stakeholder concerns of models

–

Mar 13 – Staff presented 3 options to RARTF for
consideration
1.

Continue RCAR II with 2015 ITP10 models and complete RCAR
II in July 2015

2.

Update 2015 ITP10 models with KCPL, EDE and other changes
and complete RCAR II in January 2016

3.

Delay current RCAR II using the 2015 ITP10 models and utilize
the models currently being built for the 2017 ITP10 and
complete RCAR II in July 2016.
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RARTF Update
•

In April 2014, MOPC and the RSC approved Lessons
Learned from RCAR I including:

•

Recommendation #5
–

That SPP staff utilize, to the maximum extent possible,
models used in the Integrated Transmission Plan 10-year
planning horizon assessment (ITP10) for RCAR II.
Conducting the ITP10 and RCAR II processes in parallel
should allow leveraging of models and promote
consistency and efficiency in the model vetting process.
This measure could reduce cost and help to eliminate
redundancy of efforts between SPP staff and
stakeholders.
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RARTF Update
•

Ultimately the RARTF voted for Option 3 and to delay
completion of the RCAR II until July 2016.
–

•

Lamar Davis (APSC) and Shari Albrecht (KCC) voted
against this motion

This delay will still allow for SPP to meet the “at least
every 3 years” requirement in the Tariff
–

RCAR I was completed in October 2013
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STAFF – HPILS NTC VALIDATION
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Load Update Directive
On April 29, 2014 the BOD approved the HPILS Report and
directed issuance of NTCs and NTC-Cs as shown in Appendix C
of the report. The BOD also directed,
“…the members in whose systems the additional HPILS loads
and assumed generation additions reside will provide updated
forecasts of these loads and generators prior to each
subsequent quarterly meeting of the SPP BOD, and in addition,
will notify the SPP staff immediately upon receipt of any
information that, in their judgment, would impact the need for
one or more of the previously issued NTCs.”
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HPILS Validation Process
•

•

Models compared
–

HPILS, MDWG Pass 4, MDWG Pass 6, & 2015 ITPNT

–

2014 through 2025

–

Evaluated on a bus-by-bus and area-by-area basis

Also comparing load reported in Network Integration
Transmission Service Agreements against planning
models
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HPILS Load Evaluation - BEPC
•

Compared currently available models with recent winter
peak load updates provided by BEPC
–
–
–

Midwest Reliability Organization (MRO) 2014 model
series loads that contains 2013 load forecasts for BEPC
Recent peak updates provided by BEPC show 200 MW of
increased load
Data not in 2015 MDWG final models but will be included
in the 2016 ITPNT

92

HPILS Unserved Load
•

SPS
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HPILS Unserved Load
•

•

MKEC Wheatland Electric Cooperative
–

Total 56 MW of unserved and near-term load growth in
Harper/Sumner County

–

Harper 138 kV projects will address

No other changes observed
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Bakken Developments
The AVS-Charlie Creek-Judson-Tande 345kV Project:
–

This Bakken project was re-evaluated by comparing
updated load forecast data submitted by the members
for the Williston Pocket with data in SPP’s newest
planning models

–

Load forecasts are showing steady growth at levels
higher than originally anticipated demonstrating that
these projects will still be needed
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Bakken Winter Load Evaluation, ND
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Generation Changes
•

Generation advancement
– No change

•

Generation retirements
– No change
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Conclusion
•

Most recent model update (2015 MDWG, Pass 6), NITS
loads, and member survey results show current HPILS
NTC’s are appropriate.

•

SPP Staff will continue to validate HPILS project needs
quarterly as directed by the BOD.
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Consent Agenda
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RR25_MPRR 211 Self-Commit Run Time Make
Whole Payment Exemption
•

Background:

–

–

•

•

When a Resource’s self-committed run time is less than it’s minimum
run time, it was unclear


to reduce the minimum run time to match the self-committed time; or



extend the self-commitment time to match the minimum run time

Current language is ambiguous on eligibility for make-whole payments
when a self-commitment is adjacent to economic commitments

RR25_MPRR 211 proposes to:
–

Change the rule to if a self-committed status is less than the Resource’s
min-run time, then min-run time will be the self-committed period

–

Add rules to say a Resource will be eligible for recovery of No-Load and
Energy when it is adjacent to a Commitment Status of Self

Impact Analysis:
–

$4,400 and 2 months to complete, with an estimated ROM of +/- 50%
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RR25_MPRR 211 Self-Commit Run Time Make
Whole Payment Exemption
•

Working Group Voting Results
–

MWG unanimously approved 2/10/2015

–

MWG unanimously approved impact analysis 3/17/2015

–

RTWG approved


–

•

One abstention

ORWG unanimously approved with no reliability impact
4/2/2015

MWG recommends MOPC approve RR25_MPRR 211
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RR43_MPRR 230 Cancelled Start Recovery
Eligibility
•

•

Background:
–

Eligibility rule for recovery of Start-Up Offer costs
associated with SPP cancelling needs to be clarified

–

If SPP cancels the commitment order prior to the start
of the Commitment Period, the Resource should be
eligible for Start-Up Offer recovery

RR43_MPRR 230 proposes to:
–

Clarify rules regarding eligibility recovery Start-Up Offer
costs

102

RR43_MPRR 230 Cancelled Start Recovery
Eligibility
•

•

Working Group Voting Results
–

MWG unanimously approved 1/20/2015

–

MWG unanimously approved SPP comments 2/10/2015

–

RTWG unanimously approved 2/26/2015

–

ORWG unanimously approved with no reliability impacts
3/4/2015

MWG recommends MOPC approve RR43_MPRR 230
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RR46_MPRR 233 Day-Ahead RUC Assessment
•

Background:
–

•

•

SPP’s current Reliability Unit Commitment processes do not
effectively handle the transition from one operating day to
the next

RR46_MPRR 233 proposes to:
–

Change the assessment timeframe for the Day-Ahead RUC
process

–

Make Day-Ahead RUC process more efficiently handle the
transition from the current day to the next operating day

Impact Analysis:
–

$33,044 and 7 months to complete, with an estimated ROM
of +/- 50%
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RR46_MPRR 233 Day-Ahead RUC Assessment
•

Working Group Voting Results
–

MWG unanimously approved 2/10/2015

–

MWG unanimously approved impact analysis 3/17/2015

–

RTWG approved 3/25/2015


–

•

One abstention

ORWG unanimously approved 4/2/2015

MWG recommends MOPC approve RR46_MPRR 233
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RR47_MPRR 234 Trading Hubs and Resource
Hubs
•

Background:

–
–

•

FERC Order ER13-1173-000 on 9/20/2013 rejected the Tariff
modifications that were in MPRR90
SPP believes that FERC rejected the language due to the lack
of clarification of the original MPRR versus an inappropriate
design concept

RR47_MPRR 234 proposes to:
–
–
–

Modify Tariff and Protocol language to meet the intent of the
MWG
Removes the term ‘Market Hub’ and use the specific Trading
or Resource hubs where necessary
The approval and posting rules are separately defined for
each hub type
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RR47_MPRR 234 Trading Hubs and Resource
Hubs
•

•

Working Group Voting Results
–

MWG unanimously approved 2/10/2015

–

RTWG unanimously approved with modifications
2/26/2015

–

ORWG unanimously approved with no reliability impact
3/4/2015

–

MWG unanimously approved RTWG’s modifications
3/17/2015

MWG recommends MOPC approve RR47_MPRR 234
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RR51_MPRR 238 Regulation Deployment
Clarification
•

•

Background:

–

Ramp sharing methodology allows for sharing between
Energy and Regulation Up or Down Service

–

AGC system deploys Regulation starting with the highest
priority

RR51_MPRR 238 proposes to:
–

Adds clarification language of Regulation-Down Service
to be included in Ramp Sharing

–

Updates the language to reflect that the AGC system
deploys Regulation starting with the highest priority
Resource
108

RR51_MPRR 238 Regulation Deployment
Clarification
•

Working Group Voting Results
–

MWG approved 3/18/2015


–

RTWG approved 3/25/2015


–

•

One abstention
Two abstentions

ORWG unanimously approved 4/2/2015

MWG recommends MOPC approve RR51_MPRR 238
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RR52_MPRR 239 Federal Service Exemption
Guidelines
•

•

Background:

–

MPRR 180 was written to allow FSEs to be exempted
from Congestion and Losses in the Day-Ahead Market

–

Upon further review of FSEs, more clarification was
needed to the FSE rules

RR52_MPRR 239 proposes to:
–

Clarifies the BSS rules for the FSEs


Resources must be offered and cleared in the DAMKT



FSE schedules must be submitted for all Federal Resources and
Statutory Load Obligations according to the rules in Section
4.5.3.2 of the Market Protocols
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RR52_MPRR 239 Federal Service Exemption
Guidelines
•

Working Group Voting Results
–

MWG unanimously approved 3/18/2015

–

RTWG approved with minor modifications 3/26/2015


–

•

One abstention

ORWG unanimously approved with no reliability impact
4/2/2015

MWG recommends MOPC approve RR52_MPRR 239
pending MWG’s review of RTWG minor modifications
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RR53_MPRR 240 Calibration Clarification with
Statutory Load
•

Background:

–
–
–

•

Real-Time Reported Meter Amount for Statutory Load Obligations
is based on the Day-Ahead committed Load and is not an actual
meter reading
There are no meter errors or calibration adjustments for Statutory
Load Obligations due to Federal requirements
Calibration will be applied to the remaining portion of the loads
that are not part of the Statutory Load Obligations

RR53_MPRR 240 proposes to:
Add language to exempt Statutory Load Obligations from the load
ratio share of Calibration
Impact Analysis:
– $15,040 and 4 months to complete, with an estimated ROM of +/50%
–

•
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RR53_MPRR 240 Calibration Clarification with
Statutory Load
•

Working Group Voting Results
–

MWG approved 4/1/2015


•

One opposition and four abstentions

–

ORWG will review on 4/17/2015

–

RTWG will review on 4/30/2015

MWG recommends MOPC approve RR53_MPRR 240
pending ORWG and RTWG review
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Southwest Power Pool, Inc.
Market and Operations Policy Committee
Recommendation to the Board of Directors
MPRR RR 69
April 28, 2015

Organizational Roster
The following members represent the Market Working Group:
Richard Ross, AEP, Chairman
Gene Anderson, OMPA, Vice Chairman
Shawn McBroom, OGE
Lee Anderson, Lincoln Electric System
Amber Metzker, Xcel Energy
Neal Daney, KMEA
Jim Flucke, KCPL
Clifford Franklin, Westar Energy, Inc.
Kevin Galke, City Utilities, Springfield, MO
Chris Lyons, Constellation Energy Commodities Group
Rick McCord, EDE
Matt Moore, Golden Spread Electric Cooperative
Aaron Rome, Midwest Energy, Inc.
Ann Scott, Tenaska Power Services Co.
Ron Thompson, NPPD
Bruce Walkup, AECC
Rick Yanovich, OPPD
Valerie Weigel, Basin Electric Power Co.
Background
Please see the MPRR Recommendation Report for RR 69 that was included in the MOPC April 14-15, 2015
background materials.
Analysis
Please see the RR Recommendation Report for RR 69 that was included in the MOPC April 14-15, 2014
background materials.
Recommendation
The MOPC recommends that the BOD approve its request regarding Marketplace Protocol Revision Requests.
Recommendation
The MOPC recommends that the BOD approve its request regarding Revision Requests.
Action Requested: Approval of MWG’s request on RR 69.
Att 9a_MWG RR69 Recommendations to BOD
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APPROVAL:

MOPC

April 14-15, 2015

Passed with 2 opposed-GSEC & Exelon Power and 4 abstentions-ITC Great Plains, OGE
Electric Services, OGE Transmission, and NPPD

RR_MPRR
Number

RR 69

Description

Mitigated Offer Variable
Operation and Maintenance
(VOM) Cost Calculation

Att 9a_MWG RR69 Recommendations to BOD

MWG Meeting
Vote

RTWG Meeting
Vote

ORWG Meeting
Vote

3/16/2015 – Motion to
approve (rejected)
TNSK and LES –
abstained
AEP, AECC, WR,
NPPD, Basin, CUS,
Xcel, EDE, Midwest,
GSEC and OGE opposed

4/2/2015 –
Approve with
modifications
GSEC - abstain

4/2/2015 –
Motion to reject
approved
LES – opposed
ITC and CUS abstain
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Revision Request Recommendation Report
RR #: 69

Date: 4-3-2015

RR Title: Mitigated Offer Variable Operation and Maintenance (VOM) Cost Calculation
SUBMITTER INFORMATION
Submitter Name: Richard Dillon on behalf of the Mitigated Offer Strike
Team (MOST)

Company: Southwest Power Pool

Email: rdillon@spp.org

Phone: 501-614-3228
OBJECTIVE OF REVISION

Objectives of Revision Request:
Explain why this Revision Request is needed and what will change as a result. Include benefits that will be realized from this
revision.
The current mitigated offer has had several unintended consequences. The mitigated offer does not have sufficient cost component
details to give appropriate direction for which costs should be included. Consequently, recovery of operating costs by owners of the
Resources is in question. Additionally, Resources that are primarily operated for reliability purposes may not be recovering costs to
continue operation. The Variable Operation and Maintenance (VOM) costs have been a component of the mitigated offer for which
the current design has been mostly under question.
This Revision Request is needed because the current market design does not allow Market Participants the opportunity to submit all
of the Variable Operation and Maintenance (VOM) costs for their Resources in their Mitigated Offer. The benefit of this Revision
Request is that it establishes default VOM levels for the different Resource types which provide some certainty to Market Participants
on the amount of VOM costs that they will recover. It also allows Market Participants to request a Resource-specific VOM cost if
their Resource type is not listed in the default levels table, or if their VOM costs exceed the default level for their Resource. It also
includes a Frequently Mitigated Resource (FMR) Adder for units that meet the criteria for a Frequently Mitigated Resource and are
not recovering their costs. For Resources not recovering their costs, an evaluation and determination by SPP will be performed if
additional compensation for cost recovery is required.
In Summary this Revision:
1.

Establishes a default VOM by fuel type and technology calculated by the MMU that may be used for the mitigated offer.

2.

Documents the type of expenses that may be used in the establishment of the Resource-specific mitigated offer.

3.

Documents the process by which the default VOM and the Resource-specific mitigated offer is calculated.

4.

Establishes an adder for to increase the mitigated offer for Frequently Mitigated Resources.

5.

Establishes an evaluation of revenues and avoidable costs as a check for the Frequently Mitigated Resource Adder.
EXECUTIVE SUMMARY OF RECOMMENDATION

The Mitigated Offer Strike Team (MOST) recommends MOPC approve the language set forth in this revision request.

IMPACT ANALYSIS REQUIRED:

Yes

No

Estimated Cost: $$220,000 implementation cost and an annual fee of
$75,000 for maintaining the system.
Cost is a rough order of magnitude estimate, approx. +/-50%

Priority Rank for System Change:

1 – Critical

2 – High

Estimated Duration: 5 months
Duration is a rough order of magnitude estimate, approx. +/-50%

3 – Medium

4 – Low

SPP DOCUMENTS IMPACTED
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Market Protocols

Criteria
Tariff (OATT)
Business Practice

Protocol Section(s): 1; 8.2.2.3;
8.2.2.4; Appendix G 1.1; 1.2; 1.3;
1.4; 1.5; 2; 2.1; 2.1.2; 2.2; 2.2.2;
2.2.3; 2.3; 2.3.1; 2.3.2; 2.3.3; 2.3.4;
Protocol Version: 25.a
2.3.5; 2.3.6; 2.4; 2.4.1(new); 2.4.2;
2.4.2.2; 2.4.2.3; 2.5; 2.6.1; 2.7.1;
2.8.1; 2.8.2; 2.8.3; 3; 3.3.2; 3.6; 4;
4.3; 4.4.1; 4.4.2; 4.4.3; 5; 5.4; 5.7; 6;
6.2; 6.8; 7.3; 8; 8.1; 8.3; 9
Criteria Section(s):
Criteria Date:
Tariff Section(s): Attachment AF 2.1 (new); 2.2 (new); 2.3 (new); 2.4 (new); 2.5 (new); 2.6
(new); 2.7 (new); 2.8 (new); 2.9 (new); 2.11 (new); 3.2; 3.3
Business Practice Number:
WORKING GROUP REVIEWS AND RECOMMENDATIONS
List Primary and any Secondary/Impacted WG Recommendations as appropriate

Primary Working Group: MWG

Date: 3/16/2015
Vote: Motion to approve rejected by MWG per opposition listed. Note: This vote was on an
earlier version of RR 69 that did not include the cost component details and had a different
default VOM review process. The language provided within this Recommendation Report
was reviewed by the MWG on 4/1/2015 as noted below.
Abstained: TNSK, LES
Opposed: AEP, AECC, WR, NPPD, Basin, CUS, Xcel, EDE, Midwest, GSEC, OGE

Reason for Opposition:
Shawn McBroom (OGE)
OGE provides a No vote for RR69 on the following elements:
• In SPPs presentation of the default VOM cost table, when questioned regarding how the default values were prescribed the
MWG received reduced confidence via a delayed, loose explanation of how the values were derived. Further, it was stated
by SPP that some default values were increased/decreased after the prescribed methodology was complete on the basis that
some values “felt off from expectations”.
• Default values were developed off of current mitigated offer data, as entered in the MMDD, which is not inclusive of all
VOM costs for which MPs seek to include as a means of making sure costs are recovered for their customers when
mitigated.
• The category of ‘Combined Cycle Resources’ in the default VOM cost table does not properly categorize combined cycle
resources. SPP utilized the 2012 Electric Power Annual report to obtain a straight average heat rate as an input into the
default VOM cost table calculations. It is the opinion of OG&E that combined cycle resources should be broken out into
two categories – duct burn and non-duct burn.
Amber Metzker (Xcel)
• Though we feel that Empires changes were going in the correct direction, there are too many assumptions going into the
Default VOM table for Xcel to support the concept. Xcel would rather reaffirm its support for MPRR 197.
Aaron Rome (Midwest Energy)
• Midwest opposes RR69 in its current form but for the most part is in favor of the concept. Midwest is in favor of default
VOM values that would utilize primarily OEM estimates and not rely solely on market offers. If OEM estimates that
comprise the default VOM values are not sufficient recovery for a particular unit’s O&M then there needs to be a
mechanism available to recover the actual cost. The proposed FMR process does address this issue but with a built in lag
that does not allow for proper market signals at the time the costs are incurred. A combination of RR69 with default OEM
VOMs and MPRR 197 as the recovery logic for units that operate in excess of the defaults and want to peruse alternate
means of recovery may be a solution.
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Primary Working Group: MWG

Date: 4/1/2015
Vote: The Mitigated Offer Strike Team (MOST) did not request action from the MWG
during this review. The purpose of this review was to walk through changes the MOST made
based on feedback received from the MWG and RTWG.

Support provided for RR69 as written below in this Recommendation Report:
Rick McCord (EDE)
• Thought this ended up a really good product. Lots of good work. Certainly a lot of concern as to how MMU will
approach filing comments as well as implementation of what is approved. However, I think it is much better than where
we are now. I will advocate for EDE to support this strongly at MOPC.
Amber Metzker (Xcel)
• Xcel Energy appreciates the addition of the FERC accounting code language to RR69. We continue to evaluate the
language being changed in RR69 vs MPRR 197. We are in more support of the RR69 language at this time than we were
at the time the MWG voted at their face to face meeting.
Secondary Working Group:
ORWG

Date: 4/2/2015
Vote: Rejected
Abstained: CUS, ITC
Opposed: LES

Reasons for Opposition:
Steve Haun (LES)
• We feel that it does provide adequate compensation to fund a majority of our quick start units. Also, RR69 has a
mechanism to compensate resources for their VOM above the matrix if supporting data is provided to the Market Monitor.

Secondary Working Group:
RTWG

Date: 4/2/2015
Vote: Approved - The RTWG neither endorses nor opposes the concepts being proposed in
RR69, however, the RTWG approved the proposed Tariff language, as revised as generally
implementing the intent of the proposed Market Protocol changes.
Abstained: GSEC
Opposed:

Reasons for Opposition:

MOPC

Date: 4/15/2015
Vote: Approved
Abstained: ITC Great Plains, OGE Electric Services, OGE Transmission, NPPD
Opposed: GSEC, Exelon Power

Reasons for Opposition:

BOD/Member Committee
Recommendation:

Date:
Vote:
Abstained:
Opposed:
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Reasons for Opposition:

COMMENTS
Comment Author: EDE
Description of Comments: Proposed changes to correct perceived errors or to try to clarify language. While it is Empire’s view
that additional language needs to be added to the combustion turbine and combined cycle sections of Appendix G to include startbased inspection and maintenance costs, we are refraining from adding language at this time to support the Default Values for
VOM approach that is a main focus of this Revision Request. To that end, we also are deleting the language inserted in several
places that we feel attempts to specifically EXCLUDE these types of starts based costs.
The description of specifically what market participant offers were used to initially calculate Default VOM is still not clear in
Appendix G Section 2.4.1(1)(b) and Section 3.2 H.(3).(b).
The language of Appendix G Section 2.4.1(2) regarding calculation of implied VOM is not clear and need further development. If
the calculation takes the market participant offer and subtracts out other defined components and assumes the remainder is the
implied VOM then that needs to be more explicit.
There are numerous inconsistencies in syntax throughout the document that need to be cleaned up (i.e. Startup vs Start-Up vs Start).
Status: MWG considered EDE comments and they are included below in the proposed language changes
Comment Author: SPP MMU
Description of Comments:
Status: MMU will provide comments on the final Mitigated Offer Strike Team Revision Request in a separate document.
Comment Author: Market Working Group
Description of Comments: MWG made changes to the Default VOM Costs table and to section 2.4.2 to add the term variable and
remove short-run.
Status: MWG comments are incorporated below in the proposed changes
Comment Author: Casey Cathey on behalf of the ORWG
Description of Comments: The RR does not adequately compensate the Resource and therefore has potential Reliability impacts
in the future. It dis-incents continued operation by Reliability required Resources.
Status: Comments were not reviewed by the MWG
Comment Author: Westar
Description of Comments: RR69 will be a good starting place for an SPP FERC 205 filing, badly needed to clarify for MPs the
allowable maintenance cost components used in development of 3-part mitigated resource offers. As currently drafted, RR69
forwards a level of assurance to generation owners that SPP DA/RT market reliability commitments will provide “just and
reasonable” VOM cost reimbursement.
WR is still supportive of MPRR197 but believes RR69 has a greater chance of SPP adoption (beyond MWG) and filing at FERC.
Status: Comments were not reviewed by the MWG
PROPOSED REVISION(S) TO SPP DOCUMENTS
Business Practices
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Criteria

Market Protocols

1.

Glossary

ARR Nomination Cap
Commented [MPRR138.1]: MPRR138 Awaiting FERC
Approval. #ER14-2553

As defined in Attachment AE of the Tariff.
Associated Resource
As defined in Attachment AF the SPP Tariff.
Avoidable Administrative Expenses (“AAE”)
As defined in Attachment AF of the SPP Tariff.
Avoidable Carrying Charges (“ACC”)
As defined in Attachment AF of the SPP Tariff.
Avoidable Corporate Level Expenses (“ACLE”)
As defined in Attachment AF of the SPP Tariff.
Annual Avoidable Cost
As described in Attachment AF of the SPP Tariff.
Avoidable Operations and Maintenance Labor Expenses (“AOML”)
As defined in Attachment AF of the SPP Tariff.
Avoidable Taxes, Fees and Insurance (“ATFI”)
As defined in Attachment AF of the SPP Tariff.
Avoidable Variable Expenses (“AVE”)
As defined in Attachment AF of the SPP Tariff.
Balancing Authority
As defined in the SPP Tariff.
Floor-room
As defined in the SPP Tariff.
Frequently Mitigated Resource (“FMR”)
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As defined in Attachment AF of the SPP Tariff.
FSE Schedule
As defined in the SPP Tariff.
FSE Transfer Point
Commented [MPRR180.2]: MPRR180 Awaiting
implementation

As defined in the SPP Tariff.
8.2.2.3

Mitigation Measures for Energy Offer Curves

(1)

Mitigated energy offer curves shall be submitted on a daily basis by the Market Participant
inParticipant in accordance with the Mitigated Offer Development Guidelines. The mitigated
energy offer curve may be updated up to 1100 hours on the day before the Operating Day for use
in the DA Market. In the caseWhen a Resource is not committed by the DA Market, the mitigated
energy offer curve may be updated until the Day-Ahead RUC process begins. For Resources
committed by the DA Market, the mitigated energy offer curve submitted as of 1100 hours on the
day before the Operating Day will apply to the DA Market on the day before the Operating Day
and the RTBM on the Operating day; for all other Resources the mitigated energy offer submitted
at the time the Day-Ahead RUC process begins will apply to the Day-Ahead RUC process on the
day before the Operating Day, and the Intra-Day RUC processes and the RTBM on the Operating
Day.

(2)

The Energy Offer Curve conduct thresholds are as follows:

(3)

(a)

For Resources committed to address a Local Reliability Issue, the threshold is a 10%
increase above the Mitigated Energy Offer Curve;

(b)

For Resources located in a Frequently Constrained Area and not subject to the threshold in
Section 8.2.2.3(2)(a), the threshold is a 17.5% increase above the Mitigated Energy Offer
Curve.

(c)

For all other Resources the threshold is a 25% increase above the Mitigated Energy Offer
Curve.

The Transmission Provider shall apply mitigation measures by replacing the Energy Offer Curve
with the Mitigated Energy Offer Curve if:
(a)

The Resource’s Energy Offer Curve exceeds the Mitigated Energy Offer Curve by the
applicable conduct threshold; and

(b)

The Resource has local market power as determined in Section 8.2.2.7; and

(c)

The Resource either:
(i)

Fails the Market Impact Test as described in Section 8.2.2.9, or
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(ii)

Is manually committed by the Transmission Provider or by a local transmission
operator.

An Energy Offer below $25/MWh will not be subject to mitigation measures for economic
withholding.
(4)

The Mitigated Energy Offer Curve shall bereflect the resource’s short-run marginalResource’s
variable cost of producing energy as determined by the unit’s heat rate, fuel costs and the costs
related to fuel usage, such as transportation and emissions costs (“total fuel related costs”),
opportunity costs and variable operationsoperation and maintenance costs (VOM) detailed in the
Mitigated Offer Development Guidelines. The formula for Mitigated Energy Offer Curves can be
found in Appendix G Section 2.5.

(5)

Opportunity costs may be reflected in the total fuel related costs and/or the VOM under the
following circumstances:

(6)

(a)

Externally imposed environmental run-hour restrictions; or

(b)

Physical equipment limitations on the number of starts or run-hours; or

(c)

Fuel supply limitations.

The Market Participant shall submit heat rates and the methods for determining fuel costs, fuel
related costs including emissions costs, opportunity costs, and variable operation and
maintenanceVOM costs to the Market Monitoring UnitMonitor. The information will be sufficient
for replication of the Mitigated Energy Offer Curve and shall include, among other data, the
following information:
(a)

For fuel costs, Market Participants shall provide the Market Monitoring UnitMonitor with
an explanation of the Market Participants’ fuel cost policy, indicating whether fuel
purchases are subject to a fixed contract price and/or spot pricing and specifying the
contract price and/or referenced spot market prices. Any included fuel transportation and
handling costs must be short-run marginal costs only, exclusive of fixed costs. variable
costs only, exclusive of fixed costs. Fuel handling variable costs include but are not limited
to costs associated with coal combustion residual (CCR) handling and disposal, demoisturization of oil, antifreeze for coal, maintenance of mills and conveyors, and other
consumables directly related to the use of fuel, natural gas transportation loss charges and
other commodity based charges that vary with volume of natural gas transported

(b)

For emissions costs, Market Participants shall report the emissions rate of each of their
units and indicate the applicable emissions allowance cost.

(c)

For mitigated VOM costs based offers, Market Participants shall submit must use either
Energy Offer Curve VOM costs, calculated in adherence with not to exceed the default
Energy Offer Curve VOM costs stated in the Mitigated Offer Development Guidelines in
Appendix G of thethese Market Protocols, reflecting short-run marginal or request the
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Market Monitor to approve a Resource-specific mitigated VOM cost by following the
guidelines as described in this Section 8.2.2.3(6) in sub-paragraph (d). The default VOM
costs shall be reviewed by the Market Monitor and the Market Working Group (MWG) at
least annually, as described in Section 2.4.1.2 of Appendix G of the Market Protocols.
(c)(d)Market Participants may request that the Market Monitor review and approve a Resourcespecific mitigated cost based Energy Offer Curve VOM. Such requested cost components
shall reflect only VOM costs, exclusive of fixed costs. Fixed costs are costs that do not
vary based on the use of the Resource for the production of energy, such as supervisory
and engineering salary, office supplies, training, depreciation, and employee expenses.
Expenses attributed to starts-based or hours-based inspection and maintenance activities
associated with Original Equipment Manufacturer (OEM) recommendations or similar
programs to maintain equipment may be included in the Energy Offer Curve VOM whether
such expense is through contract labor or market participant labor associated with these
activities that would not otherwise be incurred. FERC accounts 502, 505, 512, 513, 519,
520, 523, 530, 531, 545, 548, 549, 553 and 554 are examples of accounts that contain VOM
cost components that can be included, exclusive of fixed costs in these accounts. See
Appendix G sections applicable to a specific type of resource for detailed information
regarding costs components allowed for inclusion A detailed listing of requested costs
must be provided to the Market Monitor for review prior to approval in accordance with
the Mitigated Offer Development Guidelines in Appendix G of these Market Protocols.
These Resource-specific costs shall be updated by the Market Participant at least annually.
(d)

Further details associated with the development and validationof these costs are included
in SPP’s Mitigated Offer Development Guidelines.

(e)

SPP will provide data to Market Participants so they can determine their Resources'
qualification for meeting the local market power criteria in 6(e)(i) below.

(f)

Market Participants may request the Market Monitor determine a Resource’s eligibility for
inclusion of an FMR Adder. The Market Participant shall submit sufficient data for
determination of its Annual Avoidable Cost (in $/year), which includes: Avoidable
Operations and Maintenance Labor; Avoidable Administrative Expenses; Avoidable
Maintenance Expenses; Avoidable Variable Expenses; Avoidable Taxes, Fees, and
Insurance; Avoidable Carrying Charges; and Avoidable Corporate Level Expenses. Upon
receipt of such data and on a monthly basis thereafter, the Market Monitor shall notify the
Market Participant of eligibility for an FMR Adder if it meets both of the following criteria:
(i)

The Resource has local market power at least 60% of its operating hours determined
on a rolling twelve-month basis; and

(ii)

The Resource’s twelve-month Energy and Operating Reserve Market revenues (in
$/year) are less than its Resourcespecific Annual Avoidable Cost (in $/year), as
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determined in consultation with the Market Monitor, determined on the same
rolling twelve-month basis.
The Market Monitor in consultation with the Market Participant shall work through the
data collection requirements and shall mutually set the appropriate effective date for
implementation of the FMR Adder, with such effective date not to exceed two months
after the same rolling twelve-month period.
(f)

(g)

(h)

For FMRs, and their Associated Resources as defined under Section 8.2.2.3(6)(g), for
which the Market Monitor has verified eligibility as described in Section 8.2.2.3(6)(e), the
following FMR Adders, subject to Market Monitor review and report to the MWG at least
annually, shall apply:
(i)

For Resources that have local market power for 60% or more of their operating
hours, but less than 70% of their operating hours, the FMR Adder will be $25.00
per megawatt-hour;

(ii)

For Resources that have local market power for 70% or more of their operating
hours, but less than 90% of their operating hours, the FMR Adder will be $30.00
per megawatt-hour;

(iii)

For Resources that have local market power for 90% or more of their operating
hours, the FMR Adder will be $40.00 per megawatt-hour.

Any Resource, without regard to ownership, located at the same site as a FMR shall
become an “Associated Resource” upon notification from the Market Monitor that it meets
all of the following criteria:
(i)

The Resource has electrically equivalent impact on the transmission system as the
FMR; and

(ii)

The Resource (a) belongs to the same design class (where a design class includes a
Resource type that is the same size and utilizes the same technology, without regard
to manufacturer) and uses the identical primary fuel as the FMR or (b) is regularly
dispatched by SPP as a substitute for the FMR based on differences in cost that
result from the currently applicable FMR Adder; and

(iii)

The Resource (a) has an average daily mitigated Energy Offer, as measured over
the preceding 12-month period, that is less than or equal to the FMR’s average daily
mitigated Energy Offer adjusted to include the currently applicable FMR Adder or
(b) is regularly dispatched by SPP as a substitute for the FMR based on differences
in cost that result from the currently applicable FMR Adder.

For Resources that are not recovering their total operation and maintenance costs, at the
request of the Market Participant, the Market Monitor, SPP and the impacted Market
Participant shall evaluate the potential causes of such under recovery. The Market Monitor
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in coordination with SPP shall analyze the magnitude of the under recovery of costs and
provide the analysis and conclusions from any such assessment to the Market Participant
and will report any revealed market design or implementation flaws to the Market Working
Group.
(7) For Demand Response Resources with behind the meter generation the Mitigated Energy Offer
Curve shall be developed in the same manner, described above, as any other generating Resource.
For load response Demand Response Resources, the mitigated Energy Offer Curve shall reflect
the quantifiable opportunity costs associated with the reduction, net of related offsetting increases
in usage.
, but shall not exceed, any quantifiable costs that vary by MWh output, including short-run incremental
VOM.(8)
For Dispatchable Variable Energy Resources, the mitigated Energy Offer Curve
may include (i) VOM costs not to exceed the default VOM levels for Energy Offer Curves stated
in the Mitigated Offer Development Guidelines, Appendix G of these Market Protocols, (ii) default
VOM, or (iii) requested Resource-specific VOM cost approved by the Market Monitor as
described under Section 8.2.2.3(6)(d), which may include but shall not exceed any quantifiable
costs that vary by MWh output. Mitigation will not apply to Non-Dispatchable Variable Energy
Resources in the Real-Time Balancing Market; monitoring for Energy Offers of Non-Dispatchable
Variable Energy Resources will occur.
(9)

Intra-day changes to the Mitigated Energy Offer Curve are allowed under the following conditions:
(a)

The Market Participant incurs higher fuel procurement costs due to a request by the
Transmission Provider for a Resource to remain online past the scheduled commitment
period by the DA Market or a RUC process; or

(b)

A Resource must switch fuels due to unforeseen operating conditions;

(c)

The Resource is employing the Quick-Start Resource logic described in Section
4.4.2.3.14.4.2.3.1 in accordance with Appendix G, Section 6.46.4. In which case, the
Mitigated Energy Offer Curve may be changed after the DA RUC clears on the day before
the operating day.

(d) Intra-day Changes to the MitigationMitigated Energy Offer Curve must follow the
Mitigated Offer Development Guidelines and will be validated by the Market Monitor.
(10) In all cases under this Section 8.2.2.3, cost data submitted for the development of mitigated offers,
including opportunity cost data, shall be subject to the confidentiality provisions set forth in
Section 11 of Attachment AE to the Tariff.
8.2.2.4
(1)

Mitigation Measures for Start-Up and No-Load Offers
A Mitigated Start-up Offer and a Mitigated No-load Offer shall be submitted daily by the Market
Participant in accordance with the Mitigated Offer Development Guidelines. The Mitigated StartPage 10 of 75

up and No-load Offers may be updated up to 1100 hours on the day before the Operating Day for
use in the DA Market. In the case a Resource inis not committed by the DA Market, the Mitigated
Start-up and No-load Offers may be updated until the Day-Ahead RUC process begins. The
Mitigated Start-up and No-load Offers submitted at the time the Day-Ahead RUC process begins
will apply to the Day-Ahead RUC process on the day before the Operating Day and the Intra-Day
RUC processes on the Operating Day.
(2)

(3)

(4)

The Start-Up and No-Load Offer conduct thresholds are as follows:
(a)

For Resources committed to address a Local Reliability Issue, the threshold is a 10%
increase above the mitigated offer for the applicable offer;

(b)

For all other Resources the threshold is a 25% increase above the mitigated offer for the
applicable offer.

The Transmission Provider shall apply mitigation measures by replacing the Start-Up or No-Load
Offer with the applicable Mitigated Start-up or Mitigated No-load Offer if:
(a) The Resource’s Start-Up or No-Load Offer exceeds the mitigated offer by the applicable
threshold; and
(b) The Resource has local market power as determined in Section 8.2.2.7; and
(c) The Resource either:
(i)
Fails the Market Impact Test as described in Section 8.2.2.9, or
(ii)
Is manually committed by the Transmission Provider or by a local transmission
operator.
The mitigated Start-Up Offer shall represent the cost per start as determined from start fuel usage
and the costs related to that fuel usage, electrical costs (station service), maintenanceVOM costs
attributed to starts, and additional labor costs, if required above normal station manning levels.
The formula for mitigated Start-Up Offers can be found in Appendix G Section 2.6:

(5)

The mitigated Start-Up Offer for Demand Response resourcesResources shall be the cost to shut
down or curtail load for a given period, which does not vary with output, or the start cost of a
behind the meter generator.

(6)

The mitigated Start-Up Offer for Variable Energy Resources shall be zero.

(7)

The mitigated No-Load Offer shall be the fixed hourly fixed cost required to create a
monotonically increasingnon-decreasing mitigated Energy Offer Curve and may include VOM
costs attributable to no-load operation. It shall be calculated according to either of two methods
found in Appendix G Section 2.7 which are No-Load Fuel Approach and No-Load Cost Approach.

(8)

The Mitigated No-Load Offer for behind the meter Demand Response resourcesResources shall
adhere to the same definition above as a generating Resource. For load response Demand
Response Resources, the Mitigated No-Load Offer shall not exceed the quantifiable ongoing
hourly costs associated with manufacturing process changes associated with a reduction in load
consumption.
Page 11 of 75

(9)

The mitigated No-Load Offer for Variable Energy Resources shall be zero.

(10) documentation of the methodThe Market Participant shall submit heat rates and the methods for
calculating determining fuel costs, fuel related costs including emissions costs, and VOM costs to
the Market Monitor. The information will be sufficient for replication of the Mitigated Start-Up
Offer and Mitigated No-Load Offers that is adequate to permit the MMUOffer and shall include,
among other data, the following information:
(a)

For fuel costs, Market Participants shall provide the Market Monitor with an explanation
of the Market Participants’ fuel cost policy, indicating whether fuel purchases are subject
to verify submitted offers. Further detailsa fixed contract price and/or spot pricing and
specifying the contract price and/or referenced spot market prices. Any included fuel
transportation and handling costs must be only variable costs, exclusive of fixed costs. Fuel
handling variable costs include costs associated with themitigated offer development of
these costs are included coal combustion residual (CCR) handling and disposal, demoisturization of oil, antifreeze for coal, maintenance of mills and conveyors, and other
consumables directly related to the use of fuel.

(b)

For emissions costs, Market Participants shall report the emissions rate of each of their
units and indicate the applicable emissions allowance cost.

(c)

For VOM costs, Market Participants must either use Start-Up VOM costs and No-Load
VOM costs not to exceed the default Start-Up and No-Load VOM costs stated in SPP’sthe
Mitigated Offer Development Guidelines., Appendix G of these Market Protocols or
request the Market Monitor approve a Resource-specific Start-Up and No-Load VOM cost
by following the guidelines as described in this Section 8.2.2.4(10) in sub-paragraph (d).
The default VOM costs shall be reviewed by the Market Monitor and the Market Working
Group (MWG) at least annually, as described in Section 2.4 of Appendix G of the Market
Protocols.

(c)

Market Participants may request that the Market Monitor review and approve a Resourcespecific Start-Up VOM cost and No-Load VOM cost. Such requested cost components
shall reflect only VOM costs, exclusive of fixed costs. Fixed costs are costs that do not
vary based on the use of the Resource for the production of energy, such as supervisory
and engineering salary, office supplies, training, depreciation, and employee expenses.
Expenses attributed to starts-based or hours-based inspection and maintenance activities
associated with OEM recommendations or similar programs to maintain equipment may
be included as Start-UP VOM cost and No-Load cost, whether such expense is through
contract labor or market participant labor associated with these activities that would not
otherwise be incurred. FERC accounts 502, 505, 512, 513, 519, 520, 523, 530, 531, 545,
548, 549, 553 and 554 are examples of accounts that contain VOM cost components that
can be included, exclusive of fixed costs in these accounts. Supporting documentation of
requested costs must be provided to the Market Monitor for review prior to approval in
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accordance with the Mitigated Offer Development Guidelines in Appendix G of these
Market Protocols. These Resource-specific costs shall be updated by the Market
Participant at least annually.
(10)(11)
Intra-day changes to the Mitigated Start-Up and Mitigated No Load Offers are allowed
under the following conditions:
(a)

The Market Participant incurs higher fuel procurement costs due to a request by the
Transmission Provider for a Resource to remain online past the scheduled commitment
period by the DA Market or a RUC process;

(b)

A Resource must switch fuels due to unforeseen operating conditions; or

(c)

The Resource is employing the Quick-Start Resource logic described in Section 4.4.2.3.1
in accordance with Appendix G, Section 6.4.

(d)

Intra-day Changes to the Mitigated Start-Up and Mitigated No Load Offers must follow the

Mitigated Offer Development Guidelines and will be validated by the Market Monitor.
(11)(12)
In all cases under this Section 8.2.2.4, cost data submitted for the development of mitigated
offers, including opportunity cost data, shall be subject to the confidentiality provisions set forth
in Section 11 of Attachment AE to the Tariff.

Appendix G - Mitigated Offer Development Guidelines

1.

Introduction

1.1

About These Guidelines

The Mitigated Offer Development Guidelines manual comprises Attachment G of SPP’s Market Protocols
for Integrated Marketplace. providing references for Market Participant cost based offers. This manual
is maintained by the Mitigated Offer Taskforce under the direction of the Market Market Working Group
and with the advice of the Market Monitoring UnitMonitor.
To use this manual, read sections one and two then go to the section for a particular resourceResource
type for possible additional information.
All capitalized terms shall have the same meaning as they are defined in the Market Protocols and/or the
SPP OATT (Tariff.).
In the event of a conflict between the Market Tariff and this Attachment G, the most recent approved
version of the Tariff will govern.
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1.2

Intended Audience

•

Market Participants

•

SPP Staff

•

Market Monitoring UnitMonitor

•

Regulators

1.3

What is in this Manual?

•

A table of contents that lists two levels of subheadings within each of the sections

•

An approval page that lists the required approvals and a brief outline of the current revision

•

Sections containing the specific guidelines, requirements, or procedures including SPP actions and
SPP Member actions

• Mitigated Offer Task Force
•

1.4

The SPP Market Working Group (“MWG”) is responsible for the development of the Mitigated
Offer Development Guidelines. It has tasked the Mitigated Offer Task Force (“MOTF”) with the
initial development of the guidelines. The MOTF is comprised of members nominated by the
members of the MWG. A representative of the SPP Market Monitoring Unit (“MMU”) may
participate and provide comments to the MOTF or act as secretary of the MOTF.

Purpose

As described in Section 8.2 of the Integrated Marketplace Protocols, each Market Participant shall submit
mitigated offer parameters along with each market offer. The mitigated offers reflect the cost of providing
the offered product or service. SPP will use the mitigated offers to screen for market offers that adversely
impact the market and as replacement offers in the case that those offers are mitigated. The purpose of
this manual is to define the mitigated offers to ensure that each Market Participant's mitigated offer is
developed to represent the short-run marginalvariable cost of production, ensuring that the Market
Participants who own or control Resources with market power cannot exercise it.

1.5

Mitigated Offer Methodology Approval Process

Market Participants shall submit their initial cost data and supporting documentation at least three months
prior to launch of SPP’s Integrated Marketplace, unless otherwise directed by the SPP MMU. The SPP
MMU shall provide initial feedback no longer than two months after submittal, or 15 calendar days prior
to the start of the Integrated Marketplace, or by another mutually agreed date. For all subsequent new
resourcesResources, Market Participants shall submit the initial cost data and supporting documentation
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thirty calendar days prior to submitting theirthat Resource’s first offer to the market, and the SPP
MMUMarket Monitor shall respond within fifteen calendar days.
The SPP MMU shall maintain on itsa website with a mechanism that allows Market Participants to
conveniently and confidentially submit and update such data as required or as needed. The website shall
also contain instructions and examples of required documentation.
A Market Participant who seeks to obtain an exemption, exception or change to any time frame, process,
methodology, calculation or policy set forth in these guidelines, or the approval of any mitigated offer that
is not specifically permitted by these guidelines, shall submit a request to the SPP MMUMarket Monitor
for consideration and determination, except as otherwise specified herein.
The SPP MMUMarket Monitor shall approve or disapprovereject such a request based on the following
criteria:
(a)
(b)
(c)

the cost components included in all mitigated offers should reflect the short-run marginalvariable
cost of generation;
the formulas used to calculate mitigated offers and the components of cost included in mitigated
offers do not deviate from those specified in the SPP Tariff; and
the documentation and data validation provided by the Market Participant are sufficient for the
SPP MMUMarket Monitor to verify mitigated offers on an ongoing basis.
After receipt of such a request, The SPP MMUMarket Monitor shall notify the Market Participant
of its decision regarding the request no later than fifteen (15) calendar days after the submission
of the request and the receipt of required documentation and data. If the Market Participant agrees
with the SPP MMU’sMarket Monitor’s decision, the request shall be deemed to be approved. In
the event that the Market Participant disagrees with the SPP MMU’s decision and submits a dispute
following the procedures described in section 12 of the SPP TariffMarket Monitor’s decision, the
previously approved time frame, process, methodology, calculation or policy shall remain in place
until the resolution of the dispute.

2.

Policies for All Resource Types

This section contains information that is relevant for the development of a mitigated offer for all types of
resourcesResources.

2.1

Heat Rates

Heat Rate equals the mmBtu content of the heat input divided by the MWh of power output. The
smaller the heat rate value the greater the efficiency. The heat rate can also be referred to as the inputoutput function. The term “mmBtu” is defined as millions of British Thermal Units. The following
equation defines average heat rate over an amount of energy production or at a given net power output:

Page 15 of 75

𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 =

𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼
=
𝑀𝑀𝑀𝑀ℎ
𝑁𝑁𝑁𝑁𝑁𝑁 𝑀𝑀𝑀𝑀

Incremental heat rate is the relationship between an additional MW of output and the additional heat
input necessary to produce it. Graphically, the incremental heat rate can be determined from the ratio of
the change in fuel input to the change in resourceResource MW output; which is the slope of the
input/output curve. An input/output curve shows the net MW output on the “x” axis and the heat input
on the “y” axis. Mathematically, the incremental heat rate curve can be expressed as the first derivative
of the input/output curve (input heat versus MW output).

𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼 𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 =

2.1.1

𝐶𝐶ℎ𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎 𝑖𝑖𝑖𝑖 𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻 𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺 𝐼𝐼𝐼𝐼
𝜕𝜕𝜕𝜕
∆𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚
=
=
𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅
∆𝑀𝑀𝑀𝑀ℎ
𝐶𝐶ℎ𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎 𝑖𝑖𝑖𝑖 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝑂𝑂𝑂𝑂𝑂𝑂 𝜕𝜕𝜕𝜕

Heat Content of Fuel

Heat Content of Fuel is the energy content of a given fuel, expressed in mmBtu per unit of fuel. Heat
content of fuel may be based on of the following:
•

As burned test

•

In stock test

•

As received test

•

As shipped test

•

Contract value

•

Seller's invoice

•

Seller's quote

•

Nominal value based on Industry Standard

2.1.2

Heat Rate Curves

All Market Participants shall develop heat rate curves, which they must submit to the SPP MMUMarket
Monitor pursuant to the Mitigated Offer Methodology Approval Process (Section 1.6).
These curves show input heat from burning fuel for each level of MW output for each of their
Resources. The curves serve as the basis for the theoretical incremental heat rate curves for fuel
consumption and performance factor development.
•

Heat rate curves submitted to SPP should be calculated on a net MW basis.

Page 16 of 75

•

Heat rate curves (one curve per fuel type of operating mode) will be based on design and/or
comparable resourceResource data modified by actual resourceResource test data (when
available), and/or actual resourceResource operations data.

•

Data for the heat rate curve development should include normal minimum and normal maximum
MW points. The heat rate curve for emergency ranges may be extrapolated from available data
by the Market Participant.

•

This heat rate curve (or curves) will be used as the basis for incremental heat rate curves,
incremental costs, and performance factor calculations.

•

Heat rate and heat input data used in offer curve and no-load cost development should be submitted
to the Market Monitor pursuant to the Mitigated Offer Methodology Approval Process as a
component of cost policy.

2.2

Performance Factors

Performance Factor is the calculated ratio of actual fuel burn to either theoretical fuel use (design heat
input) or the most recent heat rate performance test. Actual burn may vary from theoretical or test fuel
use due to factors such as resourceResource age or modification, changes in fuel properties, seasonal
ambient conditions, etc.

𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 =

𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚)
𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑇𝑇ℎ𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚)

The performance factor shall be calculated on either the total fuel consumed over a specific calibration
period or a monthly spot check test basis. Market Participants are required to update their Resources’
Performance Factors(s) annually; however, Market Participants may update these performance factors
more frequently to reflect seasonal variations and/or other operational changes.
Those Market Participants lacking the “Total Theoretical Fuel Consumed” value may designate a
performance factor of 1; however, these Market Participants must notify the SPP MMUMarket Monitor
prior to March 1, 2014using this performance factor. These Market Participants shall use fuel consumed
during the first time that Resource(s) is committed for operation as the “Total Theoretical Fuel Consumed”
value and report such value to SPP MMU.Market Monitor. These Market Participants will also submit
the fuel consumption data from a subsequent window of operation to update its Performance Factor.
Requests for exemptions from these periods should first be submitted to the SPP MMUMarket Monitor
for evaluation pursuant to the Mitigated Offer Methodology Approval Process. The overall performance
factor can be modified by a seasonal performance factor to reflect ambient conditions or equipment
conditions.
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2.2.1

Engineering Judgment in Performance Factors

The calculated performance factor may be superseded by estimates based on sound engineering judgment.
If the period during which estimated performance factors are used exceeds three months, documentation
concerning reasons for the override must be maintained and available for review upon request.

2.2.2

Calculation Methods of Performance Factors

There are three options available for use in determining a resource’sResource’s performance factor:
1. Total Fuel approach
2. Separate performance factors
3. Fixed start approach
Performance factors are used in calculating start fuel as well as operating fuel.
When the total fuel approach is used, the performance factor represents the ratio:

𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 =

𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚)
𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑇𝑇ℎ𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚)

With the total fuel approach, fuel quantities measured during start tests should be modified by the
performance factor in effect at the time of the test so that theoretical or standard start fuel quantities will
be on the same basis as the standard operating fuel quantity.
Conditions encountered during the start of certain resourcesResources may make it preferable to assign
separate performance factors for start and operating fuel (no-load fuel and fuel used for any energy
production).
If separate performance factors are calculated for start fuel prior to calculating the “operating fuel”
performance factor, the operating fuel performance factor represents the ratio:
𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹

=

𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚) − 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚)
𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑇𝑇ℎ𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚) − 𝑇𝑇ℎ𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝑚𝑚𝑚𝑚𝐵𝐵𝐵𝐵𝐵𝐵)

Due to the variability and difficulty in measuring actual start fuel, ana Market Participant may choose to
set a fixed start performance factor of one, implicitly assigning all performance variations to no-load
and incremental loading costs. In order to account for all fuel actually consumed, the operating fuel
performance factor represents the ratio:
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𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹

=

𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚) − 𝑇𝑇ℎ𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑎𝑎𝑙𝑙 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚)
𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑇𝑇ℎ𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚) − 𝑇𝑇ℎ𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚)

where Total Theoretical Start Fuel Consumed is the fuel quantity used in the start cost calculation.

2.2.3

“Like” Resources for Performance Factors

An average performance factor may be calculated and applied for groups of like resourcesResources
burning the same type of fuel. Please see the Resource Type sections for further detail of “like” resources.

2.3

Fuel Cost Policies

Market Participants must submit a fuel cost policy for each Resource describing its method of calculation
of fuel costs to the SPP MMUMarket Monitor pursuant to the Mitigated Offer Methodology Approval
Process. Such fuel cost policies shall include the following information:
1.

2.

For the component of cost indicating daily delivered fuel cost, please include, for each fuel type:
•

Resources using this fuel

•

Source of fuel cost, for each Resource. For example; specified NYMEX index, forward
contract.

•

Source of fuel basis cost indexes (i. (e.g. Henry Hub, Southern Star, Panhandle Eastern
Pipeline)

•

Commodity index basis price adders

•

Methodology for converting fuel basis cost to $/mmBtu.

•

Average BTU content of fuel (as fuel prices must be converted to $/mmBtu), if source does
not describe a fixed BTU content.

•

Any additional information regarding pricing fuel cost including;


When prices are revised



All additional charges



Please include,All additional charges including; fuel and emission control
additives, toppers and dust suppressant, incremental rail, delivery pipeline fuel and
usage losses, transport (CMD) charges, ACA, local taxes, etc.

For each fuel, type, include any additional costs related to fuel or fuel handling.
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3.

For SO2 / NOx / CO2 Emission Allowance Costs, please include:

a) Units with emission allowance costs
b) How emission data is collected

c) How emission allowance is calculated in $/mmBtu
d) Source of emission costs
e) When costs are updated

2.3.1

Modifications to Fuel Cost Policies

A request to change the method of calculation of fuel cost shall be submitted to the SPP MMUMarket
Monitor for evaluation pursuant to the Mitigated Offer Methodology Approval Process in advance of the
proposed change (this is referred to below as “the proposal”).
The Market Participant and the SPP MMUMarket Monitor shall discuss the proposal and the Market
Participant will provide documentation supporting its request to the SPP MMU.Market Monitor. The SPP
MMUMarket Monitor shall provide an initial response to the Market Participant in writing within 15
calendar days of the Market Participant’s submission of the request to the SPP MMUMarket Monitor,
indicating its agreement with the request or areas of concern pursuant to the Mitigated Offer Methodology
Approval Process. The changed method of calculation may be implemented immediately upon final
approval pursuant to the Mitigated Offer Methodology Approval Process.

2.3.2

Fuel Cost Calculation

The method of calculation of fuel cost may include the use of actual fuel prices paid, e.g. the contract
price paid for fuel, or the spot price for fuel. The contract price for fuel must include the locational cost
of fuel for the generating resource. The source used for spot price for fuel must be publicly available and
reflect the locational cost of fuel for the generating resourceResource. The locational cost of fuel shall
include specification of any additional incremental costs of delivery for the generating resource.
Each Market Participant will be responsible for establishing its own method of calculating delivered fossil
fuel cost, limited to inventoried cost, replacement cost, or a combination thereof, that reflects the way fuel
is purchased or scheduled for purchase.
The Market Participant shall submit any changes to the method of calculation to the SPP MMUMarket
Monitor with supporting documentation. The SPP MMUMarket Monitor shall review the changes. If the
SPP MMUMarket Monitor has concern over any such proposed changes, it will hold discussions with the
Market Participant to mitigate such concerns. The method of calculation may only be changed by receipt
of final approval pursuant to the Mitigated Offer Methodology Approval Process in advance of the
proposed change.
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Fossil Fuel cost adjustments compensating for previous estimate inaccuracies should not be considered
when determining the basic fuel cost component of Total Fuel Related Cost described under Section 2.3.3.
Each Market Participant must review and document their historical fuel costs at least once per month (12
times per year). Additionally, each review must occur within forty (40) calendar days of the preceding
review. The results of this review will be used to determine whether a fuel cost update is necessary. The
documentation of fuel costs must be filed viaprovided to the Market Monitoring Unit websiteMonitor.

2.3.3

Total Fuel Related Costs

Total Fuel Related Cost (“TFRC”) is the sum of basic fuel cost, other fuel related cost, emission
allowance cost, and variable operation and maintenance (VOM)fuel handling cost. Total Fuel Related
Costs may vary between different Offer parameters to the extent that the differences can be quantified and
demonstrated.

𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 ($/𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚) =

= 𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($/𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚) + 𝑂𝑂𝑂𝑂ℎ𝑒𝑒𝑒𝑒 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($/𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚)

+𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴($/𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚) + 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻 𝐶𝐶𝐶𝐶𝐶𝐶𝑡𝑡𝑠𝑠 ($/𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚)
Basic Fuel Costs and Other Fuel Related Costs are defined in Section 2.3.4, Emission allowances are as
defined in Section 2.3.5, Fuel Handling Costs are as defined under Section 8.2.2.3(6)(a).

2.3.4

Types of Fuel Costs
$
$
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The other Basic Fuel Costs is the commodity cost of fuel- calculated as stated in the company’s fuel
cost policy.

NOTE: Basic Fuel Cost for each Resource type will be addressed in subsequent
sections.
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Other Fuel Related Costs include the additional incremental components of fuel cost required to operate
a generating resource, such as transportation fees, taxes on fuel, and water injection. The fuel related cost
components of TFRC may be calculated based on an average of short-run variable costs for each such
component for a period of one year or less, reviewed and updated annually, or based on a rolling twelve
month average, reviewed and updated monthly. Both the term and the frequency of the other fuel-related
costs calculation shall be included in the Market Participant’s fuel cost policy. Other fuel related costs
shall also include the requirements for Variable Fuel Transportation Equipment listed in Section 2.3.6
The TFRC VOM is calculated using an allocated portion of the total VOM calculated under Section 2.4.
Note that the sum of total allocated $ used to calculate TFRC VOM included here, the allocated VOM $
used to calculate Energy Offer Curve VOM under Section 2.5, the allocated VOM $ used to calculate
No-Load VOM under 2.7, the allocated VOM $ used to calculate Start-Up VOM under 2.6 and the
allocated VOM $ used to calculate Regulation VOM under 2.10 must not exceed the total VOM $
calculated under Section 2.4.
fuel handling cost. Total Fuel Related Costs may vary between different Offer parameters to the extent
that the differences can be quantified and demonstrated.

2.3.5

Types of Fuel CostsBLANK

Basic Fuel Cost is the commodity cost of fuel calculated as stated in the company’s fuel cost policy.

NOTE: Basic Fuel Cost for each resource type will be addressed in subsequent
sections.
cost includes the additional incremental components of fuel cost required to operate a generating resource,
such as transportation fees, taxes on fuel and water injection.

2.3.6

Emission Allowances

Market Participants with resourcesResources that require SO 2 , CO 2 , NO X, or other types of emission
allowances (EAs) , as dictated by regulatory bodies, to operate may include in the resource’s TFRC the
cost ($/mmBtu) of the EAs as determined in the Market Participant’s allowance cost policy.
If a Market Participant includes Emission AllowancesEA as components of TFRC, the Market Participant
must submit with their cost policy its method of determining the cost of SO 2 , CO 2 , NO X, or other type of
EA for evaluation pursuant to the Mitigated Offer Methodology Approval Process. An example of the
calculation method must be included in the policy. Any changes to the method of calculation may be
changed only after approval pursuant to the Mitigated Offer Methodology Approval Process.
The period used for determining the projected SO 2 , CO 2 , NO X, or other type of emission discharge and
the MMBTUs burned must be included in the Market Participant’s allowance cost policy and may be
based on historical or projected data.
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For resourcesResources that have dual fuel firing capability, ana Market Participant should use different
EA factors based on the SO 2 , CO 2 , NO X, or other type of emission emitted for each particular fuel or fuel
mix.

EmissionsEmission allowance costs will be included in TFRC only during the emission compliance period
and only by resources subject to compliance requirements. Details of the cost calculation methodology
and example calculations will be contained in each Market Participant’s allowance cost policy.
Compliance requirements and dates may vary by geographic region. Those Market Participants not
incorporating emissions costs in their TFRC will be exempt from the requirements of this section 2.3.5.

2.3.7

Variable Fuel Transportation Equipment

When calculating the Total Fuel Related Costs, fixed charges for transportation equipment (e.g. pipelines,
train cars, and barges) should be excluded. Dollars that represent lease charges are considered fixed
charges if the total amount to be paid over a period is fixed regardless of the amount of fuel transported.
Should the terms of the lease or transportation agreement be such that there is a fixed charge plus a charge
for the amount of fuel delivered, the “charge per unit of fuel delivered” should be included in the Fuel on
Board (FOB) delivered cost or in the calculation of the “other fuel related costs” as per the documented
fuel pricing policy.
The above guideline applies when a resourceResource, plant, or system is served totally by leased fuel
transportation equipment or fuel transportation contracts. When fuel is supplied by both leased and
common carrier fuel transportation systems, the common carrier rate should be included in the FOB
delivered cost or included in the calculation of the “other fuel related costs” as per the documented fuel
pricing policy of each Market Participant.

2.4

Total Variable Operation and Maintenance Cost

Total Variable Operation and Maintenance (VOM) costsA resource should reflect its short-run
incrementalVariable Operation and Maintenance (VOM) costs are the materials and labor expenses of
maintaining equipment and facilities in satisfactory operating condition. The VOM costs used to develop
the Mitigated Offers must be either (i) less than or equal to the default VOM costs in Table 2-1, (ii) default
VOM costs, or (iii) VOM costs in excess of the default values if the Market Monitor approves a Market
Participant request for a Resource-specific VOM cost under the process described under Sections
8.2.2.3(6)(d) and 8.2.2.4(10)(d) of the Market Protocols. Resources that do not fit in any of the Resource
types below must submit their VOM costs to the Market Monitor for review and approval as described
under Sections 8.2.2.3(6)(d) and 8.2.2.4(10)(d) of the Market Protocols. . The Default VOM costs are
provided in Table 2-1.

Table 2-1: Default VOM Costs
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Resource Type

Energy Offer Curve
VOM ($/MWh)

Start-up VOM
($/MW)

No Load VOM
($/mmBtu)

Wind

$0.75

$0.00

$0.00

Solar

$0.00

$0.00

$0.00

Hydro

$4.00

$0.00

$0.00

Nuclear

$6.50

$0.00

$0.65

Coal

$3.00

$6.00

$0.30

Gas Combined Cycle

$3.00

$15.00

$0.43

Aero-Derivative CTs

$6.00

$5.00

$0.55

Gas Combustion Turbine
(Industrial Frame)

$4.00

$15.00

$0.36

Gas Steam

$12.00

$5.00

$1.20

Oil Steam (including diesel
reciprocating engines)

$20.00

$15.00

$2.00

2.4.1 Procedures for Development and Modification of Default VOM Costs
2.4.1.1 Procedures for Development of Initial Default VOM Costs
(1)

The Market Monitor used the following method described below to develop the initial Default
VOM Costs listed in Table 2-1. Procedures that were used to develop the initial Default VOM
Costs follow.
(a)

Market Participants initially submitted their Energy Offer Curve (EOC) VOM costs in
$/MWh, their Start-Up Offer VOM Costs in $/Start and their No-Load Offer VOM costs
in $/Hour to the Market Monitor in accordance with the Market Protocols in place as of
March 1, 2014.

(b)

The initial Energy Offer Curve Default VOM cost by Resource type in $/MWh, was
calculated using Market Participant Energy Offer Curve VOM submitted in accordance
with the Appendix G in place as of March 1, 2014. The Energy Offer Curve Default VOM
costs by Resource type are equal to the 80th percentile of the submitted VOM costs. For
example, the table below contains 10 hypothetical Energy Offer Curve VOM values
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arranged in ascending order. The 80th percentile is $6.00/MWh since 80 percent of the
values are below $6.00.
EOC VOM $/MWh
8.50
6.00
5.50
5.30
5.20
4.80
4,50
4.20
3.90
3.50

Percentile

80

To the extent that there were groups of VOM costs for a specific Resource type where the
VOM costs are closely matched at a percentile above the 80th percentile, the Market
Monitor increased the Energy Offer Curve default VOM costs consistent with the costs in
the higher percentile.

2.4.1.2

(a)

To calculate the No-Load Default VOM costs in $/mmBtu, the Energy Offer Curve Default
VOM costs were divided by an average heat rate associated with each Resource type as
obtained from the most recent Electric Power Annual report issued by the Energy
Information Administration 1.

(b)

To calculate the Start-Up Default VOM costs in $/MW, the Market Monitor used a
combination of Market Participant submitted Start-Up VOM costs, a Market Monitor
calculated Start-Up VOM cost, engineering estimates for major overhaul costs provided by
Market Participants for CCs and CTs, and engineering estimates of short-run marginal
Start-Up VOM costs.2 The Market Monitor calculated Start-Up VOM costs are equal to
the No-Load Default VOM multiplied by a representative Resource type specific Start-Up
mmBtu/MW value obtained from submitted Market Participant data. The Start-Up VOM
costs by Resource type are equal to the higher of the 80th percentile of the Market
Participant submitted Start-Up VOM costs, the Market Monitor calculated Start-Up VOM
costs, or other engineering estimates of Start-Up VOM costs.

Annual Review of Default VOM Costs

1

Average Heat Rates used to calculate the No-Load VOM under the Normal Option were obtained from the 2012 Electric
Power Annual report: Steam average heat rate = 10 mmBtu/MWh; CT average heat rate = 11 mmBtu/MWh and CC average
heat rate = 7.6 mmBtu/MWh.
2
Estimates of short-run marginal VOM costs were provided to the Market Monitor by Monitoring Analytics, LLC.
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The Market Monitor shall annually review the default VOM costs and report its analysis and
recommendations to the Market Working Group for their review. The annual review shall include:
(i) any updated VOM costs submitted by the Market Participants in accordance with Appendix G;
(ii) the adjustments made by the Market Monitor to Market Participant costs data;
(iii) previous year’s default VOM costs adjusted for inflation using the Producer Price Index stated
in Section 2.4.2.1 of this Appendix G;
(iv) the effectiveness of the default VOM for the majority of the Resources; and
(v) any other relevant change in costs that may impact VOM costs for the Resources in the SPP
footprint.
The effectiveness of the default VOM in (iv) above should be to determine if the default VOM
values fairly represent the actual VOM costs of a Resource type and whether these levels
appropriately support cost recovery. Further details associated with the development, validation
and updating of these costs are included in Appendix G of the Market Protocols.

2.4.2 Variable Operation and Maintenance Cost
Variable Operation and Maintenance (VOM) costs are the material and labor expenses of maintaining
equipment and facilities in satisfactory operating condition. A Resource should reflect its VOM costs by
using the most current data available. This could include the previous maintenance cycle period cost or
actual short-run incremental cost where available. The VOM adders should be reviewed and updated at
least once every twelve months or once in the maintenance cycle, whichever is shortervariable costs where
available.
If a Market Participant feels that a resource modification or required change in operating procedures will
affect the resource's VOM adders, the revised VOM adders must be submitted to the SPP MMU for review
and approval pursuant to the Mitigated Offer Methodology Approval Process.
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+ �𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝑉𝑉𝑉𝑉𝑉𝑉 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($)𝑐𝑐𝑐𝑐𝑐𝑐𝑐𝑐𝑐𝑐𝑐𝑐𝑐𝑐 𝑦𝑦𝑦𝑦𝑦𝑦𝑦𝑦−𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝+1

∗

𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝑛𝑛𝑛𝑛𝑛𝑛𝑛𝑛 𝑦𝑦𝑦𝑦𝑦𝑦𝑦𝑦
��
𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝑙𝑙𝑙𝑙𝑙𝑙𝑙𝑙 𝑦𝑦𝑦𝑦𝑦𝑦𝑦𝑦−𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑛𝑛𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎 𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝 𝑦𝑦𝑦𝑦𝑦𝑦𝑦𝑦𝑦𝑦+1
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The SPP MMUMarket Monitor will review the development of the total maintenance costs for all
resourcesResources pursuant to the Mitigated Offer Methodology Approval Process.
The total VOM cost as calculated above is based on available maintenance expense history for the defined
Maintenance Period (See Section 2.4.2).2) regardless of Market Participantship.Participant ownership.
Only variable expenses incurred as a result of short-run incrementalthat are caused by electric production
(short-run marginal costs) qualify for inclusion in Energy Offer VOM and No-Load VOM costs. Variable
Operating and Maintenance expenses incurred in the start-up of a resource shall be included in the StartUp VOM Offer.
Fixed costs are costs that do not vary based on the use of the Resource for the production of energy, such
as supervisory and engineering salary, office supplies, training, depreciation, and employee expenses.
Such expenses directly attributed to starts-based or hours-of-operation-based inspection and maintenance
activities associated with OEM recommendations or similar programs to maintain equipment may be
included as VOM costs whether such expense is through contract labor or market participant labor
associated with these activities that would not otherwise be incurred. FERC accounts 502, 505, 512, 513,
519, 520, 523, 530, 531, 545, 548, 549, 553 and 554 are examples of accounts that contain VOM cost
components that can be included, exclusive of fixed costs in these accounts.
Units with less than 1 year of history or less than a full maintenance cycle are considered immature. Such
units can be assigned their calculated Maintenance Adder and/or Start Cost Maintenance Adder, or a
forecast value, subject to evaluation pursuant to the Mitigated Offer Methodology Approval Process.

2.4.2.1 Escalation Index
Escalation Index is the annual escalation index as derived from the July 1 Handy - Whitman Index for
the SPP region, “construction cost electrical plant”. Otherwise,Escalation Index is the Bureau of Labor
Statistics Producer Price Index Series ID PCU3331203331208, Construction Machinery
Manufacturing, Other Construction Machinery and Equipment shall be used for the Escalation Index
as shown below.
Bureau of Labor Statistics Producer Price Index
2004: Index 104.7 – Escalation Factor 1.314
2005: Index 108.9 – Escalation Factor 1.264
2006: Index 114.4 – Escalation Factor 1.203
2007: Index 120.1 – Escalation Factor 1.146
2008: Index 125.6 - Escalation Factor 1. 096
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2009: Index 129.0 - Escalation Factor 1. 067
2010: Index 131.1 - Escalation Factor 1. 050
2011: Index 134.8 - Escalation Factor 1. 021
2012: Index 137.6(est) - Escalation Factor 1.000

2.4.2.2

Maintenance Period

The period of years between major overhauls or such other period as used in the calculation of total
VOM under Section 2.4, not to exceed 10 years.
If a resource experiences a significant configuration change, the resourceResource may submit to the
SPP MMUMarket Monitor its changed VOM cost methodology.
Examples of a significant resource configuration change may include but are not limited to:
•

Flue Gas Desulfurization (FGD or scrubber)

•

Activated Carbon Injection (ACI)

•

Selective Catalytic NO X Reduction (SCR)

•

Selective Non-Catalytic NO X Reduction (SNCR)

•

Low-NO X burners

•

Bag House addition

•

Long-term Fuel change (greater than 10 years)

•

Water injection for NO X control

•

Gas Turbine Inlet Air Cooling

•

Dry Sorbent Injection (DSI)

2.4.2.3

Average VOM Cost

Average VOM Cost is the average VOM cost $/mmBtu, $/MWh or $/hour. This is defined as allocated
VOM dollars in the historical Maintenance Period divided by total MWhs, total fuel or total on-line
hours associated with the historical Maintenance Period, depending on VOM type.
𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 (𝐸𝐸𝐸𝐸𝐸𝐸) 𝑉𝑉𝑉𝑉𝑉𝑉 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑀𝑀𝑀𝑀ℎ)
=

𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝐸𝐸𝐸𝐸𝐸𝐸 𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝 𝑜𝑜𝑜𝑜 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑉𝑉𝑉𝑉𝑉𝑉 𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷 𝑓𝑓𝑓𝑓𝑓𝑓𝑓𝑓 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 2.4.2
𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑀𝑀𝑀𝑀ℎ𝑠𝑠 𝑖𝑖𝑖𝑖 𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃
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𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑉𝑉𝑉𝑉𝑉𝑉 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 )
=

𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝 𝑜𝑜𝑜𝑜 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑉𝑉𝑉𝑉𝑉𝑉 𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷 𝑓𝑓𝑓𝑓𝑓𝑓𝑓𝑓 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 2.4
𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 (𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚)𝑖𝑖𝑖𝑖 𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃

𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁 𝑉𝑉𝑉𝑉𝑉𝑉 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑢𝑢 )
=

𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁 𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝 𝑜𝑜𝑜𝑜 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑉𝑉𝑉𝑉𝑉𝑉 𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷 𝑓𝑓𝑓𝑓𝑓𝑓𝑓𝑓 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 2.4
𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 (𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚)𝑖𝑖𝑖𝑖 𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃

𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁 𝑉𝑉𝑉𝑉𝑉𝑉 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻)

𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑎𝑎𝑑𝑑 𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝 𝑜𝑜𝑜𝑜 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑉𝑉𝑉𝑉𝑉𝑉 𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷 𝑓𝑓𝑓𝑓𝑓𝑓𝑓𝑓 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 2.4
𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑜𝑜𝑜𝑜 − 𝑙𝑙𝑙𝑙𝑙𝑙𝑙𝑙 ℎ𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜 𝑖𝑖𝑖𝑖 𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃
𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝑉𝑉𝑉𝑉𝑉𝑉 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 )
=

𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝 𝑜𝑜𝑓𝑓 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑉𝑉𝑉𝑉𝑉𝑉 𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷 𝑓𝑓𝑓𝑓𝑓𝑓𝑓𝑓 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 2.4
𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝑖𝑖𝑖𝑖 𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃
𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝑉𝑉𝑉𝑉𝑉𝑉 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 )
=

=

𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑜𝑜𝑜𝑜 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑉𝑉𝑉𝑉𝑉𝑉 𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷 𝑓𝑓𝑓𝑓𝑓𝑓𝑓𝑓 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 2.4
𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑖𝑖𝑖𝑖 𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃

The VOM adderscosts should be reviewed and updated at least once every twelve months or once in the
maintenance cycle, whichever is shorter.
If a Market Participant feels that a resourceResource modification or required change in operating
procedures will affect the resource's VOM adderscosts, the revised VOM adderscosts must be submitted
to the SPP MMUMarket Monitor for review and approval pursuant to the Mitigated Offer Methodology
Approval Process.

2.5

Mitigated Energy Offer Curve

The Mitigated Energy Offer Curve is a set of up to ten price/quantity pairs (measured in $/MWh and
MW) describing the short-run marginal variable cost of providing energy based on the heat rate curve,
fuel cost, and variable operations and maintenanceopportunity cost, VOM costs .and if applicable, the
FMR Adder. The Mitigated Energy Offer Curve can be calculated using one of the two methods below:
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(1)

𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂 ($⁄𝑀𝑀𝑀𝑀ℎ) =

𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 ⁄𝑀𝑀𝑀𝑀ℎ) ∗ 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 ∗ 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝐹𝐹𝐹𝐹𝑒𝑒𝑙𝑙 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 )
+ 𝐸𝐸𝐸𝐸𝐸𝐸 𝑉𝑉𝑉𝑉𝑉𝑉($ ⁄ 𝑀𝑀𝑀𝑀ℎ )

defined+𝐸𝐸𝐸𝐸𝐸𝐸 𝑉𝑉𝑉𝑉𝑉𝑉($ ⁄ 𝑀𝑀𝑀𝑀ℎ ) + 𝐹𝐹𝐹𝐹𝐹𝐹 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 ($/𝑀𝑀𝑀𝑀ℎ) + 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 ($/𝑀𝑀𝑀𝑀ℎ); or
(2)

𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂 ($⁄𝑀𝑀𝑀𝑀ℎ) =

𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 ⁄𝑀𝑀𝑀𝑀ℎ) ∗ 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹

∗ �𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 ) + 𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁 𝑉𝑉𝑉𝑉𝑉𝑉($⁄𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 )�
+𝐹𝐹𝐹𝐹𝐹𝐹 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 ($/𝑀𝑀𝑀𝑀ℎ) + 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 ($/𝑀𝑀𝑀𝑀ℎ)

where EOC VOM is less than or equal to the default VOM costs in Table 2-1 of Section 2.4.3 of this
Appendix G or is a Market Monitor approved EOC VOM in excess of the default values in Table 2-1 of
Section 2.4 of this Appendix G as described under Section 8.2.2.3(6)(d) and 8.2.2.4(10)(d) of the Market
Protocols, the heat rate is as defined in Section 2.1, of this Appendix G, the performance factor is as
defined in Section 2.2, and of this Appendix G, the Total Fuel Related Cost is as defined in Section 2.3.
The EOC VOM is calculated using an allocated portion of the total VOM calculated under Section 2.4.
Note that the sum of total allocated $ used to calculate EOC VOM included here, the allocated VOM $
used to calculate TFRC VOM of this Appendix G, the FMR Adder is as defined under Section 8.2.2.3,
the allocated VOM $ used to calculate No-Load VOM under 2.7,(6)(e) and (f) of the allocated VOM $
used to calculate Start-Up VOM under 2.6Market Protocols and the allocated VOM $ used to calculate
Regulation VOM under 2.10 must not exceed the total VOM $ calculated under Section 2.4.opportunity
cost is defined under Section 11 of this Appendix G.

2.6

Mitigated Start- Up Offer

2.6.1

Start- Up Offer Definitions

The Mitigated Start-Up Offer is the dollars per start as determined from start fuel, total fuel-related cost,
performance factor, electrical costs, start VOM adder, and additional labor cost, if required above normal
station manning levels.
𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 − 𝑈𝑈𝑈𝑈 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂($⁄𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 ) =

[𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 ⁄𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 ) ∗ 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇($⁄𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 ) ∗ 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹]
+ [𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆(𝑀𝑀𝑀𝑀ℎ/𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆) ∗ 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅($⁄𝑀𝑀𝑀𝑀ℎ)]
+ 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝑉𝑉𝑉𝑉𝑉𝑉 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴($⁄𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 ) + 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 )
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Station Service Rate is either a $/MWh value equal to the 12-month rolling average LMP at the station,
updated at least quarterly, or the retail tariff rate applicable to the resourceResource not included in the
VOM calculated under Section 2.4.
Start Fuel is the fuel consumed from first fire of start process (initial reactor criticality for nuclear
resources) to breaker closing (including auxiliary boiler fuel) plus fuel expended from breaker opening of
the previous shutdown to initialization of the resourceResource start-up, excluding normal plant
heating/auxiliary equipment fuel requirements.
Start VOM – The Start VOM is calculated using an allocated portion of the total VOM calculated under
Section 2.4.3. Note that the sum of total allocated $ used to calculate Start VOM included here, the
allocated VOM $ used to calculate TFRC VOM under Section 2.3, the allocated VOM $ used to calculate
No-Load VOM under 2.7, the allocated VOM $ used to calculate EOC VOM under 2.5 and the allocated
VOM $ used to calculate Regulation VOM under 2.10 must not exceed the total VOM $ calculated under
Section 2.4.
Start VOM is (i) less than or equal to the default VOM costs in Table 2-1 of Section 2.4 of this Appendix
G, (ii) the default VOM costs, or (iii) a Market Monitor approved Start VOM as calculated under Section
8.2.2.4(10)(c) of the Market Protocols and other sections applicable to a specific resource type.
Start Additional Labor Cost – Additional labor costs for start-up requiredand shutdown due to SPP
market commitment/dispatch run time above normal station manning levels including travel time between
the non-work location and the work location not otherwise included in the Start VOM calculated under
Section 2.4. A different value may be submitted for on-peak versus off-peak periods.

2.7

Mitigated No Load Offer

2.7.1

No-Load Definitions

Mitigated No-load Offer is the hourly fixed cost, expressed in $/hrhour, required to operate the
resourceResource at zero electricity output to the grid. This is used in creating a monotonically nondecreasing incremental cost curve.

2.7.2

No-Load Fuel

The no-load heat input may be determined by collecting heat input values as a function of output and
performing a regression analysis. The heat input values as a function of output may be either created from
heat rate test data or the initial design heat input curve of a resourceResource.
The minimum number of points to develop a heat input curve shall be 2 points for a dispatchable
resourceResource with a variable output and 1 point for a resourceResource with a fixed output.
The documentation must be adequate to permit the MMUMarket Monitor to verify no-load development
calculation methods used subject to the Mitigated Offer Methodology Approval Process. Mitigated NoLoad Offer Calculation
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The initial resourceResource Mitigated No-Load Offer ($/HrHour) is the No-Load fuel input rate
multiplied by the performance factor, multiplied by the (Total Fuel-Related Cost (TFRC)):
𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑁𝑁𝑁𝑁 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂 ($⁄ℎ𝑜𝑜𝑜𝑜𝑜𝑜) =

𝑁𝑁𝑁𝑁 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 ⁄ℎ𝑜𝑜𝑜𝑜𝑜𝑜) ∗ 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 ∗ ( 𝑁𝑁𝑁𝑁 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿 𝑉𝑉𝑉𝑉𝑉𝑉($⁄𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 )
+ 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 ($/𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚) )

The Mitigated No-Load Offer may also be calculated by subtracting the incremental cost
(resource’sResource’s economic minimum mitigated energy offer value multiplied by MW value) at the
resource’sResource’s economic minimum point from the total cost (from the heat input at economic
minimum value) at the resource’sResource’s economic minimum point.
𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑁𝑁𝑁𝑁 − 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂 ($⁄ℎ𝑜𝑜𝑜𝑜𝑜𝑜) =

𝑀𝑀𝑀𝑀𝑀𝑀. 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸. 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿 𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚)
�
�
∗ 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 ∗ (𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇($/𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚) + 𝑁𝑁𝑁𝑁 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿 𝑉𝑉𝑉𝑉𝑉𝑉($/𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚))
− �𝑀𝑀𝑀𝑀𝑀𝑀. 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸. 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑀𝑀𝑀𝑀ℎ)
∗ 𝑀𝑀𝑀𝑀𝑀𝑀. 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸. 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿 (𝑀𝑀𝑀𝑀)�

Note that if the source of VOM is in terms of dollars per on-line hours, the equation changes to:
𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑁𝑁𝑁𝑁 − 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂($⁄ℎ𝑜𝑜𝑜𝑜𝑜𝑜) =

(𝑀𝑀𝑀𝑀𝑀𝑀. 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸. 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿 𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚) ∗ 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 ∗ 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇($/𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚))
+ 𝑁𝑁𝑁𝑁 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿 𝑉𝑉𝑉𝑉𝑉𝑉($/ℎ𝑜𝑜𝑢𝑢𝑢𝑢)
− �𝑀𝑀𝑀𝑀𝑀𝑀. 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸. 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑀𝑀𝑀𝑀ℎ) ∗ 𝑀𝑀𝑀𝑀𝑀𝑀. 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸. (𝑀𝑀𝑀𝑀)�

The No Load VOM is calculated using an allocated portion of the total VOM calculated under Section
2.4.3. Note that the sum of total allocated $ used to calculate No Load VOM included here, the allocated
VOM $ used to calculate TFRC VOM under Section 2.3, the allocated VOM $ used to calculate Start
VOM under 2.6, the allocated VOM $ used to calculate EOC VOM under 2.5 and the allocated VOM $
used to calculate Regulation VOM under 2.10 must not exceed the total VOM $ calculated under Section
2.4.
The No-Load VOM is (i) less than or equal to the default VOM costs in Table 2-1 of Section 2.4 of this
Appendix G, (ii) default VOM costs, or (iii) a Market Monitor approved No-Load VOM as described
under Section 8.2.2.4(10)(c) of the Market Protocols.

2.8

Mitigated Regulation-Up and Regulation-Down Service Offers

The Mitigated Regulation-Up and the Mitigated Regulation-Down Offer shall include the following
components up to but not exceeding:
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𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂($⁄𝑀𝑀𝑀𝑀) ≤

+ 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼 𝑖𝑖𝑖𝑖 𝑉𝑉𝑉𝑉𝑉𝑉($/𝑀𝑀𝑀𝑀) + 𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($/𝑀𝑀𝑀𝑀)

The Mitigated Regulation-Up Mileage Offer shall include the following components up to but not
exceeding:
𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 − 𝑈𝑈𝑈𝑈 𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂($⁄𝑀𝑀𝑀𝑀 ) ≤
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[ 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼 𝑑𝑑𝑑𝑑𝑑𝑑 𝑡𝑡𝑡𝑡 𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼 𝑑𝑑𝑑𝑑𝑑𝑑𝑑𝑑𝑑𝑑𝑑𝑑 𝑛𝑛𝑛𝑛𝑛𝑛 − 𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠 𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠 𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜 ($/𝑀𝑀𝑀𝑀)
+ 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼 𝑖𝑖𝑖𝑖 𝑉𝑉𝑉𝑉𝑉𝑉 �

$
�] ∗ 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 − 𝑈𝑈𝑈𝑈 𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹
𝑀𝑀𝑀𝑀

The Mitigated Regulation-Down Mileage Offer shall include the following components up to but not
exceeding:
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𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 − 𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷 𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂($⁄𝑀𝑀𝑀𝑀 ) ≤

[ 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼 𝑑𝑑𝑑𝑑𝑑𝑑 𝑡𝑡𝑡𝑡 𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼 𝑑𝑑𝑑𝑑𝑑𝑑𝑑𝑑𝑑𝑑𝑑𝑑 𝑛𝑛𝑛𝑛𝑛𝑛 − 𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠 𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠 𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜 ($/𝑀𝑀𝑀𝑀)
$
+ 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝑎𝑎𝑎𝑎𝑎𝑎 𝑖𝑖𝑖𝑖 𝑉𝑉𝑉𝑉𝑉𝑉 �
�] ∗ 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 − 𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷 𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹
𝑀𝑀𝑀𝑀

2.8.1

Uncompensated Costs:

For Regulation-Up: Uncompensated cost should reflect the opportunity cost of the lost energy dispatch
between the Maximum Economic Capacity Operating Limit and the Maximum Regulation Capacity
Operating Limit or the additional cost of producing energy between the Minimum Economic Capacity
Operating Limit and the Minimum Regulation Capacity Operating Limit. It shall only be included for
Real-Time Balancing Market offers, and it shall not exceed the lesser of the uncompensated regulation
lost opportunity cost cap, as determined by the SPP MMUMarket Monitor, and the uncompensated cost
as calculated below:
𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈 𝑐𝑐𝑐𝑐𝑐𝑐𝑐𝑐 ($/𝑀𝑀𝑀𝑀)
≤ 𝑀𝑀𝑀𝑀𝑀𝑀 [ 0, (𝐷𝐷𝐷𝐷 𝐿𝐿𝐿𝐿𝐿𝐿 ($/𝑀𝑀𝑀𝑀)
− 𝑊𝑊𝑊𝑊𝑊𝑊𝑊𝑊ℎ𝑡𝑡𝑡𝑡𝑡𝑡 𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎 𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂 𝑓𝑓𝑓𝑓𝑓𝑓 𝑀𝑀𝑀𝑀 𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 ($/𝑀𝑀𝑀𝑀))]
∗ ((𝐷𝐷𝐷𝐷 𝐿𝐿𝐿𝐿𝐿𝐿 𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷ℎ (𝑀𝑀𝑀𝑀)– 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅(𝑀𝑀𝑀𝑀)))/ (𝐷𝐷𝐷𝐷 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 (𝑀𝑀𝑀𝑀))
+ 𝑀𝑀𝑀𝑀𝑀𝑀 [ 0, (𝑊𝑊𝑊𝑊𝑊𝑊𝑊𝑊ℎ𝑡𝑡𝑡𝑡𝑡𝑡 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂 𝑓𝑓𝑓𝑓𝑓𝑓 𝑀𝑀𝑀𝑀 𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 ($/𝑀𝑀𝑊𝑊)
− 𝐷𝐷𝐷𝐷 𝐿𝐿𝐿𝐿𝐿𝐿 ($/𝑀𝑀𝑀𝑀))] ∗ (𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 (𝑀𝑀𝑀𝑀)
− 𝐷𝐷𝐷𝐷 𝐿𝐿𝐿𝐿𝐿𝐿 𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷ℎ (𝑀𝑀𝑀𝑀))/(𝐷𝐷𝐷𝐷 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 (𝑀𝑀𝑀𝑀)).

The Weighted average Mitigated Energy Offer for MW above RegMax is the area under the Mitigated
Energy Offer Curve between the Maximum Regulating Capacity Operating Limit and the MW at which
the DA LMP crosses the Mitigated Energy Offer Curve divided by the capacity range between the two
MW points.
If the DA RegUp Award (MW) is zero, it may be replaced by five times the resourceResource regulation
ramp rate.
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For Regulation-Down: Uncompensated cost should reflect the opportunity cost of the lost energy
dispatch between the Maximum Economic Capacity Operating Limit and the Maximum Regulation
Capacity Operating Limit or the additional cost of producing energy between the Minimum Economic
Capacity Operating Limit and the Minimum Regulation Capacity Operating Limit. It shall only be
included for Real-Time Balancing Market offers, and it shall not exceed the lesser of the uncompensated
regulation minimum limit cost cap, as determined by the SPP MMUMarket Monitor, and the
uncompensated cost as calculated below:
𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈 𝑐𝑐𝑐𝑐𝑐𝑐𝑐𝑐 ($/𝑀𝑀𝑀𝑀)
≤ 𝑀𝑀𝑀𝑀𝑀𝑀 [ 0, (𝑊𝑊𝑊𝑊𝑊𝑊𝑊𝑊ℎ𝑡𝑡𝑡𝑡𝑡𝑡 𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎 𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝐸𝐸𝐸𝐸𝑒𝑒𝑒𝑒𝑒𝑒𝑒𝑒 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂 𝑓𝑓𝑓𝑓𝑓𝑓 𝑀𝑀𝑀𝑀 𝑏𝑏𝑏𝑏𝑏𝑏𝑏𝑏𝑏𝑏 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅($/𝑀𝑀𝑀𝑀)
− 𝐷𝐷𝐷𝐷 𝐿𝐿𝐿𝐿𝐿𝐿($/𝑀𝑀𝑀𝑀))] ∗ (( 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅(𝑀𝑀𝑀𝑀)
− 𝐷𝐷𝐷𝐷 𝐿𝐿𝐿𝐿𝐿𝐿 𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷ℎ (𝑀𝑀𝑀𝑀)))/ (𝐷𝐷𝐷𝐷 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴(𝑀𝑀𝑀𝑀)) + 𝑀𝑀𝑀𝑀𝑀𝑀 [ 0,
𝐷𝐷𝐷𝐷 𝐿𝐿𝐿𝐿𝐿𝐿 ($/𝑀𝑀𝑀𝑀)
− 𝑊𝑊𝑊𝑊𝑊𝑊𝑊𝑊ℎ𝑡𝑡𝑒𝑒𝑑𝑑 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂 𝑀𝑀𝑀𝑀 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 ($/𝑀𝑀𝑀𝑀))]
∗ (𝐷𝐷𝐷𝐷 𝐿𝐿𝐿𝐿𝐿𝐿 𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷ℎ (𝑀𝑀𝑀𝑀) − 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 (𝑀𝑀𝑀𝑀))/(𝐷𝐷𝐷𝐷 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 (𝑀𝑀𝑀𝑀)).

The Weighted average Mitigated Energy Offer for MW below RegMin is the area above the DA LMP
and below the Mitigated Energy Offer Curve between the greater of the MW at which the DA LMP
crosses the Mitigated Energy Offer Curve and the Minimum Regulation Capacity Operating Limit
divided by the capacity range between the two MW points. If the DA RegDown Award (MW) is zero, it
may be replaced by five times the resourceResource regulation ramp rate.

2.8.2

Cost Increase due to Heat Rate increase during non-steady state:

The cost (in $/MW of Regulation Mileage) increase due to the heat rate increase resulting from
operating the resourceResource at a non-steady-state condition. This heat rate loss factor rate shall not
exceed 0.35% of the top Regulation load MW heat rate value.

2.8.3

Commented [MPRR141.8]: MPRR141 Awaiting FERC
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Cost increase in Variable Operations and Maintenance:

The cost increase (in $/MWh of Regulation Mileage) of variable operationsoperation and maintenance
(VOM) cost resulting from operating the resourceResource at lower MW output incurred from the
provision of Regulation. Increased VOM costs shall be calculated by the following methods and shall
not exceed those levels below:
The variable operation and maintenance (VOM) costs can be applied by resourceResource type up to the
following:
Exhibit 1: VOM for all Hydro Resources or Non-Hydro Resources providing service

•

Super-critical Steam: $10.00 per MWh of Regulation

•

Sub-critical Steam: $3.50 per MWh of Regulation

•

Combined Cycle: $2.50 per MWh of Regulation
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•

Combustion Turbine: $2.00 per MWh of Regulation

•

Hydro: $1.00 per MWh of Regulation

•

Reciprocating Engines: $2.00 per MWh of Regulation

For example, a 100 MW sub-critical coal fired steam resourceResource that has been providing Regulation
service for a 3 year Maintenance Period. The resourceResource was deployed for 2,000 MWh of
Regulation service over the past three years and the historical total VOM = $500,000.
Exhibit 2: Example of VOM for Non-Hydro Resources providing Regulation

𝑉𝑉𝑉𝑉𝑉𝑉 𝑐𝑐𝑐𝑐𝑐𝑐𝑐𝑐𝑐𝑐 𝑡𝑡𝑡𝑡 𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠

= ($3. 50 𝑝𝑝𝑝𝑝𝑝𝑝 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝑀𝑀𝑀𝑀ℎ ∗ 2,000 𝑀𝑀𝑀𝑀ℎ)
= $7,000

𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵 𝑜𝑜𝑜𝑜 ℎ𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖 𝑡𝑡𝑡𝑡𝑡𝑡𝑡𝑡𝑡𝑡 𝑉𝑉𝑉𝑉𝑉𝑉 𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎𝑎
= $500,000 − $7,000
= $493,000

The variable O&M (VOM) is calculated using the total VOM calculated under Section 2.4. Note that the
sum of total $ used to calculate VOM included here, the total VOM $ used to calculate VOM under
Sections 2.3, the total VOM $ used to calculate VOM under 2.5, the total VOM $ used to calculate VOM
under 2.6 and the total VOM $ used to calculate VOM under 2.7 must not exceed the total VOM $
calculated under Section 2.4.
Actual Regulation VOM incremental costs if they exceed the levels above must be submitted and
evaluated pursuant to the Mitigated Offer Methodology Approval Process.

Exhibit 3: Regulation-Up Maximum Allowable Mitigated Offer Example
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Example: Sub-critical Coal-Fired Steam Resource, Regulation-Up Service

Resource Operating Mode

Output

Maximum Regulation Capacity Operating 100 MW
Limit

Heat Rate

9,000 Btu/kWh

Maximum Economic Capacity Operating 110 MW
Limit
Steam Resource Regulation Band

20 MW

Lowest Regulating Operating Load

40 MW

12,500 Btu/kWh

Base Prices
Fuel Cost (TFRC):

$2.25/mBtummBtu

Uncompensated Cost due to lower Maximum Operating Limit
DA LMP

$30.00/MWh

DA Regulation-Up Award

20 MW/hour

Weighted Average Energy Cost for MW $15.00/MWh
Above Reg. Max Limit
Uncompensated Cost

=[($30/MWh - $15/MWh) * (110 MW – 100 MW)] /
20MW/hour = $7.50 $/MW

Total Regulation Cost (hourly)
(a) Heat Rate Adjustment
Steady-State Operation)

(Non = 3.15 mBtummBtu/hour * $2.25/mBtummBtu / 20
MW
= $0.35/hour/MW of Regulation

(b) Regulation VOM Adder

$3.50/hour/MW of Regulation (for Steam Unit)
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Uncompensated Cost

$7.50/ MW of Regulation

(c) Mitigated Regulation-Up Mileage $3.85/MW
Offer = (a) +(b)
(d) Mitigated Regulation-Up Offer

$7.50/MW
Commented [MPRR141.10]: MPRR141 Awaiting FERC
approval

(e) Mitigated Regulation-Up Service $11.35/MW
Offer = (c) + (d)

3.

Nuclear Unit Guidelines

This section presents information relevant for mitigated offer development for nuclear units.
Nuclear Plant – A facility that is licensed to produce commercial power from controlled nuclear
reactions to heat water to produce steam that drives steam turbines resourcesResources.

3.1

Nuclear Heat Rate
Note: The information in Section 2.1 contains basic Heat Rate information relevant
for all unit types including nuclear units.

3.2

Performance Factor
Note: The information in Section 2.2 contains basic Performance Factor
information relevant for all unit types including nuclear units.

3.3

Fuel Cost
Note: The information in Section 2.3 contains basic Fuel Cost information relevant
for all unit types. The following information only pertains to nuclear units.

3.3.1

Basic Nuclear Fuel Cost

Basic Nuclear Fuel Cost - Basic nuclear fuel cost shall be based on the dollars in FERC Account 518,
less in-service interest charges (whether related to fuel that is leased or capitalized). This quantity shall
be calculated in units of dollars per mmBtu, as forecast for the applicable fuel cycle.
𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵 𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 ) =

𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷 𝑖𝑖𝑖𝑖 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 518($/𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚) − 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($/𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚)
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3.3.2

Total Fuel-Related Costs for Nuclear Units

𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝑓𝑓𝑓𝑓𝑓𝑓 𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁 𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈𝑈($/𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚) =

3.4

𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵𝐵 𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁𝑁 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 �

$
� + 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑉𝑉𝑉𝑉𝑉𝑉 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($/𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚)
𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

Mitigated Start-Up Offer

Note: The information in Section 2.6 contains basic Mitigated Start-Up Offer
information relevant for all unit types. The following information only pertains to
nuclear units.
Start Cost – The dollars per start as determined from start fuel, total fuel-related cost, performance
factor, electrical costs, start VOM adder, and additional labor cost, if required above normal station
manning levels.
Start Fuel – Fuel consumed from first fire of start process (initial reactor criticality for nuclear units) to
breaker closing and fuel expended from breaker opening of the previous shutdown to initialization of the
unit start-up, excluding normal plant heating/auxiliary equipment fuel requirements.

3.4.1

Hot Start Cost

Hot start cost is the expected cost to start a steam unit, which is in the "hot" condition. Hot conditions
vary unit by unit, but in general, a unit is hot after an overnight shutdown. Components of hot start cost
include:
•

Total fuel-related cost from first fire of start process (initial reactor criticality for nuclear units) to
breaker closing priced at the cost of fuel currently in effect

•

And shutdown fuel cost defined as the cost of fuel expended from breaker opening of the previous
shutdown to initialization of the (hot) unit start-up, excluding normal plant heating/auxiliary
equipment fuel requirements.

3.4.2

Intermediate Start Cost

Intermediate start cost is the expected cost to start a steam unit during a period where neither hot or cold
conditions apply. Use of intermediate start cost is optional based on Market Participant’s policy and
physical machine characteristics. The only restriction is that once an intermediate start cost is defined
for a unit, the cost must be used consistently in scheduling and accounting. Components of intermediate
start cost include:
•

Total fuel-related cost from first fire (initial reactor criticality for nuclear units) to breaker closing
priced at the cost of fuel currently in effect
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•

3.4.3

And shutdown fuel cost defined as the cost of fuel expended from breaker opening of the previous
shutdown to initialization of the (intermediate) unit start-up, excluding normal plant
heating/auxiliary equipment fuel requirements.

Cold Start Cost

Cold start cost is the expected cost to start a steam unit that is in the “cold” condition. Cold conditions
vary unit by unit, but in general, a unit is cold after a two or three-day shutdown. Components of cold
start cost include:
•

Total fuel-related cost from first fire (initial reactor criticality for nuclear units) to breaker closing
priced at the cost of fuel currently in effect

•

And shutdown fuel cost defined as the cost of fuel expended from breaker opening of the previous
shutdown to shutdown of equipment needed for normal cool down of plant components, excluding
normal plant heating/auxiliary equipment fuel requirements.

3.4.4

Additional Components Applied to Hot, Intermediate and Cold Start-Up Costs

These additional components for station service, labor and Start VOM apply to all types of starts and
should be added to the cost.
•

Station service from initiation of start sequence to breaker closing (total station use minus normal
base station use) priced at the Station Service rate.

•

Station service after breaker opening during shutdown (station service during shutdown should be
that associated with the normal unit auxiliary equipment operated during shutdown in excess of
base unit use, this station service is not to include VOM or non-normal use) priced at the Station
Service rate.

•

Additional labor costs in excess offor start-up and shutdown time due to SPP market
commitment/dispatch run time above normal station manning requirements that are incurred when
startinglevels including travel time between the unit that isnon-work location and the work location
not accounted for inotherwise included in the Start VOM Adder. A different value may be
submitted for on-peak versus off-peak periods.

•

Start VOM Adder.

3.5

Mitigated No Load Offer
Note: The information in Section 2.7 contains basic Mitigated No Load Offer
information relevant for all unit types including nuclear units.
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3.6

VOM Cost
Note: The information in Section 2.4.2 contains basic VOM Cost information
relevant for all unit types including nuclear units.

Nuclear VOM Cost - The Historical dollars per unit of fuel (or heat) as derived from FERC Accounts
519, 520, 523, 530 and 531 for nuclear steam units should be used for historical VOM costs calculation
under Section 2.4.2.

3.6.1

Configuration Addition VOM Adder

For units undergoing a significant system or unit Configuration Addition the use of an additional
“Configuration Addition VOM Adder” may be included in the determination of the total maintenance
adder. It is not intended to be used for upgrades to existing equipment.
Examples of significant system or unit Configuration Additions may include but are not limited to:
•

Conversion from open loop to closed loop circulation water systems

The specific system or unit configuration system change must be reviewed by the MMUMarket Monitor
for evaluation pursuant to the Mitigated Offer Methodology Approval Process prior to approving the use
of a Configuration Addition Maintenance adder.

3.6.2

Calculation of the Configuration Addition VOM Adder:

The Configuration Addition Maintenance adder (“CAMA”) is to be calculated in the same manner as the
VOM cost adder described in this section with the exception that the Configuration Addition VOM total
maintenance dollars are only the incremental additional costs incurred because of the system or unit
configuration change.
As with the current maintenance adder calculation, the adder for year (Y) uses the actual costs beginning
with year (Y-1). Therefore, the first year of actual incremental additional expenses will be captured by
the CAMA in the second year.
Following the initial year of use of the CAMA, each additional year’s Configuration Addition VOM cost
will be incorporated into the Configuration Addition Maintenance adder until the end of the historical
maintenance cost period selected for the unit.
To calculate the Configuration Addition VOM Adder, calculate the solely incremental VOM Cost for
the Configuration Change. Please note these expenses are purely incremental.

3.6.3

Reductions in Total VOM Costs:

While it is expected that the Configuration Addition VOM adder will most often be used to cover step
increases in VOM costs, it is also to be used to capture step decreases in VOM costs resulting from a
significant system or unit configuration change that results in a significant reduction in VOM costs.
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Any equipment that falls into disuse or is retired because of the configuration change must have its
VOM expenses removed from the historical record used to develop the VOM adder. An example of a
significant system or unit configuration change that may result in a step decrease in qualified VOM costs
includes, but is not limited to, conversion from open loop to closed loop circulation water systems.

3.7

Mitigated Spinning Reserve Offer
Note: The information in Section 2.8 contains basic Spinning Reserve information
relevant for all unit types including nuclear units where applicable.

3.8

Mitigated Supplemental Reserve Offer
Note: The information in Section 2.9 contains basic Supplemental Reserve
information relevant for all unit types including nuclear units where applicable.

3.9

Mitigated Regulation Offers
Note: The information in Section 2.10 contains basic Regulation information
relevant for all unit types including nuclear units where applicable.

4.

Fossil Steam Unit Guidelines

This section contains information pertaining to Fossil Steam Unit mitigated offer development.
Fossil Steam Turbine plants use combusted fossil fuels to heat water and create steam that generates
the dynamic pressure to turn the blades of a steam turbine resourceResource.

4.1

Heat Rate
Note: The information in Section 2.1 contains basic Heat Rate information relevant
for all unit types including fossil steam units.

4.2

Performance Factor
Note: The information in Section 2.2 contains basic Performance Factor
information relevant for all unit types. The following information only pertains to
fossil steam units.

Like units that can be used for calculation of performance factors are units having similar ratings, steam
conditions, make or model and same site location.

4.3

Fuel Cost
Note: The information in Section 2.3 contains basic Fuel information relevant for
all unit types. The following information only pertains to fossil steam units.
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Fossil fuel cost adjustments compensating for previous estimate inaccuracies should not be considered
when determining the basic fossil cost component of Total Fuel Related Cost .
Fossil Other Fuel-Related Costs - the fuel cost dollars in (FERC Account 501 Fuel) plus incremental
expenses for fuel treatment and pollution control (excluding SO 2 and NO X emission allowance costs
such as SO 2 and NO X ) that were not included in Account 501the fuel costs above; minus the fuel
expenses from costs related to inventory balances (FERC Account 151) that were charged into fuel costs
(FERC Account 501,), all divided by the fuel (heat content or quantity) shifted from inventory (FERC
Account 151) into Account 501fuel costs.

4.4

Hot Start Cost, Intermediate Start Cost, and Cold Start cost
Note: The information in Section 2.4 contains basic Start Cost information relevant
for all unit types. The following information only pertains to fossil steam units.

𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 − 𝑈𝑈𝑈𝑈 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂($⁄𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 ) =

4.4.1

[𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 ⁄𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 ) ∗ 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇($⁄𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 ) ∗ 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹]
+ [𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆(𝑀𝑀𝑀𝑀ℎ/𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆) ∗ 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅($⁄𝑀𝑀𝑀𝑀ℎ)]
+ 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝑉𝑉𝑉𝑉𝑉𝑉 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴($⁄𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 ) + 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 )
+ [𝑆𝑆ℎ𝑢𝑢𝑢𝑢 − 𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 ⁄𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 ) ∗ 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇($⁄𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 )
∗ 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹]

Hot Start Cost

Hot start cost is the expected cost to start a steam unit, which is in the “hot” condition. Hot conditions
vary unit by unit, but in general, a unit is hot after an overnight shutdown.
Components of hot start cost include:
Start Fuel Consumed is the amount of fuel consumed from first fire of start process to breaker closing
(including auxiliary boiler fuel).
Shutdown Fuel Consumed is the amount of fuel consumed from breaker opening of the previous
shutdown to initialization of the (hot) unit start-up, excluding normal plant heating/auxiliary equipment
fuel requirements.
Station Service from initiation of start sequence to breaker closing (total station use minus normal base
station use) priced at the Station Service rate and station service after breaker opening during shutdown
(station service during shutdown should be that associated with the normal unit auxiliary equipment
operated during shutdown in excess of base unit use, this station service is not to include VOM or nonnormal use) priced at the Station Service rate.
Additional labor costs in excess offor start-up and shutdown due to SPP market commitment/dispatch
run time above normal station manning requirements that are incurred when startinglevels including
travel time between the unit.non-work location and the work location not otherwise included in the Start
VOM. A different value may be submitted for on-peak versus off-peak periods.
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Start VOM Adder - Section 2.4 contains generic information regarding calculationuse of VOM Adder.

4.4.2

Intermediate Start Cost

Intermediate start cost is the expected cost to start a steam unit during a period where neither hot nor
cold conditions apply. Use of intermediate start cost is optional based on company policy and physical
machine characteristics. The only restriction is that once an intermediate start cost is defined for a unit,
the cost must be used consistently in scheduling and accounting.
Components of intermediate start cost include:
Start Fuel Consumed is the amount of fuel consumed from first fire of start process to breaker closing
(including auxiliary boiler fuel).
Shutdown Fuel Consumed is the amount of fuel consumed from breaker opening of the previous
shutdown to initialization of the (intermediate) unit start-up, excluding normal plant heating/auxiliary
equipment fuel requirements.
Station Service from initiation of start sequence to breaker closing (total station use minus normal base
station use) priced at the Station Service rate and station service after breaker opening during shutdown
(station service during shutdown should be that associated with the normal unit auxiliary equipment
operated during shutdown in excess of base unit use, this station service is not to include VOM or nonnormal use) priced at the Station Service rate.
Additional labor costs in excess offor start-up and shutdown due to SPP market commitment/dispatch
run time above normal station manning requirements that are incurred when startinglevels including
travel time between the unit. non-work location and the work location not otherwise included in the Start
VOM. A different value may be submitted for on-peak versus off-peak periods.
Start VOM Adder - Section 2.4 contains information for calculationuse of the Start VOM Adder.

4.4.3

Cold Start Cost

Cold start cost is the expected cost to start a steam unit that is in the “cold” condition. Cold conditions
vary unit by unit, but in general, a unit is cold after a two or three-day shutdown. Components of cold
start cost include:
Start Fuel Consumed is the amount of fuel consumed from first fire of start process to breaker closing
(including auxiliary boiler fuel).
Shutdown Fuel Consumed is the amount of fuel consumed from breaker opening of the previous
shutdown to initialization of the (cold) unit start-up, excluding normal plant heating/auxiliary equipment
fuel requirements.
Station Service from initiation of start sequence to breaker closing (total station use minus normal base
station use) priced at the Station Service rate and station service after breaker opening during shutdown
(station service during shutdown should be that associated with the normal unit auxiliary equipment
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operated during shutdown in excess of base unit use, this station service is not to include VOM or nonnormal uses) priced at the Station Service rate.
Additional labor costs in excess offor start-up and shutdown due to SPP market commitment/dispatch
run time above normal station manning requirements that are incurred when startinglevels including
travel time between the unit. non-work location and the work location not otherwise included in the Start
VOM. A different value may be submitted for on-peak versus off-peak periods.
Start VOM Adder - Section 2.4 contains information for calculationuse of the Start VOM Adder.

4.5

Mitigated No Load Offer

4.6

Note: The information in Section 2.7 contains basic Mitigated No Load Offer information
relevant for all unit types including fossil steam units.

4.7

VOM Cost
Note: The information in Section 2.4.2 contains basic VOM Cost information
relevant for all unit types. The following information only pertains to fossil steam
units.

Fossil Steam - VOM Cost - is the historical VOM dollars as derived from FERC Accounts 512 and 513
for fossil steam units.
Units with less than 1 year of history are considered immature. Fossil Steam - VOM Cost - Fixed costs
are costs that do not vary based on the use of the Resource for the production of energy, such as
supervisory and engineering salary, office supplies, training, depreciation, and employee expenses.
FERC accounts 502, 505, 512, and 513 are examples of accounts that contain VOM cost components
that can be included, exclusive of fixed costs in these accounts.

Such units can be assigned their calculated Maintenance Adder and/or Start Cost Maintenance Adder, or
a forecast value, subject to evaluation pursuant to the Mitigated Offer Methodology Approval Process.

4.7.1

Configuration Addition VOM Adder

For units undergoing a significant system or unit Configuration Addition the use of an additional
“Configuration Addition VOM Adder” may be included in the determination of the total VOM adder. It
is not intended to be used for upgrades to existing equipment (i. e. : replacement of a standard burner with
a low NO X burner).
Examples of significant system or unit Configuration Additions may include but are not limited to:
•

Installation of Flue Gas Desulfurization (FGD or scrubber) systems

•

Activated Carbon Injection (ACI) or other sorbent injection systems
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•

Installation of SCR or SNCR NO X removal systems

•

Conversion from open loop to closed loop circulation water systems

•

Bag House addition

•

Water injection for NO X control

•

Gas Turbine Inlet Air Cooling

•

Dry Sorbent Injection (DSI)

The specific system or unit configuration system change needs to be reviewed by the MMUMarket
Monitor pursuant to the Mitigated Offer Methodology Approval Process and receive final approval thereof
prior to the use of a Configuration Addition VOM Adder.

4.7.2

Calculation of the Configuration Addition VOM Adder

The Configuration Addition VOM Cost (CAVC) is to be calculated in the same manner as the VOM
Adder described in this section with the exception that the Configuration Addition VOM Cost dollars are
only the incremental additional costs incurred because of the system or unit configuration change.
As with the current VOM dollar calculation under Section 2.4, the adder for year (Y) uses the actual costs
beginning with year (Y-1). Therefore, the first year of actual incremental additional expenses will be
captured by the CAVC in the second year.
Following the initial year of use of the CAVA, each additional year‘s CAVA will be incorporated into the
total until the end of the historical Maintenance Period selected for the unit.

4.7.3

Reductions in Total VOM Costs

While it is expected that the Configuration Addition VOM adder will most often be used to
cover step increases in VOM costs, it is also to be used to capture step decreases in VOM costs
resulting from a significant system or unit configuration change that results in a significant
reduction in VOM costs. Any equipment that falls into disuse or is retired because of the
configuration change must have its VOM expenses removed from the historical record used to
develop the VOM adder. An example of a significant system or unit configuration change that
may result in a step decrease in qualified VOM costs includes, but is not limited to, a fuel change
from coal to gas fuel.

4.8

Mitigated Spinning Reserve Offer
Note: The information in Section 2.8 contains basic Spinning Reserve information
relevant for all unit types.
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4.9

Mitigated Supplemental Reserve Offer
Note: The information in Section 2.9 contains basic Supplemental Reserves
information relevant for all unit types including fossil steam units.

4.10

Regulation
Note: The information in Section 2.10 contains basic Regulation Cost information
relevant for all unit types including fossil steam units.

5.

Combined Cycle (CC) Guidelines

This section contains information pertaining to Combined Cycle Cost development.
Combined Cycle - An electric generating technology in which electricity is generated by both a
combustion turbine resourceResource (the Brayton Cycle) and a steam turbine resourceResource (the
Rankine Cycle) hence the name combined cycle. The CT exhaust heat flows to a conventional boiler or
to a heat recovery steam resourceResource (HRSG) to produce steam for use by a steam turbine
resourceResource in the production of electricity.
Heat recovery steam resourceResource (HRSG) – A CT exhaust feeds hot gas into a heat to steam
exchanger installed on combined-cycle power plants designed to utilize the heat in the combustion
turbine exhaust to produce steam to drive a conventional steam turbine resourceResource. The HRSG
may or may not also include a supplemental source of heat, e.g. duct firing.

5.1

Heat Rate
Note: The information in Section 2.1 contains basic Heat Rate information relevant
for all unit types including combined cycle units.

5.2

Performance Factors
Note: The information in Section 2.2 contains basic Performance Factor
information relevant for all unit types including combined cycle units.

5.3

Fuel Cost
Note: The information in Section 2.3contains basic Fuel Cost information relevant
for all unit types including combined cycle units.

5.4

Mitigated Start-Up Offer
Note: The information in Section 2.4 contains basic Mitigated Start-Up Offer
information relevant for all unit types. The following additional information only
pertains to combined cycle units.
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Start costs for Combined Cycle (CC) plants shall include only the following components and shall never
be less than zero:
𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 ) =

(𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 ⁄𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 ) ∗ 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇($⁄𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 ) ∗ 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹)
+ �𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆(𝑀𝑀𝑀𝑀ℎ) ∗ 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅($⁄𝑀𝑀𝑀𝑀ℎ)�
+ 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝑉𝑉𝑉𝑉𝑉𝑉 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴($⁄𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 ) + 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 )

Start cost can be calculated and offered for Hot, Intermediate and Cold Start conditions.
Start Fuel Consumed is the amount of fuel consumed from first CT fire to breaker closing for the
steam turbine resourceResource, as measured during a normal start sequence, and the amount of fuel
consumed from breaker opening for the steam turbine resourceResource to fuel valve closure.
Additionally, for Combined Cycle Resources not registered under configuration based option, this
includes the amount of fuel consumed from CT first fire to the point where heat recovery steam
resourceResource (HRSG) steam pressure matches steam turbine inlet pressure of the operating steam
turbine, for any CT unit/HRSG combinations started after synchronization of the steam turbine
resourceResource.
Station service is included from initiation of start sequence of initial combustion turbine to breaker
closing of the steam turbine resourceResource (total station use minus normal base station use) priced at
the Station Service Rate.
Add to this (+) station service after breaker opening of the last component when finished operating as a
combined cycle unit, priced at the Station Service rate. (Station service during shutdown should be that
associated with the normal unit auxiliary equipment operated during shutdown in excess of base unit
use. This station service is not to include VOM or non-normal uses. )
Minus (-) the integration of net generation from CT synchronization to steam turbine resourceResource
synchronization or to HRSG steam output at line pressure, priced at the actual cost of the unit.
Minus (-) the integration of net generation during the shutdown period, priced at the actual cost of the
unit.
IncrementalAdditional labor costs in excess offor start-up and shutdown due to SPP market
commitment/dispatch run time above normal station manning requirements (only when necessary to
startlevels including travel time between the CC unit).
- this quantity includes non-work location and the work location not otherwise included in the Start
VOM $ for CT Starting from CT breaker closing to steam turbine resource breaker closing and from
steam turbine resource breaker opening at the start of unit shutdown to CT breaker . A different value
may be submitted for on-peak versus off-peak periods.
Start VOM Adder – the value stated in Section 2.4 or such other Market Monitor approved value. Such
expenses attributed to starts-based or hours-based inspection and maintenance activities associated with
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an OEM recommended or similar program to maintain equipment may be included whether such
expense is through contract labor or market participant labor associated with these activities that would
not otherwise be incurred.

5.5

Mitigated Transition State Offer

𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂($⁄𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇) =

(𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶(𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 ⁄𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇) ∗ 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇($⁄𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚 )
∗ 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹) + 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑉𝑉𝑉𝑉𝑉𝑉 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇)
+ 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇)
Transition Fuel Consumed is the amount of additional fuel consumed moving from the current
configuration to another configuration (i.e. moving from a 1 X 1 to a 2 X 1)
Incremental transition labor costs in excess of normal station manning requirements (only when
necessary to transition the CC to a different configuration)
Transition VOM Cost - this quantity includes Transition VOM $ incurred moving from the current
configuration to another configuration (i.e. moving from a 1 X 1 to a 2 X 1)

5.6

Mitigated No Load Offer
Note: The information in Section 2.7 contains basic No Load information relevant
for all unit types including combined cycle units.

5.7

VOM Cost
Note: The information in Section 2.4.2 contains basic VOM Cost information
relevant for all unit types. The following additional information only pertains to
including combined cycle units.

Combined Cycle VOM Cost – the historical VOM dollars as derived from FERC Accounts 512, 513,
and 553. If submitting as a simple cycle combustion turbine, use total dollars from FERC Account 553.
Combined Cycle VOM Cost – Fixed costs are costs that do not vary based on the use of the Resource
for the production of energy, such as supervisory and engineering salary, office supplies, training,
depreciation, and employee expenses. Such expenses attributed to starts-based or hours-based inspection
and maintenance activities associated with OEM recommendations or similar programs to maintain
equipment may be included as VOM costs whether such expense is through contract labor or market
participant labor associated with these activities that would not otherwise be incurred. FERC accounts
502, 505, 512, 513, 553, 554 are examples of accounts that contain VOM cost components that can be
included, exclusive of fixed costs in these accounts, and used for VOM cost calculation under Section
2.4.2.
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5.8

Mitigated Spinning Reserve Offer
Note: The information in Section 2.8 contains basic Spinning Reserve information
relevant for all unit types.

5.9

Mitigated Supplemental Reserve Offer
Note: The information in Section 2.9 contains basic Supplemental Reserve information relevant
for all unit types including combined cycle units.

5.10

Mitigated Regulation Offers
Note: The information in Section2.10 contains basic Regulation information
relevant for all unit types including combined cycle units.

6.

Combustion
Guidelines

Turbine

(CT)

and

Reciprocating

Engine

This section details specific information for the mitigated offer development for units that are
Combustion turbine or reciprocating engine resourcesResources.
Combustion Turbine Resource – A generating unit in which a natural gas or oil fired combustion
turbine engine is the prime mover for an electrical resourceResource.
Reciprocating Engine Resource – A generating unit in which a reciprocating engine is the prime
mover for an electrical resourceResource.

6.1

Combustion Turbine and Reciprocating Engine Heat Rate
Note: The information in Section 2.1 contains basic Heat Rate information relevant
for all unit types, including CTs and Reciprocating Engines.

6.2

Performance Factor
Note: The information in Section 2.2 contains basic Performance Factor
information relevant for all unit types. The following additional information only
pertains to CT, diesel and reciprocating engine units.

“Like” Combustion Turbine Units - An average performance factor may be calculated and applied for
groups of like units burning the same type of fuel. “Like” includes same primary manufacturer not
necessarily engine or resourceResource manufacturer, but one with overall system responsibility. The
following are two examples:
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•

Worthington sells CT's with P&W engines and a GE resourceResource. Worthington would be
considered the primary manufacturer.

•

Same general frame size - a manufacturer may modify a basic design to produce units with varying
capabilities. Units built with such variations may be placed in a single group.

6.3

Fuel Cost
Note: The information in Section 2.3 contains basic Fuel Cost information relevant
for all unit types including CTs, and reciprocating diesel engine units.

6.3.1

Combustion Turbine other Fuel-Related Costs

The dollars in FERC Account 547, plus incremental expenses for fuel treatment and pollution control
excluding SO 2 and NO X emission allowance costs that were not included in Account 547; minus the
fuel expenses from FERC Account 151 that were charged into Account 547, all divided by the fuel (heat
content or quantity) shifted from Account 151 into Account 547.

6.4

Energy Offer Curve for Quick Start
Note: The information in Section 2.5 contains basic Mitigated Energy Offer Curve
information relevant for all unit types. The following additional information only
pertains to SCED Quick Start units.

A Quick Start Resource is a Resource that dispatched directly by SCED in the RTBM.
A Quick Start Resource that is dispatched by the Real-Time Balancing Market (SCED, as opposed to
SCUC or RUC), may include start-up costs as part of the Mitigated Energy Offer Curve. If Start-Up
Adder and No-Load Adder are used here, the Mitigated Start-up Offer under Section 2.6 and the
Mitigated No-Load Offer under Section 2.7 must be equal to zero.
Mitigated Energy Offer ($/MWh) =
(Heat Rate (mmBtu/MWh) * Performance Factor * Total Fuel Related Costs ($/mmBtu))
+ Start VOM ($/MWh) + Start-Up Adder ($/MWh) + No Load Adder ($/MWh)
The Start-Up Adder is computed as the cost to start the Resource divided by the average energy during
the minimum run time:
Start-Up Adder ($/MWh) =
Start-Up Costs ($/Start) / Average Energy During Minimum Run Time (MWh/start)
The average energy during minimum run time is the average energy output during the minimum run
time for SCED quick start deployments during the past year.
𝐴𝐴𝐴𝐴. 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 𝑑𝑑𝑑𝑑𝑑𝑑𝑑𝑑𝑑𝑑𝑑𝑑 𝑀𝑀𝑀𝑀𝑀𝑀. 𝑅𝑅𝑅𝑅𝑅𝑅 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 (𝑀𝑀𝑀𝑀ℎ⁄𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠𝑠 ) =
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𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 % 𝑜𝑜𝑜𝑜 𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂𝑂 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿
∗ 𝑀𝑀𝑀𝑀𝑀𝑀. 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸. 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝑂𝑂𝑂𝑂. 𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿𝐿(𝑀𝑀𝑀𝑀) ∗ 𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀𝑀 𝑅𝑅𝑅𝑅𝑅𝑅 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇(ℎ𝑜𝑜𝑜𝑜𝑜𝑜𝑜𝑜)

No Load Adder ($/MWh) = No Load Costs ($/hour) / Average Hourly MWh output

The average hourly output during an hour is the sum of the energy output during SCED quick start
deployments during the past year divided by the number of hours of SCED deployments in the past year.

6.5

Mitigated Start-Up Offer
Note: The information in Section 2.6 contains basic Mitigated Start-Up Offer
information relevant for all unit types, including combustion turbine and
reciprocating engine resourceResource units that are not operating as SCED
dispatchable Resources as described under Section 6.4.

6.6

Mitigated No Load Offer for CTs
Note: The information in Section 2.7 contains basic No Load information relevant
for all unit types, including CTs, diesel engines and reciprocating engines that are
not operating as SCED dispatchable Resources as described under Section 6.4. .

6.7

VOM Cost
Note: The information in Section 2.4.2 contains basic VOM Cost information
relevant for all unit types. The following additional information only pertains to
including CT and diesel engine units.

Combustion Turbine - VOM Cost – The historical total dollars from FERC Account 553 should be
used to calculate the VOM $ specified under Section . Combustion Turbine - VOM Cost – Fixed
costs are costs that do not vary based on the use of the Resource for the production of energy, such as
supervisory and engineering salary, office supplies, training, depreciation, and employee expenses.
FERC accounts 548, 553 and 554 are examples of accounts that contain VOM cost components that can
be included, exclusive of fixed costs in these accounts, and used to calculate the VOM $ specified under
Section 2.4.2. Such expenses attributed to starts-based or hours-based inspection and maintenance
activities associated with OEM recommendations or similar programs to maintain equipment may be
included whether such expense is through contract labor or market participant labor associated with
these activities that would not otherwise be incurred. FERC accounts.
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6.8

Mitigated Spinning Reserve Offer
Note: The information in Section 2.8 contains basic Spinning Reserve information
relevant for all unit types. The following additional information only pertains to
CT, diesel and reciprocating engine units with synchronous condenser capability.

Total spinning costs for combustion turbine and reciprocating engine resourcesResources with
synchronous condenser capability shall include the following components:
•

Start costs if applicable, shall be applied when a unit moves from on off-line status to
synchronization with the grid but shall not be applied when a unit moves from energy generation
to an off-line status..

•

VOM cost in $/HrHour divided by the Spinning MW provided.

•

Actual cost of power consumed during condensing operations at real time bus LMP as
determined by Market Settlements. MW consumed must be included in the offer.

6.9

Mitigated Supplemental Reserve Offer

Note: The information in Section 2.9 contains basic Supplemental Reserve information relevant for all
unit types, including CT, diesel and reciprocating engine units.

6.10

Mitigated Regulation Offers
Note: The information in Section 2.10 contains basic Regulation information
relevant for all unit types, including CT, diesel and reciprocating engine units.
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7.

Hydro Guidelines

This section contains information for the development of Hydro or Hydro Pumped Storage cost offers.
Hydro Unit – Generating unit in which the energy of flowing water drives the turbine resourceResource
to produce electricity. This classification includes pumped and run-of-river hydro.
Pumped Hydro Unit – Hydroelectric power generation that stores energy in the form of water by
pumping from a lower elevation source to a higher elevation reservoir, then allowing the upper reservoir
to drain turning the turbines to produce power.

7.1

Pumping Efficiency (Pumped Hydro Only)

Pumping Efficiency is the Pumped Hydro Unit’s version of a heat rate. It measures the ratio of
generation produced to the amount of generation used as fuel.
Pumping Efficiency (PE) is calculated by dividing the MWh of generation produced while operating in
generation mode by the MWh required to pump the water needed to produce the generation MWh.
𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 =

𝑀𝑀𝑀𝑀ℎ 𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃
𝑀𝑀𝑀𝑀ℎ 𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝑎𝑎𝑎𝑎 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹

For example, it requires 1,000 ft3 to produce one MWh of generation as water flows from the pond to
the sink and it requires two MWh of pumping load to pump 1,000 ft3 of water from the sink to the pond.
The resultant efficiency is:
𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 =

𝑀𝑀𝑀𝑀ℎ 𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃
3. 5 𝑀𝑀𝑀𝑀ℎ (𝑔𝑔𝑔𝑔𝑔𝑔𝑔𝑔𝑔𝑔𝑔𝑔𝑔𝑔𝑔𝑔𝑔𝑔)
=
= 0. 70
𝑀𝑀𝑀𝑀ℎ 𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝑎𝑎𝑎𝑎 𝐹𝐹𝐹𝐹𝐹𝐹𝐹𝐹
5 𝑀𝑀𝑀𝑀ℎ (𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝𝑝)

In order to account for environmental and physical factors associated with the characteristics of the pond
and pumping operations that limit the accuracy of calculating short term pumping efficiency, a seven
day rolling total of pumping and generation MWh are utilized for pumping efficiency calculations.
PE can be calculated by one of three methods. An owner must make the choice of method by December
31 prior to the year of operation and cannot change to another method for a period of one calendar year.
•

Option 1: Twelve month calendar actual Pumping Efficiency.
o The previous 12-month calendar year average Pumping Efficiency based on actual
pumping operations.

•

Option 2: Three month rolling Pumping Efficiency.
o The previous three months rolling actual efficiency where the average monthly availability
is 50% or greater. The calculation must be updated after each month.

•

Option 3: The previous month actual Pumping Efficiency.
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o The previous month actual efficiency where the availability is 50% or greater. The
calculation must be updated monthly.

7.2

Performance Factors
Note: The information in Section 2.2 contains basic Performance Factor
information relevant for all unit types. The following additional information only
pertains to hydro units.

7.3

Fuel Cost

To be consistent with other SPP units within this manual the term fuel cost is used to account for the
energy necessary to pump from the lower reservoir to the upper reservoir.
Note: The information in Section 2.3 contains basic Fuel Cost information relevant
for all unit types. The following additional information only pertains to pumped
hydro units.
If, a Market Participant wishes to change its method of calculation of pumped storage TFRC, the Market
Participant shall notify the SPP MMUMarket Monitor in writing by December 31 prior to the year of
operation, to be evaluated pursuant to the Mitigated Offer Methodology Approval Process before the
beginning of the cycle in which the new method is to become effective. The new cycle starts on
February 1st and continues for a period of one year.
Pumped Storage Fuel Cost – Pumped storage fuel cost shall be calculated on a seven (7) day rolling
basis by multiplying the real time bus LMP at the plant node by the actual power consumed when
pumping. The following equations govern pumping storage fuel cost:
𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑀𝑀𝑀𝑀ℎ) =

7.3.1

∑ 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝐿𝐿𝐿𝐿𝐿𝐿 ($/𝑀𝑀𝑀𝑀ℎ) ∗ 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 (𝑀𝑀𝑀𝑀ℎ)
𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑛𝑛𝑔𝑔 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 (𝑀𝑀𝑀𝑀ℎ) ∗ 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸

Total Energy Input Related Costs for Pumped Storage Hydro Plant Generation

Total energy input-related costs for all pumped storage hydro units shall be defined as follows:
𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻 𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇𝑇 𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸𝐸 𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼𝐼 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($/𝑀𝑀𝑀𝑀ℎ)

7.4

= 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($/𝑀𝑀𝑀𝑀ℎ) + 𝐸𝐸𝐸𝐸𝐸𝐸 𝑉𝑉𝑉𝑉𝑉𝑉 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($/𝑀𝑀𝑀𝑀ℎ)

Mitigated Start-Up Offer

Hydro Units do not have Start-up costs.

7.5

Mitigated No Load Offer

Hydro Units do not have No Load costs.
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7.6

VOM Cost
Note: The information in Section 2.4.2 contains basic VOM Cost information
relevant for all unit types. The following additional information only pertains to
including hydro units.

The historical total dollars from the FERC accounts listed here should be used to calculate the VOM $
specified under Section 2.4.2. The cost of labor, materials used and expenses incurred in the
maintenance of plant, includible in Account 332, Reservoirs, Dams, and Waterways. (See operating
expense instruction 2). The cost of labor materials used and expenses incurred in the maintenance of
fish and wildlife, and recreation facilities, the book cost of which is includible in Account 332,
Reservoirs, Dams, and Waterways, includable in Account 545, Maintenance of Miscellaneous Hydraulic
Plant.

7.7

Spinning Reserve: Hydro Unit Costs
Note: The information in Section 2.8 contains basic Spinning Reserve information
relevant for all unit types. The following additional information only pertains to
hydro units if applicable.

Total spinning costs for Hydro units shall include the following components:

=�

𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻𝐻 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝑡𝑡𝑡𝑡 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶($⁄𝑀𝑀𝑀𝑀)

𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 ($) + (𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 (𝑀𝑀𝑀𝑀ℎ) ∗ 𝐿𝐿𝐿𝐿𝐿𝐿 �
𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆 𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅𝑅 𝑀𝑀𝑀𝑀

$
�) + 𝑉𝑉𝑉𝑉𝑉𝑉($/ℎ𝑜𝑜𝑜𝑜𝑜𝑜)
𝑀𝑀𝑀𝑀ℎ

�

Start costs – if applicable, start costs shall be applied when a unit moves from cold to condensing
operations and when a unit moves from condensing operations to energy generation, but shall not be
applied when a unit moves from energy generation to condensing operations.
In addition (+) identified variable Operating and Maintenance cost in $/hour divided by the Spinning
MW provided. These costs shall be totaled over the Maintenance Period and divided by total MWh
generated over the maintenance period. These variable Operating and Maintenance costs shall include:
Maintenance of Electric Plant as derived from FERC Account 544
Maintenance of Reservoirs as derived from FERC Account 543
Total hydro condensing offers must be expressed in dollars per hour per MW of Spinning Reserve ($/MW)
and must specify the total MW of Spinning Reserve offered.
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7.8

Mitigated Supplemental Reserve Offer
Note: The information in Section 2.9 contains basic Supplemental Reserve
information relevant for all unit types including Hydro units.

7.9

Mitigated Regulation Offers
Note: The information in Section 2.10 contains basic Regulation information
relevant for all unit types.

8.

Demand Response Guidelines

A Demand Response Resource is a special type of Resource created to model demand reduction
associated with controllable load and/or a behind-the-meter resourceResource that is dispatchable either
on a 5-minute basis or an hourly basis.

8.1

Demand Response Resource (DRR) Cost for Behind the Meter
Generation

Market Participants using behind the meter resourceResource as a DDR Resource should refer to the
appropriate unit type defined in this manual to develop incremental cost.

8.2

DRR Cost for Demand Reduction

Demand Reduction is the actual reduction of load at the direction of SPP through the commitment and
dispatch of as associated DRR. This could include the cycling of air conditioners or the shutdown of an
industrial production process in order to reduce the load at a site. Incremental costs can include
quantifiable opportunity costs associated with the reduction, net of related offsetting increases in usage.
Typically, demand reduction would be registered as a Block Demand Response Resource but an
industrial site that can control its load consumption on a real-time basis could register as a Dispatchable
Demand Response Resource.

8.3

DRR Start-Up Cost

DRR Start-Up cost is the cost to shut down or curtail a load for a given period, which does not vary
with output, or the start cost of a behind the meter resourceResource. Start costs for DRRs represented
by behind-the-meter resourcesResources are defined by unit type in this manual. Start-Up costs for
DRRs representing load curtailment are not specifically defined but will be evaluated on a case by case
basis when submitted as part of a Market Participants fuel cost policy for reasonableness.
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8.4

DRR Cost to Provide Spinning and/or Supplemental Reserves

Spinning Reserves from Demand Response Resources must be provided by equipment electrically
synchronized to the system, and able to be fully deployed for the cleared amount within ten minutes
upon request by SPP. The costs of spinning reserves from a DRR are the quantifiable incremental costs
to reduce load by the offered amount within ten minutes. Incremental costs include shut down costs and
opportunity costs.

8.5

DRR Cost to Provide Regulation

Regulation-Up and/or Regulation-Down from Dispatchable Demand Response Resources must be
provided by equipment electrically synchronized to the system and able qualify for provision of
regulation services. The costs of regulation from DDR Resources are the quantifiable incremental costs
to reduce load by the offered amount within five minutes. Incremental costs include shut down costs and
opportunity costs.

9.

Wind Guidelines

Wind Units- Generating unit in which wind spins the turbine resourceResource to produce electricity.

9.1

Fuel Cost

Wind Units may include applicable costs that vary by MWh output.

9.2

Mitigated Start-Up Offer

Wind Units do not have start costs.

9.3

Mitigated No Load Offer

Wind Units do not have No Load costs.

9.4

VOM

Wind units should reflect their short-run incremental VOM costs by using the most current variable
costs data available. in their VOM cost. This could include the previous actual short-run
incrementalvariable cost where available. For wind units, VOM dollars from the previous years should
be divided by MWh generated in the same period.
𝐸𝐸𝐸𝐸𝐸𝐸 𝑉𝑉𝑉𝑉𝑉𝑉 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 ($/𝑀𝑀𝑀𝑀ℎ) =

𝑉𝑉𝑉𝑉𝑉𝑉 𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷 ($)
𝑀𝑀𝑀𝑀ℎ 𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃
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Fixed costs are costs that do not vary based on the use of the Resource for the production of energy, such
as supervisory and engineering salary, office supplies, training, depreciation, and employee expenses.
FERC accounts 553 and 554 are examples of accounts that contain VOM cost components that can be
included, exclusive of fixed costs in these accounts.

10.

Solar Guidelines

Solar photovoltaic - Generating unit in which light from the sun is converted into electricity through
solar cells.
Solar thermal – Generating unit in which heat from the sun is used to create steam that spins a turbine
to generate electricity.

10.1

Fuel Cost

Solar Units may include applicable costs that vary by MWh output.

10.2

Mitigated Start-Up Offer

Solar Units do not have start costs.

10.3

Mitigated No Load Offer

Solar Units do not have No Load costs.

10.4

VOM

Solar units should reflect their short-run incremental VOM costs by using the most current data
available.variable costs in their VOM cost. This could include the previous actual short-run
incrementalvariable cost where available. For solar units, VOM dollars from the previous years should
be divided by MWh generated in the same period.
𝐸𝐸𝐸𝐸𝐸𝐸 𝑉𝑉𝑉𝑉𝑉𝑉 𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 ($/𝑀𝑀𝑀𝑀ℎ) =

𝑉𝑉𝑉𝑉𝑉𝑉 𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷𝐷 ($)
𝑀𝑀𝑀𝑀ℎ 𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺𝐺 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃

Fixed costs are costs that do not vary based on the use of the Resource for the production of energy, such
as supervisory and engineering salary, office supplies, training, depreciation, and employee expenses.
FERC account 553 and 554 are examples of accounts that contain VOM cost components that can be
included, exclusive of fixed costs in these accounts.

SPP Tariff (OATT)

Attachment AF
2.

Definitions
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For purposes of this Plan, capitalized terms shall have the meanings specified below:
2.1

Associated Resource
As defined in Section 3.2(H)(6) of this Attachment AF.

2.2

Avoidable Administrative Expenses (“AAE”)
The avoidable administrative expenses related directly to the Resource for twelve months
preceding the month in which the data must be provided. The categories of expenses
included in AAE are those incurred for: (a) employee expenses (except employee expenses
included in AOML); (b) environmental fees; (c) safety and operator training; (d) office
supplies; (e) communications; and (f) annual plant test, inspection and analysis.

2.3

Avoidable Carrying Charges (“ACC”)
Avoidable variable carrying charges related directly to the Resource in the twelve months
preceding the month in which the data must be provided. Avoidable variable carrying
charges shall include variable carrying charges for maintaining reasonable levels of
inventories of fuel and spare parts that result from variable operational unit decisions as
measured by industry best practice standards. For the purpose of determining ACC,
variable is the time period in which a reasonable replacement of inventory for normal,
expected operations can occur.

2.4

Avoidable Corporate Level Expenses (“ACLE”)
Avoidable corporate level expenses directly related to the Resource incurred in the twelve
months preceding the month in which the data must be provided. Avoidable corporate level
expenses shall include only such expenses that are directly linked to providing tangible
services required for the operation of the Resource.
The categories of avoidable expenses included in ACLE are those incurred for:
(a) legal services;,
(b) environmental reporting; and
(c) procurement expenses.

2.5

Avoidable Maintenance Expenses (“AME”)
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Avoidable maintenance expenses (other than expenses included in AOML) related directly
to the Resource for the twelve months preceding the month in which the data must be
provided.
The categories of expenses included in AME are those incurred for:
(a) materials (e.g. tubes, bolts, turbine blades, filters) and chemical consumed during
maintenance of the Resource;
(b) rented/leased maintenance equipment used to maintain the Resource; and
(c) such expenses may include major overhaul expenses attributed to starts-based or hoursbased inspection and maintenance activities, including those associated with Original
Equipment Manufacturer (OEM) recommendations or similar programs.
2.6

Avoidable Operations and Maintenance Labor Expenses (“AOML”)
The avoidable labor expenses related directly to operations and maintenance of the
Resource for the twelve months preceding the month in which the data must be provided.
The categories of expenses included in AOML are those incurred for:
(a) on-site based labor engaged in operations and maintenance activities;
(b) off-site based labor engaged in on-site operations and maintenance activities directly
related to the Resource;
(c) off-site based labor engaged in off-site operations and maintenance activities directly
related to Resource equipment removed from the Resource site; and
(d) such expenses may include major overhaul expenses attributed to starts-based or hoursbased inspection and maintenance activities, including those associated with

OEM

recommendations or similar programs.
2.7

Avoidable Taxes, Fees and Insurance (“ATFI”)
Avoidable expenses related directly to the Resource incurred in the twelve months
preceding the month in which the data must be provided. The categories of expenses
included in ATFI are those incurred for:
(a) insurance;,
(b) permits and licensing fees;,
(c) site security and utilities for maintaining security at the site; and
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(d) property taxes.
2.8

Avoidable Variable Expenses (“AVE”)
Avoidable variable expenses related directly to the Resource incurred in the twelve months
preceding the month in which the data must be provided. The categories of expenses
included in AVE are those incurred for:
(a) water, gas, and electric service (not for power generation);
(b) fuel costs including actual fuel, fuel transportation and handling costs (including but
not limited to costs associated with coal combustion residual handling and disposal,
demoisturization of oil, antifreeze for coal, maintenance of mills and conveyors, and other
consumables directly related to the use of incremental fuel), scrubber limestone, ammonia,
magnesium oxide; and
(c) other variable costs including but not limited to costs of consumables such as chemicals
to treat water, oil for lubrication, gaskets, filters, rags, compressing gas, incremental
operation and maintenance personnel, and other incremental expenses.

2.9

Frequently Constrained Areas
As defined in Section 3.1.1 of this Attachment AF.

2.10

Frequently Mitigated Resource (“FMR”)
A Resource that has local market power more than 60% of its annual operating hours and
fails to recover its Annual Avoidable Costs.

2.11

Measures
SPP’s Market Mitigation Measures set forth in this document.

2.312 Performance Factor
The calculated ratio of actual fuel burn to either theoretical fuel use (design heat input) or
the most recent heat rate performance test, consistent with the Market Protocols.
2.413 Plan
SPP’s Market Power Mitigation Plan set forth in this Attachment AF.
2.514 Resource-to-Load Distribution Factor (RLDF)
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The simulated impact of incremental power output from a specific Resource ("source")
on the loading of a specific flowgate based on delivery to a representation of the
locational weighting of all loads within all Settlement Locations ("sink").
2.615 Transmission/Generation Owners
Any Market Participant owning or controlling both transmission and generation assets in
the SPP Region.

3.2

Mitigation Measures for Energy Offer Curves
Mitigated Energy Offer Curves shall be submitted on a daily basis by the Market
Participant in accordance with the mitigated offer development guidelines Mitigated Offer
Development Guidelines in the Market Protocols. The mitigated Energy Offer Curve may
be updated up to 1100 hours on the day before the Operating Day for use in the Day-Ahead
Market. In the case a Resource is not committed by the Day-Ahead Market, the mitigated
Energy Offer Curve may be updated until the Day-Ahead RUC begins. For Resources
committed by the Day-Ahead Market, the mitigated Energy Offer Curve submitted as of
1100 hours on the day before the Operating Day will apply to the Day-Ahead Market on
the day before the Operating Day and the RTBM on the Operating Day; for all other
Resources the mitigated Energy Offer Curve submitted at the time the Day-Ahead RUC
begins will apply to the Day-Ahead RUC on the day before the Operating Day, and the
Intra-Day RUC processes and the RTBM on the Operating Day.
A.

The Energy Offer Curve conduct thresholds are as follows:
(1)

For Resources with local market power as described in Section 3.1(3), the
conduct threshold is a 10% increase above the mitigated Energy Offer
Curve;

(2)

For Resources located in a Frequently Constrained Area and not subject to
Section 3.2(A)(1), the conduct threshold is a 17.5% increase above the
mitigated Energy Offer Curve;

(3)

For all other Resources the conduct threshold is a 25% increase above the
mitigated Energy Offer Curve.

B.

The Transmission Provider shall apply mitigation measures by replacing the
Energy Offer Curve with the mitigated Energy Offer Curve if:
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(1)

The Resource’s Energy Offer Curve exceeds the mitigated Energy Offer
Curve by the applicable conduct threshold; and

(2)

The Resource has local market power as determined in Section 3.1; and

(3)

The Resource either:
(a)

Fails the Market Impact Test as described in Section 3.7, or

(b)

Has local market power as described in Section 3.1(3).

An Energy Offer below $25/MWh will not be subject to mitigation measures for
economic withholding.
C.

The mitigated energy offer shall be the Resource’s short-run marginalvariable cost
of producing energy as determined by the unit’s heat rate; fuel costs and the costs
related to fuel usage, such as transportation and emissions costs (“total fuel related
costs”); opportunity costs; and Energy Offer Curve (“EOC”) variable
operationsoperation and maintenance costs (“VOM”) as detailed in the Market
Protocols.

D.

Opportunity cost shall be an estimate of the Energy and Operating Reserve Markets
revenues net of short run marginalvariable costs for the marginal forgone run time
during the timeframe when the Resource experiences the run-time restrictions as
detailed in the Market Protocols. The run-time restrictions shall be updated as
specified in the Market Protocols, with more frequent updating to occur the fewer
hours that remain available, consistent with the Market Protocols. The Market
Participant may include in the calculation of its mitigated Energy Offer Curve an
amount reflecting the resourceResource-specific opportunity costs expected to be
incurred under the following circumstances:
(1)

Externally imposed environmental run-hour restrictions; or

(2)

Physical equipment limitations on the number of starts or run-hours, as
verified by the Market Monitoring UnitMonitor and determined by
reference to the manufacturer’s recommendation or bulletin, or a
documented restriction imposed by the applicable insurance carrier; or

(3)

Fuel Supply Limitations.

Resource-specific opportunity costs are calculated by forecasting Locational
Marginal Prices based on futures contract prices for natural gas and the historical
relationship between the SPP system marginal Energy component of LMP and the
price of natural gas, as determined by the SPP Market Monitoring Unit.Monitor.
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The formulas and instructions in the price forecast model shall be determined by
the SPP Market Monitoring UnitMonitor and published in the Market Protocols as
part of the Mitigated Offer Development Guidelines, updated, as needed, by the
SPP Market Monitoring Unit.Monitor. Such forecasts of LMPs shall take into
account historical variability, and basis differentials affecting the Settlement
Location at which the Resource is located for the three-year period immediately
preceding the period of time in which the Resource is bound by the referenced
restrictions, and shall subtract therefrom the forecasted costs to generate energy at
the Settlement Location at which the Resource is located, as specified in more detail
in Appendix G of the Market Protocols. If the difference between the forecasted
Locational Marginal Prices and forecasted costs to generate energy is negative, the
resulting opportunity cost shall be zero. The Market Monitoring UnitMonitor will
verify all Market Participants’ opportunity cost calculations for consistency and
accuracy. When the Market Monitoring UnitMonitor determines that the market
price for any period was not competitive, it will adjust the LMP forecasting process
used in the opportunity cost calculations to ensure that forecasted LMPs do not
reflect non-competitive market conditions.
E.

The following formula shall apply to all mitigated Energy Offer Curves:
Mitigated Energy Offer ($/MWh) = HeatRate (mmBtu/MWh) *
Performance Factor * Total Fuel Related Costs ($/mmBtu) + EOC VOM
($/MWh) + Opportunity Costs ($/MWh) + FMR Adder ($/MWh)

F.

For FMRs and their Associated Resources for which the Market Monitor has
verified eligibility as described in Section 3.2(H)(4) of this Attachment AF, the
following shall apply:
(1)

For Resources that have local market power for 60% or more of their
operating hours determined on a rolling twelve-month basis, but less than
70% of their operating hours, the FMR Adder will be $25.00 per megawatthour;

(2)

For Resources that have local market power for 70% or more of their
operating hours determined on a rolling twelve-month basis, but less than
90% of their operating hours, the FMR Adder will be $30.00 per megawatthour;
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(3)

For Resources that have local market power for 90% or more of their
operating hours determined on a rolling twelve-month basis, the FMR
Adder will be $40.00 per megawatt-hour.

G.

At the request of the Market Participant, the Market Monitor, the Transmission
Provider and the impacted Market Participant shall evaluate the potential causes of
a Resource not recovering their Annual Avoidable Costs. The Market Monitor in
coordination with Transmission Provider shall analyze the magnitude of the cost
recovery and provide the analysis and conclusions from any such assessment to the
Market Participant and will report any revealed market design or implementation
flaws to the Market Working Group.

H.

The Market Participant shall submit heat rate curves, descriptions of how spot fuel
prices and/or contract prices are used to calculate fuel costs, variable fuel
transportation and handling costs, emissions costs, and VOM to the Market
Monitoring Unit.Monitor. All cost data and cost calculation descriptions are
subject to the review and approval of the SPP Market Monitoring UnitMonitor to
ensure reasonableness and consistency across Market Participants.

The

information will be sufficient for replication of the mitigated Energy Offer Curve
and shall include, among other data, the following information:
(1)

For fuel costs, Market Participants shall provide the Market Monitoring
UnitMonitor with an explanation of the Market Participants’ fuel cost
policy, indicating whether fuel purchases are subject to a fixed contract
price and/or spot pricing and specifying the contract price and/or referenced
spot market prices. Any includedFuel costs shall include variable fuel
transportation and variable handling costs must be short-run marginal costs
only, exclusive of fixed. Variable handling costs include but are not limited
to costs associated with coal combustible residual handling and disposal,
demoisturization of oil, antifreeze for coal, maintenance of mills and
conveyors, and other consumables directly related to the use of incremental
fuel.

(2)

For emissions costs, Market Participants shall report the emissions rate of
each of their units and indicate the applicable emissions allowance cost.

(3)

For VOM costs, Market Participants must use either; (i) VOM costs not to
exceed the default VOM values specified in ScheduleAddendum 12 of this
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Attachment AF, (ii) the default VOM, or (iii) a Market Monitor approved
Resource-specific VOM cost. A Market Participant must request Market
Monitor’s approval of a Resource-specific VOM cost if a default VOM cost
does not exist for the specific Resource type. A Market Participant may
request the Market Monitor’s approval of a Resource-specific VOM cost if
the Market Participant desires to use a VOM costs in excess of the default
VOM cost for the specific Resource type.
(a)

If a Market Participant requests approval of a Resource-specific
VOM cost, the Market Participant shall submit VOM costs,
calculated in adherence with the Appendix G ofcost components to
the Market Protocols, Monitor for review and approval reflecting
short-run marginalVOM costs, exclusive of fixed costs, in
accordance with Appendix G of the Market Protocols. Fixed costs
are costs that do not vary based on the use of the Resource for the
production of energy, such as supervisory and engineering salary,
office supplies, training, depreciation, and employee expenses. Such
expenses attributed to starts-based or hours-based inspection and
maintenance activities associated with OEM recommendations or
similar programs to maintain equipment may be included as VOM
costs whether such expense is through contract labor or market
participant labor associated with these activities that would not
otherwise be incurred. FERC accounts 502, 505, 512, 513, 519, 520,
523, 530, 531, 545, 548, 549, 553 and 554 are examples of accounts
that contain VOM cost components that can be included, exclusive
of fixed costs in these accounts.

(b) The Market Monitor shall annually review the default VOM costs and
report its analysis and recommendations to the Market Working Group
for their review. The annual review shall include:
(i) any updated VOM costs submitted by Market Participants in
accordance with Appendix G of the Market Protocols;
(ii) the adjustments made by the Market Monitor to Market
Participant costs data;
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(iii) previous year’s default VOM costs adjusted for inflation using
the Producer Price Index stated in Appendix G of the Market
Protocols;
(iv) the effectiveness of the default VOM for the majority of the
Resources; and
(v) any other relevant change in costs that may impact VOM costs
for the Resources in the SPP footprint.
The effectiveness of the default VOM review in (iv) above should be to
determine if the default VOM values fairly represent the actual VOM
costs of a Resource type and whether these levels appropriately support
cost recovery. Further details associated with the development,
validation and updating of these costs are included in Appendix G of the
Market Protocols.
. (4) The Transmission Provider will provide data to Market Participants so they
can determine their Resources' qualification for meeting the local market
power criteria in 5(a) below.
(5)

When requesting eligibility for an FMR Adder, the Market Participant shall
submit sufficient data including the sum of: Avoidable Operations and
Maintenance Labor; Avoidable Administrative Expenses; Avoidable
Maintenance Expenses; Avoidable Variable Expenses; Avoidable Taxes,
Fees, and Insurance; Avoidable Carrying Charges; and Avoidable
Corporate Level Expenses in dollars per year (“Annual Avoidable Cost”).
Upon receipt of such data and on a monthly basis thereafter, the Market
Monitor shall calculate and then notify the Market Participant of its
eligibility for a subsequent month FMR Adder once the following criteria
are met:
(a)

The Resource has local market power at least 60% of the operating
hours determined on a rolling twelve-month basis; and

(b)

The Resource’s twelve-month Energy and Operating Reserve
Market revenues are less than its Resource-specific Annual
Avoidable Cost (in $/year), as determined in consultation with the
Market Monitor, determined on a rolling twelve-month basis.

The Market Monitor in consultation with the Market Participant shall work
through the data collection requirements and shall mutually set the appropriate
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effective date for implementation of the FMR Adder, with such effective date not
to exceed two months after the same rolling twelve-month period
(6)

For any Resource, without regard to ownership, located at the same site as
a Resource eligible for an FMR Adder shall become an Associated Resource
upon notification from the Market Monitor that it meets all of the following
criteria:
(a)

The Resource has electrically equivalent impact on the transmission
system as the FMR; and

(b)

The Resource (i) belongs to the same design class (where a design
class includes generation that is the same size and utilizes the same
technology, without regard to manufacturer) and uses the identical
primary fuel as the FMR or (ii) is regularly dispatched by the
Transmission Provider as a substitute for the FMR based on
differences in cost that result from the currently applicable FMR
Adder; and

(c)

The Resource (i) has an average daily mitigated Energy Offer
Curve, as measured over the preceding 12-month period, that is less
than or equal to the FMR’s average daily mitigated Energy Offer
adjusted to include the currently applicable FMR Adder or (ii) is
regularly dispatched by the Transmission Provider as a substitute for
the FMR based on differences in cost that result from the currently
applicable FMR Adder.

Further details associated with the development, validation, and updating of these
costs are included in Appendix G of the Market Protocols.
For Demand Response Resources utilizing Behind-The-Meter Generation, the
mitigated Energy Offer Curve shall be developed in the same manner as any other
generating Resource as described above.

For Demand Response Resources

utilizing load reduction, the mitigated Energy Offer Curve shall reflect the
quantifiable opportunity costs associated with the reduction, net of related
offsetting increases in usage.
For Dispatchable Variable Energy Resources, the mitigated Energy Offer Curve
may include, but shall not exceed, any quantifiable costs that vary by MWh output,
including short-run incremental VOM costs. Mitigation will not apply to NonPage 68 of 75

Dispatchable Variable Energy Resources in the Real-Time Balancing Market;
monitoring of Energy Offers for Non-Dispatchable Variable Energy Resources will
occur.
EI.

In the event that the Transmission Provider requests that a Resource remain online
past their commitment period by the Day-Ahead Market or a RUC process, the
Market Participant may submit an updated mitigated energy offer curve that reflects
the procurement of higher cost fuel. Intra-day changes to the mitigated energy offer
curve must follow the mitigated offer development guidelinesMitigated Offer
Development Guidelines in the Market Protocols and will be validated by the
Market Monitor.

FJ.

In all cases under this Section 3.2, cost data submitted for the development of
mitigated offers, including opportunity cost data, shall be subject to the
confidentiality provisions set forth in Section 11 of Attachment AE of this Tariff.

3.3

Mitigation Measures for Start-Up Offers and No-Load Offers
A mitigated Start-Up Offer and a mitigated No-Load Offer shall be submitted daily by the
Market

Participant

in

accordance

with

the

mitigated

offer

development

guidelinesMitigated Offer Development Guidelines in the Market Protocols.

The

mitigated Start-Up and No-Load Offers may be updated up to 1100 hours on the day before
the Operating Day for use in the Day-Ahead Market. In the case a Resource is not
committed by the Day-Ahead Market, the Start-Up and No-Load Offers may be updated
until the Day-Ahead RUC begins. The mitigated Start-Up and No-Load Offers submitted
at the time the Day-Ahead RUC begins will apply to the Day-Ahead RUC on the day before
the Operating Day and the Intra-Day RUC on the Operating Day.
A.

The Start-Up and No-Load Offer conduct thresholds are as follows:
(1)

For Resources with local market power as described in Section 3.1(3), the
conduct threshold is a 10% increase above the mitigated Start-Up or
mitigated No-Load Offer, as applicable;

(2)

For all other Resources the conduct threshold is a 25% increase above the
mitigated Start-Up or mitigated No-Load Offer, as applicable.

B.

The Transmission Provider shall apply mitigation measures by replacing the StartUp or No-Load Offer with the applicable mitigated Start-Up or No-Load Offer if:
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(1)

The Resource’s Start-Up or No-Load Offer exceeds the mitigated Start-Up
or mitigated No-Load Offer, as applicable, by the applicable conduct
threshold; and

C.

(2)

The Resource has local market power as determined in Section 3.1; and

(3)

The Resource either:
(a)

Fails the Market Impact Test as described in Section 3.7, or

(b)

Has local market power as described in Section 3.1(3).

The mitigated Start-Up Offer shall represent the cost per start as determined from
start fuel usage and the costs related to that fuel usage, Performance Factor cost of
electricity for station use to start (“Station Service”), maintenance costs attributed
to starts, and additional labor costs, if required above normal station staffing levels.
The following formula shall apply to all mitigated Start-Up Offers:
Mitigated Start-Up Offer ($/Start) = [Start Fuel (mmBtu/Start) *
Total Fuel Related Costs ($/mmBtu) * Performance Factor] + [Station
Service (MWh/Start) *
Station Service Rate ($/MWh)] + Start VOM ($/Start) + Start Additional
Labor Cost ($/Start)
The mitigated Start-Up Offer for Demand Response resourcesResources shall be
the cost to shut down or curtail load for a given period, which varies with the
number of deployments rather than the amount of response, and/or the start cost of
Behind-The-Meter Generation utilizing the mitigated Start-Up Offer calculation
applicable to other generation Resources as defined above.
The mitigated Start-Up Offer for Variable Energy Resources shall be zero.

D.

The mitigated No-Load Offer shall be the hourly fixed cost required to create a
monotonically increasingnon-decreasing mitigated Energy Offer Curve. It shall be
calculated according to either of two methods:
(1)

No-Load Fuel Approach
Mitigated No-Load Offer ($/hour) = No Load Fuel (mmBtu/hour) *
Performance Factor * (No-Load VOM ($/mmBtu) +
Total Fuel Related Cost ($/mmBtu)

(2)

No-Load Cost Approach
Mitigated No-Load Offer ($/hour) =
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(Heat Input at Minimum Economic Capacity Operating Limit
(mmBtu) * Performance Factor *
(Total Fuel Related Cost ($/mmBtu) + No Load VOM ($/mmBtu) )
)–
(Incremental Cost up to Minimum Economic Capacity Operating
Limit ($/MWh) * Minimum Economic Capacity Operating Limit
(MW) )
The mitigated No-Load Offer for Demand Response Resources utilizing
Behind-The-Meter Generation shall adhere to the same definition above as a
generating Resource.

For Demand Response Resources utilizing load

reduction, the mitigated No-Load Offer shall not exceed the quantifiable
ongoing hourly costs associated with load reduction.
The mitigated No-Load Offer for Variable Energy Resources shall be zero.
E.

The Market Participant shall submit all inputs used in calculating mitigated StartUp and mitigated No-Load Offers to permit the Market Monitor to verify submitted
offers. Required information includes: heat rate curves, descriptions of how spot
fuel prices and/or contract prices are used to calculate fuel costs, variable fuel
transportation and handling costs, emissions costs, and VOM. All cost data and
cost calculation descriptions are subject to the review and approval of the SPP
Market Monitoring UnitMonitor to ensure reasonableness and consistency across
Market Participants. Information to be provided by the Market Participant shall
include the following:
(1)

For fuel costs, Market Participants shall provide the Market Monitoring
UnitMonitor with an explanation of the Market Participants’ fuel cost
policy, indicating whether fuel purchases are subject to a fixed contract
price and/or spot pricing and specifying the contract price and/or referenced
spot market prices. Any included fuel transportation and handling costs
must be short-run marginalvariable costs only, exclusive of fixedincluding
but not limited to costs associated with coal combustible residual handling
and disposal, demoisturization of oil, antifreeze for coal, maintenance of
mills and conveyors, and other consumables directly related to the use of
incremental fuel.
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(2)

For emissions costs, Market Participants shall report the emissions rate of
each of their units and indicate the applicable emissions allowance cost.

(3)

For VOM costs, Market Participants must use either (i) VOM costs not to
exceed the default VOM values specified in Schedule 1Addendum 2 of this
Attachment AF , (ii) default VOM, or (iii) Market Monitor approved
Resource-specific VOM costs. A Market Participant must request Market
Monitor’s approval of a Resource-specific VOM cost if a default VOM cost
does not exist for the specific Resource type. A Market Participant may
request the Market Monitor’s approval of a Resource-specific VOM cost if
the Market Participant desires to use a VOM cost in excess of the default
VOM cost for the specific Resource type.
(a)

If a Market Participant requests approval of a Resource-specific
VOM cost, the Market Participant shall submit VOM costs and
supporting documentation to the Market Monitor for review and
approval reflecting short-run marginalVOM costs, exclusive of
fixed costs.

, in accordance with Appendix G of the Market

Protocols. Fixed costs are costs that do not vary based on the use of
the Resource for the production of energy, such as supervisory and
engineering salary, office supplies, training, depreciation, and
employee expenses. Such expenses attributed to starts-based or
hours-based inspection and maintenance activities associated with
OEM recommendations or similar programs to maintain equipment
may be included as VOM costs whether such expense is through
contract labor or market participant labor associated with these
activities that would not otherwise be incurred. FERC accounts 502,
505, 512, 513, 519, 520, 523, 530, 531, 545, 548, 549, 553 and 554
are examples of accounts that contain VOM cost components that
can be included, exclusive of fixed costs in these accounts.
Further details associated with the development, validation and
updating of these costs are included in Appendix G of the Market
Protocols.
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(4)

The Market Monitor shall annually review the default VOM costs and
report its analysis and recommendations to the Market Working Group for
their review. The annual review shall include:
(i) any updated VOM costs submitted by Market Participants in
accordance with Appendix G of the Market Protocols;
(ii) the adjustments made by the Market Monitor to Market
Participant costs data;
(iii) previous year’s default VOM costs adjusted for inflation using
the Producer Price Index stated in Appendix G of the Market
Protocols;
(iv) the effectiveness of the default VOM for the majority of the
Resources; and
(v) any other relevant change in costs that may impact VOM costs
for the Resources in the SPP footprint.

The effectiveness of the default VOM in (iv) above should be to determine if the
default VOM values fairly represent the actual VOM costs of a Resource type and
whether these levels appropriately support cost recovery. Further details
associated with the development, validation and updating of these costs are
included in Appendix G of the Market Protocols.

F.

In all cases under this Section 3.3, cost data submitted for the development of
mitigated offers, including opportunity cost data, shall be subject to the
confidentiality provisions set forth in Section 11 of Attachment AE of this Tariff.

3.5

Validation of Mitigated Resource Offer Parameters
The Market Monitor shall review the costs included in each mitigated Resource Offer in

order to ensure that the Market Participant has correctly applied the formulas and definitions in
Sections 3.2, 3.3, 3.4 and the Market Protocols and that the level of the mitigated offer is otherwise
acceptable. If the mitigated offer determined by the Market Monitor and the Market Participant
differ, the mitigated offer calculated by the Market Monitor shall be used. If a Market Participant
submits a dispute to the Commission over its mitigated offer, the previously approved mitigated
offer shall be used from the time the dispute is submitted until the dispute is resolved. The
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procedures for submitting and processing disputes related to mitigated offers shall be those
specified in the Market Protocols. The Transmission Provider shall remedy mitigated offer
disputes resolved in favor of the Market Participant by providing make whole payments, as
necessary, to the Market Participant whose mitigated offer was improperly determined by the
Market Monitor.
Each Market Participant is obligated to provide to the Market Monitor any cost data
necessary to allow the Market Monitor to validate its mitigated Resource Offer.
The Market Monitor shall keep such data confidential, and all cost data submitted under
this Section 3.5, including any opportunity cost data, shall be subject to the confidentiality
provisions set forth in Section 11 of Attachment AE of this Tariff. The Market Monitor shall
develop and maintain on the Transmission Provider’s website the mechanism and procedures to
allow Market Participants to submit such cost data.

Schedule 1Addendum 2 to Attachment AF –
Default VOM Costs
Resource Type

Energy Offer Curve
VOM ($/MWh)

Start-up VOM
($/MW)

No Load VOM
($/mmBtu)

Wind

$0.75

$0.00

$0.00

Solar

$0.00

$0.00

$0.00

Hydro

$4.00

$0.00

$0.00

Nuclear

$6.50

$0.00

$0.65

Coal

$3.00

$6.00

$0.30

Gas Combined Cycle

$3.00

$15.00

$0.43

Aero-Derivative CTs

$6.00

$5.00

$0.55

Gas Combustion Turbine
(Industrial Frame)

$4.00

$15.00

$0.36

$12.00

$5.00

$1.20

Gas Steam
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Oil Steam (including diesel
reciprocating engines)

$20.00

$15.00

$2.00

SPP Criteria

SPP Business Practices
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Summary – Phase 1
Mitigated Offer
Design
BOD – April 28, 2015
Richard Dillon
Director, Market Design

Background
•

SPP Board of Directors rejected Mitigated Offer changes
(MPRR 197) on 12/9/2014
–

•

Directed MOPC to develop Mitigated Offer changes that
were supported by a broader scope of members and
MMU

MOPC formed the Mitigated Offer Strike Team (MOST)
–

Members of this team represent two conflicting
Mitigated Offer approaches


VOM Cost Clarification (MPRR 197)



Default VOM (MPRR 213)

2

Strike Team Proposal to MOPC (Phase 1)
•

Default VOM used as for Phase 1 solution

•

Tariff should also include:
–

Specific process for default VOM calculation

–

Additional language on cost based rate calculation

–

Define process for requesting reference levels above
default levels

–

Define an adder that allows recovery of other costs for
Frequently Mitigated Resource

3

Strike Team Proposal to MOPC
•

•

MOPC asked to endorse the further development of the
Strike Team design approach, with the April MOPC
meeting as the target for completion.
–

Phase 1 Revision Requests and Impact Studies, and

–

Phase 2 market related solutions added

MOPC approved Strike Team proposal on 1/13/2015

4

Summary of Cost Based Design
•

Table of Default VOM values calculated by MMU
–

–

•

MP must use a VOM cost less than or equal to Default
VOM to develop their Mitigated Offers unless they
request Resource specific VOM cost
Default VOM values reviewed annually with MWG

Resource specific VOM values may be used
–

MPs must submit VOM cost data to MMU for review and
approval

–

Cost component language includes examples of FERC
accounts

5

Summary of Cost Based Design
•

Frequently Mitigated Resources (FMRs) Adder
–

MP must submit required cost data to MMU for review
and approval, if MP wants FMR Adder


–

Must meet market power percentage thresholds


–

•

FMR eligible cost data more inclusive than VOM cost data
MMU/SPP monitors and notifies MP when threshold met

Revenue must be less than Annual Avoidable Cost


Revenues and cost are based on a rolling 12-month basis



Determined by MMU based on MP supplied cost information

SPP and MMU to review root cause and report
findings to MWG

6

Interim Mitigated Offer Process Summary
Default
VOM?

Start

Yes

Cost
Based
Offer

AAC Data
Submitted?

No

No

Cost Based
VOM
Approved?

No

Yes

Eligible for FMR Adder?
Cost
Recovery

No

Mitigation
Level

Yes

Yes
Fuel Price
& Heat
Rate

Apply FMR
Adder to CB
Offer
MP Submits
Mitigated
Offer

MP Requested
Cost Recovery
Analysis?

Report
Root Cause
to MWG

7

Other RTO/ISO Activity
Feature
Cost based VOM
Default VOM
(by fuel type)
Annual Avoidable
Cost
FMR Adder

PJM

MISO
X

ERCOT NYISO CAISO ISONE
X

X

X
X

X

X
X

X

8

Revision Request 69 – Impact Analysis
•

Estimated Cost: $220,000 implementation cost and an
annual fee of $75,000 for maintaining the system
–

•

Estimated Duration: 5 months
–

•

Cost is rough order of magnitude estimate, ~ +/- 50%
Duration is rough order of magnitude estimate, ~ +/- 50%

Impacted Systems: Market Monitoring Data Depository
(MMDD)
–

Addition of a new module to the MMDD to accommodate
entry of data by Market Participants who have requested the
FMR Adder.
9

MMU Comments
on Mitigation Rule
Changes

SPP Board of Directors
Meeting
28 April 2015

INTRODUCTION
 MMU Responsibilities
 FERC Guidance
 Market Power
• What is market power
• Why is it a problem
• Who is harmed

2

Market Participant Concerns
 O&M cost recovery
 State regulatory exposure – possible
subsidy of participation in SPP markets
 Complexity, ambiguity, and uncertainty of
existing mitigation requirements
 Market conditions
 Market startup
3

Market Conditions
 Complex set of market rules
 Market Price – Low fuel costs; wind
penetration at times over 36%; available
capacity
 High level of congestion – breached or
binding conditions somewhere in the
market continues to be 85-90%

4

Market Start-up
 No electric market is flawless
 Significant change in commitments for
selected units
 High level of start-up mitigation
 Major changes in March and April that
impacted start-up mitigation

5

Mitigated Resource Starts by Commit Reason
20
18
16

Percent

14
12
10
8
6
4
2
0
3/1/2014 4/1/2014 5/1/2014 6/1/2014 7/1/2014 8/1/2014 9/1/2014 10/1/2014 11/1/2014 12/1/2014 1/1/2015 2/1/2015 3/1/2015
DA

MANUAL

RUC

6

Reasons for Lower Level of Mitigation
 Manual mitigation correction – Feb 15
 Impact threshold raised to 25% – March 1
 Frequently congested area designation
changes – April 15
 Expect other changes in the future

7

PROPOSAL STRENGTHS
Defaults
 Addressing ambiguity - VOM cost not to exceed
default is deemed to be acceptable
 Default values in the Tariff – any change goes through
the normal Tariff change process

FMR Adder
 Address cost recovery and State regulatory concerns
 Use of Local Market Power test and 12 month revenue
sufficiency test for eligibility
8

CONCERNS – No Link to Competitive Conditions
 Removal of all other reference to competitive criteria
• “Variable” is too generic - in the long-run, all costs are
variable
• FERC Mitigation premise of “offer will be approximately
equal to its short-run marginal cost”
 Lack of clarity – reference to specific FERC accounts and
allowed to include everything that is variable
 Default update process – linked to Market Participant
supplied cost data

9

Summary – Phase 2
Mitigated Offer
Design
BOD - April 28, 2015
Richard Dillon
Director, Market Design

Phase 2 Philosophy
• Phase 1 Mitigated Offer is cost based
• Phase 2 adds market based values to Phase
1 design

Summary of Final Design
•

SPP MMU will calculate Reference Prices for use in
mitigation:

–

Method 1 - Resource Specific Offer Based

–

Method 2 - LMP Based

–

Method 3 - Cost Based

–

Final Resource specific Reference Price criteria needs to
be determined

–

MPs no longer submit Mitigated Offers


•

Final Reference Price is automatically applied by MMU

FMR Adder and Backstop Process
3

Method 1 - Resource Specific Offer Based
•

Calculated for Resources with sufficient cleared
competitive offers over a rolling 90-day period
–

Competitive offers are cleared Resource Offers for
which the Resource has no significant impact on any
constraints

•

Calculated as Mean or Median of that Resource’s
cleared and dispatched competitive offers over
previous 90-day period.

•

Both DA Market and RTBM Offers are used

•

Adjusted daily for fuel price changes
4

Method 2 - LMP Based
•

Calculated as Mean of LMP for lowest priced 25% of
the hours the Resource was dispatched over previous
90-day period on a rolling basis.

•

Adjustments allowed daily for fuel price changes

5

Method 3 – Cost Based
•

Same method as Phase 1 Mitigated Offers

•

MMU calculates and submits the values
–

Original design and Phase 1 Mitigated Offers were
calculated by the Market Participant

–

MMU was required to shadow the calculations

–

MMU calculation could override the Market Participant
calculation

–

Current process results in both Market Participant and
MMU needing to calculate the Mitigated Offer

6

Final Mitigated Offer Process Summary
Default
VOM?

Yes

Cost
Based Ref
Level

ACR Data
Submitted?

No

No

No

Cost Based
VOM
Approved?

LMP
Based Ref
Level?

No

Yes

Eligible for FMR Adder?
Cost
Recovery

No

Mitigation
Level

Yes

Yes
Fuel Price
& Heat
Rate
Yes

Apply FMR
Adder to CB
Ref. Level
SPP Posts
Ref. Level

No
Offer
Based Ref
Level?

Yes

MP Requested
Cost Recovery
Analysis?

Report
Root Cause
to MWG

Start
7

Rough Impact Assessment
•

The following costs are not final

•

Development Cost
–

•

•

Rough estimate of $1,500,000 to $2,000,000

SPP Staffing
–

4.5 additional SPP Staff

–

Cost: $652,500

Cost and staffing is dependent on whether or not the
solution is vendor-hosted or SPP-hosted

8

Southwest Power Pool, Inc.
Market and Operations Policy Committee
Recommendation to the Board of Directors
MPRR 236 RR49
April 28, 2015

Organizational Roster
The following members represent the Market Working Group:
Richard Ross, AEP, Chairman
Gene Anderson, OMPA, Vice Chairman
Shawn McBroom, OGE
Lee Anderson, Lincoln Electric System
Amber Metzker, Xcel Energy
Neal Daney, KMEA
Jim Flucke, KCPL
Clifford Franklin, Westar Energy, Inc.
Kevin Galke, City Utilities, Springfield, MO
Chris Lyons, Constellation Energy Commodities Group
Rick McCord, EDE
Matt Moore, Golden Spread Electric Cooperative
Aaron Rome, Midwest Energy, Inc.
Ann Scott, Tenaska Power Services Co.
Ron Thompson, NPPD
Bruce Walkup, AECC
Rick Yanovich, OPPD
Valerie Weigel, Basin Electric Power Co.
Background
Please see the MPRR Recommendation Report for MPRR 236 that was included in the MOPC April 14-15, 2015
background materials.
Analysis
Please see the MPRR Recommendation Report for MPRR 236 that wase included in the MOPC April 14-15, 2014
background materials.
Recommendation
The MOPC recommends that the BOD approve its request regarding Marketplace Protocol Revision Requests.
Action Requested: Approval of MWG’s request on 236
Recommendation
The MOPC recommends that the BOD approve its request regarding Revision Requests.
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APPROVAL:

MOPC

April 14-15, 2015

Passed with two opposed-GSEC & NPPD; and four abstentions-ITC Great Plains, CUS,
Dogwood Energy, Midwest Gen., and South Central MCN

RR_MPRR
Number
49_236

Description

Short Term Reliability Unit
Commitment

MWG Meeting
Vote
3/17/2015 – Approved
GSEC and NPPD –
opposed
OGE, AECC, CUS,
OPPD – abstained

6b. MWG RR49 MPRR 236 Recommendations to BOD_20150414-15

RTWG Meeting
Vote

ORWG Meeting
Vote

3/25/2015 –
Approved

4/2/2015 –
Unanimously
Approved
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Revision Request Recommendation Report
Date: 1/23/2015

RR #: 49_MPRR236
RR Title: Short Term Reliability Unit Commitment
SUBMITTER INFORMATION
Submitter Name: Raleigh Mohr

Company: Southwest Power Pool

Email: rmohr@spp.org

Phone: 501-482-2206
OBJECTIVE OF REVISION

SPP has identified a need for a more granular RUC study with a shorter runtime than Intra-Day RUC and a smaller study window.
Because of the smaller study window, this study will use SLTF and MLTF. This study will be included in the Intra-Day RUC
processes. The purpose of the study will be to recommend commitments and extensions with more granularity than 1 hour
commitment time blocks with a study window of 180 minutes. SPP believes this study will reduce the number of manual
commitments made in real time by smoothing transitions with smaller granularity extensions off the top of the hour, as well as
reducing the needed to commit short startup time resources well in advance.
A sentence is added to 4.4.1 calling out this new study, identifying its study window of 180 minutes, and defining the study as part
of the Intra-Day RUC processes. The other edits are removing the language that defines Intra-Day RUC studies using MTLF
exclusively and SLTF being exclusively used by RTBM. Also, there is a deletion in 4.4.1.3 that removes the constraint on IntraDay RUC studies to use hourly commitment time blocks.
EXECUTIVE SUMMARY OF RECOMMENDATION
MWG recommends MOPC approve RR49_MPRR236 Short Term Reliability Unit Commitment.

IMPACT ANALYSIS REQUIRED:

Yes

No

Estimated Cost: $334,542

Estimated Duration: 7 months

Cost is a rough order of magnitude estimate, approx. +/-50%

Priority Rank for System Change:

1 – Critical

Duration is a rough order of magnitude estimate, approx. +/-50%

2 – High

3 – Medium

4 – Low

SPP DOCUMENTS IMPACTED
Market Protocols
Criteria
Tariff (OATT)
Business Practice

Protocol Section(s): 4.4.1, 4.4.1.1,
Protocol Version: 23.b
4.4.1.2, 4.4.1.3, 4.4.1.4, 4.1.2.1
Criteria Section(s):
Criteria Date:
Tariff Section(s):
Business Practice Number:
WORKING GROUP REVIEWS AND RECOMMENDATIONS
List Primary and any Secondary/Impacted WG Recommendations as appropriate

Primary Working Group: MWG

Date: 3-17-2015
Vote: Approved
Abstained: OGE, AECC, CUS, OPPD
Opposed: GSEC, NPPD
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Reason for Opposition:
Ron Thompson (NPPD)

My concerns with MPRR 236 is it does not totally address the issue of how the faster start Units are being
managed and the risk the Asset Owner is subject to. They basically are not allowed to be shown that they was
picked up in the market with SPP holding them back till the time they are needed even if the unit is picked up
(This seems to be the better way if the risk to the Asset Owner was reduced). Also with the Unit being
Manually put on they never set a price in the RT Market. So they just get the market price which normally is
much lower than the actual price and need to be made whole. However if there is a issue and the Unit does
not perform as intended the “Make Whole” payment may be less or potentially not occur and the Unit owner
will be subject to much higher operating cost than what the market paid. So basically the Asset Owner of the
quicker start Units bears a larger risk due to the price differences between the market and the Unit cost.
Normally there is a closer cost difference for other Units so when a issue arises at a resource the financial hit
to the Asset Owner is not as great.
Matt Moore (GSEC)

GSEC has an existing Antelope Generating Station (“Antelope Station”) which is a 168.12 MW facility
consisting of eighteen 9.34 MW natural gas-fired Wärtsilä reciprocating engine generators. These units are
“Quick Start” generators with the capability to reach full output in a variety of configurations in
approximately five (5) minutes and thus, are perfectly suited to support short term ramping needs caused by
issues such as intermittent wind generation, load variances, Net System Interchange issues and general
topology issues in the SPP region. The utilization of quick start resources increased dramatically after the
implementation of the SPP’s Integrated Marketplace (“IM”) in March of 2014. For example, upon
implementation of the SPP IM on March 1, during the period of March 1, 2014 through December 3, 2014
the Antelope Station engines were dispatched 12,783 times (each engine start counted as one start). This is
compared to 3,025 times for the same time period in 2013 prior to the SPP IM. This represents a staggering
322% increase for these extremely fast and flexible engines. Many of these starts were related to Reliability
Unit Commitments instructions issued by the SPP Central Balance Authority instead of economic related
dispatch or unit commitment.
GSEC is not supportive of another RUC product that utilizes Quick Starts regardless of the name of the RUC
product. Although, the MPRR could address other resources in theory, this product was derived out of
discussions regarding Quick Start Resources. This sends the wrong economic signals to these types of
Resources. The RUC process can often times lead to a dampening effect of LMP’s and these Resources that
can cost twice as much to build as a traditional Resource are simply “kept whole” in many cases. Although,
the Quick RUC may not add more RUC events over what is already occurring, we do believe that RUCing
Quick Starts in general is dampening the value of a Ramping product and the inherent need to correct the
RTBM software related to Quick Start Resources. There are two major issues related to Quick Start
generation that should be addressed and the approximate $334,542 referenced in the Impact Analysis would
be better utilized working toward appropriate solutions. Those two major areas are 1) Correct the RTBM
Market Design and software solution to better accommodate Quick Start Generation. 2) Create a Ramping
product which the SPP market desperately needs that would send proper incentives and economic signals to
Quick Start and other fast ramping resources and extinguish the need to RUC these resources.
RTBM Quick Start Market Design and Software Solution Should Be Addressed
The SPP market clearing design and related software should allow for the dispatch of “Quick Start” resource
energy in the real time balancing market while recognizing the distinct operating characteristics associated
with these resources.
Many “Quick Start” generation resources can move from zero to full load or close to full load in five (5)
minutes and many can move from zero to 70% load in ten (10) minutes. Such a resource can and should be
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considered always “online” and available in the real time balancing market even if it is not synchronized
the system or at the given moment connected to the SPP CBA’s Automatic Generation Control (“ACE”)
(unless it is in outage condition). So, one area that should be directly addressed is the lack of ability for the
real-time software clearing engines to recognize “Quick Start” generation as on-line generation even when the

Secondary Working Group:
RTWG

Date: 3/25/2015
Vote: Approved
Abstained: OPPD, GSEC, ITC
Opposed: NPPD

Reasons for Opposition:

Secondary Working Group:
ORWG

Date: 4/2/2015
Vote: Approved
Abstained:
Opposed:

Reasons for Opposition:

Secondary Working Group:

Date:
Vote:
Abstained:
Opposed:

Reasons for Opposition:

MOPC Recommendation:

Date:
Vote:
Abstained:
Opposed:

Reasons for Opposition:

BOD/Member Committee
Recommendation:

Date:
Vote:
Abstained:
Opposed:

Reasons for Opposition:

COMMENTS
Comment Author: Erin Cathey on behalf of MWG
Description of Comments: MWG revised 4.4.1 Intra-Day Reliability Unit Commitment to state, “short-term” Intra-Day RUC
rather than “short-lead” Intra-Day RUC.
Status: Comments approved
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Comment Author:
Description of Comments:
Status:
PROPOSED REVISION(S) TO SPP DOCUMENTS
Business Practices

Criteria

Market Protocols

4.1.2.1

Short Term and Mid-Term Load Forecasting

SPP develops Short-Term Load Forecasts and Mid-Term Load Forecasts for each Settlement Area. The
Short-Term Load Forecast produces values on a rolling 5-minute basis for input into the RTBM. The
Mid-Term Load Forecast produces hourly values for the next hour through seven (7) days and is used in
all of the RUC processes. Load forecasts are derived through a combination of conforming load and
non-conforming load forecasts for each Settlement Area as described under Sections 4.1.2.1.1 and
4.1.2.1.2. The Settlement Area short-term and mid-term forecasts are then summed up to SPP Balancing
Authority Area short-term and mid-term forecasts. These forecasts include an estimate of losses that
must be removed, as described under Section 4.1.2.1.3, prior to execution of the Market applications in
order for the dispatch to reflect losses appropriately under the marginal losses approach. Once the
estimated losses have been removed, both the Mid-Term Load Forecast and the Short-Term Load
Forecast is distributed to the PNode level for modeling purposes for use in the RUC and RTBM
processes respectively as described under Section 4.1.2.1.6. The DA Market relies on bid-in demand so
these load forecasts are not used in that process.

4.4.1

Intra-Day Reliability Unit Commitment

Following completion of the Day-Ahead RUC process, SPP continually evaluates the need for an IntraDay RUC for the remainder of the Day-Ahead period and the Operating Day and performs additional
Intra-Day RUCs at least every four hours. Consistent with the Day-Ahead RUC, these additional IntraDay RUCs assess capacity adequacy during the Operating Day. Additionally, SPP may execute a shortterm Intra-Day RUC as needed to assess resource adequacy over at least the next 120 minute period as
part of the Intra-Day RUC process. As soon as practicable following completion of an Intra-Day RUC
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study, SPP will communicate the results described under Section 4.4.1.3. SPP then updates the Current
Operating Plan, if needed, and start-up and/or shutdown orders to Resources other than DVERs and
NDVERs for which SPP is calculating an output forecast (these Resources are always assumed to be
self-committed if available) are issued simultaneously which may be any time after completion of an
Intra-Day RUC study.
The Intra-Day RUC consists of four steps: (1) process RUC inputs; (2) execute RUC algorithm; (3)
evaluate and communicate RUC results; and (4) update Current Operating Plan as needed.
4.4.1.1

Intra-Day RUC Inputs

Inputs to the RUC algorithm consist of:
(1)

RTBM Resource Offers;

(2)

Confirmed Export Interchange Transactions;

(3)

Confirmed Import Interchange Transactions;

(4)

Confirmed Through Interchange Transactions;

(5)

SPP Operating Reserve requirements (system-wide and Reserve Zone min and max);

(6)

SPP Head-room and Floor-room requirements;

(7)

SPP Mid-Term Load Forecast as described under Section 4.1.2.1;

(8)

SPP Transmission System topology consistent with Network Model in place for the Operating
Day, including adjustments to RCF firm flow entitlements if applicable;

(9)

Resource commitment and de-commitment schedules from the Day-Ahead RUC or previous
Intra-Day RUCs;

(10) Wind Resource output forecast as described under Section 4.1.2.2;
(11) Transmission System outages;
(12) Parallel Flow forecasts; and
(13) Resource outages.
4.4.1.2

Intra-Day RUC Execution

Using the inputs described above, SPP performs a capacity adequacy analysis for the upcoming
Operating Day and throughout the Operating Day using a SCUC algorithm. The capacity adequacy
analysis provides advisory information to the SPP Operators.
(1)

The objective of the SCUC is to commit Resources to meet the SPP Mid-Term Load Forecast,
Export Interchange Transactions, Head-room requirements, Floor-room requirements and
Operating Reserve requirements less Import Interchange Transactions over the Operating Day
such that commitment costs are minimized while adhering to transmission system security
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constraints and the resource operating parameter constraints submitted as part of the RTBM
Offers;
(2)

Commitment costs are defined as Start-Up Offer, No-Load Offer and incremental cost to operate
at minimum output as defined on the submitted Energy Offer Curve. Incremental Energy costs
above minimum output and Operating Reserve Offers are not considered by the RUC SCUC in
making commitment decisions;

(3)

The SCUC algorithm will initially consider commitment of Resources with a Commit Status of
Market or Self only including capacity up to the Resources’ Maximum Economic Capacity
Operating Limit (or Maximum Regulation Capacity Operating Limit if selected for RegulationUp Service and/or Regulation-Down Service) and down to the Resources Minimum Economic
Capacity Operating Limit (or Minimum Regulation Capacity Operating Limit if selected for
Regulation-Down Service and/or Regulation-Up Service). In addition, combined cycle
Resources modeled as described under Section 4.2.2.5.3(4) are not eligible for regulation
selection in any hour in which they are transitioning from one configuration to another.

(a)

If this capacity plus Import Interchange Transactions is not sufficient to meet the system-wide
SPP Mid-Term Load Forecast, Export Interchange Transactions, Head-room requirements and
Operating Reserve requirements, the SCUC algorithm study will, in priority order: (1) curtail
non-firm Export Interchange Transactions until the capacity shortage is eliminated; (2)
incorporate capacity up to Resources’ Maximum Emergency Capacity Operating Limit and/or
commit Resources’ with a Commit Status of Reliability on an economic basis until the capacity
shortage is eliminated while attempting to maintain the Regulation-Up requirement to the extent
possible.

(b)

If the sum of Self-Committed capacity at minimum output, Import Interchange Transactions,
Floor-room requirements and the system-wide Regulation-Down requirement is in excess of the
sum of the SPP system-wide Mid-Term Load Forecast and Export Interchange Transactions, the
SCUC algorithm study will, in priority order: (1) curtail non-firm fixed Import Interchange
Transactions until the capacity surplus is eliminated; (2) incorporate capacity down to
Resources’ Minimum Emergency Capacity Operating Limit on an economic basis until the
capacity surplus is eliminated while attempting to maintain the Regulation-Down requirement to
the extent possible; (3) de-commit Resources that were committed in the DA Market with a
Commit Status of Market until the capacity surplus is eliminated; and (4) de-commit SelfCommitted Resources that were committed following the Day-Ahead RUC process until the
capacity surplus is eliminated.
(i)

If there is a transmission constraint within a Reserve Zone occurring
simultaneously with a Reserve Zone excess capacity event, RUC may commit
additional Resources to relieve the constraints provided that the additional
commitment does not aggravate the excess capacity situation.
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(c)

To the extent that a particular reliability issue impacting only the Transmission System
cannot be directly addressed within the SCUC algorithm and is not a Local Reliability
Issue, SPP may manually commit Resources, including Resources with a Commit Status
of Reliability, and de-commit Resources, including Resources with a Commit Status of
Self, to alleviate such Transmission System reliability issues. Such manual commitments
shall be selected in a non-discriminatory manner, as determined by the Market Monitor
through the process described under Section 6.1.2.1 of Attachment AE to the Tariff.
Additionally, such manual commitments shall be selected by the Transmission Provider
such that commitment costs are minimized while adhering to Transmission System
security constraints and the Resource operating parameter constraints submitted as part of
the RTBM Offers. The recovery of the compensation paid by the Transmission Provider
for such committed Resources under Section 4.5.9.8 shall be collected by the
Transmission Provider regionally as described under Section 4.5.9.10.

(d)

A Local Reliability Issue may arise that may require out of merit commitment,
decommitment or dispatch instructions to be issued by the Transmission Provider to one
or more Resources to resolve the Local Reliability Issue. Time permitting, the local
transmission operator shall request SPP to issue such instructions and any commitment
by SPP shall be selected by SPP in a non-discriminatory manner, which will be verified
by the Market Monitor through the process described under Section 6.1.2.1 of
Attachment AE to the Tariff. To the extent SPP issues instructions to a Resource at the
request of a local transmission operator to resolve a Local Reliability Issue, the Resource
shall be eligible for compensation in the same manner as any other Resource. The
recovery of the compensation paid by the Transmission Provider for such committed
Resources under Section 4.5.9.8 shall be collected by the Transmission Provider locally
as described under Section 4.5.9.10. To the extent time does not permit, the local
transmission operator may issue such instructions to the Resource in accordance with its
authorities as a reliability entity if the Local Reliability Issue is a Local Emergency
Condition. In such cases, the following shall take place:
(i)

If initial instructions are issued by a local transmission operator, the Transmission
Operator shall notify SPP of the instructions given to the Resource.

(ii)

The Transmission Operator and SPP will coordinate to ensure subsequent
instructions are provided by SPP.

(iii) SPP shall log such instructions as manual commitment, decommitment or Out-ofMerit Dispatch instruction, as appropriate, as if it gave such instruction to the
Resource.
(iv) The Resource shall be eligible to receive the compensation for such instructions in
the same manner as if it had been committed by SPP, except that, if the Market
Monitor determines that the Resource was selected in a discriminatory manner
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and the Resource was an affiliated Resource, such Resource shall not be eligible
to receive compensation under Section 4.5.9.8. For purposes of making such
determination by the Market Monitor, the standards and procedures applicable to
Resource selection in the Intra-Day Reliability Unit Commitment process as
described in Section 6.1.2.1 of Attachment AE to the Tariff, shall apply.
Recovery of any compensation shall be collected by the Transmission Provider
locally as described under Section 4.5.9.10.
(v)

4.4.1.3

SPP, the local transmission operator, and Resource owners shall develop
operating guides to be applied to manual commitments made by SPP including
such commitments made at the request of the local transmission operator or
manual commitments made by the local transmission operator during a Local
Emergency Condition to relieve known and recurring Local Reliability Issues in
the Intra-Day RUC. Such Resources will be compensated in the same manner as
any other Resource. The recovery of the compensation paid by the Transmission
Provider under Section 4.5.9.8 shall be collected by the Transmission Provider
locally as described under Section 4.5.9.10.

Intra-Day RUC Results

SPP electronically communicates the RUC results for each hour of the Operating Day to Market
Participants as soon as practical following completion of each Intra-Day RUC execution. These results
consist of the following:
(1)

For any future hours in which SPP anticipates an Emergency situation, SPP shall notify the
market identifying the hours in which the emergency ranges of any Resources are expected to be
required, the hours in which Resources with a Commit Status of Reliability are expected to be
committed, the hours in which non-firm fixed Export Interchange Transactions are expected to
be curtailed and the hours in which non-firm fixed Import Interchange Transactions are expected
to be curtailed.
(a)

In addition if necessary, affected Market Participants will be notified at least ten (10)
minutes prior to the beginning of the Operating Hour but not more than 30 minutes prior
to the beginning of the Operating Hour that the Maximum Emergency Capacity
Operating Limit will be used;

(b)

In addition if necessary, affected Market Participants will be notified at least ten (10)
minutes prior to the beginning of the Operating Hour but not more than 30 minutes prior
to the beginning of the Operating Hour that the Minimum Emergency Capacity Operating
Limit will be used.
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4.4.1.4

Update Current Operating Plan

Using the results from the Intra-Day RUC analysis, SPP will update the Current Operating Plan and will
issue start-up and shut-down orders to Resources other than DVERs and NDVERs for which SPP is
calculating an output forecast (these Resources are always assumed to be self-committed if available) as
appropriate. SPP may only issue changes to shut-down orders issued as part of the DA Market results or
move a DA Market committed combined cycle Resource that has been registered to submit
configuration based offers as described under Section 4.2.2.5.3(4) into a lower configuration to address
an anticipated excess supply condition as described under Section 4.3.2.2(3)(b) and/or to address any
other Emergency conditions. If SPP de-commits an SPP committed Resource or moves a combined
cycle Resource into a lower configuration for any hour of the DA Market commitment schedule, and
causes that Resource to buy back its Energy and/or Operating Reserve position at RTBM prices that
exceed the DA Market prices for the comparable products, that Resource is eligible for compensation
under Section 4.5.9.9.
Tariff (OATT)
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Golden Spread has provided comments in support of our “no” vote to MPRR 236.
Comments are below.
GSEC has an existing Antelope Generating Station (“Antelope Station”) which is a 168.12 MW facility consisting of
eighteen 9.34 MW natural gas-fired Wärtsilä reciprocating engine generators. These units are “Quick Start” generators
with the capability to reach full output in a variety of configurations in approximately five (5) minutes and thus, are
perfectly suited to support short term ramping needs caused by issues such as intermittent wind generation, load
variances, Net System Interchange issues and general topology issues in the SPP region. The utilization of quick
start resources increased dramatically after the implementation of the SPP’s Integrated Marketplace (“IM”) in March of
2014. For example, upon implementation of the SPP IM on March 1, during the period of March 1, 2014 through
December 3, 2014 the Antelope Station engines were dispatched 12,783 times (each engine start counted as one start).
This is compared to 3,025 times for the same time period in 2013 prior to the SPP IM. This represents a staggering 322%
increase for these extremely fast and flexible engines. Many of these starts were related to Reliability Unit Commitment
(RUC) instructions issued by the SPP Central Balance Authority instead of economic related dispatch or unit
commitment.
GSEC is not supportive of another RUC product that utilizes Quick Starts regardless of the name of the RUC
product. Although, the MPRR could address other resources in theory, this product was derived out of discussions
regarding Quick Start Resources. This sends the wrong economic signal to these types of Resources. The RUC process
can often times lead to a dampening effect on LMPs and Wärtsilä reciprocating engine Resources, which have a capital
cost twice that of a traditional combustion turbine generation resource are simply “kept whole” in many
cases. Although, the Quick RUC may not add more RUC events over what is already occurring, we do believe that
RUCing Quick Starts in general is dampening the value of any future Ramping product that should be developed and the
inherent need to correct the RTBM software related to Quick Start Resources. There are two major issues related to
Quick Start generation that should be addressed and the approximate $334,542 referenced in the Impact Analysis would
be better utilized working toward appropriate solutions. Those two major areas are 1) Correct the RTBM Market
Design and software solution to appropriately dispatch Quick Start Generation. 2) Create a Ramping product which
the SPP market desperately needs that would send proper incentives and economic signals to Quick Start and other
fast ramping resources and extinguish the need to RUC these resources.
RTBM Quick Start Market Design and Software Solution Should Be Addressed
The SPP market clearing design and related software should allow for the proper dispatch of “Quick Start” resource
energy while recognizing it’s capacity and distinct operating characteristics associated with these resources in the RTBM.
Many “Quick Start” generation resources can move from zero to full load or close to full load in five (5) minutes and
many can move from zero to 70% load in ten (10) minutes. Such a resource can and should be considered always
“online” effectively at a dispatch of zero and available in the real time balancing market even if it is not synchronized to
the system or at the given moment connected to the SPP CBA’s Automatic Generation Control (“ACE”) (unless it is in
outage condition). So, one area that should be directly addressed is the lack of ability for the real-time software clearing
engines to recognize “Quick Start” generation as on-line generation even when the resource is not synchronized in the
real-time balancing market but also not in an outage environment. Even when the “Quick Start” resource is not
synchronized, if it is not in outage, it can still be dispatched from zero to full output or close to full output in five (5)
minutes. Effectively it is on line at zero. However, in SPP the current market design and associated software does not
allow for the recognition of the physical minimum capacity in the real-time balancing market until the facility is
synchronized and dispatched above the minimum operating parameter of the resource. The result of the software
engine solution not being able to recognize this capacity in the real-time balancing market is that the SPP CBA often
issues a RUC well in advance of operation of the real time balancing market. Also, any real time energy dispatch the
“Quick Start” resource does receive from the SPP CBA creates operational challenges for the resource because the
minimum operating capacity is not recognized. Furthermore, the market engine does not send a de-commitment signal
for Quick Starts and does not send any set points of “zero”. So, the burden is on the Quick Start Market Participant to
turn the facility off. RUCing these Resources is inefficient and masking the issues associated with the RTBM software
engine.

In addition, in SPP if a “Quick Start” generator clears in the Day-Ahead market the resource is expected to be on-line in
the real-time balancing market even when the real-time balancing market is producing a LMP that is below and often
times well below the actual marginal cost to operate the unit. For maximum economic efficiency, a “Quick Start”
resource should be able to sit at zero output while fulfilling its Day Ahead obligation with real time market purchases
without being assessed “Reliability Unit Commitment” Make Whole distribution charges. In this scenario, the “Quick
Start” resource is still available and it is not on outage. So, it is extremely inefficient for the SPP CBA to issue a RUC to
another generator and then assess those charges to the “Quick Start” resource when the Quick Start resource is actually
available and ready for continued economic dispatch while sitting at zero.
Another problem arising from these design and software deficiencies is that the SPP CBA has limited situational
awareness of the “Quick Start” capacity that is available in real-time. The existing design and software deficiencies in the
SPP should be corrected to properly recognize Quick Start resources. The SPP CBA may be concerned that a “Quick
Start” resource will not reliably respond in the real-time market creating a deficiency if the resource has a failed start.
However, these concerns can be addressed through a “Quick Start” testing and compliance program that would give the
SPP assurance of unit availability. In addition, Golden Spread’s Antelope Station “Quick Start” facilities are comprised of
multiple reciprocating engines which creates inherent shaft diversity. So, the SPP’s reliability concern should be minimal
regarding the performance of this “Quick Start” generation.
Ramping Product Should Be Designed and Developed
A second but equally important area that needs to be addressed regarding “Quick Start” generation and the SPP market
is the need for a ramping product. As mentioned previously, “Quick Start” resources can be at full load or close to full
load in five (5) to ten (10) minutes. As a result, they can respond to variations in wind production, load variability, Net
System Interchange, and other general topology issues in very short periods of time. These events create an urgent need
for a robust ramping solution.
Currently, the SPP CBA’s primary solution to address events that create ramping issues is the inefficient use of the RUC
process. In other words, the SPP CBA brings capacity on-line early to avoid any concern with what could be a ramping
scenario. This is an extremely misguided solution and is creating unwarranted and uneconomic uplift costs while at the
same time discouraging fast and flexible resources. Another solution the SPP currently uses is Regulation service. There
are several reasons this approach is misguided. First, regulation service is intended to address frequency stabilization.
Furthermore, regulation service necessitates synchronization. Also, as mentioned previously, if a “Quick Start” is capable
of moving from zero to full output in five (5) minutes it should be considered on-line for energy purposes in the realtime balancing market, even though it is not necessarily synchronized and connected to ACE. Furthermore, Regulation
addresses uncertainties that are realized during an interval rather than before the interval beginning.
A ramping product would address uncertainties before the interval with potential ramping issues. The ramping product
could be cleared Day-ahead or Intraday or Intra-hour. Traditional ancillary services and reserve products have
historically been standby products for issues inside of a market interval, whereas a ramping product would address the
areas in between and across intervals in many cases to maintain system power balance related to variable generation,
load deviations, Net System Interchange and other general topology issues. Ramping service is thus distinct and unique
from other standard market reserve products. Also, a well-designed ramping product could lead to less scarcity pricing
events. The ramping product should be based on economic bids which would create economic signals for “Quick Start”
resource owners.
The need for ramping products have been recognized by staffs in CAL ISO and MISO, perhaps others, in their respective
regions. SPP staff is in a position to know the inherent value of ramping resources within SPP. However, that value is
not being recognized or compensated to the Resource owner through RUC utilization. Again, although the Quick RUC
may not add more RUC events over what is already occurring, Golden Spread submits that RUCing Quick Starts in
general is dampening the value of any future Ramping product design and fails to recognize and the need to correct the
RTBM software related to Quick Start Resources.

Southwest Power Pool, Inc.
ECONOMIC STUDIES WORKING GROUP
Recommendation to the BOD
April 28th, 2015
2017 ITP10 Futures

Organizational Roster
The following members represent the Economic Studies Working Group (ESWG):
Alan Myers (Chairman), ITC Great Plains
Kip Fox (Vice-Chairman), AEP Transource
Randy Collier, CUS
Paul Dietz, Westar Energy
Leon Howell, OG&E
Don Le, NextEra Energy
Pat McCool, KCP&L

Tim Owens, NPPD
Kurt Stradley, LES
Al Tamimi, Sunflower
Bruce Walkup, AECC
Michael Watt, OMPA
Bennie Weeks, SPS

Background
The 2017 Integrated Transmission Planning 10-Year Assessment (ITP10) will be a value-based
assessment analyzing the 10-year out transmission system and identifying 100 kV and above solutions to
needs stemming from multiple sources: (a) needs identified in the reliability analysis of the 69 kV and
above system, (b) needs identified to meet projected renewable policy mandates and goals, (c) needs
arising from transmission system congestion, and (d) needs arising from instability of the transmission
system.
To begin the process for the 2017 ITP10, staff has been coordinating with the ESWG to develop the study
scope. While the 2017 ITP10 scope is still under development, to help the 2017 ITP10 move forward, the
ESWG has discussed and agreed to four futures for the study. The ESWG took the approved futures to
MOPC and they were paired down and edited to three futures that were approved by the committee.
Staff is now seeking approval from the Board of Directors on the proposed futures.
Analysis
To conform to the requirements of SPP OATT Attachment O, the components of the scope include the
following sections: working group/committee oversight, stakeholder reviews, the general study process,
study assumptions, details of all assessments, a study timeline, and study deliverables. The ESWG and
TWG will oversee the components of 2017 ITP10.
The first concept for approval is the futures. ESWG developed and approved four futures for the 2017
ITP10, each driven by EPA Clean Power Plan Section 111(d) impacts:
Future 1 – Regional Clean Power Plan solution
Future 2 – State Level Clean Power Plan solution
Future 3 – No Clean Power Plan solution incorporated
Future 4 –Clean Power ‘Extreme Case’ (Onerous carbon tax, decreased load growth, etc)
These four futures were presented to the MOPC on April 14th, the MOPC voted to eliminate future four
and approved futures 1, 2, and 3 for the 2017 ITP10.

One concern was brought up pertaining to these futures—SPP staff budgeted for two futures as part of
the 2017 ITP10; staff estimates the impact of having one additional future is approximately 5,000 hours or
$500,000 additional cost to the members.
Recommendations
1. The ESWG recommends the BOD approve four 2017 ITP10 futures.
2. The MOPC recommends the BOD approve three 2017 ITP10 futures removing the extreme case
future.

Approved:

ESWG

3/31/2015

Passed Unanimously
MOPC

4/14/2015

Passed w/ 2 abstentions

Action Requested:

Approve Recommendation

2017 ITP10 Futures

Lanny Nickell
April 30, 2015

Introduction
•

In October 2014, the SPP BOD directed SPP “For the
three year planning cycle commencing in January
2015… request a waiver from FERC of 1) the
requirements to perform the ITP20 and 2) the timing
requirements related to the ITP10 to permit SPP to
commence the ITP10 in January 2015, to be completed
no later than January 2017.”
–

•

EPA Clean Power Plan section 111(d) impacts,
nationwide 30% reduction of C02 by 2030, final rule
expected June, 2015

ESWG has discussed how to approach the scope and
timeline for the next 2017 ITP10
2

PROCESS
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ESWG Proposed Scope Process Summary
•

•

Propose an expanded set of potential scenarios/drivers
–

MOPC/SPC provided feedback in January meetings

–

Narrowed down to four proposed futures for the April MOPC
Meeting

–

Remaining scope details finalized in July 2015

Phased approach
–

Phase 1: discussed multitude of potential
scenarios/drivers

–

Phase 2: reduced list by ranking of occurrence/impact

–

Phase 3: propose set of futures around drivers
4

Proposed Futures
•

Four futures driven by EPA Clean Power Plan Section
111(d) impacts

•

Future 1
–

•

Future 2
–

•

State Level Clean Power Plan solution

Future 3
–

•

Regional Clean Power Plan solution

No Clean Power Plan solution incorporated

Future 4
–

Clean Power Plan ‘Extreme Case’
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Future 1 – Regional Clean Power Plan Solution
Assumes that the EPA Clean Power Plan will be
implemented at a Regional level by meeting
emissions targets within the SPP footprint.
Additional significant features include:
– Competitive Wind (Sub $24/MWh prices)
– High availability of natural gas due to hydraulic
fracturing (fracking)
– Large scale solar generation development
– Load growth as expected
6

Future 2 – State Level Clean Power Plan Solution
Assumes that the EPA Clean Power Plan will be
implemented at a State level under the following
conditions:
– Each state has its own compliance plan and each
utility meets the EPA determined emission rate
– Competitive Wind (Sub $24/MWh prices)
– High availability of natural gas due to hydraulic
fracturing
– Large scale solar generation development
– Load growth as expected
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Future 3 – No Clean Power Plan Solution
Assumes that the EPA Clean Power Plan is not
implemented, and also assumes the following
significant features:
– Competitive Wind (Sub $24/MWh prices)
– High availability of natural gas due to hydraulic
fracturing (fracking)
– A mix of large-scale solar generation
development along with smaller scale solar
generation methods such as rooftop
– Increased load growth (ESWG Recommendation)
– Normal load growth (MOPC Recommendation)
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Future 4 – Clean Power Plan ‘Extreme Case’
Assumes Clean Power Plan is implemented in a manner that
the current electrical grid is least prepared including:
– Onerous Carbon Tax
– Enhanced metric for retiring generating units (age, size)
– Loss of Production Tax Credit, resulting in higher wind
prices
– Lower availability of natural gas due to hydraulic
fracturing (fracking) regulation
– A higher number of Large Scale Solar generators
– Decreased load growth
– MOPC recommended cutting this future

9

Futures Development – Key Drivers
Driver

Regional CPP

State CPP

No CPP

Extreme Case

CPP Disposition

Regional compliance

State Compliance

No CPP Appoved

CPP approved

Competitive Wind

Yes

Yes

Yes

No PTC,
Higher Wind Prices

High

High

Low
Large Scale
Decreased

NG Supply Due to Fracking High
Solar Development
(Substantial)

Large Scale

Large Scale

Mix of Large Scale and
Roof Top

Load Growth

As Expected

As Expected

Increased (ESWG)/
Normal (MOPC)
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Recommendations
•

ESWG Presented 4 futures to MOPC showing that F1F3 (Regional 111D, State 111D, no 111D) are higher
priority as recommended by ESWG. Also, recommend
the low load growth and low gas supply drivers from
F4 as a sensitivity in F3 should F4 be eliminated.

•

ESWG has not yet substantially discussed how these
futures would be utilized to construct a recommended
portfolio.

•

MOPC voted to approve Futures 1, 2, &3 and change
the load growth to normal on Future 3.
11

TIMELINE
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2017 ITP10 Scope Timeline
OCT

NOV

DEC

JAN

FEB

MAR

APR

MAY

JUN

ESWG & TWG propose multiple 13
futures (for MOPC & SPC)

ESWG & SPC
narrow futures 14

Remaining Scope Details

Working Group/Task Force Approval

Member Review/Feedback
Period

Milestone Period
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Southwest Power Pool, Inc.
SOUTHWEST POWER POOL STAFF
Report to the Board of Directors
On Attachment J Aggregate Study Waiver Requests
April 28, 2015

Organizational Roster
The following members represent the Southwest Power Pool:
Carl Monroe, Executive Vice President and Chief Operating Officer
Paul Suskie, Senior Vice President, Regulatory Policy and General Counsel
Lanny Nickell, Vice President, Engineering
Pat Bourne, Director, Transmission Policy
Antoine Lucas, Director, Planning
Nicole Wagner, Manager, Regulatory Policy
Steve Purdy, Manager, Transmission Service Studies
Attachment J of the SPP Tariff Addresses recovery of costs associated with new transmission facilities.
Subsection III of this section addresses Base Plan funding for network upgrades, including Safe Harbor
Cost Limit of $180,000/MW, and provides for waivers, whereby application may be made for additional
Base Plan funding for a network upgrade in excess of the Safe Harbor Limit based on three independent
factors.
Background
SPP received a request from Western Farmers Electric Cooperative (WFEC) for waiver of the eligibility
requirement for Base Plan funding for a new wind Designated Resource of 100 MW. WFEC specifically
requests Base Plan Funding treatment for all of the upgrade costs allocated to the Transmission
Customer. SPP’s 120-day deadline for presentation of the request to the SPP Board of Directors is July
3, 2015.
WFEC’s request for service is not eligible for Base Plan funding because WFEC’s wind/load ratio in the
first year the resource is planned to be used is 25%, which exceeds the maximum 20% permitted under
Attachment J. The request would otherwise be eligible.
WFEC’s waiver request meets the requirement for submission simultaneous with its request for
transmission service. Because the first iteration of the aggregate study is still in progress, no estimated
upgrade costs are available.
WFEC supports its request for waiver citing the following:
•
•
•
•
•
•
•

Intermittent resources continue to be a less costly energy alternative to fossil fuel power plant
construction while providing some level of capacity as well.
Its power purchase agreement for the resource spans 20 years, which is much longer that the
required 5-year minimum.
Its commitment to renewable energy and a diversified portfolio supports delivery of wind generation
into the SPP region.
Its commitment lessens its carbon emissions in the wake of more EPA regulations.
Its projected future load growth is substantial. Oil and gas industry continues to increase in the
WFEC area.
Its load growth will decrease the wind/load ratio below 20% in the near future.
Reduced congestion due to expansion of the transmission system likely would directly and indirectly
benefit other Transmission Customers.

With regard to the wind/load ratio limit, WFEC states that:

•
•
•
•
•

The 20% limit pre-dates the SPP Integrated Marketplace.
The Marketplace has demonstrated an ability to balance generation and load.
All new intermittent resources must be dispatchable and must maintain acceptable power factors.
Any integration challenges will still exist even if it is ultimately ineligible.
The 20% limit is somewhat arbitrary and WFEC’s ratio only slightly exceeds it.

Analysis
Attachment J requires that any waiver request shall be evaluated based upon certain general factors, the
first of which states, “There are insufficient competitive resource alternatives for one or more
Transmission Customers.” In order to conclude that this situation exists, the customer should be able to
demonstrate that either there are no alternatives, or the alternatives that exist are not competitive. WFEC
states that the resource has economic advantages over other alternatives and that it would bring
regulatory and environmental benefits. These advantages don’t by themselves support a finding that
there are insufficient competitive resource alternatives.
The eligibility requirement which limits wind/load ratio to no more than 20% in the first year the resource is
planned to be used was recommended by CAWG and approved by RSC in 2009. It serves to limit the
costs borne by SPP ratepayers to integrate resources that pose operational challenges and have limited
value to the grid as a capacity resource. A wind integration study was commissioned in 2010 and filed
with FERC which supported the limit.
WFEC’s existing wind/load ratio is 19%. With the addition of this resource, the ratio would increase to
25% in the first year. It would remain above 20% through at least 2025. WFEC confirmed in response to
questions raised by SPP Staff that its projected load increases were already included in the data used to
calculate the ratio. Even if the ratio were to decrease in future years however, the requirement states that
it must be below 20% in the first year the resource is planned to be used, which is not the case here.
SPP Staff finds that the facts do not support waiving the 20% requirement.
At the time this recommendation was prepared, the Cost Allocation Working Group (CAWG) had not yet
reviewed the waiver. The CAWG is set to review it at its regular meeting on April 7, 2015. Any feedback
received at that meeting will be included in staff’s verbal report to accompany this recommendation.
Recommendation
SPP Staff recommends that the waiver request not be approved.

APPROVAL:

MOPC

April 14-15, 2015

Motion to approve the waiver as requested by Western Farmers Electric
Cooperative Failed at 33.3%

Southwest Power Pool, Inc.
SOUTHWEST POWER POOL STAFF
Recommendation to the Board of Directors
4/28/2015
Walkemeyer – N. Liberal 115 kV line and Associated Projects Re-evaluation

Organizational Roster
SPP Staff

Background
During the January 27, 2015, SPP Board of Directors (Board) meeting, the Board approved the project
plan as presented in the 2015 ITP10 report including a 21 mile 115 kV line from Walkemeyer – N. Liberal
needed for regional reliability. However, the Board contemporaneously requested a re-evaluation of this
line as well as associated projects. For the purposes of this discussion, this upgrade is a part of a project
that includes:
•
•
•
•

Phase 1 – Taps Hitchland – Finney 345 kV line in Southwestern Kansas near the existing
Walkemeyer 115 kV substation
Phase 1 – Building a new substation that includes a 345/115 kV transformer
Phase 1 – Constructing a new 1 mile 115 kV line from the new 345/115 kV station to the existing
Walkemeyer 115 kV station
Phase 2 – Constructing a new 21 mile 115 kV line from Walkemeyer – N. Liberal

Phase 1 of this project was identified as part of the 2015 ITPNT Assessment with a need date of 6/1/2015
and an in-service date of 6/1/2018. Phase 2 of the project was not needed for reliability in the 2015
ITPNT, but was needed in the 2015 ITP10 with an in-service date of 6/1/2019.
The need arose for this project in the 2015 ITPNT and 2015 ITP10 assessments because generation
dispatch in each of the studies did not dispatch generation from the Cimarron River Station (CRS). The
2015 ITPNT models are built to honor firm transmission service and also allow members to submit an
order to dispatch their fleet of generation for the remaining load that does not have firm transmission
service. Each year, SPP members are given the opportunity to update their dispatch order. In the 2015
ITPNT Assessment, Sunflower Electric Power Corporation (Sunflower) chose to move the CRS
generation to the bottom of the dispatch order because of the recent addition of the Rubart station to their
fleet. Because the load in the Sunflower area was able to be served by units above CRS in the dispatch
order, CRS was turned off. In the 2015 ITP10 models, the dispatch is set to be the most economic
allowed within the SPP footprint. No generators were designated as Reliability Must-Run in the 2015
ITP10 models. Leaving the generation at CRS off in both sets of models did not allow the system to meet
reliability standards under N-1 conditions in either assessment, which resulted in transmission projects
being recommended in the area.
The request for this re-evaluation was due to Sunflower’s suggestion that using a yet to be developed
Transmission Operating Guide (TOG), that could start and dispatch existing generation at CRS (up to 58
MW of support), would be able to solve the needs of the system at a lower cost to Sunflower’s customers
than the approved project as described above.
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As requested by the Board, SPP staff performed the re-evaluation with the objective of providing results
to the Markets and Operations Policy Committee (MOPC) for feedback, and to the Board for its final
consideration.

Analysis
Quantitative Assessment – Reliability Comparison of Options
SPP began the analysis of the 21 mile 115 kV line from Walkemeyer – N. Liberal and its associated
projects by first working with Sunflower to determine how the TOG should be implemented. SPP then
tested the reliability and economics of allowing generation from CRS Unit 1 and Unit 2 to solve the
reliability needs in the local area.
Three solution options were tested, described as follows:
•

Option 1 – Phase 1 of the project as described above with the proposed TOG that would require
dispatch of CRS generation as needed up to 58 MW

•

Option 2 – Phase 1 and Phase 2 of the project as described above without the proposed TOG

•

Option 3 – Use of the proposed TOG that would dispatch CRS generation as needed up to 58
MW without either Phase 1 or Phase 2 of the project

Staff conducted standard ACCC (N-1) analysis and a voltage security assessment to assess the reliability
assurance of each option. The N-1 analysis assesses the ability of a solution to solve the needs of the
system by taking one element out at a time. The voltage security assessment determines the amount of
load increase the system can handle with a given solution in place in the model before violations begin to
occur. By comparing the load increase to the projected load growth for the area, one can estimate how
many years each solution will mitigate the needs on the system.
Each option was able to solve the reliability needs on the system; however, Option 3, which only relied on
use of the TOG, provided the least amount of voltage support according to the analysis. Under the worst
system contingency for Option 3, a bus voltage was observed at .901 per unit. SPP’s voltage criteria
states that per unit voltages less than .90 are violations. Option 2 proved to be the most reliable solution
compared to Option 1 and Option 3.
Results for the voltage security assessment mirrored the N-1 analysis. The table below shows the last
year in which each option will mitigate potential voltage violations, based upon extrapolation of area load
growth seen in the 2015 ITP10 models. To meet voltage security needs in the area, Option 2 provides
the longest-lasting solution of the three options.
Option 1

Option 2

Option 3

2045

2069

2029

Quantitative Assessment – Economic Comparison of Options
An economic evaluation was also performed comparing the Net Present Values (NPVs) of the cumulative
costs for the three options above. In this evaluation, it was assumed that the TOG would be available
through 2030, given that the CRS generators are at least 45 years old and Sunflower informed SPP the
estimated remaining life of the units is 10-15 years. As a result, the economic evaluation of Option 1
assumed that construction of Phase 2 of the project would be deferred to 2030 and the evaluation of
2

Option 3 assumed that both phases would be deferred to 2030. To determine the cost of the TOG, the
APC increase for running CRS generation was determined.
Staff calculated the deferral value of Phase 1 and Phase 2 transmission project costs associated with
Options 1 and 3 by using a 2.5% inflation rate to discount the costs from the 2030 in-service date(s) to the
2019 in-service dates associated with Option 2. The costs were then discounted from 2019 dollars to
2015 dollars, also using a 2.5% inflation rate, for all options. This method (Technique 1) was utilized in
the economic assessment results presented to the MOPC. Based on feedback provided during the
MOPC meeting, Staff has since performed an alternative evaluation method (Technique 2) that
incorporated a more aggressive assumption for the opportunity cost of project deferral. Technique 2 uses
an 8% rate to discount the costs from the 2030 in-service date(s) associated with Options 1 and 3 to the
2019 in-service dates associated with Option 2. The costs were then discounted from 2019 dollars to
2015 dollars using a 2.5% inflation rate for all options.
Technique 1 shows Option 2 as having the lowest NPV. Technique 1 results in total transmission costs
being very similar between options but reflects costs of APC increases associated with Options 1 and 3
that more than offset the transmission cost deferrals savings also associated with Options 1 and 3.
Technique 2 shows the value in deferring project construction to 2030 is greater than the relative APC
increases associated with options 1 and 3 due to using the higher discount rate of 8%. This technique
shows option 3 as having the lowest NPV.
The table below shows the results of SPP’s economic evaluation of the three options for each technique.

Option 1
Option 2
Option 3

Technique 1 - 40Technique 2 - 40-year
year NPV (2015 $M) NPV (2015 $M)
$68.41
$49.22
$67.52
$67.52
$78.45
$46.99

Note that the dollars presented here do not quantify reliability risks associated with Options 1 and 3 due
to the dependence on the aging CRS generation from 2019 - 2030.

Qualitative Considerations
Staff is concerned with long-term dependency on a yet to be developed TOG comprised entirely of
generation to help mitigate the reliability concerns for the area. While TOGs that depend on must-run
generation may be acceptable as interim and short-term measures, reliability and cost implications must
be carefully considered when comparing them to cost-effective transmission solution alternatives over the
long-term. In this specific case, CRS has two units at the plant. Unit 1 (58MW) is larger than Unit 2 (14
MW), but has a start-up time of approximately 30 hours. Unit 2 has a start-up time of around 30 minutes.
As mentioned earlier, both units at CRS are at least 45 years old. The uncertainty of capacity availability
for older generating units is a significant reliability risk.
NERC’s TPL-001-4 Reliability Standard, which is now effective, has more stringent requirements for
shedding non-consequential load or curtailing firm transmission service under certain contingency
conditions, unless vetted through a complex stakeholder process defined in the standard. These
contingency conditions include G-1-1 (Loss of a generator, followed by system adjustments and the loss
of another transmission element). Analysis performed under TPL-001-4 with the TOG in use evaluating a
3

G-1-1 condition would show results similar to the results provided in the 2015 ITPNT and 2015 ITP10 N-1
analysis that showed extensive voltage issues in the area around CRS, thus making the TOG ineffective
for compliance purposes.
TOGs are allowed within the ITP Near-Term process as described in the ITP Manual. TOGs are not
described in the ITP10 process within the ITP Manual. Staff has previously reviewed the use of Reliability
Must-Run unit status and recommended to the ESWG that its use should only be considered in near-term
assessments but not in the ITP10 assessment. Although this requirement was not explicitly included in
the 2015 ITP10 scope, no Reliability Must-Run status was applied to any generating units in the 2015
ITP10 assessment. As such, the 2015 ITP10 was performed in a manner that preferred transmission
solutions over operating generators as Reliability Must-Run. The application of the proposed TOG in the
reevaluation of a project recommended by the 2015 ITP10 is not consistent with the manner in which that
assessment was originally performed.

Recommendation
Staff recommends construction of Phase 1 and Phase 2 of the transmission project by 2018 and 2019,
depicted as Option 2 in the evaluations described above, as the optimal solution for the following reasons:
•
•
•
•

Option 2 best meets long-term system reliability needs;
Option 2 does not conclusively cost more to ratepayers and clearly minimizes reliability risk
compared to the other options;
Option 2 best assures compliance with the newly effective TPL-001-4 Reliability Standard; and
Option 2 is a conclusion determined consistent with the manner in which the 2015 ITP10 was
performed.

Staff requests the Board issue NTCs for these upgrades according to the needs in the 2015 ITPNT and
2015 ITP10, performed in accordance with the respective study scopes.

MOPC Action
Staff presented this recommendation to the MOPC during its April meeting. A motion was made at the
MOPC meeting in support of Staff’s recommendation. The motion failed having 63.8% in favor. Approval
by MOPC would have required a 66% favorable vote.

Action Requested:

Staff recommends to the Board of Directors that NTCs be issued for both phases
of the project according to the needs identified in the 2015 ITPNT and 2015
ITP10, performed in accordance with the respective study scopes
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Walkemyer Re-evaluation

Dr. Al Tamimi, P.E., S. M. IEEE
Vice President, Transmission Planning & Policy
Sunflower Electric Power Corporation

Proposed Area Transmission Solutions
(Zonal Reliability Need)

Cimarron
Plants

15 MW

58 MW

City of Liberal

SPS Phase Shifter

Why “Re-evaluation” Of Different
Options
 Significant MVA line ratings updates in the area of
the proposed project resulted from mitigations to the
2010 NERC Alert “Consideration of Actual Field
Conditions in Determination of Facility Ratings”
o Updated 20 circuits in the ITP10 Models with new MVA line ratings
“currently included in the approved MDWG models”

 Initial evaluation by SPP did not use the generation
option at Cimarron Plant or the SPS phase shifting
transformer to reduce transmission cost especially
for a project that falls well within the ITNT planning
horizon

Why “Re-evaluation” Of Different
Options
It is not out of the ordinary that SEPC or other SPP members ask SPP for a reevaluation of a transmission project when a lower cost option identified that meets
current circumstances or system changes (load changes, rating updates…)

NTC #

PID#

200173 30347
200209 30427
200265 30523

200276

Sunflower/MidKansas
UID #
Response
SPP Action
Re-study,
50396
07/09/12
Withdrawn, 02/19/13
Re-study,
50520
05/17/13
Withdrawn, 02/19/14
Re-study,
50654
06/18/14
Suspended, 06/26/14

30524

50655

30733

50996

30735

50999

30773

51054

Re-study,
06/18/14
Re-study,
08/15/14
Re-study,
08/15/14
Re-study,
08/15/14

Description
Haggard to Ingalls 115 kV new
Circuit
Mingo XTF 345/115 kV
Cudahy to kismet 115 kV
Rebuild

Estimated
Cost
$12,516,103
$12,516,103
$29,022,161

Suspended, 06/26/14

Cimarron VTAP to Kismet 115
kV rebuild

Withdrawn,11/14/14

HPILS

$13,684,312

Withdrawn, 11/14/14

HPILS

$6,602,085

Withdrawn, 11/14/14

HPILS

$4,100,000

$6,746,720

Dispatching CRS Units – Unit Limitation
Concerns
o Project Phase II was staged to have an in-service date
within the ITPNT time horizon (2019). In the ITPNT
time horizon re-dispatch of generation units and the use
of operating guides are allowed and they may be
cheapest and most effective options to consider
o Option 1 required <50 hrs dispatch
o Option 3 required about 1,000 hrs dispatch
•
•
•
•
•

Re-dispatch: Impact of using Cimarron Plant generation units
2010
2,454 hours
2011
3,117 hours
2012
6,629 hours
2013
4,886 hours

Concerns Using SPS-SEPC Phase Shifting
Transformer (Redundancy)


ITP10 models didn’t allow for phase shifting
transformer adjustments
o 2024S F1 phase shifter flow was set at 9.6 MW
o 2024S F2 phase shifter flow was set at 0.3 MW



SPS highlighted the availability of their phase shifter as part of a lower
cost solution, and cited it as
one of the reasons why they voted
Flow INTO Sunflower (%) Breakdown
against the staff recommendation
676 Peak Hours (hr 16 – hr 20) 2013-2014



Clearly, the ITP10 model didn’t capture
425 hrs (62.9%)
of the time the power flowed above
10 MW on the phase shifter
SEPC Ops usually request from SPS
the increase or decrease of MW flow
from SPS which is accomplished
using the SCADA system

Capability not considered by
the ITP10 Models

147hr

20%
Percentage of Hours



25%

15%

104
hr

116
hr

113
hr
89
hr

10%
43
hr

5%
0%

42
hr
15
hr

0-5

5hr

2hr

5-10 10-15 15-20 20-25 25-30 30-35 35-40 40-45 45-50

MW Flow Into Sunflower

$30MM

Why Selecting Option 1 is Better Than
Option 2


NPV of Option 1 & 2 are within 2% over 40 yrs. Any
deviation in cost (+5,10 or 20%) of Phase II can make
option 1 more economical



Phase II of Option 2 cost estimate at $17.5 MM is
questionable. Cost estimated for Phase II of Option 2 do
not factor in potential costs of Prairie Chicken mitigation



Option 1 assures reliability at lower cost through 2030 and
beyond and provides optionality for uncertainties, such as
Clean Power Plan, load uncertainties, and solar and wind
integration.

Why Selecting Option 1 is Better Than
Option 2


Option 2 significantly impacts KS rates immediately
o Example: No CRS in 2030, option 2 has an increased rate cost of $30
MM compared to Option 1



Option 2 accelerates building Phase II transmission by 11
years – No benefit shown for option 1 for delaying
transmission build out (at 8% discount factor, that benefit
should be around $7 MM – $10 MM)



Option 1 solution gives us the time to look at other
transmission options that are available for further study
but were not because the generation option was least
expensive alternative

Quantitative &
Qualitative
Consideration

Kansas Rate
Payers Impact

Most Economic
Alternative
NPV
Calculations

Option 1

Near Term: Low
Medium Term:
Moderate
Long Term: Equal

Yes

Option 2

Comments

Near Term: Very High Option 1 has a gradual increase in
Medium Term: High rates. Option 2 accelerates the
inclusion of all transmission costs as
Long Term: Equal
early as 2019. Option 2 contains
transmission that is not needed to
maintain system reliability

No

Option 1 NPV was calculated
without consideration to the $10
MM benefit of delaying Phase II
build out ($17.5 MM) for 15 years
(using 8% discount rate). Uncertain
of the cost of Part II of Option 2
makes the final NPV calculations in
favor of Option 1 since option 1
delays the use of Phase II
transmission for 15 years and not
impacted by cost overrun for Phase
II

Quantitative &
Qualitative
Consideration

Option 1

Option 2

Comments

Addresses RMR
Policy Consideration

Yes

Yes

Choosing Option 1 resulted in very little use of CRS
as an RMR (less than 50 hrs/yr). The availability of
the SPS phase shifter provides additional
redundancy. Option 1 also allows SPP staff to
identify more cost effective transmission solutions
in the future

Addresses Unit
Limitation Concerns

Yes

Yes

There is sufficient redundancy to address any unit
limitation concerns, see above

No

Option 2 locks us in with fixed transmission
facilities with no optionality. Option 1 gives us the
flexibility to get it right based on the new EPA
111(d), expected higher wind and solar
penetration in the area, and uncertain future
loads with different transmission needs.

Provide Optionality
for Future
Uncertainties
regarding load
levels and New EPA
111(d)

Yes

Recommendation
 Sunflower asks that the SPP Board adopt Option 1 for
the Walkemeyer Re-evaluation study conducted by
SPP staff.
o Option 1 provides for the reliability and economic needs
for the 2015 ITPNT and 2015 ITP10
o Option 1 provides time and optionality for determining
cost effective transmission solutions for EPA 111(d) and
integration of additional wind and solar
o Option 1 is $30MM less expensive than Option 2 through
year 2030, and thus minimizes rate impact

